
Water Imbibition and Salt Diffusion in Gas Shales: A Field and Laboratory Study

by

Ebrahim Ghanbari

A thesis submitted in partial fulfillment of the requirements for the degree of

Master of Science

in

Petroleum Engineering

Department of Civil and Environmental Engineering

University of Alberta

c©Ebrahim Ghanbari, 2015



Abstract

Hydraulic fracturing treatment has been increasingly applied to stimulate shale gas

reservoirs. During hydraulic fracturing, a large amount of fracturing water is injected

into the target formation. However, only a small fraction of injected fluid, typically

10 to 20 %, can be recovered during clean-up phase. The fate of non-recovered

fracturing water is still poorly understood. Further, the injected water interacts with

reservoir system and therefore, the produced water contains valuable information

about the nature of the stimulated reservoir.

In this thesis, we analyze flowback field data, conduct simulation studies and

perform a series of imbibition/diffusion experiments to (1) investigate the reasons

behind low water recovery, (2) characterize the created fracture network and (3)

identify dominant parameters and mechanisms that control ion diffusion and liquid

imbibition rates.

The volumetric and chemical analysis of flowback data suggests that the ge-

ometry of the created fracture network has a significant effect on early time fluid

production and salinity profile of flowback water. Wells with simple fracture net-

work have a high water recovery and low gas production. The salinity profile of these

wells gradually increases and then reaches a plateau. On the other hand, wells with

complex fracture network have a low water recovery and high gas production. The

salinity profile of these wells keeps increasing even at the end of flowback process.

The imbibition experiments show that, fracturing water imbibition into shale

matrix can partially explain low water recovery after fracturing treatment. It is

also found that, in addition to capillary pressure, intrinsic rock properties such

as depositional lamination, organic material distribution and clay content, control

the liquid imbibition rates in gas shale. The diffusion experiments indicate that

shale sample properties such as porosity, permeability, clay content and depositional

lamination have a significant effect on salt diffusion rate.

Simulation studies show that the counter current imbibition of fracturing water

ii



during the shut-in time can result in a significant gas build-up in the fractures

and therefore increases early time gas production rate. Furthermore, increasing the

complexity of fracture network increases the gas production and decreases the water

recovery.
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Chapter 1

Introduction

In this chapter, an introduction to unconventional gas resources and shale gas is

presented. Then objective and scope of this work and the thesis structure are

described.

1.1 Overview of Unconventional Gas Resources

Unconventional gas resources often requires special completion, stimulation and/or

production techniques to produce economically. Furthermore, it can be described

as natural gas reservoirs that are not trapped in structural/stratigraphic accumula-

tions in a porous, permeable and buoyancy driven systems (Hamblin, 2006). Such

resources are often referred to as continuous gas as they often cover a significant

portion of a sedimentary basin. The exploitation of unconventional reservoirs are

usually challenging due to the relatively unknown nature of these reservoirs. Gen-

erally, these reservoirs are known to have low and variable permeability, low flow

rates, long production life and unusual pressure regimes (Dawson, 2005, Russum,

2005). The main streams of unconventional gas are currently being explored include

1) coalbed methane (CMB), 2) tight gas, 3) gas shale and 4) gas hydrate. Table 1.1

summarize the four streams of unconventional gas resources.

During recent years, unconventional resources have emerged as a significant

source of energy supply in the United State and Canada. This is a response to

ever increasing global demands on oil and gas and decreasing supply of conventional

resources. Unconventional resources with ultra low matrix permeability are capa-

ble of producing oil and gas at economic rates when completed by hydraulically

fractured horizontal wells (Ning et al., 1993). The development of Canada’s un-

conventional gas resources continues to grow and is expected to play a major role

1



Table 1.1. Overview of unconventional gas reservoirs (Bustin and Clarkson, 1998, CSUG,
2010, Rice, 1993, Williams-kovacs, 2012, Williams-kovacs and Clarkson, 2011)

Resources Overview

Coalbed Methane • Natural gas formed in organic-rich coal seams
• Often found at shallow depths
• Often produce with large quantity of water
• Contain significant adsorbed gas
• Produce pure gas consisting over 90 % of methane

Tight Gas • Natural gas reservoir with low porosity and permeability
• Dense reservoir rock
• Require massive stimulation and fracturing treatment
• Variable matrix mineralogical composition

Shale Gas • Natural gas contanined within organic shale sequence
• Extremely low matrix permeability (from 0.01 to 0.0001 md)
• Low matrix porosity (generally 3 to 9%)
• Gas stored as a combination of adsorbed gas and free gas
• Often highly hetrogeneous and laminated
• Variable TOC and matrix mineralogical properties

Gas Hydrate • Ice-like subtances and composed of water and natural gas
• Form at low temperature and high pressure

in shaping Canada’s long term natural gas supply. In 2010, unconventional gas re-

sources provided more than 30% of the Canada’s natural gas production (Heffernan

and Dawson, 2010). Table 1.2 summarizes the Canada’s gas in place and marketable

gas resources.

Table 1.2. Canada’s estimated gas in place and marketable gas resources (Heffernan and
Dawson, 2010)

Gas Resources Gas in Place (TCF) Marketable Gas (TCF)

Conventional 692 357
Coalbed Methane 801 34-129

Tight Gas 1311 215-476
Shale Gas 1111 128-343

Total 3915 733-1304

1.2 Introduction to Shale Gas

Shale gas can be defined as natural gas resources stored in organic rich fined grained

reservoirs in which gas is stored as a combination of adsorbed and free gas. The free

2



gas is stored within the matrix and fracture porosity and adsorbed gas is stored on

the surface of the organic fraction and some clay (Bustin et al., 2009, Faraj et al.,

2004, Hamblin, 2006, Rokosh et al., 2009). The fraction of adsorbed gas depends on

geological and geochemical properties and ranges from about 20% in Barnett Shale

to 85% in Lewis and Antrim Shale (Drake, 2007). Adsorbed gas tends to desorb off

the rock surface as pressure is reduced in the reservoir, which is commonly associated

with free gas production from fracture network (Bustin et al., 2009, Drake, 2007).

Shale gas plays dominated by free gas production are commonly quartz-rich while

those dominated by adsorbed gas production are rich in organic materials and clay

minerals (Drake, 2007).

Shale gas is typically dry gas and it is primarily composed of methane (more

than 90 %) with small portions of carbon dioxide, nitrogen, ethane, propane and

water. However, similar to coalbed methane, some gas shale plays simultaneously

produce both biogenic gas and water (Frantz et al., 2005). Furthermore, some gas

shale reservoirs (i.e. Eagle Ford Shale) also produce wet gas and gas condensate

(Energy Minerals Division, 2010).

In contrast to conventional gas reservoirs, gas shale reservoirs commonly have

a very large areal extent and significant thickness (up to 1500 ft) and therefore

can cover significant portions of sedimentary basins (Faraj et al., 2004, Jenkins and

Boyer II, 2008). Although it is possible for the entire rock volume to contain some

gas, it is desirable to find economic spot which contain high volume of gas-in-place.

Conventional gas reservoirs, are commonly much smaller as they are composed of

permeable rock sealed by impermeable cap rock (Williams-kovacs, 2012).

1.3 Field Observations

Field observations point to two common and interesting production behavior in shale

formations.

1.3.1 Effect of Well Shut-in on Water and Gas Production

Some shale gas and oil wells undergo month-long shut-in times after multi-stage

hydraulic fracturing stimulation. Field data indicate that in some wells extended

shut-in period surprisingly increases the early time gas flow rate (Fakcharoenphol

et al., 2014). As an example, Figures 1.1a and 1.1b respectively show the effects

of extended well shut-in on early time water and gas production of a hydraulically

3



fractured well in Marcellus shale (Cheng, 2012). After fracturing treatment, the well

was placed on production for a short period of time before it underwent a six-month

long shut-in period. When the well was reopened, gas production rate increases and

the water production rate decreases, significantly. The dominant mechanisms that

improve gas rate and decrease water recovery are still poorly understood.

(a) (b)

Figure 1.1. Field production data of a Marcellus shale gas well (A) water production, (B) gas
production. After six months of shut-in period, water rate decreases and gas rate increases
(Cheng, 2012)

1.3.2 Salinity Profile of Flowback Water

Field data indicate that after hydraulic fracturing in the Horn River Basin and

other gas producing shales, the concentration of dissolved salt in produced water

significantly increases with time (Blaunch et al., 2009, Haluszczak et al., 2013). As

an example, Figure 1.2 shows the chloride concentration in produced water after

hydraulic fracturing treatment for several wells completed in the Marcellus shale.

The questions are (1) whether the increase in salt concentration of flowback water

is due to the dissolution of shale constituents or diffusion of the in situ brine in the

injected water and, (2) what parameters and mechanisms control the salinity profile

of flowback water.

1.4 Objective and Scope of Work

The overall objectives of this research is to investigate the dominant mechanisms

that could explain (1) the observed behavior of early time water and gas production

and (2) the increase in salt concentration of flowback water. Understanding the un-
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Figure 1.2. Chloride concentration in produced water vs. day after hydraulic fracturing
treatment. Figure from Haluszczak et al. (2013) and data from Blaunch et al. (2009) and
Hayes (2009)

derlying physics should lead to new insights that would explain the flow mechanisms

and ultimately lead to the development of techniques to (1) optimize the fracturing

and flowback operations and (2) characterize the created fracture network.

1.5 Thesis Organization

This study is divided into seven chapters. The outline and organization of these

chapters are as follows:

Chapter 1 presents an introduction to unconventional gas resources and gas

shales. In this chapter, we also describe the research objectives and scope of this

work.

Chapter 2 presents the relevant literature including hydraulic fracturing stimula-

tion, fracturing operation, flowback data analysis and fluid flow in low permeability

reservoirs.

Chapter 3 presents a qualitative analysis of early time water and gas production

and chemical data obtained from a pad of hydraulically fractured horizontal wells

completed in the Horn River Basin.

Chapter 4 presents an experimental study to investigate the interactions between

fracturing fluid and reservoir system during shut-in period.

Chapter 5 presents an experimental study to investigate the effects of initial
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water saturation, sample expansion and depositional lamination on ion diffusion

and liquid imbibition.

Chapter 6 presents numerical simulation study of flowback process to investigate

the effects of extended shut-in time, the complexity of fracture network and capillary

pressure on early time water and gas production.

Chapter 7 presents the conclusions and recommendations.
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Chapter 2

Literature Review

In this chapter, we firstly reviewed the properties of the shale members related to

this study. Then, the relevant literature including hydraulic fracturing stimulation,

fluid flow in low permeability reservoirs, fracturing fluid flowback and effects of

flowback efficiency on short term and long term production are reviewed.

2.1 Introduction to the Horn River Basin

The Horn River Basin is located in northeastern B.C., and is extended northward

into the Northwest Territories (Figure 2.1). The areal extent of this basin is about

1.28 million hectares (Beaudoin and Shaw, 2009). Clays, fine siliceous (silica-rich)

muds, and organic matter from dead plankton were deposited in the deeper and

poorly oxygenated section of the Horn River Basin and were converted into shale

deposits, over time. The shales have been sub-divided into, from the bottom up,

the Evie, Otter Park and, Muskwa shales (Figure 2.2) and contain enough organic

material to produce natural gas, economically (BC Minstry of Energy and Mines,

2011). Total thickness of the these shale members is approximately 160 to 180

meters (Novlesky et al., 2010). Some of the gas migrated into the Presquile barrier

and was locally trapped in conventional oil and gas pools (National Energy Board,

2006). The substantial gas resources in the Horn River Basin made it the third

largest North American natural gas accumulation discovered before 2010 (Graham,

2009). Table 2.1 shows the gas in place (GIP) and marketable gas for the shale

formations of the Horn River Basin.

7



Figure 2.1. Location of the Horn River Basin and other unconventional resources recognized
in British Columbia (BC Minstry of Energy and Mines, 2011)

Table 2.1. Gas in Place (GIP) and marketable gas for the shales of the HRB (BC Minstry
of Energy and Mines, 2011)

Shale Formations Gas in Place (GIP) (TCF) Marketable Gas (TCF)

Muskwa 132 25
Otter Park 159 24

Evie 143 20

Total 434 69

2.1.1 Muskwa Shale

Muskwa is comprised of gray to black, radioactive, organic-rich, pyritic, siliceous

shales, and is characterized on well logs by high gamma ray and high resistivity

(BC Minstry of Energy and Mines, 2011). This shale member is overlain by silt-rich

Fort Simpson formation. In the Horn River Basin, Muskwa is 30 m thick adjacent

to the Presqu’ile barrier reef and thickens to over 60 m in the vicinity of the Bovie

Lake Structure on the western side of the basin (BC Minstry of Energy and Mines,

2011). However, Muskwa thins considerably where Otter Park thickness reaches its

maximum in the southeast corner of the Horn River Basin. Unlike Otter Park and
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Figure 2.2. Cross section showing the Horn River Basin (Ross and Bustin, 2008).

Evie, Muskwa is not restricted to the Horn River Basin, and is present through the

rest of northeastern British Columbia (Ross and Bustin, 2008).

2.1.2 Otter Park Shale

Otter Park is comprised of siliceous and organic-rich shales deposited at the depth of

2200 to 2700 m (Rogers et al., 2010). Otter Park Shale reaches a maximum thickness

of over 270 m in the southeast corner of the Horn River Basin, where it consists

of medium to dark grey calcareous shale with lower radioactivity and resistivity on

well logs than Evie and Muskwa Shales. Otter Park thins to the north and west,

and begins to include radioactive siliceous black shale beds (BC Minstry of Energy

and Mines, 2011). Otter Park and Muskwa are generally connected with hydraulic

fractures and wells completed in these formations are in production communication

(Novlesky et al., 2010).

2.1.3 Evie Shale

Evie Shale consists of dark gray to black, radioactive, organic-rich, pyritic and

siliceous shale. This unit can be recognized on well logs by relatively high gamma

ray and high resistivity (BC Minstry of Energy and Mines, 2011). The uppermost

part of the unit includes more silt and generally has low radioactivity and resistiv-

ity. In the Horn River Basin, Evie is over 75 m thick and thins westward to less
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than 40 m thick in the vicinity of the Bovie Lake Structure (western margin of the

basin). The Evie Shale overlies limestones and dolostones of the Lower Keg River

Formation.

In this study we analyze flowback field data obtained from a well pad completed

in the shale members of the Horn River Basin. We also conduct a series of imbibition

and diffusion experiments on actual core samples collected from the same shale

members.

2.2 Hydraulic Fracturing

Hydraulic fracturing is one of the most promising completion technologies for un-

locking the potential of unconventional gas resources such as coalbed methane, tight

gas and gas shale reservoirs (Figure 2.3). The first commercial fracturing treatment

was performed in 1947 using gasoline-based napalm gel frac fluid (Howard and Fast,

1970). Approximately 20 years later, guar-based crosslinked fluids were introduced

and became the basis of the fracturing fluid (Veatch et al., 1989). By the the 1980s,

it was common for operators to inject a great amount of proppant (more than 2

million lbm) using 60 ppgt guar crosslink gel (Pearson et al., 1988). In 1997, Mayer-

hofer et al. (1997) claimed that proppants are not required to have a successful and

efficient hydraulic fracturing treatment. This study laid the foundation of slick water

treatment which is sometimes referred to as a waterfrac or riverfrac (Palisch et al.,

2010, Schein, 2005). Nowadays, slick water is commonly used as the primary fractur-

ing fluid with low proppant concentrations to stimulate low permeability reservoirs

(Cheng, 2012). Slick water treatments are successful because of (1) the necessity

of cost cutting (2) efficient cleanup and less formation damage after hydraulic frac-

turing particularly in the low permeability reservoirs and (3) the creation of more

complex fractures. (Cipolla et al., 2009, Fredd et al., 2001, Mayerhofer et al., 1997,

Palisch et al., 2010, 2005, Schein, 2005, Warpinski et al., 2005).

Figure 2.3. Permeability range of producing formations and where fracturing is required
(King, 2012)
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A hydraulic fracture is created by pumping a great amount of fracturing fluid

into the wellbore to increase downhole pressure at the target shale formation to

exceed the fracture gradient of the rock (Harper, 2008). The rock cracks and the

fracture fluid continues further into the rock, extending the crack. Fracture vertical

growth may extend up to a few hundred feet or more above the pay zone, where

there are no natural upper rock frac barriers immediately over the pay zone. The

fracture growth is also limited by increasing fracturing fluid loss into the surrounding

permeable rock (King, 2012). Fracturing fluid leakoff may result in formation matrix

damage, adverse formation fluid interactions, or alter fracture geometry and thereby

decrease production efficiency (Penny et al., 1985). Furthermore, natural fractures

are present in nearly all gas productive shales (King, 2010). Hydraulic fractures

can intercept and reactivate pre-existing natural fractures and create a complex

fracture network. Some researchers observed that increasing the fracturing fluid

injection rate in small steps would often preferentially open the natural fracture

system, while higher rates would form more planar hydraulic fractures (Gale et al.,

2007, Overbey et al., 1988, Yost and Overbey, 1989). Micro-seismic data (Figure

2.4) also indicates that the intersection of natural fractures with hydraulic fractures

can create a larger stimulated area.

2.3 Shut-in Phase

Some shale gas and oil wells undergo month-long shut-in times after multi-stage

hydraulic fracturing stimulation. Extended shut-in time can result in extensive

fracturing fluid imbibition into rock matrix which can severely damage absolute

permeability of the reservoir through clay swelling and clay fines dispersion (Scott

et al., 2007). Furthermore, in low-permeability reservoirs, capillary pressure can

be several hundreds psi (as high as 2000 psi) (Holditch, 1979, Penny et al., 2006)

and therefore, fracturing fluid imbibition results in fluid retention (Bazin et al.,

2010, Dutta et al., 2014, Economides and Martin, 2007). This process, called water

blocking, causes the relative permeability of gas to be reduced and thus decreases

the gas production, dramatically (Shaoul et al., 2011). On the other hand, Wang

et al. (2012) investigated the impact of each damage mechanism and concluded that

a higher fracturing water recovery does not always result in a higher gas production.

Furthermore, previous simulation studies (Agrawal and Sharma, 2013, Cheng, 2012,

Settari et al., 2002) and field observations (Adefidipe et al., 2014, Ghanbari et al.,
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Figure 2.4. Plan view of fracture structure plot from one fracturing treatment in Barnett
shale, showing the size and complexity of created fracture systems in the hydraulic (NE
SW) and natural fractures (NW SE) orientations (Fisher et al., 2002)

2013) show that effective imbibition and extended shut-in can improve early time

gas production.

2.4 Fracturing Fluid Flowback Phase

After hydraulic fracturing operation, the clean-up process of fracturing fluid takes

place by opening the well for flowback. In other words, fracturing fluid flowback

is referred to the first few hours to weeks of the well’s productive life immediately

following the cessation of the hydraulic fracturing operations and soaking period

(Crafton, 2010). Many operators reported unpredictable production performance

during flowback phase. However, there is clear evidence that shows initial and ulti-

mate performance of the fractured wells are related to flowback operation (Crafton

et al., 2009). Careful management of flowback process is critical to (1) decrease

damage to the stimulated reservoir volume (SRV) (Crafton, 2008, 2010) (2) improve

well clean-up (Crafton, 1998) and (3) obtain accurate physical and chemical data

measurement. The measured flowback data can be used to characterize the reservoir

and created fracture network due to hydraulic fracturing operation.
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2.4.1 Volumetric Analysis of Flowback

During hydraulic fracturing, a great amount of water-based hydraulic fracturing

fluid with low proppant concentration is injected into the target formation to cre-

ate multiple fractures and increase the contact surface between the wellbore and

reservoir (Holditch and Tschirhart, 2005, Palisch et al., 2010). However, only a

small fraction of injected fluid, typically 10 to 20%, can be recovered during the

flowback phase (Cheng, 2012, King, 2012). The amount of fracturing fluid recovery

in gas shales depends on the reservoir properties, the type of fracturing fluid and

the frac design (King, 2010). Cheng (2012) investigated the effects of capillary pres-

sure, shut-in time and relative permeability on water saturation in fractures and

matrices. The author concluded that imbibition of fracturing fluid is the primary

mechanism for fracturing fluid loss and inefficient water recovery. This conclusion

is also supported by several imbibition experiments conducted on samples from gas

shale reservoirs (Dehghanpour et al., 2013, 2012, Lan et al., 2014b, Makhanov et al.,

2014, Roychaudhuri et al., 2011). Fan et al. (2010) stated that wells with less water

recovery have better early gas production rates. The authors explained this behavior

by the complexity of created fracture network. The more complex fracture network,

the lower water recovery and higher early time gas production. Parmar et al. (2014,

2012, 2013) investigated the effects of gravity segregation on load recovery and con-

cluded that a significant portion of fracturing fluid could be retained in the vertical

fracture below the horizontal wells due to gas fingers and poor sweep efficiency.

2.4.2 Rate and Pressure Transient Analysis of Flowback

Production data analysis of hydraulically stimulated tight reservoirs has been a

promising method for characterizing fracture network in the past decade. Fisher

et al. (2005) characterized the created fracture network using fracture-mapping

technologies and presented correlations between production response and various

fracture parameters. Several researchers (Behmanesh et al., 2013, Cheng et al.,

2009, Clarkson et al., 2013, Medeiros et al., 2008, Samandarli et al., 2012, Song

and Ehlig-Economides, 2011) employed rate transient analysis (RTA) and pressure

transient analysis (PTA) methods for describing reservoir and/or hydraulic fracture

properties for stimulated wells. Many authors have also proposed simplified analysis

equations that can be used to estimate various fracture parameters such as hydraulic

fracture half-length and fracture-matrix contact area (Ali et al., 2013, Bello, 2009,
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Siddiqui et al., 2012).

Flowback rate and pressure transient analysis has been recently used to comple-

ment the production data analysis for characterizing the induced fracture network.

Several investigators (Abbasi et al., 2012, 2014, Crafton, 2010, Crafton and Gun-

derson, 2006) have proposed analytical models for analyzing high frequency rate

and pressure data measured during early-time (single phase water flow) of flowback

operations. Clarkson et al. (2013) developed two-phase flowback and determined

fracture parameters such as effective fracture half-length and fracture permeability.

More recently, Ezulike and Dehghanpour (2014d) and Ezulike and Dehghanpour

(2014b) extended the existing linear dual-porosity model and developed an inter-

pretation workflow for analyzing flowback data to (1) estimate effective fracture

half-length and volume of interconnected secondary fracture (2) evaluate flowback

performance and (3) forecast hydrocarbon recovery.

2.4.3 Chemical Analysis of Flowback

An interesting observation in the Horn River Basin and some other gas producing

shales is that the concentration of dissolved salt in flowback water significantly

increases with time (Blaunch et al., 2009, Pritz and Kirby, 2010, Rowan et al., 2011).

Some researchers concluded that the increase in salts concentration of flowback water

is due to the dissolution of shale constituents in injected water and/or diffusion

of in situ brine in the injected water (Blaunch et al., 2009, Gdanski et al., 2010,

Haluszczak et al., 2013). Similar to imbibition rate, the ion diffusion rate from the

shale sample into water depends on porosity, permeability, contact surface and clay

content (Ballard et al., 1994, Zolfaghari et al., 2014b).

Flowback chemical analysis has been used for differentiating formation water

from fracturing water and evaluating the true load recovery. Woodroof et al. (2003),

and Asadi et al. (2008) presented chemical analysis models for monitoring and opti-

mizing fracturing fluid cleanup. Gdanski et al. (2007) incorporated a chemistry layer

to a 2-D numerical simulator. This simulator was used to history-match the compo-

sition of flowback fluid. More recently, Bearinger (2013) analyzed flowback salt con-

centration data from hydraulically fractured horizontal wells completed in the Horn

River Basin. This comparative field study infers that the architecture of induced

fracture network can affect the load recovery and the shape of salt concentration-

cumulative produced water profile. Bearinger (2013) explained the observed trends
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in flowback salt concentration profiles by hypothesizing that the water recovered

from induced hydraulic fractures has a different chemical signature than the water

recovered from reactivated secondary fractures.

2.5 Modeling of Fluid Flow in Fractured Low Perme-
ability Reservoirs

Modeling fractured reservoirs requires a special treatment because there is signifi-

cant thermodynamic disequilibrium between low permeability matrix and high per-

meability fracture network. When fractured rocks are subjected to pressure change,

the thermodynamic disequilibrium propagates rapidly through fracture network but

only slowly into tight matrix. Therefore, there is a considerable pressure difference

in the fractures and matrix. To handle this problem, Barenblatt et al. (1960) devel-

oped the double-porosity conceptual model for fluid flow in fractured rocks. Later,

Warren and Root (1963) introduced this concept to the petroleum literature to de-

scribe the behavior of naturally fractured reservoir. In this model, the fractured

rocks are divided into 1) primary porosity or matrix continuum, which represents

highly interconnected small pores and 2) secondary porosity or fracture contin-

uum, which represents the fracture network, see Figure 2.5.(a). Matrix and fracture

interactions are controlled through transfer functions. Kazemi et al. (1976) was

the first researcher to merge the dual porosity model with a numerical simulation

model. The simulating grid blocks consist of number of matrix blocks separated by

inter-connected fractures. In this model, it was assumed that each continuum is in

thermodynamics equilibrium.

Although, the variation of thermodynamic state in the fracture continuum can

be typically neglected, it can be significant in the matrix continuum. In the double-

porosity model, the rate of fluid mass transfer from porous matrix block to fractures

is approximated by the quasi-steady-state equation (Bai and Elsworth, 1993) which

can handle problems involving single-phase (Moench, 1983) and high permeable

matrix rock such as conventional sandstone reservoirs. However, in low permeability

formations such as shale reservoirs, the period of transient flow between matrix and

fractures can be very long. Furthermore, the thermodynamic conditions may vary

strongly over the small distances in the vicinity of fractures (Pruess, 1985). To solve

this problem, Pruess (1985) extended the double-porosity method and introduce

multiple interacting continua (MINC) model, see Figure 2.5.(b). The MINC model
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Figure 2.5. Schematic of different concepts for handling fracture-matrix interaction
(Fakcharoenphol, 2013)

assumes that the change in the thermodynamic conditions of fluid flowing is mainly

controlled by the distance from the closest fracture. Therefore, this model discretizes

the fractured rocks into a sequence of nested volume elements. The outer matrix

element is connected to both fractures and other inner matrix elements. In the

MINC model, each volume element has a definite thermodynamic state (Pruess,

1985).

Hydraulic fracturing in gas shale reservoirs has often resulted in complex fracture

network, as evidenced in microseismic monitoring (Fisher et al., 2002). Furthermore,

fracture distribution studies of outcrop shows a wide range fracture width and length

(Kazemi et al., 2005) and fracture length can be varied from centimeters to hundreds

of meters. Therefore, the hydraulic fractures model used in industry today for

simulating bi-wing planar fractures in a conventional reservoir are not appropriate

for simulating fracturing treatment in the gas shale reservoirs with complex fracture

network. To overcome this problem, Wu et al. (2004), Ezulike and Dehghanpour

(2014a), Ezulike and Dehghanpour (2014c) and Kazemi et al. (2005) introduced a

triple-porosity model including large-scale fractures (F1), small-scale fractures (F2),

and tight rock matrix (M), see Figure 2.5(c).
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Chapter 3

Volumetric and Chemical
Analysis

This chapter presents a qualitative analysis of early time water and gas production

and chemical data obtained from a pad of hydraulically fractured horizontal wells

completed in the Horn River Basin. First, we present the well pad description and

the summary of completion design used for different wells. Second, we categorize

the wells based on the load recovery and early time gas production and present the

possible fracture systems for each group. Then, we present the diagnostic gas and

water ratio plots of three different wells. Finally, we present the salinity profiles of

flowback water and discuss the relation between the created fracture network and

the change in salinity of flowback water.

3.1 Well Pad Description

Flowback water and gas production data, are collected from a pad of 18 hydraulically

fractured horizontal wells completed in Muskwa (MU), Otter Park (OP) and Evie

(EV) formations. Three wells are placed at the right side of the pad and three wells

at the left side in each formation. Figure 3.1 shows the layout of these wells. In

each formation, three wells are completed on the right side and another three wells

are completed on the left side of the well pad. This results in the total of six wells

in each formation, and the total of 18 wells for the pad. Table 3.1 presents the

summary of completion design for these wells.

The horizontal sections of all of the wells are drilled parallel to the minimum

horizontal stress direction. There is a major natural fracture set that strikes close to

the maximum horizontal stress direction. Other mostly healed fracture sets are at
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intermediate angles to the principal horizontal stresses. The fracturing fluid used for

the treatment is the same for all wells and mainly consists of fresh water. However,

the total injected volume is different for each well. During the flowback operation,

the cumulative water and gas production were measured and the salinity and Barium

concentration of produced water was measured frequently.

Figure 3.1. Layout of the well pad drilled and completed in the Horn River Basin. Total of
eighteen wells were drilled, nine wells on the right side of the pad and nine wells on the left
side of the pad

3.2 Volumetric Analysis of Early Time Production Data

The volumetric analysis of early time production data is presented in two sections.

In the first section, we compare the early time flowback efficiency and cumulative

gas recovery after 72 hours and classify the wells into different groups. In the second

section, we compare the cumulative water and gas production versus time to identify

different flow regimes.

3.2.1 Final Water Recovery During the Flowback Period

Figure 3.2 shows a comparative graphical presentation of cumulative gas production

and flowback efficiency of different wells completed in Muskwa, Otter Park and Evie

formations. Cumulative water recovery after 72 hours is considered here because

the majority of fluid flowback occurs during the first 72 hours of production (Asadi

et al., 2008). Based on cumulative gas production and flowback efficiency (Figure

3.2), the wells can be classified into two groups:
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Table 3.1. Completion design summary of a well pad of eighteen wells completed in the
Horn River Basin

Well Name Stage Spac-
ing (m)

Horizontal Well
Length (m)

Fracture
Stages

Total Injected
Volume (m3)

M
u

sk
w

a

MU-R1 40 2317 18 51523.0
MU-R2 25 2300 18 54231.6
MU-R3 25 2296 18 51153.1
MU-L1 25 2315 16 45392.1
MU-L2 25 2314 17 49543.0
MU-L3 25 2310 16 45533.0

O
tt

e
r

P
a
rk

OP-R1 40 2319 18 51753.5
OP-R2 40 2314 19 55338.9
OP-R3 25 2297 19 32619.5
OP-L1 25 2315 17 47516.0
OP-L2 25 2312 17 48361.0
OP-L3 25 2312 19 42360.0

E
v
ie

EV-R1 40 2312 18 60326.1
EV-R2 40 2313 19 100000.0
EV-R3 40 2305 20 63677.9
EV-L1 25 2314 21 53349.5
EV-L2 25 2311 20 51417.8
EV-L3 25 2307 20 51561.8

• Low water and high gas production. Wells OP-R2, OP-R3, OP-L3, EV-L1,

EV-L3 and EV-R3 belong to this group.

• High water and low gas production. Wells MU-R2, MU-R3, MU-L2, MU-L3

and OP-L1 belong to this group.

This classification is more pronounced when we plot cumulative gas production

and flowback efficiency for each well, as shown in Figure 3.3.

Proposed Fracture Systems

Low water and high gas production To explain the low water and high gas

production of these wells, we consider a complex fracture system similar to what was

assumed by Fan et al. (2010). Hydraulic fracturing can create a complex fracture

system that consists of hydraulic fractures (primary fractures) and induced and/or

reactivated/active natural fractures (secondary fractures (Figure 3.4a). The exis-

tence of secondary fractures in the Horn River Basin is also noted by Rogers et al.

(2010). At the end of treatment, the primary fractures are filled with the injected

proppants and water however; the secondary fractures are mainly filled with wa-
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Figure 3.2. Comparison of flowback efficiency and cumulative gas recovery 72 hours after
placing the wells on flowback

ter. Therefore, aperture size of primary fractures is higher than that of secondary

fractures. After putting the fractured well on flowback, the majority of water re-

maining in the primary fractures flows back toward the well due to high fracture

conductivity and pressure draw down. However, lower fracture conductivity and

pressure draw down of the secondary fractures result in water trapping in these

fractures. Furthermore, the tortuous nature of the secondary fractures can also in-

crease the possibility of water trapping. The water retained in fractures can imbibe

into the matrix and spread away from fracture face deep into the reservoir due to

capillary pressure, water adsorption by clay minerals and chemical osmosis (Chen-

evert, 1970a, Cheng, 2012, Dehghanpour et al., 2013, Hale et al., 1993, Yeung and

Mitchell, 1993). The water imbibition can also result in counter-current expelling of

gas from matrix into the fractures during shut-in period (Dehghanpour et al., 2012).

The expelled gas from matrix (free gas) accumulates in the primary and secondary

fractures and flows back with water during first hours of flowback. Logically, as the

complexity of fracture network increases, the water trapping and counter current

imbibition rate increase that can potentially result in low flowback efficiency and

high early gas production. Furthermore, pre-existing natural fractures can host gas
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Figure 3.3. The plot of cumulative gas production versus flowback efficiency for wells with
(1) high water and low gas recovery and (2) low water and high gas recovery

before fracturing. After hydraulic fracturing and during the shut-in period, this gas

can move to the primary fractures mainly due to pressure draw down and gravity

segregation. It is also anticipated that the portion of vertical fractures below the

horizontal well hosts more water compared with the portion above the well, due to

the gravity segregation (Parmar et al., 2014, 2012, 2013).

High water and low gas production One explanation for high water recovery

and low gas production can be that the induced fracture network in this case is less

complex than that in the previous case. Figure 3.4b schematically illustrates the

assumed simple fracture scenario. Hydraulic fracturing in these wells may generate

longer primary fractures with less amount of secondary fractures. Therefore, the

injected water mainly accumulates in the primary fractures and can be produced

more easily. Furthermore, when the complexity of fracture system decreases, the

created contact surface decreases, accordingly. As a result, the extent of counter-

current water imbibition decreases. In other words, compared with the previous

case, here before opening the well there is less free gas inside the fractures and
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wellbore, due to a reduced interface available for counter-current imbibition.

(a) (b)

Figure 3.4. Schematic illustration of the proposed complex fracture system (a) and simple
fracture system (b). Complex fracture system has more secondary fractures which increase
the water loss and gas production.

3.2.2 Water and Gas Recovery During Flowback Period

Water and Gas Rate Profiles Figures 3.5a, 3.5c and 3.5e show water and gas

flow rate of wells MU-L2, OP-L3 and EV-L1 completed in Muskwa, Otter Park and

Evie formations. The production profiles of these wells can be divided into two

regions. In the first region, the water flow rate ramps up. In the second region,

water and gas production gradually winds down as a result of fracture depletion.

Furthermore, gas rate profiles of theses wells show an immediate gas breakthrough.

This immediate breakthrough usually does not occur in tight oil and gas wells,

where there is an initial period of single-phase water flow (Abbasi et al., 2012,

2014). The immediate breakthrough is mainly due to 1) an extended shut-in period

(around 2 months) for this particular well pad, 2) the possibility of strong counter-

current water imbibition into the Horn River shales (Dehghanpour et al., 2013, 2012,

Makhanov, 2013), and 3) the initial gas in the existing active natural fractures as

discussed above.

Diagnostic Plots of Gas and Water Ratio Figure 3.5b, 3.5d and 3.5f show

gas water ratio (GWR) versus cumulative gas production plots of the same wells. A

similar diagnostic plot was also used by Ilk et al. (2010) for flowback analysis. The

shape of gas water ratio profiles of this well and other wells completed in this pad

show two general signatures:
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Signature 1. This signature can be identified by a negative slope (dGWR
dGp < 0)

of gas water ratio versus cumulative gas production plot. This signature is

dominant during the early time flowback and is followed by signature 2.

Signature 2. This signature can be identified by a positive slope (dGWR
dGp > 0) of

gas water ratio versus cumulative gas production plot. Signature 2 mostly

occurs at the late time scale of flowback operation.

Signature 1 shows the initial drop of gas and water flow rate ratio with time.

This signature is correlated to region 1 of gas and water flow rate plots and can be an

indication of water and free gas depletion from fractures. After placing the well on

flowback, the fractures which are mainly filled with water and free gas deplete with

the help of pressure draw down and gas expansion. However, it is also anticipated

that gravity can also accelerate water production during the first hours of flowback

operation. Gravity forces accelerate water transport from the portion of vertical

fractures located above the horizontal well to the primary fractures. As a result,

the water saturation and relative permeability of water in the primary fractures and

water flow rate at the surface increase with time. The increase in water flow rate

can be explained mathematically using darcy equations for gas and water ratio: 3.1

GWR =
qg
qw

=
µw
µg

krg
krw

dpg
dpw

(3.1)

Where GWR is the gas and water flow rates ratio, q is the flow rate, µ is the

viscosity, kr is the relative permeability and dp is the pressure difference. Assuming

equal pressure differences for both water and gas and constant ratio between water

and gas viscosity, the GWR mainly depends on relative permeabilities. Therefore,

the increase in relative permeability of water results in negative slope in GWR plots.

It should be noted that we did not observe this negative slope in the flowback data of

the fractured horizontal wells completed in the tight oil and tight gas reservoirs. The

most probable explanation can be that the fractures in tight oil wells are dominantly

filled with water as we do not see immediate oil breakthrough in these reservoirs

and there is a short period of single phase water flow (Abbasi et al., 2012, 2014).

Signature 2 which is immediately observed after the signature 1 shows the in-

crease in the gas and water ratio with time. This signature is correlated to Region 2

of water and gas rate plots and indicates water displacement by the gas introduced

from the matrix (Ilk et al., 2010). The depletion of water from fractures decreases

23



the water saturation in the fractures and water production at the surface. The

produced water from fractures is consequently replaced by the gas introduced from

matrix into the fractures and stabilizes the gas flow rate. Accordingly, the decreas-

ing water flow rate and stable gas flow rate result in signature 2 observed in GWR

plots (Figure 3.5b, 3.5d and 3.5f).

In this Chapter 6, we present numerical simulation study of flowback process to

investigate the effects of fracturing fluid imbibition into rock matrix on early time

water and gas production. We also conduct a comprehensive sensitivity analysis

to investigate the effects of reservoir and operational parameters such as shut-in

time, capillary pressure and the complexity of created fracture network on early

time water and gas production.

3.3 Chemical Analysis of Production Data

Change in Salt Content of Flowback Water Figure 3.6 shows the variations

in the total dissolved solid (total salinity) of flowback water versus time for wells

MU-R1, OP-R1 and EV-L1 completed in Muskwa, Otter Park and Evie formations,

respectively. The salinity profiles for the other wells completed in the well pad are

presented in Appendix A (Figures A.1, A.2 and A.3). The salinity profiles of MU-R1

and OP-R1 initially show a gradual increase and then reach a plateau at around

40000 ppm. However, the salinity profile of EV-L1 keeps increasing even after 70000

ppm.

The mineralogy of the reservoir rock and the composition of formation water

are the dominant parameters controlling the chemistry and the salinity of flowback

water. Interaction of injected water with highly saline formation water and min-

erals can significantly increase the flowback water salinity (Blaunch et al., 2009).

Moreover, it is also believed that the change in salinity profiles of flowback water

may reflect the change in aperture size and nature of the fractures hosting the pro-

duced water (Bearinger, 2013). The gradual increase in salinity profile of EV-L1 as

opposed to those of MU-R1 and OP-R1 may indicate that the stimulated fracture

network for EV-L1 is more dendritic than that for MU-R1 and OP-R1. In simple,

the early water is recovered from the newly formed hydraulic fractures (primary

fractures) that have an aperture size higher than that of reactivated natural frac-

tures (secondary fractures). Therefore, salt concentration in the primary fractures

with a low surface to volume ratio is expected to be lower than that in the sec-
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ondary fractures with a relatively higher surface to volume ratio (Zolfaghari et al.,

2014a). When the flowback process proceeds, the water from secondary fractures

with a relatively higher salt concentration will be produced. This hypothesis is also

in agreement with the proposed fracture systems in section 3.2.1. Well EV-L1 with

a more complex fracture system shows a higher increase in salinity profile compared

with wells MU-R1 and OP-R1.

Changes of Barium Concentration Figure 3.7 shows the change in concen-

tration of barium versus time for wells MU-R1, OP-R1 and EV-R1 completed in

Muskwa, Otter Park and Evie formations, respectively. The barium concentration

profiles for the other wells completed in the well pad a re presented in Appendix B

(Figures B.1, B.2 and B.3). The rise in the barium concentration of the flowback

water was also observed in Marcellus shales (Blaunch et al., 2009). Interestingly,

barium profiles of these wells are relatively parallel to their salinity profiles.

There is still debate over the sources of barium identified in flowback water.

Barium can originate from the alteration of sediment-bearing rocks as this can re-

lease abundant amount of Ba2+ (Aloisi et al., 2004). Furthermore, precipitated salt

crystals on the surfaces of natural fractures can be an additional source of barium.

Zolfaghari et al. (2014b) analyzed the surfaces of the natural fractures for samples

obtained from lower Keg River formation (located beside the Evie formation) and

observed a notable concentration of barium on the surfaces of the natural fractures

(Figure 3.8).

Barium can also mix with sulfate and generate barium sulfate scale deposition

which reduces barium concentration in flowback water (Mackay et al., 2003). How-

ever, the chances of scale deposition is low in the studied wells because of 1) high

reservoir temperature, 2) low sulfate concentration and 3) high connate water salin-

ity (Dresel and Rose, 2010, Mackay et al., 2003, Todd and Yuan, 1992).
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(a) (b)

(c) (d)

(e) (f)

Figure 3.5. Water and gas flow rate vs. time (a, c and e) and GWR vs. cumulative gas
production (b, d and f) of wells MU-L2, OP-L3 and EV-L1 completed in Muskwa, Otter
Park and Evie formations.
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Figure 3.6. Comparison of flowback salt concentration for wells M-R1, OP-R1 and E-R1.

Figure 3.7. Comparison of Barium concentration in flowback water for wells M-R1, OP-R1
and E-R1.
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(a) (b)

Figure 3.8. (A) Pictures of barium vein found on the surface of a natural fracture for a
sample obtained from Lower Keg River formation (B) the corresponding barium map from
SEM-EDX analysis of the barium vein (Zolfaghari et al., 2014b)
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Chapter 4

Salt Diffusion and Water
Imbibition

To this end, we analyzed the early time water and gas production and chemical data

obtained from wells completed in the Horn River Basin. This chapter complements

our field data analysis and investigates the interactions between fracturing fluid and

reservoir system during shut-in period. The objectives of this chapter are to 1)

understand the parameters that control ion diffusion rate from rock into fracturing

fluid, 2) understand whether the fracturing fluid imbibition is a possible reason

for low water recovery or not? 3) investigate the possible correlation between ion

diffusion and water imbibition rates, and 4) understand the origin of highly saline

water produces during flowback phase.

4.1 Experiments

A set of diffusion/imbibition experiments are conducted on shale samples from Fort

Simpson, Muskwa and Otter Park formations. We measure and compare the spon-

taneous water imbibition rate into shale samples. We also monitor the ion diffusion

rate from shale samples to water using an electrical conductivity meter, during imbi-

bition process. At the end, we did an elemental analysis using Inductively Coupled

Plasma (ICP) and Automated Ferricyanide methods to quantify different types of

ions in the water.

4.1.1 Materials

The experimental materials used for the imbibition/diffusion tests include fluid and

shale samples .
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Fluid Deionized water was used for imbibition/diffusion tests. The density and

viscosity of deionized water are 1.0 (g / cm3) and 0.9 (cp), respectively.

Shale Samples A total of three shale samples were selected from the cores of

two wells completed in the Horn River shales. The samples are classified into three

sections of Fort Simpson (FS), Muskwa (M) and Otter Park (OP). These samples

are not preserved and the formation water was vaporized after coring. However, the

dissolved solutes in the formation water still remain in the pore space after vapor-

ization. Before the experiments, the samples were intact and we did not observe any

microfractures. The physical properties of these samples are listed in Table 4.1. The

average concentration of different minerals determined by x-ray diffraction (XRD)

analysis is given in Table 4.2. It should be noted that the XRD analysis is performed

on the limited number of shale samples. However, due to heterogeneity, mineral-

ogy can significantly change within each shale member. Therefore, average mineral

concentration presented in Table 4.2 is just used for a qualitative explanation.

Table 4.1. Mass, average depth ,cross sectional area, and thickness of cores used in experi-
ments

Formation Depth(m) Mass(g) Area(cm2) Thickness(cm)

Fort Simpson 1757 256.247 78.5 1.6
Muskwa 1786 209.945 78.5 1.8

Otter Park 2629 202.776 78.5 1.4

Table 4.2. Average mineral concentration (wt %) of the three shale sections determined by
x-ray diffraction

Fort Simpson Muskwa Otter Park

Calcite 0.5 ± 0.4 0.9 ± 0.5 4.4 ± 0.2
Quartz 29 ± 1.3 45 ± 1.7 60.8 ± 1.2

Dolomite 2.7 ± 0.3 1.9 ± 0.3 2,6 ±0.2
Chlorite IIb2 6.5 ± 0.8 0 0

Illite 1Mt 55.4 ± 1.7 43.0 ± 1.7 25.7 ± 1.3
Plagioclase albite 4.1 ± 0.5 5.2 ± 0.5 3.7 ± 0.4

Pyrite 1.7 ± 0.2 4.0 ± 0.2 2.8 ± 0.1
Matrix density 2.747 2.79 2.78

4.1.2 Test Procedure

Large samples with core-size diameter are immersed in the deionized water and the

electrical conductivity of the water and the weight gain of the samples are measured
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at selected time intervals. All faces of samples are open for imbibition and diffusion.

Figure 4.1 shows the schematic diagram of this experiment. At the final stage

of experiments, an elemental analysis was performed, using Inductively Coupled

Plasma (ICP) and Automated Ferricyanide methods (Lenar, 2000), to detect and

quantify dissolved ions in water.

Figure 4.1. Schematic diagram of the diffusion test

4.2 Results and Discussion

Water Uptake and Expelling of Air Bubbles Figure 4.2 shows the samples

before and after exposure to the deionized water at different times. Air bubbles

expelled from samples indicate the counter-current air release as a result of the

spontaneous water uptake. Furthermore, the pictures demonstrate generation of

microfractures during the imbibition process. Based on this observation, we conclude

that induced microfractures in Fort Simpson and Muskwa samples enhance the

permeability and in turn imbibition rate.

Microfracture Induction and Sample Disintegration The water uptake of

Fort Simpson and Muskwa samples results in microfracture induction and sample

disintegration. However, water uptake does not significantly change the Otter Park

samples, although some microfractures are induced (Fig. 4.2-4.3). This observation

is in agreement with previous imbibition studies on gas shale samples (Kuila et al.,

2014). Physical alteration degree greatly depends on clay content. Fort Simpson
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(a) (b) (c)

Figure 4.2. Pictures of Fort Simpson (a), Muskwa (b) and Otter Park (c) shale samples
before and after exposure to the deionized water, show expelled bubbles and induced micro
cracks.

has the highest clay concentration followed by Muskwa and Otter Park. Water

adsorption on electrically charged clay surfaces generates internal stresses that can

lead to expansion and spalling (Chenevert, 1970a, Olphen, 1953). XRD results

show that illite is the dominant clay mineral in all of the samples and the swelling

clays such as montmorillonite are negligible. However, previous studies (Chenevert,

1970a) show that an illitic shale can also be altered by water adsorption. Moreover,

illite can contain small amounts of mixed layer clay which has a higher hydration

tendency compared to illite (Steiger, 1982). Further, capillary effect is also known as

an additional cause of shale swelling (Schmitt et al., 1994). The entrance of water

into the pore network of a shale sample leads to pressurization of the air, which

remains trapped inside the rock. The pore walls have to equilibrate these capillary

forces which lead to the expansion of the unconfined shale samples.

One may argue that the observed microfractures are created as we used deionized

water for the experiments. However previous experiments (Dehghanpour et al.,
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2013) show that salinity does not have a strong effect on aqueous phase imbibition

and a similar behavior was also observed when using a 6 wt. % KCl solution.

However, our recent imbibition experiments show that using NaCl solution with 10,

15 and 20 wt. % as aqueous phase, reduces the microfracture induction and sample

expansion.

(a) (b) (c)

Figure 4.3. Pictures of Fort Simpson (a), Muskwa (b) and Otter Park (c) samples before
and 288 hours after exposure to the water

Spontaneous Imbibition Rate in Different Rock Samples Figure 4.4 shows

the normalized imbibed volume of deionized water into the shale samples versus

time. Water imbibition rate is much higher in Fort Simpson sample than that in

Muskwa and Otter Park samples. This result can be explained by the adsorption of

water on the negatively charged clay layers. As shown in Figure 4.3, Fort Simpson

sample, with a higher clay content and higher water adsorption compared to Muskwa

and Otter Park samples, should have a higher water imbibition rate (Dehghanpour

et al., 2013, 2012, Makhanov, 2013).

Ions Diffusion from Rock into Water Figure 4.5 shows the increase in conduc-

tivity of deionized water for Fort Simpson, Muskwa and Otter Park samples. The

change in conductivity indicates ion transport from rock into the water. Advection

and diffusion are the two main transport mechanisms for ion transport in and out

of a porous medium. Advection occurs when a sufficient pressure drop is applied to
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Figure 4.4. Normalized volume data for spontaneous imbibition of deionized water into
different shale samples versus time (Makhanov, 2013).

cause fluid flow. However, diffusion is independent of pressure gradient and results

from concentration gradient (Ballard et al., 1994). In our experiments, the bulk

motion of water is slow and is in the opposite direction of ion transport. Therefore,

ion transport is mainly controlled by diffusion and effect of advection is negligible.

Figure 4.5 also illustrates the difference in conductivity profile of different samples.

Fort Simpson has the highest electrical conductivity change with time followed by

Muskwa and Otter Park. This observation can be explained by the difference in the

lithology of the shale samples. The diffusion rate of ions from rock into the water

depends on sample’s aqueous solubility (Keller and Liovando, 1989). As water im-

bibes into samples, it dissolves/extracts ions from existing clay in the shale samples.

Therefore, Fort Simpson with higher clay content than Muskwa and Otter Park is

more soluble in water which results in higher diffusion rate. This explanation is also

backed by the the visual results that Fort Simpson sample was completely disinte-

grated at the end of experiment (Figure 4.3). Furthermore, diffusion rate strongly

depends on porosity. Water uptake of Fort Simpson results in significant physical

alteration and porosity enhancement. The increase in porosity results in a lower

tortuosity value, and in turn, in a higher effective diffusion coefficient. Furthermore,

when the porosity is very low, surface interaction between the ions and shale min-

erals dominates. As porosity increases, surface interaction becomes less important

and diffusion rate increases (Ballard et al., 1994).
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Figure 4.5. Change of electrical conductivity versus time for Fort Simpson, Muskwa, and
Otter Park shale samples. The conversion factor from µS (micro Siemens) to ppm is 0.55.

Interestingly, Figure 4.6a that plots normalized imbibed volume versus square

root of time (SQRT) is well correlated to Figure 4.6b that plots electrical conductiv-

ity versus square root of time. In both figures, Muskwa and Otter Park data points

show a good linear relationship, while Fort Simpson data points can be divided into

two relatively linear periods. The linear relationship in a SQRT plot indicates that

the transport process can be described by a one-dimensional linear diffusion equa-

tion. Therefore, the transport of pressure during the imbibition process and that of

ion during the diffusion process follow the linear diffusivity equation. The absence

of one unique linear relationship for the imbibition profile of the Fort Simpson sam-

ple, observed in Figure 4.6a, can be explained by the generation of micorfractures

in this sample. The higher slope (Region 1) of the Fort Simpson sample shows

a higher imbibition rate and indicates that water imbibes through micro fractures

which have a higher permeability. This region continues until water fills all the

microfractures (Roychaudhuri et al., 2011). The lower slope (Region 2) shows a

lower water imbibition rate and indicates that water imbibes into the matrix with

ultra-low permeability. Less microfractures in the Muskwa and Otter Park samples

explain the absence of Region 1 in Figure 4.6a (Makhanov, 2013). The shape of

conductivity profile of the Fort Simpson sample can be also explained in a similar

way. In simple, the effective diffusion coefficient for ion transport in microfractures

is higher than that in the tight rock matrix.
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(a) (b)

Figure 4.6. Normalized volume data for deionized water imbibition versus square root of
time (a) and change of conductivity versus square root of time (b) for Fort Simpson, Muskwa,
and Otter Park shale samples

Identifying the Type of Ions At the end of experiments, we did an elemental

analysis to detect and quantify the dissolved ions in the water. Figure 4.7 shows the

gram mole of ions in the water. Expectedly, sodium and chloride are the dominant

ions in the water. The salt precipitated from the pore-water can be one possible

source of sodium and chloride. The water which is imbibed into the shale samples,

dissolves the salt remained in the pore from formation water dehydration. After-

wards, the ions diffuse from rock into the water. Furthermore, illites existing in

the shale samples can be another possible source of sodium and chloride. Leaching

of illitic shales yields relatively high concentrations of sodium and chloride (Keller

and Liovando, 1989). Logically, the concentration of dissolved sodium and chloride

for Fort Simpson sample is higher than that of Muskwa and Otter Park as its illite

content is higher.

There are also considerable amounts of sulfate in the water. Some researchers

reported the existence of sulfate in pore-water of some shale samples (Ballard et al.,

1994). These sulfates are possibly originated from oxidation of the pyrite when shale

samples were in exposure to the atmosphere and/or water (Woo et al., 2007). Ob-

servation of Reaction 4.1 shows that, in addition to the release of sulfates, oxidation

of pyrite will release hydrogen ions, producing acidic conditions (Hutcheon, 1998).

FeS2 + 8H2O ⇔ Fe2+ + 2SO2−
4 + 16H+ + 14e− (4.1)
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(a) (b)

Figure 4.7. Elemental analysis of water at the end of experiment. The results are reported
based on milligram per liter (a) and gram mole per liter (b).

Impact of Clay Surface Charge on Ion Diffusion Although sodium and chlo-

ride are the dominant ions in the water, the concentration of sodium in all samples

is higher than that of chloride. One possible interpretation can be that leaching of

illite results in sodium mobilization and generate a solution in which the concen-

tration of sodium is higher than chloride. However, this reason can not justify the

increase in the ratio of Na+ to Cl−. Since Fort Simpson sample has higher clay

content, we expected higher ratio of Na+ to Cl− for this sample compared to that

of Muskwa and Otter Park samples. The increasing trend in Na+ to Cl− ratio from

Fort Simpson to Otter Park can be explained by the electric double layer proper-

ties of the clay particles existing in the shale samples. Clay particles will exhibit a

net negative charge which is compensated by the accumulation of a layer of cations

(diffuse layer) near the surfaces (Bassiouni, 1994). As a result, the passage of Cl−

anions is greatly restricted. However, Na+ cations can freely move out from pore

network of the shale to the deionized water. In the case that shales are fractured,

there is less attraction between diffuse layer and Cl− anions and they can leak and

pass readily. Therefore, the lower Na+/Cl− ratio for the Fort Simpson sample can

be explained by the presence of more fractures generated during spontaneous water

imbibition since Fort Simpson has much higher illite content. One may argue that

the excess sodium compared to chloride, comes from Plagioclase mineral which has

sodium in its structure. However, the Plagioclase content of all samples is approxi-

mately the same while their Na+/Cl− ratios are significantly different. Therefore,
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the existence of Plagioclase cannot justify the excess sodium in the water.

Figure 4.8. The ratio of Sodium to Chloride for different samples
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Chapter 5

Impact of Lamination and
Confining Stress on
Imbibition/Diffusion

In previous works, Roychaudhuri et al. (2011) and Dehghanpour et al. (2013) showed

that water adsorption by clay minerals produces water-induced microfractures and

enhances the permeability of the shale samples. Dehghanpour et al. (2012) observed

that fresh water uptake of dry shale samples obtained from the Horn River Basin

is much higher than their oil uptake. On the other hand, Xu and Dehghanpour

(2014) observed that the oil imbibition rate into crushed-shale packs is higher than

water imbibition rates. Makhanov et al. (2014) and Makhanov (2013) investigated

the effects of anisotropy on water imbibition rates and showed that water uptake

for samples tested parallel to the lamination is higher than that for samples tested

perpendicular to the lamination. Furthermore, in Chapter 4 we showed that the

diffusion rate is correlated to water imbibition rates. Despite the recent studies,

the following questions still remain unanswered: 1) Is the excess of water uptake

of organic shales compared to that of oil is due to sample expansion and water

induced microfracture? 2) Is imbibition anisotropy an intrinsic property of gas

shales or it is caused by expansion of clay platelets? 3) What is the reason of

higher liquid imbibition rates parallel to the lamination than that perpendicular to

the lamination? 4) Does sample expansion affect the ion diffusion rates? 5) Is ion

diffusion rate also an anisotropic phenomenon? and 6) How initial water saturation

affects the water and oil imbibition and ion diffusion rates? In this chapter we aim

at answering these questions.
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5.1 Experiments

The imbibition/diffusion experiments conducted for this study can be categorized

into three sets. In Set 1, we measure and compare spontaneous water and oil

imbibition rates into dry and wet shale samples. We also monitor the ion diffusion

rate from shale samples to water using an electrical conductivity meter, during

imbibition process. The objective of this set is to investigate the effects of initial

water saturation on ion diffusion and water imbibition rates. In Set 2, we measure

and compare the ion diffusion and imbibition rates into confined and unconfined

Otter Park and Evie shale samples. The objective of this set is to investigate

the effects of sample expansion on ion diffusion and water imbibition rates. In

Set 3, we measure and compare the ion diffusion and imbibition rates parallel and

perpendicular to the lamination of the shale samples. The objective of this set is to

understand the effects of anisotropy on liquid imbibition and ion diffusion rates.

5.1.1 Materials

The experimental materials include fluids used for imbibition tests and shale sam-

ples.

Fluids Kerosene and deionized (DI) water are used for the imbibition/diffusion

tests. Density, viscosity and surface tension of fluids are listed in Table 5.1.

Table 5.1. Properties of different fluids used for imbibition experiments at 25 ◦C

Fluids Density(g/cm3) Viscosity (cp) Surface Tension (N/m)

DI Water 1.00 0.9 72
Kerosene 0.80 1.32 28

Shale Samples A total of 22 shale samples is used for this study. The core samples

are selected from wells completed in Otter Park and Evie formations. The average

mineral concentration of shale samples determined by x-ray diffraction (XRD) anal-

ysis is given in Table 5.2. The physical properties and average depth of intact shale

samples used for imbibition tests are presented in Table 5.3.

Figure 5.1 shows the droplets of DI water and oil (kerosene) on the clean surfaces

of the OP and EV samples. The pictures show that oil droplets completely spread

on the rock surface. However, water droplets show a measurable contact angle. This
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Table 5.2. Average mineral concentrations (wt.%) of the OP and EV shale samples deter-
mined by x-ray diffraction.

Otter Park Evie

Non-Clay Content
Calcite 4.5 10
Quartz 55.5 31

Dolomite 1.5 4
Ankerite/Fe-Dolomite 4 5

Pyrite 2.5 5
K-Feldspar 0.5 6
Plagioclase 5 6

Clay Content
Illite Mica 18.5 19

Illite Smectite 7 14
Chlorite 0.5 0

result indicates that samples are strongly oil wet and should spontaneously imbibe

oil.

5.1.2 Test Procedure

A total of 22 imbibition/diffusion tests are conducted. The imbibition experiments

are counter current as only one face of samples is open for imbibition and other

faces are coated with epoxy. Figure 5.2 shows the experimental setup used for these

experiments. During the tests, imbibition is monitored by measuring the weight

change of samples as a function of imbibition time. Ion diffusion rates from shale

samples into deionized water are monitored using an electrical conductivity meter.

The imbibition/diffusion experiments performed in this study can be categorized

into three sets. The test procedures and objectives of each set are described below.

Set 1 (Imbibition/Diffusion Test for Dry and Wet Samples) The objective

of this set is to investigate the effects of initial water saturation on liquid imbibition

rates. Therefore, wet and dry samples are immersed into DI water and kerosene

while only one face of samples is open for imbibition. Dry samples are prepared by

heating samples at 200 ◦F for 24 hours. Wet samples are prepared by rehydrating

shale samples. Rehydration process is carried out by equilibrating the samples

in a controlled relative humidity condition. The method developed for this study

(Chenevert, 1970b, Schmitt et al., 1994, Wayllace, 2008) consists of leaving shale

samples in a vacuum desiccator. Figure 5.3 shows the pictures of desiccator used
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Table 5.3. Mass, average depth, cross section area and thickness of shale samples used for
this study

Sample ID Mass(g) Area(cm2) Thickness (cm) Depth (m)

O
tt

e
r

P
a
rk

S
a
m

p
le

s
OP1 641.2 66.3 4.2 2454
OP2 741.3 66.3 5.3 2454
OP3 432.1 22.5 4.4 2454
OP4 463.8 22.5 4.4 2454
OP5 431.3 28.1 3.6 2516
OP6 227.4 38 5.1 2516
OP7 426.5 66.3 2.3 2486
OP8 427.3 66.3 2.6 2486
OP9 740.1 36 4.5 2465
OP10 831.6 66.3 4.3 2465
OP11 228.0 34.3 2.8 2486
OP12 653.3 66.3 2.6 2486

E
v
ie

S
a
m

p
le

s

EV1 262.3 34.3 4.9 2671
EV2 285.3 32.5 5.0 2671
EV3 290.1 38.5 2.4 2671
EV4 266.2 38.5 2.3 2671
EV5 401.9 34.3 4.9 2671
EV6 251.7 38.5 2.2 2671
EV7 252.3 44.8 3.4 2671
EV8 269.9 44.8 3.4 2671
EV9 315.0 38.5 2.3 2671
EV10 293.8 38.5 2.5 2671

for this study. The relative humidity inside the desiccator is controlled by a salt

saturated solution (KCl solution with 25 wt.% is used for this study) and monitored

by relative humidity meter. The vacuum condition inside the desiccator accelerates

the rehydration process and more importantly avoid air entrapment inside the small

pores.

The test procedures for Set 1 includes the following steps:

1. Measure the sample mass and bulk volume.

2. Coat all the faces of dry and wet shale samples with epoxy and leave one face

open for imbibition tests.

3. Place the shale sample in the test cell and measure the weight change at the

selected time intervals.

Set 2 (Imbibition/Diffusion Parallel and Perpendicular to the Bedding

Plane) The objective of this set of experiments is to investigate the effects of
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(a) (b)

(c) (d)

Figure 5.1. Equilibrated droplets of oil (left) and water (right) on the fresh surface of OP
(a and b), and EV samples (c, and d). Oil completely spreads on the surfaces of all samples

anisotropy on liquid imbibition and ion diffusion rates. A total of 12 imbibi-

tion/diffusion experiments are conducted on OP and EV shale samples. These

experiments are conducted parallel and perpendicular to the lamination of the shale

samples. The boundary condition for this set of experiments is one face open. There-

fore, impermeable epoxy polymer is used to coat the shale samples leaving one face

open for imbibition. The open face is parallel or perpendicular to the lamination.

The sample preparation and test procedures for Set 2 includes the following

steps:

1. Measure the sample mass and bulk volume.

2. Coat all the faces of shale samples with epoxy and leave one face open for

imbibition/diffusion tests.

3. Rehydrate samples to their initial water saturation by placing them in vacuum

desiccator with controlled humidity for 10 days.

4. Place the shale sample in the test cell and measure the weight change and

electrical conductivity of the water at the selected time intervals.

To coat the shale samples, we used epoxy polymer. The rock face is exposed to

the imbibition fluid while the other surfaces were covered by epoxy to make sure
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Figure 5.2. The cartoon of the experimental setup used for this study

that fluid could imbibe only through designated shale surface.

Set 3 (Imbibition/Diffusion Test for Confined and Unconfined Samples)

The objective of this set is to investigate the impact of sample expansion and water-

induced microfractures on water imbibition and ion diffusion rates. A total of 8

imbibition/diffusion experiments are conducted on unconfined and confined OP and

EV shale samples. Samples were confined by aging in epoxy. Figures 5.4a and 5.4b

show the cross section of confined shale samples prepared for imbibition/diffusion

tests parallel and perpendicular to the lamination, respectively. The thick layer of

epoxy firmly holds the samples and reduces the possibility of microfracture induction

in confined samples. The unconfined samples are coated with epoxy. Therefore the

boundary condition for confined and unconfined samples is one face open and this

allow us to make a comparative study.

The sample preparation and test procedure for Set 3 include the following steps:

1. Measure the sample mass and bulk volume.

2. Put the sample in a closed-end PVC tube and fill it with epoxy.

3. Age the sample in epoxy for 48 hours and then cut it. Figure 5.5 shows the

sample after taking out from PVC tube and before cutting. The sample is

completely surrounded by epoxy.
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Figure 5.3. Picture of the desiccator and shale samples used for this study

(a) (b)

Figure 5.4. The cross-section of confined samples used for imbibition/diffusion tests parallel
(a) and perpendicular (b) to the lamination

4. Rehydrate samples to their initial water saturation by placing them in vacuum

desiccator with controlled humidity for 10 days.

5. Place the shale sample in the test cell and measure the weight change and

electrical conductivity of the water at the selected time intervals.

5.2 Results and Discussion

This section presents and discusses the results of the three sets of experiments in two

subsections. In the first subsection, the imbibition profiles are compared to identify

the key factors controlling spontaneous imbibition of liquid into shale samples. In the

second subsection, the diffusion profiles are compared to understand the mechanisms

45



Figure 5.5. Picture of a sample after taking out from a closed-end PVC tube. The sample
is completely surrounded by epoxy

controlling ion diffusion rates from shale samples into water.

5.2.1 Imbibition Results

Impact of Initial Water Saturation on Imbibition One of the concerns about

previous imbibition experiments (Dehghanpour et al., 2013, 2012, Ghanbari et al.,

2013, Roychaudhuri et al., 2011) was that shale samples used for imbibition exper-

iments were dry. It can be argued that in situ shales may have some initial water

saturation that has been shown to affect the spontaneous imbibition rates (Li et al.,

2006). In this section, we investigate the effects of initial water saturation on water

and oil imbibition rates.

Figure 5.6 compares the water and oil imbibition rates into EV shale samples

with and without initial water saturation. The initial water content of wet samples

used for water and oil imbibition tests is 0.0045 and 0.0032 wt %, respectively. The

results suggest that water uptake of wet samples is lower than that of dry samples.

However, initial water saturation has negligible effects on oil imbibition rates. This

can be explained by the mixed wettability nature of the organic shale. Shale pores

can be either in organic or inorganic materials (Lan et al., 2014a, Sondergeld et al.,

2010). The organic part of the rock is hydrophobic (Mitchell, 1993), while the in-

organic part can be hydrophilic, especially in the presence of clay minerals. When

a shale sample contacts water vapor during rehydration stage, vapor initially con-

denses in the smallest and strongly water wet pores (Schmitt et al., 1994). Therefore,
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before imbibition experiment, a portion of hydrophilic pore spaces of wet samples

is initially occupied by water. This decreases the water imbibition rate into the wet

shale samples. However, initial water saturation does not affect oil imbibition rate

as oil mainly imbibes through hydrophobic pore network (Xu and Dehghanpour,

2014).

Figure 5.6. Comparison of water and oil imbibition profile for EV samples with initial water
saturation (wet sample) and without initial water saturation (dry sample). The values are
normalized by dividing to the mass of dry sample.

Impact of Anisotropy on Imbibition Figure 5.7 shows the normalized imbi-

bition profiles of DI water and kerosene into OP and EV shale samples when the

imbibition direction is parallel and perpendicular to the lamination. The comparison

of the imbibition profiles reveals two key observations.

1. Both oil and water are spontaneously imbibed into shale samples. However,

the imbibition rate and total imbibed volume of water for all shale samples

are significantly higher than those of oil.

2. The imbibition rates of water and oil into the shale samples, parallel to the

lamination, are significantly faster than those perpendicular to the lamination.

Observation 1 shows that both oleic and aqueous phases spontaneously imbibe

into the Horn River shale samples. More surprisingly, the samples have more affinity
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to water than to oil. However, based on the contact angle results, we expected that

the samples would show strong affinity for oil. Significant water uptake of the Horn

River shale samples may indicate that the hydrophilic pore network is relatively

well-connected. On the other hand, insignificant oil uptake of these samples may

indicate that the hydrophobic pore space, partly composed of organic carbon, is

poorly connected (Xu and Dehghanpour, 2014). Furthermore, the significant water

uptake of the Horn River samples can be explained by the presence of clay in the

structure of shale samples. Recent studies, reveal that clay hydration can induce

microfractures (Dehghanpour et al., 2013, 2012, Ghanbari et al., 2013). These mi-

crofractures increase the porosity and permeability of the shale samples. Therefore,

they can be an additional cause of the excess water uptake of the shale samples. In

the next section, we will analyze the imbibition results of crushed shale packs and

BSE/EDX images to examine whether the excess water uptake is because of poor

connectivity of hydrophobic pores. We will also present imbibition data for con-

fined and unconfined shale samples to understand whether permeability/porosity

enhancement due to sample expansion can increase the water uptake.

Observation 2 indicates that water and oil imbibition rates parallel to the lami-

nation of the shale samples are higher than those perpendicular to the lamination.

This result can be explained by two hypotheses. First, it can be suggested that

the sensitivity of water imbibition rates to directional lamination are because of

water induced microfractures. Recent studies (Dehghanpour et al., 2013, Ghanbari

et al., 2013, Roychaudhuri et al., 2011) show that water uptake of shale samples

induces microfractures and these microfractures are mainly oriented parallel to the

lamination. As a result, the microfractures enhance the horizontal permeability of

shale samples and consequently increase the water imbibition rate. As a second

possibility, we hypothesize that clay layers and organic materials are oriented along

the lamination. The existence of hydrophilic clay layers may hinder the oil flow per-

pendicular to lamination. In contrast, hydrophobic organic materials may restrict

the water flow perpendicular to lamination. In the next section, we will compare

the imbibition data for confined and unconfined samples and analyze the BSE/EDX

images of shale samples to understand the reasons of higher liquid imbibition rates

parallel to the lamination compared with those perpendicular to the lamination.
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Impact of Sample Expansion and Water-Induced Microfracture on Imbi-

bition In this section, we present the imbibition results for confined and uncon-

fined samples to answer two questions: 1) Is the excess of water uptake of organic-

shale compared with oil uptake is due to sample expansion and increased perme-

ability/porosity? and, 2) are the water-induced microfractures responsible for the

excess of water uptake along the lamination?

Figure 5.8 shows confined and unconfined OP and EV shale samples before and

after exposure to DI water. The pictures show that water imbibition does not

significantly alter shale samples, tested perpendicular to the lamination. However,

water imbibition induces some microfractures in the shale samples, tested parallel

to the lamination. The results also show that confining samples with epoxy reduces

the number of water-induced microfractures for shale samples tested parallel to the

lamination.
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(a) (b)

(c) (d)

Figure 5.7. Normalized imbibed mass versus time for unconfined OP (a and b) and EV (c
and d) shale samples tested parallel and perpendicular to the lamination. The values are
normalized by dividing to the mass of dry sample.
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Figure 5.8. Pictures of OP (rows 1 and 2) and EV (rows 3 and 4) samples before and after
exposure to DI water for 42 days. Before experiments, the sample were intact and there were
no visible cracks on the shale samples. Water imbibition results in microfracture induction
in samples tested parallel to the lamination. The number of water induced fractures is
reduced in the confined samples
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(a) (b)

(c) (d)

Figure 5.9. Normalized imbibed mass of water versus time for confined and unconfined
OP (a and b) and EV (c and d) shale samples tested parallel and perpendicular to the
lamination. The values are normalized by dividing to the mass of dry sample.

Figure 5.9 shows the profile of normalized water imbibition into confined and

unconfined samples. The results suggest that confining has negligible effects on

water uptake of the samples tested perpendicular to the lamination. However, the

water uptake of unconfined samples, tested parallel to the lamination, is slightly

higher than those of confined samples. Therefore, it can be interpreted that mi-

crofractures, induced along the lamination, can slightly increase the water imbibi-

tion rates through increasing porosity and permeability. However, the water-induced

microfractures can not be the only reason, responsible for a higher liquid uptake par-

allel to the lamination compared with that perpendicular to the lamination. This
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argument is evidenced by the fact that confined samples with reduced number of

microfractures also show anisotropic behavior. More evidently, oil uptake of shale

samples parallel to the lamination is higher than that perpendicular to the lamina-

tion, as shown in Figure 5.7. However, oil imbibition does not result in microfracture

induction. Therefore, imbibition anisotropy is an intrinsic property of gas shales

which can be enhanced by imbibition-induced microfractures.

Observations from BSE/EDX Images Here, we investigate the rock fabric to

understand what causes imbibition anisotropy and the excess of water uptake over

oil uptake. Figures 5.10 and 5.11 show the BSE and EDS images of the OP and

EV samples, respectively. These pictures are taken from the thin section of shale

samples. The images show that there is a trace of calcite and organic materials

deposited parallel to the lamination. The frequency of these features, encountered in

these samples, is large. The deposition of organic materials parallel to the lamination

was also observed by Curtis et al. (2014). The EDS elemental map also confirms this

statement, as shown in Figures 5.10 and 5.11. Therefore, the organic materials are

surrounded by silica and calcite and thus organic pore network is poorly connected.

This observation is in agreement with imbibition results of Horn River crushed-shale

packs. Xu and Dehghanpour (2014) showed that the wetting affinity of crushed

samples to oil is higher than that to water, in contrast to the behavior of the intact

samples. Evidently, in a crushed sample, both hydrophilic and hydrophobic pores are

artificially connected. Therefore, oil, which hardly flows through the intact samples,

easily wets the artificially created hydrophobic surfaces and imbibes into the crushed

pack. Furthermore, the existence of organic materials between shale layers can also

explain the anisotropic behavior of shale samples. When water imbibes parallel

to the lamination, hydrophobic organic materials, mainly distributed parallel to

lamination, work as a nanofilter for hydrocarbon flow (Wang and Reed, 2009) and

restrict the passage of water. In the same manner, water-wet clay layers, oriented

along the lamination, hinder the passage of oil as oil imbibes perpendicular to the

lamination.
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(a) (b)

(c) Carbon (d) Oxygen (e) Carbon (f) Oxygen

(g) Silicon (h) Calcium (i) Silicon (j) Calcium

Figure 5.10. The BSE images (a and b) of OP thin section show that there are layers of
organic materials surrounded by calcite and quartz. The EDS maps of carbon element which
show the location of organic materials also confirm this statement.

54



(a) (b)

(c) Carbon (d) Oxygen (e) Carbon (f) Oxygen

(g) Silicon (h) Calcium (i) Silicon (j) Calcium

Figure 5.11. The BSE images (a and b) of EV thin section show that there are layers of
organic materials surrounded by calcite and quartz. The EDS maps of carbon element which
show the location of organic materials also confirm this statement.
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5.2.2 Diffusion Results

Comparison of Ion Diffusion Parallel and Perpendicular to Bedding Fig-

ure 5.12 shows the increase in electrical conductivity profiles of OP and EV samples

tested parallel and perpendicular to the lamination. The change in electrical con-

ductivity indicates ion transport from rock into water. The salt precipitated from

the pore-water can be one possible source of sodium and chloride. The water which

is imbibed into the shale samples, dissolves the salt remained in the pore from for-

mation water dehydration. Afterwards, the ions diffuse from rock into the water.

Furthermore, illites existing in the shale samples can be another possible source of

ions. Leaching of illitic shales yields relatively high concentrations of sodium and

chloride (Keller and Liovando, 1989).

Advection and diffusion are the main transport mechanisms for ion transport in

and out of a porous medium. Advection occurs when a sufficient pressure drop is

applied to cause fluid flow. However, diffusion is independent of pressure gradient

and results from concentration gradient (Ballard et al., 1994). In our experiments,

the bulk motion of water is slow and is in the opposite direction of ion transport.

Therefore, ion transport is mainly controlled by diffusion and the effects of advection

are negligible. Furthermore, in the presence of clay layers, osmosis effect can play

an important role on ion diffusion. The electrically charged clay layers existing in

the shale samples can act as semi-permeable membrane that restrict the passage

of solute without affecting the passage of solvent (Ballard et al., 1994, Mitchell,

1993, Steiger, 1982). Once low salinity water contacts with the clay particle existing

in the shale samples, water molecules flow from low salinity side (imbibition fluid)

of semi-permeable membrane to the high salinity side (pore water). This reduces

the salinity in the pore and equalizes the concentration of dissolved salts in both

sides (Fakcharoenphol et al., 2014). This phenomenon, known as osmosis water

transport, increases the water uptake and physical alteration degree of the shale

samples (Keijzer and Loch, 2001, Xu and Dehghanpour, 2014).

Figure 5.12 also shows that ion diffusion rate parallel to the lamination is higher

than that perpendicular to the lamination. This result can be partially explained

by the difference in permeability of shale samples, parallel and perpendicular to the

lamination. The permeability of shale samples parallel to the lamination is known

to be higher than that perpendicular to the lamination (Chalmers et al., 2012). As a
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result, the diffusion rate parallel to the lamination is higher than that perpendicular

to the lamination. Furthermore, osmosis effects can act as an additional cause that

decreases the ion diffusion rate perpendicular to the lamination. When shale samples

are in contact with water perpendicular to their lamination, semi-permeable clay

layers restrict the flow of ions out of pore space. However, significant permeability

parallel to the lamination can reduce the osmosis effect. This increases the ion

diffusion rate parallel to the lamination.

(a) (b)

Figure 5.12. Electrical conductivity profiles for (a) OP and (b) EV shale samples. Conduc-
tivity indicates the ion diffusion rates from sample into the water. The conversion factor
from µS (micro Siemens) to ppm is 0.55.

Comparison of Ion Diffusion for Confined and Unconfined Samples In

this section, we compare the ion diffusion rates from confined and unconfined shale

samples into water, to investigate the effects of water induced microfractures on

diffusion rate.

Figure 5.13 compares the electrical conductivity profiles for confined and un-

confined shale samples. The results suggest that confining shale samples does not

significantly affect the ion diffusion rate perpendicular to the lamination. How-

ever, the diffusion rate for confined samples tested parallel to the lamination are

lower than those tested perpendicular to the lamination. This result shows that in-

duced microfractures and sample expansion can increase the diffusion rate through

increasing permeability and porosity.
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(a) (b)

(c) (d)

Figure 5.13. Electrical conductivity profiles for confined and unconfined OP (a and b)
and EV (c and d) shale samples tested parallel and perpendicular to the lamination. The
conversion factor from µS (micro Siemens) to ppm is 0.55.

5.3 Summary

We systematically measured and compared the imbibition rates of fresh water and

oil into wet/dry and confined/unconfined rock samples from different shale members

of the Horn River Basin. We also measured the ion diffusion rate from shale into

water during imbibition experiments. The results show that initial water saturation

decreases the water uptake of shale samples. However, it has no effect on oil imbi-

bition rates. The results also suggest that confining the shale samples decreases the

water imbibition rate, parallel to the lamination. Furthermore, confining does not

significantly affect the ion diffusion rates. The comparative study suggests that, for

both confined and unconfined samples, water uptake is higher than oil uptake. The

liquid imbibition and ion diffusion rates along the lamination are higher than those

against the lamination.
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Chapter 6

Numerical Simulation of
Flowback

In this chapter, we present numerical simulation of flowback process to investigate

the effects of fracturing fluid imbibition into rock matrix on early time water and

gas production. We also conduct a comprehensive sensitivity analysis to investigate

the effects of reservoir and operational parameters such as shut-in time, capillary

pressure and the complexity of created fracture network on early time water and

gas production.

6.1 Model Description

This model considers the flow toward a fractured horizontal well in a reservoir.

Basic reservoir, fracture and well properties used are listed in Table 6.1. A section

of reservoir volume between two hydraulic fractures is modeled with the reservoir

dimensions of 200 ft in x-direction, 357 ft in y-direction and 55 ft in z-direction,

as shown in Figure 6.1. The fractures are created perpendicular to the horizontal

wellbore with a fracture spacing of 100 ft and the fracture half-length of 357 ft.

Logarithmic grid size distribution near the hydraulic fracture is used to capture flow

behavior near the fracture. Figure 6.2 shows the relative permeability curves used

to describe fluid flow through fractures and shale matrix. The numerical simulation

also accounts for the effects of water imbibition and gravity segregation during the

flowback process.

Water Imbibition When water injected during hydraulic fracturing treatment

contacts the shale matrix through fracture surfaces, the water can imbibe into the

rock matrix and affect the reservoir/well production performance (Bazin et al., 2010,
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Table 6.1. Basic reservoir and well input parameters for base model

Parameters Values

Matrix Permeability 0.001 md
Hydraulic Fracture Permeability 2000 md
Hydraulic Fracture Half-Length 357 ft

Hydraulic Fracture width 0.1 ft
Matrix Porosity 5 %

Primary Fracture Porosity 60 %
Flowing Wellbore Pressure 500 psi
Initial Reservoir Pressure 3000 psi

Figure 6.1. 3-D view of the simulation model used for simulating flowback

Dutta et al., 2014, Fan et al., 2010, Roychaudhuri et al., 2011). Capillary pressure,

which is a function of rock wettability, pore radius and interfacial tension, controls

spontaneous imbibition in both conventional (Babadagli, 2001, Cai et al., 2012,

2010, Ma et al., 1997, Zhang et al., 1996) and low-permeability reservoirs (Takahashi

and Kovscek, 2010, Zhou et al., 2002) In low permeability reservoirs, the capillary

pressure can be several hundred psi or even more (Holditch, 1979) and therefore the

imbibition effects are considered to be significant. In this study, to simulate water-

phase imbibition during fracturing operation and shut-in period, the fractures are

initially saturated with water. Water is also injected into the fractures to increase

the fracture pressure and to simulate the reservoir conditions just after hydraulic

fracturing. This is followed with 150 days of shut-in time before the well is placed

on production. During the shut-in time, water imbibes into the matrix through

both forced and spontaneous imbibition and gas is expelled into the fractures. The

60



Figure 6.2. Relative permeability curves for matrix and fracture systems (Cheng, 2012)

capillary pressure curve used for shale matrix is generated based on the following

empirical correlation presented by Gdanski and Fulton (2009).

Pc =
σ

a2(Sw)a1
(
φ

k
)a3 (6.1)

Where Pc is capillary pressure, psi; σ is surface tension, dynes/cm; Sw is water

saturation, fraction; φ is porosity, fraction; k is absolute permeability, md; and a1,

a2 and a3 are adjustable constants. The values of a1, a2 and a3 for low permeability

reservoirs are 1.86, 6.42 and 0.50, respectively. The capillary pressure curve for shale

matrix used in this study are calculated from this correlation and is shown in Figure

6.3. For the fractures with large permeability, the capillary pressure is very small,

considered as zero here.

Gravity Segregation In thick reservoirs with high permeability fractures, the

gravity affects water and gas distribution in fractures. During shut-in period, when

gas is expelled into fractures due to counter current imbibition, water is separated

vertically from gas by gravity segregation (Agrawal and Sharma, 2013, Parmar et al.,

2014, Taylor et al., 2011). In this study, eleven layers are used in Z-direction of

reservoir model to account for the gravity effects.
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Figure 6.3. Capillary pressure curves used for shale matrix in simulation model

6.2 Initialization

The simulation was initialized by injecting 1900 bbl of water into fractures to in-

crease fracture pressure to around 7000 psi which is close to the fracturing pressure.

The injection phase was done to simulate reservoir condition after hydraulic frac-

turing operation. This process is followed by 150 days of shut-in period. Figure 6.4

show the water saturation profile in the hydraulic fracture plane at different times,

during shut-in period. The extended shut-in period allows for imbibition, causing

the buildup of the free gas saturation in the fracture network. The gas expelled

from the matrix into the fractures gradually moves upward and accumulates at the

top of fracture due to buoyancy effect. As a result, the upper part of fractures

have significant gas saturation at the point when the well is opened for the flowback

operation.

6.3 Flowback Simulation Results

Water and Gas Rate Profiles Figure 6.5a shows water and gas rates during

flowback process. The simulation results clearly show the immediate gas produc-

tion after placing the well on flowback. This is in agreement with actual field data

obtained from the well pad in the Horn River Basin (see Chapter 3). As previously

discussed, the immediate gas breakthrough is due to extended shut-in period and
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Figure 6.4. Water saturation of fracture plane at different times during shut in period. The
dark blue color shows water saturation of 100 %.

strong counter current water imbibition into rock matrix. The counter current imbi-

bition results in gas build-up in fractures and this free gas is immediately produced

as the flowback process starts.
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(a)

(b)

Figure 6.5. Water and gas flow rate profile (A) and gas water ratio profile for the simulated
model

Gas Water Ratio Profile Figure 6.5b shows gas water ratio (GWR) profile of

simulated model during flowback process. The V-shaped trend observed in the field

data (see Chapter 3) is also observed in the simulated data. This confirms the fact

that the observed V-shape production signatures in gas water ratio plots of Muskwa,

Otter Park and Evie wells, are not an artifact of the poor data quality and variability

of choke size. As we discussed in Chapter 3, the decreasing GWR trend (negative

slope) during early time gas production indicates the depletion of free gas in the

fracture network. This conclusion is backed by water saturation profile of fracture

plane (Figure 6.4) after shut-in period. The decreasing trend of GWR profile is
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followed by an increasing trend. This trend occurs at the later time scale (late time

gas production) of flowback process. This trend indicates water displacement by

the gas introduced from matrix. The depletion of water from fractures decreases

the water saturation in the fractures and water production at the surface. The

produced water from fractures is replaced by the gas introduced from matrix into

fracture and stabilizes gas production rate (Figure 6.5a). This conclusion is backed

by water saturation contour of fracture plane during late time gas production, as

shown in Figure 6.6. The water saturation contour during late time gas production

clearly shows water depletion from fracture plane and gas introduction from matrices

into fractures. Interestingly, even after 800 hours of production, significant amount

of water remains in the fracture due to poor sweep efficiency and gravity segregation

(Agrawal and Sharma, 2013, Parmar et al., 2014, 2012, 2013).

Figure 6.6. Water saturation contour of fracture plane at different times during late time
gas production.

6.4 Sensitivity Analysis

The simulation cases were designed to evaluate the impact of various contributing

mechanisms and operational parameters during shut-in and production periods on

early time and late time gas production. These mechanisms and parameters include

the effects of shut-in time, density of microfractures and capillary pressure.
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6.4.1 Case 1: Impact of Shut-in Time

The duration of shut-in time after hydraulic fracturing is an ongoing debate within

industry. Some researchers believe that that extended shut-in and water leak off into

rock matrix due to capillary effect can cause reservoir damage (Bennion and Thomas,

2005, Holditch, 1979, Mahadevan et al., 2009, Shaoul et al., 2011). However, field

data indicate that in some wells extended shut-in period surprisingly increases the

early time gas flow rate (Cheng, 2012). In this section we investigate the effects of

extended shut-in time on early and late time gas production of flowback process.

Therefore, three different simulation cases with 50, 100 and 150 days of shut-in time

are designed.

Figures 6.7a and 6.7b respectively show the cumulative water and gas production

profiles. Extended shut-in reduces the cumulative water and gas production rate

at the end of flowback process, however it has negligible effects on cumulative gas

production. The low water recovery can be explained by the significant counter-

current water imbibition from fracture into the shale matrix during extended shut-in

period. However, the volume of free gas in the fractures at the end of shut-in period

is negligible compared to the volume of gas produced from matrix and therefore, the

cumulative gas production for all cases remains relatively constant. Furthermore,

extended shut-in time also affects the V-shape of GWR profile, as shown in Figure

6.8. The volume of free gas in the fracture prior to the flowback is higher for

simulation case with 150 days of shut-in period. Therefore, the gas flow rate during

early time production of flowback process is higher for the case with 150 days of

shut-in time. Furthermore, longer shut-in results in more water imbibition and

reduces the early time water flow rate. As a results, the V-shape trend in GWR

plots is more pronounced for cases with longer shut-in time.

66



(a) (b)

Figure 6.7. Impact of shut-in time on cumulative water production (A) and cumulative gas
production (B) during flowback period. Extended shut-in time decreases water production
and ultimate gas production. However, it increases the gas production before the roll over
time

Figure 6.8. Impact of shut-in time on gas water ratio. Longer shut-in time results in higher
early time gas production and gas water ratio has a sharper V-shape

6.4.2 Case 2: Impact of Secondary Fracture Density

Hydraulic fracturing in gas shale reservoirs has often resulted in complex fracture

network, as evidenced by microseismic monitoring (Fisher et al., 2002). Further-

more, fracture distribution studies of outcrop show a wide range fracture width
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and length (Kazemi et al., 2005). An induced dendritic fracture network combined

with pre-existing and re-activated natural fractures can significantly influence the

fluid flow during the shut-in and flowback processes. Thus, to have a more realistic

reservoir model, we include secondary fractures in the numerical model and analyze

sensitivity of the early time water and gas flow rates and the V-shape behavior on

the density of secondary fractures. Therefore, three simulation models with sec-

ondary fracture spacing of 51 ft (low density), 34 ft (medium density) and 26 ft

(high density) are created to investigate the effects of secondary fracture density

on V-shape in gas water ratio plots. To uniquely characterize fracture density, we

define a approximation of fracture complexity as

FCI =
Vsf

Vpf + Vsf
(6.2)

Where, FCI is fracture complexity index, Vsf is volume of secondary fractures and

Vpf is volume of primary fractures. Based on this definition, the properties of the

simulation cases designed for this study are summarized in Table 6.2. Figure 6.9

shows the 3-D view of simulation cases created for investigating the effects of fracture

complexity.

Table 6.2. Simulation cases created for investigating the effects of fracture complexity on
early time gas production

Cases Secondary Fracture Spacing FCI

No Secondary Fractures - 0
Low density 51 ft 0.13

Medium Density 34 ft 0.18
High Density 26 ft 0.22

Figure 6.10 shows the water saturation contour of primary fracture plane for

cases with different FCI before opening the wells for flowback (after 150 days shut

in). The gas saturation in the fracture is the highest in the model with the highest

FCI. Increasing fracture complexity results in a higher contact surface area for the

imbibition process to take place. This increases the counter current water imbibition

from fracture into matrix during shut-in time that increase early time gas production

and decreases the water production.

Figures 6.11a and 6.11b respectively show the load recovery and cumulative gas

production for simulation cases with different FCI values. As we expected, the load

recovery of cases with the highest FCI is lowest and it is due to extensive water
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(a) (b)

(c) (d)

Figure 6.9. 3D view of the simulation models used for investigating the effects of fracture
complexity on early time water and gas production

imbibition from fracture into rock matrix. Furthermore, increasing FCI results in

more gas production which is due to 1) more contact surface and 2) extensive counter

current water imbibition.

Figure 6.12 compares the various GWR plots for cases with different FCI. The

addition of secondary fractures significantly increases the slope of GWR curves

before roll-over time. Another major observation from the analysis is that all 4

curves converge to the same point after production rolls over to the gas dominant

phase. Therefore, gas build-up in fractures mainly affects the early time of GWR

plot. A similar trend is also reflected in the quantity of gas produced during the

early time gas production phase of the flowback operation as shown in Table 6.3.

Cumulative gas produced during the early time also increases with increasing the

density of secondary fractures. Before roll-over time, the cumulative gas production

for case with high density secondary fractures is almost two times higher than that of
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Figure 6.10. Comparison of water saturation contour of primary fracture plane for cases
with different FCI at the end of shut-in period. The shut-in time for all cases is 150 days.
Increasing the FCI, water imbibition from fracture into matrix increases due to higher
contact surface between fracture and matrix.

case with no secondary fractures. Furthermore, the addition of secondary fractures

also decreases the load recovery Increasing secondary fracture density provides more

interface for water imbibition into and counter-current gas expelling shale.

Table 6.3. Effect of secondary fractures density on early time cumulative gas production
and load recovery

Cases Cumulative Gas Production (ft3) Load Recovery

FCI=0 812,032 4.1 %
FCI=0.13 1,232,759 3.4 %
FCI=0.18 1,527,728 3.1 %
FCI=0.22 1,769,432 3.0 %

6.4.3 Case 3: Impact of Capillary Pressure

Spontaneous imbibition in conventional and unconventional reservoir is mainly con-

trolled by capillary pressure (Takahashi and Kovscek, 2010, Zhou et al., 2002).

Therefore, the several numerical experiments are conducted to investigate the con-

tribution of the matrix capillary pressure on early time water and gas production.
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(a) (b)

Figure 6.11. Impact of fracture complexity index on load recovery (A) and cumulative gas
production (B) during flowback period. Increasing the fracture complexity index, increases
the counter current water imbibition into matrix and therefore reduces load recovery and
increases the cumulative gas production

Three simulation models with different capillary pressure curves are created. Figure

6.13 shows the capillary pressure curves used for this study.

Figure 6.14 compares the water saturation contour of fracture plane for models

with different capillary pressure curves at the end of shut-in period. Decreasing

the matrix capillary pressure decreases the imbibition potential of the reservoir.

Therefore, the gas build-up in fractures for model with higher capillary pressure

(Case PC1) is higher than that for other cases.

Figures 6.15a and 6.15b show the cumulative gas and water production during

flowback phase. Interestingly, the capillary pressure affects the early time and late

time gas production during flowback phase. Before roll-over time, the cumulative gas

production for case PC1 is higher than that of other cases. However, the ultimate

gas production for case PC3 is higher than that of other cases. Before roll-over

time, gas production is mainly from the build-up gas in the fractures due to counter

current water imbibition during shut-in time. The counter current water imbibition

rate for case PC1 is higher than that for cases PC2 and PC3. Therefore, this case

produces more gas at the early time stage of flowback process. On the other hand,

water imbibtion into shale matrix decreases the gas relative permeability at the

fracture faces and results in reservoir damage. This reduces the gas production rate

at the late time stage of flowback process. Furthermore, higher water imbibition

rate of case PC1 results in lower water production as water can not effectively be
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Figure 6.12. Comparison of Gas water ratio for cases with different fracture complexity
index. Increasing FCI results in sharper V-shape in gas water ratio plot. This is due to
increased (1) contact surface and (2) counter current water imbibition into rock matrix.

produced from matrix due to high capillary pressure (Figure 6.15b).

Figure 6.16 compares the GWR of simulation cases with different capillary pres-

sure. The high gas volume in the fractures for case PC1 results in a clear V-shape

trend in GWR plot. However, we can not identify the V-shape trend for case PC3

which has the lowest capillary pressure. Again, all curves converge to one point at

the end of flowback phase. Therefore, it can be interpreted that the slope of gas

water ratio curve during early time flowback phase is an indication of the amount

of free gas in the fracture prior to placing the well on flowback.
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Figure 6.13. Capillary pressure curves used for simulation model

Figure 6.14. Comparison of water saturation contour of fracture plane for cases with different
capillary pressure at the end of shut-in period. Decreasing the capillary decrease water
imbibition from fracture into matrix
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(a) (b)

Figure 6.15. Impact of capillary pressure on cumulative gas production (A) and cumulative
water production (B) during flowback period. Increasing the capillary pressure decreases
ultimate water and gas production

Figure 6.16. Comparison of gas water ratio for cases with different capillary pressure curves.
Increasing the capillary pressure results in sharper V-shape in gas water ratio plot. This is
due to increased counter current water imbibition into rock matrix.
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Chapter 7

Conclusions and
Recommendations

7.1 Conclusions

In this study, we investigate investigate the dominant mechanisms that could explain

(1) the observed behavior of early time water and gas production and (2) the increase

in salt concentration of flowback water. The following conclusions can be drawn

based on this study:

7.1.1 Chemical and Volumetric Analysis of Flowback Data

• Analyses of early time water and gas production data of multi-fractured hor-

izontal wells completed in the Horn River Basin show that wells with low

flowback efficiency generally have higher early time gas production. On the

other hand, wells with high flowback efficiency have low gas production.

• A diagnostic plot of the gas water ratio versus time shows two different regions.

The first region is the initial drop of gas water ratio which shows the free gas

depletion. The second region is the increase in gas water ratio and can be an

evidence of water depletion in fractures.

• Flowback water from wells completed in Horn River Basin contains high con-

centration of salt and the salinity of water increases with time. The salt con-

centration profile of flowback water can be used to improve our understanding

of the producing fracture network.
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7.1.2 Liquid Imbibition and Salt Diffusion

• Contact angle measurement is not an efficient method for determining the

wettability for organic gas shales. The Horn River samples show more affinity

to oil based on contact angle measurements while the samples show more

affinity to water based on imbibition experiments.

• The liquid flow in the organic shale greatly depends on the bedding structure

of the samples. The directional imbibition experiments and BSE/ EDX im-

ages suggest that the presence of hydrophobic organic materials between shale

layers can decrease the water imbibition rates perpendicular to the lamination.

• Rock fabrics of shale samples also has a significant effect on ion diffusion rates

from shale samples into water. Ion diffusion rate parallel to the lamination is

higher than that perpendicular to the lamination.

• The crushed shale packs imbibe more oil than water while the intact samples

imbibe more water than oil. This contrary results can be explained by poor

connectivity of organic materials and hydrophobic pore network. This argu-

ment is backed by complete spreading of oil droplets, strong oil imbibition into

shale packs and BSE/EDX images.

• Water uptake of unconfined organic-shale samples results in microfracture in-

duction and sample disintegration. The degree of physical alteration is corre-

lated to the clay content of the samples. The imbibition-induced microfrac-

tures are mainly along the lamination. These microfractures increase the liquid

imbibition and ion diffusion rates through increasing porosity and permeabil-

ity.

• Sodium and chloride are the dominant ions that diffuses from rock into the

water. These ions possibly originate from (1) the remained salt in the pores

after shale sample dehydration and (2) leaching of clay minerals such as illite.

• Electric double layer properties of clays may restrict the diffusion of chloride

into the water however fractured shales may act as a leaky membrane favoring

the transport of anions.

• Initial water saturation state of shale samples decreases the water imbibition

rate. However, it has negligible effects on oil imbibition rate.
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7.1.3 Simulation Study of Flowback

• The V-shape trend observed in gas water ratio diagnostic plots for shale gas

reservoir is an artifact of counter current water imbibition during shut-in pe-

riod. The negative slope of this V-shape trend is correlated to the volume of

gas in the fracture prior to the flowback operation.

• The early time gas production is really sensitive to shut-in time, matrix cap-

illary pressure and fracture complexity density.

• The gas production rates from reservoir with higher capillary pressure may

look promising at the beginning of flowback process but the production rates

falls later due to reservoir damage.

• The created fracture network during hydraulic fracturing process has a great

effect on load recovery and gas production. As the complexity increases the

gas production rate increases and load recovery decreases. This is mainly due

to (1) higher contact surface created between fractures and shale matrices and

(2) better counter current water imbibition.

7.2 Recommendations

To further investigate the interactions of fracturing fluid and reservoir system and

their effects on early- and late-time production, the following experimental and

numerical studies are recommended:

• To better simulate reservoir condition during and after hydraulic fracturing,

the spontaneous imbibition experiments can be followed by a series of forced

imbibition experiments. It is also recommended to measure the ion diffusion

rate during the forced imbibition experiments. Performing forced imbibition

can help us for choosing appropriate fracturing fluid.

• More study is needed to understand the contributions of mineral dissolution,

ion diffusion and water mixing to flowback water chemistry. Reservoir sim-

ulations that include these chemical processes can then be used to examine

various fracture network geometries to describe the reservoir architectures that

are capable of matching the measured flowback water chemistry in the field.

Upscaling the salinity data obtained from diffusion experiments to field scale

can give us valuable information about the created fracture volume.
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• The simulation study presented in this study can be extended by considering

different types of pores (hydrophilic and hydrophobic), capillary end effect,

gas desorption and stress-dependant fracture permeability. It is also recom-

mended to conduct a comprehensive simulation study on the effects of fracture

complexity density on the V-shape in GWR plot. This can be done by creating

several simulation models with different secondary fracture parameters such

as width and length. The simulation results can be then history matched with

field data to define the complexity of fracture network created by hydraulic

fracturing treatment.
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Appendix A

Salinity Profile

Here, we present the salinity profiles for 18 wells completed in Muskwa, Otter Park

and Evie formations.
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(a) (b)

(c) (d)

(e) (f)

Figure A.1. The change of salinity of flowback water versus production time for wells

completed in Muskwa formation
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(a) (b)

(c) (d)

(e) (f)

Figure A.2. The change of salinity of flowback water versus production time for wells

completed in Otter Park formation
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(a) (b)

(c) (d)

(e) (f)

Figure A.3. The change of salinity of flowback water versus production time for wells

completed in Evie formation
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Appendix B

Barium Concentration Profile

Here, we present the barium concentration profiles for 18 wells completed in Muskwa,

Otter Park and Evie formations.
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(a) (b)

(c) (d)

(e) (f)

Figure B.1. The change of barium concentration in flowback water for wells completed in

Muskwa formation
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(a) (b)

(c) (d)

(e) (f)

Figure B.2. The change of barium concentration in flowback water for wells completed in

Otter Park formation
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(a) (b)

(c) (d)

(e) (f)

Figure B.3. The change of barium concentration in flowback water for wells completed in

Evie formation
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