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Abstract

The rapid decline rates and low oil recovery factor (typically less than 10% of the original
oil in place) of primary production are well-known challenges in the development of tight-
oil formations. Several enhanced-oil-recovery studies and field trials have been conducted
with promising results in these formations, however, key oil-recovery mechanisms are poorly
understood. This research evaluates mechanisms controlling oil recovery during a natural-
gas huff ‘n’ puff (HnP) and fracturing-fluid (FF) leakoff/flowback processes in tight-oil

formations.

The main focuses are to investigate gas-transport and oil-recovery mechanisms during a
gas HnP process under zero irreducible water saturation (Swir); and changes in oil effective
permeability (k) caused by FF-leakoff/flowback under Syix > 0. First, systematic phase-
behavior and natural-gas (Ci and a mixture of C1/C2:70/30 mol%) HnP studies using
Montney fluid /rock samples are conducted to understand the controlling mechanism of gas
transport into the plug during injection/soaking and oil recovery during the whole process.
Furthermore, Péclet number (/Vpe) analysis is performed to quantify the contribution of gas-
transport mechanisms during the soaking period. Second, coreflooding tests are performed
on Midale carbonate core plugs with a range of porosity and permeability to simulate
leakoff /flowback processes. Measured kT before (baseline) and after the leakoff process are
compared to evaluate the effects of leakoff fluid properties (FF with nonionic surfactants
and fresh water), shut-in duration (3 and 14 days), and rock properties on regained

permeability values.

Key conclusions drawn from the phase-behavior and natural-gas HnP studies show that

molecular diffusion is the dominant gas-transport mechanism during the soaking period of
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the HnP tests (Mpe = 0.26 to 0.62). The advective-gas flow caused by differential pressure
during gas injection leads to improved gas transport into the plug (MNpe = 1.58 to 3.03).
Total system compressibility, oil swelling, and vaporization of oil components into the gas
phase are the recovery mechanisms observed during gas injection and soaking periods, while
gas expansion is the main recovery mechanism during depressurization phase. Overall, gas
expansion is the dominant recovery mechanism, accounting for approximately 90% of the
oil recovery. During the “puff” period, the expansion and flow of diffused gas drag the oil
along its flowpaths, resulting in a significant flow of oil and gas observed on the surface of
the plug. The enrichment of injected gas by 30 mol% Csz enhances the transport of gas into
the plug and increases oil recovery compared to pure Ci cases. According to the results of
constant-composition-expansion tests and minimum-miscibility-pressure measurements,
increasing Cz mole fraction in the injection gas significantly reduces minimum miscibility

pressure of the oil/gas system and increases the oil-swelling factor.

The results of leakoff/flowback experiments show that adding appropriate surfactants
in FF not only significantly reduces k& impairment caused by leakoff, but also improves
kE® compared with the baseline for a tight plug. FF (with surfactants) significantly reduces
effects of aqueous phase trapping and improves k& during flowback compared with fresh
water. In terms of shut-in duration, extending the shut-in time does not significantly affect
the k& in high-permeability plugs. However, an increase in k& is observed in the tight
plug, and this improvement significantly increases by increasing shut-in time. Overall, the
improvement in regained k& is primarily because of the reduction of interfacial tension by
the surfactants. In the tight plug, the interfacial tension reduction is attributed to the
effective mixing of the invaded FF with initial oil/brine, supported by pore-throat size

distribution and measured water saturation data.
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Nomenclature

Notations

opP = differential pressure in HnP tests, bar

Op/ot = pressure drop, Pa/s

Op/0x = pressure drop, Pa/m

oV = change in oil volume caused by rock/oil compressibility, cm3
) = porosity, % bulk volume

a = tortuosity constant, dimensionless

C = molar concentration, mol/m?

a = isothermal coefficient of compressibility of pore volume, 1/bar
Cren = volume-shift parameter, cm3/mol

D = diffusion coefficient, m?/s

DP = differential pressure in coreflooding tests, bar
F = formation resistivity

Jx = molar flux of component x per unit area

k = permeability, mD [pD], [nD], [m?

k = constant for Eq. 6-2, 1/hour

L = core-plug length, m
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Chapter 1 : Introduction

1.1.Research Motivation

The goals of this research are driven by the economic (oil recovery factor less than
10% of the initial oil in place) and environmental (methane flaring) implications in
developing unconventional reservoirs. These challenges turn out to be an incentive for
enhanced-oil-recovery (EOR) technology development. EOR methods targeting
unconventional reservoirs differ from those in conventional reservoirs because of
heterogeneity, poor quality of the formation and project economic. Consequently, they
have been implemented not only during reservoir depletion (e.g., natural-gas HnP), but
also during fracturing operation (e.g., flowback enhancers). Although, laboratory studies
and pilot tests have shown some early success, controlling mechanisms for oil recovery

are not well understood.

Natural-gas HnP is an emerging technology that promises to be a sustainable method
to improve recovery of unconventional reservoirs. Several studies have been carried out
to evaluate oil-recovery efficiency and mechanism, however, they tend to focus on a single
mechanism and do not provide a systematic evaluation of possible mechanisms involved
in the process. Furthermore, there are very limited laboratory works to quantitatively
and qualitatively investigate the role of gas diffusion and dominant oil-recovery
mechanisms involved in the natural-gas HnP process on ultratight rocks. Therefore, a
systematic evaluation of gas-transport and recovery mechanisms is crucial to improve
the efficiency of the HnP process. A better understanding of these mechanisms helps to

develop procedures for field trials.



During hydraulic fracturing operation, a large amount of fracturing water is pumped
through the wellbore into the formation, creating a fracture network for hydrocarbon
production. This operation can be considered as a HnP process with fracturing water as
an injectant. The capillary trapping of water phase near fracture-faces reduces the oil
relative permeability and has been a challenging research topic over the last decade.
Experimental studies on leakoff and flowback of FF containing flowback enhancers (i.e.,
surfactants) are well-documented in the literature, however, most of them were conducted
using packed columns containing sand, carbonate, shale, or proppant particles, and thus
the results did not fully capture the effects of mineralogy and the complex pore structure
of tight rocks. Moreover, the extent of permeability impairment and controlling
mechanisms of oil recovery during flowback under different reservoir conditions have not

been thoroughly studied.

1.2.Hypothesis

The hypothesis is divided into two parts corresponding to (i) gas-transport and
recovery mechanisms in a natural-gas HnP cycle under zero irreducible water saturation
(Swirr), and (ii) permeability impairment caused by FF fluids leakoff and remediation

methods under Syirr> 0.

Figure 1-1 shows the sequence of hypothesized events responsible for gas transport
into and oil production from the matrix during a HnP cycle in a tight-oil reservoir. At
initial conditions, fractures and matrix are at thermodynamic equilibrium and saturated
with oil and solution and/or free gas depending on pressure and temperature. Usually,
gas HnP is implemented after primary production, and thus, most of the leaked-off
fracturing water is expected to be cleaned up. In the ‘huff’ phase, gas is injected into the
well and is mainly transported through high-permeability fractures. A dynamic process

of gas/oil mixing occurs near fracture/matrix interface, resulting in vaporizing oil



components to the gas phase and oil swelling. In the early soaking period, advection and
diffusion remain the main gas-transport mechanisms. As the soaking period progresses,
gas may penetrate deeper into the matrix and swell the oil by the diffusive transport. In
the depressurization phase, gas expansion is expected to be the dominant recovery

mechanism.

Initial conditions
Matrix  Fracture Saturated reservoir

Depressurization (puff)
(60-100 days)
Gas expansion

Gas Injection (huff) (20-90 days)
Advection, molecular diffusion,

\ oil swelling, vaporization

= (Gas Penetration
4= ()il Production

) Soaking (5-30 days)

. Molecular diffusion, oil
\ swelling. vaporization

Figure 1-1: Schematic illustration of gas-transport and oil-recovery mechanisms during

the gas HnP process.

After HF operation, fracturing water is trapped near the fracture/matrix interface
because of capillary discontinuity, forming a high-water-saturation zone and decreasing
the oil effective permeability (k&). Surfactants are expected to improve kET by
interfacial-tension reduction, wettability alteration, leading to a decrease in water
saturation (compared with the Syir) during flowback. Moreover, well shut-in may help
dissipate trapped fracturing water deeper into the matrix during soaking time. Figure 1-
2 presents a schematic illustration of the fluid flows during leakoff/flowback and water

saturation near the fracture face.
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face

Wellbore Fracture
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Figure 1-2: Schematic illustration of fluid flow and saturation change near the fracture

face after hydraulic fracturing of tight-oil reservoirs.

1.3.Research Objectives

The primary research objective is to qualitatively and quantitatively evaluate gas-

transport and recovery mechanisms during a natural-gas HnP cycle under zero Syirr. The

effects of water on the recovery mechanism are evaluated separately using leakoff and

flowback experiments. The detailed objectives are as follows:

Performing minimum-miscibility-pressure (MMP) measurements by vanishing
interfacial tension technique, constant-composition-expansion test, and
visualization test of gas/oil interactions at the interface to understand phase
behaviour of the natural-gas/oil systems during a gas HnP process.

Modeling phase behaviour of natural-gas/oil systems by calibrating Peng-
Robinson (Robinson and Peng 1978) equation of states (EOS) against measured
constant-composition-expansion and MMP data. The calibrated PR-EOS is used
to predict the developed miscibility and thermodynamic conditions in the core-
plug during natural-gas HnP experiments.

Performing natural-gas HnP tests on an ultratight and oil-saturated plug to
understand mechanisms controlling (i) gas transport into the plug during injection

and soaking phases, and (ii) oil recovery during the whole process



e (Quantifying gas-transport mechanisms during the soaking period through
dimensionless Péclet number analysis. The model helps to mathematically explain
the competition of advective and diffusive forces over the soaking time.

e Investigating k& impairment caused by the leakoff fluids (FF with surfactant
and fresh water as a reference case) and remediation methods (surfactants and

well shut-in).

1.4.Dissertation Outline

The dissertation is divided into eight chapters. Parts of Chapters 2, 3, 4, 5, 6, and 7
are published as peer-reviewed journal papers. Therefore, there might be some repetition

of texts, figures, and tables in these chapters.

Chapter 1 presents the motivations, hypothesis, objectives of the research, and
dissertation outline. Chapter 2 provides a general introduction, defines technical terms,

and relevant literature reviews of the whole research.

Chapter 3 experimentally evaluates the phase behaviour of the natural-gas/oil
systems through MMP measurements by vanishing interfacial tension technique,
constant-composition-expansion, and visualization of gas/oil interactions at the interface
tests. The phase-behaviour study serves as the basis for understanding thermodynamic

conditions in the core-plug during natural-gas HnP tests.

Chapter 4 shows the procedure for PR-EOS calibration based on constant-
composition-expansion and MMP data presented in Chapter 3. Thereafter, the calibrated

EOS is applied to predict the MMP of different gas/oil systems.



Chapter 5 experimental evaluates gas-transport and recovery mechanisms in a
natural-gas HnP cycle under core-plug conditions. The recovery mechanisms are

visualized and quantified during gas-injection, soaking, and pressure-depletion phases.

Chapter 6 presents the estimation of diffusion coefficients in bulk-fluid and core-plug
conditions using analytical models. The results are used in the modeling of Péclet number
to quantify contributions of gas-transport mechanisms (advection vs. diffusion) during

the shut-in period of the HnP tests.

Chapter 7 evaluates the extent of k& impairment caused by FF leakoff; and roles of

surfactants, shut-in duration, and core-plugs properties on regained k&t

Chapter 8 lists the key conclusions of this work, its contributions to unconventional

field practices, and recommendations for future work.

The nomenclature, appendices, and reference list from all chapters are combined and

provided after Chapter 8.



Chapter 2 : Background of Enhanced Oil Recovery

Applications in Tight-Oil Formations

This chapter describes the background on unconventional resources, key oil-recovery
technologies, field practices, fundamentals of phase behavior, aqueous phase trapping,

gas-transport and recovery mechanisms in the gas HnP process.

2.1.Unconventional Resources

Unconventional resources can be grouped into three general categories: (1)
unconventional reservoirs such as source rocks, tight sandstones, and carbonates; (2)
unconventional fluids such as heavy oil, bitumen, and sour/acid gases; and (3) difficult
hydrocarbons such as gas hydrates and oil shales (Leimkuhler and Leveille 2012). Most
global unconventional resources development falls within the first and second categories.
Figure 2-1 shows the classification of conventional and unconventional petroleum
reservoirs. According to this classification, conventional reservoirs lie on top of the
triangle having high permeability but moderate to low volume, while unconventional
reservoirs have significantly high volume but poor permeability. In terms of pore-throat
size, petroleum reservoirs are divided into three main categories: (i) greater than 2 pm
in conventional reservoirs, (ii) 0.03 to 2 pm in tight reservoirs, and (iii) 0.005 to 0.1 pm
in shales (Nelson 2009). Tight oil is defined as oil trapped in low-permeability shale,
sandstone, and carbonate formations that accounted for 59% of total U.S. crude oil
production in 2018 (EIA 2019). Recently, advances in multi-stage hydraulic fracturing
and horizontal drilling technologies have led to a substantial increase in tight-oil
production. Figure 2-2 illustrates a hydraulically-fractured horizontal well drilled in an

unconventional reservoir. According to Ma and Holditch (2015) and Nelson (2009), the



rock matrix in tight reservoirs typically has permeability and porosity of less than 0.1

mD and 10%, respectively.

Conventional

Tight reservoirs

Unconventional Petroleum Systems Conventional Petroleum Systems
1

1
Conventional reservoirs |

Geofluid molecules

T T T T T T — T T T

0.0001 0.001 0.01 0.1 1 10 100 1000
Pore-throat and pore size (micrometer)

Figure 2-1: Unconventional resources triangle based on reservoir properties (Adapted
from Ghori 2013; Ma and Holditch 2015).

Natural frattu res

it

Induced fractures

Figure 2-2: Schematic representation of a hydraulically-fractured well drilled in an

unconventional reservoir (adapted from Mydland et al. 2020).



Low oil recovery factor after primary production and rapid decline rates are key
challenges in developing tight-oil formations. Figure 2-3 shows production performance
of oil wells completed in the Eagle Ford shale and statistical figures of oil and condensate
recovery factors. Typical production performance of the well completed in Eagle Ford
shale starts with high production rates, followed by a steep decline in production in the
first year and transitions to a low production period (Figure 2-3a). This performance
results in low efficiency of primary production (Figure 2-3b). In conventional reservoir
development, the priority is to make a primary recovery successful, thereby downplaying
the role of the EOR stage (also known as tertiary recovery). Recently, the industry has
adopted a new approach by implementing EOR methods while fracturing unconventional
reservoir development. According to Thakur (2019) and Alfarge et al. (2017), gas
injection (CO2, N2, natural gas), low-salinity waterflooding, and chemical methods
(surfactants, polymers, alkaline) are the most investigated EOR methods for applicability
in the unconventional reservoirs. Except for low-salinity waterflooding, the cyclic gas-
injection or HnP using natural gas and surfactant as a fracturing fluid (FF) additives

have been tested in the field with promising results.
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Figure 2-3: Plots of (i) oil and condensate RFs (Gherabati et al., 2017) and (ii) average

oil production per well in the Eagle Ford shale (EIA, 2016).

The Western Canada Sedimentary Basin (Figure 2-4) which straddles over three
provinces of British Columbia, Alberta, and Saskatchewan, holds substantial
conventional and unconventional hydrocarbon resources. The unconventional portion
remained undeveloped until the early 2000s when advances in horizontal drilling and

multi-stage hydraulic fracturing made it possible to economically develop this enormous
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resource. This research uses dead oil and tight-to-ultratight core samples (air
permeability in the range of 60 nD to 5.28 mD) collected from Montney and Midale

Formations to perform natural-gas HnP and leakoff and flowback experiments.

The Montney Formation has been well known as world-class unconventional
petroleum resource with the oil-in-place of 141 billion barrels (Canada Energy Regulator
2013). The unconventional portion of this formation consists of mainly siltstone
interbedded with thin shales, variable amounts of sandstone, and has a thickness ranging
from 100 to 300m (Reynolds 2015). The gas permeability (by pulse-decay technique) of
rock samples collected across the formation varies from 0.1 mD to 2x10° mD
(Ghanizadeh et al. 2015). The Montney conventional sandstone and dolostone reservoirs

have been the target of oil and gas exploration since the 1950s.

Further southeast of the basin, the Midale Formation is a part of massive
Mississippian oil accumulation with an estimated oil-in-place of 515 MM bbl (McKishnie
et al. 2005). Reservoir rock is carbonate deposited in a variety of depositional
environments and with a wide range of porosity (2% to 37%) and permeability (<0.01
mD to 500 mD) (Burrowes 2001). One of the prominent features of this formation is a

network of sub-vertical fractures, both open and cemented.
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Figure 2-4: Location map of the Montney and Midale tight-oil Formations (Canada

Energy Regulator 2013).

2.2.Natural-Gas HnP Process in Tight-Oil Formations

2.2.1. Overview of Gas-Injection EOR

The conventional gas-injection approach using well pairs (injector/producer) is not
applicable in tight reservoirs because of the low permeability of rock matrix and
preferential flow of gas through fractures, bypassing the matrix oil (Carpenter 2018;
Thakur 2019). Instead, the gas HnP process has been found as an effective technique to
improve oil recovery in such reservoirs (Cronin et al. 2019; Chen et al. 2014). A gas HnP
process is applied in a single well and comprises of three distinct phases: (1) gas is injected
into the well to a targeted gas volume or injection pressure (huff), (2) the well is shut-in
for a period of time to allow gas penetrate deeper into the reservoir, and (3) the well is

reopened for production (puff).

Several studies have been conducted to evaluate oil recovery from tight-rock samples

(permeability in the range of nD) by gas HnP process using CO2 (Yassin 2019; Yu et al.
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2017; Habibi et al. 2017; Song and Yang 2017) and natural gas (Fu 2019; Lou et al. 2019;
Hoffman and Reichhardt 2019; Li et al. 2020). There has been a growing interest in
utilizing associated gases for gas-injection EOR and reducing gas flaring (Jin et al. 2017;
Hoffman and Evans 2016). It is important to note that the intensity or heat-trapping
capacity of methane (the principal component of natural gas) is 25 times higher than
CO2 (Dincer and Rosen 2013). Investment in EOR to boost production such as utilizing
produced gas, uneconomic oil wells, and existing gas compression/gathering facilities is
more economical than drilling new wells. Field tests of dry- and associated-gas EOR have
been implemented with promising results in the Eagle Ford shale (Rassenfoss 2017,
Ramirez and Aguilera 2016; Hoffman 2018; Orozco et al. 2020). The enrichment of
injected gas, for example by adding Csz, improves the miscibility of the gas/oil system.
Compared with Ci, C2 has a higher solubility in oil, lower MMP (Metcalfe 1982), and is
usually available at a less-expensive price than propane and butane (McGuire et al. 2017).
However, field pilots using enriched natural gas in Bakken shale ended up with marginal
improvements owing to issues related to reservoir containment and complex geology

(Rassenfoss 2017; Kurtoglu 2013).

2.2.2. Developed Miscibility Conditions

In a gas HnP process, achieving miscibility conditions is vital to improve oil recovery.
The miscibility conditions can be achieved by either first contact or by multiple contacts
(Pedersen et al. 2015). The first-contact miscibility occurs when oil and gas immediately
form a single phase at any mixing proportions and given pressure and temperature. Multi-
contact miscibility requires multiple contacts and mass transfer between the oil and
injected gas. If the porous medium is represented as a series of mixing cells, the multi-
contact miscibility can be categorized into two processes namely, a vaporizing gas drive

and a condensing gas drive (Orr 2007). In a vaporizing gas drive, miscibility is achieved
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by the vaporization of intermediate oil components into the gas phase. In a condensing

gas drive, miscibility is achieved by condensation of gas components into the oil phase.

Minimum miscibility pressure (MMP) of an oil-gas system can be determined by
three methods: experimental, numerical modeling, and analytical techniques (Egwuenu
et al. 2004). The experimental methods include slim-tube, rising-bubble, and vanishing
interfacial tension (VIT) tests. MMP can be numerically modeled by multiple mixing cell
method (Zick 1986; Ahmadi and Johns 2011). The analytical technique has been
developed which is based on the key tie line identification to speed up the calculation of
MMP during oil displacement by multi-component gas (Jessen et al. 1998; Wang and
Orr 1997).

Slim-tube experiments are still an industry standard for MMP estimation because
they can describe the complex phase behavior and rock-fluid interactions (Yellig and
Metcalfe 1980). However, the experiments are slow, and the level of physical dispersion
is significantly less than that under field conditions (Johns et al. 2002). Alternatively,
VIT and rising-bubble tests have become popular because they are fast and cost-effective.
In the VIT test, the gas/oil interfacial tension (IFT) is measured at reservoir temperature
and increasing gas-injection pressures. The gas/oil IFTs and capillary heights measured
by pendant-drop shape analysis (Rao 1997) and capillary-rise method (Hawthorne et al.
2016) in the VIT technique correspond to first-contact and multi-contact miscibility,

respectively.

Jessen and Orr (2008) argued that experimental MMP methods, such as VIT and
rising-bubble experiments, are suspect because they may not describe the complex phase
behavior and displacement processes under reservoir conditions. Therefore,
computational methods using tuned equation-of-state (EOS) for MMP prediction have

been developed to mitigate the drawbacks of these experimental methods (Ahmadi and
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Johns 2011). Ayirala and Rao (2011) demonstrated that the change of gas/oil ratio in
the VIT technique has a negligible impact on the capillary heights and gas/oil IFTs
measured at gas/oil equilibrium conditions. Therefore, they concluded that MMP values
measured by the VIT technique are independent of the compositional path. Ashrafizadeh
and Ghasrodashti (2011) used a mechanistic Parachor model to match measured MMPs
of five gas/oil systems by the VIT technique. Their measured values are within 5%
accuracy compared to the MMP values measured by slim-tube experiments. Based on
experimental and modeling studies on Bakken and Permian oil samples, Adekunle and
Hoffman (2014), Li and Luo (2017) and Liu et al. (2018) reported that CO2 achieves
miscibility with the Bakken oil at lower pressures compared with other hydrocarbon
gases. Furthermore, live oil samples containing solution gas achieve a lower MMP
compared with dead-oil samples (Adekunle and Hoffman 2014). Yassin et al. (2018)
conducted a bulk-phase visualization study of CO2-0il systems to understand the gas-oil
interactions at the interface. They observed strong vaporizing and condensing flows of
oil components and supercritical CO2 at the gas-oil interface during the pressure buildup

process.
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Figure 2-5: Conceptual pore network model showing different phase behaviors in different

pore sizes for a gas/oil system with a phase-behavior shift (Alharthy et al. 2013).
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Several studies have reported that the phase behavior of a gas/oil system in nanopores
of unconventional reservoirs deviates from the conventional ones. Teklu et al. (2014)
studied the effects of confined pores on the MMP of CO2 and a mixture of CO2 and C;
with Bakken oil. They noted that the reduction in MMP caused by confinement becomes
pronounced when the pore radius is less than 20 nm and is attributed to the critical-
temperature and critical-pressure shifts as shown in Figure 2-5. Moreover, high capillary
pressures affect equilibrium liquid/vapor-phase compositions, decreasing the MMP of

CO2 with Bakken oil (Nojabaei et al. 2013; Zhang et al. 2017).

2.2.3. Phase-Behavior Modelling

Cubic EOS are equations relating pressure-volume-temperature (PVT) to describe
volumetric and phase behavior of pure components and mixtures (Whitson and Brulé
2000). Phase equilibrium calculations using an EOS need to achieve minimum Gibbs free
energy or satisfy chemical equilibrium. This means the chemical potential of each
component in the liquid phase equals the chemical potential of each component in the
vapor phase in a vapor/liquid system. The Peng-Robinson (Robinson and Peng 1978)
equation of state (PR-EOS) is one of the most widely used cubic EOSs in the petroleum

industry.

RT a
p= - (2-1)
v—b v(w+b)+b(v—D>b)
22
a=045724— ¢ (2-2)
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Predictions of thermodynamic conditions in the gas-injection EOR require accurate
characterization of reservoir fluids using an EOS. The common method for tuning the
EOS to fit experimental PVT data is to modify the properties of plus fractions [critical
temperature (7¢), critical pressure (7)), and acentric factor ()] and binary-interaction-
parameter’s kj between injection-gas component and plus fractions (Whitson and Brulé
2000). Several correlations have been introduced to characterize critical properties (7t
and P) and o. In this study, we use a set of correlations by Lee and Kesler (1975) to

estimate the critical properties and o of the pseudocomponents (PCs).

2.2.4. Gas-Transport Mechanisms during Natural-Gas HnP
2.2.4.1. Gas-Transport by Molecular Diffusion

Molecular diffusion is the transport caused by the random motion of molecules and
atoms down a concentration gradient. Fick’s 15t law (Fick 1855) stated that the mass
flux J; diffusing through a unit area of cross-section is proportional to the concentration

gradient.

ac . . . . . . .
where D and o, are bulk-phase diffusion coefficient and derivative of the concentration

over distance x.

Apply the mass conservation for the incremental volume over the duration dt yields

Fick’s 2md law

ac _ _9%C (2-7)

ot  0x?
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The diffusion process in porous media is significantly hindered by the tortuous nature
of the pores, cross-sectional area available for diffusion, and possibly by the pore sizes
(Grathwohl 2012). This important gas-transport mechanism will be discussed and applied
to quantify effective diffusion coefficients in the natural-gas HnP experiments in Chapter

6.

2.2.4.2. The Dimensionless Péclet Number

There is still debate whether the mass-transport of gas during the soaking
period in a HnP process is dominated by advection or diffusion. Peclét number
(/Vpe) is a ratio of convective to diffusive flows. According to Hobbs and Ord (2015)
the Mpe for fluid flows that transport mass in the porous medium is

_uxL

2-9
P¢ ™ Deg (29)

where, u, L, and Der are Darcy velocity, length of the core plug, and effective diffusion

coefficient, respectively.

When Mpe < 1 the mass transport is dominated by diffusion (Perkins and Johnston
1963; Hobbs and Ord 2015). Cronin et al. (2019) and Carlsen et al. (2019) suggested that
the key mechanisms behind multiple-contact miscibility development in conventional gas-
injection processes (e.g. vaporizing and/or condensing drive) are based on the advection-
dominated transport within the matrix. Also, they presumed that transport of gas into
the matrix during the soaking period of the HnP process in tight reservoirs may be a
completely diffusion-dominated (Npe= 0) process, and thus, only first-contact miscibility
is relevant. Other researchers conducted simulation studies on recovery mechanisms in
shale and tight reservoirs and reported that the diffusion mechanism dominates transport

of gas into the Barnett shale matrix with permeability values of less than 10 nD (Olorede
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2017), and into the Bakken rock matrix with permeability in the range of 1 to 100 nD

(Lashgari et al. 2019; Yu et al. 2015).

2.2.5. Oil-Recovery Mechanisms during Natural-Gas HnP

Understanding oil-recovery mechanisms is crucial to optimize gas HnP processes
implemented after the primary production of tight reservoirs. The recovery mechanisms
involved in a gas HnP process include gas expansion, oil-viscosity reduction, oil swelling,
and vaporization of oil components to the gas phase (Carlsen et al. 2019; Alharthy et al.
2018; Zick 1986) and pore-volume compressibility (Davudov and Moghanloo 2018).
Hoffman and Rutledge (2019) studied oil-recovery mechanisms in tight rocks using
analytical models. The authors reported that oil swelling is the most important
mechanism, while oil-viscosity reduction is the least impact mechanism for low gas-oil-
ratio reservoirs (500 to 2000 scf/stb). The transport of gas into the rock matrix is
essentially controlled by gradients in pressure and chemical potential. Moreover, there
may be enough time for gas diffusion if the injection phase takes 20 to 90 days as typically

occurred in HnP field pilots (Jacobs 2019; Carlsen et al. 2019).

2.3.Aqueous Phasing Trapping after Hydraulic Fracturing and

Remediation Methods

2.3.1. Overview of Fracturing Fluids
The FFs include aqueous (water-based) and non-aqueous (oil-based, energized, and
foam). The choice of an appropriate type of FF depends on individual reservoir properties

and the design of proppant placement.

The water-based FF is the simplest and cost-effective solution being used in North
America. The commonly used water-based FFs are slickwater and crosslinked/linear gels
(Ma and Holditch 2015). A slickwater system typically includes additives for reducing

friction, preventing corrosion of completion components during the flowback process,
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preventing clay swelling (King 2010; Ma and Holditch 2015), and estimating proppant
distribution/transport (Salman et al. 2014; Senters et al. 2015; Zhao et al. 2019). Acid
has been widely used as an additive in FF for carbonate formations (King 2014).
Hydrochloric acid is typically used at 10 to 15 wt% to dissolve filled or cemented calcites
(King 2014; Johnson et al. 2016; Lai et al. 2018). When using acid fracturing, corrosion
control is needed to ensure long-term wellbore integrity. A crosslinked/linear gel system
consists of gelling agents to increase the fluid viscosity and facilitate proppant placement,
and oxidative breakers to destroy high molecular- weight polymers and facilitate the fluid

flowback (Montgomery 2013; Al-Ali et al. 2016; Li et al. 2019).

2.3.2. Aqueous Phase Trapping

A large amount of FF is typically pumped through the wellbore into the formation
to create a network of fractures during HF operation. However, only 5% to 50% of the
FF is recovered during flowback and production phases (King 2012; Bertoncello et al.

2014; Ghanbari and Dehghanpour 2016; Liu et al. 2019).

Although HF operations have been used to unlock tight reservoirs, there is a potential
for well-productivity impairment resulting from the loss of aqueous component in the FF
into the rock matrix (Holditch 1979; Sharma and Agrawal 2013). The water might be
trapped near the fracture/matrix interface because of capillary discontinuity, forming a
high-water-saturation zone and decreasing the oil relative permeability (Bennion et al.
2006; Shaoul et al. 2011; Longoria et al. 2017; Sheng 2017). Al-Muntasheri et al. (2017)
and Palisch et al. (2007) reported formation damage during the flowback process by gel
residue distributed along the fracture, reducing porosity and conductivity of the proppant
pack, and fracture-width/length loss caused by filter-cake formation when a breaker is

poorly designed for a gelled system.
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2.3.3. Methods to Improve Regained Permeability

Several methods have been studied to mitigate the aqueous phase trapping and
enhance the regained permeability after hydraulic fracturing. Among them, a
combination of chemical treatment and well shut-in has been shown to be an effective

method through experimental studies and field trials.

Experimental studies on leakoff and flowback of FF containing flowback enhancers
are well-documented in the literature (Parmar et al. 2014; Yue et al. 2016; Himes et al.
2017; Nelson et al. 2018; Rabie et al. 2019; de Rezende et al. 2019). Most of them were
conducted using packed columns containing sand, carbonate, shale, or proppant particles.
In field applications, a combination of surfactants and well shut-in have been reported
to improve gas production in Marcellus (Yaich et al., 2015) and oil production in Eagle

Ford shales (He et al. 2014; He and Xu 2015).

To chemically reduce water saturation near the fracture/matrix interface, flowback
enhancers (i.e., surfactants) can be added to the FF to reduce the IFT between the
leaked-off FF and oil reducing capillary pressure and phase trapping (Bennion et al. 2000;
Liang et al. 2015; Negin et al. 2017). Moreover, surfactants may alter the rock wettability
from oil-wet to intermediate-wet, hence improving the imbibition of FF. Several studies
have been conducted to evaluate the effects of surfactant type (i.e., cationic, anionic,
nonionic, and amphoteric) and concentration on IFT of FF /oil mixtures (Hirasaki et al.
2011; Chen and Mohanty 2013; Mirchi et al. 2015; Mirzaei et al. 2016; Yarveicy et al.
2018). Nonionic surfactants have been shown to outperform ionic surfactants in field
applications because they are compatible with other FF additives and are not sensitive
to the salinity of brine and charged species (He and Xu 2017). According to Bui et al.
(2020), the microemulsion droplet in aqueous phase undergoes the process of droplet

movement towards the aqueous-phase/oil interface, droplet adsorption, and the droplet
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breakup (Figure 2-6). After breakup, the surfactant molecules (shown in red arrows) stay
at the aqueous-phase/oil interface, leading to a decrease in IFT. The solvent molecules
or self-assembled structures (shown in orange) penetrate deeper into the oil film, altering

the wettability of pore walls.

Microemulsion in

aqueous phase

Organic wall - * ﬂ

Figure 2-6: Adsorption of a microemulsion droplet to the oil/water interface of an oil-

wet wall. The microemulsion droplet is shown in blue, the nonionic surfactant is shown

as red arrows, and the solvent or self-assembled structures is in orange (Bui et al. 2020).

Shutting in a well after hydraulic fracturing operations can also improve well
productivity by the imbibition of FF deeper into the reservoir (Bennion et al. 1999;
Bertoncello et al. 2014; Dutta et al. 2014; Asl et al. 2019; Wijaya and Sheng 2020). In
HF operations using crosslinked fluid systems, the shut-in time allows the breaker system
to more efficiently break down the polymer network. However, there are uncertainties
regarding the positive effect of shut-in periods if clay swelling occurs (Civan 2007; Jacobs
2015) and the conductivity of the proppant pack is reduced by crosslinked gel containing
no breakers (Hawkins 1988). In addition, economic considerations should be noted for

shutting in a well before placing it on production.
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Chapter 3 : Experimental Study on The Phase Behavior of
Natural-Gas/Oil Systems

3.1.Introduction

This chapter experimentally evaluates phase behavior of natural-gas/oil systems
under reservoir conditions to complement natural-gas HnP experiments presented in a
later chapter. We perform constant-composition-expansion (CCE) tests and MMP
measurements by VIT technique to study phase behavior of the oil/gas systems. The
natural-gas samples are methane (Ci1) and mixtures of methane and ethane (C1/C2:70/30
mol%). Next, we conduct visualization tests (under P = 137.9 bar and 7" = 50°C) to
study gas solubility in the oil, oil swelling, and vaporizing/condensing phenomena at the

oil/gas interface.

3.2.Materials

We used a dead-oil sample from a well drilled in the Montney Formation in
northwestern Alberta, Canada, and conducted the experiments at representative
reservoir pressure (Piet) and temperature ( Zit) of 137.90 bar and 50°C, respectively. The
Ci and C» samples used in this study have a purity of 99.999%. The fluid properties and
oil compositional analysis are presented in Table 3-1 and Figure 3-1, respectively.
Detailed information on the compositional analysis of Montney oil from the simulated

distillation method can be found in Appendix A.
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Table 3-1: Physical properties of the Montney dead oil, and Ci/C2 (NIST chemistry
webbook) at Tt

Fluids Density (kg/m3)  Viscosity (mPa-s) Surface Tension
Oil 818.50 2.82 23.95
C 0.59 0.01 -
Co 1.13 0.01 -
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Boiling point (°F)

400
200

0 10 20 30 40 50 60 70 80 90 100 0 10 20 30 40 50 60 70 80 90 100
Carbon Number Weight %

(a) (b)
Figure 3-1: Simulated distillation results for the Montney oil sample: (a) compositional

analysis, (b) true-boiling-point distribution.

3.3.Method

3.3.1.MMP Measurement

The VIT test consists of measuring IFT between the oil and injected gas at increasing
pressures and a given temperature (Hawthorne et al. 2016). Figure 3-2 shows a schematic
of the visualization system and an image of the capillary tubes and a custom-built gas
mixer used for conducting the VIT tests. The main component of the visualization system
is a see-through high-pressure and high-temperature cell. It has a chamber with an

internal volume of 587 cm?® which is equipped with two sapphire sight glasses with
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diameters of 2.4 cm and 4.8 cm. The pressure and temperature ratings of the visual cell
are 275.79 bar and 200°C, respectively. Two sets of accumulators (500 cm? each with an
operating pressure of 689.48 bar) with heating jackets are used to deliver oil and gas into
the cell using a continuous pulse-free pump. The pump can deliver a flow rate ranging
from 0.0001-29 cm?/min and can supply a maximum pressure of 827.37 bar.
Thermocouple, heating jackets, and temperature controllers are used to control the
temperature of the visual cell and the two accumulators with an accuracy of +0.1°C. A
pressure gauge with an accuracy of £0.14 bar is installed at the top of the visual cell for
pressure monitoring. Halogen light sources are used to illuminate the two sight glasses
and a digital camera equipped with a macro lens (EF USM 100mm f/2.8) is used for

continuous capturing of images during the visualization experiments.

The procedure starts with placing three capillary tubes (inner diameters of 0.5, 0.85,
and 1.05 mm as shown in Figure 3-2b) in the cell, and injecting gas into the cell at
predefined pressure (P) steps. We check the system’s leakage by purging the cell/lines
several times with the tested gas. The temperature (7) of the cell and accumulators (with
oil and gas) are set at Zi. The heated oil is injected into the cell until the oil level stops
rising inside the capillary tubes. After waiting for approximately 3 minutes for the fluids
to equilibrate, we capture images and measure the height of the oil/gas meniscus in each
capillary tube from the top of the bulk-oil phase outside the tube. Finally, we plot the
height values for the three capillary tubes vs. P and determine P corresponding to zero
capillary heights by linear extrapolation. We interpreted this P as the MMP of the three
0il/C1/Cy systems (with Cp of 100, 70.1, and 28.7 mol%). We used three capillary tubes

to have sufficient data points for extrapolating the trend lines to zero capillary heights.
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Figure 3—-2: Experimental setup for conducting VIT tests: a) the visualization system, b)

an image of the capillary tubes, and c) a custom-built gas mixer.

Mixtures of C1/Cs are prepared using two accumulators (500 cm? each) and a custom-
built gas mixer (Figure 3-2¢). First, specified amounts of C; and Cs are transferred to
two accumulators at room temperature (7'= 21°C). The mole fractions of C; and Cs (all
in the gas state) are calculated according to the accumulator volume (500 cm?), calculated
P, and corresponding compressibility factors to achieve the desired mole ratio (Ci/Cs
ratio of 70:30) at 21°C. The C; and C» properties are obtained using the NIST chemical

webbook (NIST 2018). Second, C; and Cs in the two accumulators are squeezed into the
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gas mixer that rotates at a speed of 6 rev/min and with an angle of 150° to mix Ci/C»
mixtures at 21°C for 24 hours. Finally, the gas mixtures are then transferred to a heated

accumulator (50°C) and left to equilibrate for 6 hours before starting the VIT tests.

3.3.2. CCE Tests

The CCE tests are performed at reservoir conditions using a pressure-volume-
temperature (PVT) cell to measure saturation pressure (Pit) and saturated oil density
(psat) and to calculate the swelling factor (SF). Figure 3-3 shows a schematic of the PVT
apparatus. The Pand 7 ratings of the PVT cell are 1034.21 bar and 199°C, respectively.
The temperature of the PVT cell is controlled by an air bath with an accuracy of 0.1°C.
A high-pressure pump controls the pressure of the PVT cell by hydraulic oil. A floating
piston is inside the cell and isolates the test fluids from hydraulic oil. The total internal
volume of the cell is 112 cm?, with a dead volume of 1.754 cm?®. A pressure gauge is used
to monitor the cell pressure with an accuracy of 0.72 bar. A cathetometer is in front of
the PVT cell to measure the piston height (with an accuracy of 0.016 cm?) for calculating

the volume of fluids in the cell.

PVT Cell
N e
&
®
[ Camera ® |_Floating Data. ©
] ® piston acquisition
® D .
|-Magnetic
52 strrer
- - DBR Pump
| cathetometer |
Vacuum
pump

Figure 3-3: Schematic of the PV'T apparatus for conducting CCE tests.
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Table 3-2 lists the parameters of the CCE tests. For conducting the CCE tests, we
specify amounts of injected gas and oil into the PVT cell at room temperature. The oven
temperature is set at reservoir temperature and the stirrer is turned on to mix gas and
oil for 24 hours. When the temperature reaches the set-point (50°C), we increase PVT-
cell pressure until a single-phase is formed. The PVT-cell pressure is reduced stepwise
and the mixture volume is recorded accordingly. The saturation point is determined as
the pressure at which the slope of the pressure-volume changes. The saturation density
is defined as the ratio of fluid mass in the cell to the mixture volume at saturation

pressure.

Table 3-2: Experimental conditions of the CCE tests using the PVT cell. The

temperature is kept at 50°C in all tests

Oil/gas Mass of oil and gas (g)
Feed Gas (mol%)

(mol%) Oil C: Cs
1 89.7/10.3 C1 27.8 0.2 -
2 70.5/29.5 C1 14.45 0.38 -
3 50.6/49.4 C1 16.86 1.05 -
4 29.9/70.1 C1 10.15 1.50 -
5 30.2/69.8 Co 9.73 - 2.67
6 28.8/71.2 C1/C2 - 30.0/70.0 21.7 1.02 4.47
7 20.0/71.0  C1/Ca—49.6/50.4  31.8 2.46 4.66
8 28.0/72.0 C1/C2 - 69.7/30.3 35.6 4.06 3.30

We also measure oil density at different P (6.89 to 275.79 bar) and 7 (30, 50, and

70°C) values using the PVT cell based on mass balance. Because the mass of the oil in
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the PVT cell is conserved, the oil density at different experimental conditions can be

calculated by

_ PrefVref (3—1)
p1= v
1

where p; and Vi are density and volume, respectively, of the oil at given P and 7} pref
and Vier are the density and volume, respectively, of the oil at atmospheric pressure
(Patm) and the given T. We measure prer and Vier using a densitometer and the PVT cell
at Pam and different 7" values (30, 50, and 70°C). The accuracy of the densitometer is

60.01 kg/m?.

SF is defined as the total volume of oil and dissolved gas at Psaw and 7" divided by

the volume of the dead oil (without gas) at the same 7" and Patm,

~ (Mnpger y 1 (3-2)

SF =
(%)Patm,r 1-x

where Vi is the molar volume of the mixture at Psat and Tiet, V5 is the molar volume of

the oil at Pitm and 7, and x is the mole fraction of the gas in the mixture.

3.3.3. Visualization Tests

Two visualization tests are conducted for oil/Ci and 0il/C1/Cs systems at Pt and
Tiet using a visualization cell as shown in Figure 3-2a. Before the tests, the cell and
connecting lines are cleaned and vacuumed and then checked for leakage by pressurizing
the cell with tested gas at 20.68 bar and monitoring the cell pressure for 4 hours. We
conduct two tests (Test 1 for 0il/Ci and Test 2 for 0il/C1/C2 with 30 mol% of C2) in the

following three steps:
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e Initial conditions: Approximately 255 cm? of oil is introduced into the cell through
the bottom valve at Patm and 7.

e Pressure buildup: The tested gas is injected into the cell from an inlet valve at
the top of the cell to reach Pii. Images of the oil/gas interface are captured to
observe oil/gas interactions during gas injection. The gas-injection valve is closed
at Pset to start a soaking period.

o Pressure decline: During the soaking period, the pressure in the cell will decline
as a result of gas dissolution into the oil. The soaking period completes when the

pressure in the cell reaches the equilibrium pressure (Pe).

The volume of oil in the cell at initial conditions, end of pressure buildup, and
pressure-decline periods are determined by using a spreadsheet-based image-analysis
technique. It should be noted that the cell is not equipped with a magnetic stirrer and a
floating piston to mix oil and injected gas and to reduce the time to reach equilibrium
conditions. Therefore, the equilibrium state is achieved by slow interactions between oil
and injected gas. Therefore, the term “oil-swelling factor” does not apply to this
experimental condition. Instead, we define the volume-expansion factor (VEF) of the oil

caused by dissolution of the injected gas:

where V; is the oil volume at an elevated pressure P and 7t divided by the initial oil
volume ( 14) at Pam and Tie;. The VEFs at the end of the pressure-buildup and soaking
periods are referred to as initial VEF (VEFii) and equilibrium VEF (VEF.),

respectively.
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3.4.Results and Discussions

This section reports the results of the MMP measurements, CCE, and bulk-phase

visualization tests.

3.4.1.Measured MMPs of Natural-Gas/Oil Systems

We conduct the VIT tests to measure the level of capillary rise at increasing gas
pressures and 7. Consequently, the MMP is determined from the measured capillary
heights. Figure 3-4 shows the measured capillary heights for capillary tubes with small,
medium, and large diameters for three 0il/Ci/Cs systems. The measured MMPs of the
three systems with Ci of 100, 70.3, and 28.7 mol% are 299.92, 187.95, and 100.11 bar,
respectively. Figure 3-4a includes two images captured at 35.65 and 109.70 bar that show
the reduction of capillary heights with increasing gas pressures. The plot of each capillary
tube contains 10 to 16 data points that are adequate to generate reliable trend lines and

extrapolate it to the pressures corresponding to zero capillary heights.

According to Figures 3-4b and 3-4c, MMP of the oil/gas mixtures decrease from
299.92 to 100.11 bar by increasing Cs from 0 to 71.3 mol%. Metcalfe (1982) reported that
the higher concentration of Ci1 and Cz in the rich gas increases and decreases MMPs of
oil/gas systems, respectively. In this study, the capillary heights are measured at nearly
equilibrium gas/oil conditions at each pressure step. The resulting MMPs satisfy the
multicontact-miscibility requirements as reported by Ayirala and Rao (2011) and
Hawthorne et al. (2016). Moreover, these measured MMPs will be validated by predicted
MMPs using two-phase equilibrium data from the tuned EOS and ternary diagrams in

the later sections.
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Figure 3-4: The results of VIT tests for estimating MMPs of three 0il/C1/C2 systems at

50°C, a) C1/Cs — 70.3/29.7 mol%, b) C1/C2 — 28.7/71.3 mol%, and ¢) C1/C2 — 100/0

mol%.

3.4.2.Results of CCE Tests

3.4.2.1. Oil/C; CCE Test

Here, we report the results of CCE tests on four oil/Ci mixtures at Zi (see Table 3-

2 for detailed feed compositions). P/V data from the CCE tests on the oil/C; systems

are shown in Figure 3-5a. The pressure at which we observe a significant reduction in

the slope of the P/V curve is interpreted as Piat. Pt and SF (calculated using Eq. 3-2)

of the oil/gas mixtures at different C; mole fractions are plotted in Figure 3-5b. The
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results show that P increases with increasing Ci concentration. For example, Piat
increases by more than one order of magnitude when the C; concentration increases from
10.3 to 70.1 mol%. The rate of increase in Ps is faster when the C; concentration is
greater than 50 mol%. We failed to measure P at Ci concentration of 80 mol% because
the system pressure gets close to the physical limit of the PVT cell. The SF increases

from 1.07 to 1.47 when the C; concentration increases from 10.3 to 70.1 mol%.

3.4.2.2. 0il/C;/C> CCE Test

Here, we report the results of CCE tests on four o0il/C1/Cs mixtures (see Table 3-2
for detailed feed compositions). P/V data from CCE tests on the 0il/C1/Cs systems are
shown in Figure 3-5c¢. Psat and SF of the oil at different C2 mole fractions are plotted in
Figure 3-5d. P increases with a decreasing concentration of Ca. For example, Pt in
Figure 3-5d increases by more than threefold (i.e., from 37.58 to 133.28 bar) when Cs
concentration decreases from 100 to 30.3 mol%. However, SF exhibits a reverse trend
with decreasing Ca concentration. For instance, SF reduces from 1.76 to 1.49 when C»
concentration decreases from 70 to 30.3 mol% at Ti. SF is the maximum (1.76) for the
0il/Ca system. It should be noted that Cs is more soluble in o0il compared with C; at the
same P and 7. Since C; molecules are smaller than C» molecules, at the same mole
fraction of injected gas in the oil phase, having more Cs in the system results in more

swelling compared to the case with less Co.
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Figure 3-5: The results of CCE tests, Pt and calculated SF at 50°C: (a), (b) for oil/C;

systems, and (c), (d) for oil/C1/Cs systems.

3.4.3.Calculated Oil Density at Different P and 7'

We correlate the calculated density from the oil-volume measurements using the PVT
cell at different P and 7" using the Tait equation (Dymond and Malhotra 1988). The

measured oil densities at different P and 7 are used to determine p in the CCE tests:

_ pref(T: Patm)
p(T.P) = gl (B ¥ 0.0069P) (3-4)
Ao (—pFo1
Pref(T, Patm) = 765.6168 + 0.8544T — 0.0021T? (3-5)
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B = 0.2054 — 5.6598 X 1074T (3-6)

B =118.5120 — 1.6839 x 10571 + 4.4508 x 107T 2 (3-7)

where 7'is temperature (in K), P is pressure (in psig), and p is density (in kg/m?). The
parameters in Eq. 3-5 are determined by fitting the measured prf. We use Eq. 3-1 to
calculate oil density, p(7, P). The parameters in Eqgs. 3-6 and 3-7 are determined by
regressing Eq. 3-4. Figure 3-11 shows the measured and calculated densities using Egs.
3-4 through 3-7. Detailed oil-density data at different P and 7 can be found in Appendix
A.
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Figure 3-6: Comparison of the measured oil density at different pressures and

temperatures with calculated density using Tait equation.

The average absolute relative deviation (AARD) for the calculated oil densities from

the experimental data is calculated by

N

AARD = 12
=N

Jj=1

cal _ €xp

pj p]
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cal

where p;™" and pjxl) are the calculated and measured values, respectively, and N is the

number of data points. The AARD for the calculated oil density is 0.035%.

3.4.4.Visualization of Gas/Oil Interactions at The Interface

Here, we present results of visualization tests for oil/Ci and 0il/C1/Cz (70/30 mol%)
systems at 7it. Table 3-3 lists the results of two visualization tests. The diffused gas at
the end of the soaking period is calculated on the basis of the difference in molar mass of
gas in the cell at initial conditions (Pit) and at the equilibrium (Peq). We assume that
partial pressures created by vaporized oil components at the F.q are negligible. The
density values of Ci (under Pit, Peq, and Tit) are obtained from the NIST chemical
webbook, while densities of C1/C2:70/30 mol% (under Pict, Peq, and Tict) are obtained by
flash calculations. Adding 30 mol% of Cz to the injected gas increases the dissolved gas
by 95% (0.440 vs. 0.856 mol). The higher amount of dissolved gas in C1/Cz case is
attributed to the higher solubility of Cs in oil compared to Ci. The gas solubility in Table
3-3 is calculated by the amount of gas dissolved in the crude oil at the equilibrium
conditions and in a unit of g gas/100 g oil. It can be seen that enriching the injected gas
with 30% C2 leads to a 143% increase in gas solubility.

Table 3-3: Results of the two visualization tests

P Initial conditions Equilibrium Gas
Test Injected gas Initial Injected | Poq Bulk gas Dissolved solubility
(bar)
oil  gas (mol) (bar) (mol) gas (mol) (2/100g)
I 1 I Cy I 137.96 | 1.018 I 1.757 |114.04 1.320 0.437 3.29
2 C1/C2:70/30 137.96 | 1.011 1.974 1106.94 1.109 0.865 8.27

Figure 3-7 shows images of gas/oil interfaces in the cell in two visualization tests. In

each test, the captured images correspond to the initial conditions of the test (at Patm,
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Tit) (Figure 3-7i), the end of the pressure buildup (at Pii, Ziet) (Figure 3-7ii), and the
equilibrium state (at Peq, Ziet) (Figure 3-7iii). In general, it takes approximately 0.27 to
0.29 hours to pressurize the cell from 0 to Pit in two tests. We observe oil volumes
shrinking (VEFiu of 0.94 in Test 1 and 0.98 in Test 2) during the pressure buildup. Peq
values of Tests 1 and 2 are 114.04 and 106.94 bar, respectively. Consequently, equilibrium
times in Tests 1 and 2 are 67 and 60 hours, respectively. VEF¢q values at the end of the

soaking period in Tests 1 and 2 are 1.08 and 1.28, respectively.
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Figure 3-7: Images of oil-gas interfaces at (i) initial conditions at Paum, (ii) end of pressure

buildup at Piet, and (iii) equilibrium at Peq. The temperature is kept at 50°C during the

experiment.

At the equilibrium, Test 2 reaches Peq faster than Test 1, suggesting a higher diffusion
rate of Cz in the oil. By adding 30 mol% C», Py reduces from 114.04 to 106.94 bar,
indicating an increase in solubility of the gas phase (i.e., C1/C2) compared with the case

with pure Ci. The reduction of VEFs at the end of the pressure buildup in both tests
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indicates that the oil phase is compressed with increasing injection pressure. Because Ca
is more soluble in oil than C; at the same P and 7, the VEF;,; and VEF in Test 2 are
higher than those of Test 1. This means that the presence of C2 in the injection gas
enhances oil swelling compared with the C; case. Moreover, the gas phase in initial
conditions (Figure 3-7i) is transparent. At the end of the pressure buildup (Figure 3-7ii),
the gas phases in Tests 1 and 2 turn yellowish. This observation suggests that oil
components are transferred from the oil phase to the gas phase, and this is more

pronounced in Test 2.

Figure 3-8 shows the interactions at the oil/gas interfaces during the pressure-buildup
process in Tests 1 and 2 at 50°C. The horizontal brown line is the initial level of the oil
phase that is compressed downward during the pressure buildup. The upward red arrows
in Figure 3-8a indicate vaporizing flows of oil components at the oil/C1 interface. The
magnified image of the 0il/C; interface shows a yellow region on top of the oil phase.
The yellow color indicates the presence of oil components transferred from the bulk-oil
phase toward the bulk-gas phase and becomes darker in the region close to the oil/gas
interface. This is caused by the upward transport of vaporized oil components within the

gas phase over time. We did not observe condensing flows during Test 1.

Figure 3-8b shows the vaporizing of oil components and condensing flows of Ci and
Cz at the 0il/C1/Cy interface during pressure buildup in Test 2. Figures 3-8b(i) through
3-8b(iii) show the magnified images of the oil/gas interface at three different times. The
time frame between Figures 3-8b(i) and 3-8b(iii) is approximately 0.22 hours. At t = 0.03
hours [Figure 3-13b(i)], condensing flows (downward green arrows) of Ci; and C2 occur
and traces of vaporized oil components (yellow spots) are observed in the gas phase. We
notice a layer on top of the oil phase (in a blue dotted rectangle) that might be a mixture

of C1/C2 and vaporized oil components. Under these conditions (pressure and
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temperature of 51.02 bar and 50°C, respectively), C; and C2 are in supercritical states
with corresponding densities of 32.41 and 94.73 kg/m?3 (NIST 2018), respectively. The
gas-phase becomes yellowish because of the stronger vaporizing flows at t = 0.08 hours
[Figure 3-8b(ii)]. This bright-yellow region has a colour gradient similar to what we
observed in Test 1 (Figure 3-8a) in terms of color and location. Furthermore, this
continuous-concentration gradient becomes stronger with increasing pressure, as shown
in Figure 3-8b(iii). The heavier oil components and C1/Cz form a thick and dark-yellow
layer on top of the oil phase. This might be attributed to the effects of gravity and mass
transport caused by the concentration gradient. When the pressure increases to 127.55
bar at t = 0.25 hours, the appearance of several droplets indicates stronger condensing
flows of C1, Co, and oil components into the oil phase. The vaporizing and condensing
flows persist during the soaking process and cease at equilibrium conditions, as shown in

Figure 3-Tiii.
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Figure 3-8: Images captured at oil-gas interfaces during the pressure buildup process: (a)
vaporizing flows in the o0il/Cy test, and (b) vaporizing/condensing flows in the oil/C1/Cs

test at 50°C.
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3.5. Limitations

We present the following limitations:

The oil swelling and MMP of oil/gas systems are susceptible to the presence of
light-oil components. The oil SF is expected to be higher by using live oil because
light components enhance the solubility of gas in the oil. On the other hand, Peat
and MMP values are lower when using live oil. The light components (C; through
Cy) in the live oil help reduce the MMP of the gas/oil mixtures.

The accuracy of MMP measured by the VIT technique and the oil swelling in the
visualization tests depend on the quality of images captured throughout the
experiments. Because Cz is in the supercritical state at pressures greater than
48.75 bar and 50°C, the image quality decreases because of the cloudiness of the
injected gas.

The gas mixtures undergo phase changes (from supercritical to gaseous state)
when they are transferred from the heated accumulator at high pressure to the
heated visualization cell at vacuum pressure. This affects the diffusion of gas to

the oil at the early stages of the VIT and bulk-phase visualization tests.

3.6. Summary

We characterized the phase behavior of oil /natural-gas systems by conducting CCE

tests between an oil sample from the Montney Formation and injection gases (Ci and

mixture of C1/Cz with the molar ratio of 70/30). MMPs of different oil/gas systems were

measured using the capillary-rise VIT technique. To complement the CCE and VIT tests,

we performed bulk-phase tests to visualize oil/gas interactions at the interface using a

visualization cell.
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The dominant mechanism for developing miscibility conditions is vaporizing gas drive
for the 0il/Ci system and vaporizing/condensing gas drive for the oil/Ci/Cs systems. The
MMP measurements by VIT technique indicate that increasing the C2 molar fraction in
the gas mixtures significantly decreases the MMP of the oil/gas mixtures (from 4,366 psi
for oil/C1 to 1,467 psi for oil/Ci/Ce with 71.3 mol% Cs). Vaporizing flow of oil
components to the gas phase occurs in all visualization tests. The condensation of Cs into
the oil phase in the C1/C> test leads to a higher oil-volume expansion compared with the
pure-C; case. The presence of Cs in the injection gas increases the oil swelling factor (i.e.,

from 1.47 to 1.61) by increasing Ca molar fraction from 0 to 70 mol%.

The findings presented in this study lead to an improved understanding of the phase
behavior and processes leading to miscibility conditions that can be applied to design

more effective natural-gas huff 'n’ puff operations in tight oil formations.
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Chapter 4 : Modelling Phase Behavior of Natural-Gas/Oil

Systems

4.1.Introduction

This chapter presents the process of calibrating the PR-EOS against measured CCE
and MMP data. The calibrated EOS is used to predict the MMP of the oil/gas systems
using ternary diagrams and thermodynamic conditions in the core plug during natural-

gas HnP experiments in a later chapter.

4.2 . Method

For a gas-injection process, a PR-EOS model needs to be calibrated against the
measured CCE and MMP data before being used to predict the MMP of different oil/gas
systems (Alavian and Whitson 2010). The main steps to manually calibrate an EOS
model include oil characterization, EOS regression, and thermodynamic consistency
checks. We plot two-phase equilibrium data from the calibrated EOS models on ternary

diagrams to predict the MMPs of the oil/gas systems.

4.2.1.0il Characterization

The simulated distillation data show that crude oil contains more than 100 different
components. It is difficult to measure the thermophysical properties [i.e., critical
temperature (7¢), critical pressure (F), and acentric factor (w)] and other EOS
parameters for components heavier than Cz (Whitson and Brulé 2000). The procedure
to split plus fractions, lump oil components into pseudocomponents (PCs) and estimate
critical properties of the PCs can be found in Appendix A. The oil components are

grouped into equal-mass groups with mass-weighted averaging of the properties.

43



Following this method, a four-PC EOS model is recommended by grouping Ci through
Cio into PCy, C11 through Cis into PCz, Ci7 through Cor into PCs, and Cas through Cso+
into PCy. The gas components (i.e., C; and Cy) are left ungrouped. To predict the MMP
of the oil/gas systems using a ternary diagram, we also group the oil components into
one and two PCs. The simplified one- and two-PC EOS models serve as a tool for
visualizing and investigating the compositional path on pseudoternary diagrams for

0il/C1 and oil/C1/Cs systems.

4.2.2. EOS Regression

The PR-EOS parameters are tuned to match CCE and MMP results for different
oil/gas mixtures using the PVTsim software (Calsep A/S 2018). It is essential to obtain
a single set of parameters [binary-interaction parameters (BIPs), critical properties, and
volume-shift parameters| that can predict the CCE and MMP data of all gas/oil mixtures
(in 0il/C;y and o0il/C;/Cy systems) with acceptable accuracies. The key strategy is using
the minimum regression variables (e.g., the BIPs and critical properties of the heaviest
PCs) that ensure an optimal solution. The regression variables are adjusted within their
estimated uncertainties [i.e., up to 20% of the initially estimated values (Pedersen et al.

2015)]. The following regression variables are used to tune the EOS model:

e BIP. BIPs between C1/Cz and the heaviest PCs are tuned to match Pis. The
initial values of BIPs between C;/Cz and PCs are calculated using the equations
available in the literature (Katz and Firoozabadi 1978; Gao et al. 1992).

o C(ritical properties of PC3 and PCy. If tuning BIPs is insufficient to match Piat,
T¢, and P of the heaviest PCs can be tuned accordingly.

e Volume-shift parameters (Cpen). After matching Piat, psat at Zie needs to be

matched. The Cpenx parameters of Ci, Co, and PCs, using the PVTsim software
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(Calsep A/S 2018), are adjusted to match psas. The initial values of Cpen are

calculated using the equations from Péneloux et al. (1982).

After matching Pit by tuning the BIPs and critical properties of the heaviest PCs,
we use the slimtube simulation module in PVTsim (Calsep A/S 2018) to calculate the
MMP of the gas/oil system. This iterative process is performed until we reach an
acceptable accuracy between Py and the MMP predictions using the EOS and the

measured data.

4.2.3. Thermodynamic Consistency Checks

Because the EOS models are calibrated by changing several regression variables, it is
necessary to perform a consistency check to ensure the thermodynamic validity of
equilibrium vapor /liquid data and MMP predictions (Whitson and Brulé 2000; Martinsen
et al. 2010). Furthermore, using fewer PCs in EOS models can make two-phase
equilibrium calculations more efficient, but this might introduce erroneous predictions of
phase behavior because of the reduced dimensionality in composition space (Kaul 1999;
Kumar 2016). We perform consistency checks for four-, two-, and one-PC EOS models
by comparing phase envelopes and plotting equilibrium A-values at different oil/gas

compositions vs. MWs of PCs.

4.2.4. MMP Prediction Using Pseudoternary Diagram

Ternary diagrams are useful tools to visualize the phase behavior of a three-
component system in a 2D graph (Lake 1989). We perform two-phase equilibrium
calculations at pressures of 101.15 to 301.03 bar and 7i by using the calibrated EOS
models (i.e., two- and one-PC models) and plot the two-phase equilibrium data on
pseudoternary diagrams to determine MMPs of the oil/gas systems. Each tie line stands
for a set of equilibrated liquid (L) and vapor (V) composition. The L/V region is formed

by connecting the locus of L and V compositions of each tie line. Figure 4-1 illustrates
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the displacement process of a vaporizing gas drive and a condensing gas drive. Figure 4-
la presents the oil/Ci-displacement process under a vaporizing gas drive. The vapor
phase is enriched with intermediate-hydrocarbon components vaporized from the oil
phase (comparing the composition of Vs with Vi). The process of enriching the vapor
phase continues until reaching a critical point at the L /V boundary region. At this point,
the vapor phase becomes miscible with the oil phase after several contacts and the length
of the equilibrium tie line at miscibility conditions becomes zero (i.e., critical tie line).
The oil/C1/Cs-displacement process under a condensing gas drive is shown in Figure 4-
1b. Unlike the vaporizing gas drive, where the vapor phase is enriched by intermediate-
oil components, a condensing gas drive relies on the condensation of intermediate-oil
components from the gas to the oil. The vapor phase becomes richer because oil
components transfer more into the gas phase (comparing the composition of Vs with V1).
Also, Cy vaporizes into the gas phase gradually. Furthermore, the liquid phase becomes

lighter by condensation of Cz (comparing the composition of Ls and Lz).

Critical point and

critical tie line .. .
critical tie line

G

(a) (b)
Figure 4-1: Pseudoternary diagrams illustrate a) a vaporizing gas drive and b) a

condensing gas drive. O, G, and M represent oil, C1, C1/C2 mixture, respectively.
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4.3.Results and Discussions

This section reports the results of EOS model calibration, MMP prediction for the

0il/Cy and o0il/Cy/Ca systems.

P, SF, and density data from the CCE tests are used to calibrate one-, two-, and
four-PC EOS models and predict the phase behavior/MMP of the oil/gas systems.
Regression variables include BIPs between gas/PCs, critical properties of PCs ( 7¢, P.),
and Cpen. Hydrocarbon/hydrocarbon (HC/HC) BIPs of the PCs are assumed to be zero
for the PR-EOS. Cprn parameters are tuned separately to match psat. For consistency,
we aim to obtain a single set of parameters for the PR-EOS model that matches the CCE
and MMP data of both 0il/C1 and oil/C1/Cs systems.

4.3.1.Calibrating EOS Model with Four PCs
4.3.1.1. Oil/C; System

Table 4-1 summarizes the related regression parameters for a four-PC EOS model
that is calibrated against 0il/C1 CCE data. Table 4-2 presents the optimized BIP values
between Ci and PCs. The HC/HC BIPs are set to zero [default values in PVTsim
software (Calsep A/S 2018)]. The values of psr were matched by manually regressing the
Crex of PCs and Ci. Because the psar value calculated by EOS is lower than those from
CCE tests, we increase the initial Cpen of the PCs and C; stepwise and calculate the
corresponding psa; until we obtain a reasonable match. The regression was performed
prudently with due consideration of the physical trend of EOS parameters with MWSs of

PCs (e.g., BIPs between C; and PCs increase monotonically with increasing MWs of

PCs).

47



Table 4-1: Properties of components in the four-PC EOS model calibrated against oil/Cy

CCE and MMP data

P Ve CrEN
Component % MW T: (°C) ©
(bar) (cm3/mol)  (cm?/mol)
C1 0 16.04 46.00 -82.55 0.008 99.00 -1.41
PCy 46.81 106.12 29.32 296.91 0.374 451.19 49.84
PG, 29.00 170.91 20.59 404.49 0.595 725.45 102.73
PCs 16.11 275.57 12.24 473.01 0.777 1126.81 253.90
PCy 8.08 518.47 6.67 537.81 0.983 1767.59 428.58

Table 4-2: Optimized BIP of the four-PC EOS model calibrated against oil/C; CCE and

MMP data

Ci PC PCs PCs PCy
C
PCy 7.33E-4
PCs 9.33E-4 0
PCs 20E-4 0 0
PCy 35E-4 0 0

Table 4-3 compares Psat, SF, and psar from the CCE tests with the values predicted

by the EOS for 0il/Ci systems. The EOS model predicts Pis, SF, and psas of the oil/Ci

systems with AARDs of 8.01, 4.37, and 11.97%, respectively. SF and psat exhibit reverse

trends vs. the increasing mole fractions of C; in both experimental and predicted data.

For instance, the measured SFs increase from 1.07 to 1.47 with increasing Ci

concentration from 10.3 to 70.1%, whereas the measured pst decreases from 804.4 to
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766.1 kg/m?. By dissolving more Ci, the volume of oil increases, which leads to higher

SE and lower oil density.

Table 4-3: Comparison of the measured data and EOS predictions for the oil/C; system

' Predictions from four-PC EOS
Mol% Cy Experimental Results Model
in o0il/C1
mixture P SF Bt SF
(bar) (fraction) par (ke/m) (bar) (fraction) Pt (kg/07)
10.3 22.06 1.07 804.4 17.86 1.02 959.6
29.5 58.54 1.14 790.7 58.19 1.09 899.2
49.4 113.07 1.30 779.5 113.56 1.19 818.3
70.1 227.87 1.47 766.1 197.95 1.47 690.3
AARD (%) 8.01 4.37 11.97

4.3.1.2. Oil/Cy/C> Systems

Table 4-4 summarizes the related regression parameters for the four-PC EOS model
that is calibrated against 0il/C1/C2 CCE data. Table 4-5 presents the optimized BIP
values between Ci/C2 and PCs. It should be noted that the parameters in Table 4-5 are
identical to those in the four-PC EOS model of 0il/Ci, except for the BIP (between Co

and PCs) and Cpen values of Co.

Table 4-6 compares Peai, SF, and psa; from the CCE tests with the EOS predictions
for the 0il/C1/Cs systems. The EOS model predicts Piag, SF, and psat of the 0il/Ci/Ca
systems with AARDs of 4.75, 3.51, and 10.96%, respectively. The measured SFs decrease
from 1.76 to 1.49 with decreasing Cs concentration from 100 to 30.3%, while the measured

Psat increases from 732.9 to 764.4 kg/m?3.
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Table 4-4: Properties of components in the four-PC EOS model calibrated against

0il/C1/C2 CCE and MMP data

Ve Crex
Component % MW P (bar) T:.(°C) ©
(cm3/mol)  (cm?/mol)

Ci 0 16.04 46.00 -82.55 0.008 99.00 -1.41
Co 0 30.07 48.84 32.25 0.098 148.00 -5.99
PGy 46.81 106.12 29.32 296.91 0.374 451.19 49.84
PCs 29.00 170.91 20.59 404.49 0.595 725.45 102.73
PCs 16.11 275.57 12.24 473.01 0.777 1126.81 253.90
PCy 8.08 518.47 6.67 537.81 0.983 1767.59 428.58

Table 4-5: Optimized BIP of the four-PC EOS model calibrated against oil/C1/Cz CCE

and MMP data

C1 C PCy PCy PC3 PCy
C
Co 0
PCy 7.33E-4 0
PG 9.33E-4 0 0
PCs 20E-4 1E-4 0 0
PCy 35E-4 3E-4 0 0 0
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Table 4-6: Comparison of the measured data and EOS predictions for the 0il-Ci/Cs

system
Predictions from four-PC EOS
Mol% C1/C2  Mol% Co Experimental Results
Model
in oil/gas  in C1/Ca
. . SF Psat SF Psat
mixture mixture Piy (bar) | Peat (bar) )
(fraction) (kg/m3) (fraction) (kg/m?3)
69.8 100 38.61 1.76 732.9 37.51 1.62 662.7
71.2 70.0 71.29 1.61 746.9 75.91 1.58 664.0
71.0 50.4 104.46 1.51 755.4 106.52 1.55 666.8
72.0 30.3 134.10 1.49 764.4 144.31 1.52 677.1
AARD (%) 475 3.51 10.96

4.3.2.Calibrating EOS Models with Two and One PCs

We use ternary diagrams to graphically study the mechanisms of developing
miscibility conditions in different oil/gas systems. On the ternary diagram, pure
components (C1 and Cz) in the injected gas usually occupy one to two apexes, leaving
the remaining apexes for the PCs. Therefore, it is not possible to plot the composition of
mixtures consisting of C1/C2 and four PCs on the ternary diagram. Here, we purposely
introduce EOS models with two and one PCs, allowing us to illustrate three-component
phase behavior on the ternary diagram. Although these two simplified EOS models are
well-calibrated against the relevant CCE data, reducing the dimension of compositional
space affects the accuracy of the predicted phase behavior. The models’ parameters can

be found in Appendix A.
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4.3.3. Thermodynamic Consistency Checks

Consistency checks using phase envelopes and equilibrium A-values vs. MWs of the
PCs are necessary to ensure that the predicted two-phase equilibrium data from
calibrated EOS models are thermodynamically reliable. Figure 4-2 shows phase envelopes
of one-, two-, and four-PC EOS models. Figure 4-2a shows the phase envelopes of 0il/Cy
systems (from two- and four-PC models) with oil/C1 molar fractions of 29.9/70.1 mol%.
We compare experimental Pst values with predicted values at 7i. The two- and four-
PC EOS models predict Pit with AARDs of 6.05 and 13.25%, respectively. Figure 4-2b
shows the phase envelopes of 0il/C1/Cz systems (one- and four-PC models) with oil/gas
and C1/C2 molar fractions of 28.0/72.0 mol% and 69.7/30.3 mol%, respectively. The one-
and four-PC EOS models predict Psar with AARDs of 3.03 and 1.69%, respectively. The
phase-envelope comparison suggests that predicted Psat values using one-, two-, and four-
PC EOS models at 7l are reasonable and the two-phase equilibrium calculations using
one- and two-PC EOS models can be used for MMP prediction. We encountered technical
challenges for matching Piat of the oil/Cy systems, especially at the gas/oil molar fractions
of 70/30 mol%, as reflected in Table 4-3 and Figure 4-2a. The deviation of predicted from
measured Ps at this GOR might be caused by the absence of light components in the
oil, leading to a higher MMP calculated by slimtube simulation in PVTsim (Calsep A /S
2018). Although the critical points and dewpoint regions of the 0il/Ci and oil/C1/Cs
systems are clearly outside the operating conditions (isothermal at 50°C), the
comparative phase envelopes show a disparity, especially in the case of one vs. four PCs

(Figure 4-2b).
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Figure 4-2: Comparison of experimental and predicted Psar using phase envelopes at 50°C:

a) two- and four-PC EOS models with C1 mol% of 70.1, and b) one- and four-PC EOS

model with C1/C2 mol% of 69.7/30.3.

Figure 4-3 depicts the trend of A-values vs. MWs for the PCs of the four-PC EOS

models at Pit and TZi. The detailed two-phase equilibrium data for the oil/Cl1

(Compositions 1 through 4) and 0il/C1/Cz (Compositions 5 through 8) systems can be

found in Appendix A. A-values in Figures 4-3a and 4-3b monotonically decrease with

increasing MW of the PCs. The observed trends suggest that the calibrated EOS models

are thermodynamically reliable and can be used for phase-behavior predictions. We also

performed consistency checks on the trend of A-values for one- and two-PC EOS models,

and the results can be found in Appendix A.
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Figure 4-3: Equilibrium A-values versus MWs of the components in the four-PC EOS

models for a) oil/Ci system and b) 0il/C1/Cz system at 137.90 bar and 50°C.

4.3.4.MMP Prediction using Pseudoternary Diagrams

We estimate the MMP values of the 0il/C1/Cz systems using two-phase equilibrium
data from the calibrated EOS models and pseudoternary diagrams. For consistency, we
also perform MMP predictions using the slimtube simulation module in PV Tsim software
(Calsep A/S 2018) for the four-PC model. Table 4-7 summarizes the measured and
predicted MMPs for the 0il/C1/Cs systems with C; of 100, 70.1, and 28.7 mol%. At fixed
oil/gas molar fractions and 7] increasing Ci molar fraction increases MMP of the system.
For instance, the measured MMP increases approximately threefold (i.e., from 101.15 to
301.03 bar) when C; increases from 28.7 to 100 mol% at Tie. The purpose of calibrating
the one- and two-PC EOS models is only to visualize and understand the changes in the
compositional path (phase envelope) relative to changes in pressure and gas composition
on a pseudoternary diagram. Although the predicted MMPs using pseudoternary
diagrams (two- and one-PC models) are close to the values predicted by the slimtube
simulation (four-PC EOS model) and the experiments, we believe that the MMP values
predicted by four-PC EOS are more reliable. In fact, MW of the heaviest PC reduced by

decreasing the numbers of PCs (518 g/mol for four PCs, 222 g/mol for two PCs, and 186
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g/mol for one PC) because of the high fractions of light-oil components in the oil. This
reduction in MW might facilitate the matching process for MMP and FPsa of one and two
PCs compared with those of four PCs. According to the results of Kaul (1999) and
Whitson (1983), the accuracy of MMP prediction depends on the MW of intermediates

and heavy fractions and the spectra of components represented by the PCs.

Table 4-7: Comparison of the measured and predicted MMPs for the 0il/C; and 0il/C1/C»
systems. The slimtube simulation and pseudoternary diagrams are used to calculate

MMPs for four-PC and one-, two-PC EOS models, respectively

MMP predictions from EOS models

Experimental
C1/C2 Mol% (bar)
MMP (bar)
four PCs two PCs one PC
C1/C2—-100/0 301.03 308.20 307.51 -
C1/Cy —70.3/29.7 188.99 184.50 - 186.02
C1/C2—28.7/71.3 101.15 99.08 - 102.04

4.3.4.1. Multicontact-Miscibility Achievement by Increasing Gas-Injection Pressure

As demonstrated previously, the key mechanism for developing miscibility conditions
for the oil/C; system is vaporizing gas drive. Increasing injection pressure leads to
shrinkage of the two-phase region until reaching MMP of the oil/gas system. Figure 4-4
illustrates pseudoternary diagrams that are built from the two-phase equilibrium data of

the two-PC EOS model at 137.90 and 307.51 bar.
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Figure 4-4: Pseudoternary diagrams of the oil/C; system at 50°C: a) injection pressure

o

of 137.90 bar, and b) injection pressure of 307.51 bar.

At 137.90 bar, Figure 4-4a shows that after the first contact with the oil, the overall
mixture composition is on the mixing line within the L/V region. Any further contacts
between the enriched-gas phase and oil do not result in shorter mixture tie lines. This is
because the enrichment level is inadequate to move the injection-gas composition, Vi,
further toward the PC; and PCs. In this case, the oil/gas displacement does not reach
miscible conditions. However, by increasing the injection pressure from 137.90 to 307.51
bar (Figure 4-4b), which is the MMP of this oil/C; system, we observe a significant
shrinkage of the L/V region. In the L/V region, the gas phase is enriched with
intermediate-oil components from the original oil (compare composition of Vs, with that
of Vi). The mixture composition moves along a composition path from M; toward the
boundary of the L/V region and eventually arrives at the critical point (92 mol% Ci, 3
mol% PCi, and 5 mol% PCs).

4.3.4.2. Multicontact-Miscibility Achievement by Changing the Injected-Gas Composition
Under field conditions, increasing the gas-injection pressure is not always feasible

because of limitations related to gas compressors. Alternatively, we can change gas
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composition to arrive at a lower MMP for a given oil/gas system by condensing gas drive,
as shown in Figure 4-5. The gas composition can be changed by varying the Co molar
fraction along the C;/Cs side of the diagram. The dominant mechanism for developing
miscibility conditions for the o0il/C1/Cs system is condensing gas drive. Figures 4-5a and
4-5b illustrate pseudoternary diagrams that are built from two-phase equilibrium data of
the one-PC EOS model with C1/Cz molar fractions of 70.3/29.7 mol% and 28.7/71.3
mol%. The MMPs of the two systems are 186.02 and 102.04 bar, respectively. The critical
point in Figure 4-5a has 60.5 mol% Ci, 29.5 mol% C», and 10 mol% PC, while it has 28

mol% Ci, 67 mol% C2, and 5 mol% PC in Figure 4-5b.

C
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wv
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PCE c, PC&—
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Figure 4-5: Pseudoternary diagrams of 0il/C;/Csy systems at 50°C: a) Ci/C2:70.3/29.7
mol%, and b) C1/C2:28.7/71.3 mol%.

4.4.Limitations

We present the following limitations:

e Lumping the oil components to PCs in the calibrated EOS affects the accuracy
of predicted phase behavior and the MMP of the oil/gas systems

o The effects of nanoconfinement on phase behavior calculations is neglected.
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4.5. Summary

In this chapter, we conducted phase-behavior modeling of natural-gas/oil systems to
predict the MMP of gas/oil mixtures and predict thermodynamic conditions of gas/oil

systems during gas injection.

The results show that the dominant mechanism for developing miscibility conditions
is vaporizing gas drive for the oil/C; system and vaporizing/condensing gas drive for the
0il/C1/Cz systems. The miscibility conditions can be achieved by either increasing gas-
injection pressure (from a reservoir pressure of 137.90 bar up to approximately 301.03
bar in the oil/Ci system) or increasing the molar fraction of Cs in the gas mixtures (from
29.7 to 71.3 mol% to reduce the MMP of oil/gas systems 188.99 to 101.15 bar). The
presence of Cz in the injection gas increases the oil swelling factor (i.e., from 1.47 to 1.61)
by increasing C2 molar fraction from 0 to 70 mol%. Reasonable PR-EOS models were
calibrated against CCE and MMP data. The predicted MMPs by plotting two-phase

equilibrium data on ternary diagrams have good agreement with the measured ones.
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Chapter 5 : Experimental Study of Gas-Transport and
Recovery Mechanisms during A Natural-Gas Huff ‘n’ Puff

Cycle

5.1.Introduction

This chapter experimentally investigates mass-transport and recovery mechanisms of
a natural-gas HnP process under core-plug conditions. We conduct HnP tests using an
ultratight Montney core plug and natural gas samples (Ci and a mixture of C;/C2 with
the molar ratio of 70/30) under reservoir conditions (£ = 137.9 bar and 7" = 50°C). In
each test, we soak the plug in the natural gas for 168 hours using a visualization cell. We
measure pressure decline during the soaking period, visualize oil production on the plug’s
surface, and calculated the oil RF to investigate (i) mass-transport mechanisms
(advection vs. diffusion) during injection and soaking phases, and (ii) oil-recovery
mechanisms during the whole process. The tests also allowed us to compare the effects
of gas composition and the initial difference between injected gas and pore pressures on

gas-transport and recovery mechanisms.

5.2.Materials

5.2.1. Core Samples

The plug used in this study is from a well drilled in the Montney tight-oil Formation
in northwestern Alberta with the petrophysical properties listed in Table 5-1. Since the
objective of the study is to compare the effects of gas composition and AP, on gas-
transport and oil-recovery mechanisms, the plug is reused to eliminate the effects of

heterogeneity.
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After the coring operation, the whole core was cut into one-meter core cylinders.
Cylindrical plugs were then cut horizontally from the cores and cleaned using a Dean-
Stark solvent extraction system before performing routine core analysis. The porosity
and air permeability of the plugs were measured by helium porosimetry and pulse-decay
techniques, respectively. The plug used in this study and the offset used for petrophysical

characterization were cut from the same cylinder and at the same depth.

Broken pieces collected during cutting the plugs were used for X-ray diffraction
(XRD) analyses, assuming that their mineralogy is similar to that of the plug. Table 5-2
lists the mineralogy of the plug obtained from XRD analysis. Quartz (44 wt%) is the
dominant mineral, followed by dolomite (14%), plagioclase (9%), potassium feldspars
(10%), and pyrite (5%). Clay minerals (illite/smectite and illite/mica) account for 18

wt% of the whole rock weight.

Table 5—1: Petrophysical properties of the plug

Measured 4, permeability, Porosity, Grain Diamete Length
depth kair (nD) helium (% density r (cm) (cm)
(m) bulk volume) (kg/m?)
2452.33 60 3.5 2.73 3.6 6.3
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Table 5-2: Mineralogy of the Montney plug from the XRD analysis

Mineral wt %
Quartz 44
K-Feldspar 10
Plagioclase 9
Dolomite 14
Pyrite )
Total Clay 18
Total 100

Clay Mineral Relative Clay %

[llite-Smectite 66
Illite-Mica 34
Total 100

Figure 5-1 shows Mercury-Injection Capillary Pressure (MICP) data of the plug. The
median pore-throat size is 0.016 pm. The pores are classified as mainly mesopores (76%
of the total pore space) according to the pore-size classification of the International Union
of Pure and Applied Chemistry (Sing et al. 1985). It is well-known that a fraction of the
pores (small pores) cannot be detected by the MICP technique because of pore-

accessibility issues.

Figure 5-2 shows images obtained by analyzing the polished surface of offset-end
pieces using a scanning electron microscope (SEM) equipped with an energy dispersive
X-ray spectrometer. The samples were sputter-coated with platinum/palladium before
SEM imaging. The SEM images were taken in secondary electron mode and at 10,000X
magnification. Inter-crystalline pores (yellow arrows) are located between clays and

cements in Figure 5-2b.
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Figure 5-1: Pore-throat size distribution from the MICP data.

Figure 5-2: SEM images of (a) clay components include illite (IL), and mixed-layers of
illite-mica (mi) flakes, (b) dolomite cement (do) is widespread, while silica cement (si) is
commonly mixed with illite. Illite mineral is observed as clay ribbons. Inter-crystalline

pores (yellow arrows) are located between clays and cements.

5.2.2.  Fluid Samples
We used a dead-oil sample from a well drilled in the Montney Formation in

northwestern Alberta, Canada, and conducted the experiments at representative
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reservoir pressure (Piet) and temperature ( Zit) of 137.90 bar and 50°C, respectively. The
Ci and C» samples used in this study have a purity of 99.999%. The fluid properties and
oil compositional analysis are presented in Table 3-1 and Figure 3-1 in Chapter 3,

respectively.

5.3.Method

5.3.1.Experimental Setup

We performed HnP tests on an oil-saturated plug at Pit and 7it to investigate
mechanisms that control gas transport into and oil production from the plug at different
phases of the HnP process. Figure 5-3 illustrates schematically the natural-gas HnP
process conducted on the oil-saturated plug. The plug was coated by silicone to allow
only one end-face open for gas and oil transports, mimicking the fracture face shown in
Figure 5-3. Moreover, the coating is expected to reduce the ratio of surface area in contact
with gas to the volume of gas. Here, we estimated oil RF for comparing and ranking
different recovery mechanisms. To evaluate the effects of gas composition on gas-
transport and oil-recovery mechanisms, Ci and a mixture of C;/C> with the molar ratio

of 70/30 were used as injected gases.

Table 5-3 lists the experimental conditions of two sets of tests (Sets 1 and 2). The
pressure values in Table 5-3 and subsequent sections are gauge pressure. The main
difference between Sets 1 and 2 is the value of AP = Pit — £, which is defined as the
difference between injected gas pressure (at Pi) and initial pressure of the oil in the plug
(pore pressure or F). For Set 1 with A7 ~ 138 bar, gas transport is controlled by both
convection and diffusion, representing injecting gas at pressures above the current
reservoir pressure. For Set 2 with AP, = 4 bar, the convective flow is significantly smaller,

representing injecting gas at the current reservoir pressure. The selected Picr values are
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below MMP of the gas/oil systems (301.03 bar for oil/C1 and 188.99 bar for oil/C1/Cz

with 30 mol% Cz).

Open face

o Silicon coating
to mimic Fracture face

Natural gas injection (huff)
Oil production (puff)

Figure 5-3: Schematic illustration of fluid flow through the open face of the oil-saturated

plug during the natural-gas HnP process.

Table 5-3: Initial conditions of the HnP tests. The temperature is kept at 50°C during

the tests
Set Injected gas P (bar) Pyt (bar) AP = Pt~ P, (bar)
1 Cy 0 138.58 138.58
C1/C2:70/30 0 138.52 138.52
9 Cy 134.45 138.44 3.99
C1/C2:70/30 134.43 138.37 3.94

The tests were conducted using a high-pressure and high-temperature visualization
cell schematically illustrated in Figure 5-4. As illustrated in Figure 5-4, only one end of
the plug is open for contact with gas during injection, soaking, and depressurization
periods. The internal volume of the cell was reduced from 587 to 390 cm?® (by placing
solid blocks) to reduce the volume ratio of injected gas to oil in the plug, and to stabilize
the plug during the gas injection. The clearance between the open face and sight glass
was kept approximately at 1 to 2 mm. The small clearance was designed to avoid effects

of light refraction during image capturing and video recording.
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The plug used in this study has a high volume of mesopores (76% of the total pore
space) and amount of illite clays (18 wt%), gas adsorption might occur and influence the
gas transport during the HnP experiments. In an experiment to measure the adsorption
of Ci on montmorillonite, kaolinite, and illite clays, Liu et al. (2013) reported Ci was
adsorbed only on the external surface of kaolinite and illite; however, adsorption occurred
in both surface and interlayer space of montmorillonite. It is important to mention that
the plug was reconditioned (i.e., drying under vacuum pressure and 90°C in the cell for
two days) after each test. The reconditioning might help release most of the residual oil
[oil components trapped inside nanopores after pressure-depletion phase (Bui and

Akkutlu 2017)] and gas in the plug before starting the next HnP experiment.
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Figure 5—4: Experimental setup and procedure for conducting HnP tests at 7i. P and
BPR stand for pressure and back-pressure regulator, respectively. The initial pore

pressure (£) in Set 1 is atmospheric while it is ~134.45 bar in Set 2.
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5.3.2. Experimental Procedure
The experimental procedure for the natural-gas HnP process includes four steps: (1)
Setting up initial conditions, (2) gas injection (huff), (3) soaking, and (4) depressurization

(puff) process as demonstrated in Figure 5-4.

Step 1, saturating and aging the plugs to restore reservoir conditions, includes the

following substeps:

1. The plug was not cleaned by any solvents to remove residual oil and connate
water. The use of high-boiling point solvents, e.g. toluene in Soxhlet extraction,
may cause (i) significant dehydration of clay-bound water, (ii) dissolving organic
materials, and (iii) an increase in helium porosity resulting from possible opening
of isolated microporosity (McPhee et al. 2015). Instead, the plug was dried in an
oven at 90°C until a stable weight was recorded over time. It is worth noting that
some residual hydrocarbon and also salts might remain in the plug after the
drying process.

2. The oil sample was filtered using a 1 pm filter paper to remove solid impurities.

3. The plug was vacuumed and aged in the oil at P = 206.84 bar and 7"= 50°C for
two days to restore reservoir conditions. The ratio of imbibed oil volume by forced
imbibition to helium porosity is approximately 1.24 for the plug (2.79 vs. 2.24
cm?). The observed difference between pore volume (PV) values may be caused
primarily by sample heterogeneity. The imbibed oil volume of 2.79 cm? was used
as initial oil volume in the oil-recovery calculations.

4. Except for the open face, other sides of the plug were coated by a layer of silicone
with a thickness of about 0.6 mm. Afterward, the plug was weighed again and

used for the tests.
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The silicone coating was repeated after each test to ensure the integrity of the
coating layer. The tested gas might permeate through the coating layer owing to
pressure difference, affecting mass transport during the experiments. Sadrzadeh
et al. (2009) reported that an increase of 5.07 bar in the pressure difference on
silicone membranes increases the permeability coefficient of gases (CsHs, CHy,
and H») through the membranes.

The temperature of the cell and accumulators are set at 7it by using heating

jackets.

The tests were conducted under two different initial pore-pressure conditions to

examine effects of advective and diffusive gas transport into the plug:

— Set 1: The oil-saturated plug was transferred from the aging accumulator to
the heated cell. The cell was then vacuumed and ready for the gas injection
phase.

— Set 2: The cell was filled with oil and pressurized up to 7 = 134.4 bar. The
system was left static for 12 hours to allow for pressure and temperature

stabilization.

Step 2, gas injection (huff) process, includes the following substeps:

1.

Set 1: After completing the vacuum step, the gas sample was immediately
introduced into the cell from the top valve to reach Piet to minimize oil production
from the plug caused by vacuum conditions. Before gas injection, the pressure
inside the plug was expected to be higher than the cell. Therefore, oil production
would occur through the open face if the vacuumed conditions persisted. It should
be noted that the pressure in the cell was gradually increased to avoid causing

induced microfractures in the plug.
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2. Set 2: A back-pressure regulator (BPR) was installed at the bottom of the cell to
control the discharge pressure. The BPR was set at P before starting the test.
The gas sample was injected into the cell from the top valve at a pressure higher
than the BPR’s set pressure (by ~4 bar) to gradually displace the oil. The gas
injection ended when no more oil was observed from the outlet. All valves were

then closed to start the soaking period.

Step 3, soaking process, includes soaking the plug in the gas samples for 168 hours
(77 days). This soaking period is deemed sufficient to investigate (i) the mechanisms
responsible for gas transport into the plug, and (ii) the possibility of oil production by
total system compressibility, vaporization, oil swelling, and gas-expansion mechanisms.
In field practices, Jacobs (2019) reported that a soak-time duration of 5 to 20 days yields

the highest oil recovery.

Step 4, depressurization (puff) process, includes venting the gas through the top valve
and reducing the cell pressure (at an average depletion rate of ~1.17 bar/min) from the
final soaking pressure (/) to Pam using the BPR. This pressure depletion rate is selected
on the basis of minimizing the change of tensile stress during unloading cycle. According
to Moulu (1989), the average depletion-rate reported in the literature is often much
greater than in the field. The author also reported that increasing depletion rate led to a

faster increase in critical gas saturation (Sy) and higher oil recovery.

To determine the composition of the vented gas, it was collected using three gas
cylinders (total volume of 1 100 ¢cm?) with pressures of 68.95, 35.85, and 15.16 bar for
gas chromatography (GC) analysis. A predetermined amount of gas from each cylinder
was collected and injected into a gas analysis bag for compositional analysis. The
resulting composition and concentration (in ¢cm?/m?® unit) of each oil component were

reported. The concentration of the oil components had an accuracy of 0.1 cm?/m?. The
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total volume of vaporized oil of each test was obtained by multiplying the total oil-

component concentration by the total volume of the three cylinders.

Images and videos of the open face were captured during gas injection, soaking, and
depressurization phases. The final oil RF was calculated by the weight-balance method.
The reading accuracy of the balance is 0.1 mg. The volume ratio between the gas in the
cell and the oil in the plug at Pi is significantly high (390 vs. 2.79 c¢m?), leading to

overestimation of oil RF compared with field cases.

5.4.Results and Discussions

This section reports the results of gas-transport mechanisms during the soaking
period, visualization and quantification of oil-recovery mechanisms, and recovery

mechanism during pressure-depletion phase of the HnP tests.

5.4.1.Gas-Transport Mechanisms during Soaking Period

Here, we present results of soaking the oil-saturated plug in C; and a mixture of
C1/C2 (70/30 mol%) for 168 hours at Zic. Table 5-4 lists the results of four HnP tests.
The P of the plug before starting gas injection in Sets 1 and 2 are approximately 0 and
134 bar, respectively. The leaked-off gas at the end of the soaking period is calculated on
the basis of the difference in molar mass of gas in the cell at initial conditions (Peet) and
at the end of the soaking period (7). We assume that partial pressures created by
vaporized oil components at the P are negligible. For the same gas composition, the
leaked-off gas for the tests with AP, > 0 bar is higher than that with the AP = 0 bar.
For instance, the amount of leaked-off gas increases by approximately 45% (0.045 vs.
0.031 mol) and 8% (0.104 vs. 0.096 mol) in C; and C1/Cs tests, respectively. Adding 30
mol% of Cs to the injected gas increases the leaked-off gas by 131% in Set 1 (0.104 vs.

0.045 mol) and 210% (0.096 vs. 0.031 mol in Set 2).
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Table 5—4: Results of the four HnP tests

Pt Initial conditions End of soaking period End of test
Injected
Initial oil Injected| &  Bulk gas Leaked-off |Produced oil
Set  (bar) gas
(mol) gas (mol)| (bar)  (mol) gas (mol) (mol)
I I 1 I I
1 138.58 C1 0.011 2.293 [136.03 2.248 0.045 0.004
138.52  C1/C2:70/ 0.011 2.623 [133.34 2.519 0.104 0.005
I I 1 I I I I
o 138.44 C1 0.011 2.291 [136.65 2.260 0.031 0.003
138.37  C1/C2:70/ 0.011 2.620 [133.62 2.524 0.096 0.004

During the soaking period, pressure in the cell declines owing to gas dissolution into
the oil-saturated plug. Figure 5-5a shows pressure-decline profiles during the soaking
period of the four HnP tests. The time span of the soaking period is approximately 168
hours. For the same gas composition, the absolute pressure-drop (from P to Pr) values
in Set 1 are higher than those in Set 2. For instance, they are 5.28 and 4.75 bar in Set 1-
C1/Cz and Set 2-C1/Cs test, respectively. The observed difference is attributed to the the

stronger advective gas transport into the plug in Set 1.
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Figure 5-5: Pressure-decline profiles during (a) ~168 hours soaking period of HnP tests,

and (b) soaking period of 0il/C; and 0il/C1/Cs tests at Zic.
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We compare pressure-decline profiles of the HnP tests with those of the bulk-phase
tests in Figure 5-5b to investigate the hindrance of gas dissolution into oil by rock matrix.
Equilibrium pressures (Peq) of the bulk-phase 0il/Ci and 0il/C1/C> tests are 114.07 and
106.95 bar, respectively. The time to reach Pe and pressure-drop value in the 0il/C1/Ca
are shorter and higher than the oil/Cy test (67.5 vs. 65 hours and 31.09 vs. 23.53 bar),
respectively. Absolute pressure-drop values of HnP tests are approximately one order of
magnitude lower than the bulk-phase ones, e.g. 2.55 vs. 23.53 bar in Set 1-C; and o0il/C;

tests.

The similarity of pressure-decline profiles between the HnP and bulk-phase tests
suggests that they may experience similar gas-transport mechanisms. The bulk-phase
pressure-decline trend is similar to the HnP tests with a sharp decrease at the beginning
and a gradual decline towards the end of the soaking period. At the early soaking period
in bulk-phase tests, pressure decline is affected by the resistance to mass transfer at the
gas/oil interface (Rasmussen and Civan 2009; Pacheco-Roman and Hejazi 2015).
Moreover, there is a higher concentration gradient of gas near the gas/oil interface,
resulting in faster gas transport and high-pressure drop in the early soaking period. When
the soaking progresses, molecular diffusion dominates gas transport into the oil. A similar
gas-transport process is believed to occur during the soaking period of HnP tests. The
pressure drop in Set 1 is higher than in Set 2 owing to the effect of stronger advective
flow in a region close to the plug’s surface. During HnP process in tight reservoirs,
pressure-driven advective gas transport is dominant during gas-injection and early
soaking periods (Alharthy et al. 2018), while molecular diffusion is dominant when the
soaking period progresses (Yu et al. 2015; Javadpour 2009, Hoteit and Firoozabadi 2009).
In a modeling study of production from shale reservoirs, Ozkan et al. (2010) reported
that Darcy-dominated flow occurs in the region close to the fracture/matrix interface

and the diffusive flow dominates in the matrix with permeabilities in nanodarcy range.
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In both HnP and bulk-phase tests, adding Cs significantly increases the pressure-
decline rate. In Figure 5-5b, the lower Peq in 0il/C;i/C2 compared to the 0il/C; test is
attributed to the higher solubility of Cz in oil compared to C1 (8.27 vs. 3.29 g/100g). At
the equilibrium, the time to reach Peq in 0il/C1/Cs is shorter than the oil/Ci system,
suggesting a higher diffusion rate of Cz in the oil. According to Li et al. (2020), the
solubility and diffusion coefficient of C2 in Bakken oil (under 90 bar and 109.8°C) are
about 8.5 times (79 vs. 777 g/100g) and 2.7 times (7310" vs. 8.210" m?/s) higher than
those of Ci. This observation is complemented by bulk-phase visualization tests presented
in Chapter 3. In the 0il/Cj test, vaporizing flows (upward red arrows) of oil components
to the gas phase occur during the gas-injection phase (Figure 5-13a), while vaporizing
and condensing flows coexist during the same period in the 0il/C1/Cs test (Figure 5-13b).
The appearance of the condensing flows (downward green arrows) of Ci, Ca, and
vaporized oil components into the oil phase means stronger gas transport into the oil.
This leads to more pressure drop and higher gas diffusion rate than pure C; cases. Video
clips recorded during the gas-injection phase of the bulk-phase tests are provided in the

Supplementary Material in Appendix B.

5.4.2. Visualization and Quantification of Oil-Recovery Mechanisms during A Natural-Gas HnP
Cycle

Figure 5-6 shows the surface of the oil-saturated plug (denoted by surface)
corresponding to the four stages of the four HnP tests. Video clips recorded during the
gas-injection and depressurization phases of the HnP tests are provided in the

Supplementary Material in Appendix B.

1. Step 1. Images show the surface at initial conditions of Set 1 (at Piet, Ziet) and
Set 2 (at Patm, Ziet). They are all wet by the oil phase. The surface in Set 2 is

unclear because the plug is fully immersed in the oil at Pet.
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2. Step 2. Images show the surface at the end of the gas injection phase (138.58 and
138.52 bar in Set 1-C;i and -C1/Ca, 138.44, and 138.37 bar in Set 2-C; and -C;/Cs
tests, respectively). The total time required for the gas-injection process is
approximately 0.3 hours in Set 1 and 0.22 hours in Set 2. The surface changes
from wet to partially dry in Set 1, while it remains wet by the oil phase
throughout the gas-injection phase in Set 2.

3. Step 3. Images demonstrate the surface after approximately 168 hours of soaking
in C; and a mixture of C1/Cs. During the soaking period, the surface becomes
completely dry in Set 1, while it remains wet in Set 2.

4. Step 4. Images show comingled flows of gas and oil on the surface during the
depressurization process. The observed non-uniform oil production in Set 2 may
be caused by the interaction of the coating layer with the oil during gas/oil

displacement in Step 2.
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Figure 5-6: Images of the plug surface during initial conditions (Step 1), gas injection
(Step 2), soaking (Step 3), and depressurization (Step 4) of all tests at 7.

The experimental results show that four recovery mechanisms, i.e. total system

compressibility, vaporization of oil components, oil swelling, and gas expansion, are

involved in the HnP process.
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5.4.2.1. Total System Compressibility

This recovery mechanism is caused by the presence of AF; and is only expected to
occur in Set 1. It can be visualized in Figure 5-6 by the changes of surfaces from wet to
partially dry (compare the surface in Steps 1 and 2). The oil production during the
injection phase of Set 1 is attributed mainly to the change in initial pore and oil volume
caused by total system compressibility. Because the plug is very tight and the gas-
injection duration is short, most of the oil inside the pores farther from the surface is still
at approximate to P. Therefore, we can assume that oil recovery by oil compressibility
is negligible. Other recovery mechanisms, such as vaporization and oil swelling, may also
occur in the injection phase and will be discussed in the next subsections. We calculate

the change of initial oil volume caused by rock and oil compressibility at 7set:

av
7=cf><6P

where V' = 2.79 cm? is the initial PV; dV is the change in PV (cm?); is the isothermal
coefficient of rock compressibility (1/bar); dP~ 137.9 bar is the differential pressure when
pressurizing the cell from 2 to Pit. The ¢ at the porosity of 3.5% is 1.4810* 1/bar
(Geoscience BC 2011). The estimated 9V using Eq. 5-1 is 0.06 cm?®. Davudov and
Moghanloo (2018) and Lan et al. (2017) reported that PV compressibility of gas shale
changes as a function of effective stress and its change affects pore connectivity,

permeability, and gas recovery.

5.4.2.2. Vaporization of Oil Components

Figure 5-7 compares the mole fraction of oil components (Cs to Ci2) vaporized to the
gas phase during the HnP experiments, obtained by GC analysis of the collected gas
samples. Because the mole fraction of gas in the collected samples is significantly high

compared to the vaporized oil components, only mole fractions of vaporized oil
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components are normalized and plotted for comparison. In particular, Cs to Cio
components account for more than 70 mol% of the vaporized oil volume. The volumes of
vaporized oil in Set 1-C1, Set 1-C1/Cs, Set 2-Cy, and Set 2-C1/C2 are 0.02, 0.05, 0.01, and
0.03 cm?, respectively. The molar ratio of the vaporized oil to the original oil in the plug

is 0.47 to 1.68 mol%.
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Figure 5-7: Normalized mole fractions of the vaporized oil components from the GC

analysis.

The vaporization is quantitatively evaluated using GC analysis of produced gas
samples. The change of the surface state from wet to partially /completely dry during
injection and soaking periods suggests vaporization of oil components from the surface
to bulk-gas phase. In Figure 5-7, the amount of vaporized oil in the C1/Cs tests are higher
than that in C; cases. This can be explained by the higher solubility of Cs in oil compared
to Ci. Moreover, the developed miscibility conditions through vaporizing- and/or
condensing-gas drive in the region close to the surface may contribute to incremental oil
production by vaporization in Set 1. In Set 2, the vaporization is expected to be marginal

owing to the weaker convective gas transport. In such, the amount of vaporized oil in
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Set 2 may be caused by the mixing of gas and bulk oil outside the plug during the gas/oil

displacement in the injection phase.

5.4.2.3. Oil Swelling

Signs of oil swelling are observed during the injection and soaking periods in Sets 1
and 2. As mentioned in the “Total System Compressibility” section, the wet surface
during gas injection in Set 1 may be partially caused by oil swelling. However, the surface
remains dry during the soaking period. This suggests that oil recovery by the swelling
mechanism may be insignificant. In Set 2, signs of oil swelling appear during the injection
and soaking phases. They are highlighted by the blue circles on the images for Steps 2
and 3. Because the clearance between the surface and the sight glass is fairly small, the
wet areas highlighted by a yellow circle in Set 2-C; may be caused by residual oil resulting
from non-uniform gas/oil displacement during the injection phase. This residual oil
mainly occurs at the interface of the coating layer and surface owing to the weak bonding
between the plug and coating layer. Thus, it is called an edge effect. The wet area at the
bottom part of the surface in Set 2-C;/Cz may indicate signs of an edge effect. The oil
swelling observed during the soaking time in Set 2 is in agreement with the results of gas
HnP experiments performed on Bakken rocks by Hawthorne et al. (2013). The authors
reported that oil swelling was pronounced during the soaking period compared to the gas

injection phase.

The results of bulk-phase tests to visualize interactions at the gas/oil interface
(Chapter 3) also support oil swelling caused by gas dissolution into the oil. The volume
of the oil in 0il/Cy and 0il/C1/C2 bulk-phase tests expand 8 and 28% after 67 and 60
hours of soaking, respectively. The higher oil swelling by the mixture of Ci/Cs is

attributed to the higher solubility of gas mixture compared to Ci.
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5.4.2.4. Gas Expansion

This production mechanism is mainly controlled by the expansion of leaked-off gas
during pressure depletion. Comparing oil production on the surfaces at different phases
in the HnP process, it can be concluded that gas expansion is the dominant recovery
mechanism. However, it is difficult to quantify oil-production volume by the gas

expansion using this experimental setup.

5.4.2.5. Final Oil Recovery

Figure 5-8 compares oil RFs measured by weight-balance method for Sets 1 and 2.
For the same gas composition, oil recovery in Set 1 is higher than Set 2. For example,
RF of Set 1-Ci is higher than that of Set 2-Ci by 21.9% (35.86% vs. 29.41%). For the
same AP conditions, adding 30 mol% Cs to the gas mixture increases oil recovery by
14.44% (from 35.86% to 40.88%) in Set 1 and 21.93% (29.41% to 35.72%) in Set 2,

respectively.

The recovery mechanisms responsible for the oil recovery presented in Figure 5-8
include the total system compressibility, vaporization, oil-swelling, and gas expansion.
Table 5-5 lists the oil-recovery volume and percentage of contribution of each recovery
mechanism in total oil production. The oil RFs are calculated and compared on the basis

of the same initial oil volume in all sets. Basis of calculation for each mechanism includes:

— The oil production by total system compressibility is calculated by Eq. 5-1. Since
AP in Set 2 is zero, no oil production caused by compressibility is reported.

— The oil production by vaporization is obtained from GC analysis.

— Because it is difficult to quantify oil production by solely gas expansion or oil
swelling, therefore, they are reported as a combined gas-expansion/oil-swelling
mechanism. However, oil recovery by gas expansion is significantly higher than

that by oil swelling. The amount of leaked-off gas is one of the important factors
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affecting the recovery by the gas-expansion mechanism. The oil produced by this
mechanism is calculated by subtracting the total oil production from the total

system compressibility and vaporization volumes.

The highest percentage of oil production is by a combined gas-expansion/oil-swelling
mechanism, followed by total system compressibility, and vaporization. Combined gas
expansion/oil swelling accounts for 90.98 to 98.4% of the total production while
vaporization is the least contributor with less than 4% of the total recovery in Sets 1 and
2. For the same gas composition, the total oil production in Set 2 is less than that in Set
1 owing to the absence of oil recovery from total system compressibility and a weaker

support from the advective flow.
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Figure 5-8: Oil RF's from the HnP tests measured by the weight-balance method.
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Table 5-5: Oil production by different recovery mechanisms during natural-gas HnP

experiments
Combined gas  Total oil
Total system o . . )
. Vaporization expansion/oil  production
compressibility .

swelling (cm?)

Volume Volume Volume

) . % total % total . % total

Set Injected gas |  (cm?) (cm?) (cm?)
C 0.06 5.72 0.02 1.63 0.92 92.65 0.99
C1/C2:70/30 0.06 4.99 0.05 4.03 1.04 90.98 1.14
C1 0 0 0.01 1.60 0.81 98.40 0.82
C1/C2:70/30 0 0 0.03 3.00 0.97 97.00 1.00

5.4.3.0il-Recovery Mechanism during Depressurization Phase

The measured oil recovery (Table 5-6) and images of the surface showing significant
oil production during the depressurization phase (Step 4 in Figure 5-6) indicate that gas
expansion is the dominant recovery mechanism in the HnP process. The leaked-off gas
expands and flows out of the plug, dragging oil along with it, under the induced pressure

gradient during the depletion phase.

To determine states of the gas phase in the plug, i.e. free and/or solution gas, during
the soaking period, we estimate saturation pressure (Psat) and fractions of free/solution
gas in the gas/oil systems using the PR-EOS that was calibrated against the constant-
composition-expansion and MMP data. It should be noted that this quantification is to
better understand the phase behavior of the gas/oil system before the depressurization
and does not reflect the exact thermodynamic conditions in the plug. The density values
of C1 (under P, P, and Tiet) are obtained from the National Institute of Standards and
Technology (NIST 2018) chemical webbook. We use the flash calculation and saturation-
point prediction modules in PVTsim software (Calsep A/S 2018) to calculate densities
of C1/C2:70/30 mol% (under P, P, and Tie) to predict Pas of the gas/oil systems,

respectively.
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Put values and fractions of free/solution gas in the leaked-off gas are calculated using
the calibrated PR-EOS on the basis of three assumptions: because the gas volume in the
cell is relatively high, the concentration of vaporized-oil components is negligible; the
changes in oil composition resulting from vaporization are insignificant; and the effects
of nanoconfinement on phase behavior calculations is neglected. The mole of produced
oil is obtained from the calculated oil RFs. Table 5-6 lists the predicted Psat values for
the four gas/oil systems. The molar ratio of gas/oil systems, i.e. leaked-off gas/produced
oil, used in the PR-EOS calculations are taken from Table 5-4. The mol% of gas/oil at
P is estimated by performing flash calculations for the mixtures of leaked-off gas/original
oil at respective P and Ti.. Based on the experimental conditions of the HnP tests (Pt
and Pr < Pat), the leaked-off gas exists in both solution- and free-gas states during the
experiments. T'wo-phase equilibrium data from the flash calculations show a high fraction

of free gas (0.61 to 0.74) in the pores at the end of the soaking period.

Figure 5-9a shows pressure-depletion profiles of all the tests and images of gas/oil
production during the depressurization phase in Set 1-Cj. It takes approximately 2 hours
(with an average pressure-depletion rate of 1.17 bar/min) to depressurize the gas/oil
systems in Sets 1 and 2 from P to Patm. Images of the surface in Set 1-Ci test correspond
to the onset of the depressurization, observing the early oil droplets on the surface, and
significant production of gas and oil. The pressures at which the early oil droplets are
observed in Sets 1 and 2 are approximately 124 and 117 bar, respectively. Figure 5-9b
shows the comingled flow of oil and gas driven by the gas-expansion mechanism in Set
2-C1/Cy test. The magnified image of the surface shows the evolution of gas bubbles at t
= 168.2 hours and P = 55.85 bar. The gas bubbles evolve from the pores and flow upward
(red arrows), dragging the oil upward before draining downward by gravity (blue arrow
on the unmagnified surface). Gas bubbles coalesce and form bigger ones (yellow arrows)

while moving upward.
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Table 5-6: Pt estimation by the calibrated PR-EOS and fractions of free/solution gas
in the leaked-off gas at the end of the soaking period. The fraction of free gas is calculated
by taking the ratio of mol% of gas at P and the mol% of leaked-off gas, for instance, it
equals to 58.97/80.25 = 0.73 in Set 1-Ci test

Leaked-off gas at

Mol% of Pt Mol% of the end of soaking
Set  Injected gas leaked-off o . (fraction)
Joriginal ofl (bar) gas/oil at P raction
8as/OHE Free Solution
Ci 80.25/19.75  281.29  58.97/41.03 0.73 0.27
1
C1/C2:70/30 90.30/9.70  228.95  §7.02/32.98 0.74 0.26
C1 73.49/26.51  238.38  44.40/55.60 0.61 0.39
2
C1/C2:70/30  89.62/10.38  226.83  64.73/35.27 0.72 0.28

During the depressurization phase, the solution gas evolves and merges with free gas,
increasing the overall gas saturation. Sy refers to the minimum gas saturation required
for forming a continuous gas phase that can flow independently. When the pressure
reduces to the point corresponding to Sy, for example, 124.2 bar in Set 1-C; test, gas
starts flowing towards the surface. One might notice a time delay of 0.46 hours for a
pressure drop of 11.83 bar (from 136.03 to 124.2 bar in Set 1-Ci test) and for gas/oil
production to be observed on the surface. This production delay might be attributed to
the process of solution gas evolvement and coalescence of solution/free gas caused by
reduced the cell’s pressure. The observed oil production on the surface in Step 4 of Fig.
6 suggests that the performance of oil recovery by gas expansion may depend on A7 and
the amount of leaked-off gas during injection and soaking periods. It is worth noting that
oil expansion also contributes to the oil recovery during depressurization. However, this
oil recovery is negligible compared to gas expansion owing to the minimal change in the
compressibility of dead oil. In a modeling study of produced-fluid composition
redistribution during pressure depletion in tight oil reservoirs, Baek and Akkutlu (2019a

and 2019b) reported that dissolved-gas expansion is an important recovery mechanism
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and pronounced in large pores (>10 nm). Because the evolved gas is observed at several
locations on the surface, the more the surface area in contact with the gas, the faster the
oil can be recovered. Jacobs (2019) and Rassenfoss (2017) reviewed field pilot data and
suggested that the performance of gas HnP EOR in shales is controlled by the gas/rock

contact area and the injection pressure.

(1) Dry surface at the end

160 of soaking period
140
glzﬂ - (ii) First drops of oil
=100 r wet the surface
(o]
—
% 80
£ 60 |
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-eeeSet 1-CL/C2 1 and eas flow
20 |—Set2-Cl FERERS A
o Lser2zcucal , ;
166 167 168 169 170 171 1 cm

Time (hours)

(a)

Gas bubbles evolving and
moving upwards

Gas bubbles merging

(b)
Figure 5-9: (a) pressure-decline profiles and the images of the surface in Set 1-C; test,
and (b) the evolved gas bubbles, merged (yellow arrows), and moved upwards (red
arrows) and the produced oil being draining downward caused by gravity (blue arrow)

observed on the surface during the depressurization phase of Set 2-Ci/C> test.
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2.9.

Limitations

We present the following limitations:

Silicone coating may not fully function under high-pressure and high-temperature
conditions during the HnP experiments. Part of the coating layer, especially at
the interface of the coating layer and plug’s surface, may be soluble in oil at 7
in Set 2. This may cause nonuniform gas/oil displacement during the gas-injection
and soaking phases, and production during the depressurization.

The interactions of injected gas and the oil during the injection and soaking
phases may strip out some intermediates and heavy ends from the oil. The
residual-oil components with higher molecular weight may not be completely
removed by the drying process performed after each experiment.

It is difficult to separately quantify oil recovery by the gas expansion and oil
swelling by this experimental setup.

Because of the nonuniform gas/oil displacement, there are still traces of oil left
in the cell after the injection phase in Set 2. This amount of oil may vaporize and
affect the GC analysis as well as recovery by the vaporization mechanism.

The experimental database is limited because only one plug is used in this study.
Therefore, future work is needed to solidify the findings related to gas-transport
and oil-recovery mechanisms using plugs with a range of porosity and
permeability. Additional works to evaluate oil recovery under different pressure-
depletion rates and injection pressures, that is, above the MMP of the oil and gas

mixture (C1/C2:70/30 mol%), are useful for field-pilot design.
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5.6. Summary

In this chapter, we conducted natural-gas HnP experiments under core-plug
conditions to understand the controlling mechanisms of oil recovery. The results indicated
that it is technically feasible to apply the natural-gas HnP process on Montney ultratight

rocks.

We found that advective-dominated transport is the mechanism responsible for the
transport of gas into the plug at the early times of the soaking period. When the soaking
progresses, the dominant mechanism is molecular diffusion. The advective flow caused
by AP during gas injection and soaking leads to improved gas transport into the plug.
Overall, gas expansion is the dominant mechanism, followed by total system
compressibility, oil swelling, and vaporization. During the ‘puff’ period, the expansion
and flow of diffused gas drag the oil along its flowpaths, resulting in a significant flow of
oil and gas observed on the surface of the plug. The enrichment of injected gas by Cz (30
mol%) leads to an increase of 131 to 210% in mass transport of gas into the plug as well

as oil recovery.

Finally, the findings presented in this chapter provide a reasonable basis for operators
to improve understanding of gas-transport and recovery mechanisms involved in the gas

HnP process in tight-oil reservoirs and field-pilot designs.
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Chapter 6 : Quantification of Gas-Transport Mechanisms
during Soaking Period of The Natural-Gas HnP Process

6.1.Introduction

This chapter quantitatively evaluates gas-transport mechanisms during a natural-gas
HnP cycle under core-plug conditions. First, we estimate bulk-phase and effective
diffusion coefficient (D and Defr) using analytical solutions published in the literature.
Second, we model and calculate Np. to quantify possible mechanisms that can be

responsible for gas transport into the plug during the soaking period.

6.2.Method

6.2.1.Diffusion Coefficients in Bulk-Phase and Core-Plug Conditions

The pressure-decay technique has been widely used to quantify diffusion of gas into
bulk oil. In this study, the pressure-decline data are obtained from the visualization tests
presented in Sections 3.4.4 and 5.4.1 of Chapters 3 and 5, respectively. It should be noted
that the experimental conditions of the visualization and HnP tests are identical (Pt =
137.90 bar and 7t = 50°C). In the pressure-decay technique, the pressure-decline data
are divided into early-time and late-time regions. According to Pacheco and Hejazi
(2015), the early-time regime begins when the gas molecules start going into bulk oil,
while the late-time regime starts after the gas molecules reach the bottom of the cell.
The early-time and the tail of late-time data (i.e., pressure in the cell approaches
equilibrium pressure) are usually neglected in D calculations (Pacheco and Hejazi 2015,
Sheikha et al. 2006, and Zhang et al. 2000). We adopt an analytical solution that uses
late-time data to graphically predict D (Zhang et al. 2000). This graphical approach is

selected on the basis of having a similar experimental setup and procedure with the
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visualization tests for oil/Ci and o0il/C1/Cz systems presented in Chapter 3. The final

equation used to compute D is

%D 8Bz, x 6-1
mpm—gd:-zﬁpuﬂ—lﬁﬂ@] (6-1)

(o]

where P(t) and P.q are measured and equilibrium pressure, respectively; D, %, t and
X1,eqep) are diffusion coefficient, the height of the oil column in the cell, experimental

time, and gas concentration at gas/oil interface, respectively. B is a constant defined by

ZgRT

PR h, Z,, R, T are the height of the gas column in the cell, compressibility factor, gas

constant, and temperature, respectively.

To apply the above graphical method, the first step is to divide the pressure-decline
data of two visualization tests into early-time and late-time regions by the Aplane
clustering method (Bradley and Mangasarian 2000). Detailed information on A-plane
clustering method can be found in Appendix B. By plotting In(P(t) — Poq) vs. time
following Eq. 6-1, a straight-line fit of the late-time data (excluded the tail part) can be

obtained. From the slope of the resulting regressed line, D can be calculated.

2
p ot Xk (6-2)

= —
where z and ki are the height of the oil column in the cell and slopes of the regressed

line in Eq. 6-1.

In porous media, the diffusion process is much slower than in bulk fluid owing to the
hindrance of the rock matrix. Fried et al. (1971) and Ullman and Aller (1982) suggested
the following equation to estimate the effective diffusion coefficient (Defr), taking into

account tortuosity (t) of the formation.
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D
Detr == (6-3)

Shen and Chen (2007), and Grathwohl (2012) studied impacts of tortuosity on the Des
and the authors proposed an empirical equation to relate tortuosity to the porosity (@)

and the formation resistivity (#) as

2 = (F x )" (6-4)

where nis an adjustable empirical parameter.

According to Archie’s law (Archie 1942), the formation resistivity is given by F =

@im. Substituting ' by Archie’s law to Eq. 6-4 and resulting T to Eq. 6-3 give the Dt by

D

Degs = (ax gy (6-5)

where a and m are tortuosity constant and cementation factor in the porous media,

respectively.

The parameters, a, n and m, are lithology-dependent. According to Boudreau (1996),
Shen and Chen (2007), Alavian (2011), and Li et al. (2018), we assume that a = n =1

and m = 2. Therefore, the D can be estimated as

Deg =0 xD (6-6)

6.2.2. Quantifying Gas-Transport Mechanisms during Soaking Period

To evaluate the relative importance of advection vs. diffusion during the soaking

period, we model and calculate the dimensionless /Np. for the soaking periods of HnP
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tests. To calculate the Npe using Eq. 2-9, we need to determine the Darcy velocity and

Desr. The Degr is calculated using Eq. 6-6.

The Darcy velocity, u, is defined as the volume of fluid that passes through a unit

area of the material in unit time.

U=——X— (6-7)

Also, the continuity equation (Charbeneau 2006; Bear 2013; Birdsell et al. 2018) for

1-D mass transport along the core plug can be written as

o _ 9(up) (6-8)
ot ox

By expanding the second term of Eq. 6.8, we have

dp dp du
£ _ .,z _- 6-9
ot~ “ox TPox (6-9)

As an approximation, we assume that uz is constant along the plug. This results in

Z—Z = 0. Therefore, Eq. 6-9 can be written as
dp _ 0dp (
ovr_ 0 Ze 6-10)
ot~ “ox

op . . . . .
where a_zt, is calculated for the two pressure-decline regions, i.e., early and late times.

From Eq. 6-10, we have established the relationship between pressure drop over time

and along the plug. Rearrange Eq. 6-7, the pressure drop along the plug is given by
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op _—uxp (6-11)
dx k

By substituting Z—Zin Eqg. 6-11 to Eq. 6-10 we have:
dp —uXu
£ = 6-12)
at "k (

oru= |[-Xx% (6-13)
u ot

NPe

“u¥oc <L (6-14)

6.3.Results and Discussions

6.3.1. Estimation of D and Dk

This subsection presents results of D and Degr calculations for bulk-phase and HnP
tests at Zit. The pressure-decline data of two bulk-phase tests (In(P(t) — Peq) vs. time)
are divided into early-time and late-time regions using A-plane clustering method as
shown in Figure 6-1. The slopes (k1) of the two regressed lines (highlighted in yellow) are
-0.0317 1/hour and -0.0438 1/hour for oil/C1 and 0il/C1/Cs tests, respectively. Table 6-
1 lists the results of D values calculated for two visualization tests (0il/C1 and o0il/C1/Ca
system). It should be noted that only one D value is derived from the diffusion-dominated

region (yellow trendline) of the late-time data for each test.

The estimated D using Eq. 6-2 are 5x10® m?/s and 6.5x10° m?/s for oil/C; and
0il/C1/Cy tests, respectively. The addition of 30 mol% C: to the injected gas leads to a

30% increase in gas diffusivity into the oil phase. Table 6-1 compares D values obtained

90



in this work with reported D using graphical and numerical approaches. The results of

this work are in agreement with published literature (Lou et al. 2020 and Li et al. 2020).
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Figure 6-1: Pressure-decline regions classification by Aplane clustering method: (a)

Oil/Cy, and (b) Oil/C1/Ca (C1/C2:70/30 mol%).

Table 6-1: Comparison of calculated diffusion coefficient calculated in this study with

the literature

_ Temperature Pressure
Method  Fluid System D (m?/s) Reference
(°C) (bar)
Graphical  Ci/Montne
P 1/ i 50 137.90  5x10° This work
approach oil
) C1/C2:70/30
Graphical .
mol% and 50 137.90 6.5x107 This work
approach ]
Montney oil
Graphical
C1/Bakken oil 21 137.90  4.35x10° Lou et al. (2020)
approach
Numerical
C1/Bakken oil 21 137.90  3.80x10° Lou et al. (2020)
model
Numerical
C1/Bakken oil 109.8 90 3x10  Li et al. (2020)
model
Numerical
Cz/Bakken oil 109.8 90 8.2x10  Li et al. (2020)
model
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Table 6-2 presents the estimated Defr values using Eq. 6-6 and De reported in the

literature. The calculated Defr values for HnP tests using Ci and mixture of C1/Cs (70:30

mol%) are 1.75 x 101° m?/s and 2.28 x 10719 m?/s, respectively. The Degr values are higher

at the higher injection pressure as reported by Perez and Devegowda (2020). Overall, the

estimated Degr values in this work are consistent with findings reported in the literature

(Lou et al. 2020; Perez and Devegowda 2020).

Table 6-2: Comparison of the Dt calculated in this study with the literature

Pressure Reference
Rock Porosity (% . (bar) and Des
Fluid System
Sample  bulk volume) Temperature  (m?/s)
(°C)
Mont C1/Mont
ronney 3.5 y/Montney 00 1d 50 1.75%1070  This work
siltstone oil
C1/C2:70/30
Montney .
] 3.5 mol% and  137.9 and 50 2.28x1010 This work
siltstone .
Montney oil
Indiana C1/Bakken Lou et al.
) 15-18 . 137.9 and 21 1.50x10°10
limestone oil (2020)
Bakken C1/Bakken Lou et al.
8 _ 137.9 and 21 2.00x10°11
shale oil (2020)
. C1/C2:72/28 Perez and
Marine
hal - mol% and 303 and 82 4.50x101°  Devegowda
shates black oil (2020)

6.3.2.Péclet Number Analysis

We model and calculate Npe of the four HnP tests to evaluate contributions of

advection and diffusion during the soaking period. First, we divide the pressure-decline

periods of HnP tests into early-time and late-time periods by the Aplane clustering

method as shown in Figure 6-2. Second, we calculate values of average pressure drop,
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Darcy velocity (using Eq. 6-13), and Npe (using Eq. 6-14) for the early- and late-time

regions.
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Figure 6-2: Pressure-decline regions classification by Aplane clustering method: (a) Set

1-Cy, (b) Set 1-C1/Ca, (c) Set 2-Cy, and (d) Set 2-C;/Co.

Table 6-3 lists the calculated values of average pressure drop, Darcy velocity, and
Npe for the four HnP tests at early and late times. At the early times, Npe ranges from
1.82 to 3.03, suggesting that both advective and diffusive transports coexist in the system.
Nevertheless, NVpe of Set 1 is 12 to 15% higher (stronger advection) than Set 2. At the
late times, Mpe ranges from 0.26 to 0.62, indicating the dominance of molecular diffusion.
The Mpe changes significantly in the region close to the boundary of early- and late-time

periods as shown in Figure 6-3. The advective flow is gradually weaker with time in the
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late-time region. Although the tests in Set 2 are designed with minimal A A, pressure
changes during the gas/oil displacement (in the injection phase) could be the cause of

higher than expected advection in the early times.

Table 6-4 summarizes the Npe values calculated for the diffusion-dominated region in
this work and those by Hoteit and Firoozabadi (2009) and Mohebbinia and Wong (2017).
Mohebbinia and Wong (2017) showed that the molecular diffusion dominates oil recovery
with /MVpe<0.2. The authors also reported that there is a transition zone with Np. = 0.2
to 5, where diffusion compete with advection. Moreover, Perez and Devegowda (2020)
performed a molecular dynamic simulation to investigate gas-transport mechanisms
during the soaking period. The authors reported that the advection dominates at the

early time and molecular diffusion is the dominant mechanism when the soaking progress.
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Figure 6-3: MVpe profiles during soaking period: (a) Set 1-Ci, (b) Set 1-C1/Ca, (c) Set 2-
C1, and (d) Set 2-C1/Co.
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Table 6-3: MNpe calculations for 1-D transport of natural gas into the oil-saturated plug.

permeability, oil viscosity, and core-plug length are the same for all HnP tests

The values of porosity,

Value
Parameter Description
Set 1-Cy Set 1-C1/C» Set 2-Ci Set 2-C1/C»
Porosity, @ (-) 3.5 x1072 - - -
Permeability, & (m?) 5.92x1020 - - -
Oil viscosity, u (Pa-s) 9x1073 - - -
Core-plug length, Z (m) 6.3 x102 - - -
Effective diffusion coefficient, Degr (m?/s) | 1.75%x10°10 2.28x101° 1.75%x10°10 2.28x1071°
Péclet Number Calculations
Pressure drop, Z_f (Pa/s) -3.89 -18.20 -2.93 -14.45
Early Darcy velocity,  (m/s) 5.05 x10° 1.09 x10-8 4.39x10°9 9.75x10°
times Péclet Number, Nbe (-) 1.82 3.03 1.58 2.70
Pressure drop, Z_lt’ (Pa/s) -0.14 -0.76 -0.08 -0.30
Late Darcy velocity, z (m/s) 9.46x10°10 2.24x1079 7.25%10710 1.40x10°
times Péclet Number, Nbe (-) 0.34 0.62 0.26 0.39




Table 6-4: Comparison of the calculated /NVp. for diffusion-dominated transport in this

work with the literature

Pressure Reference
Rock Porosity (% (bar) and
Fluid System Npe
Sample  bulk volume) Temperature
(°C)
Montney C1/Montney 0.26-
3.5 137.9 and 50 This work
Siltstone oil 0.34
North Sea COgz/black Mohebbinia and
44 300 and 130 <0.2
Chalk oil Wong (2017)
Hoteit and
Fractured
20 Ci/black oil 320 and 93 <0.1 Firoozabadi
Media
(2009)

6.4.Limitations

We present the following limitations:

e The estimation of Dy values using Eq. 6-6 is an approximate solution without
calibrating pressure-decline and oil recovery data in the HnP tests.

e The use of the average Der value for the whole shut-in period of each HnP test is
an approximate solution for Mpe analysis purposes. In practice, Der in the early

time is higher than late time, owing to the presence of strong advective flow.
6.5.Summary

In this chapter, we quantified gas-transport mechanisms during a natural-gas HnP
cycle under bulk-phase and core-plug conditions to understand the controlling

mechanisms of oil recovery.
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We found that advective-dominated transport is the mechanism responsible for the
transport of gas into the plug at early times of the soaking period (/MNpe = 1.58 to 3.03).
When the soaking progresses, Npe ranges from 0.26 to 0.62, indicating the dominance of
molecular diffusion. The advective flow caused by AP during gas injection and soaking
leads to improved gas transport into the plug. The addition of Cz (30 mol%) to the

injected gas improves gas diffusivity into the oil in both bulk-phase and HnP tests.
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Chapter 7 : Evaluation of Aqueous Phase Trapping and
Remediation Methods

7.1.Introduction

In this chapter, we investigate the change in k& caused by FF leakoff after HF of a
tight-oil reservoir. Here, we use rock and fluid samples from the Midale tight-carbonate
reservoir to investigate the effects of leakoff, shut-in, and surfactants on k& after the

flowback process under reservoir conditions (£ = 172 bar and 7"= 60°C).

We perform a series of coreflooding tests on three plugs with different permeabilities
to experimentally simulate FF-leakoff/flowback processes. We soaked the plugs in oil to
restore reservoir conditions and measured the baseline values of k&, We measured kg
using Darcy’s law, and used the measured values of pressure drop across the plugs to
investigate the effects of leakoff-fluid properties (FF with surfactants and fresh water),
shut-in periods (3 and 14 days), and plugs’ properties on regained permeability. We also
measure [F'T between oil and fresh water/FF (before the leakoff and after the flowback)
to understand how IFT reduction affects kM. In addition, we investigate the possible
effects of wettability alteration on k& by comparing brine/oil contact angles (CAs)

measured on the surface of the plugs before leakoff and after flowback processes.

7.2. Materials

7.2.1. Core Samples

Core samples were collected from the Midale tight carbonate formation in
southeastern Saskatchewan. This formation is subdivided into two geological units: an
upper dolostone unit named Marly (1 to 11m thick) and a lower limestone unit named

Vuggy (10 to 22m thick) (Burrowes 2001). Burrowes (2001) observed a system of natural
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fractures, both open and cemented, in the Vuggy Unit. Figure 7-1 shows the depositional

sequences and the two geological units of the Midale tight carbonate formation.

sw NE

Jurassic

ississippian
Midale Evaporite :

Midale Marly
{upper}
Midale Vuggy -
(lower) Frobisher
Evaporite
Frobisher
@@ Major depositional sequences { fractures e Fai
anhydrite, x 1.6 Km o
Wi anhydrite cemented Bl coiostone Anestone 1mile £

Figure 7-1: Depositional sequences and geological units of the Midale tight carbonate
formation (Burrowes, 2001). T.F. represents Three Fingers transitional unit. Circled
numbers 1 and 2 show major depositional sequences, while circled number 3 shows a low-
permeability zone separating M1 and M3 layers. Layers V2 to V6 in the Lower Vuggy

are identified for the purposes of reservoir modeling.

After coring operation, the whole cores were cut into 1-m sleeves, slabbed
longitudinally, and stored in wooden boxes at the core facility. No preservation technique
was applied to the slabbed cores. Cylindrical plugs were cut from the slabbed cores for
routine core analysis. The plugs were oriented parallel to the bedding plane. The plugs
went through a cleaning process using a Soxhlet system before being trimmed at two
ends to achieve a dimension of approximately 2.5 cm in diameter and 5 cm in length.
The end pieces were used for thin-section analyses. Three plugs, shown in Figure 7-2,

with a porosity range of 0.05 to 0.26 and an air-permeability range of 0.09 to 5.28 mD
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were selected for this study. Table 7-1 lists petrophysical properties of the three plugs.

Plug C with the minimum permeability has the maximum Sgirr.

The X-ray-diffraction analyses were performed on broken pieces collected during core-
plug cutting, assuming that their mineralogy is similar to that of the plugs. The rock
samples were grounded and filtered to have fine powders for the X-ray-diffraction tests.
Table 7-2 lists the mineralogy of Plugs A and C from the Marly and Vuggy units,
respectively. The mineralogy data are only available for Plugs A and C. The results show
that calcite (52 to 59 wt%) and dolomite (34 to 39 wt%) are the dominant minerals.
Small quantities of detrital clay (trace amounts to 1% of the whole rock weight) are

present in the plugs.

Figure 7-2: Images of the plugs (a) A, (b) B, and (c) C.
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Table 7-1: Petrophysical properties of the plugs from Marly (A and B) and Vuggy (C)

units
Measured Air Porosity, Sl Grain  Digmeter Length
Plug Depth  permeability, helium (fraction) density (cm) (cm)
(m) kair (mD)  (fraction) (kg/m?)
A 1549.60 0.13 0.11 0.37 2.75 2.46 5.08
1551.58 5.28 0.26 0.33 2.78 2.46 5.08
1553.87 0.09 0.05 0.48 2.75 2.46 5.08

Table 7-2: Mineralogy of plugs A and C obtained from XRD analysis

Mineral weight %
A C
Quartz 4 3
K-Feldspar 2 1
Calcite 52 59
Dolomite 39 34
Halite 2 1
Siderite 0 Trace
Pyrite 1 1
Total Clay Trace 1
Total 100 100
Clay Mineral Relative Clay %
Illite / Smectite 15 6
Chlorite /Smectite 17 14
Illite / Mica 47 48
Kaolinite 10 17
Chlorite 11 15
Total 100 100
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Thin-section analysis is essential to understand the complex pore structure of tight-
carbonate rocks. The thin-section samples were taken from both ends of the plugs when
trimming the plugs to the exact dimensions for testing. The thin sections were prepared
by first filling the samples with blue-dyed epoxy to highlight pore spaces. Each sample
was then mounted on a glass slide and cut to an approximate thickness of 30 mm. Finally,
mineral staining was performed for rapid and accurate identification of some common
carbonate minerals (e.g., calcite, dolomite, and K-feldspar). Figure 7-3 shows thin-section
images of the plugs. The porosity type for Plugs A and B are interparticle and
intraparticle that is partially occluded by dolomite cement, while the porosity type for
Plug C is interparticle, intraparticle, and microfractures. Microfractures partially filled
with calcite cement are only visible in Plug C. It should be noted that microfractures on
a thin section could be natural or induced during coring operation and handling.
According to Lucia (2007) and Derkani et al. (2018), carbonate rocks have interparticle

and vuggy pores that are usually oil-wet.
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Figure 7-3: Thin-section images taken at 125x magnification: (a), (b) for plug A with
interparticle porosity (yellow arrows) partially occluded by residual hydrocarbon (green
arrows), intraparticle porosity partially occluded by dolomite cements (white arrows),
and calcite cements (orange arrows); (c), (d) for plug B with interparticle and
intraparticle porosity that is partially occluded by dolomite cements, and pyrite nodules
(red arrow); and (e), (f) for plug C with a micro-fracture (blue arrow) partially filled
with calcite cement, interparticle and intraparticle porosity partially occluded by residual

hydrocarbon and dolomite cements.
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Figure 7-4 shows the pore-throat-size distribution of the plugs obtained by mercury-
injection capillary pressure (MICP) analysis. Plugs A and B have mainly one pore system
(interparticle) with median pore-throat sizes of 0.36 and 0.99 mm, respectively. According
to Nelson (2009), pore-throat sizes of petroleum reservoirs are divided into three main
categories: greater than 2 mm in conventional reservoirs, 0.03 to 2 mm in tight reservoirs,
and 0.005 to 0.1 mm in shales. Figure 7-4c shows two distinct pore networks for Plug C,
consistent with Figure 7-3e showing interparticle pores and microfractures. Micropores
(mainly interparticle porosity) and meso and macropores (mainly fractured porosity)
account for approximately 55 and 45% of the cumulative pore space, respectively. The
measured values of low air permeability (0.09 mD) and high Sy (0.48) are consistent
with the wide pore-throat-size distribution of Plug C. Baker et al. (2015) reported that
low permeability and high residual saturations in vuggy reservoirs are attributed to the
high ratio of the pore diameter to the pore-throat size and poor connectivity within the

pore structure.
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Figure 7-4: Pore-throat-size distributions from MICP data of plugs (a) A, (b) B, and (c)

C.

7.2.2.  Fluid Samples
Dead oil and brine samples are from a production well drilled in the Midale tight
carbonate reservoir. The brine salinity is 300 000 mg/L. The composition of crosslinked

gel FF used in this study is listed in Table 7-3.

106



Table 7-3: Composition of the cross-linked gel fracturing fluid

Concentration in

No. Components ] _ Ingredient Name
Fracturing Fluid

(weight %)

1 Carrier fluid 95.066 Freshwater

2 Proppant 4.339 Crystalline Silica (Quartz)

3 Pre-treat 0.053 Dibenzylidene Polyol Acetal

4 Breaker 0.001 Ammonium Persulphate

5 Clay Control 0.086 Choline Chloride

6 Friction 0.042 High  molecular  weight  anionic

7 Gelling Agent 0.208 Guar, Distillates hydrotreated light,

8 Scale Inhibitor 0.033 Organophosphonate

9 Nonionic 0.172 Polyoxyethylenes, d-Limonene, and
Surfactants Alcohol Polyoxyethylene Ether

Table 7-4 lists the physical properties of the crude oil, brine, and FF. The detailed
composition of the reservoir brine and physical properties of the nonionic surfactants are
presented in Appendix C. The surfactants compatibility tests with the formation brine
were conducted by Element Technical Services to avoid formation damage. Surface-
tension and density values are measured using a tensiometer and densitometer,
respectively. The accuracy of the instrument is £0.01 kg/m? for density and +0.01 mN/m
for surface tension. The viscosity is measured at the reservoir temperature (60°C). The
temperature during the viscosity measurement is maintained by a heating circulator with

an accuracy of £0.03°C.
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Table 7-4: Physical properties of Midale crude oil, brine, and fracturing fluid

Properties Crude oil Brine FF

Viscosity at 60°C (mPa-s) 2.620+£0.026 0.750£0.007 1.540+0.015

Density at 22°C (g/cm?) 0.83£0.003 1.1940.001 0.99£0.003
Surface tension (mN/m) 26.73+0.06 67.15+0.18 31.4940.52
7.3.Method

We conducted a laboratory study to simulate leakoff and flowback processes, and to
investigate the effects of shut-in time and properties of the FF and plugs on regained

permeability after the flowback process.

7.3.1. Coreflooding Tests

We conducted coreflooding tests on oil-saturated plugs at reservoir temperature
(60°C) to simulate two-phase flow during FF-leakoff/flowback processes. Figure 7-5
schematically illustrates the coreflooding apparatus, including a core holder, two floating-
piston accumulators, a backpressure regulator, a set of pressure transducers, and a high-
pressure dual-syringe pump. The core holder is made of Hastelloy stainless steel and can
stand maximum pressure and temperature of 689.48 bar and 150°C, respectively. The
capacity of each floating accumulator is 1 000 cm? and can stand the pressure of 689.48
bar. The backpressure regulator is a dome-loaded type with pressure and temperature
ratings of 689.48 bar and 175°C, respectively. The reading accuracy of the pressure
transducers is 0.69 bar (for confining and inlet/outlet pressures as shown in Figure 7-5),
and 0.45 bar for the backpressure regulator. The accuracy of the measured pump pressure
is £0.5% of full scale (689.48 bar). The volume of effluent is measured by a liquid
fractional collector with an accuracy of 0.1 cm?. The apparatus is equipped with an

oven to run the tests at 60°C.
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Figure 7-5: Schematic diagram of the core flooding apparatus. DP = differential pressure;

N2 = Nitrogen.

Table 7-5 lists the detailed experimental conditions of the tests using the coreflooding
apparatus. First, we conducted Tests 1 and 2 on Plug B to compare the measured k&
in the presence and absence of FF additives, and in particular the surfactants (a solution
of three nonionic surfactants). The reference case (Test 2, fresh water as FF) was
conducted on Plug B because it has the highest porosity and permeability among all the
three plugs. The use of fresh water as the FF in this study was for reference purposes
only and did not reflect the actual operations in the field. Second, Tests 3 through 8 were
conducted to evaluate the effect of shut-in duration (3 and 14 days) on k. Only FF
was used during the leakoff of these six tests. It should be noted that Plugs A and C
were not reconditioned (i.e., cleaning and measuring baseline permeability) after each

test. Reconditioning was applied to Plug B before running Test 2. The reused plug was
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flooded with approximately 7 pore volumes (PV) of oil and at high-enough oil rates to

remove residual FF and restore to initial saturation conditions.

Table 7-5: List of experimental conditions of the core flooding tests to simulate leakoff
and flowback processes. Except for the freshwater leakoff in Test 2, the remaining leakoff
tests were conducted using the FF containing surfactants. One PV of freshwater /FF was

injected during the leakoff process of all the tests

Leakoff Flowback oil
Coreflooding Shut-in time
Plug Flow rate rate
test Fluids (days)
(cm?/min) (cm?/min)

1 B FF 0.09 3 0.090
2 B Freshwater 0.09 3 0.090
3 A FF 0.09 3 0.025
4 A FF 0.09 14 0.025
5 B FF 0.09 3 0.240
6 B FF 0.09 14 0.240
7 C FF 0.02 3 0.007
8 C FF 0.02 14 0.007

The experimental procedure for simulating the leakoff and flowback processes
includes four steps—saturating and aging the plugs to restore the reservoir conditions,

leakoff process, shut-in time, and flowback process—as demonstrated in Figure 7-6.

Step 1, saturating and aging the plugs to restore reservoir conditions, includes the

following substeps:
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Flood the plugs with toluene and methanol to remove oleo and aqueous phases
in the pore space, respectively.

Dry the plugs in an oven at 80°C for 3 days to remove the water remained in the
pore space and the solvents (toluene and ethanol) used in the previous step, then
apply vacuum to displace the trapped air.

Filter the oil sample to remove solid impurities. The oil sample was passed
through 1 mm filter paper because 40 to 98% of the PV has pore-throat radii of
less than 1 pm.

Inject 1 to 5 PV of brine at different flow rates (0.025 to 0.9 cm3/min, depending
on the plug permeability) into the cleaned and vacuumed plugs until equilibration
of the pressure-drop values.

Inject 1 to 3 PV of the oil into the plugs at a low flow rate (0.007 to 0.240
cm?/min, depending on the porosity and permeability of the plugs) to gradually
displace the brine by oil until no further brine is produced.

Measure the weight of the plugs before and after the brine- and oil-injection
processes using a balance to determine Syir. The reading accuracy of the balance
is 0.1 mg.

Measure the volume of produced brine and compare this value with the volume
of the brine injected in the first step. The purpose of measuring the produced-
brine volume is to double-check the Sy values calculated by the weight-balance
method.

Age the plugs in the oil at P = 172 bar and 7= 60°C for 14 days to restore the
reservoir conditions. Aging carbonate rocks in the oil is an essential step to restore
reservoir conditions (Heidari et al. 2014), and minimum aging time of 2 weeks is

recommended (Graue et al. 1999).
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9. Inject the oil into the plugs at flow rates ranging from 0.007 to 0.240 c¢cm?/min,

depending on porosity and permeability of the plugs, to measure a baseline kgff.
Step 2, the leakoff process, includes the following substeps:

1. Inject approximately 1 PV of FF /fresh water (or until pressure-drop stabilization)
into one end of the oil-saturated plugs (i.e., the same end where brine and oil had
been injected during the restoration of reservoir conditions in Step 1) at a
constant flow rate (0.02 to 0.09 cm3/min), as shown in Figure 7-6b. Because
monitoring the pressure change during the injection process is more practical
compared with monitoring the flow rate, we perform the tests at constant flow
rates.

2. Collect the produced-oil volume from the outlet of the core holder. The oil-

production data are used to calculate the oil recovery after 1 PV injected.

Step 1 Step 2 Step 3 Step 4

Restored State ':>| Leak-off Process r::)l Shut-in Time ':>| Flowback Process

o P
Injection

Step 2

Oil
Injection

Step 4

(b)

Figure 7-6: The procedure for the coreflooding tests: (a) simulating leakoff and flowback

processes and (b) injection conditions in Steps 2 and 4.
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Step 3, the shut-in period, includes keeping the inlet/outlet valves of the core holder
closed for 3 or 14 days, representing short and long shut-in periods, respectively. These
shut-in periods are sufficient to see the effects of FF redistribution in the plugs, and

possible reactions among the rock minerals, initial oil and brine in the plugs, and leaked-

off FF.

Step 4, the flowback process, includes the following substeps:

1. Inject the oil into the plugs from the other end to displace the invaded FF.
Because of unstable displacement observed during Step 1 in Figure 7-6a, constant
pressures were initially applied for Plug C before switching to a constant flow
rate (0.007 cm?/min) to simulate the flowback process. For Plugs A and B,
constant flow rates (0.025 and 0.240 cm3/min) were applied throughout the
flowback process.

2. Collect effluent from the outlet of the core holder. The measured effluent volumes

were used to calculate water saturation (Sy) after the flowback processes.

The pressure-drop values are selected to be negative (—P) for leakoff and positive
(+P) for flowback processes. We use Darcy’s law and the equilibrated pressure-drop
values to determine absolute permeability (kns) by brine injection, baseline k& by oil
injection at residual Sy before the leakoff process, and regained k& by oil injection during

the flowback process.

7.3.2.IFT Measurements

The IFTs were measured for oil and fresh water /FF before the leakoff and after the
flowback processes to explain the observed differences between regained permeability
values. The IFT measurement was performed using a spinning-drop tensiometer. The

spinning-drop tensiometer can operate at temperatures up to 120°C with an accuracy of
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0.1°C. The accuracy of the IFT measurement is 10  mN/m. The instrument is equipped
with a capillary tube and an end plug to hold the surfactants and oil, respectively. The
IFT is measured by rotating the capillary tube at increasing speeds until the oil droplet
is released. In this study, the instrument was used at the speed and temperature of 10
000 rev/min and 23°C, respectively. We used an integrated software to analyze the shape
of the droplet spinning in the capillary tube, calculated IFT values, and reported the
mean values. Before the leakoff, IFT measurements were conducted on oil and
freshwater/FF samples before and after mixing. The purpose of mixing tests was to
evaluate the effects of mixing rate on IFT values. We used a mixer to mix oil and FF
samples at three rotational speeds of 1, 10, and 20 rev/min for 3 days. The volume ratio
of oil and FF was 1:1. After the flowback, the IFTs were measured for collected oleo and
aqueous samples. The IFT measurements were performed after waiting for approximately

2 hours for the fluids to equilibrate (Xu et al. 2008).

7.3.3.Brine/Oil-CA Measurements

Brine/oil CA values were measured to evaluate the wetting affinity of the plugs before
the leakoff (Tests 3, 5, and 7) and after flowback (Tests 3 through 8) processes. The CA
measurements were conducted three times for each test using an optical tensiometer with
an accuracy of 0.1°. The mean values and standard deviations were reported. The plugs
were first submerged in the brine, then the oil was dispensed from the bottom of the cell
using a J-shaped capillary needle. The oil droplet moved upward and slowly attached to
the surface of the plug. An integrated software performed curve-fitting on the droplet

profiles to determine the CA.
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7.4.Results and Discussions

Table 7-6 lists the results of kubs, k&M, and Syir measured in Step 1 (Figure 7-6a) at
60°C. To restore the reservoir conditions, all the plugs were saturated with brine and
reservoir oil. The measured values of ks and kET follow the trend of porosity and
permeability presented in Table 7-1. The ratio of kuir to ks is approximately 2.5 for the
three plugs. The observed differences between absolute permeabilities measured by air
and brine might be caused by non-Darcy-flow effects (e.g., Knudsen diffusion) of the flow
of gas in micropores. The diffusivity of gas in confined spaces such as micropores is
enhanced by Knudsen diffusion, a phenomenon where gas molecules collide with pore-
wall surfaces more frequently than with each other (Ma and Holditch 2015). Plug B with
the maximum permeability has the lowest Syirr. Comparing k& before and after 14 days
of aging in oil (under 172.37 bar and 60°C) shows that kT increases by 34, 70, and 34%
after the aging process for Plugs A, B, and C, respectively. The changes in k& could be
attributable to the redistribution of fluids within the pore structure of the plugs during
the aging time. Plug B was reconditioned before running Test 2 and its baseline

permeability was in the same range as the one listed in Table 7-6.
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Table 7-6: Measured ks, k& and Syir of the plugs before and after the aging process

Brine saturating  Injected  Oil saturating  Displaced Swirr After 14-day aging in oil at 60°C

PV brine brine (fraction) keft
Plug db Kabs Yo kgff 9o kgff .
(cm?) (cm?) (cm?) improvement
(cm?/min)  (mD) (cm3/min) (mD) (cm3/min) (mD)
(%)
A 1.70 0.060 0.051 2.7 0.025 0.026 1.70 0.37 0.025 0.035 34
4.20 0.700 2.047 6.23 0.240 1.104 4.20 0.33 0.240 1.885 70
B
- - - - - - - - 0.090 1.571 -
C 0.60 0.075 0.034 1.16 0.007 0.003 0.60 0.48 0.007 0.004 34
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Figure 7-7 presents the IFT values measured between the oil and fresh water/FF
before the leakoff and after the flowback processes. First, the IFT value between the oil
and FF is 5.79 mN/m before the leakoff test (Figure 7-7a), which is 4.5 times lower than
that between fresh water and oil (26.07 mN/m). Second, additional IFT measurements
were purposely conducted under different mixing conditions to explain the reduction of
IFT observed after the flowback process in Plug C. The measured IFT values between
oil and FF after 3 days of mixing (1.79 to 1.13 mN/m) were approximately three to five
times lower than that without mixing (5.79 mN/m). The higher mixing rate increases
the contact interfaces between the oil and the FF, thus resulting in better partitioning
and dispersion. Gupta (1982) conducted experiments and simulation studies on
micellar /polymer flooding in Sloss Field, Nebraska, USA. The author reported that
because of partitioning and dispersive-mixing effects, sulfonate partitioned into the oil
phase and led to a reduction in IFT between oil and injected fluids, as well as an increase
in the mobility of the oil phase. Third, the IFT values for the aqueous/oleo systems
measured after the flowback process of Plugs A and B were very similar to those
measured without mixing before the leakoff process (Figure 7-7b). However, for Plug C,
the IFT value measured after the flowback was in the same range as initial values

measured under various mixing conditions.
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Figure 7-7: IFT values of (a) freshwater/oil and FF/oil systems measured at different

mixing levels before the leakoff, and (b) aqueous/oleo systems measured after the

flowback processes.

Table 7-7 lists brine/oil-CA values measured for the plugs. First, the brine/oil CAs

for these plugs were measured after the aging process. The results indicate that the plugs

are strongly oil-wet. This represents the conditions before the leakoff test. Then, the CAs

were measured after the flowback process. Comparing the two sets of CA values does not

suggest any significant wettability alteration resulting from interactions between the rock

and the FF additives.

Table 7-7: Brine/oil CA values measured on the surface of the plugs before leakoff and

after flowback processes

CA before the leakoff (°)

CA after the flowback (°)

Plug
3-day shut-in 14-day shut-in
A 171+5 151£11 147+14
153+£8 150+4 146+2
C 17243 17543 17043
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7.4.1.Effect of Leakoff Fluids

Figure 7-8 shows the pressure-drop profiles during the leakoff and flowback process
for Tests 1 and 2. In Test 2, fresh water is injected as the leakoff fluid into Plug B. In
Figure 7-8a, the absolute value of pressure drop across the plug for the freshwater case
is higher (by approximately 13.79 bar) than those for FF at 1-PV fluid injection. The
breakthrough of FF and fresh water occurs at 0.63 and 0.52 PV injected, respectively.
The early breakthrough of fresh water leads to a 30% lower oil recovery compared with

that for the FF case (39 vs. 69%).

The observed differences between freshwater- and FF-leakoff tests can be explained
using the fractional flow theory. The IFT between oil and FF is nearly five times lower
than between the oil and fresh water. In addition, the measured viscosity of FF is
approximately 1.5 times higher than that of fresh water. Therefore, during the leakoff
process, the displacement of FF is expected to be slower than that of the fresh water
because of its higher viscosity. On the other hand, the lower IFT of FF enhances its
displacement efficiency. These factors lead to later breakthroughs of FF and higher oil
recovery at 1 PV injected. The significantly lower pressure drop of FF during this period
can be explained by its lower IFT value, leading to higher two-phase relative permeability
values. Previous studies also used the fractional flow theory to explain the performance
of chemical floods. Pope (1980) and Luo et al. (2017) applied fractional flow theory to
study the low-tension enhanced oil recovery. The authors reported that if the viscosity
of the injected chemical solution is increased, the low-tension fractional flow curve is

shifted toward a lower residual oil saturation.
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Figure 7-8: Pressure-drop profiles measured (a) during freshwater and FF leakoff, and

(b) during flowback process of plug B (q = 0.09 ¢cm?/min in both processes).

In Figure 7-8b, the maximum pressure drop for Test 2 is 8.27 bar at the breakthrough
point, while that for FF is 4.83 bar at the breakthrough point. The oil breakthrough
during the flowback process in Tests 1 and 2 occurs at 0.75 and 0.66 PV, respectively.
The equilibrium pressure drops (at the plateau conditions after the breakthrough) for
Tests 1 and 2 are 3.10 and 6.34 bar, respectively. Consequently, k& calculated for the
case of FF with surfactants is two times higher than that for the case of fresh water (1.4
vs. 0.7 mD). The calculated Sy values after the flowback of Tests 1 and 2 are 0.37 and

0.44, respectively.

The regained permeability after the flowback process for the case of FF leakoff is
twice of that after freshwater leakoff. This can be explained by lower IFT between oil
and FF compared with that between oil and fresh water, leading to higher two-phase
relative permeability values during the flowback process. The lower phase trapping
during the flowback of FF is supported by lower saturation of the remaining water in the
plug for the case of FF compared with the freshwater case. Similarly, Liang et al. (2017)

and Longoria et al. (2017) concluded that the reduction of IFT between hydrocarbon and
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FF with surfactants after shut-in time changes the water saturation profile, and

consequently enhances relative permeability to hydrocarbon.

7.4.2. Effect of Shut-In Times

During the extended shut-in periods after HF operations, the water inside fractures
can imbibe into the rock matrix. This phenomenon might affect the regained permeability
by changing the saturation state near the fracture face before the flowback process. The
extent of this imbibition process depends on initial water saturation (Zhou et al. 2000),
clay content and pore structure (Ghanbari et al. 2013; Zhou et al. 2016; Birkle and
MaKechnie 2019), osmosis potential (Li et al. 2016), and capillary forces controlled by

pore size, wettability, and IFT (Tagavifar et al. 2019).

To investigate the effects of shut-in on regained permeability, we measure k& for
two different shut-in periods (i.e., 3 and 14 days) for the three plugs. The leaked-off water
can spontaneously imbibe from the high-S to the low-Sw part of the pore network of the
plugs if they are soaked for a specific period after the leakoff process. This can lead to a
more uniform distribution of water across the plugs. We closed the inlet and outlet valves
after the leakoff process to allow redistribution of the leaked-off water inside the plug

and to allow interactions between fluids and rock during the shut-in periods.
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Figure 7-9: Pressure-drop profiles measured during (a) FF leakoff (q = 0.09 ¢cm?/min for
plug A and B, and q = 0.02 cm?/min for plug C), (b) flowback of plug A (q = 0.025
cm?/min), and (c¢) flowback of plug B (q = 0.24 ¢cm?®/min), and (d) flowback of plug C
(constant pressures applied at two steps, i.e. 34 bar and 80 bar, for FF clean-up, then

switched to q = 0.007 cm3/min for k§T measurements after 2 injected PV).

Figure 7-9 shows the pressure profiles during the leakoff and flowback processes for
the three plugs (Tests 3 through 8). Table 7-8 summarizes the equilibrated values of oil-
pressure drop and the corresponding kT before the leakoff process (the baseline) and at
the end of the flowback process after 3- and 14-day shut-in periods. In Figure 7-9a, the
absolute values of pressure drop during the leakoff process significantly increase with PV

injected for Plugs A and C, while the value slightly increases for Plug B. Similar leakoff
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tests are conducted in Tests 4, 6, and 8 (14-day shut-in), and the pressure-drop profiles
are similar to those for Tests 3, 5, and 7 (3-day shut-in). Only one set of leakoff-test data
(Tests 3, 5, and 7) is plotted in Figure 7-9a. The FF breakthrough occurs at 0.74, 0.63,
and 0.82 PV injected for Plugs A, B, and C, respectively. The highest and lowest oil-

recovery values are observed for Plugs B (69%) and C (41%), respectively.

Figures 7-9b, 7-9¢c, and 7-9d show the pressure-drop profiles during the flowback of
Plugs A, B, and C (Tests 3 through 8). The lowest and highest equilibrium pressure-drop
values are for Plugs B and C. Interestingly, the pressure drop for Plug C is even lower

than the baseline value before the leakoff process.

Here, we define a regained-permeability index (RPI) to evaluate the change of k&t

relative to the corresponding baseline (before leakoff),

e k€ [after FF/FW flowback] — k& [baseline] < 100 (7-1)
ke [baseline]

Negative RPI values mean decreasing regained permeability compared with the

baseline (before leakoff), and vice versa.
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Table 7-8: Equilibrium pressure drop and k&'

14-day shut-in periods

values before leakoff (baseline) and after flowback processes after 3- and

14-day shut-in

Oil injection Baseline 3-day shut-in
Plug rate Pressure ket Pressure k&t RPI (%)  Pressure k&t RPI (%)
(cm?/min) drop (bar) (mD)  drop (bar) (mD) drop (bar) (mD)
A 0.025 31.85 0.035 34.06 0.033 -5.71 34.82 0.032 -8.57
B 0.240 5.65 1.885 6.34 1.680 -10.88 6.89 1.546 -17.98
C 0.007 79.22 0.004 61.64 0.005 28.52 48.13 0.006 64.61

Table 7-9: Changes in Sy during FF leakoff and flowback processes (Tests 3, 5 and 7)

Invaded FF flowback Sy after Sy after flowback
PV s &Jirr )
Plug volume volume (cm?) (fraction) leakoff (fraction)
3 3-d 14-d raction 3-d 14-d

(cm?) (cm?) w a (fraction) a a
shut-in  shut-in shut-in shut-in

A 1.70 0.91 0.84 0.82 0.37 0.71 0.39 0.40

4.20 2.91 2.70 2.69 0.33 0.79 0.36 0.36

0.60 0.24 0.28 0.33 0.48 0.69 0.45 0.41
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Table 7-9 lists the measured S values for the plugs after leakoff and flowback
processes. Because the invaded-FF volume and oil recovery in Tests 4, 6, and 8 (14-day
shut-in) are similar to those for Tests 3, 5, and 7 (3-day shut-in), only one data set (Tests
3, 5, and 7) is presented. After flowback, Sy values are higher than Syi for Plugs A and
B, while it is lower than Syirn for Plug C (from 0.48 to 0.41-0.45). The water retention in
Plugs A and B is evident from the negative RPI values (Table 7-8) and the higher Sy
values after leakoff compared with the initial Syin. The observed reduction in Sy
(compared with the initial Syir) for Plug C can be explained by effective mixing between

leaked-off FF and initial brine, reducing trapped .Sy during the flowback process.

The plugs used in this study have a low concentration of clays (trace to 1% of the
whole rock weight), especially swelling (e.g., smectite) and migrating (e.g., kaolinite and
illite) clays. Therefore, we do not expect permeability impairment by clay swelling or

fines migration.

We observed differences in the pressure-drop and RPI values for all the plugs after
3- and 14-day shut-in periods as shown in Figure 7-9 and Table 7-8. The pressure-drop
profiles for Plugs A and B show that extending the shut-in time from 3 to 14 days does
not significantly affect the pressure drop. The equilibrium pressure drops for Plugs A and
B after 3- and 14-day shut-in periods are very close. According to Table 7-8, the RPI
values after 3-day shut-in time for Plugs A and B indicate a reduction of 5.71 and 10.88%,
respectively, in regained permeability compared with the values before leakoff. The
regained permeability slightly decreases by increasing shut-in times from 3 to 14 days.
The results suggest that the duration of shut-in does not significantly affect the regained
permeability in these plugs. Moreover, the increase in S compared with Swirr is consistent

with the decrease in regained permeability.
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Because Plug C is very tight, the effect of increasing shut-in time (from 3 to 14 days)
on regained permeability is more pronounced. The positive RPI for Plug C can be
explained by lower S after flowback compared with Syiw (Table 7-9) caused by IFT
reduction. Longer shut-in provides more time for mixing of the invaded FF with the
initial brine and oil in the plug, reducing IFT and thereby .Sy. This IFT reduction
indicates that effective mixing between leaked-off FF and initial brine in Plug C occurred
during the leakoff, shut-in, and flowback processes. Moreover, the effective mixing is
supported by the wider pore-throat-size distribution of this plug compared with Plugs A
and B.

It should be noted that the measured CA values in Table 7-7 suggest that the
exposure to the surfactants, even after 14 days of shut-in, might not significantly change
the wettability of the plugs. To further compare the extent of capillary and viscous forces

during the leakoff process, we calculated the dimensionless capillary number (Peters

2012) as

o cos O Vk@ (7-2)

Neap = 3.14 x 1078 il

where g, h, k, and 0 are IFT between the FF and oil, brine/oil CA after 3- and 14-day
shut-in, baseline k&%, and porosity of the plug, respectively. u, u, and L are Darcy velocity
of the injected FF, viscosity of the FF, and the length of the plug, respectively. Table 7-
10 lists the Meap values calculated for the leakoff processes of Tests 3 through 8. The
resulting Neap suggests that viscous and capillary forces coexist in all tests. The viscous
force is dominant during the leakoff and flowback processes, while the capillary force is
dominant during the shut-in time. Therefore, wettability alteration from an oil-wet to
mixed-wet condition might accelerate spontaneous imbibition of FF during the shut-in

time. Consequently, one can expect an improvement in regained permeability. Except for
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Plug C, where an increase in k& is attributable to the effective mixing, the improvement
of k& is not observed in the other plugs. This means that capillary imbibition and
wettability alteration during the shut-in period are not significant. Hammond and Unsal
(2009) conducted a modeling study on the extent of wettability alteration by spontaneous
and forced imbibition of an aqueous-surfactant solution into an initially oil-filled oil-wet
capillary tube. The authors reported that under forced-imbibition conditions, the
wettability alteration is considered insignificant. It is because the effect of pressure on
the velocity of the oil/water meniscus becomes more significant; therefore, there is
insufficient time for large amounts of surfactants to transfer from the aqueous phase onto

the wall of the capillary.

Table 7-10: Capillary-number calculations for the leakoff processes for Tests 3 to 8

Contact angle

Map
Porosity (©) IFT
Plug k€T (mD) u (m/s)
(fraction) 3-day 14-day (mN/m) 3-day  14-day
shut-in shut-in shut-in  shut-in
A 0.11 151 147 5.87 0.035 3.16x10%  0.15 0.14
B 0.26 150 146 5.27 1.885  3.16x10°%  0.15 0.15
C 0.05 175 170 2.09 0.004 5.26x107  0.05 0.05

7.4.3.Effect of Plug Properties

The measured oil recovery after leakoff (Figure 7-9a) indicates that the highest
displacement efficiency occurs for Plug B, followed by Plugs A and C. The lowest oil
recovery is observed for Plug C because of the existence of meso and
macropores/microfractures supported by the thin-section images and by the wider pore-

throat-size distribution of this plug. These microfractures act as preferential conduits for
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invaded FF, leading to low displacement efficiency during the leakoff process. Plug B,
with the highest porosity and permeability, shows the lowest pressure-drop value (6.34
and 6.89 bar after 3- and 14-day shut-in periods, respectively). However, the increase in
the regained permeability compared with the baseline occurs only for Plug C because of
its high initial Swir and high dispersivity resulting from its wide pore-throat-size
distribution. In summary, the regained permeability could be lower or higher than the
baseline permeability, depending on petrophysical properties including porosity and

permeability, pore structure, pore-size distribution, and Siyirr.

7.5.Limitations

We present the following limitations:

e The brine/oil CA was measured using the tangent method. The accuracy of the
measured values is affected by determining rock/oil/brine-contact points,
baselines, and gravitational distortion of the oil droplets.

e The PV of Plug C is small and is in the range of experimental errors. This affects
the accuracy of Sy measured by a volumetric method.

e Reconditioning plugs to initial conditions is essential to ensure the repeatability,
the accuracy of pressure drop, and regained kET comparison. There could be
residual FF in reused plugs that might affect leakoff and flowback performances

in subsequent tests.

7.6.Summary

The experimental results show that the combination of surfactants and well shut-in
reduces phase trapping and improves kT during the flowback process depending on the

permeability, pore structure, and Syir of the plugs.
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We found that the addition of three nonionic surfactants to FF reduces the aqueous
phase trapping (by lower saturation of the remaining water in the plug) and increases
the regained permeability after the flowback process. Freshwater leakoff in Plug B
reduced k&fby 55% (from 1.57 mD to 0.7 mD) while FF (with surfactants) reduced kg
by only 10%. The observed improvement of k& is primarily because of the reduction of
interfacial tension (IFT) by the surfactants (from 26.07 mN/m to 5.79 mN/m). FF leakoff
in Plugs A and C reduces k& by 5-10%, and this range only increases slightly by
increasing the shut-in time from 3 to 14 days. However, for Plug C, the regained
permeability is even higher than the original k& before the leakoff process. A 28.52%
and 64.61% increase in k& after 3- and 14-day shut-in periods were observed. This
observation is explained by an effective reduction of IF'T between the oil and brine in
the pore network of the tight plug, leading to a reduction of irreducible water saturation
(Swirr). Moreover, extending the shut-in time enhances the mixing between invaded FF
and oil/brine initially in the plug, leading to more effective reductions in IFT and
consequently Swirr. We also found that capillary imbibition and wettability alteration

during the shut-in period are insignificant.
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Chapter 8 : Conclusions and Future Work

8.1.Conclusions

This research aims at qualitatively and quantitatively investigating phase behavior,

gas-transport, and oil-recovery mechanisms during a natural-gas (C; and mixture of

C1/Cz) with huff ‘n’ puff (HnP); and qualitatively evaluating changes in oil effective

permeability (k™) caused by fracturing-fluid (FF)-leakoff/flowback processes after

hydraulic fracturing of tight-oil reservoirs and applying remediation methods. Here are

the key conclusions from this dissertation.

8.1.1.

8.1.2.

Process

Phase Behavior of The Natural-Gas/Oil Systems

The miscibility conditions could be achieved by either increasing gas-injection
pressure or increasing the molar fraction of Cz in the gas mixtures.

The presence of Co in the injection gas increases the oil swelling factor and
significantly decreases the MMP of gas/oil mixtures.

Reasonable Peng-Robinson-EOS models for oil/Ci and oil/C1/Cs2 (C1/C2:70/30
mol%) systems were calibrated against constant-composition-expansion and
MMP data. The predicted MMPs by plotting two-phase equilibrium data on

ternary diagrams have good agreement with the measured ones.

Gas-Transport and Oil-Recovery Mechanisms during The Natural-Gas HnP
Advection-dominated transport was found to be the mechanism responsible for
the transport of gas into the plug at early times of the soaking period (Péclet

number Npe = 1.58 to 3.03). However, molecular diffusion is the dominant

mechanism when the soaking progresses (Npe = 0.26 to 0.62).
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From the four studied recovery mechanisms (total system compressibility,
vaporization, oil swelling, and gas expansion), gas expansion is the dominant one,
followed by total system compressibility, oil swelling, and vaporization.
Expansion of free and solution gas during the depressurization period results in a
significant comingled flow of gas and oil observed on the plug’s surface. Therefore,
the higher the amount of leaked-off gas during injection and soaking periods, the
higher the oil recovery achieved by the gas-expansion mechanism.

The enrichment of injected gas by Cz (30 mol% in this study) improves the

transport of gas into the core plug, and gas diffusivity, and oil recovery.

8.1.3. Aqueous Phase Trapping and Remediation Methods

8.2.

FF (with surfactants) significantly reduces effects of aqueous phase trapping and
improves k& during flowback compared with fresh water.

Shut-in durations have minor effects on k& on high-permeability plugs. However,
an increase in k& is observed in the tight plug, and this range significantly
increases by increasing shut-in time.

IFT reduction and effective mixing of FF with initial oil/brine in the core plugs

are the controlling mechanisms of k& improvement.

Significance of The Work to Unconventional Field Practices

8.2.1.Natural-Gas HnP Process

Developed Miscibility Conditions. Knowing the range of MMPs corresponding to
different  levels of  hydrocarbon  enrichment helps operators in
designing/optimizing the gas-compression system, reservoir-simulation-study
sensitivity for the gas-injection EOR scenarios, and a long-term fieldwide

development plan with consideration to the source of gas supply and gathering
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facility. Since injection pressure is usually constrained by gas-compression system,
miscibility conditions can be achieved by increasing the molar fraction of light
hydrocarbon components, such as Cz in this study, in the injected gas to cut the
MMP to the desired level.

Start Time of The Gas HnP FOR. The start time of the gas HnP EOR process is
often a key question when planning a reservoir-development strategy. Injectivity
is typically an issue if injection starts at the early of well life. It is because the
formation pressure gradient is still high, resulting in less gas transported into the
matrix. Injecting gas into a depleted reservoir would benefit from the total system
compressibility and higher leaked-off gas and consequently oil recovery caused by
the advective transport. Sanchez-Rivera et al. (2015) and Chen and Gu (2017)
performed simulation studies of CO2 HnP application in Bakken shale. The
authors reported that the potential of repressurization (also known as gas
expansion) is not fully used if the operation starts early in the well life.

Shut-in Time. From the pressure-decline profiles in Fig. 5a, gas transport into the
plug was pronounced in the first four days of the 7-day shut-in period. It means
that a reasonable shut-in time to achieve high oil recovery might be less than 7
days. This observation is in agreement with the results of field pilots in which a
shorter shut-in time (75 days) seems to yield better oil recovery than longer ones
(Jacobs 2019).

Injection and Depletion Strategy. The results of this study show that improved
gas transport into the matrix and an appropriate depletion strategy are two key
factors leading to high oil recovery. In the field application, the efficiency of the
gas HnP process might be improved by increasing injection pressure and/or
enriching the injected gas by intermediate hydrocarbon components. Increasing

injection pressure would be recommended as the first and preferable choice. First,
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it is practical to inject at high-enough pressures to achieve miscible conditions.
Second, a high injection pressure helps to spread out the gas farther from the
matrix/fracture interface, thus increasing the surface area in contact with the
gas. As mentioned in the “Oil-Recovery Mechanism during Depressurization
Phase” section, the surface area created by fracturing operation significantly
affects oil recovery by the gas-expansion mechanism. However, it may be difficult
to achieve the MMP, for instance, 301.03 bar for oil/Ci, because this pressure
may exceed the gas-compressor capacity and may lead to geomechanical
complications such as refracturing the formation. With the limitation of injection
pressure, the enrichment of injected gas, for example by 30 mol% Cs in this study,
is a viable solution to increase oil recovery. In terms of the depletion strategy,
choke-size control is needed to optimize the pressure-depletion rate. A too fast
pressure-depletion rate might lead to a rapid loss of energy from the gas
expansion, while a too slow one may end up with insufficient gas energy to drag

the oil along its flowpaths.

8.2.2. Surfactants and Well Shut-in during Hydraulic Fracturing

Surfactants and well shut-in have the most promising potential to reduce aqueous
phase trapping during the flowback process and increase oi recovery. A short shut-
in/soaking duration deems sufficient for k™ improvement by IFT reduction in high-
permeability rocks. Longer soaking times only benefit tight rocks by enhancing the mixing

between FF and in-situ fluids, leading to a further reduction of IF'T and water saturation.
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8.3. Future Work

The experimental and modeling works presented in this study have been conducted
under a set of assumptions and limitations. Here are some recommendations for future

works:

= The visualization system needs to be upgraded to reduce the dead volume and
make the injected gas/oil volume ratio closer to the field application.

= Additional natural-gas HnP tests are recommended using heterogeneous core
samples, a live oil, and different pressure-depletion rates/injection pressures, i.e.,
above the MMP of the oil and gas mixture (C1/C2:70/30 mol%).

= Characterization of the reservoir oil by a system of multicomponent can improve
the accuracy of the MMP /thermodynamic conditions prediction using the
calibrated EOS.

* An analytical solution that calibrates pressure-decline and oil recovery data in
the HnP tests can improve the estimation of D and Npe values.

=  Numerical modeling of the natural-gas HnP process is critical to scale up the
results to field-scale for predicting pilot-scale response.

= Leakoff and flowback experiments were conducted using only three carbonate
plugs. Because carbonate rocks are highly heterogeneous, more work is needed on
samples with a wider range of porosity/permeability to obtain concrete

conclusions regarding increasing regained permeability in tight plugs.
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Appendices

Appendix A. Oil Compositional Analysis, Measured Density Data,
One- and Two-PC PR-EOS Calibration, and Two-Phase Equilibrium

Data of Different PR-EOS Models

Al. Montney Oil Composition and Measured Oil Density at Different Pressures and

Temperatures

Please see Tables A-1 and A-2.

Table A-1: Compositional analysis of Montney oil from the simulated distillation

method
gj:fg:r T (°C) wt% §j::§; T (°C) wt%
5 36 1.79 50 575 0.64
6 69 3.34 52 584 0.57
7 98 2.99 54 592 0.53
8 126 5.42 56 600 0.47
9 174 12.88 58 608 0.4
10 196 5.71 60 615 0.39
12 216 4.96 62 622 0.35
14 254 9.18 64 629 0.31
16 287 7.07 66 635 0.27
18 316 6.49 68 641 0.26
20 344 5.05 70 647 0.24
22 369 4.45 72 653 0.22
24 391 3.63 74 658 0.2
26 412 3.29 76 664 0.17
28 431 2.99 78 670 0.17
30 449 2.56 80 675 0.16
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32
34
36
38
40
42
44
46
48

466
481
496
509
522
534
545
556
566

1.88
1.73
1.36
1.34
0.96
1.01
0.74
0.73

82
84
86
88
90
92
94
96
98
100+

681
686
691
695
700
704
708
712
716

0.14
0.14
0.12
0.11
0.11
0.1
0.1
0.1
0.09
0.09

Table A-2: Measured density of oil at different pressures and temperatures

T (°C) P (bar) Density (kg/m?)
30.7 276 840.71
30.6 207 837.81
30.5 138 834.35
30.6 103 832.88
30.7 69 831.82
30.6 35 829.90
30.6 21 829.26
30.5 7 827.75
30.8 1 827.50
50.2 276 832.86
50.1 207 829.87
50.0 138 826.32
49.9 104 824.61
49.9 69 823.02
50.0 35 821.24
50.1 21 820.05
50.1 7 818.82
50.1 1 818.50
70.3 276 823.87
70.3 207 820.06
70.4 138 817.00
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70.5 104 815.61

70.4 69 813.95
70.5 34 811.30
70.5 21 810.17
70.6 7 809.04
70.2 1 806.50

A2. Correlations Used for the PR-EOS Calibration (Eghbali and Dehghanpour 2018)

The specific gravity (SG) of pseudocomponents (PCs) (Riazi 2005) is calculated using

SG; = 1.07 — e(3.56073—2.93886MWi0'1) Al

The SG of the plus fraction (Alboudwarej et al. 2006) is calculated using

SGey = 670MW2,0629 (A-2)

The boiling temperature (&) of PCs (Riazi 2005) is calculated using

T, . = 1090 — e(6.9955—0.11193CNi2/3) (A-3)

The boiling temperature (K) of the plus fraction (Pedersen et al. 1985) is calculated using

Tp ey = 97.58 x MWP3%23 x SGR:2400° (A-4)

The critical temperature (Lee and Kesler 1975) is calculated using

T.; = 341.7 + 811SG; + (0.4244 + 0.1174SG;)T) ; (A-5)
(0.4669 — 3.2623SG;) x 10°
+
Ty,
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The critical pressure (Lee and Kesler 1975) is calculated using

P.;, =exp [8.3634 -

6 2.2898 0.11857 _3 (A-6)
—(0.24244 + + X 1073 X Ty

SG; SG?

i i

3.648 N 0.47227
SG; SG?

+ <1.4685 + > X 1077 x T,ii —(0.42019

1.6977
g7 ) X 10710 x T,
L

The acentric factor (Lee and Kesler 1975) is calculated using

wj

In(Py,;) — 5.92714 +

( 6.09648
| Tyr;

{ 15.6875
i

+1.288621In(Ty,;) — 0.169347 X T, ;

for Tbr,i <0.8

15.2518 — T, 13.47211In(Ty,,;) + 0.4357 X T, ;

(1.408 — 0.01063K,,,;)

Tyri

7.904 + 0.1352K,,; — 0.007465K2 ; + 8.359T,,.; + for Tyy; > 0.8
. (AT)

Ppi Tpi . . .
where Py, ; = P—'l and Tpp; = T—’ and where £/, is the pressure at which 7}, is measured
ci ! ci

(e.g., the normal boiling point at 14.7 psia). The pressure and temperature are in psia

and R, respectively. Ky, is the Watson characterization factor,

- (1.8T,)'/3 (A-8)
Wt SG

The critical volume (Twu 1983) is calculated using

V. =[1 - (0.419869 — 0.505839y; — 156436y — 9481.701/;}4)]'8 (A-9)
Tp,i
ithy; =1—- =
with ¢; Tod

167



The mixing rule for estimating the critical properties of PCs is

T l leMWTCl (A—IO)
ek = TyEn L mw,

p l leMWPCl (A'll)
ek = TyiEn M,

l:%ZiMWi(UC’i (A_12)

1=n
=m ZiMWi

A3. Optimized BIP, Properties of the PCs, and Pi,: Regression of One-

and Two-PC EOS Models

Please see Tables A-3 through A-8.

Table A-3: Optimized BIP values for one-PC EOS model

C Co PC
C
Co 0
PC 0.001 0.002

Table A-4: Properties of the components in one-PC EOS model

Ve
Component % MW P (bar) 7: (°C) © A
(cm?/mol)
C1 0 16.04 46.00 -82.55 0.008 99.00
Co 0 30.07 48.84 32.25 0.098 148.00
PC 100 185.54 14.13 353.92 0.616 983.44
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Table A-5: Experimental and predicted Psas using one-PC EOS model

Mol% Ci1/Ca Mol% Czin  Experimenta Predictions from EOS Model
in gas/oil mixture C;/C2 mixture Pat. (bar) Pray (bar)
69.8 100 38.61 36.96
71.2 70 71.77 74.60
71.0 50.4 104.73 101.90
72.0 30.3 134.31 136.79
AARD (%) 3.20

Table A-6: Optimized BIP values for two-PC EOS model

Ci PC* PC’y
C
pPC* 0
PC’ 0.0025 0

Table A-7: Properties of the components in two-PC EOS model

Component % MW P (bar) 7. (°C) 3 (cm;;inol)
C 0 16.04 46.00 -82.55 0.008 99.00
PCy 2770 90.29 29.99 260.48 0.314 382.801
PC’, 72.30  222.02 12.27 404.37 0.693 1077.03

Table A-8: Experimental and predicted Piat using two-PC EOS model

Mol% Ci in Experimental Predictions from EOS Model

C1/oil mixture Peay, (bar) Py (bar)
10.3 22.06 17.79
29.5 58.54 97.36
49.4 113.07 112.45
70.0 227.87 214.08
AARD (%) 6.7
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A4. Two-Phase Equilibrium Data Using Four-, Two-, and One-PC EOS
Models

Please see Tables A-9 and A-10 and Figure A-1.

Table A-9: Two-phase equilibrium data using the four-PC EOS model with Compositions

1 through 4 for the o0il/C; systems and Compositions 5 through 8 for the o0il/Ci/Cs

systems
Composition 1 Composition 5
K- K-
A Vapor | Liquid A Vapor | Liquid

values values
Cy | 70.000 | 99.471 | 57.159 | 1.74025 C 68.300 [ 90.131 | 51.662 | 1.74464
PC1 | 12.945 | 0.500 | 18.368 | 0.02720 Co 10.700 9.294 | 11.772 | 0.78949
PC2 | 8.459 | 0.026 | 12.133 | 0.00211 PC1 | 8.945 0.531 15.358 | 0.03458
PC3 | 5.589 | 0.003 8.023 | 0.00042 PC2 | 6.459 0.036 | 11.354 | 0.00320
PC4 | 3.007 | 0.000 4.316 | 0.00011 PC3 | 4.589 0.007 8.082 | 0.00090

1.007 0.001 1.773 | 0.00034

PC4

Composition 2 Composition 6

K- K-
% Vapor | Liquid % Vapor | Liquid

values values
Cy | 77.000 | 99.471 | 57.211 | 1.73866 C1 78.066 | 93.950 | 50.314 | 1.86728
PC1 | 10.000 | 0.501 | 18.365 | 0.02726 Ca 5.982 5.444 6.922 | 0.78653
PC2 | 6.000 [ 0.024 | 11.263 | 0.00212 PC1 | 7.922 0.567 | 20.770 | 0.02732
PC3 | 5.000 | 0.004 9.400 | 0.00042 PC2 | 5.442 0.033 | 14.894 | 0.00218
PC4 | 2.000 | 0.000 3.761 | 0.00011 PC3 | 2.582 0.005 7.082 | 0.00077
pey | 0007 | 0.000 | 0018 | 000040

Composition 3 Composition 7
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K- K-

A Vapor | Liquid A Vapor | Liquid
values values
Ci1 | 68.500 | 99.438 | 54.833 | 1.81347 C 88.000 | 97.541 | 54.193 | 1.79988
PC1 | 15.000 [ 0.532 | 21.391 | 0.02486 Ca 2.000 1.875 2.443 | 0.76756
PC2 | 10.000 [ 0.026 | 14.406 | 0.00184 PC1 | 5.000 0.552 | 20.761 | 0.02658
PC3 | 5.000 | 0.003 7.207 | 0.00045 PC2 | 3.000 0.028 | 13.531 | 0.00206
PC4 | 1.500 [ 0.000 2.162 | 0.00015 PC3 | 1.500 0.004 6.802 | 0.00052
PC4 | 0.500 0.000 2.270 | 0.00018

Composition 4 Composition 8
K- K-

A Vapor | Liquid A Vapor | Liquid
values values
Ci1 | 58.698 | 99.443 | 56.537 | 1.75889 C 52.000 | 84.795 | 50.595 | 1.67595
PC1 | 18.885 | 0.528 | 19.859 | 0.02658 Ca 18.000 | 14.600 | 18.146 | 0.80460
PC2 | 12.087 | 0.026 12.726 | 0.00204 PC1 | 12.000 0.550 12.491 | 0.04405
PC3 | 6.574 | 0.003 6.922 | 0.00043 PC2 | 9.000 0.045 9.384 | 0.00480
PC4 | 3.756 | 0.000 3.956 | 0.00012 PC3 | 6.000 0.009 6.257 | 0.00137
PC4 | 3.000 0.002 3.128 | 0.00051
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Table A-10: Two-phase equilibrium data using a two-PC EOS model with Compositions
9 through 12 for the oil/Ci systems and the one-PC EOS model with Compositions 13

through 16 for the o0il/C1/Cs systems

Composition 9 Composition 13

K- K-
Z Vapor | Liquid Z Vapor Liquid
values values

Ci | 92.000 | 94.348 | 91.456 | 1.03163 Ci | 60.500 | 70.898 60.471 1.17242

PC1 | 3.000 | 2.392 | 3.141 | 0.76148 Ca | 29.500 | 26.824 29.507 | 0.90907

PC2 | 5.000 | 3.260 | 5.403 | 0.60331 PC | 10.000 2.278 10.022 | 0.22731

Composition 10 Composition 14

K- K-
A Vapor | Liquid A Vapor Liquid
values values

Cy | 94.000 | 96.933 | 89.559 | 1.08234 Cy | 63.000 | 73.621 60.792 1.21103

PC1 | 1.000 | 0.707 1.444 | 0.48963 Cy | 27.000 24.471 27.526 0.88902

PC2 | 5.000 | 2.360 | 8.997 | 0.26229 PC | 10.000 1.909 11.682 0.16337

Composition 11 Composition 15

K- K-
A Vapor | Liquid 4 Vapor Liquid
values values

Cy | 93.000 | 95.853 | 90.275 | 1.06178 C1 | 66.000 | 76.704 61.411 1.24903

PC1 | 2.000 | 1.471 | 2.505 | 0.58720 C2 | 24.000 | 21.703 24.985 [ 0.86865

PC2 | 5.000 | 2.676 | 7.219 | 0.37069 PC | 10.000 1.593 13.604 | 0.11707

Composition 12 Composition 16

K- K-
% Vapor | Liquid % Vapor Liquid
values values

C1 | 90.500 | 97.554 | 89.200 | 1.09365 Cy | 75.000 85.438 64.100 1.33289

PC1 | 0.500 | 0.242 | 0.548 | 0.44171 C2 | 15.000 13.537 16.528 | 0.81907

PC2 | 9.000 | 2.205 | 10.252 | 0.21504 PC | 10.000 1.025 19.372 0.05289
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Figure A-1: Two-phase equilibrium A-values vs. MW of PCs in (a) two-PC EOS model
and (b) one-PC EOS model at reservoir pressure and temperature of 137.89 bar and

50°C.
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Appendix B. Supplementary Material, Pressure-Decline Data, and

Summary of Aplane Data Clustering Method

B1. Supplementary Material
Supplementary  material to  Section 54.2 can be found online at

https://drive.google.com/file/d /ITHRrTbDwe3hCbhsFilkcJKXadoAU808Q1N /view?usp=

sharing.

B2. Pressure-Decline Data of Bulk-Phase and HnP Tests at 7"= 50°C
Bulk-Phase Tests

Table B-1: Pressure-Decline Data of Oil/C; Test

Time (hour) P (bar) Time (hour) P (bar)
0 137.59508 10.5 126.27994
0.5 135.26161 11 126.05980
1 134.29299 11.5 125.66355
1.5 133.76466 12 125.44341
2 132.97216 12.5 125.09119
2.5 132.04758 13 125.00313
3 131.51924 13.5 124.82702
3.9 131.16702 14 124.69494
4 130.63869 14.5 124.29869
4.5 130.15438 15 124.03452
) 129.58202 15.5 123.94647
5.9 129.18577 16 123.77036
6 128.92161 16.5 123.63827
6.5 128.70147 17 123.46216
7 128.17313 17.5 123.06591
7.5 127.99702 18 122.97786
8 127.73286 18.5 122.80175
8.5 127.42466 19 122.75772
9 127.07244 19.5 122.58161
9.5 126.85230 20 122.18536
10 126.50008 20.5 122.27341
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21
21.5
22
22.5
23
23.5
24
24.5
25
25.5
26
26.5
27
27.5
28
28.5
29
29.5
30
30.5
31
31.5
32
32.5
33
33.5
34
34.5
35
35.9
36
36.5
37
37.5
38
38.5
39
39.5
40
40.5
41
41.5

122.14133
121.92119
121.83313
121.61300
121.43688
121.12869
120.99661
121.04063
120.96212
120.82050
120.64438
120.46827
120.51230
120.29216
120.24813
120.11605
119.98397
119.89591
119.67577
119.61852
119.54369
119.41161
119.27952
119.36758
119.10341
119.0154
118.9713
119.1034
118.8833
118.6631
118.6284
118.6
118.5311
118.3549
118.2669
118.2229
118.1788
118.0908
117.8266
117.9147
117.8266
117.6065
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42
42.5
43
43.5
44
44.5
45
45.5
46
46.5
47
47.5
48
48.5
49
49.5
50
50.5
51
51.5
52
52.5
53
53.5
o4
54.5
95
55.9
o6
56.9
o7
97.9
o8
58.5
99
59.5
60
60.5
61
61.5
62
62.5

117.7386
117.6065
117.5184
117.4822
117.4304
117.5624
117.4744
117.1662
117.2543
117.1222
117.0968
116.9901
117.0781
116.902
116.7699
116.902
116.6819
116.6149
116.5938
116.5058
116.4177
116.1976
115.9334
116.0215
115.8454
115.7133
115.6252
115.4931
115.3611
115.2734
115.1409
114.9648
114.8327
114.7006
114.6566
114.5686
114.6566
114.5823
114.4805
114.2604
114.3484
114.3924



63
63.5
64
64.5

Table B-2: Pressure-Decline Data of Oil/C1/Ca Test

114.4365
114.3924
114.2604
114.1723

Time (hour) P (bar)
0 138.03536
0.5 132.66397
1 130.85883
1.5 129.75813
2 128.87758
2.5 128.12911
3 127.20452
3.5 126.72022
4 125.97175
4.5 125.53147
) 124.87105
5.9 124.29869
6 123.68230
6.5 123.41813
7 123.06591
7.5 122.53758
8 122.09730
8.5 121.65702
9 121.30480
9.5 120.77647
10 120.60036
10.5 120.02800
11 119.89591
11.5 119.45564
12 119.19147
12.5 118.97133
13 118.70716
13.5 118.48702
14 118.17883
14.5 118.00272
15 117.69452
23 114.1283

65 114.22317
65.5 114.27418
66 114.09823
66.5 114.16096
67 114.12827
67.5 114.07095
Time (hour) P (bar)
15.5 117.0781
16 116.902
16.5 116.814
17 116.6379
17.5 116.3297
18 116.0655
18.5 115.8894
19 115.7573
19.5 115.5372
20 115.273
20.5 115.0529
21 114.8327
21.5 114.7887
22 114.4365
22.5 114.3924
23 114.1283
15.5 117.0781
16 116.902
16.5 116.814
17 116.6379
17.5 116.3297
18 116.0655
18.5 115.8894
19 115.7573
19.5 115.5372
20 115.273
20.5 115.0529
21 114.8327
21.5 114.7887
22 114.4365
22.5 114.3924
44 109.1234



23.5
24
24.5
25
25.5
26
26.5
27
27.5
28
28.5
29
29.5
30
30.5
31
31.5
32
32.5
33
33.5
34
34.5
35
35.9
36
36.5
37
37.5
38
38.5
39
39.5
40
40.5
41
41.5
42
42.5
43
43.5

113.9962
113.644
113.5999
113.688
113.2918
112.9836
112.9395
112.8515
112.7634
112.4993
112.3672
112.4112
112.0149
112.059
111.8388
111.7508
111.677
111.5747
111.4426
111.3986
111.3545
111.2665
111.0463
110.8702
110.7822
110.6941
110.6061
110.6941
110.3859
110.474
110.2979
110.0777
110.0337
109.9897
110.0337
109.6815
109.5054
109.4173
109.3733
109.3293
109.1531

177

44.5
45
45.5
46
46.5
47
47.5
48
48.5
49
49.5
20
50.5
51
51.5
52
52.5
53
53.5
54
54.5
55
55.5
o6
56.9
o7
97.9
o8
58.9
29
99.5
60
60.5
61
61.5
62
62.5
63
63.5
64
64.5
65

109.1091
108.933
109.0211
108.7569
108.7129
108.5808
108.7569
108.4927
108.4047
108.3519
108.3166
108.0965
108.0084
108.1405
107.9644
107.7443
107.6562
107.7002
107.5241
107.6562
107.5103
107.4361
107.304
107.1719
107.2599
107.1279
107.0398
107.0838
107.1279
107.2159
107.0838
107.1279
107.0398
107.0838
107.0398
107.1719
107.2159
107.1531
107.111
107.0838
107.1719
106.9518




HnP Tests

Table B-3: Pressure-Decline Data of Set 1-C; Test

Time (hour) P (bar) Time (hour) P (bar)
0 138.60772 17 136.992
0.5 138.22311 17.5 137.1681
1 138.04116 18 137.036
1.5 137.89748 18.5 137.1241
2 137.85924 19 137.0776
2.5 137.84388 19.5 137.036
3 137.75582 20 136.9384
3.5 137.66777 20.5 137.0408
4 137.71179 21 137.0694
4.5 137.62374 21.5 137.0336
5 137.55479 22 137.0165
5.5 137.55322 22,5 137.0005
6 137.50919 23 136.9901
6.5 137.43069 23.5 136.8944
7 137.34263 24 137.0145
7.5 137.43069 24.5 137.0003
8 137.40045 25 136.9824
8.5 137.34421 25.5 136.8972
9 137.38823 26 136.8504
9.5 137.40734 26.5 136.9384
10 137.32884 27 137.0265
10.5 137.28481 27.5 136.8504
11 137.37287 28 136.8944
11.5 137.28481 28.5 136.9824
12 137.37287 29 136.9384
12.5 137.31659 29.5 136.9824
13 137.21212 30 136.8504
13.5 137.12407 30.5 136.9384
14 137.16810 31 136.7623
14.5 137.25615 31.5 136.8944
15 137.30018 32 137.0265
15.5 137.14526 32.5 136.7623
16 137.12407 33 137.0265
16.5 137.03601 33.5 136.8504
34 137.0609 55 136.592
34.5 136.8404 55.5 136.7241
35 137.0609 o6 136.8121
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35.5
36
36.5
37
37.5
38
38.5
39
39.5
40
40.5
41
41.5
42
42.5
43
43.5
44
44.5
45
45.5
46
46.5
47
47.5
48
48.5
49
49.5
50
50.5
o1
51.5
52
52.5
53
53.5
o4
54.5
76
76.5
77

136.9729
136.8408
136.9289
137.0169
136.9047
136.8848
136.7087
136.7968
136.8848
136.9289
136.8643
136.7968
136.7681
136.755
136.7123
136.6241
136.592
136.6801
136.7241
136.7016
136.636
136.6253
136.6675
136.6159
136.548
136.8562
136.6794
136.6241
136.592
136.548
136.6642
136.6381
136.7681
136.6801
136.5539
136.6361
136.4599
136.6683
136.5785
136.3183
136.3946
136.3623
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56.95
o7
97.5
o8
58.5
99
99.5
60
60.5
61
61.5
62
62.5
63
63.5
64
64.5
65
65.5
66
66.5
67
67.5
68
68.5
69
69.5
70
70.5
71
71.5
72
72.5
73
73.5
74
74.5
75
75.5
97
97.5
98

136.7376
136.7028
136.592
136.703
136.8121
136.6212
136.5848
136.7041
136.636
136.6401
136.7681
136.6801
136.592
136.6144
136.4944
136.6265
136.5384
136.6705
136.5824
136.5468
136.4944
136.4011
136.3183
136.4944
136.398
136.4874
136.521
136.4944
136.5597
136.5123
136.6265
136.4191
136.3608
136.4945
136.3814
136.4212
136.3623
136.2742
136.2742
136.4944
136.3326
136.4504



77.5
78
78.5
79
79.5
80
80.5
81
81.5
82
82.5
83
83.5
84
84.5
85
85.5
86
86.5
87
87.5
88
88.5
89
89.5
90
90.5
91
91.5
92
92.5
93
93.5
94
94.5
95
95.5
96
96.5
118
118.5
119

136.4357
136.4876
136.5384
136.4952
136.5074
136.6265
136.4504
136.6265
136.5384
136.4903
136.5824
136.4944
136.4609
136.6705
136.4504
136.5824
136.4504
136.4282
136.4154
136.4063
136.3623
136.3183
136.2302
136.1862
136.2551
136.2468
136.2004
136.2707
136.3066
136.3183
136.2657
136.1862
136.3001
136.2742
136.4944
136.3183
136.2924
136.2706
136.3924
136.2742
136.2451
136.3183

180

98.5
99
99.5
100
100.5
101
101.5
102
102.5
103
103.5
104
104.5
105
105.5
106
106.5
107
107.5
108
108.5
109
109.5
110
110.5
111
111.5
112
112.5
113
113.5
114
114.5
115
115.5
116
116.5
117
117.5
139
139.5
140

136.2302
136.2472
136.1422
136.1862
136.4063
136.3623
136.4944
136.4504
136.2742
136.3341
136.4944
136.3183
136.5824
136.3923
136.4063
136.4944
136.3623
136.2742
136.3981
136.4944
136.3306
136.3183
136.2302
136.3644
136.1422
136.3643
136.2894
136.1862
136.2439
136.2183
136.2542
136.0541
136.1734
136.1862
136.2
136.215
136.2493
136.3324
136.4004
136.2302
136.1422
136.1862



119.5
120
120.5
121
121.5
122
122.5
123
123.5
124
124.5
125
125.5
126
126.5
127
127.5
128
128.5
129
129.5
130
130.5
131
131.5
132
132.5
133
133.5
134
134.5
135
135.5
136
136.5
137
137.5
138
138.5
160
160.5
161

136.4944
136.2302
136.3623
136.4944
136.4504
136.3183
136.1422
136.1301
136.2051
136.2309
136.2742
136.0981
136.3503
136.3011
136.1933
136.1422
136.2302
136.3183
136.4944
136.41
136.3811
136.3922
136.4504
136.3183
136.3623
136.2689
136.2302
136.3099
136.2993
136.3002
136.3143
136.242
136.1862
136.2412
136.3623
136.1422
136.4063
136.374
136.3183
136.1551
136.1862
136.1181

181

140.5
141
141.5
142
142.5
143
143.5
144
144.5
145
145.5
146
146.5
147
147.5
148
148.5
149
149.5
150
150.5
151
151.5
152
152.5
153
153.5
154
154.5
155
155.5
156
156.5
157
157.5
158
158.5
159
159.5
165
165.5
166

136.2742
136.2108
136.1422
136.1862
136.0981
136.2742
136.3623
136.1756
136.2302
136.2108
136.1885
136.2622
136.3183
136.2019
136.1862
136.1422
136.1342
136.1862
136.0981
136.2624
136.3183
136.4063
136.1862
136.3057
136.2862
136.2441
136.2302
136.1422
136.2651
136.2002
136.2742
136.1931
136.1862
136.17
136.0981
136.0771
136.0541
136.2302
136.1422
136.2742
136.3183
135.9661



161.5 136.1422 166.5 136.1422
162 136.1848 167 136.0101
162.5 136.2033 167.5 136.1105
163 136.1862 168 136.0981
163.5 135.9661
164 136.2307
164.5 136.1422
Table B-4: Pressure-Decline Data of Set 1-Ci/Cs Test
Time (hour) P (bar) Time (hour) P (bar)
0 138.53159 13.5 135.7811
0.5 137.78833 14 135.7684
1 137.39740 14.5 135.9943
1.5 136.99947 15 135.6936
2 136.89960 15.5 135.6496
2.5 136.73530 16 135.6496
3 136.72112 16.5 135.7376
3.5 136.66628 17 135.6936
4 136.64725 17.5 135.7376
4.5 136.73530 18 135.4294
5 136.70156 18.5 135.6978
5.5 136.47114 19 135.6056
6 136.12640 19.5 135.4735
6.5 136.30251 20 135.48
7 136.17043 20.5 135.3854
7.5 136.08237 21 135.1834
8 136.03834 21.5 135.0772
8.5 136.30011 22 135.2974
9 136.20864 22.5 134.8646
9.5 136.03253 23 135.1287
10 135.99930 23.5 134.9086
10.5 135.97035 24 134.9966
11 135.98850 24.5 134.8646
11.5 135.96921 25 134.8355
12 135.94447 25.5 134.6994
12.5 135.92707 26 134.7765
13 135.90045 26.5 134.6885
27 134.7325 48 134.122
27.5 134.8205 48.5 134.3085

182



28
28.5
29
29.5
30
30.5
31
31.5
32
32.5
33
33.5
34
34.5
35
35.5
36
36.5
37
37.5
38
38.5
39
39.5
40
40.5
41
41.5
42
42.5
43
43.5
44
44.5
45
45.5
46
46.5
47
47.5
69
69.5

134.6004
134.6211
134.6885
134.7765
134.8646
134.7024
134.6885
134.7325
134.3129
134.4328
134.3218
134.6242
134.6902
134.5984
134.4398
134.4506
134.3873
134.2066
134.407
134.2347
134.3244
134.3372
134.4958
134.5068
134.4567
134.0814
134.259
134.2047
134.1984
134.2433
134.3154
134.2721
134.3011
134.2537
134.2518
134.1881
134.3007
134.2827
134.2303
134.1175
133.8286
133.8726

183

49
49.5
50
50.5
o1
51.5
52
52.5
53
53.5
o4
54.5
95
55.5
56
56.5
o7
57.5
o8
58.5
99
59.5
60
60.5
61
61.5
62
62.5
63
63.5
64
64.5
65
65.5
66
66.5
67
67.5
68
68.5
90
90.5

134.1974
134.1952
134.0047
133.9607
134.1368
133.9613
133.7791
133.9835
134.017
133.9413
133.9713
133.9412
133.8721
134.0124
133.9125
133.9204
134.0549
133.9139
133.941
133.9128
133.8754
134.0564
133.9797
133.7957
133.8609
133.9607
133.7842
133.8286
133.7405
133.8286
133.8286
133.6965
133.8726
133.7405
133.7506
133.7846
133.8084
133.9167
133.7846
133.9167
133.6856
133.6085



70
70.5
71
71.5
72
72.5
73
73.5
74
74.5
75
75.5
76
76.5
77
77.5
78
78.5
79
79.5
80
80.5
81
81.5
82
82.5
83
83.5
84
84.5
85
85.5
86
86.5
87
87.5
88
88.5
89
89.5
111
111.5

133.7701
133.832
133.8726
133.9167
133.6525
133.7906
133.9421
133.9607
133.9167
133.7846
133.8286
133.8286
133.7846
133.5204
133.6525
133.6612
133.7005
133.6085
133.9167
133.6085
134.0487
133.9167
133.7405
133.7621
133.7846
133.8726
133.6965
133.6525
133.8726
133.8101
133.7405
133.6525
133.6085
133.6323
133.6704
133.6965
133.7405
133.5204
133.6144
133.5204
133.7405
133.6085

184

91
91.5
92
92.5
93
93.5
94
94.5
95
95.5
96
96.5
97
97.5
98
98.5
99
99.5
100
100.5
101
101.5
102
102.5
103
103.5
104
104.5
105
105.5
106
106.5
107
107.5
108
108.5
109
109.5
110
110.5
132
132.5

133.7846
133.7405
133.6642
133.6965
133.5204
133.5644
133.6085
133.6525
133.5915
133.5644
133.7846
133.5923
133.6085
133.6355
133.7405
133.5644
133.4764
133.6085
133.6525
133.671
133.8286
133.6085
133.5644
133.8286
133.67
133.6085
133.8726
133.7405
133.7846
133.6965
133.5644
133.8286
133.4764
133.7405
133.7031
133.5963
133.5213
133.5445
133.514
133.5903
133.6085
133.4323



112
112.5
113
113.5
114
114.5
115
115.5
116
116.5
117
117.5
118
118.5
119
119.5
120
120.5
121
121.5
122
122.5
123
123.5
124
124.5
125
125.5
126
126.5
127
127.5
128
128.5
129
129.5
130
130.5
131
131.5
153
153.5

133.51
133.3883
133.4323
133.4688
133.5644
133.6085
133.6525
133.6965

133.635
133.7405
133.7846
133.5644
133.6085
133.5879
133.5311
133.4323
133.5644
133.7846
133.6085
133.5204
133.5204
133.6965
133.7405
133.6085
133.6525
133.5644
133.6085
133.6085
133.5204
133.5644
133.6085
133.5204
133.4323
133.5204
133.6085
133.5644
133.6085
133.6965
133.6965
133.6525
133.4323
133.4762

185

133
133.5
134
134.5
135
135.5
136
136.5
137
137.5
138
138.5
139
139.5
140
140.5
141
141.5
142
142.5
143
143.5
144
144.5
145
145.5
146
146.5
147
147.5
148
148.5
149
149.5
150
150.5
151
151.5
152
152.5
161
161.5

133.5204
133.5644
133.5644
133.5204
133.5204
133.6085
133.4323
133.6525
133.4323
133.3883
133.5204
133.3883
133.5204
133.5204
133.4323
133.3883
133.6085
133.5644
133.5204
133.3883
133.6525
133.5204
133.4764
133.4323
133.3443
133.3883
133.6085
133.3003
133.3922
133.5204
133.4562
133.4906
133.5644
133.4712
133.5644
133.6085
133.4764
133.4323
133.5204
133.3003
133.5505
133.3366



154 133.6525 162 133.2234
154.5 133.4323 162.5 133.4509
155 133.6085 163 133.2151
155.5 133.3711 163.5 133.4391
156 133.3443 164 133.6133
156.5 133.5644 164.5 133.3306
157 133.6525 165 133.4924
157.5 133.6004 165.5 133.463
158 133.4323 166 133.2967
158.5 133.6112 166.5 133.4859
159 133.5711 167 133.3747
159.5 133.5713 167.5 133.3629
160 133.3192 168 133.3883
160.5 133.222
Table B-5: Pressure-Decline Data. of Set 2-C; Test
Time (hour) P (bar) Time (hour) P (bar)
0 138.45255 11 137.2582
0.5 138.32123 11.5 137.2615
1 138.29969 12 137.2566
1.5 138.18830 12.5 137.2487
2 138.08910 13 137.3833
2.5 138.06530 13.5 137.3621
3 138.04408 14 137.3393
3.5 138.00908 14.5 137.3173
4 137.86522 15 137.3456
4.5 137.80471 15.5 137.3833
5 137.77108 16 137.2952
5.5 137.71528 16.5 137.2745
6 137.68775 17 137.2454
6.5 137.66536 17.5 137.2504
7 137.64079 18 137.2894
7.5 137.63043 18.5 137.2639
8 137.44074 19 137.2536
8.5 137.42733 19.5 137.22
9 137.38330 20 137.2012
9.5 137.36446 20.5 137.1912
10 137.33927 21 137.095
10.5 137.30729 21.5 137.0751
22 137.0606 43 136.97
22.5 137.0849 43.5 136.9871

186



23
23.5
24
24.5
25
25.5
26
26.5
27
27.5
28
28.5
29
29.5
30
30.5
31
31.5
32
32.5
33
33.5
34
34.5
35
35.9
36
36.5
37
37.5
38
38.5
39
39.5
40
40.5
41
41.5
42
42.5
64
64.5

137.0538
137.0491
137.0311
137.059
137.1632
137.1491
137.123
137.1092
137.0748
137.1042
137.0806
137.0951
137.1191
137.1031
137.0751
137.0801
137.1191
137.0651
136.9871
136.9701
136.962
136.9871
137.0751
137.0319
136.995
136.9871
137.0311
137.0581
137.1632
137.1106
137.0311
137.0544
137.1122
137.1089
137.0733
137.0594
136.9239
136.899
137.021
137.0751
137.0751
137.0952

187

44
44.5
45
45.5
46
46.5
47
47.5
48
48.5
49
49.5
20
50.5
51
51.5
52
52.5
53
53.5
54
54.5
55
55.9
o6
56.9
o7
97.9
o8
58.9
29
99.5
60
60.5
61
61.5
62
62.5
63
63.5
85
85.5

137.0311
137.0082
136.9297
136.9039
136.881
136.8956
136.943
136.9245
136.8981
136.874
136.855
136.8774
136.943
136.9501
136.9871
136.9011
136.7669
136.7989
137.1191
137.0931
136.9871
136.9821
137.0751
137.083
136.899
136.8968
137.1191
137.123
136.8109
136.8138
137.0752
137.0731
136.9871
136.9861
136.9142
136.8994
136.943
136.9612
136.9871
136.9801
136.899
136.9101



65
65.5
66
66.5
67
67.5
68
68.5
69
69.5
70
70.5
71
71.5
72
72.5
73
73.5
74
74.5
75
75.5
76
76.5
77
77.5
78
78.5
79
79.5
80
80.5
81
81.5
82
82.5
83
83.5
84
84.5
106
106.5

137.1632
137.1461
137.0751
137.051
137.0311
137.008
136.855
136.8701
137.0751
137.073
136.8109
136.8126
136.893
136.8989
136.855
136.8501
136.8924
136.913
137.0311
137.0581
136.9547
136.9386
136.795
136.7594
136.7
136.7369
136.9412
136.9871
137.0312
137.0751
136.8989
136.94
137.0311
137.0117
136.9871
136.9767
136.9413
136.9311
136.9559
136.9233
136.8674
136.835

86
86.5
87
87.5
88
88.5
89
89.5
90
90.5
91
91.5
92
92.5
93
93.5
94
94.5
95
95.5
96
96.5
97
97.5
98
98.5
99
99.5
100
100.5
101
101.5
102
102.5
103
103.5
104
104.5
105
105.5
127
127.5

137.0311
137.0177
136.8822
136.9235
137.0131
137.0244
136.9871
136.9466
136.8941
136.8507
136.8676
136.8308
136.9871
136.966
136.8825
136.855
136.7499
136.7229
136.7038
136.719
136.764
136.7107
136.8109
136.8055
136.8109
136.8109
136.7669
136.7438
136.7243
136.7566
136.8921
136.8749
136.869
136.849
136.965
136.9871
136.748
136.7229
136.8982
136.8721
137.0751
137.0401



107
107.5
108
108.5
109
109.5
110
110.5
111
111.5
112
112.5
113
113.5
114
114.5
115
115.5
116
116.5
117
117.5
118
118.5
119
119.5
120
120.5
121
121.5
122
122.5
123
123.5
124
124.5
125
125.5
126
126.5
148
148.5

136.885
136.869
136.855
136.8371
136.7529
136.7101
136.7348
136.7029
136.6982
136.6789
136.8109
136.8345
136.9422
136.9271
136.9011
136.9371
136.9001
136.868
136.7669
136.7745
136.8009
136.8112
136.8389
136.873
136.7669
136.79
136.8882
136.8982
136.8109
136.8446
136.9113
136.943
136.7669
136.7832
136.8148
136.8834
136.855
136.8976
137.0311
137.048
136.7228
136.72

189

128
128.5
129
129.5
130
130.5
131
131.5
132
132.5
133
133.5
134
134.5
135
135.5
136
136.5
137
137.5
138
138.5
139
139.5
140
140.5
141
141.5
142
142.5
143
143.5
144
144.5
145
145.5
146
146.5
147
147.5
158
158.5

136.943
136.915
136.855
136.8898
137.0311
137.008
136.8982
136.898
136.8802
136.879
136.9421
136.933
136.8109
136.7792
136.7229
136.8247
136.943
136.9302
136.855
136.8378
136.7669
136.7445
136.8009
136.8135
136.7669
136.762
136.7456
136.75
136.7089
136.7027
136.7211
136.6835
136.699
136.6683
136.5908
136.6118
136.6472
136.6789
136.7669
136.7306
136.8925
136.9



149 136.7234 159 136.7607
149.5 136.7001 159.5 136.789
150 136.8549 160 136.8109
150.5 136.8525 160.5 136.841
151 136.6789 161 136.9671
151.5 136.6521 161.5 136.9153
152 136.5468 162 136.8912
152.5 136.5511 162.5 136.8942
153 136.7229 163 136.7968
153.5 136.7229 163.5 136.7669
154 136.6789 164 136.7229
154.5 136.6967 164.5 136.7413
155 136.7001 165 136.7462
155.5 136.7229 165.5 136.7276
156 136.855 166 136.754
156.5 136.852 166.5 136.7165
157 136.8701 167 136.7229
157.5 136.8434
Table B-6: Pressure-Decline Data of Set 2-C;/Cs Test
Time (hour) P (bar) Time (hour) P (bar)
0 138.38758 9 136.51882
0.5 138.07938 9.5 136.22974
1 138.01951 10 136.36182
1.5 137.84340 10.5 136.19341
2 137.49118 11 136.29287
2.5 137.35909 11.5 136.27376
3 137.10074 12 136.33009
3.5 136.89971 12.5 136.18571
4 136.98776 13 136.27565
4.5 136.81165 13.5 136.1417
5 136.67957 14 136.2239
5.5 136.65091 14.5 136.1168
6 136.58354 15 136.0823
6.5 136.56285 15.5 136.2144
7 136.51882 16 136.0383
7.5 136.55108 16.5 136.1703
8 136.40026 17 136.2009
8.5 136.38674 17.5 136.0823

190



18
18.5
19
19.5
20
20.5
21
21.5
22
22.5
23
23.5
24
24.5
25
25.5
26
26.5
27
27.5
28
28.5
29
29.5
30
30.5
31
31.5
32
32.5
33
33.5
34
34.5
35
35.5
36
36.5
37
37.5
38
38.5

136.1421
135.9062
135.9942
135.8622
135.9502
135.8512
135.5099
135.7301
135.7741
135.8855
135.8181
135.7114
135.8123
135.7683
135.4601
135.625
135.7243
135.6802
135.6362
135.6199
135.5922
135.5741
135.5481
135.4601
135.5102
135.5241
135.6802
135.5922
135.4601
135.5139
135.5042
135.5964
135.7243
135.4681
135.6362
135.4161
135.5041
135.328
135.4601
135.5621
135.4441
135.4161

191

39
39.5
40
40.5
41
41.5
42
42.5
43
43.5
44
44.5
45
45.5
46
46.5
47
47.5
48
48.5
49
49.5
50
50.5
o1
51.5
52
52.5
53
53.5
o4
54.5
95
55.5
o6
56.95
o7
57.5
o8
58.5
29
59.5

135.5041
135.4329
135.5481
135.4601
135.328
135.284
135.24
135.1959
135.24
135.0638
135.24
135.1274
135.1079
135.24
135.2026
135.1768
135.1541
135.0198
135.0638
135.0929
135.1959
135.0505
135.0065
134.9932
134.9784
134.9932
134.9492
135.1433
135.1222
135.1052
135.1427
135.1693
134.8611
135.1253
135.0372
135.0813
135.1253
134.9624
134.9052
135.2134
134.9901
134.9052



60
60.5
61
61.5
62
62.5
63
63.5
64
64.5
65
65.5
66
66.5
67
67.5
68
68.5
69
69.5
70
70.5
71
71.5
72
72.5
73
73.5
74
74.5
75
75.5
76
76.5
77
77.5
78
78.5
79
79.5
80
80.5

135.0123
134.9301
134.9741
135.0181
134.842
135.0622
134.9836
134.9741
134.9537
135.0622
134.8861
135.0622
134.842
134.8176
134.794
134.7526
134.798
134.6659
134.5338
134.754
134.4898
134.6659
134.798
134.4018
134.6659
134.5338
134.64
134.6075
134.5338
134.6438
134.6252
134.6219
134.4458
134.6045
134.582
134.4898
134.6052
134.5906
134.5779
134.6659
134.5338
134.4458

192

81
81.5
82
82.5
83
83.5
84
84.5
85
85.9
86
86.5
87
87.5
88
88.5
89
89.5
90
90.5
91
91.5
92
92.5
93
93.5
94
94.5
95
95.5
96
96.5
97
97.5
98
98.5
99
99.5
100
100.5
101
101.5

134.4522
134.4898
134.4901
134.6659
134.5338
134.4018
134.524
134.4229
134.3768
134.7291
134.597
134.685
134.4649
134.5529
134.4438
134.4209
134.5622
134.2007
134.5741
134.3768
134.5089
134.3969
134.3328
134.2007
134.4588
134.2007
134.2447
134.4649
134.5611
134.5089
134.3328
134.2447
134.4209
134.2007
134.3768
134.2447
134.1567
134.31
134.2447
134.2007
134.3768
134.3328



102
102.5
103
103.5
104
104.5
105
105.5
106
106.5
107
107.5
108
108.5
109
109.5
110
110.5
111
111.5
112
112.5
113
113.5
114
114.5
115
115.5
116
116.5
117
117.5
118
118.5
119
119.5
120
120.5
121
121.5
122
122.5

134.3007
134.2888
134.2152
134.0686
134.1567
134.2007
134.2888
134.1567
134.3119
134.4209
134.2756
134.1567
134.2007
134.3328
134.5089
134.2998
134.2967
134.255
134.2447
134.2886
134.2663
134.3328
134.2212
134.1567
134.0246
134.0488
134.1253
134.2888
134.2007
134.1246
133.9174
134.1376
134.0055
134.0495
133.9615
133.8629
133.8134
133.7663
134.0261
134.0004
134.0304
133.9457
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123
123.5
124
124.5
125
125.5
126
126.5
127
127.5
128
128.5
129
129.5
130
130.5
131
131.5
132
132.5
133
133.5
134
134.5
135
135.5
136
136.5
137
137.5
138
138.5
139
139.5
140
140.5
141
141.5
142
142.5
143
143.5

133.8543
133.9864
133.9901
134.1185
134.0745
134.2506
134.1485
134.1169
134.0882
134.0304
134.1625
133.9424
133.8983
133.9125
133.9604
134.0304
133.9911
134.0304
134.2506
134.1185
134.3386
134.3826
133.8983
133.9764
134.1625
134.0224
133.9424
134.1185
134.1625
133.9864
133.8983
133.8581
133.8103
133.8543
133.8347
133.9864
133.6782
133.7663
133.8605
133.7663
133.6782
133.7663



144 133.8103 154.5 133.8543

144.5 133.8543 155 133.6342
145 133.899 155.5 133.8983
145.5 133.9424 156 133.9864
146 133.8543 156.5 134.0304
146.5 133.7946 157 133.9424
147 133.776 157.5 133.9021
147.5 133.8543 158 133.8983
148 133.8103 158.5 133.8543
148.5 133.7889 159 133.8983
149 133.8681 159.5 134.0304
149.5 133.6342 160 133.9253
150 133.8466 160.5 133.9864
150.5 133.8908 161 134.0304
151 133.8604 161.5 133.9424
151.5 133.8147 162 133.6782
152 133.785 162.5 133.7222
152.5 133.5901 163 133.8066
153 133.8983 163.5 133.5901
153.5 133.6782 164 133.6782
154 133.9864 164.5 133.8983
165 133.6422

B3. Summary of 4&plane Data Clustering Method (Bradley and Mangasarian 2000)

The pressure-decline data usually fall into clusters grouped around certain planes.
The Aplane algorithm determines & clustering planes that minimize the sum of squares
of distances of each given point to a nearest plane.

Let’s consider a set of m points in the rdimensional real space R represented by
the matrix A € R™™. Now we cluster 4 into & cluster planes in R that minimize the
sum of the squares of distances of each point of A to the nearest plane. A clustering plane

is defined as follows

fx)=wlx+b; =0, i=1,..,k andx € R" (C-1)

The Aplane algorithm includes the following steps
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1. Randomly select (w; b;) with an assumption that the normal vector w; is unit
norm, ie. ||wi| =1, 71=1, ..., &k
2. Cluster assignment (assigning each point to the closest plane): for each point x,

the closest plane is chosen as

y = arg min|wiTx + bi| (C-2)
i=1,.k

3. Cluster update (find a plane that minimizes the sum of the squares of distances

to each point in a cluster): update the clustering planes (w; b;) by solving

min ||4;w; + biell3 subjectto  |will3=1, i=1,..,k (C-3)
(wy,by)#0
where A; € A is the subset of A belongs to the i cluster, ||.||, means the Z» norm, and

e is a vector of ones of appropriate dimension.
4. Calculation stops if there is a repeated overall assignment of points to clustering
planes.
In this study, the value of n equals unity. Considering the nature of pressure-decline

data and computation time, the number of clusters (%) equals to 3 or 4.

195



Appendix C. Composition of Midale Reservoir Brine and Physical

Properties of the Surfactants

Please see Tables C-1 and C-2.

Table C-1: Composition of the Midale reservoir brine

Ions (mg/L) Value

HCO*> 110
Cr 187 800
S0%™ 793
Ca?! 2990
Mg?+ 564
Na', K 107 390

Total Salinity 300 000

Table C-2: Physical properties of the surfactants used in the study (provided by Element

Technical Services Inc.)

Molecular o )
Boiling Point
Surfactant Molecular Structure Weight
(°C)
(g/mol)

Ph
|

Me —CE

Polyoxyethylenes \Q\E 456.68 440.6
o—CH Z—CH2+0H
CHs
d-Limonene Hch‘@/ 136.23 175.5

CHs

Alcohol Ci2Hzs ~ /é\/o)\ 230.39 -
0] H
Polyoxyethylene N

Ether
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