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Abstract 

Complex flow mechanisms are encountered in shale matrix due to the presence of nanopores. 

Numerous apparent permeability models have been proposed to capture the ensuing non-Darcy 

flow behavior. However, these models are not readily available in most commercial reservoir 

simulators, and ignoring these mechanisms can potentially underestimate the overall matrix 

conductivity. During the hydraulic fracturing process, the fracturing fluid may cause water 

blockage, if the nearby secondary fractures subsequently close and get disconnected due to 

changes in effective stress distribution during flowback and production. The circumstances and 

detailed mechanisms associated with this phenomenon are still poorly understood. This work 

implements an explicit coupling strategy for integrating a pressure-dependent apparent 

permeability model and a dynamic secondary fracture closure process in the reservoir simulation. 

The numerical models are subsequently used to study the impacts of apparent permeability 

modeling, secondary fracture distributions and water blockage on gas production and water loss; 

the impacts of multiphase flow functions and shut-in durations on fluid retention are assessed. 

A set of 3D reservoir models are constructed based on data obtained from the Horn River shale 

gas reservoir. A stochastic 3D discrete fracture network (DFN) model are upscaled into equivalent 

continuum dual-porosity dual-permeability (DPDK) models. An apparent permeability (Kapp) 

model accounting for the contributions of Knudsen diffusion, slip flow and surface pore roughness 

is applied at each grid block. In order to capture the pressure dependency, a novel coupling scheme 

is formulated to facilitate the updating of Kapp and effective stress after a certain designated time 

interval. In addition, a novel method involving rock-type indicators is introduced to represent the 

open and closed states of secondary fractures, facilitating the modeling of stress-dependent closure 

of the secondary fracture system.  
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The results reveal that incorporating these additional flow mechanisms via the apparent 

permeability formulation could potentially increase the overall gas production prediction by up to 

12%, depending on the matrix or fluid properties; ignoring Kapp modeling could overestimate water 

recovery. Fracture closure and the resulting water blockage would reduce the gas production but 

enhance the water recovery. The implications of Kapp and fracture closure modeling in water-loss 

mechanisms are further examined through a set of sensitivity analyses. A few interesting findings 

are observed: (1) the extent to which the fracturing fluid could imbibe into the matrix is mainly 

affected by the secondary fracture connectivity; an increase in secondary fracture intensity may 

enhance water loss; (2) except for an increase in the matrix gas relative permeability, gas and water 

productions are typically inversely related to the amount of water in the near-well region; (3) in a 

gas-water system, compressibility of the in-situ fluids renders the effects of countercurrent 

imbibition and water retention to be more complex from those observed in water-oil systems; (4) 

in the presence of disconnected secondary fractures, gas production would be improved with less 

water imbibition into the matrix, while a shorter shut-in period may be beneficial to both water 

and gas recovery. These results have offered several interesting insights regarding the potential 

implications on fracturing design and estimation of stimulated reservoir volume. 
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Preface 

 

This thesis is an original work by Chuanyao Zhong. Similar contents as Chapter 2 and Chapter 5 

of this thesis can also be found in my conference paper which has been published as Zhong, C., & 

Leung, J., “Numerical Investigation of Water Blockage in Secondary Fractures and Apparent 

Permeability Modeling in Shale Gas Production,” paper URTEC-2019-592-MS presented at the 

Unconventional Resources Technology Conference, Denver, Colorado, USA, Jul. 22-24, 

doi:10.15530/urtec-2019-592. 
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Chapter 1: Introduction 

This chapter presents the background of the shale gas resources and its extraction technique, 

problem statement, research objective and thesis outline. 

 

1.1 Background 

Shale gas is a natural gas found in the shale rock, it has become one of the most important sources 

of energy supply in the North America in recent years (Khlaifat et al., 2011). Take the United 

States as an example, the “revolution of shale gas” was a phenomenon at the beginning of this 

century, which has significantly influenced the gas market of the world and improved the country’s 

economy (Le, 2018). However, for Canada, the commercial production of shale gas is still at the 

very early stage; it is estimated that between 550 and 860 trillion cubic feet of gas could potentially 

exist in the shale gas formations in Western Canada (Javadpour et al., 2007). 

Shale gas reservoirs are continuous, non-buoyancy driven hydrocarbon plays that are composed 

of different fine-grained sedimentary rocks (e.g., true shales, mudrocks, limestones, siltstones) 

(Chalmers et al., 2012; Gensterblum et al., 2015). In the shale gas reservoirs, the size of the pores 

is usually at the nanoscale. Shale gas is stored in three main forms in the nanopores at in-situ 

conditions: free gas, adsorbed gas and dissolved gas (Zhang et al., 2018). Unlike conventional oil 

and gas reservoirs, shale gas reservoirs are characterized by extremely low permeability (typically 

10 to 100 nanodarcies) and porosity, although various gas flow mechanisms, including Knudsen 

diffusion and slip flow, may contribute significantly to the overall gas conductivity. 

Due to the reservoir’s ultralow matrix conductivity, one of the most common extraction techniques 
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for shale gas development is hydraulic fracturing, during which a horizontal well is drilled, a large 

amount of fracturing fluid is injected and a shut-in/soaking period is followed, such that both in-

situ gas and fracturing fluid are redistributed in the system (Ning et al., 1993; Mayerhofer and 

Meehan, 1998; Reinicke et al., 2010; McClure and Zoback, 2013; McClure, 2014). However, only 

a portion of the fracturing fluid (typically < 50%) could be recovered during the flow-back process 

after the well is re-opened (McClure, 2014; Cheng, 2012; Wattenbarger and Alkouh, 2013; 

Makhanov et al., 2014). 

Shale formation often exhibits a high degree of natural fracturing. In the case of the Horn River 

gas reservoirs, the shale package is, on average, comprised of 60% quartz, rendering the rock to 

be very brittle (Novlesky et al., 2011). Pre-existing natural fractures could be reactivated through 

extension, dilation and shearing during the hydraulic fracturing process, as they are often optimally 

oriented, relative to the in-situ stress field (Rogers et al., 2010). They also influence the behavior 

related to hydraulic fracture initiation and propagation; the resultant complex network involving 

both hydraulic and secondary fractures often plays an important role in providing an adequate 

connection between the wellbore and the formation to transmit reservoir fluids (Meyer and Bazan, 

2011; Yu and Sepehrnoori, 2014b). The role of natural and secondary fractures as fluid-flow 

pathways are known to be significant (Hunter and Young, 1953; Wilkinson, 1953; Barfield et al., 

1959).  

However, the induced fractures could be closed when the fluid pressure inside the fracture drops 

below the minimum horizontal stress (fracture closure pressure). Fracture closure pressure refers 

to the minimum pressure required to keep the fracture open, which also represents the pressure at 

which the fracture would close in the absence of any proppant; in many cases, the closure pressure 

could be assumed to be the same as the minimum horizontal stress (Belyadi et al., 2019). In the 
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shale gas reservoirs, due to the change in effective stress distribution, the nearby secondary 

fractures could be closed and get disconnected with the main fracture during flowback and 

production; the fluid inside the fractures could also get squeezed out upon fracture closure; as the 

fracture network is disconnected, gas is being produced from the matrix, the water accumulated in 

the near-well region could hinder the gas flow due to the reduction in gas relative permeability for 

a high water saturation (water blockage) (Sherman and Holditch, 1991; Shanley et al., 2004; 

Shaoul et al., 2011; Ehig-Economides et al., 2012; McClure and Horne, 2014). 

Therefore, the hypothesis of my research is that the matrix apparent permeability and secondary 

fracture closure should have a significant impact on both hydrocarbon production and fracturing 

fluid flow-back performance. To test the hypothesis, I would create a way of incorporating the 

matrix apparent permeability modeling and stress-dependent secondary fracture closure in the 

shale gas reservoir simulation; and I would demonstrate their impacts on both gas and fracturing 

fluid recovery; then the sensitivity analysis on matrix multiphase flow functions and operational 

strategies would be done by using my new models. 

 

1.2 Problem Statement  

The efficiency of fracturing fluid recovery and gas production is highly affected by fracture 

properties (e.g., secondary fracture distributions, fracture closure) and matrix properties (e.g., 

matrix conductivity, capillary pressure, multiphase flow functions). Currently, the modeling of the 

shale gas reservoirs is encountering some challenges. 

The first challenge is the coupling of the complex non-Darcy flow physics and randomly 

distributed fracture network in the shale gas reservoir modeling. The interplay between these non-
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Darcy phenomena and secondary (natural) fracture distribution on gas production and water loss 

could play an important role on optimizing operational strategies in the hydraulic-fracturing 

operation. However, these two factors are often ignored in many reservoir simulation studies, 

which may result in the under-/over-estimation of overall gas production and fracturing fluid loss 

(McClure, 2014; Makhanov et al., 2014; Wang and Leung, 2015a, b; Liu et al., 2017). 

The second challenge is the modeling of the fracture closure behavior and its dynamic closure 

process due to the change in in-situ stress. It was indicated that closure and reactivation of near-

well secondary fractures may have significant impacts on gas flow and fracturing fluid recovery, 

but the circumstances and detailed mechanisms associated with this phenomenon are still poorly 

understood. 

The third challenge is integrating and analyzing the mentioned effects (e.g., fracture distributions, 

fracture closure and non-Darcy flow physics) all together in the shale gas reservoir modeling. 

These are the reasons why the analytical models (e.g., Rate Transient Analysis method) could be 

limited. Therefore, how to couple all the mentioned effects in a numerical study should be 

investigated. 

In addition, the sensitivity analysis of the multiphase flow functions is still less understood for 

shale gas reservoirs: imbibition plays an important role in fracturing fluid recovery because of the 

high capillary pressure in shale gas reservoirs, but whether imbibition will be beneficial or 

detrimental to subsequent gas and water production should be further investigated; besides, it is 

anticipated that the relative permeability could also significantly influence the fluids distributions, 

the detailed studies of how water and gas relative permeability affect the gas and water production 

are still lacking.  
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Last, the hydraulic fracturing flow back operation should be optimized as shut-in duration could 

significantly impact the production performance. 

 

1.3 Research Objectives 

The objective of this research is to investigate different water loss mechanisms, their influence on 

subsequent gas production and provide fracturing flow back operational strategy by using 

numerical simulation method which incorporates the effects of secondary fracture networks, 

fracture closure and non-Darcy flow mechanisms, which entails: 

(1) Create a novel, yet practical, coupling scheme to facilitate the updating of pressure-dependent 

matrix apparent permeability in numerical simulation of shale gas production, to capture the non-

Darcy flow behavior due to the transport mechanisms taken place in the nanopores. 

(2) Incorporate the realistic configurations of stochastic 3D discrete network models (DFN) in the 

reservoir simulation. 

(3) Create a novel method to facilitate the modeling of the stress-dependent closure of the 

secondary fracture system in our reservoir simulation. 

(4) Calibrate our numerical model by using the field data corresponding to a well drilled in the 

Horn River basin. 

(5) Examine the fracturing fluid loss behavior by simulating the hydraulically fractured shale gas 

reservoir which considers the impacts of secondary fracture distributions and multiple gas flow 

mechanisms, and to explore potential implications on the prediction of stimulated reservoir volume 

and fracturing design. 
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(6) Analyze the sensitivities of reservoir pressure, fracture intensity, matrix multiphase flow 

functions (capillary pressure and water/gas relative permeability) and shut-in durations. 

(7) Assess whether secondary fracture closure would contribute to water blockage or enhance 

imbibition, with potential implications on the prediction of reservoir volume and optimization of 

operational strategies.  

 

1.4 Thesis Outline  

This thesis consists of six chapters. The outline of these chapters is provided as follows: 

Chapter 1 presents the background of shale gas resources and its extraction technique; problem 

statement and research objectives are also presented in this chapter. 

Chapter 2 presents the literature review including the existing studies on apparent permeability 

modeling, secondary fracture network modeling, fracture closure modeling, sensitivity analysis of 

multiphase flow functions and shut-in durations, and their drawbacks. 

Chapter 3 presents the methodology used in this study including mechanistic numerical model 

construction, secondary facture network integration and apparent permeability modeling. 

Chapter 4 presents the validations of our numerical model by using the field data of a well; and 

the investigations on the impacts of secondary fracture network and apparent permeability 

modeling on gas production and fracturing fluid recovery; sensitivity analysis is also presented. 

Chapter 5 presents the methodology used for coupling the dynamic closure process of secondary 

fractures; the impacts of secondary fracture closure on gas production and fracturing fluid recovery 

are discussed; sensitivity analysis is also presented. 
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Chapter 6 presents the conclusions and recommendations for future work. 
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Chapter 2: Literature Review  

In this chapter, the literatures regarding the existing studies on apparent permeability modeling, 

secondary fracture network modeling, fracture closure modeling, sensitivity analysis of multiphase 

flow functions and shut-in durations, and their drawbacks are reviewed. 

 

2.1 Modeling of Apparent Permeability 

As mentioned in the previous section, in nano-sized pores, various gas flow mechanisms may 

contribute significantly to the overall gas conductivity. The dimensionless Knudsen number (Kn), 

which is defined as the ratio of gas mean-free-path and the macroscopic length scale of a physical 

system, is widely used for identifying the corresponding flow regimes (Zhong et al., 2015; Roy et 

al., 2003). Kn < 10-3 corresponds to continuum flow that is described by conventional Darcy’s law: 

the movement of gas is driven via filtration without significant impacts due to gas molecules’ 

interactions with the pore surfaces or that of the adsorption layer; for 10-3 < Kn < 10-1, the flow 

regime is identified as slip flow, where collisions with other gas molecules and the pore surfaces 

are substantial, such that the speed at which the gas molecules are moving inside the pore space is 

comparable to that on the pore walls; for 10-1 < Kn < 10, the flow regime is classified as transitional 

flow regime, where both slip flow and Knudsen diffusion must be considered; finally, for Kn > 10, 

the flow regime is referred to as Knudsen diffusion, where gas molecules are moving through the 

pore network via diffusion, and this diffusive flow behavior is discovered by Knudsen in 1909 

(Knudsen, 1909).  

The pressure dependency of these gas transport mechanisms have been widely reported and 

analyzed (Wang and Li, 2004). Dong et al. (2010) observed in their experimental study that 
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apparent permeability of the shale was reduced from 2×10-17 to 1×10-19 m2 when the confining 

pressure increased from 3 to 120 MPa, at a constant pore pressure at 0.1 MPa. Mckernan et al. 

(2014) also demonstrated that the gas apparent permeability would reduce by two orders of 

magnitude, as the effective stress increased from 7 to 10 MPa.  

The assumption of Darcy flow is invalid when attempting to capture these nano-scale flow physics 

(Civan et al., 2011). Instead, many apparent permeability models have been proposed, which take 

into account these non-Darcy flow physics and their stress dependency. Javadpour (2009) 

developed an apparent permeability model incorporating Knudsen diffusion and slip flow for a set 

of straight cylindrical nanotubes. Darabi et al. (2012) later presented an improvement, where a 

single nanotube system was upscaled to an ultra-tight porous medium, such that gas flow through 

an interconnected network of micropores and nanopores was studied, and effects of surface 

roughness were considered. Other models were also developed to capture additional gas transport 

mechanisms: for instance, Civan (2010) introduced a model that accounts for continuum, slippage, 

transition and free-molecular flows; Sakhaee-Pour and Bryant (2012) developed a model that 

incorporates the contributions of slippage and adsorbed layers. Other studies focused on the  

modeling of real gas flow: Azom and Javadpour (2012) modified the original model from 

Javadpour (2009) for real gas flow; Shi et al. (2013) proposed a model where effects of water film 

adhering to the inorganic pores were incorporated; Wu et al. proposed a model to describe surface 

diffusion of adsorbed gas (2015a) and another model for real gas transport through nanopores of 

varying cross-section shapes (2015b); Song et al. (2017) developed a model incorporating multiple 

transport mechanisms for real gas flow in nano-scale organic pores. Unfortunately, these models 

are not adopted in most commercial reservoir simulators. 
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Recently, Rubin et al. (2019) incorporated a dynamic matrix permeability updating step in their 

reservoir simulation study using an empirical apparent permeability model; their results certainly 

demonstrated that gas production and proppant requirement could be overestimated if gas slippage 

and matrix compaction were ignored; however, the presence of secondary fractures were not 

addressed in that study. 

 

2.2 Modeling of Secondary Fracture Network  

A discrete-fracture-network (DFN) model can be constructed by use of statistical description of 

various input parameters, including fracture intensity, length, azimuth, aperture and transmissivity 

(Dershowitz et al., 2010). To model fluid flow in fractured porous media, one approach is to 

represent and discretize the fracture and matrix systems explicitly in the computational domain, 

where the fracture cells are assigned higher porosity and permeability values (Karimi-Fard at al., 

2004; Aziz and Settari, 1979; Qasem et al., 2008; Rubin, 2010). The alternative approach is the 

dual-porosity method, in which an equivalent continuum medium is used. The concept was first 

introduced by Barenblatt and Zelthov (1960), and was further described by Warren and Root 

(1963). Many physical mechanisms, including water imbibition, molecular diffusion, and 

convection along the fractures, have been incorporated over the years (Sabathier et al., 1998). 

Others have adopted a hybrid approach: flow within the dominant connected fracture network is 

represented explicitly, while the smaller secondary fractures are represented via the dual-porosity 

framework (Nejadi et al., 2015; Wang and Leung, 2015a, b). A static and analytical upscaling, 

such as the one in Oda (1985), can be used to attain an equivalent dual-porosity; the main 

disadvantage of this static upscaling scheme is that it is limited to densely populated and well-

connected fractures, as neither fracture connectivity nor size could be considered (Dershowitz et 
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al., 2000). This assumption is justifiable for shale reservoir, where the natural fracture intensity is 

often quite high (Nejadi et al., 2015).  

 

2.3 Modeling of Secondary Fracture Closure 

Previous experimental studies have illustrated that fracture conductivity (i.e., aperture and 

permeability) would reduce with increasing effective stress (Huo et al., 2014). Several models 

were proposed to quantify the loss of conductivity due to  fracture closure: Gangi (1978) proposed 

a “bed of nail” model where fracture closure is represented by deformation of surface asperities, 

while Walsh (1965) presented a model where fracture closure due to elastic deformation of the 

surrounding matrix and the ensuing changes in effective stress is described; another model 

developed by Schrauf and Evans (1986) described a closure mechanism due to the shear contact 

behavior of fracture surfaces. The presence of surface asperities is likely to have a significant effect 

on the fracture closure process in natural fractures, resulting in smaller, partially-closed, sub-

fractures (Batzle, 1980); this issue regarding surface asperities, however, may not be overly 

relevant for secondary fractures that are created artificially, as they tend to have more even surfaces 

(Batzle, 1980). This study focuses primarily on the impact of fracture closure in the near-well 

region, where secondary fractures are mainly induced by the hydraulic fracturing process; 

therefore, partial closure due to surface asperities is not considered. 

Numerical simulation is often a useful tool to examine the geomechanics effects (e.g., fracture 

closure) and their impacts on water loss. McClure (2014) coupled geomechanical and flow 

simulations to study water loss during flowback; they indicated that the fracture closure and the 

trapping of fluid away from the main hydraulic fracture could reduce water recovery; however, the 
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model was based on single-phase flow and various important factors, such as fracture intensity and 

matrix multi-phase flow functions, were not examined. In the simulation study by Wang and Leung 

(2015a, b), an empirical correlation of fracture conductivity as a function of fluid pressure 

(assuming constant overburden stress) was employed; the model used in their study was limited to 

2D, but the results suggested that secondary fractures that were not directly connected to the 

hydraulic fracture would still provide conductive flow paths for fracturing fluid in the system; their 

results also suggested that secondary fractures that are water-filled initially can enhance counter-

current imbibition. However, the dynamic closure of open fractures during the soaking and 

production periods was not addressed.  

Additional modeling studies have examined the mechanisms associated with fracture closure and 

fluid loss. Sherman and Holditch (1991) described that rapid fracture closure due to pressure 

drawdown would result in fracturing fluid trapping and gas production reduction. It is illustrated 

by Ehig-Economides et al. (2012) that water-filled microfractures could potentially lose contact 

with the main hydraulic fracture due to closure of the induced secondary fractures during flowback. 

Similar conclusions were obtained by McClure and Horne (2014), who observed that fluid could 

be trapped in secondary fractures that are located far away from the wellbore. Increased fluid 

retention (i.e., water saturation), which is also referred to as water blockage, could contribute to a 

reduction in gas relative permeability and hinders gas flow to the well (Shaoul et al., 2011). 

Shanley et al. (2004) demonstrated that gas production would reduce dramatically if the water 

saturation exceeds 40-50% near the fracture faces.  
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2.4 Sensitivity Analysis of Multiphase Flow Functions and Shut-in Durations  

Sensitivity analyses of matrix multiphase flow functions (e.g., capillarity and relative 

permeability) and shut-in durations pertinent to fluid loss mechanisms in unconventional reservoirs 

were conducted. As more water accumulated in the near-well region due to the counter-current 

imbibition, the gas flow could be hindered due to the reduction in gas relative permeability for a 

high water saturation (water blockage); however, the imbibition could also results in more gas 

being displaced to the secondary fractures and getting produced quickly after the well is opened 

(Ghanbari and Dehghanpour, 2016); Cheng (2012) presented a single-porosity model consisting 

of eight stages of hydraulic fracturing, but capillary pressure in the fracture cells was ignored. 

Wattenbarger and Alkouh (2013) constructed a similar single-porosity model, where secondary 

fractures and matrix were assigned with identical relative permeability and capillary pressure 

functions. Fakcharoenphol et al. (2013) employed a hybrid model, where an equivalent secondary 

fracture and matrix dual-porosity model was used to represent a system of non-organic or organic 

matrix with interconnected network. The following conclusions can be derived from these studies: 

(1) an increase in fracture intensity and fracture width would lead to larger water retention in the 

secondary fractures; (2) imbibition is reduced when water relative permeability in secondary 

fractures or matrix is reduced; (3) initial gas rate is increased as a result of extended shut-in. A 

particular drawback of these studies is that the secondary fracture network was fully-connected 

and symmetrical. Wang and Leung (2015a, b) generated a hybrid model from multiple realizations 

of stochastic discrete fracture networks; different capillary pressure and relative permeability 

functions were assigned to the hydraulic fracture, secondary fracture and matrix cells, respectively. 

Similar to the previous studies, it was also observed that imbibition was reduced when matrix 

water relative permeability or capillary pressure was decreased; a prolonged shut-in duration may 
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enhance the short-term oil production but improvement for long-term production was not 

observed. However, a key observation was noted: although improved imbibition could enhance 

early production rate, while hindering water recovery, long-term production was not affected. They 

also found that cumulative oil production is highly influenced by the oil relative permeability. 

Unfortunately, the model used in their study was limited to 2D oil reservoir and only orthogonal 

fractures on a Cartesian mesh were considered. 
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Chapter 3: Methodology 

In this chapter, the methodology used for constructing the mechanistic model, integrating the 

secondary facture network, incorporating the apparent permeability modeling in our numerical 

simulation is introduced.  

 

3.1 Base Model 

3.1.1 Model Structure 

A 3D (100 m × 1024 m × 120 m) hydraulically-fractured shale-gas production model is constructed 

in an adaptive implicit-explicit black-oil simulator, as illustrated in Figure 1 (CMG, 2016). Table 

1 summarizes the reservoir, fluid and well properties, which are obtained from several field data 

sets corresponding to the Horn River shale formation (Novlesky et al., 2011; Anderson et al., 2013; 

Nejadi et al., 2015). All hydraulic fracture stages are assumed to be evenly spaced and symmetrical 

in this study, and only one hydraulic fracturing stage is simulated here. The entire domain is 

discretized into 51 × 55 × 10 grid blocks along the x-, y-, and z-directions, respectively. Local grid 

refinement is applied in the near-well regions. The production well is situated at the intersection 

of the hydraulic fracture and the horizontal well.  



16 
 

 
Figure 1. Illustration of the simulation domain – (a) 3D view; (b) top view. 

 

Table 1 

Reservoir, well, and fluid properties for the base simulation model (Novlesky et al., 2011; Anderson et al., 2013; 

Nejadi et al., 2015). 

Parameters Values 

Initial reservoir pressure, Pi  3.40 × 107 Pa 

Initial fracture pressure, Pfi 5.50 × 107 Pa 

Minimum wellbore flowing pressure, Pwf 1.00 × 107 Pa 

Rock compressibility, ct 2.50 × 10-9 Pa-1 

Initial matrix permeability, kM 5.00 × 10-20 m2 

Matrix porosity, ϕM 0.045 

Initial matrix water saturation, SwM  0.25 

Hydraulic fracture permeability, kHF 9.87 × 10-11 m2 

Hydraulic fracture porosity, ϕHF 1 

Initial hydraulic fracture water saturation, SwHF 1 

Initial hydraulic fracture aperture, aHF 0.03 m 

 

3.1.2 Multi-Phase Flow Functions 

Different relative permeability functions for two-phase gas-water flow are assigned to the matrix 

and hydraulic fracture systems according to Liu et al. (2017), as presented in Figure 2 (a) and (b). 

Negligible capillary pressure (Pc) is assigned in hydraulic fracture because of its high conductivity, 

                                         (a)                                                             (b) 
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while capillary pressure function for the matrix is assigned according to Eq. (1), which is an 

empirical relationship proposed by Gdanski et al. (2009) based on the “Leverett J-function” 

(Leverett, 1941). 

 
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where Pc [Pa] is the capillary pressure; the interfacial tension between water and gas (σ') is 40 

dynes/m; the empirical constants of a1 = 1.86 and a2 = 6.42 are representative for low-permeability 

reservoirs (Gdanski et al., 2009; Holditch 1979); value of 0.5 is assigned for a3, which is a measure 

of pore structure (Bradley, 1987); Sw is the water saturation; ϕ is the matrix porosity; k [md] is 

permeability. 
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Figure 2. Multi-phase flow functions for the base model: (a), (b), and (c) relative permeability functions for 

hydraulic fracture, matrix and secondary fracture, respectively; (d) and (e) capillary pressure functions for matrix 

and secondary fracture. 

                           (a)                                                                                (b) 

                                 (c)                                                                                (d) 

(e) 
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3.1.3. Modeling of Hydraulic Fracturing Process 

The numerical model developed here is intended to simulate the soaking, flow-back, and 

production periods immediately following hydraulic fracturing. To simulate the process of 

hydraulic fracturing, many previous simulation studies would incorporate an initial injection 

period into a pre-existing hydraulic fracture with an initial porosity of less than unity; however, 

some fluid leak-off may have already occurred during the injection stage (prior to the soaking 

period) and the use of a pre-existing hydraulic fracture implies that a post-closure state with no 

explicit consideration of change in effective stress must be assumed (Agrawal and Sharma, 2015; 

Gdanski et al., 2009; Alkouh et al., 2014; Ghanbari and Dehghanpour, 2016; Wang and Leung, 

2015a, b). In this study, an alternative method is adopted: instead of simulating the injection period, 

the in-situ condition immediately following hydraulic fracture is modeled by assigning the initial 

pressure inside the hydraulic fracture to be the same as the minimum horizontal stress; the 

hydraulic fracture is assumed to be evenly propped, completely open with an initial porosity of 

unity, and filled with water (Liu et al., 2017; 2019). Fracture closure of the main hydraulic fracture 

during the soaking and flowback periods would cause the fracturing fluid that was initially inside 

the hydraulic fracture to re-distribute into the nearby regions. It should be noted that fluid leak-off 

during the fracture-propagation stage is ignored in this approach. This simplification is justifiable, 

as this volume is typically very small, given that the propagation phase is quite short 

(approximately a few hours), and the corresponding leak-off coefficient is extremely low in shale 

reservoirs (on the order of 1 × 10-5 ft/min) (Shiozawa and McClure, 2016; Wu and Olson, 2016). 
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3.2 Integration of Secondary Fractures via Discrete-Fracture-Network (DFN) 

Models and Upscaling 

As shown in Figure 3 (a), a realization of 3D discrete fracture network (DFN) model is constructed 

based on the probability distributions of various secondary fracture properties (i.e., intensity, 

length, height, aperture and permeability). These probability distributions, as summarized in Table 

2, are inferred from several previous studies of the Horn River shale gas formations (Gale et al., 

2014; Nejadi et al., 2015; Yang et al., 2018). 

 
Figure 3. (a) DFN model and (b) equivalent dual-porosity dual-permeability model (the variable of fracture spacing 

(m) along the x-direction is shown). 

 

Table 2 

Probability distributions for DFN parameters. 

Parameters Probability distributions Data Sources 

Fracture intensity 

 

 

Fisher concentration 

distribution  

Normal distribution, mean: 0.0226 1/m,  

 

 

 

 

Constant distribution, 10, dimensionless 

Nejadi et al., 2015 

 std dev: 0.0043 1/ft  

Fisher concentration Constant distribution, 10,  Nejadi et al., 2015 

distribution dimensionless  

   

Fracture length Normal distribution, mean: 49.5800 m,  Nejadi et al., 2015 

 std dev: 15.8300 m  

Fracture height Normal distribution, mean: 0.9144 m,  Gale et al., 2014 

 std dev: 0.9053 m  

Fracture aperture Normal distribution, mean: 0.0003 m,  Yang et al., 2018 

                  (a)                                                                                         (b) 
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 std dev: 0.0002 m  

Fracture permeability 

Fracture compressibility 

Normal distribution, mean: 2.4673 × 10-14 m2,  

Constant distribution, 0.335109 1/kPa 

Nejadi et al., 2015 

 std dev: 2.4673 × 10-14 m2  

Fracture compressibility Constant distribution, 3.3511 × 10-4 1/Pa Nejadi et al., 2015 

Fracture porosity 

 

Constant distribution, 1 × 10-4, dimensionless Nejadi et al., 2015 

 

The 3D DFN model is upscaled into an equivalent continuum dual-porosity dual-permeability 

model following Oda analytical approach (Oda, 1985), as shown in Figure 3 (b). Equivalent sigma 

factors and fracture permeability tensors obtained from Oda upscaling are provided as inputs in 

the DPDK reservoir simulation model. Other relevant properties for the secondary fracture system, 

such as rock compaction properties and relative permeability functions (Figure 2d) are obtained 

from Nejadi et al. (2015) and Farah (2016), respectively. Capillary pressure in the secondary 

fracture system is shown in Figure 2 (e), which is also computed in accordance to Eq. (1), where 

a1 = 0.79, a2 = 321.67 and a3 = 0.5 are used (Wang and Leung, 2015a, b). It is further assumed in 

our simulation that the initial water saturation in the secondary fracture is the same as the 

irreducible water saturation.  

 

3.3 Apparent Permeability Modeling 

3.3.1 Fundamentals of Apparent Permeability Modeling 

An apparent permeability (Kapp) [m
2] function (Eqs. 2-4) proposed by Darabi et al. (2012), which 

is modified from the original model of Javadpour (2009), is adopted here. The model has 

incorporated contributions of Knudsen diffusion and slip flow, as well as accounting for the effects 

of surface pore roughness, and it is used to calculate the pressure-dependent apparent permeability 

in the matrix. 
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The first term in Eq. 2 represents the Knudsen diffusion at temperature T [K] and pressure P [Pa] 

for a gas with density of ρavg [kg/m3], and it incorporates the ratio of porosity to tortuosity (ϕ/τ) 

that controls Knudsen flow in porous media (Javadpour et al., 2007); the second term corresponds 

to the slip flow. δ' refers to the ratio of normalized molecular size to local average pore diameter. 

The impact of surface roughness is captured by Df, which is the fractal dimension of the pore 

surface: it takes a value between 2 (smooth surface) and 3 (space-filling surface) (Coppens, 1999; 

Coppens and Dammers, 2006). Dk is the Knudsen diffusion coefficient in porous media, and it is 

a function of the average pore radius, Ravg [m], which can be inferred from experimental 

measurements. kD [m2] = Ravg
2/8 is the absolute Darcy permeability. α, which is a function of the 

Knudsen number or Kn, denotes the tangential momentum accommodation coefficient (TMAC), 

which is dependent on temperature, pressure, gas compositions and wall surface smoothness: its 

value varies between 0 and 1, representing specular accommodation and diffuse accommodation, 

respectively (Arkilic et al., 2001). Parameters for the Kapp modeling are summarized in Table 3, 

and they are inferred from previous studies of the Horn River shale gas reservoirs (Prausnitz and 

Benson, 1959; Aguilar-Armenta et al., 2001; Velisa, 2011; Liu et al., 2017).  
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Table 3 

Parameters for the apparent permeability (Kapp) model. 

Parameters Values Data Sources 

Average pore radius, Ravg  3.6471 × 10-9 m Calculated from the initial 

  matrix permeability 

  (Table 1) by using the  

  Kapp model and initial 

  reservoir pressure 

Temperature, T 410.15 K BC Oil and Gas 

  Commission, 2014 

Tortuosity,  2.5 Assumed 

Fractal dimension of pore surface, Df 2.5 Assumed 

Universal gas constant, R 8.3144621 J/mol/K Universal constant 

Boltzmann constant, B 

Molar mass of methane, M 

Molecule diameter of methane, Rmethane 

Collision diameter of methane, Rmethane 

collision 

Critical pressure of methane 

Critical temperature of methane  

1.38064852 × 10-23 

J/K 

16.04 kg/kmol 

3.8 × 10-10 m 

3.82 × 10-10 m 

4.5992 × 106 m 

190.564 K 

Universal constant 

Molar mass of methane, M  1.604 × 10-2 kg/mol 

 

Universal constant 

Molecule diameter of methane, Rmethane 

 

3.8 × 10-10 m 

 

Aguilar-Armenta et al., 

  2001 

Collision diameter of methane, Rmethane 

collision 

 

3.82 × 10-10 m 

 

Prausnitz and Benson, 

  1959 

Critical pressure of methane, Pcritical methane 

 

4.5992 × 106 Pa 

 

Velisa, 2011 

Critical temperature of methane, Tcritical 

methane 

190.564 K Velisa, 2011 

 

The effects of P and Ravg are illustrated in Figure 4 (a) and (b), where Kapp is inversely proportional 

to P and directly proportional to Ravg. This sensitivity analysis illustrates the significance of 

incorporating a pressure-dependent Kapp model in reservoir simulation for capturing the variability 

of gas permeability in shale gas production performance.  
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Figure 4. Kapp as functions of (a) pressure and (b) average pore radius (examples). 

 

3.3.2 Dynamic Updating of Apparent Permeability  

To facilitate the dynamic updating of apparent permeability (Kapp), a novel explicit coupling 

scheme is formulated, as shown in Figure 5. To achieve a balance between computational 

efficiency and model accuracy, the Kapp is updated periodically: at each updating time step, matrix 

pressures at the grid blocks are extracted from the flow simulator and a “restart” file is created; the 

Kapp at each cell is then updated according to Eqs. 2-7 and returned to the simulator; the 

computation continues until the next updating step. The coupling code is implemented in 

MATLAB® (MathWorks, 2019).   

 
Figure 5. Coupling of Kapp modeling and flow simulation. 

                           (a)                                                                                  (b) 
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The sensitivity of updating frequency is analyzed and presented in Figure 6. It is clear that there is 

essentially no improvement for updating more frequently than 10 days; therefore, an updating 

frequency of every 7 production days is selected in consideration of both simulation accuracy and 

computational efficiency. 

 
Figure 6. Cumulative gas production for different updating frequencies (examples). 
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Chapter 4: Impacts of Secondary Fracture Network and Kapp 

Modeling 

In this chapter, our numerical model is calibrated from the field data of a well to examine the 

impacts of secondary fracture network and apparent permeability modeling on gas production and 

fracturing fluid recovery; the sensitivity analysis of secondary fracture intensity, the effects of 

reservoir pressure on apparent permeability modeling, matrix multiphase flow functions is 

discussed. 

 

4.1. Example with Field Production Data 

A base case is constructed by coupling both Kapp and DFN modeling. The hydraulic fracture length 

is adjusted by history matching the field production data gathered from a well drilled in the Otter 

Park member of the Horn River Basin (B-G18-I/94-0-08), as presented in Liu et al. (2019). This 

well is selected because there is less observable inter-well interference (Yousefzadeh et al. 2016). 

There are 20 single-perforation stages of hydraulic fracturing with an average fracture spacing of 

100 m, and a total of 75,504 cubic meters of fracturing fluid was injected over the 20 stages. The 

well was soaked for 84 days prior to flowback (Xu et al. 2016), and it was produced for 383 days. 

Results of the history matching are illustrated in Figure 7 (a).  
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Figure 7. Comparison of production profiles between the field historical data and (a) Base Case and (b) Case A. 

 

A reasonable match (< 3% mismatch) is obtained in terms of cumulative production; the history-

matching results have yielded an effective hydraulic fracture half-length of 83.00 m for the Base 

Case. A slightly larger mismatch is observed at the beginning of the flow-back process; a plausible 

explanation is that the estimated bottom-hole pressures during flow-back could be inaccurate due 

to rapidly changing multiphase flow conditions (Liu et al. 2017). In addition, those extremely high 

gas production rates at the beginning and fluctuations at the end of the production history may be 

attributed to operational issues that are not captured in the daily-averaged surface casing pressure 

used in the bottom-hole pressure calculations (Liu et al. 2017).  

An additional case, Case A (Table 4), is constructed such that Kapp and secondary fracture networks 

modeling are neglected. To match the same production history as the Base Case, the half-length 

of the hydraulic fracture is increased to 168.80 m. This result illustrates how neglecting the 

contributions due to Kapp and secondary fractures in the simulation could overestimate the size of 

the hydraulic fracture for a given observed gas production. Results of the history matching for 

Case A are presented in Figure 7 (b). 

                (a)                                                                                  (b) 
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Table 4 

Summary of the cases studied. 

Names Remarks Hydraulic 

fracture half 

lengths 

Mismatches in 

cumulative gas 

production 

Base Case DFN + Kapp (History matched 

with field data) 

83.00 m < 2.98% 

Case A DFN + Kapp modeling are ignored 

(History matched with field data) 

168.80 m < 3.40% 

Case B Case A + DFN 168.80 m       - 

Case C Case A + Kapp 168.80 m       - 

Case D DFN + Kapp + Secondary fracture 

closure (History matched with 

field data) 

93.73 m < 3.11% 

Case E History-matched Case D without 

the secondary fracture closure 

93.73 m       - 

 

4.2. Impacts of Secondary Fracture Network 

To further examine the effects of secondary fracture network modeling, Case B (Table 4) is 

constructed by incorporating DFN only: it can be viewed as adding the DFN effects to Case A 

(section 4.1). The gas production and water recovery profiles of Case B are compared with those 

corresponding to Case A in Figure 8 (a) and (b), respectively. As expected, improved overall 

conductivity due to the secondary fracture modeling has led to an increase in gas production. 

However, a huge reduction in water recovery is also observed, as more water could be transported 

further away from the wellbore. The results are consistent with those observed in previous studies 

(Wang and Leung, 2015a, b). 
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Figure 8. Profiles of (a) gas production and (b) water recovery for Case A and Case B. 

 

Water saturation profiles in four specific regions in the fracture and matrix domains are 

systematically investigated (Figure 9 and Figure 10) to examine the fluid distribution. The 

presence of secondary fracture network has facilitated the imbibed water to flow further into the 

matrix and away from the hydraulic fracture (HF). During the soaking period, the secondary 

fractures in Case B has enabled more water from the HF to advance further into matrix; therefore, 

the Sw (water saturation) is lower in regions 1 and 2, and higher in regions 3 and 4, in comparison 

to that for Case A. It is interesting to note in Figure 10 (d) that without secondary fractures, water 

saturation in region 4 remains unchanged (Case A) – but a slight increase is observed for Case B. 

Due to the ultra-low conductivity of the matrix, once the water has imbibed deep into the matrix, 

it would be very difficult for that water to be flown back, as corroborated by a reduced water 

recovery for Case B in Figure 8 (b). This also explains why a higher Sw is observed in both regions 

3 and 4 for Case B during the whole production period, as shown in Figure 10 (c) and (d). 

               (a)                                                                                   (b) 
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Figure 9. Top view of the four regions selected for fluid-loss investigation [Region 1: inside HF; Region 2: matrix 

immediately adjacent to HF; Region 3: matrix in the near-well region (but not immediately adjacent to the HF); 

Region 4: matrix far away from HF]. 

 

      (a)                                                               (b)                                                      (c) 
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Figure 10. Effects of DFN modeling on average water saturation profiles: (a) Region 1, (b) Region 2, (c) Region 3, 

(d) Region 4. 

 

4.3. Impacts of Apparent Permeability Modeling 

To further examine the effects of Kapp modeling, Case C (Table 4) is constructed by incorporating 

Kapp modeling only: it can be viewed as adding the Kapp modeling to Case A (section 4.1). The gas 

production and water recovery profiles of Case C are compared with those corresponding to Case 

A, as shown in Figure 11 (a) and (b), respectively. Similar to Case B (section 4.2), enhanced matrix 

permeability has resulted in an increase in gas production, while a reduction in water recovery is 

also observed. 

                        (a)                                                                                (b) 

  

                        (c)                                                                                (d) 
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Figure 11. Profiles of (a) gas production and (b) water recovery for Case A and Case C. 

 

Water saturation profiles in the four specific regions (same as those defined in section 4.2) are 

examined, as shown in Figure 12. Incorporating Kapp seems to have negligible impact on fluids 

distribution: identical water profiles are observed in the four regions during the soaking period (< 

84 days); this is because the pressure gradient remains low before the well is opened; the same 

reasoning would also explain why essentially no water has imbibed deep into region 4. However, 

during the production period (t > 84 days), a slightly higher water saturation is observed in regions 

2 and 3 in the case with Kapp modeled. This is likely due to the water expanding while more gas is 

being produced (corroborated by the increase in gas production and gas rate during production 

period) when incorporating of the multiple non-Darcy gas flow mechanisms in the reservoir 

modeling.  

               (a)                                                                                  (b) 
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Figure 12. Effects of Kapp modeling on average water saturation profiles: (a) Region 1, (b) Region 2, (c) Region 3, 

(d) Region 4. 

 

4.4. Sensitivity Analysis 

4.4.1 Effects of Secondary Fracture Intensity 

Case B illustrated the effects of secondary fracture. In this section, sensitivity of fracturing fluid 

recovery due to fracture intensity is assessed. Case 1 with a fracture intensity value of 0.0138 1/ft, 

which is twice the Base Case’s value, is constructed. The comparisons are presented in Figure 13, 

                        (a)                                                                                 (b) 

  

                        (c)                                                                                 (d) 
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where similar trends as those of Case B (Figure 8 and Figure 10) can be inferred, except that the 

effects of secondary fractures are further exaggerated (particularly in region 4, as shown in Figure 

13b). This notable difference is contrary to conclusions obtained in previous studies involving oil-

water systems, which seem to suggest that there would be no improvement of long-term water 

recovery from denser fracture networks (Wang and Leung, 2015a, b). 

 
Figure 13. DFN models with different levels of fracture intensity: (a) water recovery, (b) average water saturation in 

region 4. 

 

4.4.2 Effects of Reservoir Pressure and Kapp 

Three pairs of cases are tested: ‘Base Case’ and ‘Base Case (No Kapp)’, ‘Case 2’ and ‘Case 2 (No 

Kapp)’, ‘Case 3’ and ‘Case 3 (No Kapp)’. Three initial reservoir pressures: 34,000 kPa (the same as 

Table 1), 53,500 kPa and 13,500 kPa, are assigned to these three sets of cases, respectively. The 

corresponding gas and water production profiles are compared in Figure 14.  

As expected, higher gas and water production is observed, as the initial reservoir pressure increases; 

this can be explained by an increase in the initial gas-in-place and larger draw-down.  

                    (a)                                                                                      (b) 
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As discussed in section 4.3, enhanced matrix permeability due to the incorporation of Kapp has 

resulted in an increase in gas production. As shown in Figure 14, for the three initial reservoir 

pressures of 53,500 kPa, 34,000 kPa and 13,500 kPa, increases in gas production of 2.19%, 4.30% 

and 12.00%, are recorded respectively – the impact of Kapp modeling is more noticeable at lower 

initial reservoir pressure. This is because there are fewer collisions between the gas molecules at 

low pressures, and the gas mean free path would increase; as a result, the effects of the interactions 

between the molecules and the solid surface become more significant, rendering the nano-pore 

flow mechanisms, such as Knudsen diffusion, to be more dominant. It is interesting to note that, 

at very high reservoir pressure (e.g., the case with 53,500 kPa), enhancing matrix permeability due 

to Kapp modeling would increase water recovery (opposite to the results in section 4.3). A plausible 

explanation is that when the matrix pressure is very high, there is little pressure gradient between 

the HF and matrix, reducing the amount of  water flowing from the HF into the matrix, so more 

water can be recovered. 

 
Figure 14. (a) Cumulative gas production and (b) water recovery for the three pairs of cases with different initial 

reservoir pressure. 

  

              (a)                                                                                (b) 
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4.4.3 Effects of Matrix Capillary Pressure (Pc) 

Cases 4 and 5 with the following water/gas capillary pressure functions are examined, as plotted 

in Figure 15 (a): Pc Base Case > Pc Case 4 > Pc Case 5. Modeling of secondary fracture closure is neglected 

in all three cases. The corresponding gas and water production profiles are compared in Figure 15 

(b), while the water volumes in the four specified regions (see section 4.2) are compared in Figure 

16.  

 
Figure 15. (a) Capillary pressure functions and (b) the corresponding cumulative gas production and water recovery 

profiles. 

               (a)                                                                                (b) 
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Figure 16. Effects of matrix capillary pressure on water volumes in: (a) Region 1, (b) Region 2, (c) Region 3, (d) 

Region 4. 

 

During the soaking period (t < 84 days), higher Pc leads to an increased water flow from the HF to 

the matrix due to imbibition, and this is corroborated by a more dramatic decrease of water volume 

in region 1 corresponding to an increase in Pc. The additional imbibed water leads to more water 

in region 2. On the other hand, less water is observed in region 3 for the case with higher Pc; this 

is because much of the imbibed water remains in region 2 due to the strong capillary force, and, 

as a result, less water would advance into regions 3 and 4. This also explains why the water 

volumes observed in region 4 are essentially identical. During the production period (t > 84 days), 

generally speaking, less water is recovered with an increase in matrix Pc: water that is accumulated 

                        (a)                                                                                 (b) 

  

                       (c)                                                                                 (d) 
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in region 1 is produced, irrespective of the Pc level, while more water is retained in areas away 

from region 1 due to the stronger capillary force. 

Interestingly, previous studies involving water-oil systems have concluded that stronger matrix 

imbibition leads to higher initial oil rate, with more oil being displaced into the fractures and be 

produced, although no long-term benefits in oil production was reported (Wang and Leung, 2015a, 

b); however, in this water-gas system, the gas production actually slightly decreases with matrix 

Pc, as shown in Figure 15 (b). The reasons are (1) considering gas is much more compressible than 

water, less gas is being displaced from the matrix (i.e., region 2) into the HF as a result of 

countercurrent imbibition during the soaking period; (2) higher water retention in region 2 for 

cases with higher Pc (Figure 16) would actually hinder gas production due to reduction in gas 

relative permeability. 

 

4.4.4 Effects of Matrix Water Relative Permeability (Krw) 

Cases 6 and 7 with the following water relative permeability functions, as plotted in Figure 17 (a), 

are examined: Krw Case 6 > Krw Case 7 > Krw Base Case. Modeling of secondary fracture closure is 

neglected in all three cases. The corresponding gas and water production profiles are compared in 

Figure 17 (b), while the water volumes in the four specified regions (see section 4.2) are compared 

in Figure 18.  
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Figure 17. (a) Water relative permeability functions and (b) the corresponding cumulative gas production and water 

recovery. 

 

Figure 18. Effects of matrix water relative permeability on water volumes in: (a) Region 1, (b) Region 2, (c) Region 

3, (d) Region 4. 

               (a)                                                                                (b) 

                      (a)                                                                                 (b) 

  

                        (c)                                                                                (d) 
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During the soaking period (t < 84 days), higher Krw leads to increased water flow from the HF to 

the matrix, and this is corroborated by a more dramatic decrease of water volume in region 1, as 

well as a more dramatic increase of water volume in region 2. Given that a larger volume of water 

is firstly imbibed in region 2 for a higher Krw, the water volume could be imbibed into regions 3 

and 4 is minimal. As more water is imbibed in the near-well matrix and less water is retained in 

the secondary fractures, less water is produced during the flowback and production period.   

There is no observable difference in gas production among the three cases with different matrix 

Krw. As explained earlier (see section 4.4.3), little gas is being displaced from the matrix into the 

HF as a result of countercurrent imbibition during the soaking period. In the end, increasing matrix 

Krw has insignificant impacts on the gas production.      

 

4.4.5 Effects of Matrix Gas Relative Permeability (Krg) 

Cases 8 and 9 with the following gas relative permeability functions, as plotted in Figure 19 (a), 

are examined: Krg Base Case > Krg Case 8 > Krg Case 9. Modeling of secondary fracture closure is neglected 

in all three cases. The corresponding gas and water production profiles are compared in Figure 19 

(b), and the water volumes in the four specified regions (see section 4.2) are compared in Figure 

20. 
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Figure 19. (a) Gas relative permeability functions and (b) the corresponding cumulative gas production and water 

recovery profiles. 

 

Figure 20. Effects of matrix gas relative permeability on average water saturation profiles: (a) Region 1, (b) Region 

2, (c) Region 3, (d) Region 4. 

                   (a)                                                                             (b) 

                        (a)                                                                                  (b) 

  

                        (c)                                                                                  (d) 
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Generally speaking, higher matrix Krg would enhance gas flow from the matrix. Effects on water 

imbibition into the matrix during the soaking period (t < 84 days) is negligible in all four regions. 

However, during the production period (t > 84 days), a slightly larger water volume is observed in 

regions 2 and 3 with an increase in Krg. This is likely due to reduced relative mobility for the water 

phase as Krg increases. Once again, it is difficult to produce the additional water volumes from 

regions 2 and 3 due to the low water mobility. This is contrary to findings in previous studies 

involving oil-water systems where negligible influence of Krg on water recovery was recorded 

(Wang & Leung, 2015a, b).  
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Chapter 5: Impacts of Secondary Fracture Closure 

In this chapter, the methodology used for integrating the dynamic closure process of secondary 

fractures is introduced; the impacts of secondary fracture closure on gas production and fracturing 

fluid recovery are discussed; the sensitivities of multiphase flow functions and shut-in durations 

for the cases incorporating secondary fracture closure are analyzed. 

 

5.1 Modeling of Secondary Fracture Closure Using Rock-Type Indicators 

As a fracture cell is closed due to an increase in effective stress, it is anticipated that the 

corresponding porosity and permeability would become zero. This modeling idea can be facilitated 

with the use of “rock types” – the keyword “CTYPE” for assigning “compressibility, compaction 

and dilation rock types to reservoir grid blocks” (CMG, 2016). Two rock types are designated to 

represent the open and the closed states. A look-up table of porosity and permeability multipliers 

versus pressure is provided in each rock type. In the case of complete fracture closure, the porosity 

multiplier (i.e., ratio of pore volume measured at a given pressure to the initial pore volume), as 

well as the horizontal or vertical permeability multiplier (i.e., ratio of horizontal or vertical 

permeability measured at a given pressure to the initial horizontal permeability), are all set to 0. In 

the case of open fractures, the porosity multiplier is assigned to be close to 1, with a very slight 

decrease corresponding to the decreasing reservoir pressure; the horizontal or vertical permeability 

multipliers are assigned to follow an exponential relationship with the reservoir pressure, which 

was obtained from Nejadi et al. (2015), to model the normal compaction or dilation of an open 

secondary fracture. 
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At the beginning, all secondary fracture cells (in the DPDK model) are set as open; as the 

simulation progresses, some cells would be closed due to changes in effective stress conditions. 

An explicit coupling scheme is implemented to facilitate the simulation of this dynamic closure 

process, as shown in Figure 21. At each time step of updating, secondary fracture pressure values 

are extracted from the flow simulator and a “restart” file is created. If the fracture pressure is lower 

than the closure stress of complete fracture closure, which is assumed to be 18,000 kPa for the 

Horn River shale reservoirs (Beaudoin et al., 2011), the “rock type” corresponding to that 

particular cell is updated to closed; otherwise, it remains as open. The computation continues until 

the next updating step. The code is implemented in MATLAB® (MathWorks, 2019). Both Kapp 

and secondary fracture rock types are updated simultaneously every 7 producing days after soaking 

period. 

 
Figure 21. Coupling of secondary fracture closure modeling and flow simulation. 

 

5.2 Impacts of Secondary Fracture Closure on Fracturing Fluid Recovery 

Case D (Table 4) is the same as the Base Case, except for that secondary fracture closure is 

considered, and its production profiles are compared with the field data in Figure 22. Upon history-

matching using the same field history as the Base Case, the hydraulic fracture half-length is 
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increased to 93.73 m. This value is approximately 10.73 m larger than that for the Base Case, 

implying that the size of hydraulic fracture is underestimated by 13% in the Base Case, where 

closure of secondary fracture is ignored. In other words, for a certain observed gas production, 

secondary fractures would contribute less to gas flow if some of them are closed due to changes in 

effective stress during production. 

 
Figure 22. Comparison of production profiles between the field historical data and Case D. 

 

Another case, Case E, is established using the history-matched hydraulic fracture half-length from 

Case D, but without accounting for the secondary fracture closure behavior. As shown in Figure 

23, both gas production and water loss increase in Case E, as explained in the next section. 
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Figure 23. Comparison between Case D and Case E in terms of (a) gas production and (b) water recovery. 

 

Results of Case D suggest that water retention in the formation may potentially hinder gas flow:  

1) Upon shutting in the well during the soaking period, water in the hydraulic fracture would 

propagate to the connecting secondary fractures, the water would subsequently imbibe into it 

surrounding matrix due to counter-current imbibition, this is evidenced by the increase of 

water saturation at the beginning of the soaking period in the near-well secondary fractures 

and the subsequent decrease of water saturation, as shown in Figure 24 (a); this redistribution 

of fluids causes the matrix water saturation in the near-well region to increase, as shown in 

Figure 24 (b); gas flows into the secondary fractures that are connected to the hydraulic 

fracture due to the counter-current imbibition.  

                         (a)                                                                                (b) 
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Figure 24. Top view of water saturation maps of (a) the near-well secondary fracture system and (b) matrix system 

at different dates in Case D. 

 

2) Secondary fractures may close during flowback and production due to pressure depletion 

(Figure 25): as the secondary fractures adjacent to the hydraulic fracture close during flowback 

and early production, the fluids residing in the closing fractures would flow to the wellbore 

directly; however, during the later stage of production, more secondary fractures in areas away 

(a)  

(b)  
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from the wellbore begin to close, and the fluids residing in those closing fractures would not 

flow to the wellbore directly, as the flow paths are blocked by those previously closed fractures 

in the near-well areas; instead, the fluids would likely flow into the surrounding matrix, as a 

noticeable increase in water volume is detected in the surrounding matrix adjacent to the 

previously closed fracture. Change in gas volume, however, is less noticeable due to its 

compressibility. 

 
Figure 25. Top view of closed fracture cells in the near-well region at different production dates in Case D. 

 

3) Due to the disconnection of secondary fractures, gas flow to the hydraulic fracture is primarily 

through the matrix. However, the large amount of water accumulated in the near-well region 

could potentially hinder gas flow to the well due to a reduction in gas relative permeability. 

Therefore, more gas is found in the remaining open secondary fractures (Figure 26a), while 

the gas production rate is much lower (Figure 26b). Interestingly, a reduction in water loss is 

also observed (Figure 26c, d). The only difference between Case E and the Case D is that 

secondary fracture closure is not considered in Case E. The reduction in gas production (due 
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to secondary fracture closure in the Case D) has led to a higher matrix pressure (Figure 26e) 

– higher matrix pressure, coupled with water accumulation in the near-well region, would 

have contributed to an increase in water flow into the hydraulic fracture and water recovery 

(as evidenced by a higher water recovery rate observed in Figure 26d).  
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Figure 26. (a) Change in gas volume with time in the near-well secondary fracture; (b) gas production profiles of 

Case D and Case E; (c) change in water volume with time in the near-well matrix; (d) water production profiles of 

Case D and Case E; and (e) change in average matrix pressure in the near-well region. 

                        (a)                                                                              (b) 

  

                      (c)                                                                              (d) 

  

                     (e) 
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5.3 Sensitivity Analysis (Secondary Fracture Closure Considered) 

5.3.1 Effects of Matrix Capillary Pressure 

To examine the sensitivity of matrix capillary pressure on recovery performance, Cases 10 and 11 

with the following water/gas capillary pressure functions (the same as section 4.4.3) are examined: 

Pc Case D > Pc Case 10 > Pc Case 11. Secondary fracture closure is considered in all three cases. The 

corresponding gas profiles are compared with the Case D in Figure 27 (a). As Pc increases, more 

water would imbibe into the matrix and more gas would flow into the secondary fractures. As 

shown in Figure 27 (b), there is more gas in the near-well secondary fractures during the soaking 

period (initial 84 days) for Case D, and more gas is retained in the secondary fractures due to 

fracture closure during the production period as well. However, the additional gas volume 

remained in the open secondary fractures is limited (approximately a few hundred cubic meters). 

A more plausible explanation for the reduced gas production is the water blockage in the near-well 

matrix (Figure 27c). This observation is corroborated by the decrease in gas and water production 

for the Case D, as shown in Figure 27 (a). This finding is contrary to what was observed in previous 

studies where fracture closure was ignored; those studies observed that, for an oil-water system, 

enhanced imbibition might improve the initial oil rate, but no benefit regarding the long-term oil 

production was noted (Wang and Leung, 2015a, b). 
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Figure 27. (a) Cumulative gas production; (b) gas volume in near-well secondary fractures; and (c) water volume in 

the near-well matrix corresponding to various matrix capillary pressure functions. 

 

5.3.2 Effects of Matrix Water Relative Permeability  

To examine the sensitivity of matrix water relative permeability on recovery performance, Cases 

12 and 13 with the following water relative permeability functions (the same as section 4.4.4) are 

examined: Krw Case 12 > Krw Case 13 > Krw Case D. Secondary fracture closure is considered in all three 

cases. The corresponding water production profiles are compared with Case D in Figure 28 (a). 

There are almost no observable differences in water recovery profiles, this result is different from 

the water profiles obtained in section 4.4.4 where fracture closure is neglected (Figure 17b). If 

fracture closure is neglected, one would have expected that as Krw increases, less water would 

             (a)                                                                                (b) 

 (c) 
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remain in the secondary fractures and be recovered (Wang and Leung, 2015a, b); however, if 

secondary fracture closure is considered, the water that is residing in the closing secondary 

fractures would be displaced into the surrounding matrix during the later stage of production, 

irrespective to the Krw functions. This may explain why there are almost no observable differences 

in the water production profiles as Krw varies (Figure 28a). In Figure 28 (b), different water 

volumes in the near-well matrix are observed for the three cases during the soaking period; 

however, as soon as the production period commences and the secondary fractures start to close, 

the water volumes are the same among the three cases.  

Figure 28. (a) Cumulative water recovery and (b) water volume in the near-well matrix corresponding to various 

matrix water relative permeability functions. 

 

5.3.3 Effects of Matrix Gas Relative Permeability  

To examine the sensitivity of matrix gas relative permeability on recovery performance, Cases 14 

and 15 with the following gas relative permeability functions (the same as section 4.4.5) are 

examined: Krg  Case D > Krg Case 14 > Krg Case 15. Secondary fracture closure is considered in all three 

cases. The corresponding gas production profiles are compared with the Case D in Figure 29 (a). 

             (a)                                                                               (b) 
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As Krg increases, gas production would increase; and a further exaggerated increase in gas 

production for a higher Krg is observed, as compared to the gas production files in section 4.4.5 

where fracture closure is not considered (Figure 19a). This is because the benefit of a higher gas 

mobility is further emphasized when fracture closure is considered; as the near-well secondary 

fractures are closed, it becomes easier for the gas to be produced if Krg in the matrix is further 

increased. As shown in Figure 29 (b), less gas remains in the near-well matrix if Krg is increased.  

 
Figure 29. (a) Cumulative gas production and (b) gas volume in near-well matrix corresponding to different matrix 

gas relative permeability functions. 

 

5.3.4 Effects of Shut-in Duration  

Shut-in duration is often an important operating decision that is to be optimized. To examine the 

impacts of shorter shut-in durations on the recovery performance, two additional cases, Cases 16 

(with 8 weeks of shut-in) and Case 17 (with 2 weeks of shut-in), are studied. The corresponding 

gas productions profiles are compared with Case D (with 12 weeks of shut-in) in Figure 30 (a). A 

prolonged shut-in duration is likely to induce a similar impact on gas production as that of a higher 

matrix Pc, with both resulting in more gas being displaced to the secondary fractures and more 

water being imbibed into the matrix (less water recovery). Therefore, similar to the results 

            (a)                                                                                (b) 
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presented in Figure 27, Case D (with 12 weeks of shut-in) also yields the lowest gas production 

(particularly at the early times), with the highest gas volume residing in the secondary fractures 

and highest water volume in the near-well matrix, as shown in Figure 30 (a), (b) and (c). This 

observation would suggest that a shorter shut-in duration is preferred for shale gas reservoirs. This 

conclusion is contrary to several previous studies where secondary fracture closure was ignored 

(e.g., Wang and Leung, 2015a, b); it was reported in those studies that although shorter shut-in 

may be beneficial to water recovery, little to no improvement in long-term hydrocarbons 

production was observed. 

 
Figure 30. (a) Cumulative gas production; (b) gas volume in near-well secondary fractures; and (c) water volume in 

the near-well matrix corresponding to various shut-in durations (12, 8 and 2 weeks). 

              (a)                                                                               (b) 

(c) 
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Chapter 6: Conclusions and Future Work 

In this study, by incorporating the apparent permeability modeling, secondary fracture network 

modeling and secondary fracture closure modeling in the numerical simulation, several potential 

scenarios of water loss, along with the associated implications on fracturing design, optimal 

operational strategies and estimation of stimulated reservoir volume are investigated. Conclusions 

from this study and recommendations for future study are provided in this chapter. 

 

6.1 Conclusions 

1. This work presents a set of detailed simulation studies, where modeling of realistic 

configurations of stochastic 3D discrete fracture network, apparent permeability and fracture 

closure are coupled. A novel, yet practical, pressure-dependent matrix apparent permeability 

modeling scheme is implemented to incorporate the non-Darcy flow behavior due to the transport 

mechanisms taken place in the nanopores. A novel method involving rock-type indicators is 

introduced to represent the open and closed states of secondary fracture, facilitating the modeling 

of stress-dependent closure of the secondary fracture system. Most importantly, the entire coupling 

workflow can be readily implemented in most commercial reservoir simulation packages. 

 

2. The developed models are used to examine production behavior and fracturing fluid distribution 

during soaking and flow-back periods as well as the various scenarios that may be responsible for 

water blockage, particularly in the presence of disconnected secondary fractures. 
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3. For a certain observed gas production, neglecting the effects of secondary fractures and apparent 

permeability (Kapp) modeling would overestimate the contribution of hydraulic fracture on gas 

production. It is generally observed that improved overall conductivity due to the secondary 

fractures and enhanced matrix permeability would increase both gas production and water loss.  

 

4. Fluid distribution in the region near the hydraulic fracture is most sensitive to a number of 

factors including secondary fracture connectivity, Kapp modeling, as well as matrix multiphase 

flow functions; however, the extent to which the fracturing fluid could imbibe into the matrix is 

mainly affected by the secondary fracture connectivity. 

 

5. Sensitivity analysis of the matrix multiphase flow functions is performed. If the secondary 

fracture closure is neglected, it is concluded that, except for an increase in the matrix gas relative 

permeability, gas and water productions are typically inversely related to the amount of water in 

the near-well region; several different trends are observed in this study of shale gas production, in 

comparison to previous findings involving a water-oil system: an increase in compressibility for 

the gas-oil systems has rendered the gas flow from matrix due to countercurrent imbibition to be 

less prominent. 

 

6. Neglecting the effects of fracture closure and the resulting water blockage could potentially 

overestimate the contribution of secondary fracture network for a certain observed gas production. 

 

7. Secondary fractures may close during flowback and production; secondary fracture closure 
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would displace the fluids residing in the closing secondary fractures into the surrounding matrix 

as the production period continues. A larger volume of gas could be retained in the fractures, while 

a larger amount of water may accumulate in the near-well region – this may potentially contribute 

to some degree of water blockage in the near-well region, hindering the gas flow to the well; 

however, a reduction in water loss is also observed due to an increase in water saturation and 

pressure in the near-well matrix. 

 

8. If secondary fracture closure is considered, the sensitivity analysis would indicate that water 

recovery is less sensitive to variations in the relative mobility of the water phase, as water displaced 

from the closing secondary fractures would imbibe into the surrounding matrix eventually; gas and 

water production is enhanced whenever matrix imbibition is reduced; this is particularly important 

in the case of shut-in duration: shorter shut-in periods would be beneficial togas production and 

water recovery. This conclusion is contrary to several previous studies when secondary fracture 

closure was ignored; those studies reported little to no improvement in long-term production, 

despite a spike in initial production was observed. 

 

6.2 Future Work 

1. In our study, it is assumed that secondary fractures would close abruptly and also completely 

once the fracture pressure drops below the fracture closure stress. However, according to Wang 

and Sharma (2018), “fracture closure is a gradual process”; and Batzle et al. (1980) indicated that 

“Natural cracks have walls that are irregular, etched and pitted, and poorly matched. Closure is 

incomplete with many portions of the crack remaining open and interconnected”. Therefore, in the 
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future work, a progressive fracture closure model involving multiple stages of closure could be 

implemented; in addition, the behavior of incomplete fracture closure due to the presence of 

surface asperities or proppant distribution should be further investigated. 

 

2. Although our work primarily focuses on the water-gas system, the modeling could also be 

extended to water-oil system, such as simulating the tight oil reservoirs, to examine if the 

conclusions obtained from our study (e.g. shorter shut-in duration is beneficial for gas production) 

are still applicable for those oil reservoirs. 

 

3. In our study, it is assumed that the main hydraulic fracture is a regular cuboid, its two wings are 

symmetrical about the production well, and every cell of HF is assigned with identical properties 

(e.g., permeability, porosity and pressure). However, in reality, the hydraulic fracture size, 

permeability and other properties often vary along the fracture length, which could potentially 

influence the fluid distribution around the well. Therefore, in the future work, incorporating a more 

realistic main hydraulic fracture which could be generated by some reliable hydraulic-fracture-

propagation models in the reservoir simulation could be considered. 

 

4. Shale gas reservoirs often have thermodynamic properties that are different from the 

conventional reservoirs. Neglecting the effects of thermodynamic properties might result in 

inaccurate estimations for fracturing fluid loss or overall stimulated reservoir volume. Therefore, 

in the future work, incorporating the thermodynamic effect that is corresponding to a certain shale 

gas reservoir in the reservoir simulation could be considered for improving the estimation 
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accuracy.  
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