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Abstract

Unconventional hydrocarbon resources such as tight and shale reservoirs have become an
additional source of oil and gas. Recent developments in hydraulic fracturing and horizontal
drilling technologies have paved the way toward economic exploitation of these unconventional
resources. The induced fracture network by hydraulic fracturing operations facilitates hydrocarbon
flow to wellbore. Fracture network characterization is essential for evaluation of future
hydrocarbon production. There are several fracture characterization methods such as rate-
transient-analysis, pressure-transient-analysis, microseismic analysis, and tracer analysis. Each of
these methods have their own pros and cons. This study aims at interpretation of flowback
chemical data by conducting shale-water interaction experiments. The primary focus of this
research is to investigate the source of ions in the flowback water. This study also investigates the
possibility of fracture network characterization by interpretation of the laboratory and field data of

1on concentration.

Extensive imbibition experiments are performed to investigate shale-water interactions at
different conditions. Effects of rock-surface area, rock volume, temperature, and pressure are
investigated on the ion concentration during the imbibition experiments. The experimental results
of ion concentration are compared with the flowback chemical data to characterize the fracture

network complexity, fracture surface area (Ar), and invaded reservoir volume (IRV).

Experimental results indicate that the barium ions in the flowback water of wells drilled in
the Horn River Basin (HRB) are primarily originated from natural fractures. The results from this
study suggest that the barium ion concentration profile during the flowback process is a signature
of the connectivity between the natural fractures and the induced primary fractures. The well with
a steep increase in the barium concentration profile has a more complex fracture network compared
with the well with a slow increase in the barium concentration profile and a more simple fracture
network. Furthermore, a model is proposed to characterize the fracture network complexity using
flowback salt concentration transient. According to the model results and during the flowback
process, the wells with a continuous increase in their salinity profile have more complex fracture
network as opposed to the wells with a plateau in their salinity profile. Comparison between the

ion concentration data in the flowback water and in the seawater suggests that Na*, CI~, and Mg?*
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ions primary originate from formation water, while dissolution of rock constituents in the

fracturing fluid is potentially the major source of K* and Ca?* ions in the flowback water.

Experimental results indicate that the total ion produced (TIP) increases by increasing rock
surface area, rock volume, and temperature, while pressure has negligible impact on TIP. A scale-
up procedure is proposed to estimate Ay and IRV using the experimental results of ion
concentration during the imbibition experiments. The estimated Ay values for two wells completed
in the HRB are ~ 5 X 10°m? which have similar orders of magnitude to those calculated from
rate-transient analysis (= 10°m?2). The estimated IRV values for the target wells are about
5 X 10°m3. The well with higher estimated IRV value has lower water recovery in the field as

opposed to the well with lower estimated IRV value and higher water recovery in the field.

A modified water sorption isotherm is proposed (a) to investigate the role of clays on water
adsorption and desorption and (b) to characterize the organic and inorganic pore size distributions
(PSDs) of gas shales. Experimental results indicate that clays tend to adsorb and retain most of
the capacity for water at low relative humidity conditions. Moreover, hydrophilic pores have wider
PSDs compared with those of hydrophobic pores. Also, majority of the hydrophobic pores are
smaller than 5 nm, while majority of the large pores (>10 nm) belong to the hydrophilic pore

system.
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1.1. Overview

This part of the chapter briefly describes the key technologies and common field practices

mentioned in Chapters 2-7.

1.1.1. Unconventional Reservoirs

Unconventional reservoirs usually refer to gas and oil shales, tight oil and gas, coalbed
methane, oil sands, and gas-hydrate deposits. Figure 1-1 compares the conventional and

unconventional reservoir rocks based on the rock matrix permeability.

Unconventional Reservoirs | Conventional Reservoirs

< | ‘

Extremely Tight | Very Tight Tight Low ‘ Moderate High

0.0001 0.001 0.01 0.1 1 10 100

Permeability (mD)

Poor —f— Reservoir Quahty —p  Good

Figure 1-1. Categorization of conventional and unconventional reservoirs based on the rock

matrix permeability (Understanding Tight Oil, 2012).

The experiments and field results presented in this study belong to gas shale
samples/reservoirs. According to Figure 1-1, gas shales are categorized among very/extremely tigh

rocks with approximate matrix permeability of smaller than 0.005 mD.

Figure 1-2 shows the geographical distribution of major unconventional basins in North
America. Major basins are mainly concentrated in central and south part of the United States and

the Western Canadian Sedimentary Basin. The shale rock and water samples used in this study



Chapter 1- General Literature Ashkan Zolfaghari Sharak

belong to the Horn River Basin, which is located in the north eastern part of British Columbia,

Canada (shown in red circle on Figure 1-2).

g
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Western Canadian
Sedimentary Basin

-
L

Anticosti Basin

I
7~
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i Central Maritimes

- Bone-Springs """" besmy LY
Basin \) ¢ FtWorth Basin
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0 km 1000

Figure 1-2. Geographical distribution of major unconventional basins in North America
(Canadian Society for Unconventional Resources, 2011). The approximate location of the Horn

River Basing is shown by the red circle, and is added to the original map.
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1.1.2. Horizontal Drilling and Multi-Stage Hydraulic Fracturing

Hydrocarbon recovery from unconventional resources such as shale reservoirs is challenging
mainly because of their low permeability and porosity. Recent developments in horizontal drilling
and multi-stage hydraulic fracturing operations (Figure 1-3) have paved the way for economic

exploitation of these resources.

(a) Conventional (b) Horizontal (c) Multi-stage
Gas Well Gas Well hydraulic fractures

Figure 1-3. Schematic cross-sectional view of (a) a conventional vertical well and (b) a
horizontal well (Clover Global Solutions, 2012). The original image is modified to depict (c) the

top view of the multi-stage hydraulic fractures.

Horizontal drilling, and in general “directional drilling”, refers to practice of drilling non-
vertical wells. Horizontal drilling can be done in three general steps of (i) vertical drilling until the
wellbore reaches to a point above the target pay zone, (ii) kick off and start the directional drilling
until the wellbore runs into the pay zone horizontally, and (iii) drilling horizontally to the desired

target length.

Horizontal drilling is of great interest especially for thin pay zones as this technology

provides more contact area between the wellbore and the target reservoir (Ezulike, 2017).
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Additionally, horizontal drilling reduces the associated environmental footprints of the

hydrocarbon recovery (i.e., fewer wells and access roads and less surface disruption).

Multi-state hydraulic fracturing is a common practice to ensure economic exploitation of
unconventional gas/oil shale reservoirs. During hydraulic fracturing operations, high pressure
fracturing fluid (usually water) is injected into the reservoir to create fractures. The induced
fracture network acts as an artificial pipeline system facilitating hydrocarbon flow from low-
permeable matrix to the wellbore. During fracturing operations, in addition to induction of new
hydraulic fractures, pre-existing natural fractures (Gale, 2014) may also reactivated. In other
words, fracturing operations creates a complex network of primary (i.e., induced hydraulic)

fractures and secondary (i.e., natural) fractures.

Multi-stage fracturing is a wide spread completion practice to create a network of fractures
along the horizontal well. Fracturing usually starts from the toe of the horizontal section of the
well, and ends with the heel. Majority of the wells have minimum of 10 fracturing stages per well

(Figure 1-4a), and the number of fracturing stages per well is increasing over time (Figure 1-4b).

2250 20
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= g 13.1 =
® 1500 i :
g 50 >
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: .
g g
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E 750 =
z & 5
|
2
1 :
0 — 0
<10 10-20 20-30 30-40 40-50 50> 2011 2012 2013 2014
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Figure 1-4. (a) Number of wells versus hydraulic fracturing stages per well, and (b) average
number of fracturing stages per well by year (Alessi et al., 2017). The reported data in this figure
belong to wells completed in Alberta and British Columbia between November 2011 and March

2014.
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1.1.3. Fracturing Process

During fracturing operations, a relatively large amount of water, proppants, and chemical

additives are injected into the reservoir to create fractures. The total injected volume (TIV)

depends on the rock mineralogy, completion practice, and surface facilities. Figure 1-5 shows the

geographical distribution of TIV for wells drilled in in Alberta and British Columbia between

November 2011 and March 2014. The target wells in this study belong to the Horn River Basin,

where the TIV is generally greater than 10000 m?.
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Figure 1-5. Distribution of the TIV per well for wells completed in Alberta and British Columbia
between November 2011 and March 2014 (Alessi et al., 2017). (a) TIV = 1 — 2,000 m3, (b)
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TIV = 2001 — 10,000 m3, (c) TIV = 10,001 — 50,000 m3, and (d) TIV > 50,000 m3. The

original maps are modified to depict the approximate location of Horn River Basin.

Fracturing fluids contain proppants (usually silica sand or ceramics) to keep the fractures
open. More specifically, fracture pressure drops during the shut-in and production periods
(Ezulike, 2017), which can lead to fracture closure (Ezulike, 2017). In order to keep the fractures
open, proppants (Figure 1-6) are added to the fracturing fluid to wedge the fractures. One of the
main properties of the fracturing fluid is the ability to transport the proppants to fractures. As a
general rule of thumb, increasing the viscosity of fracturing fluid increases it ability to transport

the proppants (Ezulike, 2017).

Mesh: 16/30 Mesh: 16/30 | Mesh: 40/70 Mesh: 40/70

Figure 1-6. Proppants of different sizes used in hydraulic fracturing operations to keep the

fractures open.

Different additives are added to the fracturing fluid to optimize the fracturing operations
(Table 1-1). According to Council of Canadian Academies (CCA) (2014), there has been at least
750 chemicals that added to fracturing fluids of different wells. Depending on local regulations,
reservoir geology, and fracturing treatment a dozen of these chemicals might be added to the

fracturing fluid for the fracturing operations.
Fracturing fluid treatments are generally classified into three types (Goss et al., 2015) of

(1) Slickwater stimulation, which is mainly consist of fresh water and relatively large

amount of proppants. Slickwater stimulation is usually used for fracturing of
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(i)

(iii)

reservoirs with brittle rocks. A large number of wells in Barnette and Horn River

Basin are stimulated using slickwater (Alessi et al., 2017).

Energized stimulation, which uses relatively smaller amount of water compared with
the slickwater stimulation. In addition to water, the fracturing fluid also contains large
amount of proppants and compressed gas (such as CO> and N). Energized
stimulation is better suited for reservoirs with less brittle rocks, and is a common

practice in Haynesville (Alessi et al., 2017).

Energized-slickwater stimulation, which is a hybrid of the first two stimulation
processes. In other words, a large amount of water and compressed gas is injected
into the reservoir to create fractures. This treatment process is more suitable for

reservoirs with semi-brittle rocks, and is a common practice in Marcellus (Alessi et

al., 2017).

Table 1-1. Typical chemical additives used in the fracturing operations (Petrowiki, 2016)

Additive Function Typical product

Biocide Killing the bacteria Gluteraldehyde carbonate
Breaker Viscosity reduction Acid, oxidizer. enzyme breaker
Buffer Controlling the pH Sodium bicarbonate, fumaric acid
Clay stabilizer Clay swelling prevention KCI1, NHCI, KCI substitutes

Fluid loss additive
Friction reducer
Iron controller
Surfactant

QGel stabilizer

Scale Inhibitors

Improving fluid efficiency

Reducing friction

Prevent iron precipitation

Reducing surface tension

Controlling the thermal degradation
of gels

Reducing scale formation

Diesel, particulates, fine sand
Polyacrylamide derivatives
Acetic and citric acid
Fluorocarbon, Isopropanol

MEOH, sodium thiosulphate

Inorganic and organic phosphates
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1.1.4. Shut-in Process

After fracturing, the well is shut-in (or soak) for some time. The duration of the shut-in
process mainly depends on (i) the knowledge about leak-off of fracturing fluid into rock matrix
and (i1) the time required for arrange the surface facilities for production (Ezulike, 2017). During
shut-in period, the fracturing fluid (primarily water) can leak-off into the rock matrix (Figure 1-7)
mainly through imbibition (Makhanov et al., 2014; Ghanbari and Dehghanpour, 2016), clay
adsorption (Santos et al., 1996), and osmosis processes (Binazadeh et al., 2016; Wang et al., 2017).
There are disputes about the role of water leak-off on the hydrocarbon recovery. Some researchers
believe that leak-off can reduce hydrocarbon production by adversely affecting the effective
hydrocarbon permeability (Holditch, 1979; Bennion et al., 1999; Bertoncello et al., 2014; Shen et
al., 2017). Some other researchers on the other hand believe that osmotic forces (Fakcharoenphol
et al., 2013) and counter-current imbibition (Ghanbari et al., 2013) during shut-in period may help

hydrocarbon production.

j ——— Fracturing fluid leaks off into the matrix

Horizontal Well

Secondary Fracture ‘ | Primary Fracture

Figure 1-7. Fracturing fluid can leak-off into the rock matrix and potentially cause water

blockage.
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1.1.5. Flowback Process

After the shut-in period, the well is placed on production. The early stages of the production
process is usually referred to as flowback process. Flowback sometimes is referred to as cleanup
process, which cleans up the fractures and wellbore from the fracturing fluid. Generally, water rate

is relatively high at early flowback process and declines over time (Figure 1-8).
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Figure 1-8. Water rate during flowback process for a well completed in the Horn River Basin

(Ezulike, 2017).

1.1.6. Production Process

The fluid (oil/gas/water) recovery after flowback is usually referred to as the production
period which can last for years. Majority of hydrocarbon recovery occurs during the long-term
production period (Ezulike, 2017). Long-term production forecast has been the focus of many
studies. Production data (such as water flowrate, hydrocarbon flowrate, and pressure) analysis is a

common practice to predict the long-term hydrocarbon recovery (Makinde and Lee, 2017).

10
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1.1.7. Fracture Network Characterization

For the particular case of low-permeable shales and hydraulic fracturing, the created fracture
network greatly influences the long-term hydrocarbon recovery. The most common methods for
fracture characterization are pressure transient analysis (PTA), rate transient analysis (RTA), micro

seismic analysis, and tracer test.

1.1.7.1. R/PTA

Production data are usually available for all wells. Thus, many past studies applied
rate/pressure-transient-analysis (R/PTA) analysis to characterize the fracture network. Fisher et al.
(2005) characterized fracture parameters (such as fracture length) by analyzing the production
data. Ezulike (2017) presented a complementary workflow for analysis of the production data
(flowback and post-flowback) to characterize the fracture network parameters (such as fracture
half length). Although, RTA and PTA are widely used to characterize the fracture network, they
consider several simplifications that sometimes lead to unrealistic results. For instance, Hoffman
and Chang (2009) indicate that since RTA does not consider the fracturing fluid properties, the
estimated fracture length is too long and unrealistic. Furthermore, computational time in the
production analysis methods is sometimes very high. The reason is that the production data
analysis models are sometimes very finely gridded in an attempt to capture the dimension of the
fracture (Karimi-Fard et al., 2004). However, the fractures are usually less than an inch wide, and
the reservoir models require many grids to avoid the numerical convergence problems (Hoffman

and Chang, 2009) which increases the computational time.

1.1.7.2. Microseismic analysis

Microseismic monitoring is also broadly used in the field to characterize the fracture network

during hydraulic fracturing operations (Figure 1-9). Fracture characterization using microseismic

11
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analysis is mainly based on the determination of the source, location, and geometry of
microseismic events (Fan, 2014). Tafti et al. (2012) proposed a workflow to characterize the
fracture network using microseismic data. Aside from all the benefits of the microseismic
monitoring, active microseismic imaging is expensive (National Research Council, 2011). Also,
fluid-filled porosity and clay minerals in the alteration zone around the fractures could cause
anomalies in the microseismic data (National Research Council, 2011). Moreover, the stimulated
reservoir volume (SRV) obtained from the microseismic interpretation does not provide propped
fracture volume and its conductivity, and there is a difference between the SRV that is open for

the gas flow and SRV obtained from microseismic diagnosis (Ahn et al., 2014).

3200 - 3200
2400

Y-axis 2000 2000 Y-axis

L] 400 800 1200 1600 2000 2400 2800 3200 3800 4000
X-axis

Figure 1-9. Recorded microseismic events during stimulation of a well-pad in the Horn River

Basin (Xu et al., 2016).

1.1.7.3. Tracer test

Tracer test is commonly used to characterize the fracture network (Smith et al., 1987,
Ramirez et al. 1993; Ramirez et al., 1995; Lange et al., 2005; Mulkern et al., 2010; Poulsen et al.,

2012). For instance, Smith et al. (1987) estimated fracture aperture, distance between fracture

12
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walls, using hydraulic and tracer tests. Although it is desirable to determine the tracer distribution
in space and time, this goal is usually not achievable by tracer test. The reason is that the number
of sampling points in the field is limited and the tracer concentration versus time is only available
for the sampling points (National Research Council, 2011). Moreover, it is possible for the tracer
to bypass the sampling point if the fluid mainly transmits through pre-existing open fractures

around the sampling point.

1.1.7.4. Flowback chemical analysis

Flowback chemical analysis is an alternative approach which can extend/complement the
available methods. Recently, Ghanbari et al. (2013) analyzed flowback salt concentration data
from hydraulically fractured horizontal wells completed in the Horn River Basin. This comparative
field study infers that the complexity of the fracture network can affect the shape of the salt
concentration-load recovery profile. Bearinger (2013) qualitatively explained the relationship

between the salinity profile and the complexity of the fracture network.

1.2. Research Motivation and Hypothesis

The chemistry of flowback water is usually only reported to the government/environmental
agencies. However, flowback water chemistry provides an early data set from reservoir. The
interactions between fracturing fluid and reservoir rock may contain information about the host

fractures.

Although the flowback water is highly saline, the source of produced ions during flowback
process is poorly understood. An improved understanding of the source/s of ions in the flowback
water is essential for accurate interpretation of flowback chemical data. It is also hypothesised that
flowback chemical analysis can be used as an alternative approach to extend/complement other

available fracture characterization methods.

13
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1.3. Research Objectives

Primary objectives of this research are:

= Investigating the source/s of ions in the flowback water by comparative analysis of
laboratory and field data of ion concentration. This part of the study also investigates
the possibility of characterizing the fracture network complexity using the

concentration of individual ions in the flowback water.

= Characterizing the fracture network (fracture network complexity, fracture surface
area, and invaded reservoir volume) using the total salt concentration in the flowback
water. The model would account for the net ion transfer from rock matrix to water-
filled fractures in order to mathematically explain the variation of salt concentration

in the flowback water over time.

= Performing shale-water interaction (i.e., water imbibition) experiments and scaling-
up the laboratory results of ion concentration to estimate fracture network/reservoir

properties (i.e., fracture surface area and invaded reservoir volume).

= Performing shale-water interaction (i.e., water sorption) experiments to (i) investigate
the role of clay minerals in water uptake of gas shale samples and (ii) to characterize

the organic and inorganic pore size distributions of gas shale samples.

In this research, the “complexity” of fracture network is referred to the dendritic nature of
the fracture network. In other words, for the same fracture volume, the fracture network with higher
surface-to-volume ratio of the fractures is considered to be more complex than that with smaller

surface-to-volume ratio of the fractures.

1.4. Organization of Dissertation

This work is divided into eight chapters. Chapters 2, 4, 6, and 7 have been published as peer-
reviewed journal papers. Therefore, there might be some repetition of texts or figures in the

chapters. Chapter 3 is the extended version of an SPE conference paper, and is ready for

14
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submission to a peer-review journal. Chapter 5 is submitted for peer-review publication in March
2018, and it is currently under-review. Although each chapter forms a distinct unit of study with

its own nomenclature, the chapters can still be read sequentially without loss of coherence.

Chapter 1 describes a general introduction about the prospective of this study, and provides
the research motivation and objectives. Chapter 2 focuses on identifying the sources of ions in the
flowback water by analyzing the laboratory and field data of ion concentration. The individual ion
concentration data are also interpreted to qualitatively characterize the fracture network
complexity. Chapter 3 presents the experimental results of acid digestion and sequential-ion
extraction on both flowback water and downhole shale rock samples to investigate the source of
ions in the flowback water. Chapter 4 combines all ions in the flowback water to characterize the
fracture network complexity using salt concentration profile during flowback process. Chapter 5
investigates the effects of rock surface area, rock volume, temperature, and pressure on the total
ion produced during water imbibition experiments. This chapter also proposes a procedure to
scale-up the laboratory results of ion concentration in order to estimate fracture surface area and
invaded reservoir volume. Chapter 6 presents a modified water sorption technique to investigate
the role of clays on water uptake of gas shale samples. Chapter 7 provides a model to characterize
the inorganic and organic pore size distributions using the modified water sorption isotherms.
Chapter 8 lists the key conclusions of this work and presents recommendations for future studies.
The references for all chapters are combined together and presented after Chapter 8. Similarly, the

appendices from all chapters are combined and provided after the references section.
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2.1. Introduction

Low permeability shale gas reservoirs are rapidly emerging as a vital source of natural gas
(Frantz and Jochen, 2005). Multi-lateral horizontal drilling and multi-stage hydraulic fracturing
technologies have paved the way for economical exploitation of these shale resources. In hydraulic
fracturing, a large volume of fracturing fluid (mainly water) is injected into the reservoir to create
multiple fractures and increase reservoir contact per well (King, 2012). Then, the wells are
sometimes shut-in for a period of time (soaking period) (King, 2012; Lan et al., 2014a; Makhanov
et al., 2014). During the production phase, a portion of the injected fracturing fluid returns to the
surface, i.e. flowback water, alongside the produced hydrocarbons (Dehghanpour et al., 2012;

King, 2012; Dehghanpour et al., 2013; Abbasi et al., 2014; Bai et al., 2015).

The field data indicate that the chemistry of flowback water is substantially different than
that of the injected water (Rimassa et al., 2009; Haluszczaket al., 2012; Bearinger, 2013; Engle
and Rowan, 2014; Capo et al., 2014). For instance, in the Horn River Basin (HRB), slick water
(which has similar salinity levels as fresh water) is injected into the reservoir to create fractures
(Johnson and Jonson, 2012), while the recovered flowback water is highly saline (40,000-70,000
ppm) (Bearinger, 2013; Engle and Rowan, 2014; Capo et al., 2014).

Several past studies focused on the flowback chemical analysis to evaluate the hydraulic
fracturing operations and characterize the fractured reservoir. Chemical analysis models for
optimizing fracturing fluid cleanup have been developed by Woodroof et al. (2003), Sullivan et al.
(2004), and Asadi et al. (2006). Gdanski (2010) incorporated a chemistry layer to a 2-D numerical
simulator to history match the composition of the flowback fluid. Engle and Rowan (2014) applied
a multivariate data analysis approach to investigate the geochemical evolution of flowback water
(Engle and Rowan, 2014). Flowback salt concentration data from hydraulically fractured wells in
the HRB were analyzed by Ghanbari et al. (2013); and their results indicate that the architecture
of the induced fracture network affects the load recovery and the shape of the salt concentration
profiles. Bearinger (2013) developed a qualitative theory explaining the relationship between
shape of the salt concentration profile and the complexity of the fracture network. In Chapter 4 a

model is presented to mathematically describe the Bearinger’s qualitative theory. This model
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characterizes the complexity of the fracture network using the salinity profile measured during the

flowback process.

Despite the previous studies that analyze the chemistry of flowback water to assess the
hydraulic fracturing operations, the origin of flowback salts is still a matter of dispute. Blaunch et
al. (2009) reported that the production of salts during the flowback process is due to the dissolution
of shale constituents in injected water; while Haluszczak et al. (2013) claimed that the saline
flowback water is mainly caused by interaction of injected water with the in situ formation brine.
Furthermore, shales are composed of clay minerals (Carman and Lant, 2010) that can alter the
chemistry of the water through ion exchange reactions. Moreover, shales have mineral-filled
natural fractures (Gale et al., 2014). Reactivation of these mineral-filled natural fractures and
dissolution of minerals into the water during hydraulic fracturing operations is another possible

source for flowback salts.

This chapter presents a laboratory and field analysis to investigate the origin of salts in the
flowback water. The salinity and individual ion concentration are measured for three wells
completed in the HRB. X-ray diffraction (XRD) analysis is utilized to characterize the mineralogy
of the rock samples. Cation exchange capacity (CEC) of the shale samples are measured using the
ammonium acetate method. Oil and water imbibition experiments are performed on samples of
three different surface-to-volume ratios (i.e. specific area or “Ay,”) to investigate the effects of
fluid-rock interface on the liquid uptake and diffusion rate of individual ions. Electrical
conductivity (EC) and individual ion concentration are measured during the water imbibition
process. Furthermore, elemental maps from energy-dispersive X-ray spectroscopy (EDS) analysis
are used to visualize the distribution of individual ions on the fresh break and on the natural fracture

surfaces of the samples.

2.2. Methodology

Interactions of injected water with in situ formation brine and shale rock are the possible
sources of the flowback salts. Since the shale formations in the HRB are at sub-irreducible water

saturation state (Dehghanpour et al., 2013), there is a possibility for ions to precipitate in the form
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of salts in the pore structure or on the surface of natural fractures. To identify the origin of the
flowback water salts, we first analyze the field flowback data including salinity and individual ion
concentration. The elemental maps of the fresh break and natural fracture surfaces from EDS
analysis are compared to identify the nature of the locally occurring minerals. The EDS results are
further compared with the bulk-rock mineralogy, CEC, and the flowback water chemistry to

identify the source of the ions.

2.2.1. Horn River Basin

The flowback water and downhole shale samples are collected from three wells completed
in the Muskwa (Mu), Otter-Park (OP), and Evie (Ev) formations in the HRB. HRB is an
unconventional shale play and is located in the north eastern part of British Columbia, Canada.

Figure 2-1a shows the location of the HRB and the target wells investigated in this study.

HRB covers about 3 million acres (Reynolds and Munn, 2010) and is confined by Bovie
Lake Fault Zone and Devonian Carbonate Barrier Complex from west and south, respectively (BC
Oil and Gas Commission, 2014). HRB is an over-pressured dry gas play with an initial gas in place
of approximately 500 Tcf (Reynolds and Munn, 2010). Shale members of HRB (i.e., Mu, OP, and
Ev) are grey to plack organic rich (1-4%) pyritic, and variably calcareous and siliceous minerals

(BC Oil and Gas Commission, 2014).

Horizontal drilling and multi-stage hydraulic fracturing operations began in 2005 in the
HRB. By the end of 2013, there were more than 350 vertical and horizontal wells drilled in the
HRB, with the daily gas production of about 580 mmcf per day. In 2012, the gas production from
the Mu, OP, and Ev formations in the HRB accounted for nearly 10% of the total gas production
in British Columbia (BC Oil and Gas Commission, 2014).
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Figure 2-1. (a) Location of the target wells and (b) stratigraphic cross-section of shale members

in the Horn River Basin (BC Oil and Gas Commission, 2014)

2.2.2. Field Data

The salinity of the flowback water is frequently measured during the flowback process.
Figure 2-2 shows the field data of flowback water salinity versus time for three target wells. The
salinity profiles of Mu and OP initially show a gradual increase, and then reach to a plateau at

around 40000 ppm; the salinity profile of Ev continuously increases even after 70000 ppm.
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Figure 2-2. Field data of flowback water salinity versus time for three wells completed in the (a)

Mu, (b) OP, and (c) Ev formations in the HRB.

The individual ion concentrations are measured during the flowback process for the three

focus wells. Figure 2-3 shows the concentration trends for barium, iron, sulfate, and chloride ions

measured during the flowback process.

Concentration (ppm)

2500

[\
(=
(=]
(=]

1500

1000

500

4+ Mu-Barium

(2)

0 500

Time (hr)

2500
o
g 2000 +
g
& A
.S 1500 - N
i LA s
= 1000 - s A s
8 At
5 R
O 500 4 “faan N
R N asp
N .
0 = T T
0 500 1000
Time (hr)

21

2500

0
2 2000 +
3, “w 4o
2 RN
.5 1500 - K .A‘ .
e R
21000 1 4, et ot
8 A b ws .
g o
O 500 44" » Iy

0 T T
0 500 1000
Time (hr)




Chapter 2- Laboratory and Field Analysis of Flowback Water from Gas Shales Ashkan Zolfaghari Sharak

250 250 250
@ 0 0
B 200 E 200 1, g 200 -
o o ‘s o
& A \9) a 2aa &
5 150 1 ) g 150 _:‘;;“ . 5 150 A
s A ® ala o s .
i=} | AAA . . =) o 2 » VT b= i
£ 100 o, = e 4 g 100 A g 100 N
S 504+ ot S 50 - ‘a S 504 Siars A
ks s a X K é': RN
a h “a A
0 T T O T T O A| T
0 500 1000 0 500 1000 0 500 1000
Time (hr) Time (hr) Time (hr)
250 - 250 250
&+ 4 |« Mu-Sulphate + OP-Sulphate * |+ Ev-Sulphate
2004 ° = 200 * g 200
g, s s S, o ‘
S S S
5150- Cat '5 150 A U 5150- .
= 100 1 s 100 4 . ) = 100 A W
5 Y a g R 5 . .
£ faap g PACVSIIR 5 *
O 501 " O 501, .. O 509,
Yo (2 S (h) N )
0 = T T 0 T T 0 4 - f|‘ T
0 500 1000 0 500 1000 0 500 1000
Time (hr) Time (hr) Time (hr)
50000 50000
G ™ (k)
‘g 40000 + g 40000 - N N
=% I ot
N NS oo
.5 30000 - .g 30000 - ;‘
E . E :
S 20000 o, u S 20000
8 = 8
g g
O 10000 - O 10000 -
» Mu-Chloride s+ Ev-Chloride
0 T T 0 T T
0 500 1000 0 500 1000
Time (hr) Time (hr)

Figure 2-3. Field data of flowback water concentration versus time for barium, iron, sulfate, and
chloride ions for three wells completed in the (a, d, g, j) Mu, (b, e, h) OP, and (c, f, I, k) Ev

formations in the HRB. The accuracy of measured ion concentration is & 0.1 ppm.

Over the course of the flowback process, a general increase of the barium and sulfate

concentration is observed for all three wells. A similar increase in the concentration of chloride
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ion is also observed for the Mu and Ev wells (no data was available for the OP well). The iron and
sulfate concentration profiles are relatively scattered. The concentration of iron ions in OP shows
a gradual increase over the first 200 hours during the flowback process, after which the

concentration decreases with time.

During the hydraulic fracturing operations, the injected water interacts with the reservoir
rock. For instance, leaching of clay minerals and dissolution of rock constituents could impact the
water chemistry. Therefore, the primary steps in identifying the origin of the flowback salts are to
characterize the bulk-rock mineralogy. Liquid uptake and ion transfer into/out of the shale also
impact the chemistry of the flowback water. The injected water could also interact with in situ
formation brine and precipitated salt crystals in natural fractures or pore space. The shale
formations in the HRB are at sub-irreducible water saturation state (Dehghanpour et al., 2013).
Therefore, there is a possibility for ions to precipitate in the form of salts in the pore structure or
on the surface of natural fractures. Thus, a comparative analysis of elemental distribution in the
matrix and natural fractures will help to better understand the origin of the flowback salts. In
Section 2.1.3.5, the surfaces of fresh break and natural fractures are explored for local mineral-

concentrated areas using EDS.

2.2.3. Laboratory Analysis

2.2.2.1. Bulk-Rock Mineralogy

One of the current hypotheses about the origin of the flowback salts is that the salts in the
flowback water are the shale constituents that have been dissolved in the injected water (Blaunch

et al., 2009). XRD analysis is applied to characterize the rock mineralogy of the shale samples.

2.2.2.2. Contact Angle Measurement

During fracturing operation water imbibes into the rock matrix. The water present in the pore

network provides a medium for ion transfer into/out of the rock. Thus, the rock affinity for water
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uptake impacts the ion transfer between the rock and water. On the other hand, the wettability of
shale rock impacts the liquid uptake by shales (Xu and Dehghanpour, 2014; Lan et al., 2014b).
Fluid-rock contact angle is a simple way to characterize the wettability of the shales (Andrew et
al., 2014; Mirchi et al., 2015; Yarveicy and Javaheri, 2017; Yarveicy and Haghtalab, 2018;
Yarveicy et al., 2018). This chapter also presents the equilibrium water and oil contact angles for

both the Ev and OP samples to characterize their affinity for liquid uptake.

2.2.2.3. Imbibition Experiments

It has been previously shown that the fluid-rock interface impacts the flowback water
chemistry (Bearinger, 2013). Therefore, imbibition experiments are carried out for samples of
different specific surface area (4sy) values. 4, is defined as the surface-to-volume ratio of the
samples. The sample with high Ay, (4sp,nign) value is prepared by sifting the crushed rock with 2
mm mesh size sieve. The sample with medium A, (Asp,medium) value is prepared by dry cutting the
rock in smaller cubed-shape samples of approximately 1-2 cm in edge length. The samples with
low Asp (Asp,iow) value are a large cubed-shape sample with the side size of approximately 5-7 cm.
For all samples of different Ay, values, it is tried to keep the sample mass at around 380 g. Figure
2-4 demonstrates the pictures of the prepared OP samples of three A4y, values for the water

imbibition experiment.

(a) (b) (©)
Figure 2-4. Pictures of OP samples of three Asp values for the water imbibition experiments; (a)

OP-Asp,Low, (b) OP'Asp,Medium, (C) OP'Asp,High
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For the water/oil imbibition experiments, the samples are placed into 700 ml of DI-
water/kerosene. Since it was not possible to measure the weight change of the Ay nisn sample, water
and oil imbibition tests are only reported for Asp 10w and Asp medium samples. Physical specifications
of the prepared samples for the imbibition experiments are reported in Table 2-1. The measurement

accuracy for surface area and mass measurements are 0.25 cm? and 0.01 g, respectively.

Table 2-1. Physical specifications of the OP and Ev samples prepared for the water and oil

imbibition experiments

Sample Formation E:;?Cting Asp (Scl;ge;ce Area Mass (g)

| 0] DI Water  Low 57.2+0.25 383.20 £ 0.01
2 0] DI Water  Medium 108.1 £0.25  381.90 +0.01
3 OP DI Water  High o 380.20 = 0.01
4 Ev DI Water  Low 75.2+0.25 378.40 +0.01
5 Ev DI Water  Medium 109.9+0.25  382.40+0.01
6 Ev DI Water  High o 380.50 +0.01
7 OP Oil Low 64.8 £0.25 385.80 +£0.01
8 OP Oil Medium 101.2+0.25 380.10 +0.01
9 Ev Oil Low 59.4+£0.25 377.60 £ 0.01
10 Ev Oil Medium 107.7+0.25  384.60 +0.01

2.2.2.4. Ion Diffusion Analysis

The electrical conductivity (EC) and individual ion concentration are measured during the
water imbibition experiments. The experimental set-up is schematically illustrated in Figure 2-5.
Since DI water is used in these experiments, EC of the solution is considered as a proxy for the net
ion transfer from the shale sample to water. ICP-OES and IC are used to determine the

concentration of cations and anions in water, respectively.
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Figure 2-5. A schematic representation of the experimental set-up for the imbibition/diffusion
experiments. EC and individual ion concentration are measured over time for the water

imbibition experiments.

2.2.2.5. Surface Element Analysis

XRD uses a very small volume of rock, so it is possible to miss minerals that occur in local
areas such as in natural fractures. Natural fractures are very common in the HRB and they are
mostly sealed (Gale et al., 2014). EDS analysis is conducted as a complementary test for XRD
analysis to explore the surfaces of the natural fractures for the possible mineral-concentrated areas.
Furthermore, the fresh break surfaces of the samples are also analyzed using EDS to compare the
elemental distribution in the rock matrix and on the natural fracture surfaces. The selected natural
fractures are identified by their visually distinct coloration caused by mineral fill. Figure 2-6 shows

natural fractures in an OP shale sample.
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_ Mineral Fill &
Natural Fracture | '

Figure 2-6. Natural fractures in the OP sample. The natural fractures in the samples were almost
horizontal (perpendicular to the blue scratch test mark) and they have a visually distinct

coloration (whiter area) caused by mineral fill.

2.2.2.6. CEC

CEC is the capacity of a rock to hold exchangeable cations (Essington, 2005). The
exchangeable cations in the clay fraction of the shales can take part in the ion exchange reactions
and alter the chemistry of the flowback water. More specifically, the surface of clay minerals is
negatively charged. These negative charges are balanced by exchangeable cations (such as Na™,
K", Ca®*, Mg®") residing in the interlayer space of the clay minerals (Hensen and Smit, 2002). The
exchangeable cations in the interlayer space of the clay minerals are schematically illustrated in

Figure 2-7.
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Figure 2-7. Schematic of clay (2:1 type) structure and the common exchangeable cations in the

interlayer of the clay minerals

The exchangeable cations can take part in the ion exchange reactions during hydraulic
fracturing operations (including the soaking period)/imbibition experiment. The CEC of our shale
samples are measured using the ammonium acetate method to characterize their capacity for ion
exchange reactions (Sumner and Miller, 1996). To do so, 1 molar ammonium acetate is added to
the crushed samples (sifted with 2 mm mesh size sieve). After 24 hours, the solution is filtered in
a Buchner vacuum. Then, the rock samples were rinsed with 1 M KCI solution in a Buchner

vacuum. The final solution is analyzed for ammonium concentration to obtain the CEC.

2.3. Results and Discussion

2.3.1. Bulk-Rock Mineralogy Results

Table 2-2 shows the bulk-rock mineralogy of the OP and Ev samples from XRD analysis. It
must be noted the shales are heterogeneous and their mineralogy can significantly vary even in
small scales (Diaz et al., 2010). Furthermore, XRD uses small amount of rock samples for its
analysis. Therefore, the results presented in Table 2-2 might not be an accurate representation of

all samples from the OP and Ev formations.
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Table 2-2. The bulk-rock mineralogy of the OP and Ev samples from XRD analysis. The XRD

used for characterization of rock mineralogy has a signal-to-noise ratio of 400.

Sample 0] Ev
Depth (m) 2608.75 2682.48
Non-Clay Content (wt.%)
Quartz 77 32
K-Feldspar 2 6
Plagioclase 2 6
Calcite 0 10
Siderite 0 0
Ankerite/Fe-Dolomite 1 5
Dolomite 0 4
Pyrite 1 5
Fluorapatite 0 0
Barite 0 0
Magnetite 0 0
Total Non-Clay 84 67
Clay Content (wt.%)

Smectite 0 0
[lite/Smectite (I/S) 5 14
Illite+Mica 11 19
Kaolinite 0 0
Chlorite 0 0
Total Clay 16 33

According to the XRD results, the OP samples are composed of 77 wt.% quartz and 16 wt.%
clay while the Ev samples have 32 wt.% quartz and 33 wt.% clay minerals. The quartz content in
the OP samples is more than twice that of the Ev samples, and the clay content of the Ev samples
is almost twice that of the OP samples. Furthermore, Ev samples contain 10 wt.% calcite and 5
wt.% pyrite while the concentration of these components is negligible in the OP samples.
According to the XRD analysis pyrite and ankerite/Fe-dolomite are the iron-bearing components.
Furthermore, although there is a significant amount of barium in the flowback water (Figure 2-3a-
¢), XRD analysis does not detect any barium-bearing component in the bulk-rock. It must be noted
that the shales are heterogeneous and their properties can significantly vary even in small scales

(Diaz et al., 2010). On the other hand, XRD uses a very small volume of rock for its analysis.
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Therefore, the rock mineralogy presented in Table 2-2 might not be an accurate representation of

the formation mineralogy.

The clay fraction in the rock samples could take part in the ion exchange reactions during
and after hydraulic fracturing operations. According to the XRD results, the clay fraction of our
shale samples is mainly composed of illite, mica, and mixed-layer illite/smectite (I/S) minerals.
The CEC ranges between 10-40 cmolckg™! for illite and mica, and 60-150 cmolckg! for smectite
(Essington, 2005). Therefore, during and after the hydraulic fracturing operations, the smectite in
the mixed I/S layers has higher tendency to take part in the cation exchange reactions and affect

the flowback water chemistry than illite and mica.

2.3.2. Contact Angle Measurement Results

Figure 2-8 compares the water and oil droplets equilibrated on the fresh break surfaces of
the Ev and OP samples. The water contact angle on the fresh break surface is smaller for the Ev
sample as compared with the OP sample, suggesting that the surface of the Ev sample has a greater
affinity to adsorb water compared with that of the OP sample. This result is in agreement with the
previous contact angle measurements conducted on the HRB’s shale samples (Dehghanpour et al.,
2012; Lan et al., 2014b; Ghanbari et al., 2015). For both samples, the oil droplet spreads out over
the surface (approximately zero contact angle) which indicates that the clean surface of both
formations is oil-wet. Similar observations are also reported for the HRB’s shale samples

(Ghanbari and Dehghanpour, 2015; Dehghanpour et al., 2013; Dehghanpour et al., 2012).

It must be noted that the reported contact angle values for both OP and Ev samples (Figure
2-8) are the average value of three contact angle values with the standard deviation (o) of 4.1°

and 2.2°, respectively. The standard deviation is calculated by

g )2
JZ? 07 - —(Z‘n X 2-1)
Ost =

n—1

Where 6 is contact angle and n is the number of measurements.
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(a) (b)
Figure 2-8. Pictures of water droplets equilibrated on the fresh break surface of the (a) OP and

(b) Ev samples.

2.3.3. Imbibition Experiment Results

Figure 2-9 shows the water and oil imbibition versus time for the OP and Ev samples of low
specific surface value. Despite the lower contact angle of oil compared with that of water
(favourable wettability conditions for oil), both Ev and OP samples show lower oil uptake
compared to water. Similar observations were also reported for high water uptake in the HRB
shales by other researchers (Dehghanpour et al., 2012; Dehghanpour et al., 2013; Makhanov et al.,
2014; Ghanbari and Dehghanpour, 2015). These results suggest that capillarity force is not the sole
mechanism that controls the imbibition process. Other parameters such as rock mineralogy,
osmotic effect, natural fractures, induced fractures during the water imbibition, and adsorption of

water molecules by clays could also impact the total liquid uptake (Xu and Dehghanpour, 2014).

The difference between water and oil imbibition is higher for the Ev sample compared with
that for the OP sample. This difference, along with the high water imbibition of Ev, is in agreement
with its mineralogy (higher clay content compared with OP). Furthermore, these results complies
with field observations of higher leak-off rate and lower water recovery from Ev (compared to the

higher water recovery from OP) (Figure 4-10).
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Figure 2-9. Water and oil imbibition versus time for the OP and Ev samples of low specific
surface value (A4, ow). The scale used for measuring the mass of the rock samples during the

imbibition experiments has an accuracy of = 0.01 g.

Figure 2-10 represents the oil and water imbibition versus time for the OP and Ev samples
of different specific surface values. The experimental results indicate that 4, has significant
impact on water imbibition (Figure 2-10a) while its impact on oil imbibition is negligible (Figure
2-10b). Higher Ay, values increases both the rate and the amount of the imbibed water which shows
that water imbibition strongly depends on the water-rock interface. Higher interface area also

improves accessibility to the clay-rich zones, which further promotes the water uptake.

The difference between the water uptakes of the samples with different A, values is more
prominent in the Ev samples. Since, the Ev sample has more clay content compared with the OP
sample, probably higher interface area enhanced accessibility to the clay rich zones. The water
molecules could adsorb in interlayer space of the clay minerals (Figure 2-7). Also, clay expansion
could induce micro-fractures (Dehghanpour et al., 2013; Ghanbari and Dehghanpour, 2015) that

can further increase the water uptake.
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Figure 2-10. (a) Water and (b) oil imbibition versus time for the OP and Ev samples of low and
medium specific surface area (4s,). The scale used for measuring the mass of the rock samples

during the imbibition experiments has an accuracy of = 0.01 g.

2.3.4. Ion Diffusion and CEC Results

Figure 2-11 shows the increase in the EC of the solution for the OP and Ev samples of three

Asp values during the water imbibition experiments.
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Figure 2-11. The EC of water versus time during the water imbibition experiment for the (a) OP

and (b) Ev samples of three Ay, values. The accuracy of measured EC is + 0.1 uS/cm.

The EC of the solution increases during the water imbibition experiments for all samples.
During the water imbibition process, as the water imbibes into the rock, the ions diffuse into the
water. As the ion concentration increases over time, the EC of the solution increases accordingly.
Furthermore, for both of the OP and Ev samples, the EC is higher for the samples with higher A4,
values. Moreover, the difference between the EC of samples of different Ay, values is more
prominent for the Ev sample. In addition, the absolute values of EC are higher for the Ev ample

compared with that for the OP sample.

During the water imbibition process, the ions can be sourced from either of the dissolution
of precipitated salts (remaining from the formation water), leaching of clay minerals, and reactions
between water and rock. The greater EC values of the samples with higher 4,, values can be
explained by the higher water-rock interface. More water-rock interface promotes the water-rock
reactions. Also, it can improve the accessibility to the clay-rich zones which facilitates the ion
exchange reactions. More specifically, the exchangeable cations can leach out from the clays
during the water imbibition experiment. The tendency of the shale samples for CEC is measured

experimentally and the results are presented in Figure 2-12.
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Figure 2-12. CEC of the OP and Ev samples measured using the ammonium acetate method.

The CEC of the Ev sample is higher than that of the OP sample, suggesting that the Ev
sample has more exchangeable cations than the OP sample. According to Table 2-2, the clay
content of the Ev sample is almost double that of the OP sample. There are exchangeable cations
in the interlayer space of the clay minerals (Figure 2-7). Therefore, the higher clay content of Ev
could be one of the reasons for its higher CEC compared with that of OP. The higher CEC of the
Ev samples promotes the ion exchange reactions, which causes the higher and faster ion transfer

(Figure 2-11b) compared with that of OP samples (Figure 2-11a).

The concentrations of individual ions versus time during the water imbibition experiments
are measured for Ev and OP samples of three 45, values using ICP-MS and IC, and are illustrated
in Figures 2-13 and 2-14, respectively. In general ion concentration increases over time, which is
in agreement with the field observations presented in Section 2.1.2.1. It is worth mentioning that
the ion concentration obtained in the laboratory (Figure 2-13) is very smaller than that obtained in
the field (Figure 2-3); which can be due to the difference between the experimental and reservoir
conditions (such as temperature, pressure, redox state). The effects of temperature, pressure, rock
volume, and rock surface area on the total ion produced is investigated in chapter 5. The effect of

redox state on water imbibition and ion concentration can be found elsewhere (Xu et al., 2018).
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Figure 2-13. Individual ion concentrations versus time during the water imbibition experiments

for the OP samples of three 45, values, (a) sodium, (b) potassium, (c) chloride, (d) sulfate, (e)

barium, and (f) iron. The accuracy of measured ion concentration is + 0.1 mg/L.
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Figure 2-14. Individual ion concentrations versus time during the water imbibition experiments
for the Ev samples of three 4, values, (a) sodium, (b) potassium, (c) chloride, (d) sulfate, (e)

barium, and (f) iron. The accuracy of measured ion concentration is + 0.1 mg/L.
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Sodium and chloride: The concentration of sodium and chloride ions increase during the
water imbibition experiments. Sodium is the dominant cation in the solution, and its concentration
is higher than the concentration of chloride. The average Na/Cl molar ratio for the OP and Ev
samples is 10.9 and 11.0, respectively. Similar observations were also reported by Ghanbari et al.

(2013). Figure 2-15 shows the Na/CI molar ratio during the water imbibition experiments.
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Figure 2-15. The Na/Cl molar ratio measured during the water imbibition experiments for (a) OP
and (b) Ev samples of three A4, values. The accuracy of measured ion concentration is + 0.1

mg/L.

Dissolution of sodium-bearing rock minerals is a possible source for sodium. According to
the XRD results (Table 2-2), plagioclase is the only non-clay sodium-bearing mineral in our rock
samples. However, dissolution of plagioclase in water and at room temperature is very slow
(Huang and Kiang, 1972). A possible source for high Na/Cl is the sodium mobilized from the
exchangeable sites caused by leaching of clay minerals in the shales (Keller and Da-Costa, 1989).
According to Table 2-2, the clay fraction of our shale samples is composed of mica, illite and
mixed I/S layer. Sodium is not the major cation in the interlayer of mica and illite (Figure 2-7)
(Essington, 2005). Therefore, leaching of the exchangeable sodium in the interlayer of smectite

(in the mixed I/S layer) is a possible source for high Na/Cl molar ratio.

For Asp 10w samples, the Na/Cl molar ratio shows an initial increase and it declines at later
time. For Asp,medium and Agp nigh samples, the Na/Cl molar ratio decreases by time. This could be due
to the net effect between leaching of exchangeable sodium from the clay minerals and dissolution-

diffusion of chloride-bearing components (such as halite and potassium chloride). The initial high
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Na/Cl molar ratio might be resulted from fast leaching of exchangeable sodium from the clay
minerals. According to the imbibition results (Figure 2-10a), the sample with the higher clay
content (Ev) has faster and higher water intake compared to the sample with lower clay content
(OP). Fast water adsorption by clays facilitates leaching of interlayer cations into the solution. The
later-time decrease in the Na/Cl profile could be the result of the dissolution of chloride-bearing
components. Furthermore, over the course of the imbibition process, the water imbibes into the
pore structure. The possible precipitated chloride-bearing salts (such as halite and potassium
chloride) in the pore space could dissolve in water and diffuse back into the solution. The diffused

chloride ions decrease the Na/Cl molar ratio of the solution at later times.

Potassium and chloride: The concentration of potassium increases during the water
imbibition experiments, and its concentration is higher than the chloride concentration. The
average K/Cl molar ratio for the OP and Ev samples is 5.9 and 3.9 respectively. The K/Cl profile
during the water imbibition experiment is illustrated in Figure 2-16. The high K/Cl molar ratio
could also be described in the similar way that Na/Cl profiles were described. The initial high K/Cl
molar ratio might be resulted from fast leaching of exchangeable potassium from interlayer of illite
and mica (Figure 2-7); and the later-time decrease in the K/Cl profile could be the result of the

dissolution of chloride-bearing components.
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Figure 2-16. The K/CI molar ratio during the water imbibition experiment for (a) OP and (b) Ev

samples of three 4, values. The accuracy of measured ion concentration is + 0.1 mg/L.

Iron and sulfate: Both the imbibition experiments and field observations show a general

increasing trend in the sulfate concentration profile (Figures 2-3g-1, 2-13d, and 2-14d); while the
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iron concentration profile shows an initial increase followed by a gradual decrease over time
(Figures 2-3d-f, 2-13f, and 2-14f). The laboratory sulfate concentration profile shows two distinct
rate of increase (Figures 2-13d and 2-14d). During the imbibition experiments, the sulfate
concentration experiences a sharp increase initially. The concentration increases slowly at later
times as the imbibition progresses. A possible explanation describing both the sulfate and iron
concentration profiles is the formation of iron and sulfur-bearing complexes such as iron sulfate

(Reaction 2-2):

Fe?* + S0Z™ - FeS0, (2-2)

It must be noted that the field data of sulfate concentration is scattered and it is difficult to
make judgment about the change in the slope of the concentration profile (Figures 2-3g-i). Iron is
very reactive (Essington, 2005) and its reaction with sulfate could decrease the sulfate
concentration in the solution. High reactivity of iron promotes complexation (and precipitation) of
iron ions. For instance, depending on the oxidation state of the elements, it is possible for iron to
precipitate in the form of iron (II) oxide (Reactions 2-3, 2-4), iron (III) oxide (Reaction 2-5),
goethite (Reaction 2-6), hematite (Reaction 2-7), and magnetite (Reaction 2-8):

FeSO, + 20H™ — Fe(OH), + S0Z~ (2-3)
Fe?* + 20H~ - Fe(OH), (2-4)
Fe3* + 30H™ - Fe(OH), (2-5)
Fe3* +30H™ - FeOOH + H,0 (2-6)
2Fe00H - Fe,0; + H,0 (2-7)

(2-8)

Fe(OH), + 2FeO0OH — Fe3;0, + 2H,0
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Precipitation of iron-bearing components could be the reason for decrease in the iron
concentration at later times during the flowback/imbibition processes. Further investigation of
redox potential of the solution will provide supplementary information to address the aqueous

complexations during the water imbibition and flowback processes.

Barium: The barium concentration increases during the water imbibition experiments
(Figures 2-13e and 2-14e¢). Similarly, the barium concentration increases over the course of the
flowback process (Figures 2-3a-c). However, the XRD analysis (Table 2-2) does not detect any
barium-bearing component in the bulk-rock. One of the limitations of XRD is that it uses small
volume of rock sample for its analysis. Therefore, it is very possible to miss local mineral-
concentrated areas such as the precipitated salt crystals. Section 2.1.3.5 presents the results of EDS
analysis as a complementary test for XRD analysis to explore the surfaces of the natural fractures

for the possible mineral-concentrated areas.

2.3.5. Surface Element Analysis Results

Although both the field and laboratory data indicate the presence of barium in the
flowback/imbibition water, XRD does not detect any barium-bearing component in the bulk-rock
mineralogy. The negligible barium in the bulk rock mineralogy of the OP and Ev samples are also
in agreement with the acid digestion experimental results presented in Chapter 3. In order to
investigate the possible mineral-concentrated spots in local areas, EDS analysis is performed on
the surface of natural fractures. Moreover, to compare the elemental distribution in the rock matrix
and natural fracture surfaces, the fresh break surfaces of the samples are also analyzed by EDS.
The EDS analysis of the fresh break surface of the rock samples can also be a qualitative
representative of the bulk rock mineralogy. Figures 2-17 and 2-18 show the EDS results for both

the fresh break and the natural fracture surfaces of the OP and Ev samples, respectively.
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Figure 2-17. Elemental maps from EDS analysis of the fresh break and natural fracture surfaces

of a sample from the OP formation.
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Figure 2-18. Elemental maps from EDS analysis of the fresh break and natural fracture surfaces

of a sample from the Ev formation.

The elemental maps for both iron and sulfur (Figures 2-17i-1 and 2-18i-1) indicate that the

iron and sulphur elements occur in the similar areas. The barium map for the OP sample (Figure
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2-17n) shows barium-concentrated areas on the surface of natural fractures. The other ions are

almost uniformly distributed on both the fresh break and natural fracture surfaces.

Figure 2-17n shows a noticeable barium-concentrated area on the surface of a natural fracture
in the OP sample. A visually notable barium vein was also found on the surface of a natural fracture
in one of the samples of the Lower Evie (LEv) formation (located below the Ev formation). Figure
2-19 shows this barium vein and the EDS results of the barium distribution for this zone. It is worth
mentioning that the results of SIMS (secondary ion mass spectrometry) analysis suggest that the
precipitated barium-bearing minerals on the surface of natural fractures are likely mainly consist

of witherite (BaCO3) (Section 3.3.3).

Barium Vein

5mm

(a) (b)

Figure 2-19. (a) Picture of a barium vein found on the surface of a natural fracture in a sample
from the LEv Formation and (b) the corresponding barium map from EDS analysis of the barium

vein zone.

Since the barium concentration is high in the natural fractures and negligibly low in the bulk-
rock mineralogy, the barium ions in the flowback water might have been originated from the
natural fractures (formation water or precipitated salt crystals in the natural fractures). It is worth
mentioning that barite is also a common additive to the drilling fluid to increase its density (Tehrani
etal., 2009; Nguyen et al., 2011). The target wells in this research are drilled with oil-based drilling
fluids, and among them, there are some wells that are drilled with no barium-bearing additives.

However, the produced flowback water from almost all wells are relatively high.
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Co-presence of Fe and S might be an indication of iron-sulfur-bearing components.
Considering the XRD results (Table 2-2), ankerite/Fe-dolomite and pyrite are the possible sources
of iron in the bulk-rock, and the only source of sulfur is pyrite. Since ankerite/Fe-dolomite does

not have sulfur, pyrite is likely located in the white areas of Figures 2-17i-1 and 2-18i-1.

According to Table 2-2, the concentration of pyrite in the Ev formation is five times higher
than that in the OP formation. Pyrite oxidation could increase mineral dissolution through an acid
generation-neutralization process (Chermak and Schreiber, 2014; Descourvieres, 2010; Schieber,

2007; Shaver et al., 2006).

In Figure 2-20, we plot the pH and dissolved oxygen (DO) of the flowback water samples
collected at different times during the flowback of the Mu, OP, and Ev wells. The measured pH
values are slightly above 8 (pH = 8 — 8.5). It must be noted that the pH values plotted in Figure
2-20 are measured in the laboratory, where the samples were in contact with air. The measured
DO in the flowback water samples (DO ~ 8 — 8.5 mg/]) is slightly smaller than the measured
DO for the DI water (DO = 8.58 mg/1), which can be due to the ions present in the flowback
water samples. Presence of oxygen promotes oxidation reactions which could impact the

dissolution/precipitation of salts in the water samples, and ultimately the pH values.
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Figure 2-20. The pH and DO of the flowback water samples collected at different times during
the flowback of the Mu, OP, and Ev wells. g,; for pH and DO measurements are 0.16 and 0.35

mg/l respectively.
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Some researchers have crossed out the possibility of mineral dissolution as a source for
highly saline flowback water because the pH of the flowback water remains around neutrality
range (Haluszczak et al., 2013). However, being near neutral range of pH does not necessarily
guaranty that the mineral dissolution is negligible. For instance, simultaneous pyrite oxidation and
calcite dissolution processes increase mineral dissolution while keep the pH around the neutral
range. In this particular case, pyrite may undergo oxidation and produce acids which can dissolve
rock constituents (Chermak and Schreiber, 2014; Chou, 2012; Descourvieres, 2010; Schieber,
2007). One of the possible sources for the oxygen required for pyrite oxidation is the air carried
alongside the injected fracturing water and proppant into the reservoir. The oxygen reacts with

pyrite in presence of water and generates sulfate and acid:

7 2-9
FeS; +0; + Hy0 = Fe?* + 2507 + 2H* 29

1 5 2-10
F62++ZOZ+5H20—>F6(0H)3+2H+ ( )
Calcite has the potential to neutralize the acidity generated by pyrite oxidation (Chermak and

Schreiber, 2014; Descourvieres, 2010; Schieber, 2007):

CaCO; + HY - Ca®* + HCO3 (2-11)
Both reactions 2-9 and 2-11 increase the mineral dissolution. The acid generated by reaction
2-9 is consumed by reaction 2-11 to dissolve calcite. In the other words, the presence of calcite

acts as a buffer system (Descourvieres, 2010; Schieber, 2007).

In addition to calcite, dolomite could also play as a buffer helping the system to neutralize
the acid produced by the pyrite oxidation (Descourvieres, 2010). The dolomite dissolution reaction

is (Lund et al., 1973):
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CaMg(C0O3), + 4H' - Ca?*t + Mg?* + 2C0, + 2H,0 (2-12)
The acid produced by the pyrite helps the dissolution of calcite (Reaction 2-11) and dolomite
(Reaction 2-12) and increases the ion content in the water. Presence of natural buffer systems such
as calcite and dolomite can potentially neutralize the produced acid by the acidic reactions (such
as reactions 2-9 and 2-10). Therefore, neutrality of the flowback water does not necessarily
guaranty that the mineral dissolution has minor effect on the chemistry of the flowback water.
More investigations are required to investigate the role of natural buffer systems on the mineral
dissolution and the solution pH. Also, thermodynamic simulation of water-rock interactions can
provide detailed analysis about the effect of reservoir/experimental conditions on elemental

speciation and solution pH.

Since the concentrations of pyrite, calcite and dolomite are higher in Ev compared with that
in OP (Table 2-2), the acid generation-neutralization process could possibly contribute to the

higher salinity of the flowback water in Ev as compared to that in OP.

Reactions of pyrite with calcite and dolomite in the presence of oxygen and water could be
a possible source of the sulfate ions production. The general buffering reactions of calcite and

dolomite for pyrite oxidation are:

15 7 _ - _ (2-13)
FeS; +4CaC0; + =0, + 5 H,0 - Fe(OH); + 2502~ + 4Ca®* + 4HCO;
15 3
FeS, + TOZ + EHZO + CaMg(C03), » Fe(OH)5 + Ca?* + Mg?t + 2503
(2-14)

+2C0,

Sulfate reduction at later stages of the flowback process could be one of the possible reasons
for high barium concentration in later flowback water (Engle and Rowan, 2014). During the

flowback process, the produced methane may react with sulfate and increase alkalinity, which
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further enhances the barium solubility. Reaction 2-15 shows the sulfate reduction reaction in the

presence of methane that could occur during the flowback process:

CH, + SO2™ — HyO + HS™ + HCO; 2-15)

Since barium primarily originates from natural fractures, the barium concentration profile
during the flowback process can be a signature of the connectivity between natural and induced
fractures. In this context, a steep slope in the barium concentration profile for the Ev well (Figure
2-3c) could be an indication of more complex fracture network. Conversely, the barium
concentration profiles for Mu and OP exhibit smaller slopes compared to that of Ev (Figures 2-
3a,b), and their fracture networks are likely simpler and less dendritic. Moreover, the initial barium
concentration in the flowback water for Mu and OP is almost zero (Figures 2-3a,b) while the initial
barium concentration is about 300 ppm in the flowback water from Ev (Figure 2-3c). Higher initial
concentration of barium ions in the flowback water from the Ev well compared to that from the
Mu and OP wells also complies with the statement that the fracture network is more complex in
Ev compared with that in Mu and OP. These findings are also in agreement with the model results
presented in Chapter 4. In Chapter 4 the salinity profile is used to characterize the fracture network
complexity, and it was also shown that the fracture network is more complex in Ev as compared

to that in Mu and OP.

2.4. Summary

This chapter presents laboratory and field analyses to investigate the origin of flowback salts.
Field flowback water samples are collected at different flowback times from three different wells
completed in the Horn River Basin. Flowback water samples are analyzed for pH, dissolved
oxygen, and individual ion concentrations. The ion concentration measurements are conducted by
inductively coupled plasma mass spectrometry (ICP-MS) and ion chromatography (IC).
Laboratory experiments include (i) rock mineralogy characterization using X-ray diffraction
(XRD), (i1) water and oil contact angle measurements, (iii) water and oil imbibition tests, (iv) ion

diffusion analysis during water imbibition by ICP-MS and IC, (v) electrical conductivity (EC)
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measurements during water imbibition tests, (vi) cation exchange capacity (CEC) analysis of the
shale rock samples, (vii) energy-dispersive X-ray spectroscopy (EDS) analysis of the surface of

natural fractures and the fresh-break surface of the rock matrix.

According to the ICP-MS and IC results, there are significant amount of barium ion in the
field flowback water samples. However, according to the XRD results, there is no barium-bearing
component in the shale rock samples. The results from EDS analysis of surface of natural fractures
indicate that barium ions in the flowback water are primarily originated from mineral-filled natural
fractures. Thus, the barium concentration profile during flowback process can be an indication of
the connectivity between the induced and the pre-existing natural fractures. In other words, the
shape of the barium concentration profile during flowback can be a signature of the complexity of

fracture network.

During water imbibition experiments, EC and individual ion concentrations increase over
time. The increasing EC trend is higher and faster for samples with higher clay content, which
corresponds to their higher CEC values. Additionally, the average Na/Cl and K/Cl molar ratios are
about 11 and 5 during the water imbibition experiments, respectively. Furthermore, both Na/Cl
and K/Cl molar ratios show an increasing trend at early times, and a gradual decreasing trend at
later times during imbibition experiments. These results suggest that leaching of clay minerals can
be a key mechanism for ion transfer from rock to water at early stage of the imbibition process.
The dissolution-diffusion of chloride-bearing minerals (i.e., NaCl and KCl) can be responsible for

the decreasing trends in Na/Cl and K/CI molar ratios at later times during imbibition experiments.

The pH of the flowback water samples (measured in laboratory) is slightly above the neural
value (pH~8). Presence of natural buffer systems (such as calcite and dolomite) can be responsible
for the neutrality of the produced flowback water. More specifically, dissolution of buffering
minerals (i.e., calcite and dolomite) can increase the ion concentration in the flowback water while
keeping the pH of the water (i.e., flowback water) near the neutral range. It must be noted that the
pH of the flowback water samples are measured at laboratory, where the water samples exposed
to air for a long time. Thus, the reported pH values of the flowback water samples may not
necessarily reflect the pH of the water at reservoir conditions. Future studies should account for
the differences between reservoir and laboratory conditions (such as redox-state, temperature, and

pressure) to better understand the role of natural buffer systems at downhole conditions.
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Nomenclatures
Asp Specific surface area
Asp high High specific surface area
Asp iow Low specific surface area
Aspmedivm  Medium specific surface area
CEC Cation exchange capacity
DI Deionized
EC Electrical conductivity
EDS Energy-dispersive X-ray spectroscopy
Ev Evie
HRB Horn River Basin
IC Ion chromatography
ICP-MS  Inductively coupled plasma mass spectrometry
LEv Lower Evie
Mu Muskwa
n Number of measurements
opP Otter-Park
SIMS Secondary ion mass spectrometry
XRD X-ray diffraction
Ost Standard deviation
0 Contact angle
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3.1. Introduction

Unconventional oil and gas reservoirs are emerging as an important source of energy in the
United States and Canada (Frantz et al. 2005). These low-permeability reservoirs are commonly
developed using multi-fractured horizontal wells (Ning et al. 1993). During fracturing operations,
fracturing fluid (which mainly consists of water) is injected into the well to induce fractures
(Engelder et al., 2014). The well is then sometimes shut-in (soaking period) to improve the
hydrocarbon production (King, 2012; Lan et al., 2014; Makhanov et al., 2014). Later on, the wells
are put on flowback to recover the injected fracturing fluid at the surface facilities (Abbasi et al.,
2014). Depending on the reservoir properties (such as rock mineralogy) and the operational
conditions (such as fracturing fluid type), 10% to 70% of the total injected fluid may be recovered
during the flowback process (Hillard et al., 2013; Ghanbari and Dehghanpour, 2016).

The field data show that the chemistry of the water recovered during the flowback operations
is significantly different than that of the water injected for hydraulic fracturing (Rimassa et al.,
2009; Haluszczak et al., 2012). For instance, in the Horn River Basin (HRB), slick water, with
similar salinity levels as fresh water, is injected into the reservoir during fracturing (Johnson and
Johnson, 2012), while the recovered flowback water is highly saline (40,000-70,000 ppm)
(Bearinger, 2013; Engle and Rowan, 2014; Capo et al., 2014), containing both soluble ions and
insoluble complexes that increase in concentration over time (Balaba and Smart, 2012;

Ziemkiewicz and He, 2015; Roshan et al., 2016).

Several past studies focused on the flowback chemical analysis to evaluate the hydraulic
fracturing operations and to forecast reservoir performance. For instance, flowback chemical data
have been used for quick characterization of the induced fracture network (Ghanbari et al., 2013;
Bearinger 2013; Gdanski, 2010). A qualitative correlation was developed between fracture
network complexity and salt concentration profiles measured during the flowback period by
Bearinger (2013). Analysis of flowback data from the HRB wells indicates that the shape of the
salt concentration profiles is related to the fracture network complexity (Ghanbari et al. 2013). A
mathematical model is proposed in Chapter 4 to characterize the complexity of fracture network

using flowback salinity profiles.
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Despite the economic justification of hydraulic fracturing, its adverse environmental impacts
have raised serious concerns about the contamination of ground and surface water as well as the
consequential hazards to environment and public health (Wellman et al., 2009; Cheng and Saiers,
2009; Howarth et al., 2011; Jackson et al., 2013; Vengosh, 2014; Subramani and Jacangelo, 2015;
Reagan et al., 2015; Gallegos et al., 2015; Li et al., 2016). Osborn et al. (2011) analyzed samples
from water wells located near hydraulic fracturing sites. They found that the water was
contaminated with methane from the deep shale formations due to hydraulic fracturing operations.
Furthermore, flowback water is highly saline and may contain toxic elements such as strontium,
arsenic, selenium, and barium (Warner et al., 2012; Balaba and Smart, 2012; Sun et al., 2013;
Haluszczak et al., 2013). Therefore, knowledge of flowback water composition and the origin of
flowback ions are helpful for environmental assessment and selection of appropriate remediation

strategies.

Despite the fact that flowback chemical analysis is used in assessing fracturing operations,
the shale-water interactions are still poorly understood. For instance, the source of ions in flowback
water is still a matter of debate. It has been proposed that dissolution of rock constituents is the
major reason for altered chemical composition in the flowback water (Blaunch et al. 2009).
However, Haluszczak et al. (2013) suggested that mixing of the injected fracturing fluid with in-
situ formation brine may result in saline flowback water. Moreover, shales have clay minerals
(Carman and Lant, 2010) which may undergo ion exchange reactions in the presence of water.
Such reactions can further impact chemical composition of the flowback water. Furthermore,
mineral filled natural fractures and local precipitated salts (Ali and Hascakir, 2015; Gale et al.,
2014) can react with water and impact the flowback water chemistry during the hydraulic
fracturing operations. Additionally, experimental analysis of flowback water may not necessarily
represent the flowback water chemistry as the reservoir conditions are different than the laboratory
conditions. For instance, different pressure, temperature, and redox state in the laboratory

compared with those in the reservoir alters the thermodynamic equilibrium of the flowback water.

This chapter analyzes flowback water and downhole shale rock samples from the HRB to
investigate the role of shale-water interactions on the flowback water chemistry. The intact
flowback water samples are tested over the flowback period for their electrical conductivity (EC),

total salts concentration, pH, and dissolved oxygen (DO), and individual ion concentration.
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Different equilibrium states at the laboratory and reservoir conditions leads to the precipitation of
some ions in the intact flowback water samples. In order to account for these precipitated salts
(which were a part of the original flowback water), the flowback water samples are digested in
acid. The rock composition is determined using XRD. Furthermore, two extraction methods are

used to characterize the nature of the leachable ions from the shale rock samples.

3.2. Experiments

Materials: The field flowback water samples are collected from wells drilled in the Muskwa
(Mu), Otter-Park (OP), and Evie (Ev) members of the HRB. The shale rock samples belong to the
EV and OP formations. Shale rock samples from the Mu formation were unavailable for rock

analysis. Details of reservoir geology and HRB shales can be found in Section 2.2.1.

Experimental Workflow: Figure 3-1 illustrates the experimental workflow performed on the

flowback water and shale rock samples.
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Figure 3-1. Experimental workflow for analysis of the flowback water and shale rock samples

3.2.1. Intact Flowback Water Samples

The EC, pH, DO, and the concentration of individual ions are measured for the intact
flowback water samples collected at different flowback times. ICP-MS analysis is used to
determine the ion concentration. Furthermore, the total mass of the salts are measured after drying
the intact water samples. For this purpose, the samples were first shaken for 5 minutes. Afterwards,
a 1 ml sample is taken from the homogenous suspension and dried overnight at 200°F. The mass

of the remaining salts is reported for different flowback times. The salts are further analyzed using
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XRD and SEM-EDS to investigate the type of the flowback salts, and the results are presented in
the Appendix A.

3.2.2. Acid-Digested Flowback Water Samples

There are visible precipitated salts in the intact flowback water samples (Figure 3-2).
Therefore, the chemistry of the intact flowback water, under the laboratory conditions, may not be
a good representation of the original flowback water chemistry. Nitric acid is used to digest the
intact flowback water samples (including the precipitated salts). ICP-MS analysis is used for

determination of the ions in the acid-digested flowback water samples.

Figure 3-2. Precipitated salts in the intact flowback water samples. The flowback water samples

belong to the Mu well and represent different flowback times.

3.2.3. Shale Rock Analysis

Leaching of the shale constituents into the fracturing fluid is one of the mechanisms
impacting the flowback water chemistry (Blaunch et al. 2009; Balaba and Smart, 2012). In order
to investigate how strongly the ions are attached to shale matrix, first, the rock composition is
determined by XRD. Then two different extraction experiments are performed on the shale rock

samples: (i) acid digestion of fresh and washed rock samples and (ii) sequential ion-extraction.
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To evaluate the ability of deionized (DI) water to leach out the ions from shale rocks; acid
digestion is performed on both fresh and washed shale rock samples. The fresh samples are
prepared by milling down the shale rock samples into powders with an average particle diameter
of about 1 um. Acid digestion requires the addition of 4 ml of concentrate HNOj3 (trace metal grade
205L A509-1212Lot No. 1114100) and 1 ml of concentrate HCI (trace metal grade 4L A508-4 Lot
4114020) to each sample. The digestion process is then carried out at 1600W for 9.5 min. Next,
the volume is increased to 25 ml using DI water. Afterwards, the solution was filtered and analyzed
using ICP-MS. The washed sample preparation starts off with the same milling technique used for
the fresh samples. Subsequently, 20 g of rock powder and 80 g of DI water are stirred for 2 hrs to
wash the sample. The suspension is then filtered, and the remaining rock powder is dried out at
200°F. Each washed sample went through 10 cycles of washing and drying during sample
preparation. The same procedure used for acid digestion of the fresh samples is used for the rock
powder obtained at the end of the 10™ washing cycle. The 10 step washing process is selected as
further washing stages does not alter the chemistry of the extracted solution (Binazadeh et al.,

2016).

In order to determine what percentage of the ions can be leached out from the shale, the
sequential ion-extraction method developed by Tessier et al. (1979) is applied on the shale
powders. This method uses extractants of different strengths to preferentially extract the ions from
the powdered shale samples. To do this, shale rocks are milled down into powders of about 1 pm
diameter. Five extractans of different strengths are sequentially used to extract the ions: (1) For
the first extraction stage, 20 ml of 1.0 M MgCl: solution is added to 5 g of shale powder, and the
resulted mixture is agitated at 200 rpm for 1 h at room temperature. The mixture is stored for 24 h
to allow particle settle down; then it is filtered by filter paper of 1-5 um mesh size. The 1onic
concentration of the filtered solution is measured by ICP-MS. The particle settle down, filtering,
and ion concentration procedures are the same in all steps. (2) For the second extraction stage, 20
ml of 1.0 M sodium acetate solution is added to the residual rock powders obtained in step 1. The
solution is agitated at 200 rpm for 4 h at room temperature. The resulted mixture went through
particle settle down, filtering, and ion concentration measurement processes. (3) For the third
extraction stage, 50 ml of 0.04 M NH>OH.HCI is added to the residual rock powder obtained in
step 2. The solution is agitated at 200 rpm for 5.5 h at 96°C. The resulted mixture went through

particle settle down, filtering, and ion concentration measurement processes. (4) For the fourth
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extraction stage, 7.5 ml of 0.02 M HNO3 is added to 12.5 ml of a 30% H2O: solution and the pH

is adjusted to 2.0. The resulting solution is added to the residual rock powder obtained in step 3.

The solution is agitated at 85°C at 200 rpm. After 2 h, 7.5 ml of 30 % H2O: is added to the solution.

The solution is further agitated at 200 rpm for 3 h at 85°C. The resulted mixture went through

particle settle down, filtering, and ion concentration measurement processes. (5) For the fifth

extraction stage, 7 ml HCI (32% - 35%) and 2.3 ml HNOs3 (1 N) is added to the residual powder

obtained in step 4. The mixture is agitated at 200 rpm for 2 h at room temperature. The resulted

mixture went through particle settle down, filtering, and ion concentration measurement processes.

The schematics of the sequential ion-extraction set-up and the experimental procedure are

presented in Figure 3-3.
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Figure 3-3. The schematics of set-up (left) and the experimental procedure (right) for the

sequential ion-extraction experiment.

We categorized the extracted ions from the sequential ion-extraction experiment into three

tiers of (i) loosely-attached ions: which includes the extracted ions from steps 1 and 2, (ii)

moderately-attached ions: which includes the extracted ions from steps 3 and 4, and (iii) strongly-

attached ions: which includes the extracted ions from step 5.
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3.3. Results and Discussion

3.3.1. Flowback Water Analysis

In Figure 3-4a, we plot the EC and mass of the flowback salts (after evaporation) for the
intact flowback samples collected at different flowback times for the Mu, OP, and Ev wells. The
EC curve and flowback salt concentration curve show similar trends over time for all wells. On
day one of the flowback process all three formations have a similar initial EC of around 45 mS/cm
and approximately a total salts concentration of 25 g/L. Within the first 15 days of flowback the
EC and flowback salts for Mu slightly increase, then reach a plateau at 56 mS/cm and 33 g/L,
respectively. OP shows the similar trend as Mu, reaching plateaus of 60 mS/cm and 36 g/L.
However, even 13 days after starting the flowback process, Ev shows a continuous increase with
respect to time for both EC and total salts concentration. The maximum values recorded were 82.2

mS/cm and 50.5 g/L. Similar observations were also reported previously (Bearinger, 2013).

Figure 3-4b shows a plot of pH and DO of the intact flowback samples collected at different
flowback times for the Mu, OP, and Ev wells. The measured pH for the intact flowback water
samples of different times is around neutral range (pH =~ 7 — 7.5). Presence of natural buffer
systems such as calcite and dolomite (Chermak and Schreiber, 2014; Descourvieres, 2010;
Schieber, 2007; Lund et al., 1973) provides a possible explanation for the neutral pH range of the
flowback water. Also, it must be noted that the pH values plotted in Figure 3-4b are measured for
the intact flowback samples in the laboratory, which were in contact with air. The measured DO
in our intact flowback water samples (DO =~ 8 — 8.5 mg/1) is slightly smaller than the measured
DO for the DI water (DO = 8.58 mg/1), possibly due to the ions present in the intact flowback
water samples. The presence of oxygen promotes oxidation reactions which could impact the

dissolution/precipitation of salts in the water samples, and ultimately the pH values.
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Figure 3-4. Intact flowback water analysis. (a) Total flowback salts (solid line) and EC (dashed
line) versus flowback time. (b) pH (solid line) and DO (dashed line) versus flowback time. The
standard deviation (o) for the reported pH and DO values are 0.16, 0.35 mg/1, respectively. The

accuracy of measured EC is + 0.1 puS/cm.

The concentration of Na*, K*, Ca’", and Ba’" versus flowback time for the intact flowback
water samples are plotted in Figure 3-5. The intact flowback water contains visible precipitated
salts (Figure 3-2). These precipitated salts were a part of the solution in the original flowback water
under the reservoir conditions. However, different experimental conditions compared with that in
the reservoir (such as temperature, pressure, and redox conditions) dictates different
thermodynamic equilibrium for the flowback water in the laboratory; leading to precipitation of
ions in the form of salts. In order to have a better representation of the chemistry of the original
flowback water, the intact flowback water samples are digested in acid to dissolve the precipitated
salts. The acid-digested solutions are then analyzed by ICP-MS and the results are presented in

Figure 3-5.
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Figure 3-5. Individual ion concentration in the intact and acid digested flowback water versus
flowback time: (a) Na*, (b) K, (c) Ca**, and (d) Ba?*. Different scales are selected for the Y-axis
in order to show the difference between the ion concentration in the intact and acid-digested

flowback water samples. The accuracy of measured ion concentration is = 0.1 mg/l.

The main cation in the flowback water is Na". The concentration of ions generally increases
over flowback time for both of the intact and acid-digested flowback water samples. Similar
observations were also reported by other researchers (Roshan et al., 2016; Ziemkiewicz and He,
2015; Bearinger 2013; Ghanbari et al. 2013; Haluszczak et al., 2012). Mixing of fracturing fluid
with in situ formation brine (Haluszczak et al., 2012), dissolution of rock constituents (Blaunch et
al. 2009), water producing from fractures with smaller aperture (see Chapter 4), and extended
shale-water exposure time (Roshan et al., 2016; Blaunch et al. 2009) have been suggested for

increasing ion concentration over time during the flowback process.
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Due to the digestion of the precipitated salts in acid, the concentration of ions is higher in the
acid-digested samples compared with that in the intact samples (Figure 3-2). The ion concentration
in the acid-digested flowback water samples is calculated using the ion concentration determined
from ICP-MS, and from the original volume of the intact flowback water samples (including the

precipitated salts).

For most of the wells, a general trend in the ion concentration in the acid-digested samples
(dash lines in Figure 3-5) is that the monovalent cations show a sharp increase initially. The
increase rate declines at later flowback times. The concentration of divalent cations however,
shows a continuous increase over the course of the flowback process. In other words, the
contribution of divalent cations in the flowback water chemistry increases over the course of the
flowback process. This can be due to the slow dissolution rate of salts containing divalent cations.
In fact, the high surface charge density of divalent cations (Essington, 2005) helps them to form a
stable salt (Table A-1), which dissolve (in water) at a slow rate. The later flowback water produces
from deeper fractures with smaller aperture size (see Chapter 4), with higher surface to volume
ratio and also higher exposure time. More exposure time promotes the dissolution of stable

divalent-based precipitated salts at later flowback times.

The difference between the ion concentration in the acid-digested and intact water samples
is smaller and remains relatively constant over the flowback time for the monovalent cations.
However, for divalent cations, this difference is relatively large and increases over the flowback
time. These results suggest that (i) the divalent cations have a higher precipitation rate compared
to the monovalent cations and (ii) the precipitation rate is more prominent at later times when the
flowback water is more saline. Higher surface charge density of the divalent cations as opposed to
that of the monovalent cations (Essington, 2005) is a possible reason for this behavior. The surface
charge densities are 1.9594 and 1.1470 C/m? for Ca** and Ba®" respectively, which are comparably
larger than 0.9462 and 0.5511 C/m? for Na™ and K™ respectively (Essington, 2005). High surface
charge density increases the affinity of the divalent cations for anions, and therefore, increases the
chance to create complex ions precipitating in the form of salts (e.g. CaCO3) in the intact flowback
water samples. After evaporating the intact flowback water samples, the remaining salts are

analyzed by XRD and SEM-EDS analyzes, and their results are presented in the Appendix A.
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3.3.2. Shale Rock Analysis

The rock samples are analyzed using XRD and the results are presented in Table 1. The
quartz content is 77 Wt.% and 32Wt.% in the OP and Ev samples, respectively. Also, the clay
content of OP and Ev samples are 16 Wt.% and 33 Wt.%, respectively. The quartz content in the
OP samples is over twice that of the Ev samples, and the clay content in the Ev samples is over
twice that of the OP samples. Furthermore, no source of barium is found according to the XRD
results. It must be noted the shales are heterogeneous and their mineralogy can significantly vary
even in small scales (Diaz et al., 2010). Furthermore, XRD uses small amount of rock samples for
its analysis. Therefore, the results presented in Table 3-1 might not be an accurate representation

of all samples from the OP and Ev formations.

Table 3-1. The composition of the example OP and Ev shale rock samples by XRD analysis. The

XRD used for characterization of rock mineralogy has a signal-to-noise ratio of 400.

Sample OP Ev
Non-Clay Content (Wt.%)
Quartz 77 32
K-Feldspar 2 6
Plagioclase 2 6
Calcite 0 10
Ankerite/Fe-Dolomite 1 5
Dolomite 0 4
Pyrite 1 5
Total Non-Clay 84 67
Clay Content (Wt.%)

[llite/Smectite (I/S) 5 14
Illite+Mica 11 19
Total Clay 16 33

In order to evaluate the ability of fracturing fluid for leaching out the ions from the reservoir
rock, a 10-step ion-extraction procedure is designed using DI water. The rock samples before and

after the washing process are digested in acid. The solution is then analyzed by ICP-MS to identify
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the elemental composition of the rock samples. The elemental distribution of the shale samples
before and after the washing process is compared in Figure 3-6. The Si element is excluded from
the results as the digestion method described in Section 3-2 is not able to digest the silicate phase

of the rock samples (Pena-Icart et al., 2011; Tessier et al., 1979).

(a) OP Fresh (b) OP Washed

Other elements
4%

Other elements
6%

After 10 times
washing

(c) Ev Fresh

(d) Ev Washed

Other elements
1%

Other elements
1%

After 10 times
washing

Figure 3-6. A comparison between the elemental distributions of the fresh and washed shale
samples of (a,b) OP and (c,d) Ev obtained by the acid-digestion analysis. Si element is excluded

from the acid digestion results. The accuracy of measured ion concentration is = 0.1 mg/1.

According to Figure 3-6, potassium, iron, aluminum, and calcium are the major elements
(that comprise > 10% of the rock elemental composition) in the fresh OP and Ev shale samples.
After the washing process, the contribution of potassium and sodium in the rock mineralogy is
reduced compared with that of other elements (Figure 3-6b, 3-6d). In order to compare the rock
and flowback water analysis results, the elemental concentration of major monovalent and divalent
cations for the fresh and washed samples are shown in Figure 3-7. It must be noted that selection

of the shale samples was based on having minimal or no visual natural fractures in the sample.
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This is probably the reason for negligible barium concentration in the shale samples (Table 3-1

and Figure 3-6); as barium possibly originates from natural fractures (see Chapter 2).

25000
m Ev-Fresh
e Ev-Washed
& 20000 ~ m OP-Fresh
g-‘ OP-Washed
< 15000 A
S
=
£ 10000
S
S
U 5000 -
Ny THl |
Na K Mg Ca

Figure 3-7. Elemental concentration of Na, K, Mg, and Ca for the fresh and washed samples of
(a) OP and (b) Ev obtained by acid digestion. ICP-MS is used to analyze the acid-digested

samples, with accuracy of = 0.1 mg/1.

According to Figure 3-7, the difference between the concentration of elements in the fresh
and washed samples is higher for the monovalent cations compared with that for the divalent
cations. The surface charge density of the monovalent cations impacts their selectivity for the
negatively-charged surfaces. The cations selectivity for the negatively charged surfaces (such as
clays) is: Ca**>Mg?*>K">Na® (Essington, 2005). Easier extraction of monovalent cations
compared with that of divalent cations complies with the sharp increase in the concentration of

monovalent cations in the early flowback water (Figure 3-4).

Potassium is the major element in both of the fresh OP and Ev shale samples, and its
concentration is about five times higher than the sodium concentration. While, according to Figure
3-5, Na' is the major cation in the flowback water, and its concentration is higher than K"
concentration. The sequential ion-extraction method is used to investigate how easily we can

extract the ions from the shale samples, and the results are presented in Figure 3-8.
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Figure 3-8. The results of the sequential ion-extraction on the OP and Ev shale rock samples.

ICP-MS is used to analyze the acid-digested samples, with accuracy of = 0.1 mg/I1.

According to Figure 3-8, less than 75% of potassium belongs to the loosely- or moderately-
attached tier. This value is over 90% for sodium; which indicates that it is easier to leach out
sodium than potassium. This is also in agreement with the lower selectivity of sodium compared
with potassium for negatively-charged shale particles (Binazadeh et al. 2016) and clay surfaces
(Essington, 2005). This can be one of the reasons explaining that although potassium is the major
component in the shale rock samples (Figures 3-6 and 3-7), Na" is the major cation in the flowback

water (Figure 3-5) as it can be leached out from the shale samples easier than potassium.

Majority of the monovalent cations (Na" and K") belong to the loosely-attached tier.
However, divalent cations (Ca** and Mg?") are mainly associated with the moderately- and
strongly-attached tires. This complies with the cations selectivity for negative surfaces:
Ca?’"*>Mg**>K*>Na" (Essington, 2005). Moreover, the portion of the loosely-attached monovalent
cations is larger in the OP sample compared with that in the Ev sample. However, the portion of
the loosely-attached divalent cations is larger for the Ev sample compared with that for the OP

sample.

In this research it is believed that the loosely-attached ions can be mainly produced from (i)
mixing with in-situ formation brine, (ii) dissolution of the precipitated soluble salts, and (iii) the
leaching of the exchangeable cations from clay minerals. Analysis of field data suggests that the
shale formations might be at the state of sub-irreducible water saturation (King, 2012), and this

increases the possibility for the presence precipitated salts under in-situ conditions. NaCl and KCI
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are among the major flowback salts (Figures A-2 and A-3). Both salts are very soluble in water
(Table A-1). Therefore, dissolution of these soluble salts can be another possible source for the
extraction of Na" and K" at the initial steps of the ion-extraction experiments. It must be noted that
there are other parameters controlling the ion dissolution/precipitation. For instance, pH, DO, ion
activity, ionic strength, and temperature play a key role on the thermodynamic equilibrium of the
shale-water. The thermodynamic simulation of the shale-water interactions remains the subject of
future studies to provide further information about the nature of the precipitated salts at different

conditions.

In this research it is believed that the moderately-attached ions can be mainly produced from
(i) the multivalent exchangeable cations in the clay minerals (e.g. Ca**, and Mg?"), (ii) weakly-
soluble salts (e.g. K2SO4), and (iii) relatively slow shale-water reactions. The multivalent cations
have higher selectivity to the clay surface compared with the monovalent cations. Thus, they have
less chance to be produced at the initial steps of the sequential ion-extraction experiment. One
must note that, although we categorized the weakly-soluble salts and relatively slow shale-water
reactions in the second tier (the moderately-attached ions); these mechanisms might be different
at different conditions. For example, redox state, pH, and temperature are key parameters
controlling the reactions and mineral solubility (Green and Perry, 2008). These parameters need

to be further investigated for the shale-water systems.

One should note that the water chemistry also influences the shale-water interactions. For
instance, according to Figure 3-5, for most of the ions, the concentration increases during the
flowback process. The higher ion concentration at later flowback times increases the ionic strength
of the flowback water. Higher ionic strength enhances the mineral dissolution through decreasing
activity coefficients of the ions (Essington, 2005). In other words, the role of the dissolution of
rock constituents is more pronounced at the later flowback stages. Another example is the ion
exchange reactions in clays which depend on the water chemistry. At early flowback times,
monovalent cations have relatively high concentration compared with the divalent cations (Figure
3-5). The elevated concentration of monovalent cations enhances leaching of divalent cations from

the interlayer of the clay minerals.
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3.3.3. Comparison with Seawater Composition

HRB shale samples are at sub-irreducible water saturation state (Dehghanpour et al., 2013),

and therefore, it is challenging to extract and analyze the composition of formation water. On the

other hand, HRB shale is marine sediments belonging to the Devonian age. Thus, seawater

composition can possibly be an indication of the formation water composition. Table 3-2 compares

the average ion concentration molar ratios (MR) in our flowback water and shale rock samples

with the average values reported in the seawater (Benedict et al., 2012).

Table 3-2. Ion concentration ratios for intact and acid-digested flowback water and shale rock

samples. The values of ionic molar ratio for seawater are the average values reported by Benedict

et al. (2012). The absolute deviation from seawater composition is calculated from Eq. 3-1.

Molar ratio

Intact flowback Acid-digested

Acid-digested

Acid-digested

(MR) water flowback water  intact shale washed shale Seawater

Cl~/Na* 0.64 £ 0.035 0.96 = 0.050 0.09 +£0.001 0.31+0.025 1.17

K*/Na* 0.80 + 0.030 0.82+0.070 4.92 +0.020 6.21+£0.045  0.02

Mg?t/Nat 0.03 +0.001 0.15+0.015 0.93 +£0.035 1.46 £0.025 0.23

Ca?*/Na* 0.07 £ 0.004 0.24 +0.020 1.86 £0.015 2.32+£0.040 0.04
Absolute deviation (04) from seawater composition

Cl=/Na* 0.45 0.17 0.92 0.73

K*/Na* 39.01 40.00 245.00 309.50

Mg?*t/Nat 0.89 0.34 3.04 5.34 0

Ca?*/Na* 0.75 5.00 45.50 57.00

The absolute deviation (o) of ionic molar ratios from the seawater composition is

calculated by Eq. 3-1.

(MR)rock/flowback - (MR)seawater

Ogps =

(MR)seawater
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where (MR)rock/fiowback 18 the molar ratio of ions in shale rock or flowback water from
either of intact or acid-digested samples, and (MR)geqwater 1S the molar ratio of ions in the

seawater. It must be noted that g, is zero for seawater.

According to Table 3-2, the values of g, are smaller for flowback water samples compared
with those for the shale rock samples. Assuming that the formation water composition is similar
to seawater composition, this result may suggest that mixing of formation water with fracturing
fluid is more influencing the composition of the fracturing fluid compared with the dissolution of

rock constituents.

Ogps Values are relatively small for CI~/Na* and Mg?*/Na* molar ratios. These results
may suggest that chloride, sodium, and magnesium ions in the flowback water may primarily
originate from the formation water through either of (i) mixing of fracturing fluid with formation

water or (ii) dissolution of precipitated salts in the pores or on the surface of natural fractures.

Ogps Values are relatively large for K*/Na't and Ca?*/Na* molar ratios. According to
Figure 3-6, both potassium and calcium are among the major elements in our shale rock samples.
Therefore, dissolution of Ca-/K-bearing rock constituents in the fracturing fluid is possibly a major

source for the K* and Ca?™ ions in the flowback water.

Paytan et al. (2007) conducted sequential leaching experiments to extract barite (BaS0,)
from the seawater samples. They concluded that Sr?*/Ba®* molar ratio for marine barite is
between 0.03 and 0.08. Figure 3-9 shows the plot of ST2*/Ba?* molar ratio in flowback water
samples of 48 wells completed in the Horn River Basin. According to Figure 3-9, the molar ratio
of Sr2* /Ba?* in flowback water is higher than that in marine barite. This may suggest that the
barium ions in the flowback water could have other sources than barite. This is in agreement with
our secondary ion mass spectrometry (SIMS) analysis on the barium vein that is shown in Figure
2-19. More specifically, helium ion beam is used to etch the surface of the barium vein and analyze
the composition versus depth. According to SIMS results (Figure 3-10), the barium vein is
probably comprised of witherite (BaCO03). It must be noted that the shale samples were not
preserved, and therefore, the SIMS results presented in Figure 3-10 might be different if the

analysis was conducted on preserved samples.
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Figure 3-9. Molar ratio of Sr2* /Ba?*for 48 wells completed in the Mu, OP, and Ev formations
of the Horn River Basin. The approximate range of Sr%* /Ba?* molar ratio is about 0.03 — 0.08

if barium is sourced from marine barite. The accuracy of measured ion concentration is + 0.1

mg/l.
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Figure 3-10. The results of secondary ion mass spectrometry analysis on the barium vein that is
shown in Figure 2-19. Helium ion beam is used to etch the surface of the barium vein and
analyze the composition versus depth. The trends for (a) barium and (b) carbon elements are

similar versus depth, suggesting that witherite could be the main component in the barium vein.
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3.3.4. Ion Concentration Cross-Plots

Several past studies investigated the source of ions in the produced brine from both
conventional and unconventional reservoirs. Past studies showed that there is a linear relationship
between the sodium and chloride ion concentrations in the produced wastewater from both
conventional and unconventional reservoirs (Vidic, 2015; Hu and Mackay, 2017). Vidic (2015)
concluded that the source of sodium and chloride ions in the flowback water and that in the brine
produced from conventional reservoirs are similar if their Na:Cl ratios are similar. Figure 3-11a
shows the logarithmic cross-plot of sodium ion concentration as a function of chloride ion
concertation in the flowback water of 48 wells completed in HRB. The wells are completed in
three different formations of Mu, OP, and Ev. There is almost a 1:1 linear relationship for Na:Cl
ratio (in logarithmic scale) for all target wells/formations. This observation may suggest that the
primary source of sodium and chloride ions in the flowback water is possibly the same, regardless
of the formation and the well location. According to Table 3-2, the molar ratios of sodium-to-
chloride in the flowback water is similar to that in the seawater. Assuming that the formation water
has similar composition to seawater, the primary source of sodium and chloride ions in the
flowback water from HRB is probably the mixing of formation water with the injected fracturing
fluid. It must be noted that the observed trend and subsequent interpretations are specific to target

wells of this study, and may not be applicable to other wells and formations.

According to Figure 3-11b-d, the logarithmic cross-plots of potassium, calcium, and
magnesium ion concentrations versus chloride ion concertation is formation-dependent in the
target 48 wells. The wells drilled in the Mu and OP formations have similar trends, while the wells
drilled in the Ev formation behave differently. Ev wells also show different trends in their salinity

profiles compared with that in Mu and OP wells (Sections 2.2.1 and 4.2.3).

The formation-dependency of flowback chemical data can be leveraged for characterization
of fracture network complexity (Chapters 2 and 4). For the target 48 wells in HRB, the cross-plot
of normalized monovalent and divalent cations also shows a distinct trend for Ev wells compared
with that for Mu and OP wells. More specifically, the cross-plot of Log[Na*/K*] versus
Log[Ca®*/Mg?*] is almost one order of magnitude smaller for Ev wells compared with that for

Mu and OP wells (Figure 3-12). Future studies may combine this signature trend with other
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characterization methods to evaluate the fracturing operations. For instance, the signature ion

concentration cross-plots can complement the tracer test results for investigation of inter-well

communications.
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Figure 3-11. Logarithmic cross-plot of (a) sodium, (b) potassium, (c) calcium, and (d)
magnesium ion concentrations versus chloride ion concentration in flowback water samples from
48 wells completed in the Horn River Basin. The accuracy of measured ion concentration is +

0.1 mg/l.
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Figure 3-12. Logarithmic cross-plot of Na* /K™ versus Ca®*/Mg?* in flowback water samples
from 48 wells completed in the Horn River Basin. The accuracy of measured ion concentration is

+ 0.1 mg/l.

HRB is a marine shale with sub-irreducible water saturation (Dehghanpour et al., 2013).
Dehydration and desiccation phenomenon are possible reasons for the sub-irreducible water
saturation in low-permeable gas reservoirs (Bennion et al., 1999; Economides and Martin, 2007).
On the other hand, it has been shown that bromide ion (i.e., Br~) concentrates conservatively
during evaporation of seawater (McCaffrey et al., 1987). Thus, assuming that evaporation of
seawater is the primary reason for the sub-irreducible water state in HRB shales, Br~ concentration
can be a proxy for evaluation of mixing of fracturing fluid with in situ formation brine (Haluszczak,

2011).

Figure 3-13 shows the logarithmic cross-plots of sodium, potassium, calcium, and
magnesium as a function of bromide ion concentration in flowback water of 11 wells completed
in HRB. The concentration profiles for wells drilled in Mu and OP formations show a consistent
trend in the logarithmic scale, where the concentration of ions (i.e., Nat,K*, Ca?*, and Mg?")
increases (i.e., increasing tale) with Log[Br~] and reaches to a plateau (i.e., plateau tale) at
Log[Br~] = 2.1. For Ev wells, sodium ion follows the plateau tale of Log[Na*] — Log[Br~]
profile that observed for Mu and OP wells (Figure 1-13a). For other ions (i.e., K*,Ca?*, and
Mg?*), Ev wells somehow extend the increasing tale of Log[Na*] — Log[Br~] profile that
observed for Mu and OP wells (Figure 1-13b-d).
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Figure 3-13. Logarithmic cross-plot of (a) sodium, (b) potassium, (c) calcium, and (d)
magnesium ion concentrations versus bromide ion concentration in flowback water samples from
11 wells completed in the Horn River Basin. The accuracy of measured ion concentration is +

0.1 mg/l.

3.4. Summary

This chapter presents the experimental results of acid digestion and sequential-ion extraction
on the flowback water and gas shale samples. There are visible precipitations in the collected field

flowback water samples. These salts were likely a part of the flowback water at the reservoir
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conditions. The flowback water samples are digested in nitric acid, and the solutions are analyzed
for ion concentration using ICP-MS and IC. The ion concentration is higher in the acid-digested

flowback water samples compared with that in the intact flowback water samples.

Mineralogy of shale rock samples are characterized using XRD. Two extraction experiments
are performed on the shale rock samples to investigate the role of shale-water interactions in the
flowback water chemistry: (i) acid digestion of fresh and washed (with deionized water) rock

samples and (ii) sequential ion-extraction.

Comparison between the composition of the intact and acid-digested flowback water samples
suggests that divalent cations have a higher precipitation rate compared to monovalent cations.
The precipitation rate is higher at later times as flowback water becomes more saline. Furthermore,
the contribution of divalent cations in the flowback water chemistry increases at later flowback
times. Late flowback water is mainly produced from deep small fractures which have more
exposure time for the shale-water interactions. More exposure time promotes dissolution of stable

divalent-based precipitated salts.

Acid digestion of the fresh shale rock samples indicates that potassium is the major element
in our shale samples. However, sodium appears to be the major cation present in the flowback
water samples based on our analysis of both intact and acid-digested flowback samples. Greater

selectivity for K" over Na" for negative surfaces is a possible explanation for these results.

Formation water in the Horn River Basin is at sub-irreducible water saturation. Thus, it is
challenging to characterize the composition of formation water. Compared with shale rock
samples, the molar ratios of CI~/Na*t and Mg?* /Na* in the flowback water samples are closer
to those in seawater. Thus, chloride, sodium, and magnesium ions in the flowback water for wells
drilled in the Horn River Basin is likely to source from the mixing of formation water with
fracturing fluid or dissolution of precipitated salts (in pore network or on the surface of natural
fracture) in the fracturing fluid. The molar ratios of K*/Na* and Ca?*/Na? in the flowback
water samples is significantly larger than that in seawater. Relatively large ratios of K*/Na* and
Ca?*/Na* in the rock samples may suggest that K™ and Ca?* ions in the flowback water samples

may originate from dissolution of rock constituents in fracturing fluid.
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There is a 1:1 logarithmic-scale relationship between sodium and chloride ions in the
flowback water produced from three formations of Mu, OP, and Ev. This observation may suggest
that the primary source of sodium and chloride ions (likely formation brine) is not formation-
specific. For other primary cations (i.e., K*,Ca®t, and Mg?"), the cross-plots against Cl~ is
formation-dependent. Although there is a general increasing trend for all wells, the slope is smaller
for Mu and OP wells compared with that for the Ev wells. The formation-dependency of ion
concentration in the flowback water is clearer when Na*/K* is plotted against Ca®t/Mg?*,
where in this plot, the Ev wells’ data points are about one order of magnitude smaller than that of
Mu and OP wells. The similarity between the flowback water of Mu and OP wells can also be
observed from the logarithmic-scale cross-plots of Na*,K*,Ca?*, and Mg?* versus Br~. For
both formations, all profiles show an increasing trend with Log[Br~] up to Log[Br~] = 2.1, and
after that they approached to a plateau.



Chapter 4

Fracture Characterization using
Flowback Salt Concentration Transient
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4.1. Introduction

Unconventional oil and gas reservoirs are emerging as an important source of energy in the
United States and Canada (Frantz et al. 2005). These low-permeability reservoirs are commonly
developed using multi-fractured horizontal wells (Ning et al. 1993). A large volume of fracturing
fluid is injected to create multiple fractures and increase the reservoir contact per well (Cheng,
2012; King, 2012). This fracturing fluid pumped into the formation needs to be recovered before
placing the well on production, preparing the fractured well for long-term hydrocarbon production

(Crafton and Gunderson, 2007).

A common challenge for shale oil and gas reservoirs is the characterization of the fracture
network for evaluating fracturing operations and predicting reservoir performance. Characterizing
stimulated shale reservoirs is challenging due to complexities such as dual porosity effects, multi-
phase flow, complex flow regimes, non-static absolute permeability and porosity, complex fracture
geometry, the role of natural fractures, liquid loading, and operational complexities (Clarkson et

al., 2007; Cipolla et al., 2008; Soliman et al., 2010; Gale et al., 2014).

The most common methods for fracture characterization are pressure transient analysis
(PTA), rate transient analysis (RTA), micro seismic analysis, and tracer test. These methods have

been widely used by industries and each has its own pros and cons.

RTA and PTA Methods: Since production data are available for almost every well many
researchers used PTA and RTA to characterize the fracture network (Fisher et al., 2005; Bello,
2009; Cheng et al., 2009; Medeiros et al., 2008, 2010; Song and Ehlig-Economides, 2011;
Samandarli et al., 2012; Behmanesh et al., 2013). For instance, Fisher et al. (2005) characterized
the induced fracture network using fracture-mapping technologies, and presented correlations
between production response and various fracture parameters. Although, RTA and PTA are widely
used to characterize the fracture network, these methods consider several simplifications that
sometimes lead to unrealistic results. For instance, Hoffman and Chang (2009) indicate that since
RTA does not consider the fracturing fluid properties, the estimated fracture length is too long and
unrealistic. Furthermore, computational time in the production analysis methods is sometimes very
high. The reason is that the production data analysis models are sometimes very finely gridded in

an attempt to capture the dimension of the fracture (Karimi-Fard et al., 2004). However, the
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fractures are usually less than an inch wide, and the reservoir models require many grids to avoid
the numerical convergence problems (Hoffman and Chang, 2009) which increases the

computational time.

Micro Seismic Analysis Method: Microseismic monitoring is also broadly used in the field
to characterize the fracture network during the hydraulic fracturing operations (Quirein et al., 2006;
Maxwell, 2012; Tafti et al., 2012; Van der Baan, 2013). For instance, Tafti et al. (2012)
investigated the importance of different microseismic methods in shale reservoirs. They proposed
a workflow to characterize the fracture network using microseismic data. Aside from all the
benefits of the microseismic monitoring, active microseismic imaging is expensive (National
Research Council, 2011). Also, fluid-filled porosity and clay minerals in the alteration zone around
the fractures could cause anomalies in the microseismic data (National Research Council, 2011).
Moreover, the stimulated reservoir volume (SRV) obtained from the microseismic interpretation
does not provide propped fracture volume and its conductivity, and there is a difference between
the SRV that is open for the gas flow and SRV obtained from microseismic diagnosis (Ahn et al.,
2014).

Tracer Test Method: Tracer test is another method that is commonly used to characterize
the fracture network (Smith et al., 1987; Ramirez et al. 1993; Ramirez et al., 1995; Lange et al.,
2005; Mulkern et al., 2010; Poulsen et al., 2012). For instance, Smith et al. (1987) estimated
fracture aperture, distance between fracture walls, using hydraulic and tracer tests. Although it is
desirable to determine the tracer distribution in space and time, this goal is usually not achievable
by tracer test. The reason is that the number of sampling points in the field is limited and the tracer
concentration versus time is only available for the sampling points (National Research Council,
2011). Moreover, it is possible for the tracer to bypass the sampling point if the fluid mainly

transmits through pre-existing open fractures around the sampling point.

Flowback Chemical Analysis Method: Flowback chemical analysis is an alternative
approach which can extend/complement the previous methods. Chemical analysis of the flowback
water has been previously studied by many researchers. For instance, Woodroof et al. (2003),
Sullivan et al. (2004) and Asadi et al. (2008) presented chemical analysis models for monitoring
and optimizing fracturing fluid cleanup. Gdanski et al. (2007) incorporated a chemistry layer to a

2-D numerical simulator that was used to history-match the composition of flowback fluids.
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Ghanbari et al. (2013) analyzed flowback salt concentration data from hydraulically fractured
horizontal wells completed in the Horn River Basin. This comparative field study infers that the
complexity of the fracture network can affect the shape of the salt concentration-load recovery
profile. The experimental results presented in Chapter 2 also suggest that the barium concentration

profile during flowback process maybe a signature for the complexity of fracture network.

This chapter analyzes the flowback salt concentration transient of three different wells in the
Horn River Basin to characterize the fracture network. We believe that the flowback salinity is
likely a reflection of the complexity of the fracture network. A model is proposed to
mathematically describe the behaviors of the salinity profile during the flowback process. Two
approaches are used to present the relationship between the salinity and cumulative water
production. The first approach provides the volumetric fraction of the recovered water as a
probability density function (PDF) of each fracture aperture. The second approach considers a
bundle of fractures in series to derive the PDF. At the end, a comparative analysis of the model

results and the flowback salinity data is used to characterize the fracture network.

4.2. Reservoir Geology and Field Data

4.2.1. Horn River Basin (HRB)

The Muskwa (Mu), Otter Park (OP), and Evie (Ev) formations belong to the Devonian age
of the HRB (Figure 4-1). The total thickness of these shale members ranges from 160 to 180
meters, and the total organic content is approximately 4% (Rogers et al., 2010). Most of the
observed fractures in the HRB samples are sealed and few are partly open (Gale et al., 2014). The
substantial natural gas resources in the Horn River Basin make it the third largest North American

natural gas accumulation discovered before 2010 (Horn River News, 2009).
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4.2.2. Field Data

Chemical flowback data are collected from a pad of 18 hydraulically fractured horizontal
wells completed in the Mu, OP, and Ev formations. Three wells are placed at the right side of the
pad, and three wells are placed at the left side of the pad in each formation as schematically shown
in Figure 4-2. The fracturing fluid used for the treatment is the same for all wells and mainly
consists of fresh water. During the flowback operation, high frequency water samples taken from
the wells in the well pad that were analyzed in a high quality water lab. In this chapter, the field
data and calculation results are only presented for three wells that are completed in Mu, OP, and
Ev. More details about the well pad and production are presented elsewhere (Abbasi, 2013,
Ghanbari et al., 2013).
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Figure 4-2. Layout of a well pad drilled and completed in the Horn River Basin. A total of 18
wells were drilled; nine wells on the right side of the pad, and nine wells on the left side of the

pad.

4.2.3. Key Observations

Figures 4-3 shows the variations in the salt concentration (salinity) of flowback water during
the flowback process for three wells completed in the Mu, OP, and Ev formations. The salinity
profiles of Mu and OP initially show a gradual increase, and then reach to a plateau at around

40000 ppm. However, the salinity profile of Ev keeps increasing even after 70000 ppm.
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Figure 4-3. Flowback salt concentration transient (salinity) versus water recovery for wells

completed in (a) Mu, (b) OP and (c) Ev.
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4.2.4. Conceptual Model

We hypothesise that the shape of the salinity versus load recovery profile during the
flowback process reflects fracture network complexity. We believe that the gradual increase in
salinity concentration of Ev, as opposed to those of Mu and OP, may indicate that the stimulated
fracture network for Ev is more dendritic than those for Mu and OP. Put simply, the early water is
recovered from the newly formed hydraulic fractures that have an aperture size larger than that of
the secondary fractures. Therefore, salt concentration in hydraulic fractures with a low surface to
volume ratio is expected to be lower than that in secondary fractures with a relatively higher
surface to volume ratio. As the flowback process progresses, the water from secondary fractures
with a relatively higher salt concentration will be produced. This qualitative interpretation of the
fracture network complexity from the flowback salinity data are in agreement with the conclusions
of the previous studies on these shale members in Horn River Basin (Bearinger, 2013). Therefore,
in the following section we propose a model to mathematically describe the behavior of the

flowback salinity profile.

4.3. Modeling

This section provides a model to describe the behaviors of the salinity profile during the
flowback process. Section 4.3.1 describes the relationship between the flowback salinity and the
fracture aperture. In our model, we apply two approaches to calculate the PDF for the fracture
aperture. The first approach gives the volumetric fraction as a PDF of each fracture aperture
(Section 4.3.2), and the second approach considers a bundle of fractures in series to derive the PDF

(Section 4.2.3).

4.3.1. Theory

A network of slit-shape fractures of different aperture size is considered as the fracture
network. A schematic view of the complex fracture network and the simplified network of slit-

shape fractures are illustrated in Figure 4-4.
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Figure 4-4. A schematic view of the complex fracture network created by a multi-fractured

horizontal well (magnified area illustrates the simplified network of slit-shape fractures of

different aperture size)

Flowback water is highly saline and the salinity changes over time. Let us assume that salt
1s transported from matrix to fracture and the transport rate can be described by Fick’s first law of
diffusion (Treybal 1980):

Cm - Cf,i

= (1)

]i = ZDAf’l

Where ] is the diffusion rate, As; is the interface between matrix and i™ fracture, D is
diffusion coefficient, C;,;, and Cy; are the salt concentration within the matrix and the i™ fracture,

respectively, and L, is the characteristic length. The characteristic length is the effective distance

from the middle of the fracture’s aperture to a point within the matrix that contributes to the salt
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transfer due to the concentration gradient. The salt concentration in the matrix decreases locally
due to the salt diffusion to the fracture. However, the overall salt concentration in the matrix is
considered to be constant because the volume of rock is much higher than the volume of injected
fracking fluid (mainly water). The huge volume of rock compare to small volume of water in the
fractures acts as an infinite source of salts. In the other words, although the local salt concentration
decreases near the fracture walls, the bulk rock acts as an infinite source of salts to compensate for
the salt loss due to the diffusion into water. It must be noted that the salt transfer occurs from both

sides of the fracture to the water, and thus the right hand side of Eq. 4-1 is multiplied by 2.

During fracturing operation and soaking period, the salt transfers from matrix to the water in
the fractures. Since huge rock system acts as an infinite source for salts, it is assumed that C,,
remains constant and it is much higher than Cy ;. Therefore, the effective concentration difference

can be approximated by:

Cm > Cf,i = Cm — Cf,i = Cm (4_2)

So, Eq. 4-1 can be rewritten as:

Cm
Ji = 2DAg; 7= (4-3)
m

The next step is to find the concentration within each individual fracture (Cr ;) by multiplying
Eq. 4-3 by At /Vf;, where At is the exposure time, and V ; is the volume of fracture i. To find Vy,
fractures are assumed to have a slit (rectangular) shape with the aperture of W and area of 4, so

the volume of fracture is given by Vy; = Ag Wy ;.

2DC,,At/L
Cri(Wr) = —7;/ — (4-4)
fii

Interestingly, Eq. 4-4 shows that Cf; is inversely proportional to W ; (Cr; 1/Wfi)'

Therefore, the smaller the aperture size, the higher the salt concentration within the fracture. This

mathematical relationship between fracture aperture and salt concentration is similar to that
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between capillary pressure and pore size of a porous medium through the Young-Laplace equation
(P, = 20|cos6|/r). Cy,;, measured during a flowback process, is inversely proportional to W of
the depleted fracture, while P. measured during a mercury injection process is inversely
proportional to » of the invaded pore space. The numerator of the Young-Laplace equation
(20]cosB]) does not depend on the pore size. Similarly, the numerator of Eq. 4-4 (2DC,,At/L,,)
does not depend on fracture size. The mathematical similarities between Cr; — Wy ; in a flowback
process are analogous to the P, — r relationship in a mercury injection test. One can interpret the
flowback concentration data to describe the fracture aperture size distribution in a similar way that
mercury injection data are interpreted to describe the rock pore size distribution. It must be noted
that the physics behind the Eq. 4-4 and Young-Laplace equation are different. Eq. 4-4 is developed
based on the Fick’s first law of diffusion while, Young-Laplace equation is the fundamental
equation of capillarity for a curved surface (Huang et al., 2011). However, both equations are
mathematically similar. In the following, we use the mathematical analogy to develop an approach

for calculation of the ASD from the flowback salinity data.

The rest of this section demonstrates that a plot of cumulative produced water versus salt
concentration can be interpreted as a cumulative probability density function (CDF) for the
aperture size of the fracture network. Let us consider depletion of water from three connected
fractures of the complex system shown in the magnified part of Figure 4-4. Figure 4-5a
schematically shows the gradual increase in salt concentration versus cumulative produced water.
Figure 4-5b shows the discretized form of the gradual trend shown in Figure 4-5a. The volume of
the produced water (Q,); with the concentration of 2DCp,At/L,, W ; is equal to the volume of
fracture i which is Ay ; Wy ;. As the flowback process progresses, fracture i+/ starts depleting and
the salt concentration reaches 2D Cy, At /Ly, Wy ;1. Therefore, total volume of the produced water
after depletion of fracture i+1 is Ag ;Wr; + Afip1Wr i44. Thus, salt concentration-load recovery

profile can be interpreted as a basis for the cumulative probability density function (CDF) of

fracture aperture size.
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Figure 4-5. Schematic illustration of salt concentration versus cumulative produced water

Let us build a schematic plot of cumulative produced water versus salt concentration as

shown in Figure 4-6. Each arbitrary concentration point on the horizontal axis (such as Cf)
corresponds to a fracture aperture (Wf*) according to Eq. 4-4. As salt concentration increases from
left to right, fracture aperture decreases. Therefore, any value such as @, on the vertical axis

represents the total volume of fractures with the aperture size equal or larger than Wy (Wf > Wy )
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Cumulative produced water versus salt concentration can be interpreted as a CDF for the
aperture size of the fracture network. If the total facture volume is known, one can normalize the
produced water volume to obtain an approximate CDF for aperture size. The derivative of CDF

gives the PDF which can be interpreted as fracture aperture size distribution.

The non-recovered water can be trapped in the rock matrix and/or in the complex fracture
network (Parmar et al, 204). If we neglect the volume of the fractures that contain non-recoverable
water, the total connected fracture volume that contribute in the water production during recovery

process, Vft’ can be approximated by the total water production at the end of the flowback process.
Therefore, Q;,/ Vft represents the normalized volume of depleted fractures. Q;,/ Vft can also be

interpreted as the volumetric fraction of fractures with Wy = Wr.

The capillary and osmotic forces propel the fracturing water into the rock matrix (Engelder
et al., 2014). Moreover, the imbibition experiments on the shale samples of HRB indicates that the
water tend to imbibe more into these shale samples compare to oil (see Chapter 2). Therefore, the
water influx from matrix to the fractures is considered to be negligible. If we assume that the initial
gas saturation within the fractures, Sq i, is negligible, the average gas saturation, S_g, in the fracture

network during the flowback process can be estimated by:
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QW Sg,inizo S_ _ Q_W (4-5)

Vs, 9V,

g = Sg,ini +
Where, Q,, is the cumulative produced water and Vft is the total volume of the connected

fractures that contribute in the water production during recovery process. Also, average water
saturation within the fractures can be calculated using S,, = (1 - g) For any value of Wy, S, is

the fraction of the water existing in fractures with aperture equal or less than Wy (W < Wy).

Although Vft 1S an uncertain parameter, it can be estimated as the total produced water

volume at the end of the flowback process if the cumulative produced water eventually stabilizes

over time; this indeed needs the assumption of negligible water influx from the matrix.

4.3.2. Approach 1: Aperture size distribution using probability

density function

In the previous section, we showed that g can be interpreted as the volumetric fraction of
depleted fractures and S,, = (1 — %) can be interpreted as the volumetric fraction of fractures

filled with water. If we assume that f(W) is the probability density function for the fracture

aperture, then:

_ _ Wy (4-6)
Sw=(1-5,) = f fw)aw
Wf,min
Where,
Wf,max
f(Wy)aw; =1 (4-7)
Wf,min
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Where Wipmin and Wymax are the minimum and maximum fracture aperture size respectively.
Differentiating Eq. 4-6 using Leibnitz's rule for integral differentiation (Kate et al. 2006), the

resulting probability density function can be written as:

dS,,
f(wy) = M (4-3)

We also know from Eq. 4-4 that

CiWy = 2DCprdt /Ly, (4-9)

The right-hand side of Eq. 4-9 is constant. Therefore, differentiating Eq. 4-9 results in:

—WrdCy
f
Substituting Eq. 4-10 into Eq. 4-8 gives:
2DC,,At/L,, dS,,
W) = — -
f(Wy) 7T (4-11a)

We also know that S, = 1 — Np \,, where Np, is the normalized water recovery and it is

dSy dN - . .
defined as Np,, = I?_W Therefore, ﬁ =— TP‘W, and the probability density function for fracture
fe f f

aperture in terms of measureable parameters is given by:

Ci’Ly dNp,,
2DCpAt dCr

f(wy) = (4-11b)
Eq. 4-11b shows that differentiating the normalized water production (Np ,,,) with respect to
salt concentration (Cr) can represent the aperture size distribution. Since the field data are usually

scattered and noisy, the five-point central difference formula (Akima, 1970) is used to have more

accurate and smooth plots.
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Np,,, versus Cr (salinity) plots of the three wells are demonstrated in Figure 4-7. These plots
and their derivatives can be interpreted as a CDF and PDF for the fracture aperture, respectively.
Np,,-Cr plots of Mu and OP are sharper than that of Ev. The interpretation of this phenomenon is
that the aperture size distribution of Ev is wider than those of Mu and OP. It must be noted that to

obtain Np,,, the cumulative produced water is divided by the total produced water (Eq. 4-5).
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Figure 4-7. Normalized produced water versus salinity (Cf) for the three wells completed in the

Mu, OP, and Ev formations.

4.3.3. Approach 2: Aperture size distribution using fractures in

series method

Considering Eq. 4-4, lower concentrations are attributed to the primary fractures with larger
aperture size. Thus, primary fractures are initially depleted. During the recovery process, the
contribution of secondary fractures with smaller aperture size increases; therefore, the name
“fractures in series method” is selected to depict the fact that primary fractures have a major effect
at the beginning of the process and the smaller fractures become more important as the flowback

process progresses. In this approach, a bundle of fractures in series is considered to derive the PDF
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for a connected fracture network. The final correlation for PDF using the fractures in series method

is shown in Eq. 4-12. The detailed derivation procedure is presented in the Appendix B.

(W) = CPoLEZV,  dNpy, (4-12)
177 (2DCrat)2 x Ap dCy

Both the derived PDFs from approaches 1 and 2 (Eqgs. 11-b and 12) are correlated to
dNp,,/dCs which can be calculated based on the field data of salt concentration-load recovery.
The derived PDFs are a function of Cy, A¢, Cin, L, and D but with different exponents. Crand At
are field data and the values of D, C,, and L, are assumed (see Section 4.4.1 for the assumed

values) to calculate the ASD.

The PDF obtained form approach 2 (Eq. 4-12) also depends on the average fracture volume
(I7f) and the interface between matrix and fracture (4y). The step-by-step solution procedure for

ASD calculations using approach 2 is given in the Appendix B.

4.4. Results

This section provides a comparative analysis of the calculated ASD and the field data of
salinity to characterize the fracture network complexity (Section 4.4.1). Also, sensitivity analysis
of the uncertain parameters and the limitations for the application of the proposed approaches are

discussed in Sections 4.4.2 and 4.4.3, respectively.

4.4.1. Results of the ASD Calculations

The proposed model presents the ASD for three wells completed in Mu, OP, and Ev. The
calculated ASD by approaches 1 and 2 for the three focus wells are compared in Figure 4-8. The
majority of the fractures have an aperture size of less than 2 mm. Gale et al. (2014) also reported
the fracture ASDs for different formations. Their study also shows that the majority of the fractures

in the shale formations have aperture size of less than 2 mm. One should note that the calculated
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ASDs are based on the assumptions and the values assumed for D, C,, and L,. Sodium and
chloride are the major cation and anion in the flowback water respectively (Ghanbari et al., 2013).
Therefore, sodium chloride diffusion coefficient in water, D = 1.484 x 10™9m?s~1 (Weast
1974), is used in the calculations. The formation water is usually hyper-saline (Vengosh et al.,
2014) and also there are localized precipitated salt areas (see Chapter 2). Therefore, mixing of the
injected water with formation water and salt dissolution could increase the salinity of the water. In
our calculations, the lump effects these phenomena are considered in the assumed value for C.
The value for the salt concentration within the matrix is considered to be higher than the maximum
value obtained from the field data of flowback salinity. The assumed value for each well is
Comu = Cmop = 50000ppm, Gy, g, = 75000ppm. L, depends on the reservoir and it shows
the effective distance from the middle of the fracture’s aperture to a point within the matrix that
contributes to the mass transfer due to the concentration gradient. Although the characteristic
length is an unknown parameter, its value is fixed at L,, = 10W} to compare the modeling results
using both approaches. The calculated ASDs from both approaches are compared in Figure 4-8. It
must be noted that the ASDs plotted in Figure 4-8 are based on the assumed values for the uncertain
parameters however; the comparative analysis demonstrates meaningful differences between the
shapes of the ASDs of the three wells. Additionally, the sensitivity analysis of the uncertain

parameters for the ASD calculations is further investigated in Section 4.4.2.
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Figure 4-8. A comparison between the calculated ASDs by approaches 1 and 2 for three different
wells completed in (a) Mu, (b) OP, and (c) Ev. The calculations assumed a constant diffusion
coefficient of salt in water (D = 1.484 x 10™%m?s~1). Also, the characteristic length is fixed at

Ly = 10W.
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Figure 4-8 shows that both approaches have calculated similar ASD for the Mu well;
however, there are some trivial differences in the ASDs calculated by approach 1 and approach 2
for the OP and Ev wells. Since the calculated PFDs in both approaches are different (Egs. 11-b
and 12), the calculated ASD from both approaches can be different as well.

The modeling results present a narrower ASD for the Mu and OP wells, while the distribution
curve for Ev is wider. Comparing the modeling results (Figure 4-8) with the flowback salinity data
(Figure 4-3) reveals that the wells with a plateau in the salt concentration-load recovery curve (Mu
and OP wells) have a narrower ASD. However, ASD is wider for the well with a steady increase
in the salt concentration-load recovery curve (Ev well). Since ASD is wider for Ev, the fracture
network is expected to be more dendritic than those in Mu and OP. The simple and complex

fracture networks are schematically illustrated in Figure 4-9.

e
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Figure 4-9. Schematic illustration of (a) simple and (b) complex fracture networks

More complex fracture network for Ev in compare to simpler fracture networks in Mu and
OP is also in agreement with the field observations of lower water recovery and higher gas
production in Ev (compare to the higher water recovery and lower gas production in Mu and OP).
Figure 4-10 shows the gas recovery versus water recovery for the wells completed in these three

formations.
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Figure 4-10. Water recovery versus gas recovery 300 hours after placing the wells on flowback

for the wells with (1) low gas and high water recovery and (2) high gas and low water recovery

Two well clusters can be distinguished in the plots of water recovery versus gas recovery.
The first well cluster has low gas and high water recovery and all the wells in this cluster are
completed in the either Mu or OP formations. However, the second well cluster has high gas and
low water recovery and all the wells completed in the Ev formation are covered in this cluster. To
explain the higher gas and lower water recovery in Ev (compare to those in Mu and OP) we
consider a more complex fracture network (in contrast to a simpler fracture networks for Mu and

OP) similar to the one shown in Figure 4-9b.

In a more dendritic and complex fracture network, the available surface area for water-rock
interactions is higher. Higher surface area increases the imbibition rate (see Chapter 2). Higher
imbibition rate is one of the reasons for higher leak-off and lower water recovery in Ev. In a more
complex fracture system, the tortuous nature of the secondary fractures can also increase the
possibility of water trapping (Ghanbari, 2014). The water retained in the secondary fractures can
imbibed into the matrix (more leak-off) due to the capillarity, chemical osmosis and water
adsorption by clay minerals (Dehghanpour et al., 2013, Dehghanpour et al, 2012, Chenevert,
1970).
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On the other hand, water imbibition can also result in the counter-current expelling of gas
from matrix into the fractures (Dehganpour et al., 2012). As the complexity of the fracture network
increases, the water trapping and counter current imbibition rate increase, potentially resulting in
low water and high gas recoveries. This means that the cluster 2 wells (mostly Ev wells) have more

complex fracture network compare to the cluster 1 wells (most of the Mu and OP wells).

A comparative analysis of the modeling results and the flowback salinity data along with the
water and gas recovery data indicate that the fracture network is simpler when the salt
concentration-load recovery curve reaches a plateau (compared with the well with continuous
increase in the salinity profile). Similarly, the fracture network is more complex when the salt
concentration-load recovery curve continuously increases over the course of the flowback process
(compared with the well with a plateau in its salinity profile). Considering the salinity profiles in
Figure 4-3 for the focus wells, the fracture network in Ev is more complex compare to that in Mu
and OP. Similar conclusion can also be made based on the results presented in Chapter 2. More
specifically, interpretation of the barium concentration profile during flowback period suggest that

the fracture network is more complex in Ev compare to that of Mu and OP (see Chapter 2).

The presented model for describing the behaviour of the salinity profile during the flowback
process and its meaningful relationship to the fracture network complexity provides an alternative
approach for reservoir characterization. Reservoir characterization using flowback chemical data
along with other characterization methods (PTA, RTA, microseismic monitoring, tracer test, etc.)

help industry to better understand the flowback process and control the fracking operations.

4.4.2. Sensitivity Analysis

Since properties (like rock mineralogy, permeability, porosity, etc.) of shale formations can
significantly vary even in small scales (Diaz et al., 2010), attributing an absolute value to the
diffusion coefficient, D, and the characteristic length, L,,, could impact the calculations. In order
to investigate the sensitivity of our calculations to these parameters, first L,, was fixed at 0.1m and
the diffusion coefficient varied between 5 X 1071°m?2 /s and 1078 m?/s. Next, to analyze the

effect of characteristic length on ASD, D was fixed at 107° m?2 /s and L,, varied between 0.1m and
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1.5m. Since the sensitivity analysis for all formations shows the similar trends, only the results for

the Ev formation are presented in Figures 4-11 and 4-12.
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Figure 4-11. Effect of diffusion coefficient, D, on the ASD in the Ev formation [L,, = 0.1m] (a)
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Figure 4-12. Effects of characteristic length, Lm, on the ASD in the Evie formation
[D = 1072 m?/s] (a) approach 1, (b) approach 2.

For both approaches, the ASD curve shifts to the higher aperture size values at larger

diffusion coefficient values. According to Eq. 4-3, larger values of D lead to greater salt diffusion
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flux, J, from matrix to fracture. Therefore, for a certain salt concentration in the flowback water,
larger fractures are required for the larger diffusion flux (large D values). This is why the ASD
curve shifts to the greater aperture size values when the diffusion coefficient is larger. When D is
smaller however, fracture aperture should also be smaller in order to compensate for the smaller
corresponding diffusion flux. This is why the ASD curve shifts to the lower aperture size values

when the diffusion coefficient is smaller.

Similar reason could explain the effect of characteristic length on the calculated ASD.
According to Eq. 4-3, for the smaller L,, values diffusion flux is higher, and, in order to reach to a
certain salt concentration, the fracture aperture should be larger. Therefore, ASD curves shift to

the larger aperture size at greater diffusion coefficient and lower characteristic length values.

4.4.3. Limitations of the proposed model

Although the proposed model is able to describe the salinity profile behaviors during the
flowback process, the derivations are based on the several assumptions and also both approaches
have uncertain input parameters. For instance, since the volume of rock available per fracture
surface area is huge, in our models C,, is considered to be constant. L,, is used to account for the
effective distance within the matrix that contributes to the salt transfer. However, these
assumptions should be modified for the stimulated reservoirs with highly complex fracture

network.

The formation water is usually hyper-saline (Vengosh et al., 2014) and also there are
localized precipitated salt areas (see Chapter 2). Therefore, mixing with formation water and
mineral dissolution are possible mechanisms for high salt concentration in flowback water. To
account for these mechanisms, in our calculations, the value for Cy, is considered to be higher than
the maximum value obtained from the field data of flowback salinity. This assumption provide
salt gradient from matrix to the fractures. However, this assumption should be corrected for

modeling of reservoirs with low halite content and low saline formation water.

The proposed model is also developed based on the assumption that the salt transport only

occurs from matrix to fractures. However, the chemistry of the flowback water could change due
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to several phenomena such as mixing of fracking water with saline formation water (Haluszczak
et al., 2013), dissolution of the shale constituents (Blaunch et al., 2009), cation exchange with clay
minerals (Josh et al., 2012), etc. In our calculations, the lump effects all of these phenomena are
considered in the assumed value for C,. Therefore, if the effect of each of the individual

phenomenon is the goal, a separate model should be developed.

In our calculations, the clay leaching effect is lumped with other sources for ions in the
flowback water (formation water, precipitated salts, etc.) and the net effect is reflected in the
assumed values for C,.. However, leaching of the clay minerals from the exchangeable sites (Keller
and Da-Costa, 1989) and cation exchange capacity (CEC) of clays (Josh et al., 2012) impact the
ion transfer rate, which could influence the interpretation of the results. Therefore, the proposed
approaches should be modified for the high clay content reservoirs to account for the CEC of the
clays. Moreover, chemical reactions could add/consume components (such as ions and elements)
into/out of the rock/water. Furthermore, the formation itself could be chemically altered if there
are active reactions with fracturing fluid (Liao et al., 2014). Therefore, the model should also be

modified if the rock formation has active chemical interaction with fracturing fluid.

The proposed model is also considered a constant diffusion coefficient for a single
component. However, in reality, different ions have different diffusion rates and various
parameters (such as concentration, temperature, pressure, etc.) affect their diffusion coefficients
(Treybal 1980). Moreover, leaching of the clay minerals (Keller and Da-Costa, 1989) and their
CEC (Josh et al., 2012) impact individual ion concentration (and also their diffusion coefficients).
Thus, for a more precise calculation, the proposed approaches should be modified to account for

individual ion diffusion coefficient and the parameters that impact their values.

It has been shown that during the production process, pressure draw down along with gas
expansion can evaporate the water (i.e., flowback water) (Singh, 2016). Water vaporization can
potentially increase the salinity of the produced flowback water. More specifically, water
molecules leave the flowback water during the flowback/production process, concentrating the
solution. Future studies should also take into account for the role of water evaporation mechanism

in the flowback water chemistry for a more accurate interpretation of the flowback chemical data.
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4.5. Summary

The concentration of different ions, and in general the salt concentration, in the flowback
water changes over time during the flowback process. For some wells, the salt concentration shows
a continuous increase over time, while for some other wells it shows a plateau at later flowback
times. This chapter presents a model to mathematically describe the salt concentration transient
during the flowback process. The model considers mass (i.e., salt) transfer from matrix to the
water-filled fractures over time (i.e., soaking time plus flowback time). The model results indicate
that the wells with a continuous increase in their salinity profile have more complex fracture
network compared with the wells with a plateau in their salinity profile and more simple fracture

network.

The model results comply with the field data of water and gas recoveries. The wells with
more complex fracture network have more gas production and lower water recovery compared
with the wells with more simple fracture network. A complex fracture network provides high
fracture-matrix contact area, increasing the gas production. Furthermore, high fracture-matrix area
increases the chance of water leak-off into the matrix, leading to low water recovery for wells with

a complex fracture network.

The qualitative fracture network complexity results presented in this chapter also agree with
the estimated fracture surface area values presented in Chapter 5. In this chapter, the model results
indicate that the Ev well has more complex fracture network compared with the OP well. As
presented in Chapter 5, the estimated fracture surface area for Ev well is higher compared with

that estimated for the OP well (Figure 4-11).
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Nomenclatures
Ag; Interface between matrix and i™ fracture (m?)
Ag Area under the graph of 8(Wg) /V versus W (m?)
Ct Salt concentration within the fracture (mol/m?)
Cm Salt concentration within the matrix (mol/m?)
D Diffusion coefficient of salt in water (m?/s)
f(Wp) Probability density function
J Diffusion rate (mol/s)
| . Characteristic length (m)
N¢ Total number of fractures
Np w Normalized water recovery
P. Capillary pressure (Pa)
Qw Cumulative produced water (m?)
(QP’W)i Produced water from fracture i (m?)
r Pore radius in the porous medium (m)
S_g Average gas saturation
Sg ni Initial gas saturation
Sw Average water saturation
t Time (s)
Vy Volume of depleted fractures (m*)
Vi Fracture volume (m?)
Vi Average fracture volume (m?)
Vi, Total fractures’s volume (m?)
Vi Volume of water in the fracture (m?)
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We Fracture aperture size (m)

Greek symbols

At Exposure time (s)

8(Wf)  Probability density function

o Interfacial tension (N/m)
Wetting angle (°)

Subscripts

c Capillary

d Depleted fractures

f Fracture

g Gas/Graph

ini Initial

max Maximum

min Minimum

w Water
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Produced Flowback Salts versus Induced
Fracture Interface: A Field and
Laboratory Study
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5.1. Introduction

Recent developments in horizontal drilling and hydraulic fracturing operations have paved
the way toward economic exploitation of unconventional resources such as tight and shale oil/gas
reservoirs (King, 2012). During fracturing operations, huge amount of fracturing fluid (~10,000-
75,000 m? per well) is injected in the reservoir to create fractures (King, 2012; Goss et al., 2015).
The induced fracture network acts as an artificial pipeline system facilitating hydrocarbon flow to
the wellbore. Characterization of stimulated fracture network is challenging mainly due to low
porosity and permeability of shale matrix (King, 2012; Cao et al., 2017), fracture network
complexity (Zho et al., 20114; Ghanbari and Dehghanpour, 2016), presence of clay minerals (Bai
et al., 2013; Le at al., 2016), natural fractures (Gale et al., 2014; Taleghani and Olsen, 2014), and
fault systems (Suliman et al., 2013; Stabile et al., 2014).

The recovered water at early production period (i.e., flowback water) is highly saline and
toxic (Alessi et al., 2017; He et al., 2017). Several past studies focused on chemical analysis of
flowback water to evaluate the hydraulic fracturing operations and characterize the fractured
reservoirs. Woodroof et al. (2013) developed a chemical analysis model to optimize the fracturing
fluid cleanup. Gdanski (2010) developed a numerical model to history match the composition of
flowback fluid. Engle and Rowan (2014) applied a multivariate data analysis approach to
investigate the geochemical evolution of flowback water. Roshan et al. (2015) calculated the
surface area of shale powders by analyzing extracted exchangeable cations. They suggested that
fracture surface area (Af) can be estimated by tracking exchangeable cations in the flowback
water. Shook and Suzuki (2017) analyzed tracer data to estimate Ar in engineered geothermal

systems. Ghanbari et al. (2013) analyzed flowback salt concentration data of three wells completed
in the Horn River Basin (HRB). They concluded that the induced fracture network affects the load
recovery and the shape of the salt concentration profiles. Bearinger (2013) qualitatively explained
the relationship between the shape of the salt concentration profile and the complexity of fracture
network. In Chapter 4, a model is developed to mathematically describe the Bearinger’s qualitative
theory. This model characterizes the complexity of fracture network using the salinity profile

measured during the flowback process.
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Several past studies investigated shale-water interactions to study the source of ions in the
flowback water. Jones et al. (1992) performed leaching experiments and simulation study to
investigate potential effects of acidification in Rundle oil shale. They concluded that dissolution
of calcite and siderite controls the leachate’s chemistry. Blaunch et al. (2009) analyzed over 100
flowback water samples from the Marcellus shale play. They concluded that production of highly-
saline flowback water is mainly due to the dissolution of shale constituents in injected water.
However, Haluszczak et al. (2013) showed that mixing of the fracturing fluid with in-situ
formation brine is the main reason for highly-saline flowback water in the Marcellus shale play.
Thomson et al. (2016) identified abnormally high concentration of barium ion in the field flowback
water from Marcellus shale play. The experimental results shown in Chapter 2 suggest that the
barium ions in the flowback water of wells drilled in the HRB are possibly originated from natural

fractures.

The reported ion concentration during water imbibition experiments are significantly smaller
than those reported in the field flowback water (Langille et al., 2014; Xiong et al., 2016; He et al.,
2016; Estrada and Bhamidimarri, 2016; Shrestha et al., 2017). Majority of the studies aiming at
ion concertation during leaching/imbibition experiments are performed at low-temperature and
low-pressure (LTLP) laboratory conditions (Shook and Suzuki, 2017; Ghanbari et al., 2013;
Binazadeh et al., 2016; Xu et al., 2018), whereas the reservoir usually has high-temperature and
high-pressure (HT HP) conditions. The different temperature and pressure values dictates different
thermodynamic pathways (Shahrak et al., 2007; Fogler, 2010; Tabrizi et al., 2012; Ebrahimi et al.,
2012) for shale-water interactions in laboratory and in reservoir conditions. Furthermore, the
laboratory imbibition experiments are usually conducted using small rock samples with limited
surface area (A;) and volume (V;), which are significantly smaller compared with the A; and the

rock volume in the reservoir.

This chapter presents the results of LTLP and HTHP water imbibition experiments to
investigate the effects of A, temperature, and pressure on the total ion produced (TIP). Also, A¢

is estimated by scaling-up the experimental results of ion concentration for two wells completed

in the HRB.
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5.2. Materials

Flowback water and downhole shale samples are collected from two wells completed in the
Otter-Park (OP) and Evie (Ev) Formations in the HRB. The approximate reservoir temperature
and pressure for both wells are ~140°C and ~4500 psia, respectively. Figure 1 shows the location

of the target wells.
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Figure 5-1. Location of the target wells in the Horn River Basin.

Table 5-1 shows the average rock mineralogy of OP and Ev samples measured by X-ray
diffraction (XRD) analysis. Quartz is the primary mineral in both of the OP and Ev samples. OP
samples has about two-times more clay minerals compared with the Ev sample. It must be noted
that the gas shales are heterogeneous and their properties can significantly vary even in small scales
(Diaz et al., 2010). Moreover, XRD uses a very small volume of rock for its analysis. Therefore,
the rock mineralogy presented in Table 5-1 might not be an accurate representation of the

mineralogy of the target formations.
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Table 5-1. The average bulk-rock mineralogy of the OP and Ev samples from XRD analysis. The

XRD used for characterization of rock mineralogy has a signal-to-noise ratio of 400.

Sample 0] Ev
Depth (m) 2605 2681
Non-Clay Content (wt.%)
Quartz 55.3 51.9
K-Feldspar 1.6 4.9
Plagioclase 3.7 5.7
Calcite 0.9 133
Ankerite/Fe-Dolomite 0.7 0.0
Dolomite 0.4 2.6
Pyrite 3.5 2.9
Barite 0.1 0.0
Total Non-Clay 66.2 81.3
Clay Content (wt.%)
[lite/Smectite (I/S) 10.8 6.6
[lite+Mica 22.8 12.1
Kaolinite 0.2 0.0
Total Clay 33.8 18.7

Flowback water samples are collected from both OP and Ev wells. Electrical conductivity
(EC) and the ionic composition of the produced flowback water is measured over time. The ionic
composition is measured using inductively coupled plasma mass spectrometry (ICP — MS) and

ion chromatography (IC).

5.3. Experiments

HTHP reactor (Figure 5-2) is used to conduct the imbibition experiments at low-pressure
and high-pressure conditions. Tables 5-2 and 5-3 show the physical properties of selected OP

samples that are used in low-pressure and high-pressure experiments, respectively. The physical
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properties of Ev samples are not shown in Tables 5-2 and 5-3 as they have similar properties to

that of OP samples.

Thermocouple

Heating jacket Reactor chamber

Figure 5-2. Picture of the high-temperature and high-pressure reactor (Parr-Reactor model 4540)

used for shale-water interaction experiments.
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Table 5-2. Physical properties of selected OP samples used for low-pressure shale-water

interaction experiments.

Sample Mass (g) A(cm?) Ve(cm?) T(°C) P(psia)
OP, 346.9 £ 0.1 97.0 +£0.25 138.3 £0.05
OP, 340.2 £ 0.1 108.0 £0.25 135.6 £0.05
OP; 343.1 £0.1 1340 +0.25 136.8+0.05
23£0.5 14.7
OP4 345.2 +£0.1 165.0+£0.25 137.6 £0.05
OPs 343.9 £ 0.1 198.0£0.25 137.1 £0.05
OPs (known)® 345.1 0.1 344.0+025  137.6+0.05
OP; 376.2 £ 0.1 96.0 £ 0.25 150.0 £0.05
OPg 369.6 £ 0.1 94.0 £0.25 147.4 £0.05
OPy 365.4+£0.1 118.0 £0.25 145.7 £0.05
45+0.5 14.7
OPio 373.3+0.1 168.0 £0.25 148.8 £0.05
OP1; 377.6 £0.1 189.0 £0.25 150.6 £0.05
OP1> (known)® 376.3 +0.1 373.0+£025  150.0 £0.05
OPi3 316.8 +£0.1 92.0+0.25 126.3 £0.05
OP14 3282 +£0.1 116.0 £0.25 130.9 £0.05
OP;s 312.7+0.1 141.0 £0.25 124.7 £0.05
65+0.5 14.7
OPis 320.9 +£0.1 174.0 £0.25 128.0 £ 0.05
OPy; 318.5+0.1 205.0 £0.25 127.0 £0.05
OPi5 (known)® 316.7 £ 0.1 364.0+0.25 126.3 +0.05

* Samples with known surface area used for verification of empirical TIP — A4 correlation (red

points in Figure 5-9a).
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Table 5-3. Physical properties of selected OP samples used for high-pressure shale-water

interaction experiments.

Sample Mass (g) As(cm?) Ve(cm?) T(°C) P(psia)
OP19 48.2 £0.01 24.0+0.25 19.2 +0.005

OP» 52.6 £0.01 35.0+£0.25 21.0 £ 0.005

OP2; 53.7+0.01 54.0 £0.25 21.4 £0.005

OP2 57.8+£001  92.0+0.25 23.0 = 0.005 140205 23303
OP3 50.7 £0.01 108.0 £ 0.25 20.2 +0.005

OP»4 (known)”  47.6+0.01 211.0£0.25 19.0 £ 0.005

OP>s 79.4 £0.01 67.0 £0.25 31.7 £0.005 140 £ 0.5 500 - 2550
OP26 88.2+0.01 59.0 £0.25 35.2+£0.005 23 -140 25505

* Sample with known surface area used for verification of empirical TIP — A, correlation (red
point in Figure 5-10a).

5.3.1. Low-Pressure Experiments

Temperature: We conduct isothermal imbibition experiments using samples of similar Ag
and V; in deionized (DI) water. Isothermal tests are performed at T = 23,45, and 65°C and P =
14.7 psia. During the experiments, we measure the EC of the solution over time. Since the
temperature impacts the EC value (Dauphinee and Klein, 1977; Mukerjee et al., 1985), we measure
the EC of the solution at the reference temperature of T = 23°C. So, for high temperature
experiments (i.e., T = 45 and 65°C), the water samples are first cooled down to T = 23°C
before the EC measurement. At the end of the experiments, we analyze the ion concentration using

ICP — MS and IC.

Rock Surface Area: We conduct isothermal imbibition experiments by placing shale
samples of different A, but similar Vg, in DI water at P = 14.7 psia. We repeat the experiments
at different temperatures values (T = 23,45, and 65°C) to simultaneously investigate the effects
of temperature and Ag on the TIP. During the experiments, the EC and also the individual ion

concentration of the solution is measured over time.
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5.3.2. High-Pressure Experiments

Pressure: The temperature is set to a constant value of T = 140°C, which is the average
reservoir temperature for the wells drilled in the OP and Ev Formations. Pressure increases
incrementally every five days, and we monitor the EC of the solution over time. The experimental
pressure values are P = 500,1000, 1500 and 2550 psia. At the end of the experiments, we

analyze the ion concentration using ICP — MS and IC.

Temperature: The pressure is set to a constant value of P = 2250 psia, which is the
maximum allowable pressure in our HTHP reactor. Temperature increases incrementally every
five days, and the EC of the solution is monitored over time. The experimental temperature values
are T = 23,65,100,and 140°C. At the end of the experiments, the ion concentration is analyzed
using I[CP — MS and IC.

Rock Surface Area: Shale samples of different Ay, but similar V;, are placed in DI water at
constant temperature and pressure values of T = 140°C and P = 2250 psia, respectively. The EC
of the solution is measured during the experiments. At the end of the experiments, the ion

concentration is analyzed using [CP — MS and IC.

5.3.3. TIP Calculations

Calculation of TIP from Ion Concentration Data: In the field, one can plot the
concentration of ion i (C;) in the flowback water versus the cumulative produced water (VW,Cum_)
(schematically illustrated in Figure 5-3a). The area under C; — V,,, ¢, represents the TIP for ion i
in the field flowback water (TI PField,i)- Eq. 5-1 can be used to calculate the total mass of all ions

in the flowback water.

" (5-1)
T1Priciaor = ) TlPrieias

i=1

where n is the number of ions in the water sample.
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In the laboratory and during the imbibition experiments, we measure C; over time
(schematically illustrated in Figure 5-3b). Once C; stabilizes over time, one can use Eq. 5-2 to

calculate the total mass of all ions in the solution.

TIPLab,tot = Ci,eqm.Vw (5-2)

n
i=1

where C; oqm. and ¥, are the equilibrium concentration for ion i and the volume of water used

in experiments, respectively.

~ JT —~ A
o« o)
2 @ £ m
€ | 8
T~ | T~
'EE R E B E B B
= . L g "
2 A LET R=1 *
Sy P s [ tiy »
o 5 2o o
g o w2 g "
= - ! - — %
- Pl E
© - e = }Cz,eqm.
B g A ke »
o = 55 i T /,’ ,// ] =
3 L e - =T g lg
a ’/// //// //, //// ///, : &
6 i1 i il e el I ~ (3 ® / ~
r == e
Cumulative Produced Water (m3) Time (day)

Figure 5-3. Schematic illustration of the concentration of ion i versus (a) cumulative produced
water during flowback process and (b) time during isothermal shale-water interaction

experiments.

Calculation of TIP from EC Data: One can use Eqs. 5-1 and 5-2 to calculate T1Pg;e;q 0t
and TIP,4p o¢ based on the field and laboratory data of ion concentrations measure by ICP — MS
and IC. However, both ICP — MS and IC analyzes are relatively expensive and time consuming.
We also measure the EC of aqueous solutions to approximate the values of TIPp,p 0 and
TIPric1q .ot We first evaporate 1 ml of the laboratory and field flowback water samples, and
measure the mass of the remaining salts (msalt’Lab /msalt,pield). EC is linearly correlated to

Msait Lap ANd Mgyt pierg Values (Figure 5-4).
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Figure 5-4. The EC of solutions versus (a) Mgg¢ 1qp a0d (b) Mgqit Fieta- ECLap and ECpieiq
represent the EC of the laboratory and field water samples, respectively. Both EC; 45, and ECrje1q
values are measured at T = 23°C and P = 14.7 psia. The accuracy of measured EC is * 0.1

puS/cm.

Having the experimental value of ECy 4y, Mgqi¢ 1qp 15 calculated using the ECp g, — Mgqit Lab
correlation shown in Figure 5-4a. If DI water, which is ideally ion-free, is used in the experiments,

one can approximate TIPpqp, ¢or USINg TIPpqp tor = MsqitLap X Vip-

Similarly, the ECp;;q of aqueous solutions is measured during flowback process. We
calculate Mgyt pierg USIng the ECpio1q — Mggie pierq correlation which is shown in Figure 5-4b.
Target wells in this study are fractured using slickwater (almost fresh water). During flowback

process, the volume of recovered water (VW_Tecov.(t)) and its total ion content (msalt,pield(t))
change over time. Assuming that the initial ion concentration in the fracturing fluid is negligible,

one can approximate TIPField,tot uSing TIPField,tot = Zt msalt,Field (t) X Vw,recov.(t)-

5.4. Results and Discussions

5.4.1. Field Data vs. Laboratory Data

Figure 5-5 compares the concentration of selected ions (sodium, potassium, and barium)

measured during flowback process and low-pressure isothermal imbibition experiments at T =
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23°C. Field and laboratory results presented in Figure 5-5 belong to the OP well and OP3 sample,

respectively. We observed similar trends for other rock samples and also for the Ev well.
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Figure 5-5.Comparison between concentrations of selected ions measured during low-pressure

isothermal water imbibition experiment on OP3 sample at T = 23°C and that measured in the

field during water flowback of OP well; (a) sodium ion, (b) potassium ion, and (c) barium ion.

Laboratory and field data of ion concentrations are plotted against soaking time and flowback

time, respectively. The accuracy of measured ion concentration is + 0.1 mg/I.

According to Figure 5-5, the concentration of different ions during isothermal imbibition

experiments at T = 23°C are approximately 3 orders of magnitude smaller than that measured
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during flowback process. The difference between the laboratory and field conditions (such as
temperature, pressure, shale-water contact area, rock volume, and volumetric ratio of water and
rock) can be responsible for the significant gap between the laboratory and field data of ion

concentration.

Imbibition/leaching experiments are usually performed at lower temperature and pressure
values than the reservoir (Ghanbari et al, 2013; Roshan et al., 2016; Yang et al., 2017). Different
laboratory and field conditions (i.e. temperature and pressure) dictates different thermodynamic
equilibrium states between water (or fracturing fluid) and rock sample (or reservoir rock); leading

to different ion concentrations in laboratory and field.

Additionally, during water imbibition experiments, rock sample provides small A for rock-
water interactions. In reservoir however, Ay is very large and provides considerable surface area
for interaction of reservoir rock with the water residing in fractures. Roshan et al. (2016) concluded
that the available surface area for shale-water interactions impacts the leached ions from shale
samples. They calculated A using leached exchangeable cations, and suggested that Af can

potentially be calculated by analyzing the exchangeable cations in the recovered flowback water.

The concentration of individual ions provides information about the sources of the ions in
the flowback water (Blaunch et al., 2009; Haluszczak et al., 2013) and can be used to characterize
the fracture network (see Chapter 2). In addition to the individual ion concentration, the total mass
of recovered salts/ions (i.e., TIP) during the production period may provide additional information
for the fracture network. Figure 5-6 compares the calculated values of laboratory and field data of
TIP. Similar to the individual ion concentration data (Figure 5-5) there is a significant gap between
the T1Pgje1q and T1P; 4, values. For the OP well, the T1Pg;0;4 1s more than 20 tonnes, while the

TIP;,p 1s less than 15 mg at the end of the imbibition experiments with OP3; sample (Figure 5-6).

It must be noted that in both Figures 5-5 and 5-6, we plotted the experimental results of ion
concentration and TIP versus soaking time, while the corresponding field data are plotted against
the flowback time. These two time scales are not necessarily equivalent. We assume a pseudo-
equilibrium state is achieved between rock and water under both laboratory and field conditions.
More specifically, according to Figures 5-5 to 5-7, majority of the ion transfer from rock-to-water

occurs during the first five days of the experiments; and after that, the net ion transfer slows down
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significantly. Thus, we assume a pseudo-equilibrium state between rock and water after five days
of soaking experiments. In the field, the target wells in this study are shut-in for more than two
weeks. Similarly, we assume the pseudo-equilibrium state is achieved between the reservoir rock

and fracturing fluid (i.e., water).
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Figure 5-6. Comparison between TIP;,;, and T1Pg;z14. The TIP, 4, is calculated using the ion
concentration values measured over soaking time during low-pressure isothermal water
imbibition experiment on OP3; sample at T = 23°C and P = 14.7 psia. The T1Pg;;4 1s

calculated using the ion concentration values measured over flowback time of OP well. The units

of TIP in Figures (a) and (b) are different to depict the difference between TIPp;e;q and TIP; .

5.4.2. Results of Low-Pressure Experiments

Figure 5-7 shows the effects of temperature and Ag on the TIP;,;, values during the low-
pressure water-rock interaction experiments on selected OP samples. We observe similar trends

for the rest of OP samples as well as Ev samples.
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Figure 5-7. Effects of (a) temperature and (b) Ag on the TP, of the solution during low-
pressure (P = 14.7 psia) water-rock interaction experiments using representative OP samples.

The Y-axis’ units in Figures (a) and (b) are different to show the difference among the curves.

Increasing temperature increases the T1P;,;, (Figure 5-7a). High temperature generally (i)
expedites the physiochemical reactions (Fogler, 2010) and (ii) increases the ion diffusion
coefficients (Treybal, 1980); which can lead to high TIP; ;. At late times, T1P; ), stabilizes over

time, where we consider its value as the TIPp4p, ¢o¢-

Increasing Ag increases the TIP;,;, (Figure 5-7b), which can be due to mineral dissolution
and ion-exchange reactions by clays. Furthermore, physiochemical reactions between rock
constituents and water can potentially be increased by providing large mass transfer area; resulting

in high T1P, 4. Similarly, we consider TIPp,}, 1o Where the value of TIP, ), stabilizes over time.

5.4.3. Results of High-Pressure Experiments

Figure 5-8a shows the effect of pressure on the TIP,,; during the isothermal water-rock
interaction experiments at T = 140°C. Pressure does not have significant impact on the TIP; 4.
More specifically, we increase the pressure incrementally every five days. TIP.,, slightly
increases with pressure. High-pressure may favor the dissolution of some minerals such as calcite

(Peng et al., 2015), which can explain the gradual increasing trend of T1P,,; with pressure.
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Figure 5-8. Effects of (a) pressure, (b) temperature, and (c) A on the T1P, 4 of the solution

during high-pressure water-rock interaction experiments using representative OP samples.

For reactions without gaseous products, the equilibrium reaction constant (Keq) does not

depend on pressure (Eq. 5-3) (Levenspiel, 1999). Pressure independency of K., may explain the
negligible variation of TIP, ,; with pressure (Figure 5-8c).

o

—A,G
RT

5-3
Keq = exp( ) 63

Where, T is temperature, R is the universal gas constant, and A,.G" is the standard Gibbs free
energy change.

Since pressure does not significantly impact the T1P; ,;,, we performed the rest of our HTHP
experiments at P = 2550 psia, which is the maximum allowable pressure in our HTHP reactor.

Figure 5-8b shows the effect of temperature on the TIP,,; at constant pressure of 2550 psia.
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TP, sharply increases with increasing temperature. Mineral dissolution generally increases by
increasing the temperature (Perry and Green, 2007), which can be responsible for the positive
correlation of TIP,,;, with temperature in Figure 5-8b. Additionally, ion diffusion becomes faster
at higher temperature (Treybal, 1980). Thus, increasing temperature can potentially improve the

mass transfer from rock to water, increasing T1P, 4.

Figure 5-8c shows the effect of A on the TIP,,,; at constant temperature and pressure values
of T =140°C and P = 2550 psia, respectively. Similar to the LPLT tests (Figure 5-7b),
increasing A increases the TIP,,;, at HTHP conditions. High shale-water contact area (i.e., As)
enhances the accessibility to the clay-rich zones (see Chapter 2), facilitating the ion-exchange
reactions. Furthermore, the precipitated salts on the surface of natural fractures (Gale et al., 2014)
or in the pore space (Fakcharoenphol, 2014) become more accessible to the water by increasing
As. In addition, high A, facilitates the physiochemical reactions between rock and water by

providing more shale-water contact area, potentially leading to high TIP, .

Comparing of Figure 5-7 with Figure 5-8 suggests that performing the shale-water
interaction experiments at HTHP conditions leads to significantly higher TIP;,;, compared with
that performed at LTLP conditions. For instance, OP3 has more than five times Ay than OP19
(Tables 5-2 and 5-3). However, TPy 4y o 1s nearly seven times for HTHP experiment with OP19

compared with that for LTLP experiment with OP3 (Figure 5-7b and Figure 5-8c).

5.5. Field Application

Experimental results indicate that TP, is significantly influenced by A, and temperature
(Figures 5-7 and 5-8). In this section, we scale-up the results of shale-water interaction experiments

to estimate Ay for two wells completed in the HRB.
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3.5.1. Estimation of A using Low-Pressure Experimental Data

Figure 5-9a shows the effect of A; on the TIP,4p ¢ for isothermal (T = T]) shale-water

interaction experiments at P = 14.7 psia (TIPLab'tot|T.> using OP samples.
J
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Figure 5-9. (a) Effect of Ay on the TIPLab_t0t|T' during isothermal (T = T]) shale-water
J

interaction experiments at P = 14.7 psia using representative OP samples. The red color points

represent the samples with known A, values. (b) Estimated Af,T]_ using the T1 PLab’tot|T' — Ag
J

correlations that are presented in Table 5-4. (c) Effect of temperature on the estimated Af,Tj

(solid-black triangle points). The correlation between Af,Tj — T is used to extrapolate Af ges.

(hollow-black triangle point).
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We use linear regression to find the correlation between TIP; 4, t0t| and Ag, which are
’ T]
provided in Table 5-4. In order to verify the accuracy of the regression, for each of the isothermal
experimental data sets, we use the TIPLab'tot|T. — A, correlation to estimate the surface area of
J

known sample (As'knownlest_)' Table 5-4 compares As'knownlest. with  Ag gnown and the

corresponding error (Err. Ag ), which is defined as

est. As,known % 100 (5-4)

As,known

As,known |

Err.,, (%)=
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Table 5-4. A comparison between Ag jpnown and A s'knownlest for each sets of low-pressure

isothermal shale-water interaction experiments at P = 14.7 psia.

Ag known TIPyap,tot |T]- — A As,known|est_ ET‘T’.AS
Sample T (°C)
(sz) correlation (sz) (%)
OPs 23+ 3440 TIPiaptot|,,.. = 306.7A5 + 8.0 287.5 + 13.1
0.5 +0.25 0.25
OP1» 45 + 373.0 TIPLab,tot|450C = 526.245 + 15.9 3293 + 11.7
0.5 +0.25 0.25
OPi3 65 + 364.0  TIPLaptot| g, = 1363.345 +25.1 370.1+ 1.6
0.5 +0.25 0.25
Evs 23+ 380.0 TIPLab,tot|23oC = 377.345 + 8.8 4345 + 14.3
0.5 +0.25 0.25
Eviz 45+ 353.0 TIPiaptot, ., = 690.845 + 16.4 385.0+ 9.0
0.5 +0.25 0.25
Evis 65 + 4100 TIPygptot| ., = 1137145 + 32.2 367.8 + 7.8
+0.25 0.25

0.5

The average error for estimation of Aggnown 1S around 9.5%. According to Table 5-4,
compared with the data set at T = 23°C, the error for estimation of Ag ypnown deceases when we

use experimental data sets at higher temperature values (T = 45 and 65°C).

TIPgic14 tor Tor the OP and Ev wells are about 36.4 and 52.2 tonne, respectively. We place

TIPgic14 tor Values in the T1 PLab,t0t|T_ — A correlations (presented in Table 5-4) to estimate A
J

using each sets of isothermal tests (Af,T].) (Figure 5-9b). It is worth mentioning that the

TI PLab,tot|T]_ — A, correlations presented in Table 5-4 are specific to our samples, and might not

be applicable to all samples from the target formations.

122



Chapter 5- Produced Flowback Salts versus Induced Fracture Interface Ashkan Zolfaghari Sharak

According to Figure 5-9b, the estimated Af,T]- value decreases when we use experimental

data set at higher temperature values (Af,65°C < Afasoc < Af‘23oc). Increasing temperature

increases T1P per unit rock surface area; decreasing the estimated A values.

The average reservoir temperature in both OP and Ev wells is approximately 140°C. The
temperature-dependency of reaction rates usually describes by Arrhenius equation (k =
Aexp(—E,/RT)); where k is the reaction rate constant, A is pre-exponential factor, E, is the
activation energy, and R is the universal gas constant (Fogler, 2010). Thus, similar to Arrhenius
equation, we use exponential regression to extrapolate Ay at reservoir temperature (Af'ReS.), and
the results are presented in Figure 5-9¢ for the OP well. There is a negative correlation between

Af,T]. and T. Using the low-pressure experimental results, the extrapolated Ay ges. values are 2.6 X

10°m? and 6.3 x 10°m? for the OP and Ev wells, respectively.

3.5.2. Estimation of Ay using High-Pressure Experimental Data

Figure 5-10a illustrates the effect of A; on the TIPp 4} ¢ for OP samples at constant
temperature and pressure values of T = 140°C and P = 2550 psia, respectively. We use the linear
TIPgp,tor — As correlation (shown on Figure 5-10a) to estimate the Ag xnown (As'known |est_) (red
point on Figure 5-10a). The Err.,_ is approximately 8.3% for estimation of Ag xpnown using HTHP
experimental results. We extrapolate the Afges by placing the TIPpigqo; into the linear
TIP,gp,tor — As correlation (Figure 5-10b). Using the high-pressure experimental results, the

calculated A g, values are 7.9 X 10°m? and 1.3 X 10”m? for OP and Ev wells, respectively.
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Figure 5-10. (a) Effect of A on the T1 PLab,tot|1400 c during isothermal shale-water interaction
experiments at T = 140°C and P = 2550 psia using OP samples. The red color point represent

the sample with known A; value. (b) Extrapolation of Ay ges. using the T1 PLab,tot| A

140°C

correlations that is shown on Figure (a).

5.5.3. Verification of the Estimated A f Values

In order to verify the estimated Af res, results, we first compare them with those calculated
from the production and flowback rate-transient-analysis (RTA). We also interpret the field data
of water and gas recoveries along with the fracture network complexity analysis to qualitatively

evaluate the estimated Ay g, values.

Ay from Rate-Transient Analysis (RTA): We calculated Ay for both target wells by RTA of
the production data (Af,RT Aproduc tion). The calculated Af rrap, o gucrion V2IUES are 2.2 X 10°m? and

1.9 X 10°m? for the OP and Ev wells, respectively.

Flowback RTA is another method to calculate As. We did not have flowback RTA for our
target wells. However, Xu et al. (2017) calculated A; using flowback RTA (Af.RTAonwback) of

wells completed in the OP Formation in a well-pad adjacent to our target wells. Figure 5-11
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compares the estimated Af g5 values from LTLP and HTHP tests with those calculated from

production and flowback RTAs (Af rrap, . guetion @9 Af RT 410w pack)
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Figure 5-11. A comparison among the estimated As g5 from LTLP and HTHP imbibition tests
and that calculated from the production RT A results for OP and Ev wells. The value presented
for flowback RTA are the average Af value reported by Xu et al. (2017) from flowback RTA of

wells drilled in OP formations in a well-pad adjacent to our target wells.

The estimated Af ges. from the scale-up of the LTLP and HT HP imbibition test results have
similar orders of magnitude compared with those calculated from both production and flowback
RTA results. Also, the estimated Af ges from the HTHP imbibition tests are larger than that
estimated from low-pressure imbibition tests. One possible explanation can be due to the slightly
higher TIP per unit surface area of the rock sample at high-pressure conditions compared with that
at low-pressure conditions (Figure 5-10a). More specifically, increased dissolution of certain
minerals such as calcite at high-pressure conditions (Peng et al., 2015) lowers the TIP — A slope,
leading to slightly higher estimation of As s compared with that estimated using the low-pressure

experimental data.

Water and Gas Recovery Data: Figure 5-12 compares the field data flowback water and gas
recoveries for the OP and Ev wells. Ev well shows higher gas production (~5500 m3) than OP
well (~2700 m?) during the 14-day flowback period. Higher estimated Ay ges  of the Ev well
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corresponds to higher matrix-fracture contact which can facilitate gas production compared with
the OP well. Moreover, higher Af g of the Ev well enhances the chance of water leak-off into
the matrix (see Chapter 2), resulting in lower water recovery (~1.8% of TIV) compared with the

OP well (~6.9% of TIV) during the 14-day flowback period.

: 20

B Gas production
Bl Water recovery PR
2 8000 -
g s
o o
.2 X
- ~
S 400 10 &
£ :
2, S
@ 2
<
o ”

1 0
op Ev

Figure 5-12. Gas production and water recovery during 14-day flowback period for OP and Ev

wells.

Fracture Network Complexity Analysis: The estimated Ay g.s values also comply with the
previous studies on analysis of fracture network complexity of these two wells. The experimental
and modeling results presented in Chapters 2 and 4 suggested that the Ev well has more complex
fracture network than the OP well. More complex fracture network in Ev agrees with its higher
estimated Ay ges. value (Figure 5-11), as oppose to the simpler fracture network in OP and its lower

estimated Af s value (Figure 5-11).

5.6. Limitations of the Proposed Scale-up Technique

The proposed scale-up procedure for estimation of Ay based on the ion concentration data
during LTLP and HT HP imbibition tests accounts for shale-water contact area (Af), temperature,

and pressure. However, in this chapter, the LTLP and HTHP experiments are conducted in
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presence of air. The oxygen presented in the air can oxidize the redox-sensitive elements of the
rock (such as iron, sulfate, and bromide) (Sun et al., 2013; Xu et al., 2018). In other words, we
performed our experiments at oxic conditions. However, there is limited (or no) oxygen in the
reservoir, and thus, it is initially at anoxic condition (Curtis, 2002). The dominant reactions
controlling the water chemistry in the oxygen-rich laboratory environment could be different

compared with those in the oxygen-poor reservoir conditions.

It must be noted that, fracturing fluid should be oxygen-rich as it is usually in contact with
air for long time. Injection of oxygen-rich fracturing fluid can alter the redox state locally (i.e., at
fracture-matrix face) during the fracturing and soaking periods. Thus, for the scale-up purpose,
one should perform the experiments at controlled oxygen content if the reservoir contains
significant amount of redox-sensitive minerals (such as pyrite) to best simulate the downhole

condition.

There is a linear relationship between TIP,,p ¢ and Ag at the experimental conditions
(Figures 5-9a and 5-10a). The linear correlation is valid at the limited range of A, values (less than
400 cm?). Future studies should further investigate the linear TIP, 4, 1or — As correlation at higher

A, values to ensure the validity of the proposed scale-up procedure at the reservoir scale.

5.7. Summary

This chapter presents the results of shale-water interaction experiments (i.e., water
imbibition) at two different conditions of (i) low-temperature and low-pressure (LTLP) and (ii)
high-temperature and high-pressure (HTHP). The experiments investigate the effects of rock
surface area (Ay), temperature, and pressure on the total ion produced (TIP). LTLP experiments

include conducting

a. imbibition tests at different temperatures (T = 23,45, and 65°C) using shale samples

of similar A5 and volume (V;) at P = 14.7 psi.
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b. isothermal imbibition tests using shale samples of different A but similar V; at P =
14.7 psi. Isothermal experiments are conducted at = 23,45,and 65°C to

simultaneously investigate the effect of A and temperature on TIP.
HTHP experiments include conducting

a. isothermal imbibition tests (T = 140°C) using shale samples of similar A; and V.
The pressure increased incrementally every five days to investigate the effects of

pressure on TIP. The test pressures are P = 5000, 1000, 1500, and 2550 psia.

b. imbibition tests at constant pressure of P = 2550 psia using shale samples of similar
A, and V. The temperature increased incrementally every five days to investigate the

effects of temperature on TIP. The test temperatures are T = 23,65, 100, and 140°C.

c. imbibition tests using shale samples of different Ay but similar V5 at T = 140°C and

P = 14.7 psi.

Experimental results indicate that pressure has negligible impact on TP, while both A and
T are positively correlated to TIP. This chapter also presents a scale-up technique estimate the
fracture surface area (Af) using laboratory and field data of ion concentration. The estimated Af
is higher for the well with higher gas production and lower water recovery in the field as opposed
to the well with lower gas production and higher water recovery. The estimated Ay values comply
with the fracture network complexity analysis using barium ion concentration profiles (Chapter 2)
and salinity profiles (Chapter 4). More specifically, the proposed scale-up procedure estimates
higher Af value for the Ev well which expected to have a more complex fracture network (Chapters

2 and 4) compared with that for the OP well.

In addition to the results presented in this chapter, a similar scale-up procedure is presented
in Appendix C to estimate the invaded reservoir volume (/RV') using the laboratory and field data
of ion concentration. The estimated IRV is higher for the Ev well compared with that for the OP
well. The estimated IRV values comply with the field data of water recovery. More specifically,
the Ev well (with higher estimated IRV value) has lower water recovery in the field compared with

the OP well with higher field water recovery and lower estimation of /RV value.
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Nomenclatures
A Pre-exponential factor in Arrhenius equation
Af Fracture surface area
Af,Tj Fracture surface area estimated using experimental data of isothermal water
imbibition at T = T;
Af Res. Extrapolated fracture surface area at reservoir temperature

Af:RTAProduction
Af:RTAFlowback
Ag

As,known

As,known |

C;

est.

Cieqm.
DI

E,

EC
ECrieia
ECpap

Err.,,

Ev

HTHP
ICP — MS

eq
LTLP

Estimated fracture surface area by production rate-transient-analysis
Estimated fracture surface area by flowback rate-transient-analysis
Surface area of rock sample

Surface area of known sample

Estimated surface area of known sample by the scale-up procedure

Concentration of ion i

Equilibrium concentration of ion i

Deionized

Activation energy

Electrical conductivity

Electrical conductivity of flowback water samples

Electrical conductivity of aqueous solutions measured during imbibition
experiments

Error associated with estimation of surface area of the known sample
Evie

High-temperature and high-pressure

Inductively coupled plasma mass spectrometry

Reaction rate constant

Equilibrium reaction constant

Low-temperature and low-pressure
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msalt,Field
Msait Field (t)

msalt,Lab

OP;

RTA

TIP
T1Prieia,;
TIPrabtotly,
T1Ppieta, ot
TIPyap ot
TIV

S oS

,cum.

VW,T'ECOU. (t)
XRD

A,G’

The mass of the remaining salts after evaporation of 1 ml of the flowback water
sample

The mass of the remaining salts after evaporation of 1 ml of the flowback water
at time t.

The mass of the remaining salts after evaporation of 1 ml of the solution used
in the imbibition experiments

The number of ions

OP sample number i

Universal gas constant

Rate transient analysis

Time

Temperature

Total ion produced

The total mass of produced ion i in the flowback water

The total mass of ions produced during isothermal imbibition experiments at
T=T,.

The total mass of ion produced during flowback process

The total mass of ion produced during imbibition experiment

Total injected volume

Volume of rock sample

The volume of water used in imbibition experiments

Cumulative produced water

Volume of recovered flowback water as a function of time

X-ray diffraction

Standard Gibbs free energy change
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Chapter 6

Water Sorption Behaviour of Gas Shales:
I. Role of Clays
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6.1. Introduction

Exploitations of the shale reserves have caused tremendous hydrocarbon production around
the world, particularly in the United States and Canada. Advances in horizontal drilling and
multistage hydraulic fracturing technologies paved the way towards economic oil and gas

production from shales (Ning et al. 1993; King, 2012).

Although shales are considered to be a game changer in the energy industry (Rivard et al.,
2014; Gevorkyana and Semmler, 2016), researchers face several challenges to design optimal
field-scale operational procedure for hydrocarbon recovery from these unconventional reserves.
Shales are challenging particularly due to their heterogeneous nature (Diaz, et al., 2010; Fathi and
Akkutlu, 2009), low permeability and porosity (Naraghi and Javadpour, 2015; Pan et al., 2015),
abundance of natural fractures (Gale et al., 2007), and presence of clay minerals (Chenevert, 1970;

King, 2012).

Among the aforementioned parameters, presence of clay minerals has gained considerable
research attentions. Li et al., (2016) showed that presence of clay minerals impacts water
distribution in shales, which in turn alters methane adsorption capacity. Also, water activity of
shales depends on the clay content (Chenevert, 1970; Wen et al., 2015) as water molecules can
adsorb on the negatively-charged clay surfaces (Essington, 2005). Water adsorption by clays can
cause swelling (Chenevert, 1970) and damage matrix permeability (Scott et al., 2007). Swelling
of clay minerals can induce micro-fractures (Makhanov et al., 2014; Roshan et al., 2015; Sun et
al., 2015; Ghanbari and Dehghanpour, 2015; Meng et al., 2015; Zhou et al., 2016) and deteriorate
well integrity (Steiger and Leung; 1992). From the environmental point of view, presence of clay
minerals in shale reservoirs is also important as they affect the fate of fracturing fluid (Ghanbari

and Dehghanpour, 2016) and the chemistry of recovered flowback water (see Chapter 2).

Several past studies focused on sorption behavior of shales using different gases (i.e., No,
CO», and argon) to investigate different properties of reservoir/shale samples. Yu et al. (2014 and
2016) used N2-BET (Brunauer—Emmett—Teller) analysis to estimate original gas in place in
Marcellus shale. Jin et al. (2015) performed N2, CO>, and argon sorption experiments on gas shale
samples. They concluded that CO» has a very strong affinity to organic matter; and the presence

of open fractures reduces the effect of gas sorption on the effective permeability. Lin and Kovscek

132



Chapter 6- Water Sorption Behaviour of Gas Shales: 1. Role of Clays Ashkan Zolfaghari Sharak

(2014) developed a numerical model to investigate the permeability change by gas adsorption.
Their results indicated that permeability reduction is more prominent when CO; is used as
adsorbent instead of N». They concluded that N> mainly forms a monolayer film on the pore
surface, while CO» has strong multi-layer adsorption. It is worth mentioning that surface diffusion
enhances adsorption process, especially in small capillaries (Wu et al., 2015 and 2016). For
instance, they showed that over 90% of gas mass transfer in pores of <2 nm is controlled by surface

diffusion process (Wu et al., 2015).

Water sorption behaviour of shales has been the focus of several studies to investigate the
alteration of petrophysical properties, mechanical strength, and swelling potential of shale
samples. Water adsorption by clay-rich shales can cause spalling and induce fractures (Chenevert,
1970, Ghanbari and Dehghanpour, 2015), reducing the mechanical strength of shale samples.
Tandanand (1985) showed that tangent modulus and compressive strength of shales decrease
linearly with the sample’s moisture content. Al-Bazali et al. (2008) showed that water adsorption
and leaching of ions out of shales weakens their mechanical strength. Lyu et al. (2015) investigated
shale swelling caused by the water adsorption process. They concluded that maximum swelling
rate occurs at shale’s initial water content of 14%. Li et al. (2016) analyzed water adsorption
isotherms in order to investigate the effect of water distribution on methane adsorption capacity.
They concluded that due to hydrophilicity nature of clays, water uptake for clay-rich shales is high

which in turn reduces the methane sorption capacity.

Interpretation of water sorption behaviour of shales is challenging as water molecules can be
simultaneously condensed in pore space (Chenevert, 1970; Chen et al., 2012) and also adsorbed
on the surface of clays. Kelvin equation commonly uses in the literature to describe capillary
condensation during sorption process. Kelvin equation however, does not account for the clay
adsorption process. In this study, we conduct a modified sorption experiment to investigate the
role of clays during water sorption process in gas shales. We first describe the hypothesis in Section
6.2. Section 6.3 describes the materials and methods that we use to examine the hypothesis.
Sections 6.4 and 6.5 cover experimental results and conclusions, respectively. We use the results
obtained from this chapter to characterize the inorganic and organic pore size distributions of shale

samples, which is presented in Chapter 7.
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6.2. Hypothesis

When a porous medium is exposed to the vapor of a wetting fluid, vapor molecules can
simultaneously (i) condense in the pore space (i.e., capillary condensation process) and (ii) adsorb
on the surface of clay minerals (i.e., clay adsorption process). During the capillary condensation
process, the vapor phase adsorbs as a multilayer film onto the porous medium. The process
continues to the point at which the pores become filled with condensed liquid (Schramm, 1993).
During clay adsorption process, polar molecules (such as water) can adsorb on negatively-charged
surfaces of clay minerals. Clay adsorption process is particularly important in presence of water

vapor molecules as clays have hydrophilic nature (Essington, 2005).

Kelvin equation (Eq. 6-1) commonly uses in the literature to describe the relationship

between RH and the size of the water-filled capillary (Fisher and Israelachvili, 1979):

—YVy, cos 0 ( 1 1 ) (6-1)

lTl(RH) = RT R_ + R_
1 2

Where, y is surface tension, V;, is the liquid molar volume, 6 is contact angle, R is universal

gas constant, 7' is temperature, and R; and R> are the principal radii of curvature.

According to Kelvin equation, water vapor condenses in small pores at low RH values.
Larger pores fill with condensed water as RH increases during adsorption process. Kelvin equation

however, does not account for water uptake by the clay adsorption process.

In this chapter, based on the hydrophilic nature of clay minerals, we hypothesize that clays
primarily fill up their capacity for water uptake at early stages of the water adsorption process. In
other words, we hypothesize that clay adsorption is the primary mechanism for water uptake at
early stages of the adsorption process. The role of capillary condensation process for water uptake

increases at later stages of the adsorption process.
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6.3. Materials and Method

In order to analyze the hypothesis described in Section 6.2, we first perform conventional
water sorption experiments using shale samples of different clay contents. We then conduct a
modified water sorption experiments to investigate the role of clay adsorption process on the water
uptake. We also performed water imbibition experiments using shale samples of different clay
contents. We performed a comparative analysis between the results of imbibition and adsorption

experiments to further scrutinize the role of clays on water uptake.

X-Ray Diffraction (XRD) Analysis: Downhole gas shale samples of different clay contents
are collected from Otter-Park (OP), Evie (Ev), and Lower-Evie (LEv) formations of the Horn River
Basin (HRB). Two sets of sample with different clay contents are selected from each formation.
XRD analysis is used to characterize the rock mineralogy, and the results are presented in Table

6-1.

According to XRD results, illite, mica, and mixed-layer illite/smectite (I/S) are the major
clay minerals in our shale samples. Total clay content of our shale samples varies from 5.8 Wt.%
(OP1 sample) to 33 Wt.% (Ev2 sample). Table 6-1 also shows that the shale samples are
heterogeneous as the rock mineralogy changes significantly even within a formation. For instance,
Ev2 has over seven times more clay content compared with that of Evl. It is worth mentioning
that XRD uses small amount of rock volume for its analysis, and hence, the presented results in

Table 6-1 might not be an accurate representation of all samples from target formations.
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Table 6-1. Rock mineralogy of shale samples from XRD analysis (Wt.%). The XRD used for

characterization of rock mineralogy has a signal-to-noise ratio of 400.

Minerals OP1 OP2 Evl Ev2 LEvl LEv2
[llite/Smectite (I/S) 0 5 0 14 0 3
Illite+Mica 5.8 11 4.5 19 4.9 9
Total Clay 5.8 16 4.5 33 4.9 12
Quartz 78.9 77 64 32 77.2 65
K-Feldspar 1.7 2 2 6 2.5 3
Plagioclase 5.4 2 5.1 6 0 6
Calcite 4.5 0 20.1 10 13 10
Ankerite/Fe-Dolomite 0 1 0 5 0 0
Dolomite 1.4 0 3.1 4 1.4 1
Pyrite 2.3 1 1.2 5 1 3
Total Non-Clay 94.2 84 95.5 67 95.1 88

N2-BET Analysis: We use No-BET analysis to determine the total porosity of the shale
samples (See Table 6-2). The total porosity of our shale samples ranges from 3.3% (OP2) to 5.6%

(Evl sample) with an approximate value of 4.5%.

Table 6-2. Total porosity of shale samples from N2-BET analysis. The accuracy of relative
pressure measurements by No-BET analysis is 0.15%.

Sample OP1 OP2 Evl Ev2 LEvl LEv2
Total Porosity (%) 3.9 3.3 5.6 3.8 5.3 5.1

Conventional Sorption Experiments: We use a controlled- RH chamber to conduct the
sorption experiments. To control RH, we use saturated salt solutions of known vapour pressure, as
equilibrium vapour pressure is equivalent to RH. Table 6-3 lists the salts used in the water sorption
experiments and their corresponding saturated vapour pressure (P53!) at room temperature (23°C).
We used silica gel and deionized (DI) water to preserve the RH at 0 and 1, respectively. All of the
salts are purchased from Sigma-Aldrich Corporation with purity of > 93.0%.
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Table 6-3. Salt solutions used in water sorption experiments and their relative

PSat at 23°C (Zhang et al., 2004).

Saturated Silica DI

_ ZnCl, KCOOH MgCl; MnCl NaCl KClI KH>PO4
solution gel water
PS(RH) ~0 0.1 0.215 0.32 0.56 0.755 0.85 0.960 1

We placed the oven-dried samples in the controlled-RH chamber (as schematically illustrated
in Figure 6-1a). For conventional adsorption tests, we initially place the samples in the controlled-
RH chamber with RH equal to 0.1 (the saturated salt solution of ZnCl;). The samples reach to
equilibrium conditions when their masses stabilized over time. Then, we increase the RH by
switching the saturated salt solution to KCOOH (RH = 0.215). This procedure is repeated for
different RH values corresponding to different salt solutions in Table 6-3. Once the conventional
adsorption process completed (solid line in Figure 6-1b), the process is reversed to obtain the
conventional desorption isotherm (dash line in Figure 6-1b). In other words, at the end of the
adsorption process (RH = 1), we decrease the RH of the chamber in a step-wise manner to reach

to RH = 0 according to Table 6-3.

1. Adsorption

> WAds,Conv

Adsorbed Water

2. Desorption

() (b)

Figure 6-1. Schematic illustration of (a) the conventional water sorption experiments and (b) the
pertinent sorption isotherms (RH; < RH, < -+ < RH,,_; < RH,,). S; represents the saturated

solutions of salt i.
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Modified Sorption Experiments: We use a modified sorption technique (schematically
illustrated in Figure 6-2) to investigate the role of clays on water uptake/depletion during water
adsorption/desorption processes. The modified technique has an extra early sorption cycle (Stages
1 and 2 in Figure 6-2) compared with the conventional procedure (Figure 6-1b). The early sorption
cycle consists of adsorption at RH ~ 0.215 (Stage 1) followed by desorption to RH = 0 (Stage
2). In other words, during Stage 1, the sample adsorbs total of Wy ¢y of water. During Stage 2,
the amount of adsorbed water decreases from Wy s ¢y 10 Wget cyc- It is worth mentioning that the
primary goal of the early sorption cycle is to maximize water uptake by the clay adsorption process
against the capillary condensation process. Ideally, one should use the smallest RH value for the
end-point of the early sorption cycle. In our experiments however, we used RH =~ 0.215 instead
of RH =~ 0.1 as the end-point of the early sorption cycle. More specifically, during the sorption
experiments, we have to unseal the RH-chamber and weigh the samples. During this process,
laboratory air (with an average RH value of 0.24) enters the RH-chamber. This excess RH can
adversely impact our interpretation of the sorption data. More specifically, the excess RH in the
air can be adsorbed by clays and also condensed in capillaries. However, the goal of this early

sorption cycle is to minimize the effect of capillary condensation process.

After the early sorption cycle, we place the samples in the controlled-RH chamber for a full
sorption experiment (Stages 3 and 4 in Figure 6-2). More specifically, during the modified
adsorption process (Stage 3), the amount of adsorbed water increases from Wger cyc 10 Wags mod-
During the modified desorption process (Stage 4), the amount of adsorbed water decreases from
Waas,moa 10 Wret,cyc + Wret,moa- All experiments are performed twice to ensure reproducibility

of the presented results.
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Stage 1° Adsorption during early sorption cycle
Stage 2° Desorption during early sorption cycle
Stage 3° Modified adsorption isotherm

Stage 4: Modified desorption isotherm

Stages 1&2: Early sorption cycle

Stages 3&4: Modified sorption cyele

W a4scye- Adsorbed water at the end of the adsorption
part of the early sorption cycle

W gercyc- Retained water at the end of the early
sorption cycle

W 445 mod- Adsorbed water at the end of modified
adsorption process

W petmod- Retained water at the end of the modified

sorption cycle

Figure 6-2. Schematic illustration of the modified sorption process. Dried samples initially go

through an early sorption cycle of adsorption at RH =~ 0.215 (Stage 1) followed by desorption to

RH =~ 0 (Stage 2). For stage 3, the samples obtained from stage 2 experience a full adsorption

process from RH = 0 to RH = 1. At the end of Stage 3, RH will be reduced step-wise from

RH = 1to RH = 0 to complete the modified desorption process (Stage 4).

Spontaneous Imbibition Experiments: Several past studies performed water imbibition

experiments using samples of different clay contents (Makhanov et al., 2014; Ghanbari and

Dehghanpour, 2015; Javaheri et al., 2017a,b). We further analyze the role of clays on water uptake

of shales by performing a comparative analysis between (i) spontaneous water imbibition and (ii)

water adsorption experiments. We use twin samples from Set-2 samples (OP2, Ev2, and LEv2) for

these experiments. For spontaneous water imbibition experiments, we fully immerse one pair of

samples in deionized (DI) water, and measure the mass change over time. For water adsorption

experiments, we place the other pair of samples in the sealed chamber with RH =~ 1, and measure

the mass change over time. All experiments are performed twice to ensure reproducibility of the

presented results.
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6.4. Results and Discussion

Figure 6-3 compares the measured conventional and modified sorption isotherms. We only

present the results for Set-1 samples (OP1, Evl, and LEv) as the experimental data were

reproducible.
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Figure 6-3. A comparison between the conventional (black curves) and modified (red curves)
water sorption isotherms for Set-1 samples from (a) OP, (b) Ev, and (c) LEv formations. The
early sorption cycle of the modified sorption technique is not presented in this Figure. The scale
used for measuring the mass of the rock samples during water sorption experiments has an

accuracy of = 0.01 g.

6.4.1. Conventional Sorption Experiments

6.4.1.1. Early adsorption rate

According to Figure 6-3, conventional adsorption curves for all samples have relatively sharp
increase rate at low RH values. On the other hand, clays’ high affinity for water (Essington, 2005)
increases the chance of clay adsorption at low RH values. In order to investigate the role of clays
on the early water adsorption rate, we plot initial adsorption rate (R Ads’i) against clay content for
the conventional sorption process in Figure 6-4a (black rectangle points). We define Ryq45; as

normalized water uptake at RH =~ 0.1 divided by 0.1.
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Figure 6-4. The effect of clay content on (a) the initial water adsorption rate, (b) the amount
adsorbed water at the end of the adsorption process, and (c) the relative amount of retained water
at the end of the desorption process compared with the maximum amount of adsorbed water
during the adsorption process. Black and red points represent the results of conventional and

modified processes, respectively.

According to Figure 6-4a, higher clay content increases R44s; in the conventional adsorption
experiments. This observation suggests that clay minerals enhance water adsorption at early stages
of the conventional adsorption process. One possible reason for this observation would be the use
of oven-dried samples in conventional sorption experiments. To be specific, prior to the
conventional sorption experiments, we dried the samples at 200°F which can potentially cause
water loss from clays’ interlayer (Hueckel, 2002). During conventional adsorption process, clays
probably can rehydrate fast through adsorption of water molecules on the clays’ surfaces; leading

to a sharp increase in the adsorption curve.

6.4.1.2. Total amount of adsorbed water

Clay adsorption can affect the total amount of adsorbed water by the adsorption process
(Wy44s). In order to investigate the role of clays on the total water uptake during adsorption process,
we plot Wy, against clay content for the conventional sorption experiments in Figure 6-4b (black

rectangle points).
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According to Figure 6-4b, increasing clay content increases W,,;s for the conventional
adsorption process. Multilayer adsorption of water molecules on the surface of clay minerals can
be a possible reason for this observation. Furthermore, in presence of water, clays can swell and
adsorb more water (Essington, 2005). Swelling potential should be more pronounced in Set-2
samples (compared with Set-1 samples) as they have expandable mixed layer I/S clay mineral

(Table 6-1).

6.4.1.3. Adsorption-desorption hysteresis

According to Figure 6-3, there is a hysteresis between the conventional adsorption and
desorption isotherms. Huckel (2002) observed water hysteresis after thermal-dehydration of clay
minerals. He explained this hysteresis by water retention in the interlayer of clay minerals. In order
to investigate the role of clays on the hysteresis between sorption isotherms, we plot W, against
clay content for the conventional sorption experiments in Figure 6-4c (black rectangle points).

Whie: 1s the percentage of retained water after desorption process relative to W 4.

According to Figure 6-4c, increasing clay content increases Wpx,, for the conventional
adsorption process. High affinity of clay minerals for water may prevent depletion of interlayer
water during desorption process; making the hysteresis for high-clay content samples more

pronounced.

6.4.2. Modified Sorption Experiments

6.4.2.1. Early adsorption rate

According to Figure 6-3, modified adsorption curves have smoother increase rate at low RH
values compared with that of conventional adsorption curves. We plot R4 ; against clay content
for the modified adsorption process in Figure 6-4a (red circular points). Unlike the conventional
adsorption process; Ryqs; 1s almost independent of clay content for the modified adsorption

process. This observation indicates that presence of an early sorption cycle in the modified process
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reduces the tendency of shale samples for water uptake at low RH values. Insignificant affinity of
Rags; to the clay content in the modified technique suggests that clays already filled-up (and
retained) their capacity for water adsorption by the early sorption cycle. High tendency of clay
minerals for water retention is also reported in clay-rich conventional rock samples (Shahrak and

Piri, 2008, 2010, 2014 and 2015).

6.4.2.2. Total amount of adsorbed water

According to Figure 6-3, modified adsorption curves are always lower than conventional
adsorption curves. In order to investigate the role of clays on the total water uptake during
adsorption process, we plot W, s against clay content for the modified sorption experiments in

Figure 6-4b (red circular points).

According to Figure 6-4b, although W,,, generally increases with clay content in the
modified process (red circular points), its raising rate is less than that of the conventional method
(black triangle points). This observation along with the earlier results of independency of R4 ; to
clay content (red circular points in Figure 6-4b) suggest that clay minerals may already adsorb
(and retain) enough water during the early sorption cycle of the modified process (Stages 1&2 in

Figure 6-2).

6.4.2.3. Adsorption-desorption hysteresis

According to Figure 6-3, there is a hysteresis between the modified adsorption and
desorption isotherms. In order to investigate the role of clays on the hysteresis between sorption
isotherms, we plot Wp,+ against clay content for the modified sorption experiments in Figure 6-4¢

(red circular points).

Unlike the conventional sorption experiments, W, decreases with increasing clay content
in the modified sorption process. Interestingly, the extrapolation of both fitted lines in Figure 6-4c
at clay content of 0% suggests that around 25%-30% of the total condensed water cannot be

depleted during desorption process. In other words, for clay-free shales (0% clay content),
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capillary condensation should be the primary mechanism controlling the water uptake during
adsorption. However, even for a clay-free sample, desorption process cannot deplete all of the
condensed water in pores. A portion of this retained water can also be due to surface hydration.
Short-range attractions between water molecules and pore-wall, such as hydrogen bonding, (Tuller
et al., 1999; Meleshyn and Bunnenberg; 2005; Rao et al., 2013; Roshan et al., 2015) can impede

complete water dehydration during the desorption process.

6.4.2.4. Early sorption cycle

According to Figure 6-4, presence of an early sorption cycle in the modified technique
impacts the sorption behaviour of shales compared with the conventional sorption method. We
investigate the role of clays on the water adsorption and adsorption-desorption hysteresis during
the early sorption cycle by plotting Wygs cyc and Wgercye versus clay content in Figure 6-5,
respectively. Wy cyc is the total amount of adsorbed water during adsorption part of the early
sorption cycle (end of Stage 1 in Figure 6-2). Wget ¢y is retained water relative to Wygs cyc after

desorption part of the early sorption cycle (end of Stage 2 in Figure 6-2).
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Figure 6-5. Effect of clay content on the adsorbed and retained water during the early sorption

cycle of the modified technique. The adsorbed water (square points) is measured after the

sample reached equilibrium at RH =~ 0.215. The samples then placed in RH =~ 0 and after

equlibrium, the percent of retained water with respect to earlier adsortion part at RH = 0.215 is

plotted on the second Y-axis (triangle points).
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According to Figure 6-5, W4 ¢y s strongly correlated to clay content (square points). This
observation may suggest that clay adsorption is an important mechanism for water uptake during
the early sorption cycle of the modified process. Additionally, Wt ¢y is tightly correlated to clay
content (triangle points in Figure 6-5); suggesting that the adsorbed water by clay minerals cannot

be easily depleted by desorption.

Both Wyg4s cye and Wget ¢y have stronger correlation with the clay content compared with
those for the conventional technique (black points in Figures 6-4b,c). Furthermore, all of Wgot conw
(black points in Figure 4-c) are less than 50%. However, majority of Wgey ¢y (triangle points in
Figure 6-5) are greater than 50%. These observations also suggest that water-clay interaction is
more prominent at the early stages of the adsorption process, and clays tend to retain the adsorbed

water.

6.4.3. Water Uptake Mechanisms during Water Sorption

Experiments

The “total” water uptake in the modified sorption process can be expressed as Wret ¢y +
Waas moa- Figure 6-6 compares the “total” water uptake in the conventional and modified sorption

experiments.
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Figure 6-6. A comparison between the “total” adsorbed water by conventional and modified

sorption processes. The “total” water uptake by the modified sorption technique is calculated by

WRet,Cyc + WAds,Mod .

Interestingly, the fitted line in Figure 6-6 has slope of approximately one (~1.08), and it
passes through origin (Y-axis intercept of ~ -0.008). In other words, both of the conventional and
modified sorption processes result in similar total water uptake. Furthermore, in Section 6.4.2.4
we showed that water adsorption and retention are strongly correlated to the clay content during
the early sorption cycle. The results may suggest that one can break the conventional water sorption
process into (i) clay-dominant and (i1) capillary-dominant regions using the modified water

sorption technique (schematically illustrated on Figure 6-7).

The strong correlation between Wyq; ¢y, and clay content in the early sorption cycle (Figure
6-5) corresponds to adsorption at low RH values. This result may suggest that clay adsorption is
the primary mechanism controlling water uptake at low RH values. The strong correlation between
Weget,cyc and clay content in the early sorption cycle (Figure 6-5) suggests that clays retain majority
of the adsorbed water after desorption process. Thus, the subsequent modified adsorption (and

desorption) process mainly corresponds to capillary condensation (and depletion) phenomenon.
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Figure 6-7. A schematic comparison between cconventional and modified water sorption
processes. The modified water sorption process is divided into clay-dominant and capillary-

dominant regions for water uptake.

6.4.4. Spontaneous Imbibition Experiments

Assuming the dried samples are moisture-free (negligible initial water saturation), the
normalized water uptake curve with respect to pore volume can represent the water saturation

(Sw). Figure 6-8 compares S,, during adsorption and imbibition experiments.
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Figure 6-8. A comparison between water saturation curves during imbibition (solid line) and
adsorption (dash line) processes for Set-2 samples from (a) OP, (b) Ev, and (c) LEv formations.
The scale used for measuring the mass of the rock samples during water adsorption and

imbibition experiments has an accuracy of = 0.01 g.

147



Chapter 6- Water Sorption Behaviour of Gas Shales: 1. Role of Clays Ashkan Zolfaghari Sharak

According to Figure 6-8, water imbibition is higher and also faster than water adsorption in
all three samples. For instance, for OP samples, the equilibrium S,, by water adsorption and
imbibition are about 63% and 82% of PV, respectively. Also, it takes about 25 hrs for the
imbibition process to fill out 50% of PV in OP sample; while this value is more than 145 hrs for
the adsorption process. Possible reasons for different water uptake behaviors during adsorption
and imbibition are different (i) swelling potentials, (ii) electric double layer (EDL) thickness

around water molecules, and (ii1) pore-filling sequences.

Swelling potential: Lyu et al. (2015) suggested that greater hydraulic force and higher ionic
gradient can cause larger and faster shale expansion during water imbibition compared with that
during water adsorption. Moreover, shale swelling can lead to induction of micro-fractures
(Dehghanpour et al., 2013; Makhanov et al., 2014; Roshan et al., 2015; Sun et al., 2015; Ghanbari
and Dehghanpour, 2015; Meng et al., 2015; Zhou et al., 2016). Therefore, higher swelling potential
during imbibition can potentially induce more micro-fractures resulting in higher water uptake

compared with adsorption.

The equilibrium S,, (plateau in the S, curve) for the imbibition process in Ev and LEv
samples are more than the total pore volume (PV) measured by BET analysis. More specifically,
about 117% and 103% of PV is filled with water by imbibition process for Ev and LEv samples,
respectively. Similar observations were also reported by other researchers which mainly attributed
to the clay swelling and micro-fracture induction (Makhanov et al., 2014; Ge et al., 2015; Yang et
al., 2016; Arshadi et. al., 2017). In order to investigate the role of clays on excess water uptake by
imbibition compared with adsorption, we plot AS,, (the difference between equilibrium S,, of
imbibition and adsorption processes) versus clay content in Figure 6-9. The results indicate that
the sample with higher clay content has higher AS,,. In other words, water uptake is higher by

imbibition compared with adsorption for high clay content shales.

It must be noted that all of our shale samples used in the imbibition and adsorption
experiments were unconfined and allowed to swell freely. Previous studies indicated that micro-
fractures induction is slower for samples under confined pressure compared with those that are

allowed to swell freely (Ghanbari and Dehghanpour, 2015; Roshan et al., 2015).
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Figure 6-9. Effect of clay content on the excess water uptake by imbibition compared with
adsorption. 4S,, is the difference between the equilibrium S,, of the imbibition and adsorption

Processes.

Capillary condensation in hydrophilic inorganic pores, clay adsorption and swelling along
with potential micro-fracture induction can improve water uptake by the adsorption process.
However, the total PV probably cannot be filled during adsorption process (solid lines in Figure
6-8). Water molecules have low affinity to condense in organic pores due to their hydrophobic
nature. In Chapter 7, we use the results obtained from this study to characterize the inorganic and

organic pore size distributions of shale samples.

Electric double layer (EDL): During both water adsorption and imbibition experiments,
water enters into the pores and dissolves (and reacts with) precipitated salts (rock constituents).
During imbibition, the in situ formed brine dilutes as ions can leave the rock due to ionic gradient
between bulk water and pore water. Low ion concentration forms a thick EDL around ions, which
improves water uptake (Binazadeh et al., 2016). During adsorption however, ions cannot leave the
shale; and therefore, in situ formed brine has high ion concentration. High ion concentration forms

a thin EDL around ions, which hinders water uptake (Binazadeh et al., 2016).

Pore-filling sequence: Different pore-filling sequences during adsorption and imbibition
can be another possible reason for different water uptake behaviors observed in Figure 6-8. During
imbibition, large pores fill with water first (Handy, 1960; Gruener et al., 2016). Thus, there is a

possibility for small pores to be trapped between two large water-filled pores. During adsorption
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however, small pores fill with water first (Fisher and Israelachvili, 1979). Thus, there is a
possibility for large pores to be trapped between two small water-filled pores. Trapping of large
pores (with large pore volume) can be a possible reason for low water uptake during adsorption
(circular points). Similarly, trapping of small pores (with small pore volume) can be a possible

reason for high water uptake during imbibition (triangle points).

6.5. Summary

Interpretation of water sorption behaviour of gas shales is challenging as the water molecules
can simultaneously be condensed in capillaries and adsorbed by clay minerals. This chapter
presents a modified water sorption process to investigate the role of clays on water uptake of shale
samples. Compared with the conventional water sorption process, the modified technique has an
early sorption cycle between relative humidity (RH) of 0-0.215, where RH = 0.215 is

approximately equal to the average ambient RH value of 0.24 in the laboratory.

Three sets of experiments are performed on downhole shale samples of different clay
contents. Experiments include conventional water sorption, modified water sorption, and water
imbibition. The comparative analysis of the results of conventional and modified water sorption
experiments indicate that clay minerals adsorb and retain most of their capacity for water at low
RH values. The modified water sorption process can be used to investigate the capillary

condensation process.

Experimental results indicate that water imbibition is faster and higher compared with the
water adsorption process. These results can be explained by (1) the higher swelling potential of
shale samples during the water imbibition process compared with that during the water adsorption
process, (i1) formation of large electric double layer around the ions during the imbibition process,

and (ii1) different pore-filling sequence during the imbibition and water adsorption processes.
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Nomenclatures

BET Brunauer—-Emmett—Teller

DI Deionized

Ev Evie formation

HRB Horn River Basin

LEv Lower-Evie formation

opP Otter-Park formation

PV Pore volume

psat Saturated vapour pressure

R Universal gas constant

Ry, R, Principal radii of curvature

RH Relative humidity

RH; Relative humidity corresponds to saturated solution of salt i

Raasi Initial adsorption rate

Si Saturated solution of salt i

Sw Water saturation

T Temperature

Vi Liquid molar volume

Wyas Total amount of adsorbed water by conventional/modified adsorption process

Wyascony ~ Adsorbed water at the end of conventional adsorption process

Waas,cyc Adsorbed water at the end of the adsorption part of the early sorption cycle (end
of Stage 1)

Waasmoa Adsorbed water at the end of modified adsorption process (end of Stage 3)

Wret.conv Retained water at the end of conventional desorption process

Whretcyc Retained water at the end of the desorption part of the early sorption cycle (end
of Stage 2)

Whret Mod Retained water at the end of modified desorption process (end of Stage 4)

XRD X-ray diffraction
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A4S, The difference between equilibrium water saturation of imbibition and adsorption
processes
Surface tension

0 Contact angle
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7.1. Introduction

With the increasing demand in oil and gas, shale formations are emerging as an important
resource of energy in the United States and Canada. These resources are characterized by their low
permeability and porosity (Frantz and Jochen; 2005). Although challenging, petrophysical
characterization of shales is essential for reserve estimation and production forecast. In particular,
pore size distribution (PSD) controls the key petrophysical properties (such as permeability) and
is essential for characterizing reservoir rocks (Archie 1950). PSD controls fluids' distributions at
the pore-level and hence, impacts multi-phase flow characteristics (e.g., saturation paths and
relative permeabilities) at the core-scale (Shahrak 2014; Zolfaghari and Piri, 2016a,b; Gesho et al.,
2016).

Mercury injection capillary pressure (MICP) analysis is a common method to calculate the
PSD ofreservoir rocks (Donaldson et al., 1985; Terrace, 1997). In this technique, mercury is forced
into the rock pore-space and the injected volume is measured at different pressures (Donaldson et
al., 1985). Although several researchers utilized MICP analysis to calculate PSD in shales (Nelson,
2009; Al Hinai, 2014; Li et al., 2015; Lan et al., 2015; Moghaddam and Jamiolahmady, 2016), the
validity of their results is questionable to due limited pore accessibility in shales (Pittman, 1992).
Some researchers reported that mercury can hardly access small pores due to their extremely high
capillary pressure (Al Hinai et al., 2014). Moreover, injecting mercury at high pressure could
compress the rock and decrease the pore size, particularly when pores are small (Labani et al.,

2013).

Brunaur-Emmett-Teller (BET) is another method for characterizing PSD of shales. Several
researchers have applied BET analysis to either calculate the PSD or investigate the adsorption
properties of shales (Adesida et al., 2011; Kuila and Prasad, 2011; Clarkson et al., 2013; Al Hinai
etal., 2014; Sigal, 2015; Wang et al., 2015; Li et al., 2016; Chen et al., 2016). Adesida et al. (2011)
used Monte Carlo simulation and N> adsorption experiments to calculate the PSD of shale samples.
They concluded that the average organic pore size is less than ~10 nm. Clarkson et al. (2013)
applied BET analysis using both N> and CO; adsorption isotherms to calculate PSD of several
shale samples. They showed that BET analysis lead to different PSDs when different adsorbing
fluids (i.e., N2 and CO3) are used for the sorption experiments. Al Hinai et al. (2014) compared the
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PSDs obtained from both N> adsorption isotherm and MICP method. They detected different types
of pores (micro-, meso-, and macro-pores) using BET analysis. Their results suggested that the
MICP method is not able to discern between different types of pores. Also, during BET analysis,
condensation begins in small capillaries mainly due to high van der Waals interactions between
gas molecules and pore wall (Fisher and Israelachvili, 1979). Thus, there is a possibility for air

trapping in a large pore when it is confined between to small fluid-filled pores.

Nuclear magnetic resonance (NMR) is another technique used to characterize the pore
structure and PSD of shale samples (Prammer, 1994; Sigal et al., 2013; Sigal, 2015; Liu et al.,
2015). Prammer (1994) applied NMR to determine PSD and permeability of shales. Sigal (2015)
combined the NMR method and adsorption measurements to characterize PSD of shale samples.
Several researchers reported the difficulties in using NMR for characterizing pore system of shales.
Although NMR is considered to be a non-destructive technique for characterizing porous media
(Elipe, 2003), nano-scale pores and complex surface chemistry of shales are challenges against

determination of PSD using NMR (Firouzi et al., 2014).

Image processing is also widely used to visualize the pore structure of shales. Ambrose et al.
(2012) conducted Scanning Electron Microscope (SEM) analysis to investigate the pore size of
shales. Their results indicate that the pore system of shales encompasses two groups of pores: the
small organic pores of less than 10 nm, and the large inorganic pores of about 100 nm. Milner et
al. (2010) conducted SEM imaging on shale samples from different unconventional reservoirs.
They concluded that the rock mineralogy and texture impact the pore size, which can be ranged
from nanometer to micrometer. Saraji and Piri (2015) utilized multiple 2D SEM images to
characterize PSD and simulate fluid flow in shale samples from the Bakken Formation. They

classified the pore system into organic, intra-particle, and inter-particle pores.

Fluid imbibition experiments have been recently used to characterize shale properties
(Dehghanpour et al., 2012 and 2013; Makhanov et al., 2014; Lan et al., 2015; Ghanbari and
Dehghanpour, 2015; Binazadeh et al., 2016). Lan et al. (2015a) conducted a series of oil and water
imbibition experiments to characterize hydrophilic and hydrophobic pore networks of several
samples from the Montney Formation. Ghanbari and Dehghanpour (2015) studied the effect of
rock fabric on the imbibition behaviour of shales. The imbibition data have been also studied using

the fractal geometry method to investigate the pore size/structure of porous mediums. Cai et al.
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(2010) predicted the maximum pore size of a porous medium by analyzing the imbibition data.
Liu et al. (2015) applied fractal geometry method to investigate the pore structure of several shale
samples. Gruener et al. (2016) developed a mathematical model to determine PSD of mesoporous

silica using the shape of the imbibition front.

Application of different methods for characterization of pore space in shales usually yields
different PSDs (Clarkson et al., 2013; Al Hinai et al., 2014). For example, Clarkson et al. (2013)
obtained different PSDs when they applied BET and MICP analyzes on Barnette shale samples.
Moreover, different fluids preferentially flow in different parts of the pore network, depending on
the wettability of the pore surface (Lan et al., 2015; Javaheri et al., 2017a,b). For instance, Lan et
al., (2015a) observed higher oil imbibition than water in Montney tight gas samples. They
attributed the higher oil uptake to the smaller (and well-connected) hydrophobic pore network in
contrast to the larger hydrophilic (and poorly-connected) hydrophilic pore network. Specific
characterization of inorganic and organic pore networks and their PSDs are of great interest to
investigate fluid flow in porous medium; which can ultimately lead to more accurate determination
of multi-phase flow parameters (such as capillary pressure and relative permeability). It must be
noted that, although water prefers a hydrophilic pathway to flow (Lan et al., 2015; Javaheri et al.,
2017a,b), it 1s still possible for water to enter the hydrophobic capillaries (Wu et al., 2017). In this
case, non-slip boundary condition between water/pore-wall is less likely to be valid; and therefore,

water flow capacity may increase in hydrophobic pores (Wu et al., 2017).

In this study, we first introduce the hypothesis for characterization of organic and inorganic
PSDs in Section 7.2. Section 7.3 describes the experimental procedure for investigation of the
hypothesis. Section 7.4 shows the mathematical procedure to calculate PSD from water sorption
isotherms. Section 7.4 also explains how to calculate the total, inorganic, and organic PSDs.
Experimental results and the calculated PSDs are presented in Section 7.5. Sections 7.6 and 7.7

discuss the limitations of the proposed procedure and the summary of this chapter.
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7.2. Hypothesis

Shales usually contain clay minerals and have both inorganic and organic pores. We
hypothesize that (I) BET analysis using N> can give the total pore volume (PV,,;) and the total
PSD (PSD;,;), (II) the modified water sorption technique presented in Chapter 6 is applied to
characterize  the  hydrophilic  inorganic  pore  volume (PVinorg) and PSD

(PS Dinorg), and (II1) the comparative analysis of BET and the modified water sorption results can

lead to separate characterization of the hydrophobic organic pore volume (PVorg) and PSD

(PSDyry).

7.3. Experiments

N2-BET analysis is performed to characterize PV;,; and PSD;,;. Then, modified water
sorption experiments (see Chapter 6) are conducted to distinguish between water adsorption by
clays and capillary-condensed-water in inorganic pores. The capillary condensation concept
(described in Section 7.4) is applied on the modified sorption isotherms to characterize PViy,rg
and PSD;yorg. PVorg and PSD,,. 4 are calculated by comparative analysis of the results of N2-BET

and modified water sorption experiments.

Rock Samples: Downhole gas shale samples belongs to three formations of Otter-Park (OP),
Evie (Ev), and Lower-Evie (LEv) in the Horn River Basin (HRB). In order to remove the initial
moisture content, the samples are dried at 200°F until the weight stabilization was achieved. X-
ray diffraction (XRD) analysis is used to characterize the rock mineralogy, and the results are
presented in Table 7-1. It must be noted that XRD uses small amount of rock samples for the
analysis. Thus, the results presented in Table 7-1 might not be an accurate representation of all

samples from the target formations.
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Table 7-1. Mass of dried samples used for different experiments and their average mineralogy
from XRD analysis. The XRD used for characterization of rock mineralogy has a signal-to-noise

ratio of 400. The accuracy of relative pressure measurements by N»-BET analysis is 0.15%.

Sample Mass (g)

Experiment OP Ev LEv
N> Sorption (BET) 1.504 1.498 1.507
Modified Water Sorption 189.770 199.730 216.800
Clay Content (Wt.%)
[lite/Smectite (I/S) 5 14 3
[lite+Mica 11 19 9
Total Clay 16 33 12
Non-Clay Content (Wt.%)
Quartz 77 32 65
K-Feldspar 2 6 3
Plagioclase 2 6 6
Calcite 0 10 10
Ankerite/Fe-Dolomite 1 5 0
Dolomite 0 4 1
Pyrite 1 5 3
Total Non-Clay 84 67 88

N2-BET Analysis: We perform N» sorption experiments using BET analysis to measure the
PV;ot and PSD;,;. The N2-sorption isotherms are obtained at 77 K. PSD can be obtained from both
the adsorption and desorption isotherms. It has been shown that the calculated PSD from
desorption curve is a better representation of the pore space (Clarkson et al., 2012; Schmitt et al.,
2015). Thus, we calculate the PSD;,; from N> desorption isotherm using Dollimore and Heal (DH)
method (Dollimore and Heal, 1964).

Modified Water Sorption Experiments: In order to obtain PV, and PSDiporg, the

modified water sorption experiments, presented in Chapter 6, is conducted on the shale samples.

In the modified process, the shale samples go through an early sorption cycle between RH=0 and
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RH=0.215; where RH denotes relative humidity. Then, samples experience a full sorption cycle
between RH=0 to RH=1 (i.e., the modified adsorption and desorption isotherms). The detailed
procedure for the modified water sorption experiments is presented in Chapter 6 of this

dissertation.

HIM-EDS Experiments: We visualize the inorganic and organic pores of our samples using
Helium Ion Microscope-Energy Dispersive Spectrometer (HIM-EDS) analysis. The sample are cut
into I cm X 1 cm X 0.5 cm cube. The 1 cm X 1 c¢cm top surface of the sample are polished using
600-, 1000-, and 2000- grit sandpaper. The mechanical polished surface is then further polished
using argon-ion milling, to minimize the effect of artifacts during mechanical polishing process,
such as surface abrasion marks or grinding debris (Loucks et al., 2009). Several focus areas of the
argon-ion-milled samples are imaged using Zeiss Orion NanoFab HIM under ~15 kV beam energy.
The highest resolution for HIM imaging is 0.5 nm per pixel. The elemental map of the sample is

collected using built-in EDS, to determine the mineralogy of the samples in the target focus areas.

7.4. PSD Calculation from Water Sorption Isotherms

In this section, similar to BET analysis, we utilize the capillary condensation concept to
calculate PSD from the conventional water adsorption/desorption isotherms. Section 7.4.1
explains the relationship between the water adsorption/desorption process and the pore size of a
porous medium. Section 7.4.2 describes a mathematical procedure to relate the volumetric fraction
of adsorbed/depleted water to the probability density function (PDF) of the pore size. Section 7.4.3
explains how we apply the developed mathematical procedure on the modified desorption isotherm

to characterize PSDjnorg and PSDyyg.

7.4.1. Theory

When a porous medium is exposed to the vapor of a wetting fluid, the molecules start to
condense within the pore space. This process is called capillary condensation in which the vapor

phase is adsorbed as a multilayer film in porous medium (Schramm, 1993). Ideally, the process
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continues to the point at which the pores become filled with condensed liquid (Schramm, 1993).
The condensation process can occur at pressures lower than the saturation pressure at a given
temperature (Chiu et al.,, 2006; Ayatollahi and Zolfaghari, 2006). Figure 7-1 schematically
illustrates how the water vapor condenses within the pores of different sizes at different RH
conditions. In order to describe the capillary condensation concept, we assume an ideal porous
medium with uniform wettability for all pores. We will re-consider the assumption of uniform

wettability for all capillaries in Section 7.4.3 and thereafter.

0008050 8g0g p
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Figure 7-1. Capillary condensation in pores of different sizes at different RH environments (RH;

< RH; < RH3)

van der Waals forces are primarily responsible for short-range (<10 nm) molecular
interactions between water molecules near a solid surface (Tuller et al., 2001). Thus, decreasing
the capillary size enhances the van der Waals interactions between the water molecules and the
pore wall. Furthermore, there are considerable van der Waals interactions between the water vapor
molecules themselves in small capillaries. The significant molecule/molecule and molecule/solid
interactions help the water vapor to condense at a vapor pressure below the saturation vapor
pressure (Hunter, 2001). Due to significant van der Waals interactions in small capillaries, for a
given RH condition, condensation first starts in smaller capillaries. The water vapor condenses in
the larger capillaries as RH increases. Kelvin equation (Fisher and Israelachvili, 1979) describes

the relationship between RH and the size of the water-filled capillary:

—YVy, cos 0 ( 1 1 ) (7-1)

ln(RH) = RT R—+R—
1 2

Here, y is surface tension, V}, is the liquid molar volume, 6 is contact angle, R is universal
gas constant, 7 is temperature, and R; and R: are the principal radii of curvature. Assuming that

the pores have spherical shape (1/R; = 1/R, = 1/1,), Eq. 7-1 can be rearranged as
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1 2yV,, cos 8 /RT (7-2)
In (—) =
RH Ty

Here, 7, is the pore radius. Eq. 7-2 shows that In(1/RH) is inversely proportional to 7,
(ln(l /RH) x 1 /rp)- This relationship between the pore size and RH is similar to that between

capillary pressure (P.) and pore size of a porous medium through Young-Laplace equation
(PC = 2y|cosO|/ rp). In(1/RH) in a water adsorption process is inversely proportional to the pore
size that is filled with condensed water vapor. Similarly, P. measured during a mercury injection
process is inversely proportional to the pore size of the invaded pore space. Moreover, the
numerator of Eq. 7-2 (2yV,,, cos 8 /RT) does not depend on the pore size. Similarly, the numerator
of Young-Laplace equation (2y|cos@|), does not depend on 7,,. Therefore, the In(1/RH) — 1,
relationship from the water adsorption test is “mathematically” analogous to the P, —m,
relationship from the mercury injection test. One can interpret the adsorption data to describe the
PSD in a similar way that mercury injection data are interpreted to describe the PSD. In the

following, we use this mathematical analogy to obtain PSD from the water adsorption data.

Now, we demonstrate how the water adsorption isotherm can be interpreted as a cumulative
probability density function (CDF) for the pore size. Figure 7-2a schematically illustrates a typical
water adsorption isotherm. The amount of water adsorbed in the porous medium increases by
increasing RH. At lower RH values (RH;), water condenses in small pores (Figure 7-1). Large
pores start to be filled with condensed water at higher RH values (RH, and RH3). Here, we assume
that at the end of the adsorption process (RH =~ 1), all pores will be filled with condensed water
(S,, = 1), and therefore, one can interpret the cumulative adsorbed water as the total effective pore
volume. More specifically, the total mass of water adsorbed is considered as the total pore volume
as the water density is considered to be p = 1 g/cc. If the samples are completely dried (negligible
initial water saturation), the normalized adsorption isotherm curve with respect to pore volume can
represent the water saturation (S,,) during the adsorption process (Figure 7-2b). It must be noted
that the shales are comprised of clays which can adsorb water. In Section 7.4.3., the modified

sorption isotherms (see Chapter 6) is used to account for the water adsorption by clays.
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Each arbitrary RH value on the horizontal axis (such as RH* in Figure 7-2b) corresponds to
a pore radius (rzj‘ ) according to Eq. 7-2. As In(1/RH) increases from right to left, r;, increases
from left to right. Therefore, any value such as @ on the vertical axis represents the total volume
of pores with the pore size equal or smaller than 7, (rp <7 ) Therefore, adsorption isotherm can

be interpreted as the cumulative PDF of pore size.

N A

—~ RH; > RH, > RH, .

g 5 S

§ g w '\\

= | 5

g E g g Vad Q°

£ : g5l

3 : : B ] et :

2 = e 4 :

z : : g :

‘é : i i !

B i 5 2 ;

S : : i = | >RELT

1 1 : : } .
I - RH
RH, RH, RH, _ _
) High Low
RH B _
1n(1/RH) l l l l 1 1 l l In(1/RH)
Low R > High ,
(a) b)

Figure 7-2. (a) Schematic illustration of the adsorption isotherm curve, (b) adsorption isotherm

may represent the cumulative PDF of pore size

7.4.2. PSD using Probability Density Function

In the previous section, we showed that at any value of 3, S, is the fraction of pore volume
having the average size of less than or equal to 7;,. If we assume that f(R) is the PDF for the pore

size, then

T;

Sw = f ’ f(rp)drp

Tpmin

(7-3)

where,
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f P,maxf(rp)drp _ 1 (7-4)

Tpmin

Here, 1 min and 13, ;45 are the minimum and maximum values for pore radius, respectively.
Differentiating Eq. 7-4 using Leibnitz's rule for integral differentiation (Kate et al. 2006), the
resulting PDF is given by

ds,,
=— 7-5
f(T'p) dTp ( )

We also know from Eq. 7-2 that

1, In(1/RH) = 2yV;, cos 6 /RT (7-6)

The right-hand side of Eq. 7-6 is constant. Therefore, differentiating Eq. 7-6 results in

rd In(1/RH) + In(1/RH)dr, =0 = dr, = —1,d In(1/RH)/In(1/RH) (7-7)
Substituting Eq. 7-7 into Eq. 7-5 gives

_ RT[In(1/RH)]> _ dS,

_ 7.8
' 2yVi,cos@ dIn(1/RH) (7-8)

Eq. 7-8 is derived based on Kelvin equation (Eq. 7-1), and can be used to calculate the size
of the capillaries filled with condensed water vapour at each RH value during the adsorption
process. Therefore, differentiating the water saturation curve (or normalized adsorbed water curve)
with respect to [n(1/RH) can lead to the PSD. It must be noted that all the parameters on the right-
hand side of Eq. 7-8 are either constant or measurable. Therefore, adsorption isotherm curve can

be used to calculate the PSD of the porous medium.
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7.4.3. Characterization of PSD;,;, PSD;,4rg,and PSD ;.4

Total (PSD;,;): BET analysis uses the capillary condensation concept to calculate the pore
filling/depletion sequence during adsorption/desorption processes (Brunauer et al., 1940). Nz is an
inert gas and it can condense in both hydrophobic and hydrophilic pores. Therefore, BET gives
PV:ot and PSD;,; (Sujka, et al., 2016).

During sorption process, there is a hysteresis loop between the adsorption and desorption
curves (Schmitt et al., 2015; Kuila, 2013). Although both adsorption and desorption isotherms can
be used to determine PSD; it has been suggested that the calculated PSD from desorption isotherm
can be a better representation of pore system as it can distinguish between pore throats and pore
bodies (Kuila, 2013; Schmitt et al., 2015). Thus, in this chapter, we use the desorption isotherm

(from both of the water and N sorption experiments) to calculate PSD.

Inorganic (PS Dinorg): Organic pores are hydrophobic and they are usually smaller than the
inorganic pores (Ambrose et al., 2012). Therefore, water molecules can hardly condense in these
small organic pores (Firouzi et al., 2014). Assuming negligible capillary condensation in organic
pores; the water molecules can be adsorbed by clays (Chenevert, 1970; Van Meerveld et al., 2003;
Deriszadeh and Wong, 2014) or condense in hydrophilic capillaries (Sujka, et al., 2016) during

adsorption process.

A modified sorption technique is proposed in Chapter 6 to distinguish between clay-adsorbed
water and capillary-condensed water in inorganic pores. The new technique has an early sorption
cycle, allowing the clay minerals to saturate their interlayer space with water. The resulted samples
then go through a full sorption cycle (i.e., the modified adsorption and desorption processes).
Assuming that water molecules cannot condense in hydrophobic organic pores, the total amount
of adsorbed water during the modified adsorption process represents PVin,rg. Thus, the
mathematical procedure described in Sections 7.4.1 and 7.4.2 can be used to calculate PSD;y4rg
from both the modified adsorption and desorption isotherms. To be consistent with the BET

analysis, we calculate PSD;y,,4 from the modified desorption isotherm.

Organic (PSDorg): PV,,4 can be calculated by subtraction of PViy,pg from PVy,, as it is

shown in Eq. 7-9.
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PVZ)rg = PVior — PVinorg (7-9)

Eq. 7-10 can be used to calculate PSD,,,.

PVtotPSDtot - PVinorgPSDinorg
PVorg

PSDypry = (7-10)

7.5. Results and Discussion

N2-BET- Analysis: Figure 7-3 illustrates N> sorption isotherms from BET analysis. The
amount of adsorbed N increases by increasing the relative pressure (P/P,); where P is the
equilibrium pressure and P, is the saturation pressure of the adsorbate at the experimental
temperature. The amount of adsorbed N> decreases by decreasing the relative pressure (desorption
isotherm). We observe hysteresis in the N> sorption isotherms; indicating that not all the N>

adsorbed during the adsorption process can be released during the desorption process.

Modified Water Sorption Experiments: Figure 7-4 shows modified water sorption
isotherms. Similar to BET results, we observe hysteresis between the modified water sorption
isotherms (Figure 7-4); indicating that not all the water adsorbed during the modified adsorption
process can be depleted during the modified desorption process. Generally, the adsorption and
desorption curves diverge more at low P /P, or RH values; suggesting that desorption from smaller
pores is more difficult than that from larger pores. This can be due to the strong van der Waals
interactions between the condensed Na/water and the host pore wall (Papadopoulos and Kuo,

1990).
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Figure 7-3. N> sorption isotherms measured by BET for the (a) OP, (b) Ev, and (c) LEv samples.

Cumulative Adsorbed Water (pl/g)

Adsorption and desorption isotherms are plotted in black and red colors, respectively. The

accuracy of relative pressure measurements by N>-BET analysis is 0.15%.
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Figure 7-4. Modified water sorption isotherms of (a) OP, (b) Ev, and (c) LEv samples. The

modified adsorption and desorption isotherms are plotted in black and red colors, respectively.

The scale used for measuring the mass of the rock samples during water sorption experiments

has an accuracy of £ 0.01 g.

Determination of PSD,,.: Total porosities measured by BET analysis (¢pot,BeT) are 3.3%,

3.8%, and 5.1% for the OP, Ev, and LEv samples, respectively. We use DH method to calculate

PSD;,: from Nz-desorption isotherm, and the results are presented by black bars in Figure 7-5.

Sample LEv has the highest amount of N> adsorbed among our shale samples; which corresponds

to its higher dwotseT and PV;,; compared with that of the OP and Ev samples (black bars in Figure

7-6a). Furthermore, the LEv sample shows a sharp increase at high relative pressures in the N»

adsorption isotherm (Figure 7-3c). This sharp increase corresponds to capillary condensation in
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large pores; which is in agreement with the BET results of larger average pore size of the LEv

sample compared with that of the OP and Ev samples (black bars in Figure 7-6b).
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Figure 7-5. The calculated PSD;o¢, PSDiporg, and PSD,,.4 for (a) OP, (b) Ev, and (c) LEv
samples. PSD;,, is calculated from N>-desorption isotherm measure by BET analysis. PSD;n,rg
is calculated from the modified water desorption isotherm. PSD,,, is calculated from Eq. 7-10.

The accuracy of relative pressure measurements by N>-BET analysis is 0.15%.
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Figure 7-6. A comparison between the total, inorganic, and organic (a) pore volumes and (b) the
average pore diameter for OP, Ev, and LEv samples. The total pore volume is measured by N»-
BET analysis. The maximum value of water adsorbed at the end of the modified adsorption
process is considered to be the inorganic pore volume. The organic pore volume is calculated

from Eq. 7-9.

Determination of PSD;yorg and PSD,.,: Adsorbate affinity for pore wall affects the
sorption process in nano-porous shales (Rezaveisi et al., 2014; Firouzi et al., 2014). Lan et al.

(2015a) concluded that water and oil preferentially flow in the inorganic and organic pore
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networks, respectively. In order to characterize PSD;n,r4, We applied the model described in
Section 7.4 on the modified water desorption isotherms; and the results are presented by blue bars
in Figure 7-5. Eq. 7-10 is used to calculate PSD,,.4; and the results are presented by green bars in

Figure 7-5.

According to Figure 7-5, the PSD;n,r4 has a wider distributions compared with PSD,.q.
Majority of small pores (< Snm) are organic pores; while majority of the inorganic pores are large
pores (> 10 nm). The average size for inorganic and organic pores are ~10 nm and ~3nm,
respectively. These results are consistent with our HIM-EDS analysis results, showing that organic

pores are generally smaller than the inorganic pores.

Except for the LEv sample, PV o4 is larger than PV, (Figure 7-6a). This complies with
the previous experimental results showing that water imbibes more than oil into the HRB’s shale
samples (Dehghanpour et al., 2012 and 2013; Ghanbari and Dehghanpour, 2015). It must be noted
that shales are very heterogeneous and their physiochemical properties can change significantly
even in small scale (Diaz, et al., 2010). Therefore, the results presented in Figure 7-5 and 6 may

not represent the pore system of all samples from the target formations.

HIM-EDS Analysis: We use HIM-EDS analysis in order to visualize organic and inorganic
pores in our shale samples. Figure 7-7 shows the HIM-EDS results of Ev sample. Two magnified
parts in Figure 7-7 show inorganic and organic pores. Visual observations indicate that organic
pores are generally smaller than inorganic pores. An image processing technique (Zolfaghari et
al., 2014c and 2018) is used to characterize the local organic porosity (Qorglocat) and PSD
(PS Dorg,locaz)- To achieve this goal, the magnified HIM images of organic pores are processed by

imaging processing package.

Image Processing of HIM Images: We use the image processing technique to generate
binary (black and white) image from the color HIM image. In the binary image, black and white
areas represent organic pores and rock-matrix, respectively. The binary image is then analyzed to
characterize PSD,yg 1ocar- We also use the image processing package to determine Qorg local. Qorg local
is defined as the ratio of black area (the pore space) to the total area of the magnified HIM image
of organic pores. We only applied the image processing technique on images of organic pores, as

we were not able to detect areas with populated inorganic pores using HIM-EDS.
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The calculated PSDy;g 10cqr from the image processing analysis is shown in Figure 7-7e.
About 78% of the local organic pores are smaller than 18 nm. Based on the image processing
results, the average local organic pore size is ~13 nm which is larger than ~3 nm calculated from
the modified water desorption isotherm. It must be noted that we were not able to visualize very
small pores (<3 nm), due to the limiting resolution of HIM analysis (~15 KV). The complex
mineral components in rock surface and uneven surface of rock samples also adversely affect the
resolution of HIM images. Thus, there might be pores of smaller than ~3 nm that were beyond the

detection limit of our HIM device.

Image processing yields dorg local Of about 3.2%. This value is smaller than the total porosity
of 3.8% which is measured by BET analysis. It is worth mentioning that although several past
studies determined porosity of the porous medium using image processing technique (Saffari et
al., 1993; Mlynarczuk et al., 2005; Saraji and Piri, 2015), it might not be a true representation of
porosity as SEM/HIM images are 2D. One may recuperate this problem by analyzing augmented
images obtained from SEM/HIM analyzes (Zolfaghari et al., 2014c and 2018).
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calcium, silica, sulfur, and iron from EDS analysis. Darker area in elemental maps represents
higher density of the element. (c) Magnified HIM image showing organic pores. (d) Binary
image of the magnified HIM image showing organic pores from image processing analysis.
Black and white areas represent organic pores and rock-matrix, respectively. () The calculated

PSDyr g 10car from image processing. (f) Magnified HIM image showing an inorganic pore.

7.6. Limitations of the Proposed Method

Although the proposed method is helpful to estimate inorganic and organic PSDs in shales,
it uses several assumptions to characterize the pore space. For instance, it is assumed that the pore

system does not alter during both water and N sorption processes. However, water adsorption by
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clays may induce micro-fractures (Ghanabri and Dehghanpour, 2015; Arshadi et. al., 2017),
opening up more space for capillary condensation of water vapour. Therefore, the proposed

method may over-estimate PViy,,4 for clay-rich shales with expandable clay minerals (such as

smectite).

The proposed method also assumes that “all” inorganic pores will be filled with condensed
water during the modified adsorption process. However, some pores may be inaccessible for
capillary condensation due to air trapping phenomena. To be specific, capillary condensation first
commences in small pores due to high van der Waals interactions between water molecules and
pore wall (Fisher and Israelachvili, 1979). Thus, there is a possibility for large pores to be trapped

between two small water-filled pores, resulting to under-estimation of PVy4r.g.

It is also assumed that the early sorption cycle in the modified water sorption experiments
solely saturates the interlayer space of clay minerals. However, during early sorption cycle,
condensed water in small capillaries may still be retained in the pore system. More specifically,
the van der Waals interactions between the water molecules and pore wall are significantly high
in small capillaries. Thus, desorption process may not be able to completely deplete the condensed
water from small inorganic pores. In this case, the proposed method may under-estimate PV for

the small inorganic pores; and also over-estimates water-adsorption by clays.

The proposed procedure also assumes that during the modified water adsorption process,
water only condenses in inorganic pores. However, high solid-fluid attractions may lead to
condensation of water molecules in very small organic pores of ~0.3 nm (Liu and Manson, 2005).
In this research however, the detection limit for both BET and HIM analyzes was about 3 nm; and
therefore, we assumed that water molecules do not condense in organic pores. It is also worth
noting that there are multi-mineral pores in tight and shale formations (Habibi et al., 2015) that
can accommodate both oil and water. In this study, we categorized multi-mineral pores into the
inorganic pore system. This assumption needs to be modified if multi-mineral pore system exists

in the samples.

The proposed procedure considers the bulk density of water (p = 1 g/cc) for the water
condensed in pores. However, there are several studies showing that capillary-confined fluid

properties (i.e. density) are different compared with bulk properties (Spohr et al., 1998; Gad-el-
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Hak, 1999; Gruener et al., 2009; Yang et al., 2017). This issue is particularly important when pore
radius is smaller than 1 nm (Yang et al., 2017) mainly due to high fluid/wall intermolecular
interactions (Spohr et al., 1998; Gad-el-Hak, 1999; Gruener et al., 2009). Therefore, for accurate
calculation of PV, one should re-consider the water density assumption of 1 g/cc, especially for

pores with radius of 1 nm or less.

7.7. Summary

This chapter characterizes the total, organic, and inorganic pores size distributions
(PSD¢ot, PSDorg, and , PSD;p4rg) using the proposed modified water sorption process presented
in Chapter 6. Furthermore, Helium Ion Microscope-Scanning Electron Microscope (HIM-SEM)
analysis is used to visualize the pores of the shale samples. Additionally, the HIM-SEM images

are analyzed by image processing to characterize the local organic pore size distribution

(PSDorg.local) .

Brunauer-Emmett—Teller (BET) analysis is conducted on the shale samples to characterize

PSD;,: and the total pore volume (PV¢,;). Then, the modified water sorption process is used to
obtain the PSD;y0r4 and the inorganic pore volume (PVinorg). The results of BET and modified
water sorption experiments are compared to calculate PSD,,, and the organic pore volume
(PVorg). The results indicate that (i) majority of organic pores are smaller than 5 nm and (ii)

majority of large pores are inorganic pores. The calculated PSDs results comply with the visual

observation of relatively larger inorganic pores than organic pores.

There is hysteresis between the adsorption and desorption isotherms of both N>-BET and
modified water sorption experiments. The hysteresis is more pronounced at low relative
pressure/humidity values. These results indicate that the depletion of the condensed water/N> is
harder for smaller pores. Strong van der Waals interactions between the condensed fluid and pore-

wall can be a possible explanation for higher sorption hysteresis in small pores.
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Nomenclatures
BET Brunauer—-Emmett—Teller
DH Dollimore and Heal
EDS Energy Dispersive Spectrometer
Ev Evie formation
f(R) Probability density function for the pore size
HIM Helium Ion Microscope
HRB Horn River Basin
LEv Lower-Evie formation
MICP Mercury injection capillary pressure
NMR Nuclear magnetic resonance
OP Otter-Park formation
P. Capillary pressure
PDF Probability density function
PV Pore volume
PVinorg Inorganic pore volume
PVorg Organic pore volume
PViot Total pore volume
PSD Pore size distribution
PSD,org Inorganic pore size distribution
PSDyrg Organic pore size distribution
PSDyrgi0car  Local organic pore size distribution
PSD; ¢ Total pore size distribution
R Universal gas constant
Ri, R2 Principal radii of curvature
RH Relative humidity
Ip Pore radius
Tomax Maximum pore radius size
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Tp,min
SEM
Sw

T

Vin
XRD
Qorg,local
Otot, BET
y

p
0

Minimum pore radius size
Scanning Electron Microscope
Water saturation

Temperature

Liquid molar volume

X-ray diffraction

Local organic porosity

Total porosities by BET analysis
Surface tension

Density

Contact angle
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The primary goal of this study is to investigate the source of ions in the flowback water.
Also, the possibility of using flowback chemical data for characterization of the fracture network
is investigated. Experiments are performed on downhole shale samples from gas shale wells drilled
in the Horn River Basin. Flowback water samples are also collected from the same wells, and

analyzed chemically in the laboratory.

8.1. Conclusions

The key conclusions of this study are summarized below
Chapters 2 and 3

= The barium ion in the flowback water is possibly originated from the precipitated salt

crystals (likely witherite) in natural fractures.

» Logarithmic-scale cross-plot of Na* versus Cl~ in the flowback water is formation-

independent.

* The molar ratios of CI~/Na* and Mg?*/Na* in the flowback water are relatively
close to those in the seawater; suggesting that chloride, sodium, and magnesium ions
in the flowback water (of wells drilled in the Horn river Basin) are potentially sourced

from formation water.

* The molar ratios of K*/Na*t and Ca?*/Na* in the flowback water samples is
significantly larger than that in seawater; suggesting that potassium and calcium ions
in the flowback water (of wells drilled in the Horn river Basin) may originate from

dissolution of rock constituents in fracturing fluid.

= The shape of the barium ion concentration profile during flowback process can be
interpreted to characterize the complexity of the fracture network. More specifically,
(1) a well with a steeper slope in the barium ion profile and relatively higher barium

ion concentration at early flowback times has more complex fracture network
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compared with (i) a well with a smoother slope in the barium ion profile and

relatively lower barium ion concentration at early flowback times.

Leaching of clay minerals is a key mechanism for ion transfer from rock to water at

the early stage of the water imbibition process.

Presence of natural buffer systems such as calcite and dolomite can be a possible
reason for the neutral pH range of the flowback water. Dissolution of natural buffer
components (i.e., calcite and dolomite) can increase the ion content of the flowback

water while helping the pH to remain around neutrality.

Chapters 4 and 5

The shape of the salinity profile is potentially a signature of the complexity of the
fracture network. The well with a continuous increase in the salinity (in flowback
water) profile has a more complex fracture network compared with the well with a

plateau in the salinity profile and a more simple fracture network.

Pressure does not have significant impact on the total ion produced (TIP), while rock

surface area, rock volume, and temperature are positively correlated to the T1P.

The proposed scale-up procedure can accurately estimate the surface area of known
samples based on the experimental results of 10n concentration during the imbibition
experiments. The scale-up results of fracture surface area (Af) estimation
(= 5 X 10°m?) have similar orders of magnitude compared with those estimated by

rate-transient analysis (= 10m?).

The proposed scale-up procedure was also able to accurately estimate the volume of
unknown samples. The scale-up technique is then applied on the field flowback
chemical data to estimate the invaded reservoir volume (IRV). The estimated IRV
values are about 10°m3. The scale-up results lead to higher IRV value for the well
with higher leak-off in the field as opposed to the lower IRV value for the well lower
leak-off in the field.

Chapters 6 and 7
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= The modified water sorption process can be used to

o quantify the water uptake by clay minerals during water

adsorption/desorption processes.
o investigate the capillary condensation in shales.

o to characterize the organic and inorganic pore size distributions in gas shale

samples.

= Analysis of the hysteresis between the adsorption and desorption isotherms of water
and nitrogen indicate that depletion of condensed fluid from smaller capillaries is

more difficult than that from larger pores.

8.2. Recommendations

The following recommendations can help to further extent/improve the results of this

research.

= The model presented in Chapter 4 lumps up the net effect of all possible sources of
ions (i.e., leaching of clay minerals, mixing of fracturing fluid with formation water,
and reaction of fracturing fluid with rock constituents) to investigate the ion transfer
from rock matrix to the water-filled fractures. However, the experimental results
presented in Chapter 2 indicate that clay leaching is a key ion transfer mechanism at
early stages of the shale-water contact. Future studies should take into account for
the leaching of clay minerals at the early stages of the shale-water fracturing

operations (i.e., during fracturing and early times of the soaking period).

= The model presented in Chapter 4 assumes a constant diffusion coefficient for a
single component. Future studies can extend the model by incorporation of multi-

component mass transfer between reservoir rock and fracturing fluid.

= The model presented in Chapter 4 assumes slit-shape fractures. Future studies can

incorporate different fracture geometries to further improve the model results.
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=  The presented scale-up procedure in Chapter 5 is based on the laboratory results of
ion concentration during imbibition tests. Imbibition experiments were conducted in
presence of air/oxygen (i.e., oxic condition). However, there is no (or limited) amount
of oxygen at the reservoir conditions (i.e., anoxic condition). Future studies can
improve the scale-up results by performing experiments at anoxic conditions to better

represent the downhole conditions.

= The scale-up procedure presented in Chapter 5 applies the empirical linear Ag — TIP
correlation to estimate Ar. Although the linear A — TIP correlation is valid for small
shale rock samples, further thorough laboratory analysis is required to ensure that the
linear A; — TIP correlation is still valid for medium-size, and ultimately reservoir-

scale, rocks.

* The scale-up procedure presented in Chapter 5 for Ay estimation considers an
exponential regression to extrapolate As at reservoir temperature. The exponential
regression is selected to account for the temperature dependency of reactions similar
to the Arrhenius equation. Future studies can extend the scale-up procedure by
separately investigating the role of chemical reactions from other possible sources of

ions such as mixing with formation water and leaching of clay minerals.

= The proposed model in Chapter 7 assumes that all inorganic pores will be filled with
condensed water during the modified water sorption process. Future studies can
improve the model results by taking into account for potential air trapping in pores

during the adsorption process.

= The proposed model in Chapter 7 assumes that the adsorbed water at the early
sorption cycle only saturates the interlayer of clay minerals. However, small
hydrophilic pores may tend to retain the condensed water even at low RH values.
Future studies can further improve the model results by taking into account for the
possible water retention in small hydrophilic pores at the end of the early sorption

cycle.
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The proposed model in Chapter 7 considers the bulk density of water (p = 1 g/cc)
for the water condensed in pores. However, the fluid density is generally higher near
the pore wall. Future studies can improve the model results by incorporating the

density profiles for the capillary-confined fluids.

In this research, the impact of organic matters on the chemistry of flowback water is
neglected. However, presence of organic matters in the produced flowback water
impacts the flowback water chemistry. Organic matters can undergo complexation
reactions, and lead to precipitation of salts especially in late flowback times where
the produced flowback water is highly saline. Future studies should take into account
for interaction of organic matters with inorganic ions for more accurate interpretation

of the flowback chemical data.
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Appendix A  Flowback Salt Analysis

In order to investigate the major flowback salts, the remaining salts after evaporation of the
intact flowback samples are analyzed using XRD and SEM-EDS. The qualitative XRD and SEM-
EDS results are shown in Figures A-1 and A-2, respectively. According to the XRD and EDS
results it is very possible to have Na/K-bearing salts (such as NaCl and KCI). These results are in
line with the ICP-MS analysis of the flowback samples (Figure 3-5) showing that the major cations
in all of the samples are Na" and K. The major salts were similar for flowback samples taken at
different times. Therefore, the XRD results are only presented for two flowback times in Figure
A-1. According to the XRD results, the major salts in the flowback salt samples from Mu are NaCl
and KCl. These results are also in agreement with the SEM-EDS elemental maps of salts from Mu;
as both Na and K are present in similar areas where Cl occurs. The major salts in the flowback
water samples from OP are CaCO;3; and NaCl (Figure A-1). According to the SEM-EDS results,
Ca has a relatively high concentration. Also, Na and Cl occur in the similar locations. KCl is the
major salt in the Ev flowback salts, which complies with the SEX-EDS results presented in Figure

A-2. Both Na and Cl are observed in the similar locations.

According to the SEM-EDS results, sulfur is present in all samples. The concentration of
SO4* in all of the intact flowback water samples were less than 100 mg/l. After the fracturing
operations, sulfate can be produced through reaction of pyrite with water in the presence of calcite
and dolomite (see Chapter 2). As a reactive divalent anion, sulfate can react with cations with high
surface charge density (such as Ca? and Ba?") to produce sulfate-bearing salts (such as BaSO4 and
CaSO0s). These salts are practically insoluble in water at our experimental conditions (Table A-1).
However, one must note that, the redox reactions impact the mineral solubility after the fracturing
operations. For example, sulfate reduction during the flowback process can increase the solubility

of the barium-bearing components (Engle and Rowan, 2014).
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Table A-1. Examples of the soluble, weakly-soluble, and insoluble salts. The solubility values
are at 20°C and atmospheric pressure (Green and Perry, 2008). The salts are selected based on

the results of XRD and SEM-EDS analyzes on the flowback salts presented in Chapter 3.

Soluble Weakly-soluble Insoluble
Salt NaCl  KCl K2SO4 BaSOs BaCOs3
Solubility (g/100 g H20) 3589 34 11.11 0.00024 0.0022
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Figure A-1. XRD analysis of the flowback salts at two different flowback times. The results are
from days 1 and 8 for the Mu samples, days 1 and 9 for the OP samples, and days 1 and 10 for
the Ev samples. The XRD used for characterization of rock mineralogy has a signal-to-noise

ratio of 400.
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Figure A-2. Elemental maps of the salts obtained from the flowback water samples. The salts

obtained from the flowback water samples are from the 8th, 9th, and 10th days of the flowback

process for the wells completed in the Mu, OP, and Ev formations, respectively.
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Appendix B Calculation of ASD using Fracture-in-Series Method

This section provides a step-by-step procedure to derive Eq. 4-12 which is the PDF for

fracture aperture in the fracture in series method (approach 2).

For a connected fracture network, the PDF for ASD is defined as:

[ rwp)aw; =1 .

The fractional number of fractures with width between Wy and Wy + dW is f (Wf)d Wrs. So,
the number of fractures with width between Wy and Wy + dWy is N¢f (Wf)de where N is the

total number of fractures making up the connected fracture network.

The volume of fractures with aperture size between Wy and Wy + dWy is given by:

Where Ay is the half of the lateral area of the fracture with the aperture size of Wr. The total

volume of the fractures is obtained by integrating Eq. B-2:

° (B-3)
V. = foo Wy x Ag x f (W )dWy
Considering I7f as the average fracture volume results in:
(" (B-4)
Where I7f 1S a constant value, therefore:
Vi, = NfVy (B-5)

Considering Eq. 4-4, the corresponding volume of depleted fractures is given by:
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Wf,max (B-6)
Wy

So, normalized water recovery volume, Np ,,,, is calculated by:

w max w ,ymax -
Vg Npby W x A x f(Wp)aWy - f, T Wy X Ap < f (W )dWy (B-7)

N Pw — - = =
Vs, N¢ Vg Ve

Rearranging Eq. B-7 results in:

_ W s max (B-8)
Ve X Np,, = fw Wr x Ar x f(Wy)dW;
f

Differentiating Eq. B-8 with respect to Wy leads to:

AL f Y x f(W;)aw,
W aw r X Ay r)aWy
Td f dWys We

(B-9)

Leibnitz’s rule for differentiation of definite integrals (Kate et al. 2006) is applied to evaluate

the right-hand side of Eq. B-9.

Z dé\/l;;v = —Wy x Ap x f(Wy) (19
Differentiating Eq. 4-4 with respect to W gives:
dCr  —2DCpdt/Lpy (B-11)
dwy W72
Dividing Eq. B-11 by Eq. B-10 gives:
dCe 2DCyAtVe /Ly, (B-12)

dNp,, W7 x Ap x f(Wy)
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The PDF for the ASD can be obtained from Eq. B-12 as:

f(Wr)  2DCnAt/Ly, (B-13)
7 dC
s W3 xA [—f]
s ! dNP,W

Eq. B-13 can be rewritten in the following alternative form by using Eq. 4-4.

(W) B C L2, (B-14)
V. dcC
f 2 f
VVf % Af [dNP,W]

This equation can be rearranged as:

CPLEV,  dNpy, (12)
(2DC,At)2 X Ap dCy

f(wy) =

The step-by-step procedure for ASD calculations using the fracture in series method is shown

Figure B-1.
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Pick a high C¢ (Wf) value

;< Calculate Wy using Eq. 4-4 >

y

< Calculate dC (Wf)/d% at the value of Cy (Wf) from step 1 >

h

< Calculate f(Wy)/V; using Eq. B-3 >

A 4

< Calculate the area under the f(W;)/V; versus Wyplot >

< Calculate V; to satisfy Eq. B-1 >

A 4

< Calculate f(Wf) >

Figure B-1. ASD calculations flowchart using fractures in series method
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Appendix C  Estimation of IRV using the Ion Concentration Data

This section provides a step-by-step procedure to estimate the invaded reservoir volume

(IRV) (shown in Figure C-1) by scaling up the experimental results of ion concentration.

Invaded Zone <--.J ¥ SRV

o "4
Secondary Fracture Primary Fracture

Figure C-1. Schematic illustration of IRV by fracturing fluid. The total volume of reservoir rock

invaded by fracturing fluid (the blue color) is the IRV.

It is hypothesized that the TIP is proportional to the rock volume that is available for ion
transfer from rock to water. In order to investigate this hypothesis, the ion concentration can be
measured during imbibition experiments using samples of different V; but similar A; at constant

temperature (i.e. isothermal) (schematically illustrated in Figure C-2a). Similar to A¢ estimation
procedure (presented in Chapter 5), one can calculate TIPLab,wt|j and T1Pgieiq tor using Eq. 5-1
and Eq. 5-2, respectively. Then, one can plot TIP, 4, ¢0r |j versus V; as it is schematically illustrated

in Figure C-2b. The value of TIPp;e 14 to¢ can be placed in the experimentally obtained T1P,qp tor —

V; relationship to estimate / RVr, (IRV estimated using experimental data of imbibition at T = Tj).

The I RVy, =T relationship can be used to extrapolate the IRV at reservoir temperature (1 RVTRes)

(Figure C-2c¢).
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Figure C-2. Schematics of (a) ion concentration versus time during isothermal imbibition

experiments using samples of different V; values (V; < V, < V3), (b) TIPLab_t0t|j versus V; for

estimation of [ RVT]. (T, <T,<Ts),(c)I RVTj versus temperature for extrapolation of IRV, .

The physical properties of samples used in the experiments are presented in Table C-1.
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Table C-1. Physical properties of selected OP and Ev shale samples used in the LTLP imbibition

experiments at room temperature and atmospheric pressure (23°C and 14.7 psia)

Sample Mass (g) As(cm?) Ve(cm?) Pm.ave Matrix density
(%) (g/cm®)

Ev-V; 131.8+0.1 150.2+£0.25 52.7+0.05

Ev-V; 162.9 +0.1 150.3+0.25 65.17+0.05  4.17 2.610

Ev-V; 296.2 0.1 150.7+0.25 118.47 +0.05

OP-V; 1152+0.1 133.2+0.25 46.07 £0.05

OP-V; 159.7 £ 0.1 127.8+£0.25  63.80 +0.05 4.29 2.616

OP-V; 257.9+0.1 134.0+0.25 103.00 +0.05

Figure C-3 shows the experimental results of TIPLab_tot|23OC versus V; and their

corresponding regression lines for the OP and Ev samples. Increasing Vg increases TIP. Vy is the
only source for TIP as DI water is used for the imbibition experiments. Thus, samples with larger

volume are larger source of ions compared with the samples with smaller volume.

Using the regression lines (shown on Figure C-3a,b) and the measured T1Pp;e ;4 ¢0: (presentd
in Chapter 4), one can estimate the IRV, .. for OP and Ev wells (Figure C-3¢,d). The estimated

values of IRVr,.... for the OP and Ev wells are 1.0 X 105m? and 5.3 x 10°m3, respectively.

30 30
o (@) (b)
A ,’
e A - -2
o0 20 A,’, = 20 ’A’r -
é ,/, é A
7 A
= A = 0 TIP = 65404V +15.06
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0 0
0.0E+00 1.5E-04 0.0E+00 1.5E-04
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Figure C-3. The experimental results of T'] PLab,wt| versus V; for the (a) OP and (b) Ev

23°C
samples. The results of estimated IRV, for (c) OP and (d) Ev wells. Field data of TIPg;e4 0t
reported in Chapter 5 are placed in regression equations shown on Figure C-3a,b to estimate

IRVy,... values that are presented in Figure C-3c,d, respectively.

In order to verify the estimated IRVr, ... values, one can estimate the average IRV (IRVy,)

using Eq. C-1:
|4
IRVype = — (C-1)
Pm,ave

Where, V,,, ,, and @, 41, are the volume of water imbibed into the matrix and average matrix

porosity, respectively. V, ,, can be calculated by

Vwm = T1Vyype X LOPgy, (C-2)
Where T1Vy,, and LOP,,, are the average total injected volume and the average leak-off

percentage, respectively. Combining Eqs. C-1 and C-2 leads to

TIV,,. X LOP,
IRVave — Ave ave

(C-3)

Pm,ave

@mave 18 about 4% for the samples used in the imbibition experiments (Table C-1).
Assuming an average value of 5 X 10*m?3 for TIV,,, and 25% for LOP,,, (Xu et al., 2016), the

calculated IRV, will be 3.1 X 10°m3. This value has similar order of magnitude compared with
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those estimated from the scale-up of the experimental results (Figure C-3c,d). It must be noted that
although both of the calculated IRV, and IRV, ... have similar orders of magnitude, the
presented values of IRVr, . . may not necessarily be accurate. Similar to estimation of Ay, different
experimental conditions (such as temperature) can affect the scale-up results of IRV estimation.

Furthermore, experiments can be done at HTHP conditions to better represent the downhole

conditions.

The estimated IRVr., ... value for Ev is larger than that for OP (Figure C-3). In other words,
more rock volume is invaded by fracturing fluid in Ev compared with that in OP. This observation
complies with the experimental results of higher water imbibition in the Ev samples compared
with that in the OP samples (Figure C-4). Figure C-4 presents the normalized imbibed volume
(Vimb,n) of water versus time for OP and Ev samples of different V; but similar A at room
temperature (T = 23°C). The results indicate that Ev samples have higher and faster water uptake
than OP samples. Similar observations have been also reported previously (Ghanbari et al., 2013).
In other words, higher tendency of water for the Ev samples (Figure C-4) results in larger IRV and
lower water recovery compared with those of OP. These results are also in agreement with field
observations of higher leak-off rate and lower water recovery from Ev compared to the lower leak-

off rate and higher water recovery from OP (see Chapter 4).
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Figure C-4. Comparison between the normalized imbibed volume (Vimb,n) of water versus time
for (a) OP-V| and Ev-V1, (b) OP-V; and Ev-V, and (¢) OP-V3 and Ev-V3 samples. Physical
specifications of the samples are provided in Table C-1. Vi, , 1s the ratio of imbibed volume of

water to the total pore volume of rock samples. Solid and dashed lines belong to Ev and OP
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samples respectively. The scale used for measuring the mass of the rock samples during the

imbibition experiments has an accuracy of = 0.01 g.
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