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Abstract
The increasing demand for fossil energy and the decreasing trend of conventional resources have
shifted the focus of industry towards unconventional resources including shale gas, shale oil, tight
gas, tight oil, and coalbed methane. Recent advances in stimulation techniques, including
horizontal drilling and multi-stage hydraulic fracturing have led to economic production of
previously inaccessible hydrocarbon trapped in ultra-low permeability reservoirs. During a
hydraulic fracturing operation, fracturing fluids are pumped into the well to create fractures, which
produces a pathway for hydrocarbon flow towards the wellbore. However, a significant fraction
of injected fracturing fluid leaks off into natural fractures and shale matrix, which causes the

reservoir damage and environmental concerns.

Recent experiments show that gas shales which are strongly oil wet based on contact angle
measurements might have strong water uptake during imbibition. Clay hydration, microfracture
induction, lamination, and osmotic effect may be collectively responsible for the strong water
uptake. However, the previous measurements are not sufficient to isolate the above factors nor to
explain why the bulk of shale samples can hardly imbibe the oil which completely spreads on their
surface. This study aims at interpretation of low flowback efficiency by conducting a series of
shale-water interaction experiments. The objective of this research is to investigate the reasons
behind low water recovery in flowback process and quantify the impacts of interactions between

the lost water and reservoir rock.

Extensive imbibition experiments are performed to investigate shale-water interactions at different
conditions. Effects of pore network connectivity, salinity of imbibing brine, clay swelling, and air

blockage in shale samples are investigated through measuring the imbibed mass, induced strain
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and stress during imbibition process, and concentrations of dissolved oxygen and ions in the
imbibing water. The hypothesis is then tested by 1) measuring imbibed mass of water and oil in
crushed shale samples and intact shale samples, 2) measuring soluble/leachable ions in shale
samples, 3) measuring hydration-induced strain and stress during water imbibition, 4) conducting
imbibition experiments in degassed and oxic conditions, and 5) SEM and EDS imaging of organic

and inorganic pores in shale.

The comparative study of water imbibition into crushed shale packs and intact shale samples
suggests that the connected pore network of the intact samples is water wet while the majority of
rock including poorly connected pores is oil wet. In contrast to the artificial pores of crushed rock,
the pores of intact rock are already wetted by a film of water and/or covered by precipitated salt.
This makes the pores of intact rock prefer to be water-wet than oil-wet. Furthermore, the

precipitated salt provides an additional force for water uptake through osmotic effect.

By calculating the characteristic thickness of electrostatic double layer (also known as Debye
length, x-1) around the charged shale powders, it shows that the imbibition rate is positively
correlated to the k-1 values. Electrostatic interactions are part of the disjoining pressure which is
not considered in the Young-Laplace equation. A higher k-1 value leads to a higher disjoining
pressure value. In turn, this forms a larger hydration shell around the shale powder surface and

increases the imbibition rate.

The induced strain and stress during water imbibition show a strong correlation among imbibed
water mass, induced strain and stress, and clay content of the shale samples. Increasing clay content
increases the induced strain and stress caused by water imbibition. For unconfined samples, water

imbibition leads to significant pore volume enhancement (up to 0.72% of sample total volume).
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For partially confined samples, water imbibition induces a relatively low expansive stress. This

induced stress can be described as a logarithmic function of confining pressure.

Comparative study of water imbibition shows that the imbibition rate and imbibed volume are
higher under degassed condition than under oxic condition. These differences are mainly due to
the enhanced dissolution of air into water in the shale pore network during water imbibition under
degassed conditions. This dissolution will consequently increase the relative permeability of water.
The results also suggest that pyrite oxidation from dissolved oxygen produces sulfate ions, iron
ions, and iron-compound precipitates. This is supported by SEM/EDS images which show

abundant pores in the vicinity of pyrite minerals.
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Chapter 1: General Introduction

1.1 Overview

This chapter briefly describes the key technologies and common field practices mentioned in

relevant chapters. Also, it presents the objective, study scope and thesis structure.

1.1.1 Unconventional Reservoirs

Unconventional reservoirs usually have extremely low permeability (in the scale of nano-Darcy)
compared to conventional reservoirs (see Figure 1-1). Examples of unconventional reservoirs
include tight-gas sands, gas and oil shales, coalbed methane, heavy oil and tar sands, and gas-

hydrate deposits.
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Figure 1-1. Comparative analysis of matrix permeability of various unconventional reservoirs (CSUR,
2018).

1.1.1 Oil and Gas Shale Plays in North America

Oil and gas shales are widely distributed in east- and west-central of North America (see Figure
1-2). By the end of 2011, there were 28 shale basins with 56 identified shale plays in North
America. Major commercial shale plays include Horn River and Montney located in Canada, and

Barnett, Haynesville, Fayetteville, Marcellus, and Eagle Ford located in the U.S. The rock samples



used in this study are gas shales from Horn River Group of the Western Canadian Sedimentary

Basin.

In the past two decades, unconventional resources have become an important energy source for
the production of hydrocarbon in North America, and are being explored as a resource in other
continents as well. From 2000 to 2012, the contribution of shale gas to the total natural gas
production increased from 1% in the United States and Canada, to 39% in the United States and
15% in Canada (EIA, 2013; Stevens, 2012). The shale gas and tight gas production projects a
substantial increase, especially in China, the U.S, and Canada, as shown in Figure 1-3 (EIA, 2016).
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Figure 1-2. Geographical distribution of major unconventional reservoirs in North America (EIA,
2011). The approximate location of the Horn River Basin is highlighted and shown by the red circle.
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Figure 1-3. Natural gas production by type in China, Canada, and the United States in 2012 and the
predicted production in 2040 (EIA, 2016).

1.1.2 Horn River Gas Shale Play

The Horn River Basin is a major gas shale play in North America. It is located in Northeast British
Columbia and covers an approximate areal extent of 1.1 million hectares. It is Middle to Upper
Devonian in age with main pay zones in the Fort Simpson, Muskwa, Otter Park, and Evie members.
The Fort Simpson member is categorized as clay-rich formation, and the other three members are
dominantly composed of organic and silica-rich shale (National Energy Board, 2011). The
estimated gas in place in the Horn River Basin is 12.6 x 10'? m? (448 Tcf), and the marketable
resource base is expected around 2.2 x 10'2 m*® (78 Tcf) (National Energy Board, 2011).
Production in the Horn River Basin has been steadily increasing in the past decade. As shown in
Figure 1-4, the daily gas production from 203 producing wells has reached 580 mmcf per day by
the end of 2013.
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Figure 1-4. Schematic stratigraphic cross-section of the Horn River basin

Basin (B. C. Oil & Gas Commission, 2014).
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1.1.2 Drilling and Completion Process

It is a great challenge to produce oil and natural gas on a commercial scale, due to the low porosity
and ultra-low permeability of unconventional reservoir rocks. Thus, special techniques such as
horizontal drilling and multi-stage hydraulic fracturing are required to enhance hydrocarbon
recovery and overcome economic constraints, in order to produce hydrocarbons from these

reservoirs monetarily viable.

1.1.2.1 Horizontal Drilling

Horizontal drilling, which is also known as directional drilling, is the process of drilling a well that
intersects the reservoir with a near-horizontal inclination, and maintaining that inclination within
the reservoir until the desired bottom hole location is reached (Helms, 2008). A typical horizontal
well is mainly composed of vertical well section, build section and horizontal well section, as can
be seen from Figure 1-6. Traditional vertical well is drilled a thousand or more metres deep until
it reaches the kick-off point above the target formation at the first step. The well is then deviated
from the vertical plane around a curve until it runs parallel to the target formation (hydrocarbon
zone), which is usually nearly horizontal. The horizontal legs of the wells may extend up to 3,000
metres within the target formation, thereby accessing a greater volume of the reservoir and creating
more borehole-reservoir contact area, compared with a traditional vertical well. Multiple
horizontal wells can be drilled from one well pad to minimize the costs, reduce the total amount
of land and production equipment needed, and reduce the associated environmental impacts (i.e.

surface disruption).
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Figure 1-6. Schematic of cross-sectional view of a horizontal well (Northern Territory Department of
Mines and Energy, 2018).

1.1.2.2 Hydraulic Fracturing

To produce the hydrocarbon at economic flow rate, the unconventional reservoir needs to be
hydraulically fractured to create additional pathway for hydrocarbon flow. Multi-stage hydraulic
fracturing is a common formation stimulation practice to facilitate hydrocarbon flow from the low-
permeable unconventional reservoir to the wellbore (Gidley, 1989). Following the drilling and
perforating the casing in the well, the mixture of water, proppant (i.e. appropriately sized grains of
silica sand or ceramic beads) and chemicals is injected at high pressure into a wellbore to create
fractures during hydraulic fracturing operation. A typical composition of water-based fracturing
fluid is shown in Figure 1-7 and the typical chemical additives is listed in Table 1-1. The pressure
exerted by the fracturing fluids should be in excess of the minimum stress fields and overcome the
tensile strength of the reservoir rocks, to open existing fractures and create new fractures in the

formation.

Table 1-1. Typical chemical additives used in the fracturing fluids (Petrowiki, 2018).

Additive Function Performed Typical Product
Biocide Kill bacteria Gluteraldehyde carbonate
Breaker Reduce viscosity Acid, oxidizer. enzyme breaker




Buffer Control pH Sodium bicarbonate, fumaric acid

Clay stabilizer Prevent clay swelling KCl, NHCI, KCI substitutes
Diverting agent Divert fluid flow Ball sealers, rock salt, boric acid
Fluid loss additive Improve fluid efficiency Diesel, particulates, fine sand
Friction reducer Reduce friction Polyacrylamide derivatives
Iron controller Keep iron in solution Acetic and citric acid
Surfactant Modify surface tension and wettability =~ Fluorocarbon, Isopropanol
Gel stabilizer Reduce thermal degradation MEOH, sodium thiosulphate
Scale Inhibitors Reduce scale formation Inorganic and organic phosphates
I Scale pH Adjusting
Gelling Inhibitor Agent
Agent~ 0.04% 0.01%
KCL  0.05%
0.05% Breaker
Sand 0.009%
8.95%
Surfactant Crosslinker
0.08% 0.006%

Iron Control

0,
Woter 0.004%
90.6% )
Corrosion
Inhibitor
0.001%

Friction
Reducer Biocide

0.08% Acid | 0.001%
0.11%

Figure 1-7. Typical volumetric composition of a water-based fracturing fluid (Arthur et al., 2009).
Data is collected at Fayetteville shale fracturing stimulation (GWPC and ALL Consulting. 2009).

The hydraulic fracturing usually occurs in several stages (generally 10 to 15 stages) along the
horizontal wellbore (Alessi et al., 2017), as shown in Figure 1-8. Each fracturing stage is isolated
by a packer or plug and performed within the isolated interval (~150 metres). The staged fracturing
is performed from the toe to heel of the horizontal well. Once hydraulic pressure is removed from
the well, small grains of proppant hold these fractures open. Consequently, an extensive surface

area of the reservoir is exposed to the fracturing fluids after the hydraulic fracturing operation.
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Figure 1-8. Schematic of cross-sectional view of horizontal well and hydraulic fractures (zoomed-in
area) drilled in an unconventional reservoir (Modified from NaturPhilosophie, 2014).

1.1.2.3 Shut-in Process

After hydraulic fracturing, the well undergoes shut-in for some time (i.e., 1 to 5 weeks). This
enables operators to prepare surface facilities for production. Also, it allows the bottom hole
pressure of the well to build-up. During shut-in, the fracturing fluid leaks off into the rock matrix,

which is considered to have a dual effect.

Firstly, imbibition of the fracturing fluid into the shale matrix, during the shut-in period, can result
in the displacement of the hydrocarbons to the fracture which may ultimately enhance hydrocarbon
production from the well (King, 2012; Lan et al., 2014; Makhanov et al., 2014). Extended shut-in
period may increase hydrocarbon production in the early time (Fakcharoenphol et al., 2014).
According to the well production data available from four different shale plays - the Bossier
(Settari et al., 2002) and the Marcellus (Cheng, 2012) formations in the U.S., the Montney (Kanfar
and Clarkson, 2016) and the Monteith (Zambrano et al., 2016) Formations in Canada, hydrocarbon
flow rate is higher and water flow rate is lower after shut-in, compared with their rates before shut-

in period.



Secondly, fracturing fluid imbibition into the shale matrix may damage the reservoir (Bahrami et
al., 2012; Bennion et al., 2005) via an increased water saturation in the vicinity of the fractures
(water blockage) which can reduce the relative permeability of the hydrocarbon. Reduction of the
hydrocarbon permeability may drastically impede hydrocarbon flow in the reservoir (Shaoul et al.
2011). A complete design of a hydraulic fracturing operation for a specific unconventional
reservoir, requires an in depth understanding of the mechanisms responsible for the retention of

the injected fracturing fluid into the rock matrix.

1.1.2.4 Flowback Process

In order to clean-up the injected fracturing fluids, the well is open for a brief period (~10 days)
before or after the shut-in period. Large volume of water (10 to 20 million litres per well) is injected
into shale formations during fracturing operation. However, only ~10% of the injected water is

recovered during flowback process (Matthew and Mantell, 2013; Roychaudhuri et al., 2013;

Vandecasteele et al., 2015). Some wells in the Eagle Ford shale formation produced less than 20%
of the injected fracturing fluid in their entire production history (Nicot and Scanlon, 2012). For the
wells completed in Horn River basin, the flowback efficiency is only ~1.5% after 72 hours of

production (Ghanbari and Dehghanpour, 2016).

The unrecovered part of fracturing fluids is believed to be imbibed by fractures, micro-fractures
and shale matrix, where the fluids stay as an immobile phase due to capillarity, fracture closure
and gravity segregation (Gdanski et al., 2006; Fan et al., 2010; Ehlig-Economides and Economides,
2011; Parmar et al., 2014). Imbibition is an immiscible displacement process, whereby the wetting
fluid spontaneously imbibe into the porous media driven by capillary pressure and expel the non-

wetting fluid (Akin et al., 2000).

1.1.3 Pore Network in Unconventional Reservoirs

Pore structure of unconventional reservoirs is a complex system of pores in matrix, natural

fractures, and hydraulic fractures (Loucks et al., 2012; Gale et al., 2014).



1.1.3.1 Natural Fractures

Natural fracture are macroscopic planar discontinuities generated via natural processes (i.e. local stress
perturbations, regional burial, tectonic forces; lithification processes such as diagenesis) (Saidi, 1987;
Nelson, 2001; Gale and Holder, 2010). Natural fractures in unconventional reservoirs are prone to be
sealed or partially filled by minerals (e.g. calcite), and poorly connected (Gale et al., 2007). The
connectivity of natural fractures could be effectively reactivated by drilling and fracturing operations
Slippage and shear dilation of natural fractures are caused by injected fracturing fluids and

microseismic event (Blanton, 1982; Warpinski and Teufel, 1987; Moradian et al., 2016).

In addition, microfractures can be created during water uptake into clay-rich shales (Makhanov et
al., 2014; Meng et al., 2015; Sun et al., 2015). These induced microfractures might be due to 1)
collape clay swelling (Ghanbari and Dehghanpour, 2015; Roshan et al., 2015), 2) high internal
pore pressure generated by the capillary pressure (Yang et al., 2015), and 3) shear and tensile
failure (Nygérd et al., 2006; Zhou et al., 2016). These induced microfractures may further imbibe

a significant of water.

1.1.3.2 Hydraulic Fractures

Hydraulic fractures are tensile fractures which propagate perpendicular to the direction of
minimum horizontal in-situ stress in a normal fault environment, as shown in Figure 1-9 (Nolen-
Hoeksema, 2013). Some geologic discontinuities (joints, bedding planes, faults and stress contrasts)
have significant influences on hydraulic fracture, including reducing total length of hydraulic
fracture by fluid leak-off or difficulty of proppant transport and placement (Warpinski and Teufel,
1987). The most common practice to estimate hydraulic fracture volume is through the percentage
of the fracturing fluid injected which does not leak off into the reservoir. In the past decade,
microcosmic imaging has been used to characterize the fracture network (i.e., fracture spacing,
conductivity, complexity, azimuth and dimensions) and approximate fracture geometry (Maxwell
et al.,, 2002; Mayerhofer et al., 2006; Nejadi et al., 2015). It relies on the detection of micro-
earthquakes and acoustic emissions associated with fracture creation and extention (Urbancic et

al., 1999).

Generally, the fracture width is in the scale of millimetre (Geertsma and de Klerk, 1969) and the

fracture half-length is from 50 to 300 metres (Fisher et al., 2002; Ezulike, 2017). The closure of
10



hydraulic fracture occurs when the bottom-hole pressure is less than the minimum principal stress
(Raaen et al., 2001; Fjar et al., 2008), resulting in smaller aperture size and lower fracture

permeability (Walsh, 1981).

Hydraulic Fracture

(a) CH.min

Figure 1-9. (a) Transverse and (b) longitudinal fracture propagation patterns in horizontal well
relative to the minimum and maximum horizontal in-situ stress (Salah et al., 2016).

1.1.3.3 Pores in Matrix

Rocks in unconventional reservoirs typically have lower porosity (less than 10% of total bulk
volume) compared to rock in conventional reservoirs (more than 15% of total bulk volume) (Kulia
et al., 2014). For example, the averaged porosity of Horn River gas shales is around 3 to 6% (B.
C. Oil and Gas Commission, 2014). Scanning electron microscope images in Figure 1-10 show
two types of pores in Montney tight sandstone and Barnett shale: 1) abundant number of small

nanopores within the organic matter, and 2) a few micropores bordered by inorganic minerals.
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Figure 1-10. Scanning electron microscope images of (a) Montney tight sandstone sample (Yassin et
al., 2016) and (b) Barnett shale sample (Sondergeld et al., 2010).

1.1.4 Spontaneous Imbibition

Spontaneous imbibition is driven by capillary pressure, which is a function of rock wettability,
interfacial tension, and pore radius (Balcerak, 2012; Singh, 2016). Wettability is in general the
affinity of a particular fluid to wet the surface of the target rock (Agbalaka et al., 2008). The
wetting state of a reservoir rock can be identified by measuring equilibrium contact angle, the
Amott wettability index (Amott, 1959), the United States Bureau of Mines (USBM) wettability
index (Donaldson et al., 1969), spontaneous imbibition rate/volume (Morrow, 1990), hysteresis of
the relative permeability curves (Jones and Roszelle, 1978), and Nuclear Magnetic Relaxation
(NMR) (Brown and Fatt, 1956). Contact angle measurement is the most common method to

evaluate the liquid wettability in rock.

Figure 1-11 shows the schematic of counter-current and co-current imbibition. Counter-current
imbibition means the wetting phase and nonwetting phase move in opposite directions. Co-current
imbibition means wetting phase flows in the same direction as nonwetting phase. The imbibition
rate is strongly influenced by (1) petrophysical properties including permeability, porosity and
wettability (Mattax and Kyte, 1962), (2) fluid properties including viscosity, interfacial tension
(Shouxiang et al., 1997; Li and Horne, 2001) and (3) geometrical parameters such as sample shape,

size and boundary conditions (Kazemi et al., 1992; Zhang et al., 1996).

12
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(a) (b)

Figure 1-11. Schematics of (a) counter-current and (b) co-current imbibition. Blue and green colors
represent the wetting and nonwetting phases, respectively. The arrow represents the direction of
imbibition flow (Makhanov, 2013).

1.2 Research Motivation

Although high water uptake in shales has been observed both in field and laboratory conditions,
its reasons are poorly understood. Capillary pressure is one key driving force for the liquid uptake
in shales (Handy, 1960; Roychaudhuri et al., 2013; Lan et al., 2014). However, it is insufficient to

explain this strong water uptake in shales.

The presence of large amount of clays and complex pore structure, variation in pore location (i.e.
pores in organic or inorganic matrix) (Mitchell et al., 1990; Al-Maamari and Buckley, 2003) and
size (Toumelin et al., 2006) pose additional challenges to investigating the mechanisms for excess
water uptake in shales. Also, clay swelling and electrostatic interactions between charged clay and

water may drastically influence water uptake in shales.

All these factors affecting overall water uptake of shales are hardly isolated and investigated using
conventional techniques. Therefore, an improved understanding of fluid-shale interaction is
critical for optimizing the chemical formulation of fracturing and treatment fluids, estimating the
field-scale imbibition rate, and evaluating the environmental impact during hydraulic fracturing

process.

1.3  Research Objectives

The primary objectives of this research are:
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» Investigating the existence and connectivity of hydrophobic and hydrophilic pore networks,

and its effect on water uptake in shale.

» Investigating the interaction effects of clays in rock samples and salts in imbibing fluids

during water imbibition in shales.

» Investigating the interaction effects of air/water blockage on water imbibition and flowback

efficiency.

1.4  Organization of Thesis
This thesis consists of five chapters.

Chapter 1 presents a brief overview of the research background and introduces the research gap

and objectives of this study.

Chapter 2 presents the comparative study of water imbibition into crushed shale packs and intact
shale samples to investigate the connected pore network on water imbibition. The effect of osmotic

potential is also investigated by imbibition experiments using brine with different salinities.

Chapter 3 extends the study of osmotic potential in Chapter 2 and investigate the effect of salts
content of the samples and the salt concentration in the fluid on imbibition potential of shale
samples. The effects of imbibing solution ionic strength, rock zeta potential, and salts content of

the shale powder on the imbibition process are discussed based on electrostatic interactions.

Chapter 4 presents the results of imbibition experiments using air-saturated de-ionized water (oxic
water) and degassed de-ionized water (degassed water) to investigate the role of dissolved oxygen
on water imbibition rate/volume and evaluate the effects of dissolved oxygen on concentration of

major ions and redox-sensitive ions in flowback water.

Chapter 5 presents the measured strain and stress induced during imbibition of water, brine and oil
into shale samples, in order to estimate the enhancement in porosity and water uptake due to clay
swelling, and investigate the existence of correlations among clay content of gas shales, imbibed

water mass, and induced strain and stress.

Chapter 6 applies an imbibition model to quantitatively interpret the effect of capillary pressure,

water adsorption and clay swelling on water imbibition.
14



Chapter 7 summarizes the important findings and results of this research and provides

recommendations for future studies.
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Chapter 2: Effect of Pore Connectivity on Water Uptake of Gas Shales

2.1 Introduction

Spontaneous imbibition is a reliable technique used to quantify the wettability of reservoir rocks
such as sandstones and carbonates. However, quantification of shales wettability is challenging
due to the adsorption of water by clay minerals and oil by organic material, and also the
complexity of their pore structure. Recent imbibition studies (Dehghanpour et al., 2012;
Dehghanpour et al., 2013) show that brine and water uptake of several samples from the Horn
River Basin, are considerably higher than their oil uptake. Contact angle measurements show that
oil completely spreads on the fresh break of these samples while water does not. This shows that
the samples are oil-wet and should not imbibe much water. However, this is contrary to the
imbibition results which show that they imbibe significantly more water than oil. The following

paragraphs outline and discuss some possible reasons for this anomalous excess water uptake:

1) Sample Expansion: Clay minerals in shale samples can adsorb a considerable amount of water.
This adsorption is controlled by clay chemistry and water salinity (Chenevert, 1970; Hensen,
2002). The negatively charged clay platelets strongly attract polar water molecules, and this
driving force is absent in the case of oil imbibition. The previous imbibition experiments, using
confined and unconfined intact shale samples (Ghanbari and Dehghanpour, 2015), showed that
water uptake induces microfractures in some of the shale samples. The clay hydration leads to
sample expansion, which also increases the porosity and permeability of the samples, and results

in higher water imbibition rate and volume.

2) Depositional Lamination: It is well known that shales have a layered structure. Previous
measurements show that imbibition parallel to the bedding plane is faster than that perpendicular
to the bedding plane (Makhanov et al., 2012). The result suggests that permeability parallel to the
bedding plane is higher than that perpendicular to the bedding plane. Furthermore, the clay
swelling during water imbibition tests enhances the anisotropy by increasing the distance between
the clay platelets, which leads to more water imbibition than oil imbibition along the bedding

plane.
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3) Chemical Osmosis: The higher chemical potential of fresh water provides some additional force
for water imbibition. It is possible that some salt precipitates are present inside the shales pore
network, due to the sample dehydration. During water imbibition tests, the salt dissolves into the
imbibed water and results in the chemical potential difference between the pore water and the
external water. This chemical potential difference acts as an additional driving force for the

transport of water molecules into the sample.

4) Connectivity of Hydrophobic and Hydrophilic Pore Networks: Shale pores can be in its organic
and non-organic constituent materials (Sondergeld et al., 2010). The organic part of the rock is
hydrophobic. The non-organic part can be hydrophilic, especially in the presence of clay minerals.
Therefore, organic shales are usually a mixture of hydrophilic and hydrophobic materials.
Significant water uptake of gas shales may indicate that the hydrophilic pore network is relatively
well-connected. Furthermore, this network may be coated by water film and salt which increase
its affinity to water, as discussed above. On the other hand, insignificant oil uptake of gas shales
may indicate that the hydrophobic pore space, mainly coated by organic carbon, is poorly

connected.

The overall water uptake of gas shales is controlled by the above factors, which cannot be isolated
by the imbibition experiments conducted on unconfined intact samples. This study measures and
compares spontaneous imbibition of oil and water into the crushed Horn River shale packs. Recent
studies (Borysenko et al., 2009; Pagels et al., 2012a, 2012b) show that using crushed-shale packs
is a good way to investigate the petrophysical properties such as wettability of organic-rich shales.
A crushed-shale pack has a confined volume which is not allowed to expand during the imbibition
process. Furthermore, a crushed-shale pack is relatively isotropic compared with intact samples
which are significantly anisotropic. In addition, both hydrophobic and hydrophilic pore networks
of crushed shale packs are artificially well-connected. Imbibition tests using similar intact rocks
and high salinity water to investigate the osmotic effect are also conducted. The rest of the chapter
is organized as follows: Section 2.2 describes the materials and methods. Section 4.3 shows the
water and oil imbibition profiles of crushed and intact shale samples. Section 4.4 describes the

conclusions of this study.
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2.2 Materials

Spontaneous imbibition experiment of DI water and kerosene is conducted using crushed-shale
packs from Fort Simpson (FS), Muskwa (M) and Otter Park (OP) formations of the Horn River
Basin (HRB). Detailed information regarding this shale play can be found in existing literature
(Reynolds et al., 2010; Pond et al., 2010; Dehghanpour et al., 2012). The imbibed mass of various

concentrations of NaCl brine and deionized (DI) water in intact rock samples are also measured.

2.2.1 Fluids

Kerosene, DI water and NaCl solutions of various concentrations were used for the imbibition
tests. The density, viscosity and surface tension of different fluids used for the imbibition

experiments are listed in Table 2-1.

Table 2-1. Density, viscosity and surface tension of different fluids used for the imbibition experiments.

Fluid Density (g/cm®) Viscosity (cp) Surface Tension (dyne/cm)
DI water 1.0 0.9 72
10 wt% NaCl 1.06 1.04 76
20 wt% NaCl 1.12 1.26 79
Kerosene 0.8 1.32 28

2.2.2 Intact Shale Samples and Crushed Shale Packs

A total of fifty crushed-shale packs and nine intact shale samples were selected for this study. All
the shale powders and shale samples are from two wells drilled in the Horn River Basin. The
powders and samples are classified into three sections corresponding to the FS, M and OP. The
average mineral concentration of the shale sections determined by X-Ray Diffraction (XRD) data
is listed in Table 2-2. The average true vertical depth (TVD), total organic carbon (TOC), matrix
density before and after considering TOC content, length, cross-sectional area, porosity and
permeability of the crushed-shale packs are presented in Table 2-3. The mass, depth and geometry
of the intact shale samples for brine and water imbibition experiments are listed in Table 2-4. The
porosity of crushed-shale packs was calculated by:

y_m

9 =—bm 2.1)
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where @ is porosity. m and V are the mass and volume of the crushed-shale pack, respectively.

Pm 1s matrix density of the sample after adjustment for the TOC content. p,, was calculated by

using the weight fractions of each mineral obtained from XRD analysis and TOC:

Pm = (1 — wroc) X (Xiei w; * pi) + Wroc X Proc

(2.2)

Here, w; and p; are mass fraction and density of each mineral. wroc and proc are the weight

fraction and density of TOC. pro is close to water density and ranges between (0.94-0.98 g/cm?)

(Crain’s Petrophysical Handbook, 2012). In this study, proc is assumed to be 1 g/cm?.

Permeability of each sample is measured independently using Darcy’s Law. The permeability is

only measured on one sample from each layer. It is assumed that all samples from the same layer

have almost the same permeability. The procedure and set-up schematic of permeability test are

presented in Appendix A.

Table 2-2. Average mineral concentration (wt %) of the shale sections determined by XRD.

Chlorite Plagioclase Matrix
label Calcite Quartz Dolomite Illite 1Mt Pyrite
Albite Density
FS 0.5+0.4 29+1.3 2.7+0.3 6.5+0.8 55.4+1.7 4.1+0.5 1.7+0.2 2.747
M 0 36.7+1.2 5.2+0.4 4.4+0.4 48.3£1.5 3.6£0.5 1.7+0.2 2.744
oP 12.9+0.4 43.6+1.1 2.2+0.5 0 33.8+1.2 4.4+0.4 3.2+0.2 2772

Table 2-3. Average TVD, matrix density determined by XRD data (pxrp), matrix density after the Adjustment

for TOC content (p), TOC, Length, Cross-Sectional Area, Pack Density, Porosity and Permeability of all the

Samples Used in the Crushed-Shale Pack Experiments.

Pm, TOC, . . I
TVD, Pxrp> Length Area Pack Density, Porosity, Permeability,
Label Layer g/lem  wt
m g/em® ,cm , cm? g/em’ % mD
3 %
FS1 Fort 1755 2.748 2.717 1.73 25 5.067 1.973 27.36 21
Simpson
FS2 Fort 1755 2.748 2.717 1.73 25 5.067 1.973 27.36 21
Simpson
FS3 Fort 1755 2.748 2.717 1.73 25 5.067 1.973 27.36 21
Simpson
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FS4

FS5

FS6

FS7

M1

M2

M3

M4

M5

M6

M7

OP1

OP2

OP3

OP4

OP5

OP6

OP7

Fort
Simpson
Fort
Simpson
Fort
Simpson
Fort
Simpson

Muskwa

Muskwa

Muskwa

Muskwa

Muskwa

Muskwa

Muskwa

Otter Park

Otter Park

Otter Park

Otter Park

Otter Park

Otter Park

Otter Park

1755

1755

1755

1755

1758

1758

1758

1758

1758

1758

1758

2639

2639

2639

2639

2639

2639

2639

2.748

2.748

2.748

2.748

2.744

2.744

2.744

2.744

2.744

2.744

2.744

2.772

2.772

2.772

2.772

2.772

2.772

2.772

2.717

2.717

2.717

2.717

2.704

2.704

2.704

2.704

2.704

2.704

2.704

2.718

2.718

2.718

2.718

2.718

2.718

2.718

1.73

1.73

1.73

1.73

2.25

2.25

2.25

2.25

2.25

2.25

2.25

3.01

3.01

3.01

3.01

3.01

3.01

3.01

25

25

25

25

25

25

25

25

25

5.067

5.067

5.067

5.067

5.067

5.067

5.067

5.067

5.067

5.067

5.067

5.067

5.067

5.067

5.067

5.067

5.067

5.067

1.973

1.973

1.973

1.973

1.973

1.973

1.973

1.973

1.973

1.973

1.973

1.973

1.973

1.973

1.973

1.973

1.973

1.973

27.36

27.36

27.36

27.36

27.01

27.01

27.01

27.01

27.01

27.01

27.01

27.39

27.39

27.39

27.39

27.39

27.39

27.39

21

21

21

21

35

35

35

35

35

35

35

32

32

32

32

32

32

32

Table 2-4. Mass, depth and geometry of the intact shale samples used in imbibition experiments.

Label

Mass, g

Area, cm?

Thickness, cm

Diameter, cm

Depth, m

FS8

149.17

78.5

1.0

10

1755
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FS9 149.40 78.5 1.1 10 1755

FS10 144.02 78.5 1.1 10 1755
M8 179.96 78.5 1.3 10 1758
M9 187.91 78.5 1.2 10 1758
M10 168.76 78.5 1.3 10 1758
OP8 217.58 78.5 1.4 10 2639
OoP9 187.50 78.5 1.3 10 2639
OP10 215.21 78.5 1.4 10 2639

2.2.3 Preparation of Crushed Shale Packs
The crushed-shale packs were prepared in the following steps:
1) Break the shale cores into pieces less than 1 cm® using a hammer.

2) Clean the grinding container with ethanol and silicon before grinding the rock samples

from different layers.

3) Pour the shale pieces into the dish-shaped grinding container in shatter box. Set the

grinding time to 1 minute.

4) Measure the particle size of the powders by using microscope. Figure 2-1 shows the shale

particles visualized by the microscope.
5) Heat the powder in an oven at 100°C for 24 hours to ensure moisture evaporation.

6) Pack the shale powders into a 1-inch inner diameter (ID) plastic tube. Both ends of the

tube are fixed to prevent expansion of the shale powder during the imbibition test.

Figure 2-1 shows that the shale powder diameter is in the order of 1 um. A crushed-shale pack
used for the imbibition experiment is shown in Figure 2-2. A plastic-plug with a nozzle was
mounted on one side (plug side) and a cloth-screen was mounted on the other side (mesh side).

During the imbibition experiment, fluid was imbibed from the mesh side toward the plug side.
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Figure 2-1. The particles of shales from (a) FS, (b) M and (c) OP sections visualized using microscope.

Plug Side
(outlet)

Mesh Side
(inlet)

Figure 2-2. A 25-cm-long curshed-shale pack used in the horizontal and vertical imbibition
experiments.

2.3  Methodology

A total of 27 imbibition tests are conducted. They can be categorized into three sets. In Set 1, the
co-current imbibition of water and oil in dry, crushed-shale packs is measured. The use of crushed-
shale packs is to minimize the effects of anisotropy, expansion, and pore connectivity. In Set 2,
the counter-current imbibition of water (or oil) into the shale packs saturated with oil (or water) is
measured. This is to investigate the imbibition in samples initially saturated with a liquid phase.
In Set 3, the spontaneous imbibition of brine of different salinities in intact samples is measured.

This is to investigate the effect of osmotic potential on the imbibition behavior.
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2.3.1 Set1 (Co-current Imbibition of Kerosene and DI Water)

The spontaneous imbibition experiments for crushed-shale packs were conducted to compare the
imbibition volume of kerosene and DI water. A total of 12 crushed-shale packs were made from
the shale powders from the three formations. Both horizontal and vertical imbibition experiments

are designed to measure and compare the imbibition with and without gravity effect.

In horizontal imbibition experiments, the 25-cm-long crushed-shale pack was put into a container
filled with DI water or kerosene (Figure 2-3). During the test, the fluid gradually imbibes from
the screen-side to the plug-side (Figure 2-4). In order to get the co-current imbibition volume, a

graduated cylinder is placed on the outlet to collect the air bubbles displaced by the fluid.

In vertical imbibition experiments, before starting the experiment, the weight of dry crushed-shale
packs (Mo) is measured. The crushed shale pack is placed on a mesh stand inside an imbibition
cell. The fluid level in the imbibition cell is slightly above the mesh to ensure continuous fluid
exposure during the test. The mass of the imbibed sample at time 7; is recorded as M;. Therefore,
the imbibed mass is given by M; - Moy. The imbibition front of oil and water at different 7; values

are shown in Figure 2-5.

A cylinder to collect the
displaced air bubbles

Imbibition fluid

l

v \

Imbibition front Crushed shale pack

Figure 2-3. The schematic illustration the set-up for horizontal experiments. The fluid is imbibed
from left to the right and displaces the air in the crushed-shale pack. The air is collected in an
inverted cylinder.
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Figure 2-4. The water (left) and oil (right) imbibition front position at 4.5 hours (a, b), 12.5 hours (c,
d), 30.5 hours (e) and 25.5 hours (f) for Muskwa crushed sample packs.

24



Imbibition front at 3.5 hrs Imbibition front at 9 hrs Imbibition front at 69 hrs

kerosene kerosene kerosene
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Figure 2-5. The front position for vertical imbibition of water (left) and kerosene (right) into Muskwa
crushed-shale packs (a) after 3.5 hours, (b) after 9 hours, (c) after 69 hours.

2.3.2 Set 2 (Counter-current Imbibition Experiments)

The counter-current imbibition experiments compare the water uptake of oil-saturated samples
with oil uptake of water-saturated samples. The objective of Set 2 is to know whether the samples
still have the same affinity to oil (or water) when their pore space is initially saturated with water
(or oil). A total of 6 crushed-shale packs (FS6-FS7, M6-M7, OP6-OP7) were made for the counter-

current tests with the following procedure:

1) Immerse a 5-cm-long crushed-shale pack into DI water or kerosene until the weight gain

is stabilized.

2) Put the water/oil-saturated crushed-shale pack into oil/water for 72 hours and visualize the

occurrence of counter-current imbibition
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2.3.3 Set 3 (Spontaneous Imbibition of Brine)

Set 3 compares the imbibition rate of water and brine of 20 wt% and 10 wt% NaCl. The objective
is to investigate the role of osmotic potential on water uptake. It is possible that salt precipitates
are present in the pore space. In this case, increasing the salt concentration of imbibing water is
expected to decrease the concentration gradient, the osmotic potential, and in turn, water

imbibition volume. The general test procedure includes the following steps:

1) Heat selected shale samples at 100°C for 24 hours to ensure moisture evaporation.

2) Measure the mass and bulk volume of shale samples

3) Place the shale samples in imbibition cell and measure the sample weight at selected time
intervals.

4) Stop the experiment when the shale samples’ weight does not increase with time.

2.3.4 Set 4 (Pore-scale Visualization)

Scanning electron microscope (SEM), scanning helium ion microscope (SHIM), and energy-
dispersive x-ray spectroscopy (EDS) are used to visualize the pores and obtain the elemental maps
from OP sample. One end piece from OP sample is prepared for SEM-EDS imaging. The sample
are first cut into 1x1x0.5 cm cubes. The surface of the sample is then mechanically polished using
600-, 1000-, and 2000-grit polishing pads. Then, the sample surface is further polished using
argon-ion milling to minimize the influence of roughness and artifacts of the sample surface on

the SEM images. All SEM/SHIM images are obtained using ~15 Kv beam energy.

2.4 Results

This section presents and discusses the results of three sets of imbibition experiments.
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Figure 2-6. Comparison between imbibition rate of DI water and kerosene in horizontal (a,c,e) and
vertical (b,d,f) crushed-shale packs from FS (a,b), M (c,d) and OP (e,f) sections.

24.1 Setl.

Figure 2-6 shows the cumulative imbibition volume versus time for crushed packs. It is observed
that oil imbibes faster than DI water especially for FS samples. However, previous experiments
(Dehghanpour et al., 2013) show water imbibes considerably faster than oil in intact samples.
Therefore, based on the imbibition behavior, the crushed packs are preferentially oil wet while the

intact shale samples are preferentially water wet. This contradiction will be discussed later.

2.4.2 Set2.

The results of Set 2 show that oil (or water) does not imbibe into water (or oil) saturated packs,
even after 72 hours. The results indicate that if the pore space is initially covered by oil (or water),

its wetting affinity to water (or oil) will be significantly reduced.

243 Set3.

Figure 2-7 shows that increasing the brine salinity from 0 to 20 wt% reduces the degree of physical
alteration of M and FS samples. Comparing the pictures before and after 12 hours imbibition tests
shows that increasing the salt concentration significantly reduces the degree of physical alteration
in the samples. For OP samples, no observed induced crack indicates the lack of swelling clays.
Figure 2-8 compares the imbibition profiles of water and brine of different salinities. Water uptake
of all samples is significantly higher than their brine uptake. Furthermore, the imbibition rate of

low salinity brine (10 wt% NacCl) is higher than that of high salinity brine (20 wt% NaCl).

Exposure
Time

FS8 in DI- water MBS in DI- water OPS8 in DI water

0 Hrs
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12 Hrs

Exposure FS9in M9 in OP9 in
Time 10 wt% NaCl 10 wt% NaCl 10 wt% NaCl

0 Hrs

12 Hrs

Exposure FS10 in M10 in OP10 in
Time 20 wt% NaCl 20 wt% NaCl 20 wt% NaCl

0 Hrs

12 Hrs

Figure 2-7. Pictures of FS, M and OP shale samples used in the spontaneous imbibition experiments
using 20 wt% NaCl brine, 10 wt% NaCl brine and DI water.
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Figure 2-8. NaCl brine and de-ionized water normalized imbibed mass versus time in (a) FS, (b) M
and (c) OP samples. The curves stop for M8, M9, FS8 and FS9 samples because of their reaction
with water, which leads to sample expansion, and thus the imbibition mass can not be measured.

244 Set4

Figure 2-9 displays an SEM image of a focus area and the corresponding elemental maps of carbon,
silica, iron, aluminum, calcium and sulfur showing the distribution of pores, organic content and
inorganic minerals. Magnified area-A shows that many pores with a throat size of 5 to 50 nm exist
in the organic content. Magnified area-B shows two large (~100 nm) pores in Quartz. These large

inorganic pores may have better connectivity than that of organic pores. The inorganic pores have
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more affinity to water than oil (Lopes et al., 2006), which makes more water imbibed into the

large pores in a higher rate.

Table 2-3 shows that the total organic carbon in the shale samples is relatively low (1.73% -
3.01%). However, since organic matter is often deposited on pore surfaces (Tissot et al., 1974), a

significant number of pores are coated by organic matter and form hydrophobic pores.
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SEM Image o Focus Area

EDS

Figure 2-9. SEM image of a focused area on an OP shale sample and the corresponding elemental
maps of carbon, silica, iron, aluminum, calcium and sulfur on the same focused area. Magnified
area-A shows pores in organic; magnified area-B shows small pores in organic and two large pores
in Quartz. Darker area in elemental maps represents higher element density.
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2.5 Quantitative Interpretation of Imbibition Data

The results of co-current imbibition show that oil imbibition rate is higher than water imbibition
rate. Capillary pressure calculated by Young-Laplace equation cannot explain the significant
water uptake of intact samples compared with their oil uptake. However, the crushed samples
show an opposite behavior as presented in Section 4. In this section, 1) Handy’s model (Handy,
1960) is used to model the imbibition rate, 2) Lucas and Washburn equation (Lucas, 1918;
Washburn, 1921) is used to model imbibition front position, and 3) the dimensionless time is used

to investigate the difference between the wettability of the shale samples to oil and water.

2.5.1 Modelling Imbibition Rate

In Set 1, the crushed-shale packs are relatively homogeneous and isotropic, so the fluid imbibition
can be assumed as a piston-like displacement process. When the gravity can be ignored, the

correlation (Handy, 1960; Li and Horne, 2001) between the time and the imbibition volume is:

Q2 = (220t 2.3)

u

where, Q is the volume of imbibed liquid, k is effective liquid permeability, @ is fractional
porosity, A is cross-sectional area of sample, S is the liquid saturation behind the imbibition
front. u is the liquid viscosity, and P, is capillary pressure at the saturation of S. The capillary

pressure of oil and water can be approximated using Young-Laplace equation.

Figure 2-10 shows Q2 versus t curves from horizontal and vertical imbibition experiments. It is
observed that the slopes of the oil curves are consistently higher than those of water curves,

especially for the Fort Simpson samples. The ratio between the slope of water and oil curves can
be defined as

S
N

( t )water

(%)
t Joil

The R value of horizontal experiments (Rx) can be directly obtained from Figure 2-10. The R

2.4)

value of vertical experiments (Rr) can also be obtained from the linear part of the curves. For the
vertical experiments, the curves are nearly straight lines when the imbibition height is less than

10 cm.
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InSet 1, @, S, k and A are approximately the same for every crushed-shale pack, as listed in Table

1-1. Therefore, from Eq. 2.3, R can also be calculated using:

Pc cosf
O G R 2.5)

,, &
H/oil K

The experimental (Rz and Ry) and theoretical (Rc) values of R are listed in Table 2-5. It is

RC=

oil

observed that Rc values are higher than Rx and Ry values. The Rc values indicate that based on
Handy’s theory and Young-Laplace equation, the slope of water imbibition curves should be
almost 3 times higher than that of oil imbibition curves for Muskwa and Otter Park sections, and
should be almost 2.4 times higher than that of oil for Fort Simpson section. In simple, capillary-
driven imbibition theory suggests that the water imbibition rate should be much higher than oil
imbibition rate, primarily because surface tension of water is considerably higher than that of oil.
However, both the horizontal and vertical spontaneous imbibition experiments indicate that oil
imbibition rates are higher than water imbibition rates, as the values of Rz and Ry are around 0.8

for Muskwa and Otter Park sections, and around 0.1 for Fort Simpson section.

The Ru and Ry values of Fort Simpson samples are significantly lower than those of Muskwa and
Otter Park samples. One reason is the high clay content of Fort Simpson samples (see Table 2-2).
During water imbibition, clay hydration may cause shale powder swelling and reduce the pore
volume of shale sample pack. This can be seen from the significantly lower final imbibed volume
of Fort Simpson samples compared with Muskwa and Otter Park samples.

Table 2-5. The values of water and oil contact angles, the R value defined by Eqs. (4) and obtained from Egs.

(5) (Rc), horizontal (Rx) and vertical (Ry) imbibition experiments. Subscripts o, w, a represent kerosene, water,

air, respectively.

Parameter Fort Simpson Muskwa Otter Park

0 (Degree) 27 38 50

6 (Degree) 0 0 0
Rc 3.36 2.96 2.42
Ry 0.12 0.78 0.85
Ry 0.11 0.77 0.87
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(e) Q)

Figure 2-10. Square of imbibed volume versus time for the imbibition of DI water and kerosene
into horizontal (a,c,e) and vertical (b,d,f) crushed-shale packs from FS (a,b), M (c,d) and OP (e,f)
sections.

2.5.2 Modelling Front Position

In this section, the imbibition front position versus time for oil and water is compared using the
theory and experimental data. From Lucas and Washburn equation (Lucas, 1918; Washburn,

1921), the horizontal imbibition front is given by

1
Le(®) = | e (2.6)

Considering the gravity effect, the flux equation for vertical imbibition is given by (Mattax and

Kyte, 1962):

dLg 22 40cosf
dt  32ulg X ( J) ngs) 2.7)

By solving the integration, the relationship between imbibition height (front) and time is given by

pgA? Pc %_LS
at = —LS - p—gln T (28)
pg
where,
Pc — 40;059 (2.9)

The details of the average pore diameter calculation are presented in Appendix B.

To calculate the front position, the fluid parameters in Table 2-1, the sample parameters in Table
I and contact angle values in Table 2-5 are plugged in Egs. 2.6 and 2.8. The mathematical solution
and experimental results from horizontal and vertical imbibition experiments are shown in Figure
2-11 and Figure 2-12, respectively. The mathematical solution shows that the oil imbibition rate

should be lower than water imbibition rate, which is contradictory to the experimental results.

In summary, mathematical models for the rate of imbibition volume and frontal advance suggest

that water should imbibe faster than oil, while the corresponding measurements show that oil
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imbibes faster than water. This contradiction indicates that the Young-Laplace equation can not

sufficiently account for the strong affinity of crushed-shale media to an oleic phase.
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Mathematical Solution for OP Horizontal Imbibition Experiment
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Figure 2-11. Mathematical solution of imbibition front position (L) versus time (f) from Eq. 2.6 for
(a) FS, (c) M and (e) OP samples and experimental imbibition front position versus time for (b) FS,
(d) M and (f) OP samples.
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Figure 2-12. Mathematical solution of imbibition front position (L) versus time (f) from Eq. 2.8 for
(a) FS, (c) M and (c) OP samples and experimental imbibition front position versus time for (b) FS,
(d) M and (f) OP samples.

2.5.3 Dimensionless Time

It is well known that the rate of imbibition primarily depends on rock and fluid properties such as
porosity and permeability of porous media, fluid viscosity, interfacial tension and wettability. It
also depends on geometrical parameters like boundary conditions and sample shape. The basic
model for scaling laboratory imbibition data was investigated by Rapoport (1955). For scaling
imbibition results for oil/water/rock systems, Mattax and Kyte (1962) proposed the most

frequently used dimensionless time (¢, ):

k o 1
tp =t [o———
@ ugm Lt

(2.10)

Where, 14, is the geometric mean of water and oil viscosities (Shouxiang et al., 1997) and L. is

the characteristic length that depends on samples’ shape and boundary condition. For the two-

ends-open boundary condition (Zhang et al., 1996):
L=+ 2.11)

The normalized water and oil volume imbibed in the horizontal and vertical crushed-shale packs

is plotted versus the corresponding dimensionless time in Figure 2-13. It is observed that all the
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oil curves are much higher than the water curves. The difference between oil and water imbibition

rate in dimensionless plots (Figure 2-13) is more pronounced than that in dimensional plots

(Figure 2-6). The observed difference between water and oil curves can be explained by the

wettability difference. The crushed-shale samples are preferentially oil-wet, while based on the

previous research (Dehghanpour et al., 2013), the intact shale samples are preferentially water-

wet.
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Figure 2-13. Imbibition volume versus dimensionless time of DI water and kerosene for horizontal
(a,c,e) and vertical (b,d,f) crushed-shale packs from FS (a,b), M (c,d) and OP (e,f) sections.
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2.6 Summary and Discussion

A total of 24 imbibition tests were conducted to compare the water, oil and brine uptake of intact
and crushed samples from three different shale formations. The imbibition rate and front position

were measured and compared with theories. The key results are summarized as follows:

1) Crushed shale samples imbibe more oil than water, but the intact samples from the same

formations imbibe more water than oil.

2) Hydrophobic organic pores are relatively small compared with the hydrophilic inorganic
pores.
3) The water (or oil) does not imbibe spontaneously into the crushed samples which are

already saturated with oil (or water).

4) Increasing the concentration of NaCl inhibits the expansion and physical alteration of

intact shale samples.
5) Increasing NaCl concentration decreases the brine uptake of all samples.

6) Based on capillary-driven imbibition models and Young-Laplace equation, water is
expected to imbibe faster than oil into the crushed samples, while the measurements show that oil

1imbibes faster than water.

Result 1 and 2 indicate that the hydrophobic pore structure of intact samples may not be well-
connected. Previous studies (Dehghanpour et al., 2012, 2013) show that water uptake of intact
samples is significantly higher than their oil uptake. However, the crushed-shale samples imbibe
more oil than water. In a crushed sample, both hydrophobic and hydrophilic pores are well-
connected. Therefore, the observed difference between the oil uptake of crushed and intact
samples is primarily due to the difference in connectivity of pore network in crushed and intact
samples. In simple, the poorly-connected hydrophobic pore network of intact samples becomes
artificially well-connected by crushing the samples. This interpretation is backed by the complete

spreading of oil on fresh breaks of all samples.

Furthermore, another possible reason for the observed difference between imbibition behavior of

crushed and intact samples is related to the laminated structure of intact samples. The lamination
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causes more water imbibition along the bedding plane (Makhanov et al., 2012). In contrast to the

intact samples, the crushed shale packs are relatively isotropic.

Result 3 indicates that initial exposure of the rock surface to a particular liquid phase increases its
affinity to the same phase. In other words, if the pore surface is initially coated by water (or oil)
the samples tends to be water-wet (or oil-wet) (Hirasaki et al., 1991). The counter-current

imbibition tests reported here, started at zero saturation of imbibing phase.

Results 4 and 5 indicate that the salt precipitates initially present in the shale pore space influence
the water uptake and physical alteration of the shale samples. The difference between salt
concentration in the pore water and external water creates a chemical potential (osmotic effect)
that acts as an additional driving force for water uptake. Therefore, increasing the salt

concentration of external water reduces the osmotic effect, and in turn, reduces the water uptake.

Result 6 indicates that the actual driving force imbibing the oleic phase into the crushed samples
is stronger than the capillary pressure modeled by Young-Laplace equation. Since the geometry
and average pore diameter of the samples used for comparative water and oil imbibition tests are
very similar, the observed contradiction indicates that the strong affinity of shale powders to the
oleic phase can not be simply modeled by the contact angle of zero (i.e. complete spreading of oil
on fresh break of rock samples). It can be hypothesized that the adsorption of oil on the surface of
crushed shale grains, partly coated by organic materials, act as an additional driving force for oil
uptake, and this mechanism is not accounted for in the Young-Laplace equation through the
conventional definition of contact angle. However, detailed examination of this hypothesis needs

further experiments which remain the subject of future studies.
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Chapter 3: Effect of Electrostatic Interactions on Water Uptake of Gas
Shales: The Interplay of Solution Ionic Strength and Electrostatic
Double Layer

3.1 Introduction

The objective of this chapter is to investigate the effect of osmotic pressure and electrostatic
interactions on water imbibition into shales. Results of section 2 shows dependency of imbibition
profile on the salt concentration of imbibing fluid. It suggests that electrostatic interactions may
play a role. In fact, imbibition of brine (an electrolyte solution) into a charged porous medium
(i.e., shale) cannot be fully described without taking the electrostatic interactions into account.
Although the role of salt concentration in the imbibing fluid is presumably described by osmotic
pressure, it is largely unknown that what the effect of precipitated salt in the shale matrix is on the
imbibition process. To answer this question, this chapter studies the effect of salt content in the
media (shale powder) and salt concentration in the fluid (water) on the imbibition potential of the
shale powder. The powdered shale samples are sequentially washed with DI water to reduce their
salts content. The resulting brine solutions are 10-fold concentrated before imbibition tests.
Imbibition is performed on the unwashed and washed shale powder samples. The DI water and
different brine solutions are used as the imbibing fluid. The effects of imbibing solution ionic
strength, rock zeta potential, and salts content of the shale powder on the imbibition process are
discussed based on electrostatic interactions. The results of this study provide additional insight
about the poorly understood driving forces that modulate the rock-fluid interactions. Electrostatic
interaction theory provides further explanation about the brine-shale interactions. The rest of the
chapter is organized as follows: Section 3.2 introduce the theory of disjoining pressure, electric
double layer and zeta potential. Section 3.3 describes the materials and methods. Section 3.4
shows the imbibition profiles, measured zeta potential of shale powder and calculated double layer

thickness of imbibed water. Section 4.4 describes the conclusions of this study.

3.2 Theory

Inability of Young-Laplace based capillary-driven models in explaining the unexpectedly high-
water uptake of Horn River shales (Dehghanpour et al., 2013) is due to neglecting the additional
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driving forces. In the Young-Laplace based capillary-driven models, the only term describing the
fluid-rock interaction is contact angle, O. Fluid-rock interfacial properties cannot be completely
described by O. van der Waals, electrostatic, structural, and adsorptive forces can influence the
interaction between the fluid and rock and modulate the affinity of the rock to a fluid (Van Oss
2006). To overcome the limitations of the Young-Laplace based capillary-driven models for
predicting the fluid uptake in a porous medium, the term disjoining pressure (Desjaguin et al.,
1987), Pa, should be considered as part of the total capillary pressure (Hirasaki 1991). Depending
on the type of fluid-rock system, the strength of the disjoining pressure may significantly deviate
the fluid uptake of shales from what Young-Laplace based capillary pressure models predict
(Nitao et al. 1996). To overcome the previously observed discrepancies, total capillary pressure
(see Eq. 3.1), must be used to for imbibition studies. Disjoining pressure (see Eq. 3.2) is defined
as a negative derivative of Gibbs energy (G) of interaction per unit area with respect to distance
(x), at constant temperature, volume, and surface area. As can be seen from Eq. 3.3, the main
components of Ps in a porous medium are van der Waals (Pvaw, mainly London dispersion),

electrostatic (Peiec), structural (Psiuc) and adsorptive (Pads) pressures (Tuller et al., 1999):

P =21 p, (3.1)
1/0G
P, = _Z(i)r,m 3.2)
Py = Pyaw + Petec + Pstruc + Paas (3.3)

Puaw accounts for the van der Walls interactions between dipoles (either permanent or induced) of
different components of the fluid and rock surface. Peiec is the result of the electrostatic interactions
between the charged components of the fluid-rock system. Psquc is due to the repulsive forces that
the hydration layers at the pore surface exert on particles at the vicinity of the surface. Puds is the
result of non-uniform concentration of the fluid components in the hydration shell of the pore wall
(Tuller et al., 1999). In order to focus on the effect of electrostatic component of fluid-rock
interactions, experiments are designed to maximize the effect of electrostatic interactions in this

study.

A charged particle (e.g. negatively charged shale particle) in an aqueous solution interacts with

neighboring water molecules and ions in the solution. As can be seen from Figure 3-1, to counter-
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balance the charge of the particle, counterions from solution form an ion rich layer (electric double
layer) around the particle. The inner layer which is in direct contact with the charged particle
surface, the Stern layer (blue color in Figure 3-1), is comprised of a fixed number of immobilized
counterions that interact with local charges on the particle surface. The layer between the Stern
layer and bulk solution, the Gouy-Chapman or diffuse layer (green color in Figure 3-1), is
characterized as having a fixed number of counterions, with respect to the particle surface. The
ions in the diffuse layer can diffuse back and forth into the bulk solution while maintaining the
overall charge of the layer. The diffuse layer is extended to the point where uniform distribution
of ions, i.e. the bulk solution, exists. The characteristic thickness of the electric double layer,
Debye length defined in Eq. 3.5, is a function solution ionic strength, temperature, and relative

permittivity of the electrolyte solution.

Negatively charged surface

Bulk solution

Stern layer

Diffuse layer

Stern potential

Potential

Zeta potential

Distance

Figure 3-1. Schematic of double layer structure around a negatively charged surface in an electrolyte
solution (Binazadeh, 2013).
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From the electrostatic point of view, two main factors that affect the hydration shell of a charged
surface are stability and thickness of electric double layer around the rock pore surface in
electrolyte (e. g. aqueous) solutions. The stability of the electric double layer depends on the rock
surface potential (usually estimated by rock zeta potential) (Beckett 1990). As can be seen from
Eq. 3.5, the characteristic thickness of the electric double layer, k7, is inversely proportional to
the square root of ionic strength of the solution, 7 (Stuart and Mulder, 1985). The ionic strength of

an electrolyte solution is calculated by:

=%, Gz} (3.4)

T2

[T
1

Here, Ci and Z: are the molar concentration and valence of ion “i”, respectively. k! is given by

(Leckband and Israelachvili, 1993)
-1 _ |€0€kBT i
K - = /ZeZNA X 7 (3.5)

Here, €o, ¢, ks, e, and N4 are vacuum permittivity, relative permittivity of medium, Boltzmann

constant, electron charge, and Avogadro number, respectively. For a given solution at the constant
temperature (constant ¢ and 7) x”/ is only a function of /. It means that for a given rock in contact
with water at an isothermal condition, / is the only solution property that can directly modulate
the strength of electrostatic interactions in a rock-water system. It must be noted that other
mechanisms such as clay swelling may also play a role and convolute the rock-water interaction
(Dehghanpour et al., 2013). Although both surface and osmotic hydration of clays (Roshan et al.,
2015) can be explained by electrostatic interactions, other mechanisms such as cation exchange
in clay particles and chemical reactions between the rock and solution may alter the rock-fluid
interactions (Zolfaghari et al., 2015). This thesis only focuses on the electrostatic interaction
between the rock and fluid and do not consider the source of ions (e.g. cation exchange in clay

and chemical reactions between fluid and rock).

Zeta potential of a charged particle is a function of /, pH and ultimately the charge density on the
particle surface (Sprycha, 1989; Mullet, 1997). The absolute value of zeta potential decreases as
the 7 value of the solution increases (Hsu and Huang, 2002). The effect of pH on zeta potential is
more complicated. Depending on the pH value and the charged groups on the surface, the zeta

potential of a charged particle (which can interact with H" or OH") may become negative, zero, or
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positive. For example, the isoelectric point (pI) for calcite is 8-9.5. At a pH lower than its pl,
calcite is positively charged. At pH equal to its pl calcite does no not carry any charge, and at a
pH higher than its pl calcite is negatively charged (Hirasaki, 1991). At a given / and pH, the
absolute value of the zeta potential of a particle increases by an increase in the particle surface

charge.
33 Materials and Methods

3.3.1 Shale Samples

Shale samples from Evie (Sample 1), Lower Keg River (Sample 2), Upper Otter Park (Sample 3),
and Lower Otter Park formations (Sample 4) in the HRB are crushed into fine powder. Mineral
composition of different samples is reported in Table 3-1. The average particle size of the powder

is confirmed by microscope to be ~1 pm diameter.

Table 3-1. Representative mineralogy of shale samples used in 1-D imbibition experiments measured by XRD.

S | TVD Quartz Feldspar Plagioclase Calcite Dolomite Pyrite Illite/Smectite Illite/Mica Total Clay
ample

m) Wt%) Wt%)  (Wt%)  (Wt%) (Wt%)  (wt %) (Wt %) (Wt %) (Wt %)
1 2677 52 5 6 13 3 3 7 12 19
2 2706 69 5 6 9 2 3 1 3 4
302602 79 3 2 0 1 1 6 7 13
4 2612 77 2 2 0 1 1 5 11 16

3.3.2 Washing Shale Powder and Preparing Brine Solutions

The following procedure, schematically shown in Figure 3-2, is performed to prepare washed

shale powder and brine solutions for imbibition experiments:

1) For the first washing stage, 800 mL of DI water is added to 200 g of shale powder and the
resulting mixture is agitated at 200 rpm for 1 hr at room temperature. The mixture is stored for 24
hrs to allow powder settle down. 500 mL of the supernatant is taken out and filtered by filter paper.
The supernatant is 10 times concentrated and used as the brine solutions for the imbibition
experiments and zeta potential measurements. The ionic concentration of the brine solutions is
measured by ICP-MS.
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2) 500 mL of DI water is added to the remaining shale powder solution. The resulting mixture
is agitated at 200 rpm for 1 hr at room temperature. The mixture is stored for 24 hrs to allow
powder settle down. 500 mL of the supernatant is taken out and filtered by filter paper. This step
is repeated 9 times to ensure complete removal of the leachable ions from the shale powder of
each sample. It can be seen from Figure C1 (in the Appendix) that upon 10 times washing the
electrical conductivity (EC) of the supernatant becomes constant and further washing no longer
reduces the EC of the supernatant. Maximum removal of leachable ions is required to minimize

the effect of precipitated salts on imbibition process.

3) Shale powder at the end of 10™ washing stage are dried at 100°C till weight stabilization

(72hrs). Washed powder is used for imbibition experiments and zeta potential measurements.

The concentration of major ions in the brine samples obtained by ICP-MS, are reported in Table
3-2. K' and Na" are the most abundant cations in the brine solution of all samples. Similar
observations were reported by Zolfaghari et al. (2015). They applied a sequential ion-extraction
method to characterize the loosely-, moderately-, and strongly-attached ions in shales. Their
results also indicate that majority of the extracted cations at early stages of the ion-extraction
process (loosely-attached) are K™ and Na*. Higher initial concentrations of K" and Na" can be due
to higher solubility of the salts that they form (for example NaCl, KCI, Na2SO4, K2SO4), leaching
of clay minerals, or reactions between water and rock. According to Table 3-1, illite, mica, and
mixed-layer illite/smectite (I/S) are the major minerals in the clay fraction of our shale samples.
Na" is not the major cation in the interlayer of mica and illite (Essington, 2005). Therefore,
leaching of the exchangeable Na" in the interlayer of smectite (in the mixed I/S layer) is a possible
source for the extracted Na*. K* is a common cation in the interlayer of illite and mica (Essington,
2005). Thus, leaching of the exchangeable K" in the interlayer of illite and smectite is another
possible source of the extracted K*. The ICP-MS analysis also reveals presence of trace amounts
of Si**, Mo®", Ba?*, Mn?*, Zn**, and Ni>". Due to their relatively low concentration, the influence
of these ions on water-rock interactions is neglected. It should be noted that even after the 10™
washing stage, the resulting salt solutions contain considerable number of different ions (ICP-MS
of the salt solutions after each washing stage is presented in the appendix). Thus, even the washed

shale samples have some precipitated salts.
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Table 3-2. Ion concentration and ionic strength, I, of different brine solutions

Ion concentration (mM/L)

Brine Samples K Na* Ca?* Mg cr SO I (mM/L)
1 2.0 23 4.4 5.1 1.4 1.5 70.5
2 10.0 6.1 7.1 1.3 2.1 3.6 71.6
3 173 243 2.6 2.1 4.4 8.3 106.3
4 224 192 1.3 1.5 3.3 5.0 82.5
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Intact Shale Sample

Wash 200 g Powder in 800 mL DI Water with 200 rpm for 1 hour

[

Concentrate the 15t Brine into 50 mL }4— Filter 500 mL Brine

Brine Solutions ICP-MS and Conductivity Measurement of the Brine Repeat
l 9 times

Wash the Powder after adding another 500 g DI Water into Wash Bottle

4

Heat the Washed Powder in 100 °C until no Weight Change

Imbibition Experiments I Washed Powders ‘
and

Zeta Potential Measurements '——{ Unwashed Powders ‘

DI Water

Figure 3-2. Flowchart of sample preparation and experimental procedure.

3.3.3 Imbibition Experiments

Unwashed and washed powders are packed into PVC tubes with 2.54 cm inner diameter and 12
cm length. A cloth mesh which is impermeable to the shale powder is attached to the bottom of

the PVC tube to selectively allow fluid transfer up in the tube (see Figure 3-3). The top of the tube
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is partially sealed so that shale powder or water cannot flow out of the tube. A small pathway is
perforated at the sealed side of the tube to purge the displaced air during the imbibition (Figure
3-3). Similar to the previous chapter, the porosity of powder sample pack is calculated by Eq. 2.1
and the matrix density of all the HRB samples is assumed to be 2.72 g/cm?. The calculated average
porosity of the packed crushed samples is 27 %. DI water and brines are used as the imbibing fluid

into the unwashed/washed crushed sample packs as schematically illustrated in Figure 3-3.

Weight Balance [~~~ 77°~ .

]
1
Air Exit ﬂ :
I
1
I
1
I
1

Imbibition
Direction

Imbibition Front ; N
‘ Computer

| |
/ Hydraulic Jack \

Figure 3-3. The schematic of 1-D imbibition set-up. Liquid imbibes from bottom to the top.
3.3.4 Zeta Potential Analysis

The surface potential of a particle is a measure of the charge density on its surface. Although it is
higher than zeta potential (see Figure 3-1), they are typically used interchangeably. As further
explained in the section 3.2, presence of salts in the medium affects the magnitude of zeta potential
for a given particle. To understand how surface charges on rock particles affects the imbibition
process, zeta potentials of the unwashed and washed powder in DI water and brine solutions are
measured using Malvern Zetasizer Nano ZS. Samples of 0.1 mg/mL shale powder solution are
prepared and transferred into the measurement cell. To avoid interference of impurities in zeta
potential measurements, both DI water and brine solutions are initially filtered with 0.22 pm pore
size membrane syringe filters. After temperature stabilization, the zeta potential is measured for
at least 5 times. The Zetasizer machine automatically stops the measurement once the zeta

potential reading is stable.
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34 Results and Discussions

3.4.1 Water and Brine Imbibition in Unwashed and Washed Powder

Results from Chapter 2 shows that higher salt concentrations in imbibition fluid slow down the
imbibition process. However, the effect of precipitated salts in the rock matrix on the imbibition
process is largely unknown. To understand the effect of dissolved salt in imbibition fluid or
precipitated salt in rock matrix, imbibition experiments are performed on three systems of
unwashed powder/brine, unwashed powder/ DI water, and washed powder/DI water respectively.
Figure 3-4 shows the imbibition profile for unwashed powder/brine, unwashed powder/ DI water,
and washed powder/DI water systems for different shale pack samples as a function of time. As
can be seen from Figure 3-4, the imbibition of brine solutions into the unwashed shale powder is
slower than that of the DI water. This observation could be explained by osmotic effect as
described in Chapter 2. Lower salt concentration in the imbibing fluid results in a higher chemical
potential (osmotic effect) that acts as a driving force for shale water uptake. According to Figure

3-4, washed powder imbibes DI water faster than unwashed powder.
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Figure 3-4. The normalized imbibed volume of DI water and brine in unwashed and washed HRB
shale powder (a) sample 1, (b) sample 2, (¢c) sample 3, and (d) sample 4.

It should be noted that all shale samples comprise clay minerals (Table 3-1), which have high
affinity for water adsorption (Essington, 2005). Therefore, water can be adsorbed by clays while
washing the shale powder. Due to this high adsorption affinity of clay minerals, all adsorbed water
may not be released by drying the samples at 100°C. Although the initial hydration of clay
minerals reduces their affinity for water, the washed samples imbibe more water compared with
the unwashed samples. As explained before, the osmotic effect can explain the difference in the
imbibition profile of the unwashed powder/brine and unwashed powder/DI water. Based on the
osmotic principle, presence of a semi-permeable membrane which preferentially allows transport
of solvent and hinders transport of salt is required for occurrence of an osmotic process. During
imbibition of aqueous solution into intact shale samples, the shale matrix may act as the semi-
permeable membrane (Schlemmer et al., 2003). Thus, a lower salt concentration in the imbibing
aqueous solution results in a faster imbibition process. Interestingly, osmotic effect cannot explain
why washed powder imbibes DI water faster than unwashed powder. In fact, osmotic effect
predicts the opposite trend. This discrepancy may be due to the fact that crushing the shale samples,
destroys the shale matrix. Thus, the hypothetical semi-permeable membrane no longer exists. In
order to explain the experimental results, the electrostatic interaction between shale powder and

DI water/brines is explained in the theory section. The electrostatic interaction would exist if the
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shale particles are charged. Zeta potential measurement, which is an indication of charge density

on the shale surface, is performed on the shale powder in DI water and brine solutions.

3.4.2 Zeta Potential Analysis of Shale Powder

In order to employ electrostatic theory, the shale particles must be charged under the imbibition
conditions. The results of zeta potential measurements of the shale powders in DI water and brine
are summarized in Table 3-3. The zeta potentials of unwashed and washed powders in the DI
water are almost the same. This is probably due to the fact that the powder concentration in the
zeta potential samples is only 0.1 mg/mL. Such a low concentration of powder cannot change the
salt concentration in the solution, and does not influence the zeta potential value. However, the
relatively high ion concentration in the brine results in a significant decrease in the zeta potential

of the unwashed shale powder.

Table 3-3. Zeta potential of the unwashed and washed HRB shale powder samples in DI water and brine

Zeta Potential (mV)
1 2 3 4

Unwashed Powder in DI Water -25.6 -31.1 -48.7 -35.2

Samples

Washed Powder in DI Water  -259 -30.8 -48.4 -35.7

Unwashed Powder in Brine -20.9 -25.7 -423 -295

3.4.3 Slope Analysis of Water and Brine Imbibition

In a co-current imbibition experiment, assuming gravity force is negligible compared with
capillary force and piston-like displacement of the imbibition process, the correlation between the

time and the imbibed volume can be written as (Handy, 1960; Li and Horne, 2001):

Q7 = (HekmtaE) (3.6)

Here, Q is the volume of imbibed liquid, P. is calculated by Eq. 3.1, kn is effective liquid
permeability, & is fractional porosity, 4 is cross-sectional area of sample, S is liquid saturation

behind the imbibition front (S=1 for piston-like displacement), and x is the liquid viscosity.

According to Eq. 3.6, the slope of the imbibed volume curve versus square root of time is
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Figure 3-5. The imbibed volume of DI water and brine solutions in (a) sample 1, (b) sample 2, (¢)
sample 3, and (d) sample 4 of HRB shale powder packs as a function of square root of time.

Table 3-4 shows the calculated Pc using the slopes in Figure 5. The highest P. corresponds to DI

water imbibition in the washed powder from each formation. Use of unwashed powder and DI

water reduces the P for all powder samples. Evidently washed powder has a higher affinity to DI

water as compared with the unwashed powder. This is due to the lower / and higher x”/ of the in-

situ formed brine of the washed shale powder in contact with the DI water. The lowest P
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corresponds to the brine imbibition in the unwashed shale powder. The change in the magnitude
of the P. is mainly attributed to the change in the Peic which cannot be explained by Young-
Laplace term of the capillary pressure. Changing the fluid from DI water to brine solution
increases the / value which results in reduction of x/ and zeta potential. A reduction in zeta

potential and x”/, decreases the affinity of powder to the brine solutions.

Table 3-4. Calculated capillary pressure at front saturation from imbibition slope

Sample
1 2 3 4
Washed Powder — DI Water 180.5 166.6 218.2 185.6
P., KPa Unwashed Powder — DI Water 101.6 99.2 141.7 157.5
Unwashed Powder — Brine 88.0 65.4 118.3 117.9

3.4.4 Debye Length of the In-situ Formed Brines

As mentioned earlier, for a fluid with constant ¢ and T, x”/ is only a function of /. The individual
ion concentration, determined by ICP-MS, are used to calculate the / value of the brine solutions
using Eq. 3.4. The I-values of different brines, listed in Table 3-2, are used to calculate x/ for each
of the brines using Eq. 3.4. The [ value of the in-situ formed brine after imbibition is estimated
based on the ion concentration results obtained by ICP-MS analysis of the salt solutions obtained
after the first and 10" washing stage (Figure C2 in the appendix) and the  value of the imbibing
fluid. As 7 drops, the charged particles in the solution interacts with a larger volume of the solution
to reach charge neutrality (Figure 3-1), which increases the x/ value. For instance, the in-situ
formed brine during the imbibition of DI water into washed powder has the lowest / value
compared to that of other imbibition systems. A lower / value results in the formation of a thicker
electric double layer around shale powder (higher x/). The x/ value shows the affinity of the

aqueous solution to form a larger hydration shell around the charged shale surface.

As can be seen form Figure 3-4, the imbibition of DI water into the unwashed shale powder is
faster than that of brines. This is mainly due to the lower / values and the consequent increase in
the k! of the in-situ formed brine associated with the imbibition of DI water into unwashed shale
powder (Figure 3-6a). A larger hydration shell around the charged shale (higher k) results in a

faster imbibition for the washed powder/DI water system. Figure 3-6a shows that changing the
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fluid from DI water to brine further decreases in x”/ of the in-situ formed brine and slows down
the imbibition process in the unwashed shale powder (Figure 3-4). By comparing the initial slope
of the imbibition curves in Figure 3-5 with the corresponding x” values in Figure 3-6. it can be
concluded that a longer range electrostatic interaction between the charged shale particles and the
imbibing electrolyte solution (higher x/ value) results in a faster imbibition rate. These results
suggest that the imbibition behavior is influenced by the electrostatic interactions between the
water and shale samples. The same argument can be used to interpret the difference observed
during the imbibition of DI water into washed and unwashed shale powder. Removal of leachable
ions from the shale powder during washing process, reduces the 7 of the in-situ formed brine
during imbibition, which will ultimately result in higher k. Higher x/ of the in-situ formed brine
during the imbibition of DI water into washed shale powder further accelerates the imbibition of
DI water and results in faster imbibition of DI water into washed shale powder as compared to

that of the unwashed shale powder.
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Figure 3-6. (a) Calculated Debye length, k!, of the in-situ formed brine after mixing the imbibed
fluid (DI water or brine solution) with the unwashed or washed HRB shale powder samples during
the imbibition. (b) The correlation between Pc and k.

Figure 3-6b shows the correlation between P. and x”of the in-situ formed brine for each imbibition
experiment. It is observed that an increase in the k! value results in a higher Pc. A higher value of
k! indicates longer range electrostatic interaction (thicker electrostatic double layer) as well as a

stronger electrostatic interaction between the shale surface and charged particles in the vicinity of
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the surface. The highest k! value (highest Pc) corresponds to imbibition of DI water into washed
powders which is schematically shown in Figure 3-7b. Figure 3-7b shows that the electrostatic
double layer around charged clay particles is the thickest. Curve “b” in Figure 3-7a shows that the
thickest electrostatic double layer results in the fastest imbibition rate. Use of unwashed powder
for the imbibition of DI water reduces the x and P. value which corresponds to Figure 3-7¢ and
curve “c” in Figure 3-7a. The lowest x/ value (lowest P.) corresponds to the imbibition of brine
into unwashed shale powders which is shown in Figure 3-7d and curve “d” in Figure 3-7a. It is

evident that the x”/ value influences the P.and imbibition profile.
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Figure 3-7. (a) Representative imbibition (Vol. fraction vs. square root of tine) of aqueous solutions
(DI water and brine) in shale powders of sample 2 (washed and unwashed) pack, (b) schematics of
DI water imbibition into washed shale powders, (¢) schematics of DI water imbibition into unwashed
shale powders, (d) Schematics of brine imbibition into unwashed shale powders. Faster imbibition is
shown by thicker arrows and thicker electrostatic double layer is shown by larger blue circles.

3.5 Summary

Previous studies reported strong water uptake of shales which cannot be explained by Young-
Laplace based capillary-driven imbibition models. Due to the multi-physics nature of the
imbibition process, different mechanisms such as the presence of precipitated salts (osmotic

effect), hydrophilic pore networks, and imbibition-induced microfractures have been proposed for
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unexpected high-water uptake in gas shales. Each of these mechanisms partly explains the
experimental observations. The discrepancy between the experimental results and the imbibition

models are also partly due to the disregard of disjoining pressure in the conventional models.

In this chapter, the electrostatic interaction concepts are used to describe the strong water uptake
of Horn River shale samples. Imbibition profiles for unwashed powder/brine, unwashed
powder/DI water, and washed powder/DI water systems for different shale pack samples revealed
that the fastest imbibition rate belongs to the washed powder/DI water system. It is concluded that
the in-situ formed brine during the imbibition of DI water into washed powder (lowest ionic
strength) results in the formation of the thickest electric double layer around shale powder. The
thickness of double layer represents the affinity of the aqueous solution to form a larger hydration

shell around the charged shale surface.

The experimental results indicate that reduction of the / value, and the consequent increase in the
k'value, decreases the magnitude of shale zeta potential. It is concluded that a larger hydration
shell around the shale surface results in a faster imbibition of the aqueous solution into the shale.
Analysis of the initial slope of the imbibition curves show that electrostatic interactions can
drastically change the magnitude of Pec. It is not only the / value of the imbibing fluid that affect
the imbibition profile. It is the / value of the in-situ formed brine, influenced by both the 7 value
of the injected fluid and the concentration/type of leachable ions in the shale powder, that
determines the strength of the electrostatic interactions between the charged shale surface and the
imbibed fluid. The results of this study further explain the previously observed strong water uptake
by shales and the higher hydrocarbon recovery as a result of low salinity water flooding. This

study provides improved understanding of the parameters impacting the water-rock interactions.
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Chapter 4: Effects of Dissolved Oxygen on Water Uptake of Gas Shales

4.1 Introduction

Laboratory imbibition experiments have been widely used to investigate the effects of shale-water
interactions. A common challenge to applying the results from laboratory imbibition data for the
evaluation of fluid-rock interactions during hydraulic fracturing and soaking periods is the
differences between laboratory and field conditions. These differences are discussed in the

following paragraphs.

1) Temperature. Previous studies indicate that increasing temperature may accelerate the water
imbibition by increasing the wetting affinity of rock to water (Tang and Morrow, 1997; Hagnesen
et al., 2006). Increasing the temperature increases the activity of divalent ions such as Mg?" and
S03~ to pair with the surface anions of carbonate minerals, and promotes the affinity of rock

toward water (Strand et al., 2008).

2) Pressure. Rock samples are free to expand during laboratory water imbibition experiments
(Santos et al., 1996; Wang et al., 2011; Zhou et al., 2014). However, under the field conditions,
overburden pressure limits rock expansion (Chenevert, 1992). Ghanbari and Dehghanpour (2015)
conducted water imbibition experiments on confined/unconfined shale samples and found that

confined samples have less induced microfractures and less water imbibition.

3) Water-Rock Interface Area. The water-rock interface area differs dramatically at the laboratory
and field scale imbibition process. Previous studies show that increasing shale-water interface area
per unit volume of shale significantly increases the rate and final volume of water imbibition
(Zolfaghari et al., 2016). Roshan et al. (2015) showed that the water-rock interface area affects
the exchangeable cations in flowback water. Bearinger (2013) showed that the salt concentration

in flowback water is related to the complexity of fracture network.

4) Oxygen Concentration. Low oxygen-content under reservoir conditions should also be
considered in designing field representative imbibition experiments. Shale reservoirs usually have
no (or limited) oxygen content (anoxic conditions) before fracturing process. Anoxic reservoir
conditions can be due to oxygen consumption by organic matter and lack of oxygen supply in the
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reservoir (Curtis, 2002). Oxygen is introduced by fracturing water into the shale reservoir, creating
oxic conditions. Shales usually contain chemically-reactive compounds such as organic matter and
pyrite, which may result in participates by oxidation reactions (Evangelou and Zhang, 1995;
Hutcheon, 1998; Elie et al., 2000; Marynowski et al., 2011; Marriott et al., 2015). Recent studies
show that oxidation of pyrite may change the pore structure and increase the pore connectivity (Jin
etal.,2013; Chenetal.,2017). Rowan et al. (2015) observed a positive correlation between oxygen
and chloride content in flowback water, which suggests that the oxygen dissolved in injected water
may affect the geochemical reactions. Zolfaghari et al. (2016) found that the concentration of
dissolved oxygen in flowback water may be lower than that in deionized water. They concluded
that the dissolved oxygen may cause oxidation reactions, which could affect salt dissolution, salt
precipitation and pH change in the flowback water. Thus, understanding the effects of dissolved
oxygen on water imbibition and ion dissolution is important for more accurate interpretation of

flowback water chemistry.

The objective of this chapter is to 1) investigate the role of dissolved oxygen on water imbibition
rate/mass and 2) evaluate the effects of dissolved oxygen on concentration of major ions (i.e.
potassium and sodium) and redox-sensitive ions (i.e. iron and sulfate) in flowback water.
Comparative imbibition experiments are performed using air-saturated de-ionized water (oxic
water) and degassed de-ionized water (degassed water). The rest of the chapter is organized as
follows: Section 4.2 describes the materials and methods. Section 4.3 shows the imbibition profiles
and concentration profiles of different ions for the oxic and degassed water. Section 4.4

summarizes the key findings of this study.

4.2 Materials and Methods

4.2.1 Shale Samples

Three pairs of shale samples (EV-1, EV-2, and EV-3) from three different depths of the Evie
Formation in the Horn River Basin are used for the imbibition experiments. To eliminate the effect
of sample size, all samples are cut into 35%35%x25 mm cubes with approximate mass of 100 g.

Table 4-1 provides the average depth, porosity, permeability, and mineralogy of the samples. The
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porosity, permeability, and mineralogy are measured by helium porosimeter, pulse decay

permeameter, and XRD respectively using different samples from similar depths.

Table 4-1. Approximate depth, porosity, permeability and average rock mineralogy for shale samples.

Sample EV-1 EV-2 EV-3

Depth, m 2672.5 2681.2 2688.2
Porosity, % 6.4 5.0 4.6
Permeability, nD 575 384 372

Non-Clay Content (wt. %)

Quartz 78.1 51.9 65.4
K-feldspar 52 4.9 34
Plagioclase 1.3 5.7 5.0

Calcite 3.1 13.3 8.4

Dolomite 0.7 2.6 1.1

Pyrite 1.8 3.0 3.0

Total Non-Clay 90.5 81.4 86.5
Clay Content (wt. %)

Illite/Smectite 2.9 6.6 52

Illite+Mica 6.7 12.0 8.3

Total Clay 9.6 18.6 13.5

4.2.2 Imbibition Experiment

In order to investigate the effects of dissolved oxygen on the water imbibition in shales, one sample
from a pair is immersed in air-saturated de-ionized (DI) water (oxic water) and the other sample
in degassed DI water (degassed water). The DI water which was in contact with air (air-saturated)
for 1 week is considered as oxic water. The dissolved oxygen content of oxic water is about 8.3
mg/L, as measured by rugged dissolved oxygen (RDO) optical electrode. To prepare the degassed
water, 500 mL of DI water is placed in a desiccator (vaccum chamber) as shown in Figure 4-1.
The desiccator is then sealed and connected to a vacuum of ~1 kPa for one week. The dissolved
oxygen content of degassed water is about 0.7 mg/L. Generally, the pressure difference can
potentially impact the imbibition results. However, the pressure difference between oxic and
degassed experiments is relatively low (100 kPa) compared with that between laboratory and field

conditions (usually more than 10,000 kPa). For example, the reservoir pressure in the Horn River
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Basin can be as high as 53,000 KPa (B. C. Oil & Gas Commission, 2014). In this study, compared
with the huge laboratory and subsurface pressure difference, it is assumed that the relatively small
pressure difference between the oxic and degassed experiments has a negligible impact on the pore

volume and imbibed mass. The imbibition experiments are conducted according to the following

steps:

1) All the samples are dried in the oven at 100 °C for 24 hours to remove the moisture in the
samples.

2) For each pair of samples, one sample is placed in an imbibition cell filled with 500 mL of

oxic water. The other sample is placed in an imbibition cell filled with 500 mL degassed water.

3) All the imbibition cells filled with degassed water are placed in a vacuum chamber
connected to a vacuum pump at 1 kPa to ensure degassed conditions. It is assumed that vacuum
pressure during degassed condition has a negligible effect on the pore volume and imbibed mass.

The schematic of the vacuum set-up is shown in Figure 4-1.

4) At each time step, the shale samples are taken out of the imbibition cell to measure the
samples’ mass. The normalized imbibed mass is reported by dividing the mass gain by the initial
mass of the dried sample. A toploading balances with the accuracy of £0.01 g is used to measure
the samples’ mass. The dissolved oxygen concentrations of the oxic and degassed water are

measured using RDO optical electrode.

5) 2 mL of the oxic and degassed water are periodically collected for measuring ion
concentrations using inductively coupled plasma mass spectrometry (ICP-MS) and ion

chromatography (IC).

During the measurements in steps 4 and 5, the shale and water samples are exposed to air. This
may cause oxygen adsorption on the rock's surface and oxygen dissolution in degassed water.
The vacuum pressure is maintained at 1 kPa during the experiments to reduce potential oxygen

adsorption on the shale samples during the measurements. The 2 mL collected degassed water is
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sealed in a 2 mL air-tight vial to prevent oxygen contamination.

X
~

Vacuum Pump

DI Water Vacuum Chamber

Figure 4-1. The schematic of the vacuum set-up used for the imbibition tests under degassed
conditions.

4.2.3 SEM-EDS Imaging

SEM, SHIM, and EDS are used to visualize the pores and obtain the elemental maps from EV-2
sample. End piece from EV-2 sample is prepared for SEM-EDS imaging. The sample preparation

procedure is similar with the procedure described in section 2.3.4.

4.3 Results and Discussion

In this section, the imbibition profiles of the oxic and degassed imbibition experiments are
compared. Then, the observed difference in ion concentration profiles of the oxic and degassed

water samples are discussed.

4.3.1 Imbibition Profiles

Figure 4-2 shows the water imbibition profiles versus time. The imbibed water mass is normalized
through dividing it by the mass of the dry shale sample. The imbibition profiles increase over time
and reach to a plateau for both oxic and degassed experiments. It can be observed that 1) the
imbibition rate and the final normalized mass of imbibed water are higher for degassed
experiments compared with those for oxic experiments, and 2) the EV-1 samples show the smallest
gap between oxic/degassed water imbibition profiles while the EV-3 samples show the largest gap.
These two observations are explained by investigating the dissolved oxygen in Section 3.2 and ion

concentration profiles for both oxic and degassed water samples in Section 3.3.
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Figure 4-2. Normalized mass of imbibed oxic and degassed water for (a) EV-1, (b) EV-2, and (¢) EV-
3 samples.
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4.3.2 Dissolved Oxygen Profiles

Fracture

\e

Fracture

b o
Gas Bubbles

Figure 4-3. The surface of EV-1 shale samples in a. oxic water and b. degassed water 2 hours after
starting the imbibition experiment. The blue areas in the figure are reference areas used for
determining the sample depth.

Figure 4-3 shows gas bubbles on the surface of shale samples after 2 hours of the imbibition of
oxic water. Gas bubbles are not observed for degassed experiments. This could be due to the rapid
dissolution of gas initially existing in the pore spaces of the shale samples into the imbibed
degassed water. The low pressure in the vacuum chamber (see Figure 4-1) reduces the
concentration of dissolved oxygen in degassed water and the concentration of other dissolved gases

such as carbon dioxide and nitrogen (Kolev, 2011).

The oxic water imbibing into the shale sample expels gas out of the sample’s pore system. Previous
studies have also reported similar observations of gas bubble formation on the rock sample during
oxic water imbibition (Dehghanpour et al., 2012; Roshan et al., 2015). The gas bubbles in Figure
4-3a are probably the air which is initially presented in the pores of the shale sample. In addition,
the gas bubbles observed in Figure 4-3a may contain gas produced from the reaction of rock
minerals with water. For example, carbon dioxide may be produced by a reaction between pyrite,

dolomite, water and oxygen (Descourvieres et al., 2010; Chermak and Schreiber, 2014), which is:
FeSy(s) + = Ozaq) + CaMg(C03); + > H,0 > Fe(OH)3(5) + Ca?* + Mg?* + 25027 +2C0,  (4.1)

The possibility of pyrite oxidation reaction is discussed in section 4.3.3.
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Under degassed conditions, the gas existing in the pore space dissolves into water, while under
oxic conditions, gas cannot completely dissolve in the imbibing water. For oxic water imbibition,
some of the gas in pore space may be trapped and reduce water saturation and relative permeability
(Bennion et al., 1996). The trapped gas during oxic water imbibition may also increase the
resistance against the capillary force for water imbibition which will result in the relative
permeability effect (Jamin, 1860). According to Figure 4-2, the imbibition rate of degassed water
is higher than that of oxic water. For example, for the EV-1 sample, the normalized degassed water
imbibition rate for the initial 18.5 hours is about 0.00074 which is higher than that for the

normalized oxic water imbibition rate (0.00052).

When the gravity effect is ignored, the imbibed mass is proportional to the square root of time
(Handy, 1960),
_ 2P kK DA2S
m = (—pw )XV (4.2)
Where, m is the mass of imbibed water, u and p are viscosity and density of the imbibed water
respectively. S is the water saturation of shale samples at time ¢, P, is the capillary pressure at the
saturation of S, k.., is water relative permeability, k and @ are absolute permeability and porosity

of the shale samples, respectively.

Figure 4-4 shows the normalized mass of imbibed water versus square root of time. Compared
with the degassed tests, the lower slope for oxic water imbibition can be due to the potential
entrapment of gas in the pores of the rock. To be more specific, gas trapping in the pore spaces
reduces k- due to declining water saturation. The potential reduction of k- can be responsible for
the lower imbibition rates during oxic water imbibition compared with that of degassed water

imbibition.
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Figure 4-4. Normalized mass of imbibed oxic and degassed water versus square root of time for (a)
EV-1, (b) EV-2, and (c) EV-3 samples. The trendlines show the initial imbibition rate.

During degassed water imbibition, dissolution of gas into the water may provide additional pore
space for water imbibition, which explains the difference between the water imbibition curves of
oxic and degassed experiments (see Figure 4-4). On the other hand, the gas trapped in pore space
during oxic water imbibition may partially block the path for water imbibition. In Figure 4-4c, the
equilibrated imbibed mass of degassed water is about 2 times higher than that of oxic water in EV-

3 samples which suggests that nearly 50% of the water-accessible pore volume may be occupied

by trapped gas during oxic water imbibition.
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4.3.3 Ion Concentration Profiles

In this section, ion concentrations in oxic and degassed water during the imbibition process are
presented. Concentration of major ions (such as potassium and sodium) and redox sensitive ions
(such as iron and sulfate) are measured to investigate the effects of dissolved oxygen on the ion

concentration during water imbibition experiment.

4.3.3.1 Potassium and Sodium lIons

According to Figure 4-5, potassium and sodium ion concentrations increase during both oxic and
degassed water imbibition experiments and no considerable difference is observed in the
concentration profiles of these ions. The source of potassium and sodium can be 1) dissolution of
precipitated salts (such as NaCl and KCl) in shale samples; 2) dissolution of potassium- or sodium-
bearing rock constituents (Blauch, et al., 2009) and 3) leaching of exchangeable potassium and
sodium ions from the interlayer of clays (Hensen and Smit, 2002; Essington, 2015). The similarity
of ion concentration profiles between oxic and degassed water imbibition suggests that the
presence of oxygen in the imbibition water has negligible impact on the concentrations of produced

Na' and K" ions.

To investigate the potential sources of produced ions during the imbibition experiments, the molar
ratio of K/CI" and Na'/CI are plotted in Figure 4-6. Both K/CI and Na"/Cl" molar ratios are more
than one. Leaching of exchangeable cations from the interlayer of clay minerals is a possible reason
for the excess Na" and K* (Keller and da Costa, 1989). Both K*/Cl" and Na*/Cl" molar ratios show
an early increase in oxic water. This can be due to the fact that chloride can only be oxidized (not
reduced) (Huang et al., 2005). Thus, in an oxic environment, the leached K* and Na" from the
interlayer of clay minerals may be responsible for the early increase in K'/Cl" and Na*/Cl" molar
ratios. Moreover, chloride ion may oxidize and decrease the concentration of CI™ in the solution.
Thus, at early times, both K'/CI" and Na'/Cl" molar ratios increase in the oxic environment. At
later times, the potential dissolution of chloride-bearing minerals (such as NaCl and KCI) can be

responsible for the declining trends of K*/CI- and Na"/CI" molar ratios.

At early times, both K*/CI" and Na*/Cl" molar ratios are higher for degassed water compared with

that in oxic water. On the other hand, the imbibed volume is higher for the degassed condition
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compared with that for the oxic condition (see Figure 4-2). More imbibition can potentially
enhance the accessibility to the clay-rich zones, facilitating the ion-exchange reactions. Thus, the
probability of leaching exchangeable cations (i.e., K™ and Na") from the interlayer of clay minerals
is higher in the degassed condition compared with the oxic condition. Similarly, the possible

dissolution of chloride-bearing minerals reduces the K*/CI" and Na"/CI molar ratios at later times.
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Figure 4-5. The concentration of (a, c, e) potassium and (b, d, f) sodium ions in degassed/oxic water
during imbibition experiments with (a, b) EV-1, (c, d) Ev-2, and (e, f) EV-3 shale samples measured

by ICP-MS.
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Figure 4-6. The K'/CI' (a, ¢, ¢) and Na*/CI" (b, d, f) molar ratios in degassed/oxic water during
imbibition with EV-1 (a, b), EV-2 (¢, d), and EV-3 (e, f) shale samples.

4.3.3.2 Iron and Sulfate Ions

Previous studies have shown that the concentration of redox sensitive elements (such as Fe and S)
can be influenced by the presence of oxygen (Xie et al., 2009; Zolfaghari et al., 2016). Figure 4-7
shows concentration profiles of iron and sulfate ions in oxic and degassed imbibition experiments.
The concentration of iron ion increases over time during the oxic water imbibition while it is almost
zero during degassed water imbibition. According to Table 4-1, pyrite is the major source of iron
in our shale samples. Other sources of iron could be the cation exchange of Fe?* in the interlayer

of clays during water imbibition. Thus, inhibition of pyrite oxidation reaction during degassed
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water imbibition can be a reason for negligible production of iron ions. It must be noted that XRD
uses very small amount of rock sample for its analysis. Therefore, it is possible that other possible
sources of iron element (i.e., goethite, hematite, and magnetite) are missing in the reported rock
mineralogy in Table 4-1 due to rock heterogeneity. The reaction of pyrite with water and oxygen
may be a possible explanation for the increasing trend of iron concentration profile during oxic
water imbibition in Figure 4-7. SEM images presented in the Section 3.4 shows hat pyrite minerals
are located in vicinity of pores in our shale samples. These pores provide an interface at which

imbibed water, dissolved oxygen, and pyrite can potentially co-exist and react.
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Figure 4-7. The concentration of (a, c, e) iron and (b, d, f) sulfate ions in degassed/oxic water during
imbibition experiments with (a, b) EV-1, (c, d) Ev-2, and (e, f) EV-3 shale samples measured by ICP-
MS.

In pyrite oxidation reactions, oxygen atoms from water may react with sulfur atoms in pyrite
molecules at the rock-water interface (Biegler and Swift, 1979) to produce ferrous ions (Fe*")
according to the following aqueous reactions (Singer and Stumm, 1968; Bailey and Peters, 1976;

Davison and Seed, 1983; McKibben, 1985):
FeSa(s) + 2 Ozaq) + Hy0 = Fe?* + 2H* + 250" (4.3)
2Fe?* + 2H* + 2 0;(qq) > 2Fe>* + H,0 (4.4)

The ferrous ions (Fe*") can react with dissolved oxygen (Eq. 4.4) to produce ferric ions (Fe*").
Pyrite oxidation rate generally increases with increasing pH and dissolved oxygen concentration
(Moses et al., 1987; Holmes and Crundwell, 2000; Manaka, 2009). In the imbibition experiments,
the pH value for degassed and oxic imbibing water is between 8.0 to 9.0 and 7.5 to 8.5,
respectively. The higher pH of degassed water can be due to the removal of some dissolved
carbon dioxide in degassed water by vacuum (Millero, 1995). The overall pyrite oxidation
reaction in alkaline solution is as follows (Nicholson et al., 1988; Ciminelli and Osseo-Asare,

1995):

FGSZ(S) + ITSOZ(aq) +40H™ - Fe(OH)3(S) + %HZO + 2504_ (45)
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Production of iron and sulfate ions during oxidation of pyrite mineral (Egs. 4.3 and 4.4) explains
why iron and sulfate concentrations in oxic water are higher than that in degassed water, as
observed in Figure 4-7. Based on Eq. 4.5, the rate of pyrite oxidation (Rpyrite) can be expressed by

the rate of sulfate concentration difference (Moses and Herman, 1991):

i d([soz™] . —[soz~ .
R _ dlpyrite] — _1 ([ 4 ]oxw [ 4 ]anoxtc) (46)

pyrite = g, 2 dt

The sulfate concentration difference between oxic and degassed water samples is around 2 orders
of magnitude larger than the corresponding Fe**/Fe*" concentration difference. The reacted pyrite
will produce either soluble Fe** (Eq. 4.4) or insoluble Fe*" hydroxide precipitate (Eq. 4.5). Based
on Pourbaix diagram of iron (Beverskog and Puigdomenech, 1996), Fe*"-bearing compounds start
to precipitate at low pH values. For example, Fe**-hydroxide starts to precipitate at pH values of
about 1 (Taylor et al., 1999). Since the pH range in our experiments is 7.5-9.0, iron released during
pyrite oxidation may ultimately form insoluble Fe**-bearing compounds which cannot be
identified by ICP-MS tests. According to the Pourbaix diagram of iron (Beverskog and
Puigdomenech, 1996), at pH values of 7.5 to 9.0, the iron oxidation products could be Fe(OH)z,
Fe203.nH20, and Fe3Os. These are listed in Eqs. 4.8, 4.10, and 4.11. Highly reactive Fe?*/Fe** ions
may participate during the production of water insoluble iron hydroxide, goethite, hematite or

magnetite according to Egs. 4.7 to 4.11 (Essington, 2015):

Fe3* +3H,0 - Fe(OH)3(5) + 3H* 4.7)
Fe** + 20H™ — Fe(OH)ys) (4.8)

Fe3* +30H™ - FeOOHs + H,0 (4.9)
2Fe00H sy — Fe; 035 + H,0 (4.10)
Fe(OH)y(s) + 2Fe00H ) — Fe3045) + H,0 4.11)

It is worth mentioning that the imbibition experiments are conducted at room temperature,
atmospheric pressure and nearly neutral pH, which are different compared with the reservoir
condition. For example, Horn River reservoir gas contains about 9-14% of CO2 (Reynold and
Munn, 2010). The reaction of CO2 with water can potentially produce carbonic acid. It must be
noted that although carbonic acid production can reduce the pH, natural buffer systems such as
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dolomite and calcite may neutralize the pH under reservoir condition (Zolfaghari et al., 2016).
Furthermore, the reservoir temperature in the Horn River Basin is in the range of 135 to 175 C

and the reservoir pressure is between 20,000 to 53,000 kPa (B. C. Oil & Gas Commission. 2014).
Different laboratory and reservoir conditions dictate different “speciation and complexation” of
ions, which can also alter the pH. Therefore, if individual compounds/complexes are of a particular
interest, the different surface and downhole thermodynamic conditions should be taken into

account.

4.3.4 SEM and EDS Images

In Figure 4-8, SEM image of a focus area and the corresponding elemental maps of sulfur and iron
show that pyrite is widely spread in the shale samples. High density of sulfur and iron elements in
Figures 4-8c and 4-8d suggest a pyrite-rich area. Figure 4-8b shows the magnified SEM image of
the area surrounded by dashed line in Figure 4-8a, where many pores with a throat size of 50 to
200 nm exist in the pyrite-rich area. Figure 4-9 shows a SHIM image of the pyrite-rich area. Two
~1 um pyrite framboids and many nanopores between pyrite particles. If these pores are accessible
by water, they can provide an interface at which imbibed water, dissolved oxygen, and pyrite likely
react. The interaction between these three components may result in precipitation of iron-bearing
compounds on the surface of nano pores which may narrow or block the pore size and may

ultimately lower the permeability of the shale sample.

Pyrite dissolution and oxidation may have a dual effect: 1) pyrite dissolution may create more pore
space and may enhance water imbibition and 2) potential precipitation of iron-bearing compounds
formed as a result of pyrite oxidation in the pore space may reduce the flow conductivity for water
imbibition. Reduced imbibition rate and lower final imbibed water mass under the oxic conditions
in this study suggest that precipitation of iron-bearing compounds potentially formed by pyrite
oxidation in the pore space may have a more pronounced effect in comparison with the pore space

creation by pyrite dissolution.

78
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Figure 4-8. (a) SEM image of a focused area on a EV-2 shale sample; (b) magnified SEM image
showing pores in pyrite; (¢) sulfur elemental map and (d) iron elemental map obtained by EDS of the
EV-2 shale sample. Darker area in elemental maps represents higher element density.
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Figure 4-9. SHIM image of the EV-2 shale sample. Nano pores are observed around pyrite framboid.
44  Summary

Imbibition experiments using degassed water and oxic water are conducted on shale samples from
Evie Formation in the Horn River Basin. Concentration of different ions in water are measured to
investigate the effects of dissolved oxygen on water imbibition and produced ions. SEM-EDS
analysis is used to visualize the pores and to investigate the elemental composition of the shale's

surface. The key results of this study are summarized as:

» Degassed water can dissolve the gas in the shale pore space, contributing to a higher
imbibition rate and final imbibed mass, compared with the oxic water. This observation
indicates that the initially-degassed conditions in reservoir may accelerate the rate of water
imbibition. Less gas entrapment under degassed conditions promote the water imbibition

into shale matrix.

» Dissolved oxygen in water can react with pyrite in shale and produce iron and sulfate ions.
Interactions of degassed water with shale do not result in iron production. This observation
indicates that dissolved oxygen in fracturing fluid can cause pyrite oxidation and
dissolution.

» Pores observed by SEM are in the vicinity of both pyrite particles. Although pyrite
constitutes only a small portion of shale minerals, the oxygen-water-pyrite interactions

cannot be ignored when interpreting the chemistry of water produced during flowback
processes.
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Chapter 5: Impact of Clay Swelling on Water Imbibition in Gas Shales

5.1 Introduction

The microfractures observed during water imbibition are mainly induced by clay-swelling (Lal,
1999; Guo et al., 2012; Al-Arfaj et al., 2014). Table 5-1 lists the maximum values of clay content
measured by x-ray diffraction (XRD) analysis of shale samples from the Horn River Formations
in Canada (Ross and Bustin, 2008), the Barnett (Rickman et al., 2008), the Antrim (Manger et al.,
1991), the Haysnesville (Quirein et al., 2010), the Woodford (Sierra et al., 2010) and the Eagle
Ford (Mullen, 2010) Formations in the U.S., the Stuart Formations (Bhargava et al., 2005; Awaja
and Bhargava, 2006) in Australia, and the Niutitian Formation (Yang et al., 2014) in China. Clays
are prone to adsorb water into their layered structure. Nano-scale hydrophilic pores in shales
(Chalmers et al., 2012) can spontaneously imbibe water due to strong capillary suction (Cai et al.,
2014; Wu et al., 2017). This suction accelerates adsorption of water by clays and is the key reason
for retention of fracturing water in shale reservoirs after hydraulic fracturing operations (Odusina

et al., 2011; Ghanbari and Dehghanpour, 2015).

Table 5-1. The maximum and average values of clay content measured by XRD analysis of shale samples from

different shale plays”.
Maximum Clay Average Clay Number of Samples
Formation Country
Content, wt.% Content, wt. % Tested
Horn River Gas Shale! Canada 71 46 58
Barnett Gas Shale? U.S. 68 ~49 ~100
Antrim Gas Shale? U.S. 47 42 20
Haysnesville Gas Shale* U.s. 54 ~44 ~100
Woodford Gas Shale’ U.s. 31 22 5
Eagle Ford Gas and Oil Shale® U.s. 41 ~20 ~100
Stuart Qil Shale’ Australia 65 36 64
Niutitang Gas Shale? China 48 27 11

* The data of clay content in this table are source from 'Ross and Bustin (2008), 2Rickman et al. (2008), *Manger et al. (1991), *Quirein et al. (2010),
SSierra et al. (2010), “Mullen (2010), "Bhargava et al. (2005), ’Awaja and Bhargava (2006), and *Yang et al. (2014).

Laboratory experiments show that water uptake of shales during imbibition can be higher than the

pore volume initially available in these rocks (Zhou et al., 2014). This excess water uptake can be
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partially explained by the expansion of rock samples due to clay swelling. Ghanbari and
Dehghanpour (2015) compared water imbibition in confined and unconfined shales from the Horn
River Basin. They observed that confinement reduced the water imbibition and physical alteration
of the shale samples. Also, they concluded that the physical alteration and induced microfractures
lead to excess water uptake of shales. Chenevert (1970) measured expansion of shale samples
when exposed to water. He observed that shale expansion is proportional to the amount of water
adsorbed. Due to the confined environment in subsurface conditions, shale expansion results in
the accumulation of hydrational stress. This hydrational stress can be repulsive or attractive stress
depending on clay hydration and ions existing in the interlayer spacing of clays (van Oort, 2003).
Clay swelling and hydrational stress can also be affected by the salinity of imbibed brine (Wangler
and Scherer, 2008; Rathnaweera et al., 2014). Permeability changes due to clay swelling may
depend on clay content and type (Aksu et al., 2015).

Anisotropy is another key player in the water uptake in and physical alteration of shale rocks (Khan
et al., 2011; Makhanov et al., 2014). Ghanbari and Dehghanpour (2015) observed that
microfractures are primarily induced along rock laminations. Also, they observed that the rate of
water imbibition is faster parallel to these laminations than when perpendicular. The anisotropic
structure of shales and the layered structure of clay platelets may result in non-uniform hydration
stress (Dewhurst and Siggins, 2006). The hydration stress perpendicular to the bedding plane may
create secondary fractures which increases the complexity of the fracture network and improves

the permeability of the shales (Ji and Geehan, 2013).

It has been hypothesized that water imbibition and clay hydration are partly responsible for the
low flowback efficiency in gas shales and the increase in hydrocarbon production rate after
prolonged shut-in (Ferrari et al., 2014; Morsy and Sheng, 2014; Xu et al., 2016). Spontaneous
water imbibition experiments on shale samples reveal that hydration-induced microfractures may
enhance the porosity and permeability (Ghanbari and Dehghanpour, 2015). In this study, the
previous studies are extended to 1) quantify the porosity change of shales due to clay swelling, 2)
measure the expansive stress during water imbibition, 3) investigate the existence of correlations
between clay content and hydration-induced stress and strain, and 4) evaluate the role of ion

concentration on clay swelling in shales. The rest of the chapter is organized as follows: Section

82



5.2 describes the methodology for measuring water/oil imbibition in shales samples and the
resulting expansion/stress. Section 5.3 describes the rock and fluid materials used in this study.
Section 5.4 shows the results of imbibition, induced strain and stress measurements. Section 5
discuss the correlations among water imbibition, sample expansion, expansive stress, rock

mineralogy, and depositional lamination. Section 5.6 summarizes key findings of this chapter.

5.2  Methodology

Three sets of experiments are conducted to investigate expansion behavior of shales samples
during water imbibition. Table 5-2 lists the measurement parameters, imbibition fluid, and number
of shale samples used for each experiment set. The terms “induced strain (€)” and “induced stress
(0)” denotes the strain and stress induced by fluid imbibition into shale samples. The experimental
set-up and procedure for each experiment set are described in following three subsections.

Table 5-2. Imbibition fluid, number of shale samples used in each set of experiment, and the parameters for

the experimental measurements.

Experiment Measurement Parameter Imbibition Fluid Number of Shale Samples Used
Set 1 Imbibed Mass (M;,p) Water, Oil 10
Water, Oil
Set 2 Induced strain (€) . 20
10% and 20% NaCl Brine
Water
Set 3 Induced stress (0) 15

10% and 20% NaCl Brine

5.2.1 Set 1 (Spontaneous Imbibition Experiment)

In this experiment, imbibed mass (M;,,;,) is recorded over time during spontaneous water and oil
imbibition experiments. The experiment starts with moisture removal from the shale samples by
drying them in the oven at 100 °C until no mass change is observed. The criteria for choosing 100
°C for the oven drying is discussed in Appendix D. Next, the weight and bulk volume (Vg;y,) of
each sample are measured and recorded. At each time step, the shale samples are taken out of the

imbibition cell to measure the wet samples’ mass. A top loading balance with accuracy of £0.01 g
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is used to measure the sample mass. M;,,; is calculated as wet sample mass minus initial dry

sample mass. Water/oil saturation of the shale sample is calculated as:

Mimp

§=—> (5.1)

DaryxVary

Where, p is the density of imbibition fluid, as listed in Table 5-2. ¢4, is the porosity of dry

sample, as listed in Table 5-3. The terms “S,,” and “S,” will be used exclusively below for

water/brine saturation and oil saturation, respectively.

5.2.2 Set2 (Induced Strain Measurement)

In this experiment, € due to the imbibition of DI water, oil and NaCl brine with different
concentrations into shale samples are measured. € is measured in two directions (see Figure 5-1)
— parallel to the depositional lamination (horizontal direction) and perpendicular to the
depositional lamination (vertical direction). The shale samples are unconfined and free to expand

during the imbibition process.

Vertical Direction

Horizontal Direction
Depositional Lamination

Figure 5-1. Schematic of a rock sample and its depositional lamination (red dashed line). The
horizontal direction represents the direction parallel to the lamination. The vertical direction
represents the direction perpendicular to the lamination.

Figure 5-2 shows the custom-designed set-up for measuring €. It consists of two linear variable
differential transformers (LVDTs). The horizontal and vertical displacement during imbibition
experiment are measured by the ferromagnetic rod inside the LVDT (see Figure 5-2b). Before each
set of € measurement, the LVDTs are calibrated using a micrometer to ensure the accuracy of the
experiments. The vertical displacement is directly measured by the LVDT. The horizontal

displacement is transmitted via an L-shaped lever. Stabilizer mounts fixed by bolts are used to
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prevent lateral movement of the shale sample. The LVDTs are mounted on a stainless-steel frame
through micrometer position adjusters. The micrometer position adjusters allow us to adjust the
position of the LVDTs to fit the samples of various sizes. The procedure for the € measurements

is as follows:
1) Polish the rock surface using 600, 400 and 200 grit grinding pads.

2) Dry the sample in oven at 100 °C until no mass change to ensure that all samples have no

free water prior to starting the experiments.

3) Put the sample into the LVDT set-up and fix the sample by adjusting the stabilizer mounts.
4) Adjust the position of LVDT using micrometer position adjusters.

5) Increase water or oil level until the sample is fully immersed.

6) The vertical and horizontal displacement are acquired and analyzed using LabVIEW

software.
Micrometer Position Adjusters —____________ -
’ A Y
L ‘\\ il Secondary (_:)
,/ a I Coil Different
i) ! Vol
i Coiant  PTIMArY ----5 (zl)tage
LVDT| ----> acvolage Coll 2@ 1: N
LVDT v l
i Secondary |
- Coil !
Rotary Shaft -----
\‘ ) x
Ferromagnetic Rod ~
Sample Liquid
AY
A\ I
Stabilizer Mounts

(2) (b)

Figure 5-2. Schematic illustrations of the custom-designed linear variable differential transformers
(LVDT) set-up for measuring €. (a) full experimental set-up and (b) LVDT mechanism for measuring
sample expansion.

Horizontal strain (g,) and vertical strain (&,) are defined as:
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g == (5.2)
g, = (5.3)

Here, h and r are the initial height and radius of the dry cylindrical shale sample, respectively,
measured using a caliper with 0.01 mm accuracy. Ah is the change in sample height and is equal
to the vertical displacement measured by LVDT. Ar is the change in sample radius and is equal to

half of the horizontal displacement measured by LVDT.

Volumetric strain (g,) is defined as the change in volume of the sample (AV') divided by its original

dry volume,
£, = Vf:y (5.4)
For a cylindric sample, AV can be determined as
AV = Vyer = Vary = m(r + Ar)? X (h + Ah) —ir? X h (5.5)

where, V. 1s the sample volume after the imbibition test.

To determine the accuracy of the LVDT set-up, a test is conducted on a dry shale sample without
the presence of fluid. The sample size is 4-cm in height and 4-cm in radius. The results of this test
(see Figure 5-3a) indicate that the maximum error of the LVDT set-up is +3.5 um. All the shale

samples used in this study are more than 4 ¢cm in length and 4 ¢cm in radius. The maximum error

+3.5um

e +8.75 x 10™°. The errors may be due to 1) micro-

of strain value is calculated as

vibrations in the laboratory, and 2) the system noise of the data acquisition box and LVDT
instrument. Figure 5-3b shows that distribution of the displacement data is follow the Gaussian
distribution. The mean value of all the data is 0.0087 um, and the standard deviation is 1.20 pm.

The error in calculated volume (dV,,,) is 0.352 cm?, which is calculated by,

v, = ("’Vairy>h dr+(222) dh = @mhr)dr + (wr?)dh (5.6)
r

Where, dr and dh represent the error in measured height and radius, respectively.
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Figure 5-3. (a) Displacement data measured on a dry rock using LVDT, and (b) the distribution of
the measured data.

5.2.3 Set 3 (Induced Stress Measurement)

In this experiment, o is measured when g, = 0 during the imbibition of water and brine into the

shale samples to investigate the effect of ion concentration on o. Similar to the experimental
procedure of set 2, the experiment starts with moisture removal and surface polishing of shale
samples. Figure 5-4 shows the experimental set-up. A constant load (~320 Ibs) is applied to the
shale sample in the vertical direction to ensure that the load cell is fully in contact with the sample’s
top surface. Then, the sample is immersed in water or brine, and stress changes in the vertical
direction are measured by the load cell. This load cell can measure up to 10000 Ibs with a

systematic error of +10 lbs. M;,,,;, at the end of test is measured and S,, is calculated using Eq. 1.1.

Cross Head |

Ram

Load Cell & Plate H

Sample
—

Liquid ‘

O Pressure Regulators O

Figure 5-4. Schematic illustration of the experimental set-up for measuring induced expansive stress
during water imbibition.
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5.3 Materials

Details about the fluids and rock samples used for the experiments are provided in this section.

5.3.1 Fluids

DI water, NaCl brine and kerosene are used for the imbibition tests. The properties of the water,

brine and oil are listed Table 2-1.

5.3.2 Rock Sample

Shale samples used in this study are collected from cores drilled in the Horn River (HR) Group in
the Western Canadian Sedimentary Basin. It consists of several members including Muskwa, Otter
Park, Evie and Lower Keg River (Johnson et al., 2011). Figure 5-5 shows the results of XRD
analysis for 78 samples from a single well in HR Formation. The ternary diagram in Figure 5-5a
shows the percentage of quartz, clay and other minerals (i.e. carbonate, feldspar, plagioclase, pyrite,
etc.) from XRD data. Clay content of these samples ranges from 3 wt. % to 56 wt. %. Figure 5-5b
plots the clay content versus the total vertical depth (TVD) of the shale samples. It shows that the

sample clay content from the same shale member generally declines with increasing TVD.

A total of 45 shale samples from Muskwa, Otter Park and Evie Formations are categorized into
five groups. They are Group 1 (G1) to Group 5 (G5). Samples from the same well and within 0.5-
m depth interval are placed in the same group. The cross-sectional area and length of all the
samples are 52.0 + 3.0 cm? and 4.0 + 0.3 cm, respectively. Approximate depth, averaged
porosity and permeability of the samples in each group are listed in Table 5-3. The porosity and
permeability reported in Table 5-3 are measured by a commercial laboratory using helium
porosimetry and pulse decay permeameter, respectively. The mineral concentration of all the
samples measured by XRD is listed in Table 5-4. All the samples are mainly composed of quartz
(29 — 89 wt %), carbonates including calcite and dolomite (4 — 59 wt %) and clay (3 — 19 wt %).
The clay minerals mainly consist of illite, smectite, and mica. Due to the limit of XRD analysis,
illite, smectite and mica are quantified as mixed layer of illite and smectite, and mixed layer of
illite and mica. Smectite has a high affinity to adsorb water into its interlayer space, resulting in
clay swelling (Laird, 2006). In contrast, kaolinite has one tetrahedral sheet to one octahedral sheet

structure, which makes kaolinite a non-expandable clay (Bergaya and Lagaly, 2013). It must be
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noted that only a small amount of rock sample is used for XRD analysis. It is possible that shale
samples from the same group have different mineral concentrations compared with XRD results
in Table 5-4, due to the heterogeneity. The effect of heterogeneity on € and o is analyzed in

Appendix E.

A 1 X1 x 0.5 cm shale sample from Group 2 is well-polished to observe the clay structure using
scanning electron microscope (SEM). Figure 5-6 and Figure 5-7 show clay structures in two
different focus areas. The type of clay in the zoomed-in SEM images of Figure 5-6 and Figure 5-7
is expected to be illite/smectite from its layered and flake structure. The pore size in the clay-rich
areas ranges from ~5 nm to ~100 nm. As a reference, Kodikara et al. (1999) found the size of intra-

aggregate pores in compacted clays to be between 3 nm and 1000 nm.
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Figure 5-5. (a) Ternary diagram of the mineralogy and (b) clay content versus TVD for the Muskwa,
Otter Park, and Evie members from the HRB. The three groups shown on the ternary diagram are
quartz, clay, and other minerals (sum of feldspar, plagioclase, calcite, dolomite, pyrite, etc).

Table 5-3. Approximate depth, porosity, and permeability of representative samples from each group.

Group Gl G2 G3 G4 G5

Formation Muskwa Otter Park Evie Evie Evie
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Depth, m 2610 2672 2681 2696 2705

Porosity, % 2.92 4.98 6.37 6.40 3.90

Permeability, nD 180 575 384 567 252

Table 5-4. Mineral concentration (wt %) for a representative sample from each group determined by XRD

analysis.
Wt % Gl G2 G3 G4 G5
Quartz 67 78 52 69 29
K-Feldspar 3 5 5 4 5
Plagioclase 3 1 6 5 2
Carbonate 10 4 16 12 59
Pyrite 3 2 3 2 2
Total non-Clay 84 920 81 91 97
Illite/Smectite 5 3 7 2 0
Illite/Mica 11 7 12 7 3
Kaolinite 0 0 0 0 0
Total Clay 16 10 19 9 3
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200 nm

Figure 5-6. SEM image of a focus area (a) and two magnified SEM images of clay areas (b and c) for
a shale sample from Group 2. The layered and curled-flakes structure indicates illite/smectite in the
zoomed-in area.

=od .
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—

Figure 5-7. SEM image of a focused area (a) and a magnified clay area (b) for a shale sample from
Group 2. The layered and curled-flakes structure indicates the illite/smectite in the zoomed-in area.
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5.4 Results

This section presents the results of the three sets of experiments. First, the imbibed mass and
induced strain for unconfined samples immersed in water or oil is compared. Second, the imbibed
mass and induced stress for the samples immersed in water which are confined in the vertical
direction is compared. Finally, the results of similar tests by using brine of different salinities are

reported to investigate the effects of salt concentration on imbibition-induced stain and stress.

5.4.1 Induced Strain during Water and Qil Imbibition

Figure 5-8 shows the &, &, and S, measured during water imbibition process. The key

observations are as follows:

1) The final S, after 10 days of imbibition varies from 66.3% (Group 4) to 97.5% (Group 1).
2) Both &, and g, are positively correlated to S,,,.

3) The final g, ranges from 0.12% (Group 5) to 0.78% (Group 2). The final €, ranges from
0.04% (Group 5) to 0.18% (Group 2), which is around 4 times lower than the corresponding &,.

4) More than 59% of the final S, and more than 63% of the final €, are achieved in the first
day of imbibition. The sharp increasing of ¢, at early stage of water imbibition is more pronounced

for Groups 1, 3, and 4. Unlike &, €, does not rise sharply at the beginning of water imbibition.

5) The samples with similar S, show different €. For example, at S, = 60%, €, of Groups 1,
2, and 3 are 0.50 %, 0.38%, and 0.57%, respectively. The observed variations in €, may be due to

the difference in clay content of the shale samples and will be discussed in section 5.5.3.

6) The values of €, and &, for Group 5 are significantly lower than those for the other groups.
It can be explained by the lower clay content of samples from Group 5, resulting in less clay

swelling.

Observations 3 and 4 are supported by the microcracks observed along the depositional lamination
of a HR shale sample (see Figure 5-9). These microcracks lead to higher permeability along the
lamination direction compared with that against the lamination direction. Thus, enhanced water

imbibition along the lamination are observed (Ghanbari and Dehghanpour, 2015). When
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imbibition starts, the water imbibing into the microcracks causes the hydration of clay minerals in
the vicinity of the microcracks. Clay swelling may further enlarge the microcracks, resulting in
sample expansion in the vertical direction at the early stage of water imbibition. However,
expansion in the vertical and horizontal directions are usually unequal (see Figure 5-8). This is due

to the anisotropic nature of the shale samples.

Figure 5-10 shows the values of €, and S, for the shale samples during oil imbibition process.
Unlike the S, curves in Figure 5-8, the S, curves reach equilibrium within 1 day, and the
maximum values of S, is between 44.1% (Group 1) to 53.6% (Group 2). The S,-values are
significantly lower compared with the corresponding S,,-values. Similar imbibition results for the
HRB samples were observed in the previous studies (Dehghanpour et al., 2013). g, shown in
Figure 5-10 has the values around zero during the oil imbibition process. € is also measured and
has similar values with the €,. The zero value of €, and €, suggests that oil imbibition into the

shale samples does not result in sample expansion.

A comparison of &, curves in Figure 5-8 and Figure 5-10 indicates that clay swelling is responsible
for sample expansion. Clay swelling stems from hydration of ions (e.g. Na*, K*) in the interlayer
spacing of clay platelets, resulting in expansion of shale samples as observed during water
imbibition process but not observed during oil imbibition process. The swelling mechanism of a

typical swelling clay, smectite, is briefly reviewed in Appendix E.
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Figure 5-8. &, €, and S, during water imbibition into the shale samples. (a) Group 1, (b) Gourp 2,
(¢) Group 3, (d) Group 4 and (e) Group 5.
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Figure 5-9. Microcracks along the depositional lamination observed on a randomly-picked HRB

shale sample.
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Figure 5-10. €y and S, during oil imbibition into the shale samples. (a) Group 1, (b) Gourp 2, (¢)
Group 3, (d) Group 4 and (e) Group 5.
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5.4.2 Induced Stress during Water Imbibition

Here, the samples are confined in vertical direction (g, = 0) and o are measured in the vertical

direction during water imbibition. The measured o and S,, after the experiments (6 days) are
presented in Figure 5-11. o increases with imbibition time. Samples with higher o generally have
higher S,, at the end of experiments. The correlation of o with M;,,, and clay content will be

discussed in sections 5.5.2 and 5.5.3, respectively.

The values of ¢ are relatively low, ranging from 45 to 92 psi after 6 days of water imbibition. The
measured o is negligible compared with the in-situ stress of the target shale formation (~10,000
psi for maximum principal stress) (Bell et al., 1990; Oliver et al., 2016). For o measurement, only
40 psi confining pressure applied on the vertical direction. To investigate the effect of confining
pressure on o values, o values are measured under different confining pressures (125 psi, 65 psi,
40 psi, 25 psi, 15 psi). Five HRB shale samples are selected from the depth of 2389 m in Evie
member. Figure 5-12a shows the measured o versus imbibition time, and Figure 5-12b shows the
semi-log plot of final o versus confining pressure. Figure 5-12b, o is proportional to the
logarithmic function of the confining pressure applied in the vertical direction. o = 209 psi is
estimated under 10,000 psi confining pressure from the logarithmic function. It must be noted that
the shale samples are not restricted to expand in the horizontal direction. Thus, o may be also

affected by the Poisson effect.
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Figure 5-11. o of the shale samples in vertical direction versus the time of water imbibition. S,
measured at the end of the experiments (6 days) are presented on the plot.
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Figure 5-12. (a) o of shale samples in vertical direction versus the time of water imbibition. Five Horn
River shale samples are selected from 0.5-m depth interval of the same well. The samples are confined
in the vertical direction with different confining pressures (125 psi, 65 psi, 40 psi, 25 psi, 15 psi) during
the tests.

5.4.3 Effects of Ion Concentrations on Induced Strain and Stress.

Figure 5-13 shows &, measured during the imbibition of DI water, 10 wt. % NaCl brine and 20
wt.% NaCl brine. It also shows the estimated S, after the experiments (6 days). We observe that
g, for samples imbibing DI water is generally higher than that for samples imbibing NaCl brines.
Higher NaCl concentration in the imbibing fluid results in lower osmotic potential, leading to less

water imbibition and lower €. However, the samples of Group 5 have the similar €, values during

water and brine imbibition, possibly due to their relatively low clay content, as listed in Table 5-4.
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Figure 5-13. €, measured during imbibition of DI water, 10 wt% NaCl brine and 20 wt% NaCl brine

for the samples of (a) Group 1, (b) Gourp 2, (¢) Group 3, (d) Group 4 and (e) Group 5. S,, measured
at the end of the experiments (6 days) are presented on the plot. €, curves of Group-5 are zoomed-in

due to the relatively low €, values.

Figure 5-14 shows the measured values of S, and o during the imbibition (6 days) of water, 10
wt. % NaCl and 20 wt. % NaCl solutions. The final o after 6 days of water and brine imbibition
ranges from 45 psi to 92 psi for water imbibition, from 41 psi to 89 psi for 10 wt. % NaCl brine
imbibition, and from 20 psi to 63 psi for 20 wt. % NaCl brine imbibition. Similar to the
observations in Figure 5-13, increasing the ion concentration of imbibed brine reduces the ¢ and
the final S,,. It indicates that o is mainly caused by clay swelling which can be inhibited by

increasing NaCl concentration.
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Figure 5-14. 0 measured during imbibition of DI water, 10 wt% NaCl brine and 20 wt% NaCl brine
for the samples of (a) Group 1, (b) Gourp 2, (¢) Group 3, (d) Group 4 and (e) Group 5. S,, measured
at the end of the experiments (6 days) are presented on the plot.
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5.5 Discussion

The measurement of M;,,,;,, € and o for 45 shale samples soaked in water, brine and oil led to these

key results:

1) M, of water is significantly higher than M;,,, of oil. The difference between S,, and S,

after 10 days imbibition can be up to 53% of the total pore volume.

2) € and o are observed during water imbibition into the shale samples.

3) € = 0 during oil imbibition into the shale samples.

4) o is proportional to the logarithmic function of the confining stress.

5) Increasing NaCl concentration decreases the values of €, 0 and M, for all the shale
samples.

6) g, is significantly higher than &, especially in the early stage of water imbibition.

Based on these results, this section investigates the existence of correlations among clay content
of gas shales, imbibed water mass, and induced strain and stress. First, the porosity enhancement
and excess water imbibition due to sample expansion are quantitatively evaluated. Second,
correlations of clay content and M,,,, with € and o are discussed. Finally, the mechanism of salt

concentration in imbibing water on clay swelling inhibition is briefly discussed.

5.5.1 Water Imbibition Affected by Sample Expansion

Water imbibes significantly more than oil in all the shale samples. This observation cannot be
explained by the higher capillary pressure of water compared with that of oil (Dehghanpour et al.,
2013). Hydration and swelling of clay minerals result in sample expansion, which is a possible
reason for the excess water imbibition. It is assumed that the total bulk-volume change during
water imbibition is due to the pore-volume enhancement, described as AV in Eq. 5.5. Thus, the

enhanced porosity (A¢) can be calculated as:

_ AV+Vdry X ¢dry

A = dwer — d)dry =, ~ ¢dry (5.7)

AVAV gy
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where, ¢, 1S the porosity after water imbibition. Table 5-5 lists the original porosity and the
estimated enhanced porosity after 10 days of water imbibition. The pore volume of the samples

increases up to 1.44 cm’, representing an increase in porosity of up to around 1 %.

Table 5-5. Porosity of the HRB shale samples before and after 10 days of water imbibition.

Initial Bulk Original Pore Volume Porosity after Porosity
Hydrated Bulk
Sample Volume, Porosity, Enhancement, Hydration, Enhancement,
Volume, cm?
cm? % cm? % %

G-1 237.26 2.92 238.68 1.42 3.52 0.60

G-2 235.26 4.98 236.62 1.36 5.56 0.58

G-3 235.27 6.37 237.08 1.81 7.14 0.77

G-4 231.69 6.40 232.71 1.02 6.84 0.44

G-5 237.36 3.90 237.62 0.26 4.01 0.11

The total water imbibed into the shale sample is the sum of water that imbibed into ¢ dry and the

water that imbibed into Ag. Hence, the excess water imbibition due to sample expansion (AS) can

be estimated by

Mimb Mimb

— _ Q! — p _ p
A5 = Sw = 5w = OXVary  (P+AP)XVary (5-8)

Figure 5-15 shows the calculated AS after 10 days of water imbibition versus total clay content and
illite/smectite content of the samples. The values of AS ranges from 1.8% to 27.0% and positively
correlates with the total clay content and illite/smectite content of the samples. This indicates that
the effect of sample expansion on excess water uptake should not be neglected during imbibition
in shales with high clay content. Other possible reasons include chemical osmosis (Neuzil, 2000),
water adsorption (Fripiat et al., 1984) and poorly connected hydrophobic pore network (Xu and
Dehghanpour, 2014).

It should be noted that different clays have different swelling potentials. For example, mica and
illite have less swelling potential than smectite. This is because their interlayer cations (e.g. K*)
can form strong interlayer bonding with tetrahedral sheets, preventing water from entering the
interlayer spacing. Due to the limitation of XRD analysis, the content of swelling clay (i.e. smectite)
cannot be precisely identified.
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Figure 5-15. Excess water imbibition due to sample expansion versus (a) the total clay content and

(b) illite/smectite content of the samples.

5.5.2 Induced Strain/Stress versus Imbibed Water Mass

To investigate the effect of My, on the sample expansion, the measured &, and €, versus

normalized M;,,, are plotted in Figure 5-16. €, > g, for all samples, and both &, and €, are

positively correlated to M;,,,;,, which can be explained by clay hydration and swelling. Under

laboratory conditions, without any confining pressure applied on the samples, sample expansion

enhances the pore space during water imbibition process.
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Figure 5-16. (a) &, versus normalized M, and (b) €, versus normalized M, for the shale samples.

(a) &4 are zoomed-in due to the relatively low g,-values.

Figure 5-17a shows g4 versus the normalized M;,,;,. The convex relationship between &, and
normalized M;,,;, suggests that €, is more pronounced at late stage of water imbibition. For
example, as shown in Figure 5-17a, a normalized M,;,,;, of 0.5% results in only ¢, = 0.02 % at
early stage. However, the same normalized M;,,,;, results in g, = 0.09% at late stage. Unlike &, in
Figure 5-17a, the €, data are scattered. This is mainly due to the existence of natural and induced
fractures along the depositional lamination, as shown in Figure 1-9. Fractures are mainly induced
parallel to the depositional lamination. This enhances the heterogeneity perpendicular to the
lamination (Mokhtari and Tutuncu, 2015). The existence and intensity of these fractures vary
significantly from one sample to another, resulting in different volumes of water imbibing into
these fractures. Figure 5-18 shows the o versus normalized M;,,;,. Unlike the observations from

Figure 5-17a, o does not show a strong correlation with the normalized M;,,;,.
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Figure 5-17. The correlations of (a) € and (b) &, with normalized My, for the shale samples.
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5.5.3 Induced Strain/Stress versus Clay Content of Shale

Figure 5-19a and 5-19¢ show that &, and €, are induced during water imbibition into the samples.
Figure 5-19b and 5-19d show the final €, and €, after 10 days of water imbibition versus total clay
content of the samples. The clay content ranges from 3 wt% to 19 wt%. Samples with higher clay
content have higher €, and €. The measured o versus imbibition time is shown in Figure 5-20a.
The final o after 6 days of water imbibition versus total clay content is shown in Figure 5-20b.

Similar to the &, and €y, o is also positively correlated to the clay content of the shale samples.
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Figure 5-19. (a) &, and (¢) &, versus time of water imbibition. (b) & and (d) &, after 10 days of water

imbibition versus total clay content of the shale samples.
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Figure 5-20. (a) o of the shale samples versus water imbibition time, and (b) o after 6 days of water
imbibition versus total clay content of the samples. 40 psi of confining pressure is applied vertically
on all the shale samples.

5.5.4 Induced Strain/Stress versus Ion Concentration of Imbibed Brine

In section 5.4.3, it is observed that € and o decrease with increasing salt concentration of water
due to the effect of osmotic pressure (Chen et al., 2010) and clay swelling. The final values of €
and o are plot versus NaCl concentration in Figure 5-21. It shows that € and o are negatively

correlated with NaCl concentration.
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The imbibed water inside the pore network of shales usually has high salinity due to dissolution
of precipitated salt, cation exchange from clays and dissolution of rock minerals. The low-salinity
water outside the pore network has high osmotic potential, compared with the imbibed water inside
the pore network. It provides additional driving force for water imbibition. Water imbibing into
the pore network decreases of salt concentration of imbibed water, resulting in more clay swelling
by increasing the interlayer spacing of the clay (Stuart and Mulder, 1985; Chavez-Péez et al., 2001,
Boek and Sprik, 2003).

Swelling of diffuse double layer, also known as osmotic swelling, is the dominant mechanism for
the clay swelling at relatively large inter-layer separations (> 22 A) (Rao et al., 2013). Water
molecules and ions (i.e. Na", K) in brine can form electrical double-layer structure to balance the
negative charge on the surface of clay platelets. The thickness of electrical double layer, also

known as Debye length, can be estimated by (Leckband and Israelachvili, 1993)

-1 _  |€o&rkBT l
K~ = ’—ZeZNA X = 5.7

Where, x/ is the thickness of the electrical double layer, &0 is the vacuum permittivity, & is the
relative permittivity of medium, ks is the Boltzmann constant, e is the electron charge, N4 is the
Avogadro number. I is the ionic strength of an electrolyte solution, which can be calculated by

(Stuart and Mulder, 1985),

1
=230, G2} (5.8)

[13eh]

Where, Ci is the molar concentration and Z; is the valence of ion “i”. For a given solution at the
constant temperature (constant € and 7), the thickness of double-layer is only a function of ion
concentration. Imbibition of brine with less salt concentration results in higher k=1, which
increases repulsion force between clay platelets (Madsen and Miiller-Vonmoos, 1989; Abdullah
et al., 1999; de Carvalho Balaban et al., 2015). Therefore, reducing NaCl concentration in the bulk

solution increases € and o, as shown in Figure 5-21.
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Figure 5-21. (a) &, and (b) o at the end of water/brine imbibition experiment (6 days) versus NaCl
concentration in the bulk solution.

5.6 Summary

The experiment results lead to the following conclusions:

» Water imbibition into the shale samples enhances the pore volume by up to 0.72% of
sample initial bulk volume. The enhanced porosity contributes to the excess water

imbibition into the shale samples.

» The induced strain is positively correlated to the imbibed water mass and clay content of
the shale samples. The initial expansion of the samples enhances the existing microcracks,
causing further water imbibition and expansion. Hence, shale expansion during water

imbibition is a self-amplifying phenomenon.

» When the samples are confined in the vertical direction during water imbibition process,
up to 92 psi of stress is induced in the vertical direction. The induced stress is proportional
to the logarithmic function of confining pressure and is positively correlated to the clay

content of shale samples.
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» Sample expansion is more pronounced in the late stage of water imbibition. The early stage
of imbibition is mainly controlled by the existing microcracks along the depositional

lamination.

» The imbibition and swelling potentials of the shale samples are strongly anisotropic. Water
imbibition along the depositional lamination is significantly higher than that perpendicular
to the lamination. Consistently, the samples expand more in the direction perpendicular to

the lamination.

» Increasing NaCl concentration in the imbibing water effectively restrains the induced strain

and stress during the imbibition process.
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Chapter 6: Modelling of Water Uptake into Shales

6.1 Introduction

Spontaneous imbibition has been identified as the main mechanism for the water retention in shales
(Dutta et al., 2012; Holditch, 1979). A great interest has been devoted on modeling imbibition
process into rocks over a century (Bell and Cameron, 1906; Lucas 1918; Washburn, 1921; Handy,
1960; Li and Horne, 2001; Rangel-German and Kovscek, 2002; Cai et al., 2014). Handy (1960)
compared two equations for imbibition rates. One is diffusion-type equation derived from the
Darcy’s law, capillary pressure equation, and the continuity equation. This equation assumes that
water and gas are continuous phases during imbibition and is given as:

oo = - |(B25) ) 6.1)

Where, ¢ is fractional porosity, S,, is fractional water content at the imbibition front, k,, is
effective water permeability in darcies, p,, is water viscosity, x is distance in centimeters, ¢ is time,
P. is capillary pressure. The second equation describing the imbibition rate is frontal-advance
equation. This equation assumes that water imbibes as piston-like displacement and the effect of

trapped gas on the capillary pressure gradient is negligible, which is given as:

(- ). 6

Where, Ap is the differential density of water and gas and g is gravitational acceleration.
Comparing these two equations indicates that the capillary pressure is the primary driving force
for spontaneous imbibition. The imbibed water volume proportional to the square root of time in

one dimensional flow.

Recent imbibition studies (Makhanov et al., 2012; Dehghanpour et al., 2013) show a considerably
higher water imbibition than oil imbibition into oil-wet shale samples. This cannot be traced by
contact angle and capillary effect. Dutta et al. (2012) observed the non-uniform water saturation
profile in tight sandstone during imbibition, and attributed the high water saturation to the clay-

rich region. Zhou et al. (2016b) and Roychaudri et al. (2013) performed similar imbibition
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experiments on shale samples with different clay contents. They observed that shale samples with
higher clay content consistently imbibed more water. Shale is a clay-rich sedimentary rock. For
example, the aggregate clay minerals can be up to 70% in Horn River shale samples (Ross and
Bustin, 2008). Thus, the unexpectedly high water uptake could be correlated to the presence of

clay minerals in shale samples, which can be briefly described as followings:

Osmotic Pressure. It has been known that clay can act as semipermeable membranes, which
prevent the passage of a solute without affecting the passage of the solvent (i.e. water) (Bader and
Kooi, 2005). When water imbibes into shales, the dissolution of precipitated salts and rock
constituents leads to lower chemical potential of imbibed water compared with the bulk water.
This generates the chemical potential difference across the semi-permeable clay membranes and
attracts more water into the pores of shales (Cey et al., 2011). Neuzil (2000) reported the results

of a field experiment that osmotic pressure could draw low salinity water from borehole into shale.

Water Adsorption. Most clay surfaces have a net negative surface charge due to isomorphic
substitution (Sposito et al., 1999; Keijzer, 2000). The isomorphic substitution is the substitution of
A" for Si*" in the silica tetrahedron and Mg?* or Fe?* for AI** in the octahedron of clay minerals.
When clays are dehydrated during geologic compaction process, the laminated layers of clay come
close to each other and creates electrical potential between the layers. The potential is developed
midway between two layers and its magnitude increases as distance between the layers decreases
(Lagaly, 2006). The layers with exchangeable cations provide a negatively charged environment
which attracts polar molecules (i.e. water molecules) due to electrostatic force (Fripiat et al., 1984;
Hensen and Smit, 2012). In addition to the electrostatic force, molecular forces (i.e. hydration force)
may also contribute to the water adsorption on the surface of clays (Schoonheydt and Johnston,
2006). The water molecules in the interlayer spacing tend to be hydrated with cations (K*, Na”,
Mg?*, Ca?"), adsorbed on the surface of clay and formed double-layer hydration shell (Li et al.,
2016). For example, water molecules are easily adsorbed on the surface of kaolinite, and the
adsorption rate is associated with the hydrogen in hydroxyl groups in kaolinite substited by cations
in water (Aylmore and Quirk, 1966; Yavuz et al., 2003; Hu and Michaelides, 2008). As a result of
electrostatic and hydration forces, water can attach to clay surface areas and form clay-bound water

(Churaev et al., 2013; Tuller and Dudley, 1999; Li et al., 2017). The clay-bound water content
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could reach up to 7.19% of the total sample volume (Hill et al., 1979; Boyer et al., 2006). It makes

these clays prone to adsorb and hold water into their layered structure.

Clay Swelling. Hydration of swelling clay (i.e. smectite) will result in increasing the interlaying
spacing because of the relatively weak intercrystalline bonds in the clay structure (Laird, 2006).
The clay swelling behavior can be generally divided into crystalline swellling osmotic swelling
(Liu and Lu, 2006). Crystalline swelling occurs at inter-layer separations of 10-22 A, with a limited
amount of adsorbed water. In comparison, osmotic swelling occurs at inter-layer separations larger
than 22 A, which incolves a much larger amount of adsorbed water (Rao et al., 2013). Hydration
of packed Na'-smectite and Ca*"-smectite specimens can result in up to 58% and 102% volume
increase, respectively (Likos and Lu, 2006). Chenevert (1970) conducted a water adsorption
experiment on shale samples and observed shale alteration induced by clay swelling. Ghanbari and
Dehghanpour (2015) compared the water uptake of confined and unconfined shale samples. They
found unconfined shale samples consistently imbibed more water than confined shale samples.
Induced microfractures have been observed during water uptake into shale samples (Ghanbari and
Dehghanpour, 2015; Sun et al., 2015). During the Hydration stress is concentrated on the fracture
tip or edge of pores and creates tensile fractures (Liang et al., 2015). Expanded pores and induced
microfractures increases the total pore volume, which may result in excess water uptake into shales

(Gupta et al., 2017).

The overall spontaneous imbibition in clay-rich shales is controlled by 1) capillary suction, 2)
water adsorption on clay surface due to electrostatic force and hydration force, and 3) expanded
pores and induced microfractures due to clay swelling. Of particular interest is understanding the
role of each mechanism during water imbibition process. This article extends the previous studies
(Xu and Dehghanpour, 2014) about water uptake in Horn River clay-rich shales. The rest of the
paper is organized as follows: Section 2 describes the materials and methods of 1 dimensional
imbibition experiments. Section 3 shows the sample expansion and imbibition profiles measured
during imbibition experiments. Section 4 decouples the total imbibition profiles and evaluates the
contribution of capillary suction and sample expansion in water imbibition. Section 5 presents a

mathematical model, combined with experimental imbibition data, to obtain the adsorption
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coefficient for shale samples. The obtained adsorption coefficient is useful for better understanding

the mechanisms of water imbibition and predicting the water imbibition into shales.

6.2 Experiments

To investigate the mechanisms of water imbibition into shales, several experiments of contact
angle, spontaneous imbibition and sample expansion are performed using shale samples. These
tests are designed to measure 1) the contact angles of water and oil on the polished surface of shale
samples, 2) mass of imbibed water and oil into shale samples, and 3) lateral and axial expansion

during co-current water imbibition.

6.2.1 Materials

A total of 15 unpreserved shale samples from the same well in Horn River Basin (HRB) are
selected. Ten samples are used to conduct the co-current imbibition experiments using de-ionized
(DI) water and kerosene, the other five samples are tested for the axial and lateral expansion during
co-current water imbibition. Density, viscosity and surface tension of DI water and kerosene are
listed in Table 6-1. The porosity, permeability and the dimensions of the shale samples are listed
in Table 6-2. The porosity is measured by helium porosimetry and the permeability is measured
by pulse decay permeameter. Due to the heterogeneity of shale samples, the porosity and
permeability may vary for each sample. It is assumed that the samples from the depth within £1
meter have the same porosity and permeability. The average mineral concentration of the shale
samples within £1 meter is measured by x-ray diffraction (XRD) and is listed in Table 6-3. All the
samples are mainly composed of quartz (52 — 84 wt. %) and clay (10 — 18 wt. %).

Before each set of experiment, the shale samples are dried in a convection oven at 100 °C until
mass stabilization, to ensure complete moisture removal from the samples, which may affect the
results of imbibition and expansion experiments.

Table 6-1. The dimensions and petrophysical data of shale samples used in 1-D imbibition experiments. The

labels of “Water” and “QOil” stands for the samples are used for water and oil imbibition experiments. The label

of “Exp” stands for the samples are used for sample expansion measurement.

Depth,  Porosity, Permeability, Cross-sectional area, Length,
0

2

Label m % nD cm cm
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Sample-1 (Water) 2588 5.39 414 25.52 4.76

Sample-1 (Oil) 2588 5.39 414 25.52 5.18
Sample-1 (Exp) 2588 5.39 414 25.52 4.51
Sample-2 (Water) 2596 4.72 310 25.52 4.02
Sample-2 (Oil) 2596 4.72 310 25.52 4.67
Sample-2 (Exp) 2596 4.72 310 25.52 5.08
Sample-3 (Water) 2612 4.66 276 25.52 4.29
Sample-3 (Oil) 2612 4.66 276 25.52 5.36
Sample-3 (Exp) 2612 4.66 276 25.52 4.37
Sample-4 (Water) 2681 4.98 384 25.52 5.57
Sample-4 (Oil) 2681 4.98 384 25.52 4.96
Sample-4 (Exp) 2681 4.98 384 25.52 4.54
Sample-5 (Water) 2695 5.83 396 25.52 5.13
Sample-5 (Oil) 2695 5.83 396 25.52 4.41
Sample-5 (Exp) 2695 5.83 396 25.52 4.82

Table 6-2. Representative mineralogy of shale samples used in 1-D imbibition experiments measured by XRD.

Mineral Quartz Feldspar Plagioclase Carbonate Pyrite Illite / Mlite / Kaolinite ~ Total Clay
wt% Smectite Mica
Sample-1 55 7 6 14 4 4 10 0 14
Sample-2 52 5 6 16 3 7 12 0 18
Sample-3 84 3 2 1 1 4 6 0 10
Sample-4 79 0 2 6 2 3 8 0 11
Sample-5 80 1 2 1 2 5 9 0 14

6.2.2 Contact Angle Measurements.

The objective of contact angle measurement is to evaluate its influence on the capillary pressure
when shales in contact with water and oil. Samples prepared for contact angle measurements are
cut using a table saw. The fresh break surfaces are then polished with abrasive sand belts of 600,
400, and 200 grit. The cutting and polishing of shale samples minimize the affect of surface

contamination and roughness on contact angle measurements.

6.2.3 Imbibition Experiments.

The objective of imbibition experiments is to investigate the existence and volume of the excess

water imbibition into HRB shale samples. The 1-D imbibition experimental set-up is shown in
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Figure 6-1. Before the imbibition experiment, the dry mass of shale sample is measured. During
the imbibition process, the total mass of the shale sample is measured at different time intervals
using a balance with accuracy of +£0.01 g. The imbibed fluid mass is then obtained by subtracting

the measured mass of wet sample and the initial mass of dry sample.

Weight Balance ------------ ,

Figure 6-1. Schematic of 1-D imbibition set-up. Imbibed fluid (water or oil) is imbibed from the
bottom to the top.

6.2.4 Sample Expansion Measurements.

The objective of the sample expansion measurement is to estimate the pore volume enhancement
during the water imbibition process. The enhanced pore volume includes the volume of hydration
induced microfractures and the volume of enlarged pore and natural fractures. Before the sample
expansion measurement, the diameter (d) and height (h) of dry shale samples are measured using
a caliper with 0.01 mm accuracy. As shown in Figure 6-2, the sample position is fixed by two
stabilizer mounts. During water imbibition, the diameter change (Ad) and height change (Ah) of
the sample are simultaneously measured using two linear variable differential transformers
(LVDTs). The accuracy of the LVDT is £0.001 mm. Horizontal strain (g,) and vertical strain (sy)

are then calculated using measured length changes in horizontal and vertical direction, which is

Ad

& = 7 (63)
Ah

Sy = 7 (64)
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Figure 6-2. Schematic of the LVDT set-up for measuring sample expansion during 1-D imbibition
set-up. Imbibed fluid (water or oil) is imbibed from the bottom to the top. Two LVDTs are placed
horizontally and vertically to measure the sample expansion in the horizontal and vertical direction.

6.3 Experiments

This section presents the results of the contact angle, imbibition and expansion experiments

6.3.1 Contact Angle

Figure 6-3 shows the contact angles of DI water on the clean surface of the shale samples. The
water droplets slowly spread on the surface of samples for one minute. The contact angles in Figure
6-3 are measured when the water droplets are no longer spreading on the samples’ surface. Oil
droplets completely spread on all the samples’ surface within 5 seconds, which indicates the

measured contact angles are 0°. Comparison between water and oil contact angles indicates that

these samples are oil-wet.

Sample-1 | 1 Sample-2

2
80.01° 36.90°
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Sample-3

58.22°

Sample-4

Sample-5

76.76°

3551

Figure 6-3. Water contact angles of the shale samples. Qil is completely spread on all the rock surface,
which has 0° contact angles.

6.3.2 Imbibition

Figure 6-4 shows the cumulative water and oil imbibition volume versus time for 1-D imbibition

experiments. It shows that all the samples consistently imbibe more water than oil. After 816 hours

spontaneous imbibition, the water can fill up to 0.82 of the initial pore volume. However, the oil

can only fill up to 0.39 of the initial pore volume. Although both oil and water imbibe at high rates

for the first 100 hours, these rates generally decrease with time.
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Figure 6-4. Results of 1-D spontaneous imbibition experiment.

116



6.3.3 Expansion

Figure 6-5 shows the horizontal and vertical strain versus the time of water imbibition into shale
samples. Samples expand in both horizontal and vertical directions during water imbibition. The
expansion in the vertical direction is higher than that in the horizontal direction, possibly due to
the effect of depositional lamination of the shale sample in the horizontal direction. Assuming the
enhanced pore volume is equal to the change in bulk volume of the sample, the enhanced pore

volume (AV) for a cylindric sample, can be determined as
AV = Viger = Vary = %(d +Ad)? x (h+ Ah) —r2 x h (6.5)

where, Vg, and Ve 1s the volume of shale samples before and after the water imbibition,

respectively. Thus, the enhanced porosity (A¢) can be calculated as

_ AV+Vdry X ¢dry

Ap = dyer — (pdry =0 ¢dry (6.6)

AVAV 4ry,

where, ¢4, 18 the original porosity of dry shale sample, as listed in Table 6-1. ¢,,¢; 1s the porosity
after water imbibition. The calculated pore volume enhancement, porosity enhancement, along
with original porosity after 816 hours water imbibition experiment, are listed in Table 6-3. Water
imbibition into shale samples significantly enhance the pore volume and porosity, resulting up to
1.07 porosity unit enhancement. Figure 6-6 shows the enhanced porosity increases with water
imbibition time.

Table 6-3. The original porosity before water imbibition, pore volume enhancement, porosity and porosity

enhancement after 815 hours water imbibition.

Sample Sample-1 Sample-2 Sample-3 Sample-4 Sample-5
(Exp) (Exp) (Exp) (Exp) (Exp)
Original Porosity, % 5.39 4.72 4.66 4.98 5.83
Pore Volume Enhancement, cm? 0.84 1.09 0.67 0.77 0.93
Porosity after Imbibition, % 6.24 5.71 5.37 5.44 5.87
Porosity Enhancement, % 0.85 0.99 0.71 0.78 0.89
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Figure 6-5. Sample expansion results on (a) vertical (perpendicular to the depositional lamination)
and (b) horizontal (parallel to the depositional lamination) directions during water imbibition.
Expansion curves in vertical direction is zoomed-in due to their relatively low values.
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Figure 6-6. Porosity enhancement versus the time of water imbibition into shale samples.
6.4  Decoupling the Total Water Imbibition Profile

The objective of this section is to determine the contribution of capillary suction and sample
expansion in water imbibition. A classic imbibition model, Handy’s model, combined with the
contact angle measured in the previous section, are used to estimate the imbibition due to capillary
suction. In Handy’s model, the piston-like spontaneous imbibition is assumed and the effect of
gravity is ignored. If the imbibition is only controlled by the capillary pressure, the correlation
between the time and the water imbibition volume can be evaluated by (Handy, 1960; Li and Horne,

2001):
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Q) = (i) 6.7)

Here, the subscript “w” represents the water. Q is the cumulative volume of imbibed liquid, k is
absolute permeability of rock sample, k, is relative permeability of imbibed liquid, @ is fractional
porosity, and A is cross-sectional area of sample perpendicular to the flow. S is the liquid
saturation behind the imbibition front. y,, is the liquid viscosity, and P, is capillary pressure at the
saturation of S. Similarly, oil imbibition can be evaluated by

0, = (Heltntt) (6.8)

Where, the subscript “o” represents the oil. The capillary pressure of oil and water can be
approximated using Young-Laplace equation. When the oil and water imbibition reach equilibrium,
the effective permeability and fractional porosity are assumed to be the same for both oil and water.
Assuming that oil imbibition is only due to capillary suction, thus, at the end of imbibition
experiment (t=816 hours), the final imbibed water volume due to capillary suction (Q;,) can be
calculated based on the final imbibed oil volume (Q,), which is
P¢ ycoso
0 = 0 x st _ g s AUt Do (6.9)

(f)oil ( CZSB) il

ol

The calculated imbibed water volume due to sample expansion and capillary effect are shown in
Figure 6-7. The red dotted line in Figure 6-7 shows the water imbibition driven by capillary effect
(Qw-cap)> Which is calculated by
_ Qw

Qw—cap - Qo—imb X Q_(') (6-10)
Where, Q,_;mp 1s the measured volume of imbibed oil. Assuming all the enhanced pore volume
due to sample expansion can be accessed by imbibed water, the black dotted line in Figure 6-7
shows the water imbibition excluding the sample expansion effect (Qy —¢xp), Which is calculated

by

Qw—exp = Qw—imp — AV (6.11)
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Where, Q,,_imp 1S the measured volume of imbibed water. The gap between Q,,_;mp and Qu_imp

shows the water imbibition due to sample expansion effect. For samples 1, 3, 4 and 5 in Figure

6-7, there is still excess water imbibition after excluding the sample expansion and capillary effect,

which is shown as the gap between red dashed line and black dotted line. This portion of water

imbibition is possibly due to the water adsorption on clay platelets, which will be discussed in the

next section.
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Figure 6-7. Experimental imbibition curve of oil (green dashed line) and water (blue dashed line),
calculated water imbibition curve excluded expansion effect (black dotted line) and calculated water
imbibition curve using Handy’s model (red dotted line). (a) Sample-1, (b) sample-2, (c) sample -3, (d)
sample-4 and (e) sample-5.

6.5 Decoupling the Imbibition and Adsorption

The objective of this section is to evaluate the portion of water imbibition due to water adsorption,
using continuity equation. From the previous section, the total mass of water imbibed is equal to
the summation of 1) the mass difference of water going in and leaving the matrix (capillary driven
imbibition), 2) the water adsorbed in the shale matrix, and 3) excess pore volume induced by
sample expansion. Excluding the effect of sample expansion, the water flow in the pores is single
phase and 1-dimensional with capillary pressure as the only driving force responsible for the water
movement into the pores. The spontaneous imbibition model can be derived based on conservation
of mass, which is

Pw

M, (qwlx - QW|x+Ax)At =

WA
(Z)l;vl_w Swleratr — Swl)dx + (1 — 0)prA(qaale+at — Gaale)dx (6.12)

Where, M,, is the molar mass of water, p,, is the density of water, p,- is the density of rock matrix,
q. 1s the imbibition flow rate of water, q,,4 is the water adsorption rate. The differential form of

Eq. (6.12) is:

_;_x(%) = @A%(;—“‘;) + (1= )4+ (Prqaa) (6.13)
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Since the rock sample is not compressed by external force, the density p, will remain constant. By

using Darcy law, the Eq. (6.14) becomes:

9 (_ Mhrw OPY _ _ ADC g _ oc
ax( MWuWA ax) - pw 0t + (1 Q))aApr at (6'14)

Where C is concentration of water in the sample, which is C = p‘”l“v;ﬂ. Assuming linear Langmuir

w

adsorption isotherm, then q,4 = aC, where a is adsorption coefficient. As capillary pressure is a

function of water saturation, Eq. (6.15) can be rewrite as:

a%c _ ac ac
Dﬁ—5+(1—®)apra (615)
KKpy OP ) . . . o g . .
where D = —————. Assuming — remians constant in the piston-like imbibition, D is mainly
Plw OSw oSy

a function of k,.,,. Using Corey correlation (Brooks and Corey, 1964), k,,, can be estimated as:
Krw = KrwSiy (6.16)

where K, is the water relative permeability when the sample is fully saturated. N is empirical

parameter. Since K;,, and N are constants, the correlation between D with S, can be written as:
D =KSY (6.17)

where, K is a constant obtained from analytical interpretation of experimental data. Applied the

initial condition (¢t = 0, C = 0) and boundary condition (x = h, % =0;,x=0, C=Cy)LC,

is the concentration of the bulk water. Thus, the adsorption rate constant “a” can be evaluated by
fitting water imbibition curves in Figure 6-8, and the values of the adsorption rate are listed in

Table 6-4.
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Figure 6-8. Comparisons of the imbibed water concentration predicted by the presented model
(Eq. 6.16) with the imbibition experimental data excluding the sample expansion effect (Eq. 6.11).
(a) Sample-1, (b) sample-2, (c) sample -3, (d) sample-4 and (e) sample-5.
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Table 6-4. Values of adsorption coefficient from analytical interpretation of imbibition experimental data

Sample Sample-1 Sample-2 Sample-3 Sample-4 Sample-5

Adsorption Coefficient,

%10 mkg 4.89 0.00 1.34 2.42 4.64

6.6 Summary

This section investigates the role of capillary suction, water adsorption and sample expansion in
water imbibition. Water imbibition profiles are decoupled to evaluate the contributions of capillary
suction and sample expansion in water imbibition. A continuity equation is combined with

experimental imbibition data to obtain the adsorption coefficient for shale samples.
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Chapter 7: Conclusions and Recommendations for Future Work

In this study, I investigated the possible mechanisms responsible for the significantly high water

uptake into gas shales. This is to shed light on the reasons for low water recovery after flowback

and to quantify the impacts of the interactions between the unrecovered water and reservoir rocks.

7.1 Conclusions

Pore network connectivity, clay swelling of shales, salt concentration and dissolved gas

concentration control excess water uptake into gas shales. The key conclusions for each

mechanism are summarized below.

7.1.1

>

7.1.2

Effect of Pore Network Connectivity

Hydrophobic organic pores are relatively small compared with the hydrophilic inorganic
pores. The hydrophobic pore structure in shales may be poorly-connected and cause

significantly higher water uptake than oil uptake.

Wetting affinity of rock is affected by the initial saturated state. Initial exposure of the rock

surface to a particular liquid phase increases its affinity to the same phase.

Effect of Salt Concentration

Osmotic potential caused by salt concentration difference between water in pore space and

bulk water acts as an additional driving force for water uptake.

Imbibition of brine with low salinity (ionic strength) results in the formation of the thick
electrical double layer on the surface of pore walls. The thickness of double layer represents
the affinity of the aqueous solution to form a hydration shell around the charged shale

surface.

Increasing NaCl concentration in the imbibing water effectively restrains the induced strain

and stress during imbibition. This is due to the double layer swelling of clays.
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7.1.3 Effect of Dissolved Gas

» Initial degassed conditions in reservoir may accelerate water imbibition rate and minimize

gas entrapment.

» Dissolved oxygen in fracturing fluid can react with pyrite-bearing components in shale to

produce iron and sulfate ions.

7.1.4 Effect of Clay Swelling

» Water imbibition into the shale samples enhances the pore volume. The enhanced pore
volume is positively correlated to the imbibed water mass and clay content of the shale
samples. The initial expansion of the samples enhances the existing microcracks, causing
further water imbibition and expansion. Hence, shale expansion during water imbibition is

a self-amplifying phenomenon.

» Water imbibition into partially confined shale samples result in relatively low induced
stress (up to 92 psi for 6 days water imbibition). The induced stress is proportional to the
logarithmic function of confining pressure and is positively correlated to the clay content

of shale samples.

» Sample expansion is more pronounced in the late stage of water imbibition. The early stage
of imbibition is mainly controlled by the existing microcracks along the depositional

lamination.

» The imbibition and swelling potentials of the shale samples are strongly anisotropic. Water
imbibition along the depositional lamination is significantly higher than that perpendicular
to the lamination. Consistently, the samples expand more in the direction perpendicular to

the lamination.

7.2 Recommendations for Future Work

To further investigate the interactions of fracturing fluid with shale formations and their effects on

hydrocarbon production, the following are recommended to improve the results of this research,
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To mimic actual imbibition process in reservoir conditions, forced imbibition experiments

should be conducted in heated and pressurized imbibition cells with actual fracturing fluids.

A comparison of rock permeability and porosity before and after imbibition experiments is
needed to quantitatively investigate the effect of clay swelling and geochemical reactions

on formation damage.

Preserved samples with different initial water/oil saturation should be used to investigate

the effect of water/oil saturation on water imbibition in unconventional rocks.

Development of an imbibition model for field scale use in various shale and fluid types.
The model needs to account for maximum and minimum principal stress, Young’s modulus
and Poisson’s ratio of rock samples, and salinity, conductivity and ionic strength of

formation water.

Upscaling dynamic imbibition processes is needed for optimal water recovery using the

knowledge of fluid retention in the matrix and fractures.
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Appendix A: Permeability Measurement

Permeability is an important physical property for analysing and scaling imbibition data. Here the
permeability test is set based on Darcy’s Law. The schematic of permeability test apparatus is

shown in Figure A-1. The procedure of permeability test includes the following steps:

1). Set the water pump flow rate as 0.1 ml/min, and read the water level in the menometer after

reaching the equilibrium.

2). Change the water pump flow rate to 0.2 ml/min, 0.3 ml/min and etc. Read the water level in

the menometer under different flow rates.

3). Calculate the inlet pressure from gas volume change (ideal gas law) and accounting for gravity

effect. The outlet pressure is atmospheric pressure.

4). Calculate the permeability of the crushed sample pack using the measured pressure drop and

flowrate and Darcy’s Law.

I— Metal Sealing Plug

(Measure the Inlet Pressure)

Manometer

Crushed-Shale Pack

J

A Cylinder

(Measure the Outlet Flow Rate)

[\

Figure A-1. The schematic of permeability test.
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Appendix B: Calculation of Average Pore Diameter

Assuming that pore size distribution is Gaussian and pore tortuosity is equal to 1, the effective
pore diameter (A) becomes equal to the average pore diameter. This can be calculated by (Yun et
al., 2008) as:

1

D 4
Aoy = Amax( L ) (B.1)

4_Df
The pore fractal dimension, Dy, and the maximum pore diameter, 4,45, can be estimated using
the theoretical models (Yu and Li, 2001)

Ing®
Dp=d- = (B.2)

Where, & = Am—m, d is the Euclidean dimension (a value of 2 is used in this work), @ is the total
max

porosity of shale sample. The maximum pore diameter can be calculated based on combining the

model of equilateral-triangle arrangement and square arrangement of circular particles:

— Dsf |20 , [& T _
Mmaz = = [J1_¢+J1_¢+J4(1_¢) 1] (B.3)

Where, D, is characteristic particle diameter.
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Appendix C: Chemical Analysis of Precipitated Salts

Electrical conductivity (EC) and concentration of different ions in the salt solutions after each
washing stages are shown in Figures C-1 and C-2. As can be seen from Figures C-1 and C-2,

neither EC nor the final ion concentration approaches to zero after 10 times washing.
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Figure C-1. The EC of salt solutions obtained after washing of HRB shale powders with DI water as
a function of number of washing stages
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Figure C-2. Individual ion concentration of the salt solutions obtained after washing of HRB shale
powders with DI water as a function of number of washing stages.
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Appendix D: Oven Heating Process

In the oven heating process, the high temperature may break hydrogen bonding between water and
clay, resulting in clay dehydration and further induce permanent deformations of clay structure
(Bray et al., 1998). At the beginning of oven heating process, shale samples are heated at 50 °C
until no mass change (~ 24 hours). Then, the temperature is increased by 10 °C for every 24 hours,
until reaching 100 °C. The weight of sample is measured after every 24 hours of oven heating
process. Figure D-1 shows the weight loss of samples at different heating temperatures. The weight
loss is negligible when increasing the temperature from 90 °C to 100 °C. To avoid the effects of
clay dehydration on shale expansion during water imbibition, the shale samples are not heated at
the temperature higher than 100 °C. Figure D-2 shows the weight change of samples heated at

100°C versus time. The weight of samples does not change after 24 hours of oven heating.
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Figure D-1. Normalized weight loss of shale samples at different temperatures. The weight-loss is
normalized by dividing by the initial weight of dry sample.
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Figure D-2. Normalized weight loss of shale samples heated at 100°C. The measured weight does not
change after 24 hours.
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Appendix E:  Effect of Heterogeneity on Expansion Behavior

To evaluate the variation in measured stress and strain values of the samples from the same group
due to the heterogeneity. Ten HR shale samples are selected from the depth of 2694 in Evie
member. All the samples are cut into the similar size (52.0 + 3.0 cm? cross-sectional area and
3.8 £ 0.5 cm length). €,, is measured on five samples and o is measured on the other five samples
during water imbibition. Experimental set-ups for Set 2 and Set 3 are used for ¢, and o
measurement. Figure E-1 shows the values of €, and 6 measured during water imbibition into
shale samples selected from similar depth. As shown in Figures. E-1a and E-1b, the maximum

differences in measured values of €, and ¢ are 0.10% and 7.01-psi, respectively, with the standard

deviations of 0.03% and 2.07 psi, respectively.
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Figure E-1. (a) €, and (b) o of ten shale samples from HR Formation during water imbibition process.
The maximum differences and standard deviations in measured values of €, and ¢ are 0.10% and

7.01 psi and 0.03% and 2.07 psi respectively.
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Appendix F:  Mechanisms of Clay Swelling

Among the clay minerals found in shales, smectite and illite/smectite mixed layers are particularly
prone to swelling. These clays have a layered structure, where each alumino-silicate layer is
composed of an octahedral sheet placed in between two tetrahedral sheets (Quirk and Aylmore,

1971; Brigatti et al., 2006; Nichols, 2009).

Figure F-1 shows the structure of smectite before and after hydration. Cations are found in the
interlayer spacing, weakly bound to the negatively charged layers permitting water molecules to
enter this spacing with relative ease (Brigatti et al., 2006). The interlayer bonding is due to the
cations balancing the charge deficiencies and van der Waals forces (van Olphen, 1977).
Subsequently, water molecules adsorb into the interlayer spacing due to 1) hydrogen bonds
between water molecules and silicate sheets (Tambach et al., 2006), 2) electrostatic attraction
between polar water molecules and available interlayer cations (i.e. K, Na*, Mg?*, Ca?*, etc.) and
3) osmosis potential due to higher cation concentration in interlayer spacing and lower cation
concentration in the injected water (Lagaly, 2011). By this process, each cation in the interlayer

spacing becomes surrounded by water molecules.

Addition of water molecules significantly increases the interlayer spacing in the structure of clay
minerals. For example, the crystal radii of a Na" monolayer increases by 200% when Na" get
hydrated (from 0.1 nm to 0.3 nm) (Tansel et al., 2006). Similarly, hydration-induced volumetric
strain of a Na*-smectite and Ca*"-smectite specimen can be up to 57.9% and 102.0%, respectively
(Likos and Lu, 2006). The expansion of interlayer spacing is responsible for swelling of clays and
shales commonly observed in laboratory experiments and in reservoirs. Other swelling
mechanisms include crystalline swelling (Marcelja and Quirk, 1992; Norrish, 1954; Kittrick, 1969),
double-layer swelling (McBride and Baveye, 2002), co-volume swelling and Brownian swelling

(Laird, 2006).
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Figure F-1. Structure of smectite clay before and after hydration. Water molecules bind to the cations
in interlayer spaces, resulting in clay swelling. (b) Structure of tetrahedral and octahedral sheets.
Modified from Holtz and Kovacs (1981) and Mitchell, J.K. (1993).
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