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Abstract

Drastic changes in the scale and type of fluid injection required to support the
implementation of a net-zero energy economy have introduced risks previously not considered in
existing site screening processes conducted for industrial-scale injection projects. A scale of
injection unprecedented in human history into underexplored injection target formations is being
considered, with limited knowledge of potential cumulative or long-term consequences. New
methods are required to complement existing site screening and risk assessment procedures for
such projects, to account for the potential to impact other (current and future) subsurface users,
to trigger induced seismicity and the likelihood of achieving long-term injectivity goals.

This research adapted an existing method (developed for hydrocarbon resource
assessment) and used this adaptation along with over 63 million fluid extraction and injection
records from over 610,000 wells over the last 60 years to calculate the net fluid balance (a new
capacity estimation parameter, equivalent to the upper limit of sustainable injection capacity) at
various stratigraphic intervals in the Alberta Basin. This new workflow enables the use of high
confidence, publicly available volumetric data to evaluate the in-situ net fluid balance in various
geographic locations and stratigraphic intervals in the Alberta Basin. The results indicate that
significant sustainable injection capacity may exist within the extensively depleted Mesozoic
formations (legacy oil and gas reservoirs) in several geographic locations in the basin, while
limited sustainable injection capacity appears to exist in Paleozoic formations in contact with the
Precambrian basement.

A novel fluid-injection project site selection screening method was then developed. This
method is designed to evaluate and rank the brittleness/ductility and the potential for fault slip

associated seismogenicity in geologic formations, based on current in-situ stress state and rock
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geomechanical properties. The application of this new method to evaluate and rank the potential
for seismogenic/aseismic fault slip was then demonstrated, by evaluating over 3,000 laboratory
core triaxial tests along with the in-situ (minimum horizontal, vertical) stress and pore pressure
measurements available for 51 injection and confining formations in the Alberta Basin. This
analysis indicates that most of the major formations evaluated in the Alberta Basin were ductile
(at the time of the in-situ measurements) and likely to display low potential for seismogenicity
(i.e., fault slip likely to be aseismic), which is consistent with induced seismicity observations in
the Alberta Basin over the past decade.

A workflow was then developed for generating high confidence estimates of long-term
(20 year) sustained regional-scale carbon dioxide (CO2) injectivity rates in key disposal
formations in the Alberta Basin. The utility of this workflow was demonstrated by first using the
results of over 3,000 laboratory core tests to construct 22 regional-scale 3D geological,
geomechanical and petrophysical models. These models were then calibrated with calculated
regional-scale injectivity data obtained from disposal operations conducted in over 4,000 wells
over the last 60 years, and the calibrated models used to simulate the effects of 20 years of CO»
injection in these (22) formations. This analysis indicates that several of the ductile (legacy,
depleted hydrocarbon reservoir) Mesozoic formations in the Alberta Basin are also capable of
supporting sustained CO; injection at the rates needed to enable commercial-scale sequestration
activities (in addition to the main virgin pressure Paleozoic saline aquifer currently targeted) and
that CO» presence and material formation pressure increases can be expected at distances of at
least 12 km from the injector.

The three workflows developed and demonstrated in this research may be useful

complementary criteria for project proponents and regulators to consider during project site
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suitability studies conducted at the site screening stages of industrial-scale fluid disposal project
development in any sedimentary basin. Consideration of the net fluid balance, brittle-ductile
state, and long-term sustained injectivity rates could improve the site selection process, help
reduce project risks and thereby enhance the chances of successful commercial-scale CO;

injection project development and operations.
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1.0 Introduction

Historically, fluid injection and waste disposal into the subsurface has largely been
successful in oil and gas basins partly because volumes of fluid injected into the subsurface have
been insignificant compared to the volumes of fluid extracted, the fluids injected have been
principally native oil and gas associated waste and the receiving formations have been competent
(low leakage) geologic fluid traps for at least millennia. Hydrocarbon production-associated fluid
extraction from such basins over the last century has resulted in massive pressure depletion, with
these depleted formations becoming subsurface pressure sinks ideal for storage of unwanted
fluids. Regulatory requirements in such basins typically help to ensure that large-scale fluid
injection is directed back to the original source formation, to mitigate subsurface hydrogeologic

impacts.

The future implementation of energy transition and net-zero energy policies is expected
to drastically reduce hydrocarbon fluid extraction, while substantially increasing the volumes of
fluid waste disposed into the subsurface. A net-zero energy economy, for instance, is likely to
result in an unprecedented scale of CO> injection into the subsurface in the Alberta Basin, which
has the potential to overwhelm the pore space available and increase receiving formation pore
pressures considerably at a regional scale [1]. Concurrently, it is being increasingly recognized
globally that pore space is a finite, depleting resource that requires active management for the
public good [2], and that current methods for estimating pore space resource for sequestration
capacity in deep saline formations do not account for conflicting uses of pore space and the
potential for CO> migration and subsurface pressure effects to extend over hundreds to thousands
of square kilometers [3]. However, recent energy policy strategies have assumed that annual
gigaton scale injection of CO: into such aquifers is unremarkable and can be successfully
maintained for decades in existing sedimentary basins without significant adverse effects [4]—[6].
Conversely, the operations of CO; injection projects can be prematurely terminated if large
magnitude induced seismic events and/or the loss of (lateral or vertical) containment occurs [7],
which could consequently handicap essential (net zero) industrial operations that depend on
availability of sequestration capacity. Proactive assessment of major risks to sequestration
capacity availability is therefore important to mitigate the impacts of a loss of sequestration

capacity and major unplanned industrial disruptions in a future net-zero economy.



Current pore space capacity estimation methods have focused on determination of gross
pore space volume, with limited ability to account for diverse risks posed to other subsurface
users by (sustained) gigaton scale displacement of pore fluids (brines) and basin-scale increase in
subsurface pressure. The impacts of such pressure increase may be important to consider,
particularly in sedimentary basins such as Alberta, where regionally interconnected mega-
hydrodynamic flow systems and their existing hydraulic gradients enable operation of the
economically important hydrocarbon extraction and associated industries. Additionally, such
capacity estimation methods have not yet evolved to enable (i) proactive consideration of
pressure constraints which may be required to mitigate the potential for generating induced
seismicity of concern, and (ii) a high confidence assessment of the likelihood that the required
disposal volumes can be continuously injected into the targeted receiving formation at
economically feasible rates. Development of methods to help evaluate sustainable disposal
capacity, which is the subset of subsurface pore space into which disposal is unlikely to affect
current/future pore space users, is unlikely to trigger induced seismicity of concern and can be
continuously conducted at economic rates can therefore be a valuable complement to existing
site screening criteria for industrial-scale fluid-injection projects. The availability of such
methods can help to inform the design of future pore space and energy policy, as well as the site

selection and design process for industrial-scale CO; injection projects.
1.1 Problem Statement

There are existing precedents in other industries that provide principles that can be useful
for estimating sustainable capacity in the subsurface fluid-injection industry. These include the
(mass-balance based) concept of sustainable yield commonly used in groundwater extraction,
which is defined as the maximum amount of water that can be withdrawn from a specified
aquifer system with acceptable physical, economic, environmental, social, cultural, institutional,
and legal consequences [8]. The difference between the amount of fluid injected into and the
amount of fluid removed from the same stratigraphic zone in the subsurface (i.e., the net fluid
balance) has the most impact on changing the subsurface pore pressure, with projects that
maintain a zero or negative net fluid balance generating fewer seismic events [9]. Regional or

basin-scale fluid budgets that maintain a zero or negative net fluid balance, particularly within 1



km of the Precambrian basement, could help to reduce the potential for generating seismic events

of concern in industrial-scale injection projects [10], [11].

Another key engineering principle used to (maintain hydraulic containment and) mitigate
containment risk in large industrial waste sites involves the maintenance of a permanent negative
(inward) or zero hydraulic (pressure) gradient between non-native (contaminant) fluids in the
subsurface and the surrounding environment at the end of project operations [12]-[14]. However,
no (known) publicly available calculation-based method currently exists for the estimation of
sustainable injection capacity, despite the existence of extensive (high confidence) fluid input
(injection) and output (withdrawal) volumetric data for sedimentary basins with many decades of
hydrocarbon extraction activities. Additionally, best practice (hydraulic containment) design
principles for managing (fluid injection) containment risks require an evaluation of all likely
alternatives to the proposed widespread use of only virgin pressure saline aquifers for multi-

decade gigaton scale CO; sequestration.

In addition to sustainable capacity, the ability to maintain sufficiently high long-term
injection rates is critical for commercial-scale CO; sequestration projects to operate continuously
at the economy of scale required to provide cost-effective service rates for industrial emitter
clients [15]-[17]. However, limited efforts have been focused on developing high confidence
methods to evaluate this key parameter (especially at a regional scale) despite its importance
[18]. The development of methods to provide reliable long-term CO: injectivity estimates can
therefore contribute to reducing economic risks for sequestration project developers, industrial
emitters, policy makers and regulators. High confidence estimates of capacity and injectivity can
help mitigate commercial risk in contractual obligations such as long-term offtake agreements
(e.g., take or pay contracts) between emitters and sequestration service providers and help

improve cost effectiveness of future commercial sequestration rates.
1.2 Research Objectives and Methodology

The main objectives of this research were to develop methods to evaluate sustainable
capacity, potential for induced seismicity occurrence and long-term regional formation injection
rates that can be used to complement existing site screening and selection assessments conducted

for industrial-scale fluid-injection projects. These include a calculation-based materials balance



method for assessing regional scale formation net fluid balance, a geomechanics-based method
to assess formation brittleness and a calibrated, validated numerical simulation-based method to
assess long-term regional formation injectivity. The results presented in this thesis suggests that,
in the Alberta Basin the regionally extensive intermediate-depth Mesozoic (depleted legacy oil
and gas reservoir) formations appear to have greater sustainable capacity, a lower potential for
generating induced seismicity, and injectivity comparable to the Paleozoic saline aquifers

currently considered prime targets for industrial-scale CO» sequestration.

A calculation-based material balance method was first developed by adapting a method
developed by the United States Geological Survey for the assessment of undiscovered
hydrocarbon resources [19], [20] to estimate the in-situ net fluid balance in specific geographic
regions and stratigraphic horizons in the Alberta Basin using surface-measured (i.e., stock-tank)
fluid volumes. This involved the extraction, data cleansing and processing of the entire
production and fluid-injection data set available for the Alberta Basin for the period 1962-2020,
consisting of approximately 63 million fluid injection and production and approximately 610,000
well location, well depth, and depth-to-Precambrian basement records. Well records were
subsequently grouped by common geologic setting and characteristics into specific geographic
areas and by depth to the Precambrian basement, and then in-situ fluid injected minus in-situ
fluid extracted calculated for each stratigraphic and geographic zone using the corresponding
stock-tank volume measurements. The results obtained were then graphically presented for each
geographic area and stratigraphic zone, with the stratigraphic zone located within 1 km of the
Precambrian basement corresponding to the zone into which formation pressure increases were

most likely to result in generation of induced seismicity of concern.

Next, a method and two parameters (y and Isp) were developed for assessment of the
brittle-ductile state of a formation, based on its in-situ stress state, the Mogi-equivalent ductility
parameter [21] for the specific lithology and the definition of the critical state concept applied to
rock [22]. First, historical fluid production and injection volumetric data was used to identify 51
of the major injection and confining formations in the Alberta Basin. Subsequently, all publicly
available well core laboratory triaxial test data for the Alberta Basin (approximately 3,000 core
tests covering the period 1960-2021) was manually extracted, processed, examined, and re-

interpreted in some cases, and then used to assess the Mogi-equivalent ductility parameter of



these 51 injection and confining formations. The in-situ stress states for these formations were
then determined, and the most recent in-situ stress data used along with the calculated Mogi-
equivalent ductility parameter to assess the y and Isp of these 51 major injection and confining

formations.

A workflow to generate estimates of regional-scale CO: injection rates in major disposal
formations was then developed, calibrated, and validated. First, all water disposal volumetric
data for the approximately 4,000 disposal wells in the Alberta Basin (over the period 1960-2022)
was extracted, processed, scrubbed, and analyzed to identify the recipient geologic formation.
The injection rate data was then grouped by geologic formation and injection rate statistical
distribution parameters calculated for each of the 66 disposal formations identified. The results
of over 3,000 laboratory core data analyses were then used, to construct 3D regional-scale
geological, geomechanical and petrophysical models for 22 of these disposal formations. The
injection rate statistical distribution parameters were then used to history-match the water
injection rates and derive regional-scale formation permeability for each disposal formation. The
history-matched regional-scale permeability and the 3D models were subsequently used in a
three-dimensional physics-based, coupled, integrated hydraulic fracturing and reservoir
simulation numerical model (ResFrac™) to evaluate the geomechanical effects of long-term CO»
injection and likely sustained long-term CO; injected rates. The modeled CO: injection rate for a
specific saline aquifer was then compared to the actual injection rate of a commercial-scale
sequestration project operating in the same aquifer in the Alberta Basin, with close agreement

obtained between the modeled and actual rates.
1.3 Thesis Organization

This thesis uses a paper-based structure format, since the main chapters contained have
been published as individual papers in the peer-reviewed journal Energies. A succinct summary

of the contents of each chapter is provided below.

1.3.1 Chapter 2 - An Assessment of the Net Fluid Balance in the Alberta Basin
This chapter provides details on the need for a method to assess sustainable capacity in

the Alberta Basin and on the development process of the Net Fluid Balance method. This chapter



also demonstrates the application of the Net Fluid Balance method to estimate sustainable

injection capacity in the Alberta Basin.

1.3.2  Chapter 3 — Assessment of the Brittle-Ductile State of Major Injection and Confining
Formations in the Alberta Basin

This chapter provides details on the need for a method to assess the potential for fault slip
to be aseismic/seismic, on the implications for seismic hazard, on the development of the method
to assess the brittle-ductile state of injection and confining formations and demonstrates the use
of this method to assess the potential for seismogenic fault slip in major injection and confining

formations in the Alberta Basin.

1.3.3  Chapter 4 — Estimating Sustainable Long-Term Disposal Rates in the Alberta Basin

This chapter provides details on the importance of long-term regional injection rates for
mitigating commercial-scale CO; injection project economic risk, the development of the
workflow to estimate, calibrate and validate regional injection rates and the geomechanical

effects of sustained long-term injection on 22 disposal formations in the Alberta Basin.

1.3.4 Chapter 5 — Conclusions and Recommendations



2.0 Assessment of the Net Fluid Balance in the Alberta Basin!

Abstract

Net fluid balance in the Alberta Basin has been negative over the last 60 years because
extensive fluid production has consistently exceeded injection during this period. However,
future gigaton-scale carbon sequestration, among other activities, can result in future cumulative
fluid injection exceeding extraction (i.e., a positive net fluid balance). The in-situ net fluid
balance (i.e., total fluids produced minus total fluids injected at in-situ conditions) in this basin
over the period 1960-2020 shows that a liquids deficit of 4.53x10° m> and a gas deficit of
6.05x10'2 m® currently exist. However, fluid deficits are more significant in the upper
stratigraphic intervals (located more than 1 km above the Precambrian basement) than in the
stratigraphic intervals located within 1 km of the Precambrian basement in most geographic
regions. This observation indicates that greater sustainable injection capacity for large-scale fluid
injection may exist in the upper stratigraphic intervals (located at more than 1 km above the
Precambrian basement), reducing the potential for generating induced seismicity of concern.
Additionally, while fluid depletion rates consistently increased over most of the last 60 years in
the Alberta Basin, this trend appears to have changed over the past few years. Such analysis of
regional net fluid balance and trends may be useful in assessing regional sustainable fluid storage

capacity and managing induced seismicity hazards.
2.1 Introduction

Public policy developed on the basis of foundational science and evidence is essential for
managing societal risk [23]. Empowering policymakers with sufficient information to make
informed decisions significantly improves the likelihood of developing and implementing
strategic public policies that mitigate risk, improves community resilience, and enhances public
trust. Effective critical information for such purposes focuses on what results are known rather

than the uncertainties or the process by which such information is derived [24].

! This chapter was published in the Special Issue State of the Art Geo-Energy Technology in North America of
Energies: Samaroo, M.; Chalaturnyk, R.; Dusseault, M.; Jackson, R.; Buhlmann, A.; Custers, H. An Assessment of
the Net Fluid Balance in the Alberta Basin. Energies 2022, 15, 1081. https://doi.org/10.3390/en15031081
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Significant research has been conducted on developing methods to quantify the hazards
associated with large-volume subsurface fluid injection and storage over the last century (e.g.,
[25]). These efforts intensified over the last two decades, focusing on developing methods to
assess site performance risks and enhance public confidence in (future) large-scale carbon
capture and storage activities [26]. These methods and frameworks have traditionally focused on
project-scale injected fluid containment assurance, conformance, injection pressure and
injectivity risks, with limited emphasis on the potential for generating felt-induced seismicity
(e.g., [27]-[29]). Such emphasis on containment and conformance with little focus on induced
seismicity generation and its impacts on infrastructure and inhabitants is reflected in the
published risk assessments for major fluid-injection projects conducted in the Western Canada

Sedimentary Basin (WCSB) (e.g., [30]-[39]).

The potential to generate induced seismicity that can affect surface infrastructure and
population is a key hazard that should also be considered in risk assessments conducted for
large-volume fluid-injection projects. Fluid injection into formations hydraulically connected to
the geologic basement (including underpressured formations) significantly increases seismicity
risk even in stable intraplate areas, and minor increases in pore pressure (as low as 0.8 kPa in
some cases) are capable of reactivating critically stressed faults and triggering seismicity [40]—
[42]. Meanwhile, over its lifetime, an industrial-scale carbon dioxide injection project has the
potential to pressurize basin-scale radii of up to 100 km by more than 100 kPa, even though the

actual injected fluid plume may be constrained to linear dimensions of under 10 km [43]-[45].

A common element in current seismicity root-cause hypotheses is that deep basement
faults pose the greatest hazard [46]-[49], and the existence of a hydraulic connection from the
injection horizon to the Precambrian basement greatly increases the likelihood of seismicity of
concern [50]-[55]. A principal hazard factor identified to date is the proximity of the injection
horizon to the crystalline basement (i.e., a proxy that considers the probability of hydraulic
connection and poroelastic stress transfer between the injection horizon and the crystalline
basement), with a threshold vertical distance of 1 km or less considered hazardous [10], [47],
[48], [56]—[58]. The other hazard factor is the volume of fluid injected, with the number and size
of potential seismic events generally proportional to the cumulative volume of fluid injected

[59]-[63]. Management of these two factors has been shown to be a practical tool for managing



the potential for occurrence and controlling induced seismicity of concern in high-volume fluid-
injection projects [64]-[67]. In addition, the net fluid balance (the difference between fluid
injected into and fluid removed from the same zone in the subsurface) has the most impact on
changing subsurface pore pressure over time; projects that maintain a balance between fluid
injection and withdrawal generate fewer seismic events [9]. Regional or basin-scale fluid budgets
that maintain a zero or negative net fluid balance, particularly within 1 km of the Precambrian
basement, could help reduce the potential for generating seismic events of concern in large-scale

injection projects [10], [68].

Deep injection of large fluid volumes is likely to increase significantly in the WCSB,
arising from a substantial increase in energy-related carbon sequestration activities.
Concurrently, a future energy transition is expected to substantially reduce the amount of
hydrocarbon fluids removed from this basin. These macro-trends have the potential to increase
injection-formation pore pressures in this basin. Consequently, there is a need to evaluate the net
fluid budget in this basin to assess and sustainably manage its fluid-injection capacity. In cases of
industrial-scale fluid injection, even in underpressured reservoirs, basin-wide fluid injection
budget assessment (and management) is an essential requirement to mitigate the potential for

generating induced seismicity of concern [10], [66].

This paper uses widely available measured (high confidence) volumetric data collected
regularly for production and royalty accounting to construct a regional-scale net fluid balance for
the Alberta Basin (a sub-basin within the WCSB) for the period 1960-2020. Such regional-scale
net fluid balance assessments may be useful to policymakers and regulators for determining
sustainable regional and basin-scale subsurface fluid storage capacity, managing basin-scale
fluid budgets, and mitigating fluid-injection-related hazards such as induced seismicity. This
evaluation shows that the largest fluid deficits (and sustainable fluid injection capacity) in the
Alberta Basin exist in the stratigraphic horizons located more than 1 km above the Precambrian
basement in select geographic locations. In addition, this evaluation also demonstrates that
regional-scale fluid budget assessments can be conducted with relative ease using available

information collected for production (volumetric) accounting purposes.



2.2 Materials and Methods

The considerable extent of the Alberta Basin and the geological and stratigraphic
variations across its geography necessitates the use of a sector-based approach to isolate regional
net fluid balance trends and identify areas in which proactive subsurface basin fluid management
may be required. The use of production and royalty accounting data to estimate in-situ volumes
requires conversion of surface volumes to subsurface volumes to account for differences between

the surface measurement and subsurface reservoir conditions.

2.2.1 Subdivision of the Alberta Basin into Distinct Geology/Industrial Activity Regions

The Petroleum Services Association of Canada (PSAC) subdivision of the geographic
regions within the Alberta Basin defines seven areas that are geologically distinct and/or have
common (unique) resource characteristics. Each of these seven areas corresponds to a specific
(predominant) type of geologic interest in the oil and gas industry [69], [70]. This subdivision
has been used since the early 1970s to characterize geographic patterns of oil and gas activity
across the Alberta Basin. These include oil and natural gas exploration, drilling, production,
reserves, and cost statistics (e.g., the annual AER ST98 industry activity statistical reports) as
well as PSAC-area specific benchmarks for well depths, drilling, and completion costs (e.g., the
semi-annual PSAC Well Cost study). This subdivision is therefore suitable for characterizing
trends in net fluid balance and industrial activity patterns within the Alberta Basin since each
area is illustrative of the underlying geology and industrial activity types and is used to
benchmark its historical, current, and future industrial activity levels [70], [71]. Figure 1 shows

the seven PSAC areas in Alberta.
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Figure 1. Map of the PSAC Areas, oil sands areas (OSA) and the Duvernay Shale Formation in Alberta. Courtesy of the Alberta
Department of Energy.

Within the Alberta Basin, the thickness of the package of dipping sedimentary rocks
exceeds 6 km in the southwest (adjacent to the Rocky Mountain Foothills). However, it thins to
zero in the northeast due to depositional thinning and erosion [72], [73]. Consequently, common
(median) well depths to the formations of interest in each region vary, with well depths being the
shallowest in the northeast (in AB6) and increasing to the southwest (in AB1) as the thickness of

the sedimentary package increases.

Since the predominant type of geologic interest in each area varies, the levels of

industrial activity in each area also vary as a function of the market conditions during each
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period for the specific type of oil and gas products. Major (current) geologic interest in areas
ABI1, AB2, AB3, ABS, and AB7 are the deep (km-scale) natural gas liquids-rich Duvernay
Formation shale (Figure 1), with AB2 accounting for more than half of Alberta’s natural gas
production and most of its condensate production in 2019 [71]. These areas are expected to
account for most of Alberta’s industrial activity for higher-value light crude oil, natural gas, and
natural gas liquids production over the next decade [71]. The availability of ample low-cost
nearby subsurface pore space for the disposal of the large quantities of produced waste fluids
(flowback) is vital for the commercial feasibility of hydraulic fracturing technology currently
used to extract natural gas and condensates from shale formations such as the Duvernay [74],

[75].

Shallow (around 500 m deep) bitumen deposits are the predominant geologic interest in
AB4, AB6, and much of AB7. Approximately three million barrels per day of crude bitumen
were produced from these areas in 2020 [71]. Mining and steam-based oil extraction
technologies used to produce bitumen in these areas dispose of large quantities of liquid process
wastes (such as produced fluids, mine dewatering fluids, and boiler blow-down) by injection into
saline aquifers, while the in-situ thermal facilities in this region extract large quantities of water
from these saline aquifers to generate steam used in bitumen production. However, current
understanding of the hydrologic link between surface water bodies, shallow groundwater, and
deep saline aquifers is limited at the regional scale, and detailed studies are required to assess the

scale of anthropogenic-induced changes (if any) on the regional hydrologic balance of this area

[761, [77].

Historic oil and gas activity in AB5 has consisted of the exploitation of conventional oil
and natural gas deposits, which have now been largely depleted [71]. While this area also
contains liquid-rich shale formations, production activity over the next decade is anticipated to
be lower than in other areas, because of lower well-productivity rates and higher

production/supply costs associated with industrial-scale operations near urban environments

[71].
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2.2.2  Calculation of Formation Volume Factors for Each Injection/Production Horizon in the
Alberta Basin

The net fluid balance (also referred to as the net cumulative volume) is often used to
characterize the fluid storage capacity of a formation. It consists of the cumulative volume of
fluids (oil, gas, and water) removed from a formation minus the cumulative volume of fluid
injected (liquids and gases) injected into the same formation over its production history [78].
Alberta maintains an extensive (auditable) dataset containing the monthly volumes of fluids
removed from and injected into each well drilled in the province since 1960, with such
volumetric measurements collected under surface (often referred to as stock tank) conditions.
However, calculation of the net fluid balance within each formation requires correction of the
volumes of fluids measured at surface conditions to the volumes they occupied in the subsurface,
using the respective formation volume factors (FVF) for each fluid and corresponding formation
depth (i.e., temperature and pressure) [78]. Schuenemeyer (2005) provides a method for

conversion of stock-tank volumes to in-situ volumes shown in Equation 1 below [19]:
RV =FVF * 8T, (1)

where RV and ST are the reservoir and stock-tank volumes of fluid (in the same volume
units), FVF is the (dimensionless) formation volume factor specific to the corresponding
formation (temperature and pressure) from which the fluid was removed. Estimates of formation
volume factors for oil and gas extracted from each formation can be calculated using (empirical,
imperial-unit specific) relationships developed by Verma and Bird (2005), providing that the
depth at which such fluids have been extracted from or injected into and the corresponding
American Petroleum Institute (API) oil gravity (in the case of oil) are known, and assuming
formations are normally pressured [20]. These relationships are provided below, as Equations 2

to 13:

FVE, = 0.972 + 0.000147 * (F) 175 )
F = GOR * (sgg/og)’> + 1.25 *1, (3)
og = 141.5 / (ag + 131.5), )
GOR = 0.86 GOR, (when GOR, < 1200), 3)

GOR = (0.86 + 0.24 * sin® [(GOR, — 1200) * z / (2000)] (when 1200 < GOR, < 2250), (6)

13



GOR = 1.1 * GOR, (when GOR, > 2250), (7)
GORu = sgg *[(p + 14. 7) * 70 0.0125*ag/ (18 * 100.00091 *t)] 1.2} (8)

sgg = ((0.1402 * In (p+14.7) — 0.4227) + (0.1369 * In (1) + 0.0156) + (0.1704 * In (ag) +

0.1469))/3, 9)
p = 1000 * TD/2, (10)
t=19*TD + 30, (11)

FVFg=752.2%(1 — e *0728*10) ‘\when 0 < TD < 5.67, (12)
FVF,=113.3+21.1 *TD — 0.81 * TD? + 0.0116 * TD?, when 5.67 < TD <30,  (13)

where FVF, and FVF, are the formation volume factors for oil and (non-associated) gas,
respectively. F is a correction factor, GOR is the corrected solution gas/oil ratio (in ft*/barrel),
sgg is the formation solution specific gravity, og is the corrected oil gravity (in API units), 7 is
the formation-specific temperature (in degrees Fahrenheit), ag is the API oil gravity, GORy, is the
uncorrected solution gas/oil ratio (in ft*/barrel), p is the formation pressure (in psi), and TD is the
formation depth (in thousands of feet). While this empirical conversion method was developed
specifically for estimating regional-scale quantities of undiscovered in-situ oil and (associated
and non-associated) gas volumes in Alaskan oil deposits, it is anticipated to also provide a
reasonable approximation in Alberta’s geological environment, since there are many structural
similarities in the petroleum bearing provinces in both locations [79]. Additionally, the main
interest in this research is comparability of relative differences between injected and extracted in-
situ volumes at different stratigraphic depths and geographic zones, and therefore accurate
determination of the absolute value of in-situ volumes is of limited interest in this case. The use
of the same method for all stratigraphic depths is anticipated to result in consistency (and
comparability) in computed differences between the relative corrected injected and extracted

volumes across the stratigraphic depths of interest.

The commercially available geoSCOUT® database contains well-specific monthly fluid
injection and production stock-tank volume, production, injection, and well perforation depth
records for over 610,000 wells in the Alberta Basin. The total vertical depth (TVD) of the well
perforations was assumed to be equivalent to the formation depth, for calculation purposes. The

average API gravity of oil produced from each PSAC area is characteristic of that area because
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of its unique geological setting, with an average API oil gravity of 10 within AB6 and AB7,
average API oil gravity of 25 within AB1, AB2, AB3, and ABS5 and an average API oil gravity
of 15 within AB4 [80].

The monthly measured production and injection (stock-tank) fluid volume records for
each of the approximately 610,000 wells in Alberta for January 1960-December 2020, were
extracted from the geoSCOUT® database (about 63 million production records) for each PSAC
area, along with the respective total vertical depth (TVD) of each well. Data cleaning consisted
of automated identification of outlier (production and injection volume and well run-time)
values, followed by a manual review of the corresponding entry in the detailed well record in
geoSCOUT® for the corresponding period. Anomalous values without a logical corresponding
supporting well record for that period were then eliminated from the database. The TVD,
characteristic API gravity of the corresponding PSAC area and Equations 2 to 13 were then used
to calculate oil and gas FVFs for the stock-tank fluid volume records for each production and
injection wells in the Alberta Basin. The calculated FVFs were subsequently used to convert the
stock tank oil and gas volume records for each well to in-situ reservoir volumes, in accordance
with Equation 1. No correction was applied to produced and injected water volumes reported for
each well since water (including water containing dissolved gas) is considered essentially
incompressible under most reservoir conditions [81]. Steam volumes were also uncorrected since
steam is measured and reported in cold-water-equivalent volumes. Steam injected into the
subsurface is used for thermal oil recovery and ultimately becomes water in the subsurface.
However, in the formation net fluid balance reported below, injected steam is accounted for as a
gas since it is in the gas phase at the point of entry into the formation. All data aggregation,
processing, and computation was conducted using the R statistical software package (R: A
language and environment for statistical computing, https://www.R-project.org/, last accessed 14

January 2022).

2.2.3 Calculation of the Distance between the Injection/Production Horizon and the
Precambrian Basement

The vertical distance between the injection/production horizon of each well and the
Precambrian basement (i.e., the depth to Precambrian basement) was calculated using the TVD

of each well and the depth of the Precambrian basement, obtained from the Alberta Geological
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Survey’s Precambrian Structure depth contours available in Pana et al. [82]. The depth to the
Precambrian basement (i.e., a measure of the proximity of the injection/production horizon to the
basement) was calculated by subtracting the TVD of each well from the depth of the

Precambrian basement in the geographic location of the corresponding well.

2.2.4 Calculation of the Net Fluid Balance in Each Sub-Region and Stratigraphic Horizon
Relative to the Precambrian Basement in the Alberta Basin

Production/injection wells and the associated calculated in-situ volumetric data were
grouped geographically by PSAC area and stratigraphically in 1 km increments of vertical depth
to the Precambrian basement. The in-situ liquid and gas net fluid balance volume (i.e., the
volume injected—volume removed) for each geographic and stratigraphic horizon was then

calculated and plotted as a function of vertical distance from the Precambrian basement.

These records were then grouped by decade, for the period January 1960-December
2020, to identify significant trends that may have occurred because of market or other changes in
types and scales of industrial activity. In some cases, net fluid balance volumes are represented
as the cube root of cubic meters in the charts, which is necessary to show the net change
(positive or negative) in in-situ fluid balance as well as extreme changes in net volumes. The
vertical scale represents the vertical depth to the Precambrian basement (i.e., not the TVD)

averaged geographically across the entire PSAC area.

2.2.5 Calculation of In-Situ Formation Pressure Changes in the Alberta Basin over the Period
1960-2020

In Alberta, an oil or gas pool is essentially an accumulation of oil or gas that is
(structurally) separate from another such accumulation, and approximately 65,000 oil and gas
pools exist in the Alberta Basin [83], [84]. A common feature of many of the conventional oil
and gas pools located in stratigraphic traps is the presence and hydrodynamic support of
underlying regional saline aquifers [85], [86]. Measurement of the initial (virgin) and subsequent
annual in-situ pool pressures is a regulatory requirement for all oil and gas operators;
consequently, an extensive public dataset is also available in the geoSCOUT® database.
However, while this dataset contains approximately 325,000 in-situ pool pressure-data records,
these only cover approximately 7,000 distinct oil and gas pools. Pressure variations in such pools

indicate pressure variations in the hydraulically connected underlying saline aquifer systems that
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support the hydrocarbon columns and therefore are likely to be indicative of large-scale
subsurface pressure changes across this basin. The available hydrocarbon pool pressure data was
examined to assess the possibility of its use for an evaluation of long-term subsurface pressure

trends across the basin.

The first recorded and most recent pressure measurements for corresponding depth
intervals in each pool were identified and extracted from the available data, using R. The
variance between the first recorded in-situ pressure measurement and the most recent pressure
measurement (as a function of the first recorded pressure measurement) was then calculated for
each depth horizon for which data was available in each pool. Pools with a pressure increase
(i.e., most recent pressure > initial pressure at same depth interval in the same pool) were
grouped into a pressure increase category. In contrast, pools with a pressure decrease (i.e., most
recent pressure < initial pressure at same depth interval in the same pool) were grouped into a
decrease category in each stratigraphic depth horizon. The calculated pool-pressure variance data
were then grouped according to the PSAC area in which they were located and the distance to
the Precambrian basement. This data was then used to calculate the average (percentage)
pressure increase/decrease and the respective proportion of pools showing changes in each PSAC

area and depth increment to the Precambrian basement.
2.3 Results

The calculated net in-situ fluid balances in each geographic area, in 1 km stratigraphic
increments from the Precambrian basement, are presented in the subsections below. This
information can help inform the development of regional fluid injection and disposal-related
policies and manage fluid budgets for the corresponding geographic region in the Alberta Basin.
Such policies and fluid budgets may be essential when the current and projected levels of
industrial activity and the historical occurrence of seismic activity and seismic hazard potential

in each area are considered, as outlined below.

2.3.1 Basin-Wide Total Surface Fluid Balance over the Period 1960-2020
Analysis of the stock-tank volumes of fluids injected and extracted (i.e., produced) from

the Alberta Basin over the last 60 years (1960-2020) shows that the volume of both gases and
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liquids removed (on average) exceeded the respective volumes of each injected fluid over the

same period by approximately an order of magnitude (Table 1).

Table 1. Summary of calculated industrial fluid injection and production stock-tank volumes in the Alberta Basin (1960-2020).
Source data extracted from geoLOGIC Systems databases © 2020.

Gases (m?) Liquids (m®)
Total produced 6.84x10"? 2.46x10'°
Total injected 7.97x10" 2.01x10'
Difference —6.05x10"? —4.53x10%

Table 1 shows that, at a regional scale the basin has so far experienced extensive
depressurization (depletion) due to oil and gas production during the period 1960-2020.
Furthermore, analysis of the decade-by-decade net (volume injected minus volume withdrawn)
stock-tank gas and liquids over this period indicates that depletion of both liquids and gases

accelerated progressively over most of the last six decades (Table 2).

Table 2. Calculated decade-level variations in net industrial fluid injection and production stock-tank volumes in the Alberta
Basin. Source data extracted from geoLOGIC Systems databases © 2020.

Decade Net Gas (m%) Net Liquid (m%)
1960-1969 —-3.82x10'! —-3.03x10%
1970-1979 —7.18x10'"! -3.96x107
1980-1989 —8.34x10'" —-1.82x10%
1990-1999 —-1.38x10"? —4.24x10%
2000-2009 —-1.47x10"? —7.93x10%
2010-2019 —-1.16x10"? —2.50x10%

Totals —5.56x10"2 —3.94x10%

This observation is consistent with the expected trend of increasing extraction rates of
combined hydrocarbon fluids from the Alberta Basin for the period in which published data are
available (1972-2015) [69]. However, actual depletion rates depend on the type, geographic
location, depth, and scale of industrial activities, which can fluctuate significantly within short

periods (as a function of market fluctuations, regulatory and policy changes, and other factors).

2.3.2 Basin-Wide Total Stock-Tank Fluid Balance Trends over the Period 1960-2020 and
Potential Implications
Figure 2 shows the analysis of the annual net (stock-tank volume injected—stock-tank

volume extracted) gas and liquid balance in the Alberta Basin over the period 1960-2020. This
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figure shows that while removal has historically exceeded injection over the last 60 years and the

depletion rate has increased over time, significant recent changes in both trends are evident.

Year
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Figure 2. Calculated net stock tank (a) gas balance (gas injected - gas produced) (b) liquid balance (liquid injected - liquid
produced) trends in the Alberta Basin for the period 1960-2020. Source data extracted from geoLOGIC Systems databases ©
2020.

The change in trend in the net gas balance over the period 2006-2010 correlates with the
development and expansion of the thermal bitumen industry and the increase in large volume
(steam and non-condensable) gas-phase injection characteristic of this industry. Figure 2 also
shows an abrupt reversal in the historical depletion trend in net gas and liquid balances over the
last two years (2018-2020). This result indicates that there may be recent changes occurring in
the type and scale of industrial activity occurring in the basin that can reverse the basin-wide

depletion trends that have been occurring over the last 60 years.
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Major, policy-driven changes in the type of energy produced and consumed in Canada
are developing, which may change how pore space in the Alberta Basin has been used since the
development of the oil and gas industry. The proposed Net-Zero Emissions Accountability Act
formalizes Canada’s objective to achieve net-zero emissions in all sectors of society by 2050
[87]. The subsurface injection of captured CO; from major industrial emissions is fundamental
for achieving this goal [88]. Therefore, the possibility exists that fluid injection into the Alberta

Basin could substantially exceed fluid removal within the next 30 years.

However, the volume removed from the basin can be used to derive an upper-bound
estimate of a theoretical sustainable storage capacity within depleted oil and gas formations since
a current key regulatory criterion used in approving injection projects is the requirement that the
post-injection formation pressure shall not exceed the original virgin reservoir pressure [86],
[89]. A simple comparison (at standard temperature and pressure) of Alberta’s annual (2017)
CO; emissions of 273 Mt of CO; [90] and the net gas difference presented in Table 1 above
show that approximately 10 years of captured industrial CO> emissions would be equivalent to
all net gas extracted from the Alberta Basin over the last 60 years. Other initiatives such as the
use of natural gas to produce blue hydrogen in Alberta as a substitute for liquid transportation
fuels would require approximately 203 Mt/year of carbon capture and storage capacity [91],
which would exceed the net gas balance from the Alberta Basin in approximately 10 years.
Meanwhile, one gigawatt of installed open-loop geothermal electricity generation (operating at a
water flow rate of 20 kg/s to produce one megawatt of electric power [92]) has the potential to
reinject in eight years the same amount of fluid as the net liquids balance of the basin over the

last 60 years.

These simple calculations highlight the need for a strategic evaluation of the proposed
future use of the subsurface in this basin, since the scale of future injection can reverse the
historical basin depletion trend that has occurred to date. This depletion trend may have been
instrumental in the success of large-scale injection to date in this basin, and fluid volume
injection greater than fluid volume removed from this basin (i.e., basin re-pressurization) could
increase associated future capacity, containment, and induced seismicity risks. Sustained basin-
wide fluid injection consistently exceeding fluid removal over long periods increases the

likelihood of recipient formations being exposed to pressures above their initial discovery
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pressures, which could increase the probability of loss of injection containment and induced
seismicity [43], [93]-[95]. Large-scale injection of fluids into deep, laterally extensive, virgin
pressure (i.e., un-depleted) formations can result in significant and extensive pressure changes
(because of the low pore compressibility of these formations) unless such pressure build-up is
attenuated by basin-scale migration of resident brine into and through the caprock, basement
rock, and lateral flow boundaries [43]. Additionally, the magnitude of the pressure build-up
response to industrial-scale carbon sequestration should be carefully evaluated against the
regional-scale hydrologic conditions because of the capacity of such pressure build-up to trigger
the large-scale movement of brine vertically and laterally at a regional scale [43]. Such pressure
build-up and fluid displacement also increase the risk of loss of injection containment from
legacy wells that were poorly abandoned [96]. Previous basin-scale hydrological studies have
noted that saline aquifers in the Alberta Basin are interconnected laterally and vertically at a
regional scale and provide hydrodynamic drive to most oil and gas formations [97]. Large-scale
lateral or vertical movement of brine would thus be undesirable because of the potential to affect

regional hydrology and current oil and gas extraction activities.

Therefore, large-scale injection from net-zero activities could overwhelm long-term
disposal capacity within the Alberta Basin and adversely affect disposal activities essential for
the oil sands, shale oil, and other industries. Basin-scale migration of fluids could trigger changes
to regional hydrological regimes, affecting top/bottom water in thermal oil sands extraction or
water drive in conventional oil and gas operations, which could adversely impact the economics
of such activities. However, there is still debate on the degree of interaction between the basin-
scale saline flow systems in the deformed and undeformed parts of the basin, between the
basement and sedimentary succession and the true magnitude and direction of formation water
flow in the various flow systems [97]-[99]. Consequently, the actual impacts of basin-scale
changes in formation pore pressures may be difficult to predict accurately unless the regional and
basin-scale hydrological understanding is improved. Recent studies have suggested that vertical
connectivity between discrete regional flow systems may be greater than previously
hypothesized in some cases, while stratigraphic fluid density contrasts may control the mobility
of deep saline fluids [97]-[99]. Uncertainty on the basin-scale interaction between the saline
flow systems and the associated driving forces can have important implications on the stability of

storage and disposal zones and the sustainability of water withdrawal [97]-[99]. Currently, the
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onus is on project proponents to evaluate the suitability of the receiving formation and potential

risks arising from high volume injection at a project scale within the basin [73], [86], [89].

High-volume fluid injection into underpressured or pressure-depleted subsurface
formations is considered attractive from an earthquake triggering perspective because of the
lower pore pressures at the start of injection, which reduce injection operating costs and allow for
the injection of large volumes of fluid before pressures increase to virgin reservoir pressures
[100]. However, as previously noted, large-scale injection into such formations should be
avoided when they are within 1 km of the Precambrian basement or where evidence exists to
indicate a hydraulic connection with the Precambrian basement [10], [47], [48], [56]-[58].
Limited unknown geologic hazards are typically encountered during large-scale fluid injection
into depleted producing formations not in proximity to or in contact with the basement rocks.
Over a century of experience in the natural gas storage industry has shown few failures, the

majority of which occurred because of well-bore integrity problems [95], [101]-[104].

2.3.3 Assessment of the Net In-Situ Fluid Balance in Area ABI

Area AB1 comprises the eastern flank of the Rocky Mountains foothills (Figure 1) and
includes the deepest part of the Alberta Basin, with a sediment depth exceeding 6 km in some
locations. The predominant geologic interest in this area has historically been, and is expected to
continue to be, dry gas [71]. This area has also been the most seismically active region in the
province from 1922 up to 2010 due to regional tectonic activity in the Rocky Mountain region
[105]-[107]. One of the first recorded injection-induced seismic events of concern in Alberta
(the Magnitude 5.1 Snipe Lake event) occurred in this area in 1970 [108], [109]. Oil and gas-
related induced seismicity has also occurred in this area (near Rocky Mountain House) since the
1970s and has been attributed to extensive gas extraction from (i.e., depletion of deep) Devonian
carbonate reservoirs at depths of approximately 4 km (approximately 2 km above the

Precambrian basement) [109], [110].

Figure 3 (a, b) show the calculated net in-situ gas and liquid balances across AB1 over
the last six decades. This analysis indicates that over this period, the total volumes of liquid and
gas extracted exponentially exceeded the respective volumes injected at all depth intervals
relative to the Precambrian basement. During the past six decades, extensive gas depletion is

notable in the depth zone approximately 2—4 km from the Precambrian basement across ABI.
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This result is consistent with extensive regional gas production activity over this period [71].
While a similar trend is noted in the net liquid balance in this area, the level of depletion is lower
in the stratigraphic horizons adjacent to the Precambrian basement, and the volume of liquids
injected even marginally exceeded the volume of liquids extracted in the deeper stratigraphic

horizons during the 1970s and 1980s.
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Figure 3. Calculated net in-situ (a) gas and (b) liquid balance for area ABI over the period January 1960-December 2020. Red
bars: < 1 km depth from Precambrian basement; Yellow bars: 1-2 km depth from Precambrian basement; Green bars: 2-3 km
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depth from Precambrian basement; Blue bars: 3-4 km from Precambrian basement; Pink bars: 4-5 km depth from Precambrian
basement; Brown bars: 5+ km depth from Precambrian basement. Source data extracted from geoLOGIC Systems databases
©2020.

Therefore, the net fluid balance trend for this PSAC area indicates that there is an
extensive net negative fluid balance within the stratigraphic horizons located at the depth interval
of 2—4 km from the Precambrian basement. However, this analysis also indicates that net fluid
balance within the stratigraphic horizons located up to 2 km from the Precambrian basement
within PSAC 1 has experienced limited fluid depletion. Consequently, far greater sustainable
fluid storage capacity is available in the stratigraphic horizons located 2-4 km from the
Precambrian basement. Conversely, fluid injection and storage capacity are limited in the 0-2 km

stratigraphic intervals in area AB1.

2.3.4 Assessment of the Net In-Situ Fluid Balance in Area AB2

Area AB2 is located adjacent to the eastern flank of the Rocky Mountain Foothills
(Figure 1) and contains the second deepest part of the Alberta Basin, with a sediment depth
exceeding 6 km in some locations. The predominant geologic interests in this area are tight oil,
wet gas, and natural gas liquids (mostly in the Duvernay Formation [111], Figure 1), and
production activity is anticipated to increase significantly in this area over the next decade [71].
Most of the oil and gas-related induced seismicity that has occurred in the Alberta Basin to date
has occurred within this area and has been linked to hydraulic fracturing injection, with some

events associated with water disposal or production-related depletion [62], [110], [112]-[114].

Figure 4 (a, b) shows the calculated net in-situ gas and liquid balances across AB2 over
the last six decades. This analysis indicates that the total volumes of both liquids and gases
extracted also exponentially exceeded the respective volumes injected at all depth intervals
relative to the Precambrian basement in this area. In addition, accelerating liquids and gas
depletion rates are evident in the stratigraphic zones from approximately 3 km above to the top
of the Precambrian basement. This trend is also consistent with the current deep basin tight oil

and gas industrial activity in this area [71].
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Figure 4. Calculated net in-situ (a) gas and (b) liquid balance for AB2 over the period January 1960-December 2020. Red bars:
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from Precambrian basement; Blue bars: 3-4 km from Precambrian basement; Pink bars: 4-5 km depth from Precambrian
basement; Brown bars: 5+ km depth from Precambrian basement. Source data extracted from geoLOGIC Systems databases
©2020.

The net fluid balance trend across AB2 shows an extensive net negative fluid balance in
the stratigraphic horizons located within 3 km of the Precambrian basement. However, this
analysis also indicates that the shallowest stratigraphic horizons in PSAC 2 have experienced
limited fluid depletion. Consequently, there may be substantially greater sustainable fluid storage
capacity within the stratigraphic intervals located within 3 km of the Precambrian basement
within this area. Figure 4 (a, b) may provide an upper-bound estimate of the sustainable fluid

storage capacity in these stratigraphic intervals in AB2.

2.3.5 Assessment of the Net In-Situ Fluid Balance in Area AB3

Area AB3 is in southeastern Alberta (Figure 1) and encompasses a shallower part of the
Alberta Basin with a sediment depth of up to 3 km. The predominant geologic interests in this
area are dry gas, and heavy and light crude. While traditional conventional oil and gas
production activity has decreased over the last decade, light oil production is projected to
increase in the next decade as operators benefit from low production costs and established

infrastructure in this area [71].

Figure 5 (a, b) shows the calculated in-situ net gas and liquid balances across AB3 over
the last six decades. This analysis indicates that the total volumes of both liquids and gases
extracted exponentially exceeded the respective volumes injected at all depth intervals relative to
the Precambrian basement in this area. Accelerating depletion of liquids and gas is evident in all
zones, with shallow gas depletion consistently increasing over the last six decades. Over the last
decade, the depletion rate decelerated in the deeper stratigraphic horizons in this area. This trend

is consistent with the oil and gas industrial activity and forecasts in this area [71].
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Figure 5. Calculated net in-situ (a) gas and (b) liquid balance for AB3 over the period January 1960-December 2020. Red bars:
< I km depth from Precambrian basement; Yellow bars: 1-2 km depth from Precambrian basement; Green bars: 2-3 km depth
from Precambrian basement. Source data extracted from geoLOGIC Systems databases © 2020.
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The net fluid balance trend across AB3 indicates an extensive net negative fluid balance

(and sustainable fluid storage capacity) available in all stratigraphic horizons in this area.

2.3.6 Assessment of the Net In-Situ Fluid Balance in Area AB4

Area AB4 is in east-central Alberta (Figure 1) and encompasses a shallower part of the
basin with a sediment depth of up to 3 km. The predominant geologic interests in this area are
light and ultra-heavy crude, with limited shallow dry gas. While conventional oil and gas
production activity has decreased over the last decade in this area, production of light crude is

expected to increase over the next decade [71].

Figure 6 (a, b) shows the calculated net gas and liquid balances across AB4 over the last
six decades. This analysis indicates that the total volumes of both liquids and gases extracted also
exponentially exceeded the respective volumes injected at all depth intervals relative to the

Precambrian basement in this area.
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Figure 6. Calculated net in-situ (a) gas and (b) liquid balance for AB4 over the period January 1960-December 2020. Red bars:
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Extensive gas depletion over six decades is evident in all stratigraphic horizons, with a
gas depletion-rate deceleration occurring in the last two decades. However, the consistent six-
decade exponential increase in liquids depletion adjacent to the Precambrian basement in this
area is notable. While there is extensive sustainable fluid storage capacity within the near-
Precambrian basement intervals in this area, this exponentially increasing depletion trend may be
significant in assessing regional subsurface storage capacity or near-basement saline aquifer flow

characteristics in AB4.

2.3.7 Assessment of the Net In-Situ Fluid Balance in Area AB5

Area ABS is in central Alberta in the center of the basin (Figure 1) and encompasses an
area with a sedimentary cover of up to 4 km deep. The predominant geological interests in this
area have historically been conventional oil and gas. However, they have evolved to tight oil in
the east-southeastern region and subsurface fluid injection and storage-related activities in the

central area.

Figure 7 (a, b) shows the calculated net in-situ liquid and gas balances across AB5 over
the last six decades. This analysis also indicates that the total volumes of both liquids and gases
extracted exponentially exceeded the respective volumes injected at all depth intervals relative to
the Precambrian basement in this area. Extensive gas depletion over the past six decades is
notable in the deeper stratigraphic horizons. However, in the stratigraphic zones adjacent to the
Precambrian basement, the depletion rates for liquids have consistently decelerated over the last

five decades, while gas depletion rates have also decelerated over the last three decades.
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Figure 7. Calculated net in-situ (a) gas and (b) liquid balance for ABS5 over the period January 1960-December 2020. Red bars:
< I km depth from Precambrian basement; Yellow bars: 1-2 km depth from Precambrian basement, Green bars: 2-3 km depth
from Precambrian basement, Blue bars: 3-4 km from Precambrian basement. Source data extracted from geoLOGIC Systems
databases © 2020.
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While extensive sustainable fluid storage capacity appears to exist within this area,
increasing injection rates and decreasing extraction rates may be reversing the historical regional
depletion trend. This trend may be of significance in assessments of regional subsurface storage
capacity and near-basement saline aquifer flow characteristics for this area, especially
considering the potential for large-scale fluid injection in the basal saline aquifers from future

carbon capture and storage activities [88], [115], [116].

2.3.8 Assessment of the Net In-Situ Fluid Balance in Area AB6

Area ABG6, located in northeastern Alberta, overlaps the Athabasca Oil Sands Region
(Figure 1) and encompasses an area with sedimentary cover of up to 2 km deep. The
predominant geologic interest in this area is its laterally extensive bitumen deposits, which are
extracted using mining and steam-based technologies (steam-assisted gravity drainage and cyclic
steam stimulation - SAGD and CSS). These deposits produced approximately three million
barrels per day of bitumen in 2020 [71].

A comprehensive understanding of the regional (saline) groundwater systems is
important for the success of both thermal and mining production technologies in this area since
imprecise knowledge of the regional hydrogeology can impact bitumen extraction project
feasibility [117]-[119]. The commercial feasibility of both SAGD and CSS bitumen production
methods requires long-term stability and predictability of groundwater interaction with
production activities over the project lifetime since unanticipated groundwater variations can
materially impact operating (such as steam generation or pit dewatering) costs and project
revenues (by altering the volume of recoverable oil) [117], [120]-[123]. Thus, comprehensive
knowledge of current regional saline aquifer flow systems and future changes of such systems
(e.g., created by new large-scale injection projects, for instance) could be necessary for the
continued commercial success of bitumen production projects in this area. Thermal projects
extract large quantities of saline source water for bitumen production while mining projects
conduct extensive pit dewatering, and both inject large amounts of spent process water within
this region, which has the potential to alter regional-scale hydrogeological regimes [117].
However, hydrogeological studies are currently conducted on a project level and a case-by-case
basis and the cumulative impacts of all projects on regional groundwater systems have not been

quantified to date [76], [118]. Therefore, changes to the saline regional-scale hydrodynamic flow
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regimes (particularly hydrostatic head increases) may be undesirable because of the potential to

affect the feasibility of current and future bitumen extraction in this area.

Figure 8 (a, b) shows the calculated in-situ net liquid and gas balances across AB6 over
the last six decades. The in-situ thermal projects in this area are located at around 600 m depth,
which is within 1 km of the Precambrian basement. The sedimentary depth in the eastern section
of this area varies between 0.5 and 1.5 km [124], [125]. This analysis shows that extensive gas
depletion occurred in all stratigraphic horizons in this area during the first four decades,
reflecting gas production. However, this trend reversed in the lower stratigraphic horizon within
the last two decades, with net gas injection substantially exceeding gas extraction while the gas
depletion trend continued in the upper stratigraphic horizon. The increase in net gas balance in
the lower stratigraphic horizon corresponds to the period of development and growth of the
SAGD industry in this area and reflects the injection of steam and non-condensable gases for
bitumen production. However, the reservoir pressure-balanced nature of SAGD operations
suggests that there may be limited potential for the increase in gas injection in the lower
stratigraphic horizons to interact with the regional hydrodynamic flow systems in this area.
Additionally, the potential for industrial-scale fluid injection into such shallow areas may be
further constrained by regulatory requirements in Alberta which stipulate that CO2 sequestration

can only occur in formations that are located at depths of greater than 1 km [126].

This area’s calculated in-situ net liquid balance shows exponentially increasing liquids
extraction within both stratigraphic zones, with a substantial increase within the last decade. This
result includes an increase in bitumen production, source water extracted for steam generation,

and spent process water injected from operations in this area.
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It is possible that the closed-circuit mechanics of gas injection and the large-scale saline
water withdrawal characteristic of thermal bitumen recovery could mitigate the potential for a
pore pressure increase in the Precambrian basement zone within this area, and therefore reduce
the possibility for induced seismicity triggered by pore pressure increase. In addition, in-situ
stress levels are anticipated to be lower in the Precambrian basement within this area because of
the shallow depth, which reduces the probability of occurrence of large magnitude induced
events. However, the trend and scale of liquid and gas net fluid balance changes in this area in
the last two decades may warrant an analysis of the potentially complex interaction between the
net fluid balance and the regional-scale hydrodynamic flow systems. Such an analysis may help
estimate the sustainable net fluid balance capacity of this area and the potential to accommodate
other types of subsurface activities in conjunction with current operations. In addition, an
analysis of the impacts (if any) to the regional-scale hydrodynamic flow systems could be
instrumental in developing a future regional-scale subsurface capacity management strategy.
Recent watershed-scale studies conducted in this area provide first-order estimates of sustainable
yields for near-surface (<150 m deep) aquifers and could help future assessments of cross-

formation flows and cumulative effects [127].

2.3.9 Assessment of the Net In-Situ Fluid Balance in Area AB7

Area AB7 is in northwestern Alberta (Figure 1) and encompasses an area with sediments
up to 4 km deep. The predominant geologic interests in this area have historically been
conventional oil, gas, and bitumen but have more recently evolved to tight oil and gas in the

southwestern region.

Figure 9 (a, b) shows the calculated in-situ net liquid and gas balances over the last six
decades in area AB7. This analysis indicates that total volumes of gases and liquids
exponentially exceeded the respective volumes injected at all depths relative to the Precambrian

basement.
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Extensive extraction of both liquids and gases and associated depletion are notable in the
stratigraphic zones up to approximately 2 km from the Precambrian basement. However, the
depletion rate of both liquids and gases in the near-basement stratigraphic zone in this area has
shown a consistent exponential decrease in the last two decades. While there appears to be
significant potential for sustainable storage capacity within formations in this area, this trend

may be of significance in regional assessments.

2.3.10 Trends in Calculated Net In-Situ Fluid Balance within Each Area

While the assessment above summarizes the net fluid balance in each area, it can obscure
recent or short-term changes in fluid injection/extraction patterns within each area. The annual
in-situ gas and liquid fluid balance trends over the last 60 years, presented in Figures 10 to 12,

are useful for identifying short-term and recent variations.

Figure 10 shows the annual net gas balance trend over the period 1960-2020 in each area.
This figure indicates that while depletion is evident in all areas, the annual gas depletion trend
appears stable in areas AB1, AB3, and AB4, while gas depletion is accelerating in areas AB2
and AB7.
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Figure 10. Calculated net annual gas balance trend in the Alberta Basin. Source data extracted from geoLOGIC Systems
databases © 2020.

However, the annual gas depletion trend deceleration is notable in areas AB5 and AB6.
The short-term spikes in gas injection volumes shown in AB6 are not data processing artifacts
since they correlate with annual variations in steam and other (non-steam) gas-phase injection

volumes (Figure 11).
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Figure 11. Calculated annual variations in steam and other gas phase injection volumes in area AB6. Source data extracted from
geoLOGIC Systems databases © 2020.

The volume of steam and gas injected is a function of bitumen recovery technology and
the project’s commercial performance criteria, which vary temporally as a function of oil and gas
market conditions for the corresponding period. Figure 12 shows the annual net liquid balance
trend over the same period in each area. This figure shows that liquid depletion is also prevalent
in all areas, with stable liquid depletion levels evident in AB1, AB2, AB3, AB4, and AB7.
However, an accelerated liquids depletion trend is notable in area AB6, while AB5 shows a

consistent deceleration in the depletion trend.
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Figure 12. Calculated net annual liquid balance trend in the Alberta Basin. Source data extracted from geoLOGIC Systems
databases © 2020.

This analysis indicates that notable regional-scale changes in annual net fluid balance
trends appear to be occurring in areas AB5 and AB6 that could be of significance in future
sustainable basin subsurface storage capacity assessments and pore space policy considerations.
Regional-scale management of subsurface fluid-injection cumulative effects may be warranted in
the future to maintain a sustainable fluid budget (and storage capacity) in these areas and
mitigate adverse effects on current subsurface pore space users. This need may be critical,
especially under scenarios of potential large-scale increases in fluid injection, such as those

contemplated by net-zero initiatives that propose carbon capture and storage in these areas.

2.3.11 In-Situ Formation Pressure Changes in the Alberta Basin over the Period 1960-2020
Industrial-scale injection of fluids into or removal of fluids from the subsurface have the
potential to trigger basin-scale changes in hydrologic flow systems [128]. Despite its historical
economic importance and the extent of industrial activity, limited basin-scale studies have been
completed on the hydrologic flow systems and their interconnectivity within the Alberta Basin.

Moreover, such studies have been done in a piecemeal fashion both geographically and
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stratigraphically [129]. The entire WCSB is, however, generally accepted to be a classic example
of a gravity-driven flow basin [72], [123], [130] because of the overall elevation diminution from

the southwest to the northeast.

Within the Alberta Basin, Bachu (1995) proposed that the basin-scale flow is controlled
by two mega-hydrodynamic (stratigraphic) flow systems consisting of a deeper (pre-Cretaceous)
northeastward carbonate dominated (high salinity) aquifer flow system and a shallower (post-
Jurassic) southwestward sandstone (lower salinity) aquifer flow system, as shown in Figure 13
[123]. According to Bachu (1995), the deep (high salinity) aquifer flow system is driven by basin
topography with a recharge in Montana and the Alberta Rocky Mountains and discharge in
northeastern Alberta and Saskatchewan, while the shallower (post-Jurassic) southwestward
sandstone (lower salinity) aquifer flow system is driven by erosional rebound in intervening
shale sequences. These mega-hydrodynamic flow systems hydraulically connect at a regional-
scale west to east along pre-Cretaceous unconformities in the central portion of the basin, and
salinity-gradient controlled buoyancy retards cross-formation flow of waters driven by hydraulic
head gradients in each and between these two systems [123], [129]. Vertical cross-formation
flow through high permeability carbonate (Upper Devonian Wabamun and Grosmont) sequences
creates a long-range regional-scale drain effect and forms sub-hydrostatic (underpressured)
systems, which control regional-scale flow systems and are fundamental for hydrodynamic

trapping of hydrocarbons and injected waste fluids [123], [129].
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Figure 13. lllustration of the two mega-hydrodynamic regimes in the Alberta Basin. Adapted from Bachu, 1995. ©AAPG Bulletin
1995 and reprinted by permission from the Amercian Association of Petroleum Geologists (AAPG) whose permission is required
for further use.

Large-scale alteration of hydraulic heads in the regional sub-hydrostatic systems or the
salinity of either flow system could alter the flow of formation waters between these two mega-
hydrodynamic regimes. Basin-scale or regional alteration of the hydraulic head or brine density
of either or both mega-hydrodynamic flow systems can likely alter fluid interaction with the
Precambrian basement since the basal saline aquifers are a part of the pre-Cretaceous flow
system, and these directly overly the Precambrian basement. An industrial-scale CO> injection
project, for instance, (without brine management) can materially increase saline aquifer
formation pressures and displace brine at a basin (100 km) scale over its injection lifetime, even
though the injected fluid plume linear dimensions may be constrained to under 10 km [43], [44],

[128].

Such changes could affect the feasibility of conventional oil, thermal bitumen, and oil
sands extraction (by changing hydraulic heads, altering stratigraphic/hydrodynamic traps,
impacting top/bottom water or basal pressure) as well as increase the potential for the occurrence
of crystalline basement related induced seismicity (by increasing pore pressure in basement
faults). Proposed industrial-scale net zero and decarbonization initiatives that utilize CO»
sequestration could potentially induce such regional or basin-scale alterations of the hydraulic
head and density within the Alberta Basin, depending on the cumulative volumes injected over

time, unless the injection volumes and net fluid balance are sustainably managed. Additionally,
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since major surface water drainage systems are interconnected with both flow systems [129] and
high salinity brine discharges into some drainage systems [77], hydraulic head increases have the
potential to increase saline mass flux discharge rates into surface water systems. Hydraulic head
increases also increase the risk of loss of containment of injected waste and saline fluids from
deep formations, through legacy (improperly) abandoned wells, to shallow groundwater or

surface [96], [131].

Table 3 shows the calculated pressure changes in hydrocarbon pools (for which data was
available) over the last 60 years across the various PSAC areas in the Alberta Basin, relative to

the distance to the Precambrian basement.

Table 3. Calculated reservoir pressure change in select pools in the Alberta Basin (1960-2020). Source data extracted from
geoLOGIC Systems databases © 2020.

Percentage of

Distance from Number of Pools Showing  Average Percentage of Pools
. Pools with Showing Decreased Average Decrease
Area  Precambrian Increased Increase . o
Basement (m) Comparable Reservoir (%) Reservoir Pressure (%)
Pressure Data (%)
Pressure (%)

AB1 5+ 7 14 15 86 —46
AB1 4-4.99 18 11 91 89 —36
AB1 3-3.99 36 28 22 72 —49
ABI1 2-2.99 47 13 35 87 =50
AB1 1-1.99 3 33 21 67 —42
AB1 0-0.99 1 0 0 100 —66
AB2 5+ 1 0 0 100 —20
AB2 4-4.99 23 13 19 87 =51
AB2 3-3.99 79 15 80 85 —44
AB2 2-2.99 323 24 95 76 =52
AB2 1-1.99 996 22 70 78 =51
AB2 0-0.99 110 18 58 82 —46
AB3 2-2.99 92 36 117 64 —45
AB3 1-1.99 1351 23 50 77 —44
AB3 0-0.99 36 31 78 69 —28
AB4 1-1.99 884 21 45 79 —40
AB4 0-0.99 11 0 0 100 —68
ABS 3-3.99 2 0 0 100 —66
ABS 2-2.99 114 33 128 67 —45
ABS 1-1.99 1288 26 75 74 —42
ABS 0-0.99 25 40 108 60 -32
ABG6 1-1.99 232 22 57 78 -39
ABG6 0-0.99 238 15 38 84 —41
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AB7 3-3.99 13 31 72 69 -39

AB7 2-2.99 63 17 133 83 —49
AB7 1-1.99 506 24 62 76 —42
AB7 0-0.99 400 28 85 73 —36

Table 3 indicates that in-situ pressure has decreased on average in most pools for which
data is available across each of the stratigraphic depth horizons used in this assessment.
However, this assessment also indicates that the in-situ pressure may have increased
substantially in select pools in some areas. This increase is noticeable in ABS5, in which
approximately one-third of the pools appear to have experienced in-situ pressure increases of
over 100% in the 2-3 km and 0—1 km depth to Precambrian basement range. This observation is
consistent with the findings of the net fluid balance assessment above and suggests that a
detailed regional fluid budget evaluation may be necessary within AB5 to maintain a sustainable
fluid budget in the future. A net fluid balance approach may be a useful tool for such an

assessment, as well as in subsequent associated regional management strategies.

However, several researchers have previously noted that the data quality of the in-situ
formation-pressure measurement records is quite variable, with over 85% of this pressure data
being rejected as being of low quality in one case [117], [132]. An analysis of the annual
pressure survey records from select pools indicates considerable scatter in the bottomhole
pressure recordings contained in the data set originating from the pool pressure surveys (Figure

14).
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Figure 14. Examples of data scatter in the pool pressure-survey records contained in the geoSCOUT™ database. Source data
extracted from geoLOGIC Systems databases © 2020.

Bottomhole pressure data is collected in active (producing/injecting) pools using
pressure-recording equipment located in production or injection wells, and current rules stipulate
minimum production/injection well shut-in requirements to obtain a stabilized reservoir pressure
[133]. However, the possibility may exist that, in some cases (especially in an active commercial
production environment), production well shut-in requirements may not always be stringently
followed, leading to insufficient length of shut-in and recording of unstabilized reservoir
pressures. Therefore, there is some uncertainty regarding the actual magnitude of in-situ

formation pressure changes since the quality of the pool-pressure survey records is uncertain.
24 Discussion

This assessment shows that widely available measured production and injection
volumetric data collected for production and royalty accounting purposes can be useful for
evaluating basin-scale net fluid balance. Such an assessment may be a valuable complementary
tool for assessing induced seismicity hazards (in near-Precambrian basement injection intervals),
the potential for regional-scale hydrologic flow system changes and sustainable regional or
basin-scale fluid storage capacity in industrial-scale fluid-injection scenarios. Such an
assessment could also be an essential policy and regulatory tool for managing sustainable basin-

scale fluid budgets.
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Table 4 shows the net in-situ fluid balance in the Alberta Basin, and this information is
also presented graphically in accompanying Figures 15 and 16. Table 4 (and Figures 15 and 16)
show that oil and gas production has resulted in extensive in-situ fluid deficits in all regions and
stratigraphic zones of interest in the Alberta Basin. However, the largest fluid deficits available
in Alberta are due to gas production from the oil and gas reservoirs in the upper stratigraphic
zones (located more than 1 km from the Precambrian basement) in AB1, AB2, AB3, ABS, and
AB7 (Figure 15). In the stratigraphic zones located within 1 km from the Precambrian basement,
relatively large fluid deficits are only present in AB2, ABS5, and AB7. Consequently,
significantly larger sustainable storage capacity for injected fluids in the near Precambrian

basement interval is available in AB2, ABS, and AB7, compared to other areas in this basin.

These fluid deficits have also resulted in significant depletion (depressurization) of most
of the Alberta oil pools assessed in this study, which enhances their apparent suitability for long-
term industrial-scale storage of waste fluids. However, consideration of the net fluid balance in
each area within this basin as an indicator of upper capacity limit for injected fluid may help to
reduce the potential for occurrence of adverse fluid-injection-related subsurface effects.
Specifically, active consideration of the magnitude of the net fluid balance in the near-
Precambrian basement stratigraphic intervals (particularly in seismogenic areas in this basin)
could be an important component of the array of efforts to mitigate the potential for future

industrial-scale fluid-injection activities generating induced seismicity of concern.

Table 4. Calculated net in-situ fluid deficits in the Alberta Basin (as of December 31, 2020). Source data extracted from
geoLOGIC Systems databases © 2020.

Area 0-0.99 from the Precambrian Basement All Other Depth Zones
Net Gas Deficit (10° m*) Net Liquid Deficit (10°m?) Net Gas Deficit (10°m®) Net Liquid Deficit (10°m?)

ABI —324 0 -117,144 -5
AB2 —166,562 —38 —447,808 —87
AB3 —11,165 —4 —122,121 -29
AB4 -2,820 —4 —20,713 —22
ABS5S —52,007 —-161 —121,545 =70
AB6 —3,742 -29 —9,225 -2
AB7 —46,116 —60 —68,361 —13
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Figure 15. Calculated net in-situ gas deficit in the Alberta Basin (as of December 31, 2020). Source data extracted from
geoLOGIC Systems databases © 2020.
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Figure 16. Calculated net in-situ liquid deficit in the Alberta Basin (as of December 31, 2020). Source data extracted from
geoLOGIC Systems databases © 2020.

Since a negative fluid balance can be correlated to a lower injection-induced seismicity
hazard, then the extensive capacity in the near Precambrian basement zone within areas AB2,
ABS5, and AB7, and the limited capacity in this zone in all other areas, may be observations
worth considering in risk assessments conducted for industrial-scale injection projects proposed
in these areas. Conversely, however, while the extensive fluid deficits are evident in the
stratigraphic zones located more than 1 km above the Precambrian basement, the extent of the
vertical separation between the base of groundwater protection and the proposed injection zone

may also be a parameter that could be useful in such risk assessments.

Maintaining a formational, regional, or basin-scale net negative fluid balance in the near-
Precambrian basement zone may be an essential part of a basin fluid budget management
strategy to limit subsurface pore pressure increase and potential for loss of containment and
induced seismicity, as well as a valuable tool in evaluating the sustainable fluid storage capacity
of a basin. However, in basins in which interconnected buoyancy-driven flow systems exist, the

impact of regional-scale fluid density changes may be important to consider, in addition to
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assessment of the net fluid balance and fluid budget. In such basins, regional-scale changes in
formation fluid density from industrial-scale fluid injection or fluid transfers increase the
likelihood of basin-wide changes in hydrologic flow systems, which could impact other pore
space users. Therefore, basin-scale net fluid balance and the implications of regional-scale
formation-fluid density changes could be key factors limiting the sustainable fluid storage

capacity of such basins under industrial-scale fluid injection scenarios.
2.5 Conclusions

The net fluid balance in the Alberta Basin may be an important consideration in future
assessments of its capacity as a storage repository for injected fluids produced from evolution in
the energy landscape to meet future energy needs (i.e., massive CO2 injection projections). The
average net fluid balance in this basin has been negative over the last 60 years, primarily because
oil and gas extraction consistently exceeded injection in the basin over this period (Figure 2 a, b),
which may have helped to mitigate hazards associated with high-volume fluid disposal activities
to date. However, energy transition and net-zero initiatives increase the probability of a future
positive, sustained net fluid balance from increasing industrial-scale injection of large volumes
of fluids exceeding dwindling oil and gas removal from the basin. A positive net fluid balance
may increase the likelihood of occurrence of larger induced seismic events, as well as regional-

scale changes to the two mega-hydrodynamic flow systems in this basin.

A net fluid balance strategy for the management of fluid-injection-project cumulative
effects may help to reduce the potential for the occurrence of pore pressure and reservoir induced
seismicity occurrence, in addition to mitigating potential adverse impacts to current industrial
pore space users. Currently, areas AB5 and AB6 appear to have experienced significant changes
to the net fluid balance over the last two decades. In ABS, gas depletion rates have decreased by
an order of magnitude in the near-Precambrian basement zone during this period. In AB6, gas
injection has increased by 350% and liquids extraction by approximately 350% in the near-
Precambrian basement zone over the last two decades. Therefore, future cumulative effects
management attention may be required if these trends continue in these two regions. In addition
to an assessment of the net fluid balance, regional-scale assessments should also consider the

hydrogeological impacts of large-scale changes in formation brine density, considering its

50



apparent importance in controlling flow between the two mega-hydrodynamic flow systems in

the Alberta Basin.

Assessment of the cumulative effects of sustained large volume fluid injection and
extraction projects within a complex and hydraulically interconnected basin may be important to
mitigate unintended effects. Such cumulative effects include the potential for basin-scale
reservoir pressurization, which has been traditionally overlooked in carbon capture and storage
capacity assessments conducted to date [134], [135]. Basin-scale considerations, such as regional
reservoir pressurization and net fluid balance, may be limiting factors that could constrain
maximum sustainable (safe) fluid storage capacity in Alberta. Future assessments could also
consider the distance to the base of groundwater protection as a proxy for fluids moving out of

the injection horizons towards non-saline groundwater formations.

This research provides the first known estimate of regional sustainable fluid storage
capacity in this basin as well as a methodology to estimate regional net fluid balance, using
currently available data. The methodology and estimates presented herein may be useful to other
researchers in evaluating sustainable regional storage capacity and the potential for induced

seismicity generation from large-scale fluid injection in Alberta and similar basins.
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3.0 Assessment of the Brittle-Ductile State of Major Injection and
Confining Formations in the Alberta Basin?

Abstract

Subsurface interaction between critically stressed seismogenic faults and anthropogenic
fluid injection activities has caused several earthquakes of concern over the last decade.
Proactive detection of the reverse and strike-slip faults inherent in the Alberta Basin is difficult,
while identification of faults likely to become seismogenic is even more challenging. This paper
presents a conceptual framework to evaluate the seismogenic potential of undetected faults,
within the stratigraphic sequence of interest, during the site selection stage of fluid-injection
projects. This method uses the geomechanical properties of formations present at sites of interest
and their current state of stress to evaluate whether hosted faults are likely to be brittle or ductile
since the hazard posed by faults in brittle-state formations is generally significantly higher than
that of faults in ductile-state formations. This analysis used data from approximately 3,100 multi-
stress triaxial tests to calculate the Mogi-equivalent brittle—ductile state line for 51 major
injection and confining formations in the Alberta Basin and in-situ stress and pore pressure data
from approximately 1,200 diagnostic fracture-injection tests to assess the last known brittle-
ductile state of each formation. Analysis of these data shows that the major injection formations
assessed in the Alberta Basin were in a ductile state, with some confining (caprock) formations
in a brittle state at the time of the stress measurements. Once current site-specific in-situ stress
data are available, this method enables site-specific assessment of the current brittle-ductile state
of geologic formations within the zone of influence of large-volume fluid-injection projects and

an evaluation of the associated potential for fault seismogenesis.

2 This chapter was published in the Special Issue State of the Art Geo-Energy Technology in North America of
Energies: Samaroo, M.; Chalaturnyk, R.; Dusseault, M.; Chow, J.F.; Custers, H. Assessment of the Brittle—Ductile
State of Major Injection and Confining Formations in the Alberta Basin. Energies 2022, 15, 6877.
https://doi.org/10.3390/en15196877.
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3.1 Introduction

The presence of proximal geologic faults is a key hazard to many types of infrastructure
projects, including major infrastructure projects located on the ground surface (e.g., water
retention dams), in the subsurface (e.g., tunnels) and those that utilize the subsurface (e.g.,
subsurface fluid disposal, energy storage, geothermal projects). Critically stressed faults are of
particular importance in infrastructure hazard assessments since small changes in subsurface
stresses or pore pressure can trigger fault reactivation, resulting in ground displacement,

earthquakes, and out-of-zone migration of subsurface fluids.

However, critically stressed faults appear to be pervasive, even in seismically quiescent
intraplate continental regions [100], [136] and intraplate earthquakes can pose a non-negligible
infrastructure hazard in such regions because of a paucity of seismic-resistant infrastructure in
these historically aseismic locations [137]. Fault hazard assessment in such regions is
challenging because of the lack of a fundamental scientific framework to understand
seismogenesis, inadequate historical seismic records and the paradox between low strain accrual
and sudden moment (energy) release of a stick-slip nature [138]. Fault hazard assessments
conducted for fluid-injection projects located in such regions usually focus on the identification
and avoidance of (known) faults or the curtailment of injected fluid volumes/pressures to limit
induced seismicity occurrence in cases where (usually unknown) critically stressed faults have

been intercepted or previously triggered [1].

Within the Alberta Basin, strike-slip and reverse faults are common [139], [140], with
brittle slip along these types of faults responsible for the major induced seismic events that have
occurred to date [141], [142]. In the Precambrian basement that underlies the Alberta Basin,
extensive fracturing has been postulated to exist mostly at the sub-seismic scale, consisting of
deeper brittle fault detachments and offsets overlain by broad zones of folded and fractured
sedimentary strata [143]. Detection of such types of faults (i.e., reverse, and vertical to sub-
vertical strike-slip faults) using conventional seismic methods is difficult because of low offsets
and limited extent (i.e., below the seismic resolution limit) [144]. Most of the anthropogenic
induced seismicity that has occurred to date in the USA and Canada has been caused by the
inadvertent interception and triggering of such previously undetected/unmapped faults [145],

[146]. Fluid-injection-project fault hazard assessments that rely solely on identification and
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avoidance of known faults may therefore possess some inherent uncertainty regarding future
induced seismicity generation potential. The availability of a screening method to assess fault
seismicity-hazard potential at the site selection stage of fluid-injection projects can therefore be a

useful hazard mitigation tool.

Over the last decade, there has been increasing evidence that geological/geomechanical
factors largely control induced seismicity hazard (i.e., felt-induced seismicity), but the
controlling factors have been unclear [147], [148]. Pore pressure increase, for instance, has often
been cited as a primary factor in induced seismicity generation [61]. However, recent research
noted that only 10% of an extensive fault trace triggered in the Dallas-Fort Worth Basin was
seismogenic (with seismicity occurring at relatively low levels of pore pressure increase), while
approximately 90% of this fault trace was not seismogenic at all levels of pore pressure increase
[149]. Additionally, in this case the pore pressure increase required to trigger faults proximal to
disposal operations was much higher (AP = 0.34 MPa) than that required to trigger distal faults
(AP = 0.04 MPa) [16]. While the importance of geomechanical features in fault seismogenesis
has been recognized [150], there has been limited progress in identifying the main causal factors
for fault seismogenicity. The increasing use of machine learning tools to analyze large datasets in
this field has resulted in the creation of new lumped parameters (e.g., geologic susceptibility,
integrated geological index, combined geomechanical index, etc. [48], [57], [151]), which have
been proposed to account for the combined seismogenic influence of all geologic/geomechanical
features. While such methods can be useful in hindcast analyses, there is an important need to
identify specific (field-measurable) geomechanical parameters that control fault seismogenic slip
to enable site-specific data collection and induced seismicity risk assessment prior to the

construction/operation of fluid-injection projects.

The upper 10-15 km of the continental crust hosts most of the crustal displacement and
seismogenic faults, with the seismogenicity of this zone generally attributed to (brittle) fracture
and/or stick-slip displacement in brittle rock and fault sequences [152]-[154]. The lower crust is
considered ductile, with its rock sequences displaying plastic/viscous behavior, and faults in this
zone are aseismic [152], [153]. In faults that extend over the brittle-ductile zones, progressive
displacement within the ductile zone can result in strain accumulation within the brittle zone and

subsequent seismogenic shear across the entire fault system [155]. Earthquake seismic hazard is
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generally associated with stick-slip displacement within brittle faults, while slip/displacement of
ductile faults is generally aseismic and poses negligible seismic hazard [156]. Relatively small
changes in confining stress can cause sedimentary rock sequences to transition from a (brittle)
seismogenic state (i.e., unstable, stick-slip) to a (ductile) aseismic state and vice versa, with this
mechanism postulated to primarily account for earthquake activity in deep sedimentary

sequences [157].

While mature fault zones are generally weak, fault and host-rock deformation
mechanisms and rheology can vary considerably over short distances (i.e., inside or outside the
localized deformation zone) and timescales (earthquake recurrence cycles), since these depend
on thermodynamic conditions, rock properties and mechanical state [158]. Variations in material
composition along a fault can also determine if fault displacement is seismogenic (i.e., if fault
movement is seismic or aseismic) even within fault sections considered brittle [158]-[160].
Ductile fault host-rock behavior is possible at depths of less than 5 km under conditions of high
differential stress [161], pore pressure [161], confining pressure [162], porosity [163] and clay
content [164]. Ductile rock sequences are likely to host ductile faults since the fault is expected
to display the rheological behavior of the host material [165], and consequently slip along such
fault is expected to be aseismic. Conversely, brittle rock sequences are likely to host brittle faults

[165], with slip along such faults anticipated to be brittle.

In some cases (physical/chemical), alteration of the rocks in the fault zone may alter the
behavior of the fault shear-zone, either increasing [166] or decreasing [167] its brittleness
relative to the host rock formation. For instance, higher dolomite mineral content in a carbonate
formation increases formation and shear zone brittleness [168], with previous research linking
the occurrence of some fluid-injection-induced seismic events to specific dolomitized regions of
deep (high confining stress and pore pressure) Devonian platform carbonates present throughout
the Alberta Basin [169]. While these extensive, highly fractured (low clay content, low porosity)
carbonate formations are important hydrocarbon and fluid disposal reservoirs [170], under
certain conditions, these deep (often brittle) carbonates can be nucleation sites for significant
earthquakes [171]. Therefore, the ability to assess (at the site screening stage) the seismogenic
potential of carbonate formations within the zone of influence of large-scale fluid injection

projects in this basin could help mitigate future fluid-injection project seismic risk.
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Prior work indicated that the location of fluid-injection-induced earthquakes in Alberta is
primarily influenced by geologic factors [57], [62]. This research assesses the relative brittleness
and the brittle-ductile limits of most of the major injection formations and confining sequences
(caprock and under burden) in the Alberta Basin, using a Mogi-equivalent relationship and rock
mechanical properties obtained from multi-stress triaxial testing. Subsequently, a conceptual
framework to evaluate the in-situ brittle-ductile state of each formation with reference to its
Mogi-equivalent line is presented and its use demonstrated, using available in-situ stress and

formation pore pressure measurements.

The results presented indicate that, at the time of the in-situ stress and pore pressure
measurements, the major injection formations assessed were in the ductile state, with some
caprock formations in the brittle state. However, the in-situ stress data available for most of the
deep (carbonate-rich) formations in seismogenic regions are likely outdated since they predate
recent localized high-volume fluid injection trends occurring in this basin [1], and changes in
fluid injection/extraction are known to alter the stress condition in rocks [172]. This analysis
indicates that one such formation (the Belloy) that was historically depleted and close to its
brittle state has experienced notable induced seismic events triggered by recent industrial-scale
fluid disposal activities. This conceptual framework could be useful, in conjunction with
contemporaneous site-specific (in-situ stress and pore pressure) data, to evaluate the seismogenic
potential of future industrial-scale fluid-injection project sites in carbonate-rich stratigraphic

sequences in this and other global sedimentary basins.
3.2 Materials and Methods

The extensive history of oil and gas development in the Alberta Basin, combined with the
province’s policies on data collection and open data access, resulted in the creation of one of the
world’s most comprehensive collections of publicly available geoscience data. This includes
operational data such as fluid production and injection volumes, formation pressures and well
logs, as well as geological, geomechanical, chemical and other types of laboratory analyses. The
Alberta Energy Regulator (AER) maintains lists of data types and availability on its website

(https://www.aer.ca/providing-information/data-and-reports/activity-and-data last accessed 19

September 2022), with the data catalog for tests conducted on almost all core samples collected

in the Alberta Basin located at https://static.aer.ca/prd/documents/sts/GOS-REPS.xIsb (last
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accessed 19 September 2022). Submission of all laboratory core-test data for all cores collected
is a component of regulatory requirements in the province and therefore mandatory for operators
in Alberta. However, there is currently no standard submission format for the different types of
laboratory core tests conducted, and consequently significant variability exists in the type and
format of data provided. A significant amount of data curation and interpretation was required to

compile the database used for regional analyses across the basin.

3.2.1 Identification of Major Injection Formations in the Alberta Basin

Injection fluid operational data were used to identify all wells in Alberta that have
injected any volume of fluid into the subsurface over the period from January 1960 to December
2021, along with the type and volume (at surface conditions) of fluid injected and the injection
stratigraphic zone (i.e., target receiving formation). This analysis showed that approximately
33,000 wells injected approximately 25 cubic kilometers (km®) of water, 692 km? of gas and 3.35
km? of cold-water-equivalent steam (all measured at surface conditions) into the subsurface in
Alberta during this period. These wells were then grouped according to the lithology and
geologic age (era and period) of the injection formation and the proportion of the total basin-
wide volume of each type of fluid injected into each lithological group in each geologic age

calculated. The results of this analysis are presented in Section 3.3.

3.2.2 Determination of the Mogi-Equivalent Brittle-Ductile State Limits for Major Formations
and Confining Sequences in the Alberta Basin

The AER’s Reservoir Evaluation and Productivity Studies (REPS) core and drill cutting
material sampling database (as of December 2021) contained approximately 600 individual
reports (in secure pdf format) that included laboratory core triaxial tests. However, only a third
of these reports contained the results of multiple single-stage triaxial tests conducted at different
confining stresses on plug samples retrieved from the same core interval (i.e., multi-stress triaxial
tests); the remainder consisted of only one single-stage triaxial tests conducted (only at the
confining stress of interest to the particular study - usually only at the confining stress
corresponding to the minimum horizontal stress of the target reservoir) at each core interval.
Additionally, many reports contained the results of multiple sets of core triaxial tests conducted
on samples from different stratigraphic horizons within the same well. Figure 17a below shows

the triaxial core-sample well locations, the type of triaxial test data available and the location
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density of fluid-injection wells across the basin. Figure 17b shows the relative locations of
known significant fluid-injection-induced seismic events that have occurred in the Alberta Basin

to date.
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Figure 17. (a) Location of (approximately 600) triaxial core sample wells (triangles), (approximately 200) multi-stress triaxial
core sample wells (circles) and density of approximately 33,000 wells reporting some fluid injection over the period 1960-2021.
(b) Location of known and suspected significant fluid-injection-induced earthquakes that have occurred in the Alberta Basin to
date. Known regional basement faults are indicated by red lines.

The sets of multi-stress triaxial data were contained in individual reports, each
corresponding to a single well (or an individual sample in some cases). Manual data extraction,
processing and data entry were required to aggregate the data and enable further analysis.
Additionally, while each core-test laboratory report contained the unique well identifier (UWI)
for each source well and the core sampling intervals, the originating formation details were
missing in many cases. This necessitated a geological review of the corresponding well logs for
approximately 40% of the multi-stress triaxial core sample wells to identify the geologic
formations and lithologies corresponding to each of the core samples tested. Additionally, in
approximately 30% of the laboratory reports, only raw triaxial data were available; in such cases,
processing and interpretation of the data were required to obtain the required formation

geomechanical parameters. Approximately 3,000 sets of multi-stress triaxial tests corresponding
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to most of the major lithological sequences in the Alberta Basin (Table 5) were compiled using

this data.

Table 5. Summary of the number of multi-stress triaxial tests used in this analysis and the source lithologies.

No. of  No. of Multi-Stress Proportion of

Geologic Era Major Lithology Wells Triaxial Core Tests Analyses (%)

Mesozoic Shale 56 490 16
Mesozoic Sandstone 58 716 24
Mesozoic Limestone 17 147 5
Paleozoic Calcareous shale 67 1,105 37
Paleozoic Calcareous sandstone 7 67 2
Paleozoic Limestone 42 413 14
Paleozoic Anhydrite 13 77 3
Total 260 ! 3,015

! In some cases multiple core samples were collected from the same well.

Table 5 shows that approximately 91% of the multi-stress triaxial tests available were
conducted in low permeability (calcareous shale, calcareous sandstone, or shaly limestone)
lithologies, generally with the objective of measuring geomechanical properties important for
hydraulic fracturing design (for tight oil exploitation) or caprock characterization (for thermal oil
exploitation) in cases of shallow shale formations. The other major category of multi-stress
triaxial test data available was collected for the purposes of subsurface salt cavern design, and
the wells drilled for these purposes provided geomechanical data for multiple adjacent
formations in each area of interest. This information was then used to build an Excel database
containing the core-sample originating formation, core depth and laboratory-measured
parameters for each sample, including confining stress (o3), failure stress (o1), unconfined
compressive strength (C,), Young’s modulus (E), Poisson’s ratio (v), porosity (n), cohesion (c),
angle of internal friction (¢) and Biot’s coefficient (o). While most of the reports examined
indicated that the laboratory triaxial tests were conducted under drained conditions, this

information was not included in approximately 30% of the laboratory test reports reviewed.

This database was then used to determine confining stress at the brittle-ductile transition
(03*) and to calculate the empirical Mogi-equivalent ductility parameter (d) for each formation in
accordance with the methods provided by Walton, 2021 [21]. First, the confining stress at the
brittle-ductile transition (c3*) for each formation was determined by reviewing the stress-strain

curves of each of the (approximately 3,000 triaxial tests), using the method shown in Figure 18.
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Figure 18. Illustration showing how multi-stress (drained) triaxial stress—strain curves were used to determine the principal and
confining stresses at the brittle-ductile transition (o3*) for each formation (a) Result of triaxial tests conducted (on core plugs
obtained from same core sample) at varying confining stresses with good confining stress resolution; o3* = o3c (b) Result of
triaxial tests conducted (on core plugs obtained from same core sample) at varying confining stresses with poor confining stress
resolution,; o3p < a3* < a3c. Modified from Walton, 2021, and used with permission.

The empirical Mogi-equivalent ductility parameter (d) was then calculated using equation

14:
d= (o1 —o3*)/c3*, (14)

where o1 and o3* are the principal and confining stresses, respectively, at the Mogi-

equivalent brittle-ductile transition limit.

While the empirical Mogi-equivalent ductility parameter (d) provides a useful index for
the relative brittleness of rocks, it is highly dependent on the strength of the rock [21]. Walton
(2021) notes that it is necessary to normalize the ductility parameter by the unconfined
compressive strength (C,) of the rock to obtain a normalized ductility parameter (termed d*) that
is independent of the unconfined compressive strength of the rock. This modified ductility
parameter includes both rock strength (i.e., Co,) and material parameters (d), is directly
comparable to existing brittleness indices, and can be used to quantitatively compare the
brittleness of different rock formations [21]. Walton (2021) also notes that the d* evaluated
based on the stress-strain curves in the ductile regime can be considered an inherent material
property and a rock mechanical index directly proportional to the modified Hoek-Brown material

constant (m) commonly used for rock mass strength characterization [173].

The average unconfined compressive strength of each rock formation was calculated
using the Excel database, and the modified Mogi-equivalent ductility parameter (d*) then

calculated in accordance with equation 15:
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d*=d/Co,  (15)

where C, is the average measured unconfined compressive strength of the corresponding

rock formation (in MPa). The results of this analysis are presented in Section 3.3.

3.2.3 Determination of the Brittle-Ductile State Parameter and Brittle-Ductile Stress Index for
Each Major Injection Formation and Confining Sequence in the Alberta Basin

The standard Mogi-equivalent ductility parameter (d) provides the confining stress limit
at which the transition from brittle fracture to ductile flow can be expected to occur [174] in each
of the 51 formations assessed in the Alberta Basin, while the modified d* provides a quantitative
measure of the relative brittleness of the formations assessed. However, it is necessary to
evaluate the relationship between its initial in-situ stress state and its Mogi-equivalent state limit
to determine whether a formation is likely to be in a brittle or ductile state at its initial in-situ
stress regime. Such an evaluation also can provide an indication of whether sections of geologic
faults contained within such formations are likely to be in a brittle or ductile state, since hosted
faults are likely to reflect the Mogi-equivalent state of the host formation (especially in the low-
porosity, low-clay content formations such as the deep carbonates of the Alberta Basin).
Therefore, an evaluation of the brittle/ductile state of a formation can help provide an indication
of the probability of the existence of brittle faults within rock sequences and consequently an

indication of potential seismic hazards.

A method was devised based on an approach analogous to the definition of the state
parameter of the critical state concept for rock [22], using the formation-specific Mogi-
equivalent line (in this case assumed to be analogous to the critical-state line) for each formation
to evaluate its last-known in-situ stress state relative to its Mogi-equivalent line. This concept is
used to derive two associated parameters, called the Brittle-Ductile State Parameter () and the
Brittle-Ductile Stress Index (Igp) as shown in Figure 19 and equations 16 to 19. These two
parameters can be used to assess whether a formation at its current in-situ stress state may be in
the brittle or ductile regime in relation to its Mogi-equivalent state limit and by extension
whether it is likely to host brittle (potentially seismogenic) or ductile (potentially aseismic)

faults.
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Figure 19. Concept and method used to derive the Brittle-Ductile State Parameter (y) and the Brittle-Ductile Stress Index (Isp).
DS = Deviator stress;, CS = Confining Stress; A and B are formations at initial confining and deviator stress states (CS’, DS").

In Figure 19, Formation A at an initial confining stress CS° and deviator stress DS’ is
in the ductile regime with respect to its Mogi-equivalent line. Since the Mogi-equivalent line
relationship (i.e., the ductility parameter d, which is the gradient of the Mogi-equivalent line in
Figure 19) is known, equation 14 above can be used to calculate the equivalent confining (CSma)
and deviator (DSma) stresses at the Mogi-equivalent line for the initial stress state (CS%, DS%A)

of Formation A in accordance with the following relationships:
DSma = (61 — 63)Ma = d * 63, (16)
CSma =o1mMa =014/ (d + 1), (17)

The calculated in-situ equivalent confining (CSma) and deviator (DSwma) stresses at the
Mogi-equivalent line for Formation A can then be used to calculate the Brittle-Ductile State
Parameter () and the Brittle-Ductile Stress Index (Igp) for Formation A according to the

relationships provided in equations 18 and 19:
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%= (01-03)°A— (01— 063)ma, (18)
Iep = (63°A/ G3M4), (19)

where y is the Brittle-Ductile State Parameter, which provides a measure of the distance
to the Mogi-equivalent line under conditions of constant confining stress, while Igp provides a

measure of the distance to the Mogi-equivalent line under conditions of constant deviator stress.

Similarly, the Brittle-Ductile State Parameter (%) and the Brittle-Ductile Stress Index
(Isp) can be calculated for Formation B’s initial stress state shown in Figure 19, using equations
16 to 19. A negative  value indicates that the formation is in the ductile regime (based on its
initial stress state), whereas a positive y value indicates that the formation is in the brittle regime
(based on its initial stress state). Values of Igp of less than one indicate that the initial stress state
of the formation is within the brittle range, while (Isp) values of greater than one indicate that the

initial stress state of the formation is within the ductile range.

3.2.4 Estimation of the In-Situ Stress State of Each Major Injection and Confining Formation
in the Alberta Basin

An extensive database of in-situ vertical and minimum horizontal stress measurements
exists for various formations of interest to the hydrocarbons, disposal, and cavern storage
industries in Alberta. Density logs are routinely collected to meet operational and regulatory
requirements in the hydrocarbon industry, and integration of these logs to the depth of interest
provides a reliable estimate of the vertical stress (gradient) at the target zone [175]. Mini-fracture
tests (also referred to as minifrac, diagnostic fracture injection tests or DFITs) required for
operational (e.g., fracture design [176]) and regulatory (e.g., AER’s Directive 40 [133])
requirements typically provide reliable estimates of the magnitude of the in-situ minimum
horizontal stress [177]. Formation pressure tests are routinely conducted to meet operational and
regulatory requirements and can provide reliable estimates of the formation pore pressure
(gradients) for most formations in the Alberta Basin [1]. Additional sources of minifrac, vertical

stress and pore pressure data include the published reports listed in the Data Availability section.

While comprehensive vertical, minimum horizontal stress and pore pressure data are
publicly available for many formations in the Alberta Basin, these data are widely distributed

across many different sources, such as regulatory, industry, academic and scientific publications.
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The vertical, minimum horizontal stress and pore pressure data contained in the publications
listed in the Data Availability section were consolidated into a single Excel database and then
used to compute the complete stress state of the individual formations using the methods
described below. In approximately 30% of the cases, UWIs were provided, but the corresponding
formations were not listed. In such cases, geological interpretation of the specific well logs was
required to identify each corresponding formation for the in-situ stress/pore pressure
measurements. Additionally, data vintages varied widely, with relatively recent data available for
formations of interest to the tight (e.g., the Montney and Duvernay) and thermal (e.g., Clearwater
caprock, McMurray reservoir) hydrocarbon industries, while data for other (e.g., deep carbonate)

formations were collected up to several decades ago.

Determination of the y and the Igp requires the full stress tensor (i.e., 61, 62 and 63). The
frictional limits theorem can be used to estimate the upper limit of the magnitude of the
maximum horizontal stress (i.e., o1) under (critically stressed) reverse and strike-slip faulting
conditions, which are responsible for the occurrence of felt-induced seismicity in the Alberta
Basin [113]. This theorem assumes that the maximum in-situ stress is horizontal and is limited
by the frictional strength of faults within the rock mass, as shown in equations 20 and 21 below

[178], [179]:
o1 max = f(1) * (03 = Pp) + Py, (20)
S = [(1+ p?)"2 + P, 21

where 1 is the coefficient of internal friction and P, is the formation pore pressure. The
coefficient of internal friction is the tangent of the angle of internal friction of the formation core
sample (i.e., tan (¢)) and is calculated from the formation core triaxial laboratory test database,
while formation pore pressure and minimum stress measurements (which can be either horizontal
or vertical) are available from the in-situ test database compiled above. Therefore, assuming that
geologic faults are present and in a critically stressed state, the complete in-situ stress state of
each formation can be estimated using equations 20 and 21, in conjunction with the measured in-
situ stress (i.e., vertical stress, minimum horizontal stress and pore pressure) and the triaxial test

database. Critically stressed faults appear to be prevalent across all continental regions [136], and
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direct/indirect triggering of such faults has been the main causal factor for fluid-injection-

induced seismicity in this basin [180].

Ranges of minimum horizontal stress and pore pressure (gradient) measurements were
available for individual formations, depending on the characteristics of the lithology, location,
measurement method and vintage of the data. The minimum and maximum stress and pore
pressure measurements for each formation were used to create a low and a high range of
minimum horizontal stress, vertical stress, and formation pore pressure for the corresponding
depth range of each formation. The combinations of low and high 63, 6y and P, values were then
used to calculate the corresponding maximum horizontal stress for each scenario, resulting in a
minimum and maximum value for each of 61, 62, 63 and Pj, at the corresponding formation depth.
Only reverse (ov = 03) and strike-slip (ov = 62) stress regimes have been considered in this
analysis since only these cases have been linked to the occurrence of felt-induced seismicity in

the Alberta Basin [113], [142], [181]-[183].

This approach resulted in four possible combinations of confining stress (CS = o3) and
deviator stress (DS = o1 — 63) that could be used to calculate the y and the Igp. These are (i) a
high CS-high DS (HCS-HDS), (ii) a high CS-low DS (HCS-LDS), (iii) a low CS-high DS (LCS-
HDS), and (iv) a low CS-low DS (LCS-LDS). The use of the LCS-HDS combination maximizes
the y and minimizes the Igp for each formation, and this combination was used as the default
(conservative case) analysis scenario. This scenario is also consistent with the observations of
previous work, which noted that low confining stress (and high deviator stress) in deep carbonate
formations is associated with an increased probability of induced seismicity occurrence in the

Alberta Basin [57].
33 Results

In the sub-sections below, the data analyzed is used to identify the geologic formations
most utilized for fluid injection in the Alberta Basin. The (calculated) modified Mogi-equivalent
ductility (d*) parameters are presented and used to evaluate the relative brittleness/ductility of
these formations and to identify the most brittle and most ductile injection and confining

formations in this basin. The calculated x and Igp parameters and the measured in-situ stress
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reported in the existing literature are used to evaluate the brittleness of the major injection

formations at the time of in-situ data collection.

3.3.1 Major Injection Formations in the Alberta Basin

Table 6 below presents the summary of major injection formations identified in the

Alberta Basin and the relative proportion of fluid volumes (measured at surface conditions)

injected into each type of formation.

Table 6. Geologic formations receiving the largest volumes of injected fluids in the Alberta Basin and the relative proportion of
fluid volumes (measured at surface conditions) injected over the period January 1960 to December 2021. Steam injected is

reported in cold-water equivalent volumes at surface conditions.

Geologic Formation Water Injected ! Ian;Z a! Steam Injected !
Paleogene sands (Swan Hills) 17.1% 14.0% 0%
Lower Cretaceous sandstones (McMurray, Clearwater,
Cardium, Viking, g\likanassiril) 30.6% 9-8% 07.9%
Jurassic sandstones (Sawtooth) 11.5% 15.1% 0%
Triassic carbonates (Charlie Lake, Halfway) 0.4% 1.0% 0%
Triassic siltstones (Montney, Doig) 0.3% 0.6% 0%
Permian sandstones (Belloy) 0.2% 0% 0%
Carboniferoqs .Carbonates (Banff, Debolt, Elkton, 0.7% 1.8% 0%
Livingston, Turner Valley)
Devonian carbonates (Arcs, Grosmont, Keg River,
Leduc, Muskeg, Nisku, Slave Point, Wabamun, 29.2% 43.3% 1.4%
Winterburn)
Devonian sandstones (Granite Wash, Gilwood) 4.1% 0.6% 0%
Cambrian sandstones (Basal Sandstone Unit) 0.3% 0% 0.8%
Total volumes injected in above-listed formations 23.8 km? 596.7 km? 3.41 km?
Total fluid volumes injected intg all formations in the 252 km? 692.2 km® 341 km?
Alberta Basin
! Totals may not add to 100% due to rounding. Fluid volumes are reported in cubic kilometers (i.e., km? = cubic

kilometers).
Table 6 shows that approximately 94% of the water, 88% of the gases and 100% of the

steam that have been injected into the Alberta Basin over the past six decades were injected into
27 major formations. Most of these fluids were injected into three Lower Cretaceous sandstones
and nine Devonian carbonate hydrocarbon reservoirs that have been extensively exploited,
resulting in significant historical formation pressure depletion [1]. These formations are located
at intermediate depths, generally sandwiched between extensive regional low permeability
(confining) formations, and possess the geologic characteristics required to isolate injected fluid
from both the ground surface and the Precambrian basement. These carbonate-rich formations,
along with their confining geologic units (generally low permeability shales or mudstones), form

the focus of the subsequent geomechanical data analyses conducted in this study.

66



Notably, Table 6 does not account for the geographic extent of the listed formations and
consequently for differences in the geographic distribution of the injection fluid volumes. For
instance, the Cretaceous, Devonian, and Triassic formations listed are geographically extensive,
present in most of the Alberta Basin, and the fluid volumes injected are correspondingly
geographically distributed [1]. Conversely, the (regional) Permian (e.g., Belloy) and
Carboniferous carbonate (e.g., Debolt) formations have a limited geographic distribution with
injection volumes concentrated in specific areas. Despite the apparent marginal contribution at a
basin-scale, at a regional-scale these formations support large volumes of industrial-scale fluid-

injection activities, especially over the last decade (Figure 20).
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Figure 20. Annual fluid volumes (measured at surface conditions) injected into three regional (i.e., limited geographic extent)
formations in the Alberta Basin.

Figure 20 shows that fluid injection into some of these regional disposal formations has
increased notably over the last decade, as the hydrocarbon industry in Alberta and the types of
subsurface activities conducted in its subsurface have evolved. Significant future increase in
fluid-injection volumes in these regional formations is expected over the next decade to support
energy transition and net-zero energy objectives [ 1], which has the potential to considerably alter

the stress and pore pressure states of these formations.
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3.3.2 Determination of the Mogi-Equivalent Brittle-Ductile State Limits and Relative
Brittleness of Major Injection and Confining Formations in the Alberta Basin
Table 7 presents the summary of the laboratory-measured geomechanical properties used

to calculate the empirical (d) and modified (d*) Mogi-equivalent ductility parameters.

Table 7. Summary of laboratory triaxial test data, empirical and modified Mogi-equivalent ductility parameter for major
injection and confining formations in the Alberta Basin.

. No.of % of Major Core TVD - pyp  Mean y can Mean Mean 61 o3*
Formation * g Core Litholo from ) YCS  non) MpaymPa) ¢ &
Tests gy (m) (MPa) ° ¢ M
LeaPark 24 | 6 Clayey shale 1,524 1,531 004 13 28 05 38 18 1.1 289
Cardium ¢ 4 21  Sandstonecarbonate 5o, 5 475 49 5 37 08 184 19 85 0.7
cement
Sescpoelligﬂte 11 194 Calcareoussiltstone 323 2,782 79 331 06 252 42 50 0.06
Fish Scales >* 1| 12 Silty shale 469 471 15 21 32 06 25 5 45 030
Dunvegan 3 1 16 Dolomitic siltstone 1,751 1,823 224 5 38 0.8 185 10 17.0 0.08
Viking 3* 3 28  Calcareous sandstone 507 2,182 39 19 37 0.8 133 23 48 0.12
Joli Fou®* 2 11 Silty shale 287 599 19 16 25 05 4 1 25 0.3
Falher G, H34 1 56 Silica cemented 950 3564 107 8 33 07 312 42 64 006
sandstone
cmijnl;ﬁr e 10 73 Silty shale 96 243 2 35 28 05 7 3 13 061
Lower =5, 154 Silyclaystone,some 43 ooy 50 33 3 06 20 7 19 009
Clearwater = siltstone
Spirit River 3* 1 18  Calcareous sandstone 2,875 2,892 93 9 33 06 234 27 7.7 0.08
Maﬁgﬁﬁre e 4 81  Calcareous sandstone 1,398 2,778 107 12 41 09 201 19 95 0.9
Ostracod >* 4 8 Calcareous sandstone 2,663 2,692 131 4 40 08 276 26 9.6 0.07
vﬁﬁi‘}iﬁ‘& 1 4 Silty clay shale 574 575 5 2 36 07 36 8 33 062
Deepzxﬂr“’h 1 20  Argillaceous siltstone 2,660 2,695 137 3 38 08 279 40 6.0 0.04
Wabiskaw >* 6 30 Silty mudstone 148 417 3 3640 09 11 4 1.6 064
McMurray >* 5 23 Weak sandstone 182 455 1 36 32 0.6 11 4 1.6 1.46
Nikanassin >* 4 24 Sandstone 2,280 3,385 90 4 50 1.2 497 30 15.6 0.17
Fernie >* 3 12 Calcareous shale 1,845 3,064 79 4 29 06 174 36 38 0.05
Nordegg™* 12 95 Argillaceous 1464 3,079 149 4 38 08 214 34 52 003
limestone
Charlie Lake e
234 5 52 Dolomitic siltstone 1,478 2,241 85 12 52 1.3 206 18 104 0.12
Doig ** 2 20 Dolomitic sandstone 2,406 2,990 59 4 53 1.3 224 18 11.2 0.19
Montney >34 23 373  Dolomitic siltstone, 823 3,264 155 4 44 1.0 318 22 135 0.09
Belloy ** 2 20 Dolomitic siltstone 2,476 2,672 164 9 44 10 316 42 65 0.04
Mt. Head 35 1 8 Argillaceous 2,393 2,405 108 6 40 1 417 37 103 0.10
limestone
Banff23s 2 14 dolomiticsilty g a4 03 5 300 1 158 15 99 008
mudstone
Exshaw?3 3 19  Siutsargillaceous oo s 49 179 3 48 1 313 23 124 007
dolomite
Wabamun !3° 2 24 Micritic limestone, 2,238 2,374 124 3 38 1 205 15 12.6 0.10
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Ireton 25 4 39 Calcareous shale 1,594 3,995 78 5 290 1 181 20 8.1 0.10
Leduc 133 2 20 Vuggy dolostone 1,618 1,851 103 6 48 1 214 17 114 0.11
Duvenay =, 5,  Calaarcous;silty 619 5017 100 g8 33 1 175 22 70 007
Innisfail > mudstone
Duvernay Calcareous silty
Kaybob 235 22 59 o stone 2274 4,070 71 8 40 1 164 14 109 0.15
Dgrggaggy- 15 122 Calcareous mudstone 2,796 3,524 44 5 41 1 138 10 128 0.9
MajeauLake = 5y Calcareousshale 3233 3439 76 7 36 1 187 40 3.7 0.0
Muskwa '3 5 32  Calcareous, silty shale 1,459 2,190 73 8 43 1 78 10 6.9 0.10
Waterways >° 3 13 Calcareous shale 498 767 69 4 49 1 80 5 150 0.22
Slave Point*° 7 60 Micritic limestone, 324 1,366 81 6 43 1 181 5 353 043
o1 Anhydrite,
Fort Vermillion 53 interbedded 402 778 112 3 47 1 18 10 176 0.16
calcareous shale
Anhydrite,
Watt Mt. 3 11 165 interbedded siltstone, 343 2,198 79 0 42 1 124 9 132 0.17
dolomite
Muskeg®S 3 17 D°1°m‘t§fl:f;:rbedded 739 1,523 78 4 44 1 8 5 159 020
KegRiver3s ¢ 49 Dolomite,interbedded o000 104 3 50 1 175 20 78 007
anhydrite
Comaczstap‘dS 5 54  Calcareous mudstone 1,012 1,814 76 7 51 1 123 15 72 0.9
LCOMLak‘ZS 2 16  Clastic limestone 1,383 1,796 156 341 1 322 15 205 0.13
imestone -
Cold Lake Argillaceous
Shale 25 3 36 elostone 956 1,830 85 4 40 1 132 16 7.1 0.08
Ernestina Lake Calcareous, silty
Anhydrite s 10 138 anhydrie 1,068 1,132 136 0 32 1 194 10 184 0.14
Emestina Lake g5 Calcareous, 963 1837 78 0 42 1 111 10 101 0.13
Limestone = argillaceous limestone
Basal RedBeds |5 Calaarcousssilistone,  jo0 6o9 99 6 40 1 86 5 162 0.8
, anhydrite stringers
Basal Fine grained
Sandstone Unit 5 51 & : 2,050 2,732 45 14 42 1 123 11 105 023
35 calcareous sandstone

* Only formations for which multi-stress triaxial testing data were available are listed. ! Poor confining stress resolution. 2
Confining formation. * Injection formation.  Mesozoic-era formation. 3 Paleozoic-era formation. “TVD from” and “TVD
to” indicate sampling location depth intervals. TVD: total vertical depth from ground surface. n: porosity

The empirical Mogi-equivalent ductility parameter (d) for formations in the Alberta
Basin (Table 7) indicates that most of the 51 formations evaluated are relatively ductile, which
(in combination with extensive basin-wide pressure depletion [1]) may help to explain the
relative success of sustained historical high-volume fluid injection in this basin to date [184].
Approximately 72% of the empirical ductility values in Table 7 are significantly higher than the
typical ranges reported for similar types of rocks in the existing literature (e.g., Walton, 2021).

Walton (2021) noted that silicate rocks tend to have d values in the range of 0.9 — 4.1, while the
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d values of carbonate-based rocks range from 3.5 to 10.7 (in the case of marble). The higher d
values of rocks in the Alberta Basin are likely a function of the high carbonate content, porosity
and heterogeneity of its lithological sequences compared to those reported in the literature. For
instance, the limestone/dolomite content of the Alberta Basin sandstone core samples presented
in Table 7 ranged from 5% to more than 30%, whereas the Berea sandstone samples referenced
in the published literature [21] only contained up to 2% dolomite [185] (i.e., far less than that of
the Alberta Basin sandstones). Additionally, carbonate presence was pervasive in all core sample
results examined, with limestone/dolomite content ranging from 5% to above 80%. Secondary
porosity is also likely a significant contributing factor to the higher d values in the Alberta Basin
since the degree of faulting and fracturing is directly correlated to the ductility of (dolomitic)
rocks under conditions of high confining pressure [186]. The injection formations listed above
are all depleted hydrocarbon reservoirs, which have elevated secondary porosity and pervasive
dolomitic mineral content (in the core samples tested, as shown in Table 7). Geological
heterogeneity in the Alberta Basin is also high, with most of the core samples contained in Table
7 consisting of layered, interbedded lithological sequences and mixed clastic rock types, which is
unique compared to the (relatively homogeneous) samples tested, and results reported in the

existing literature in this field.

Analysis of the d* values in Table 7 shows that the Upper Clearwater, Lea Park and
shallow Wilrich shales appear to be the most ductile, whereas the lower Clearwater and the Joli
Fou appear to be the most brittle of the confining sequences in the Mesozoic era. Examination of
the d* values for Mesozoic-era formations also suggests that the Nordegg, Belloy, Deep Wilrich
and Falher appear to be the most brittle injection formations in this era, while the most ductile
injection formations of this era appear to be the Wabiskaw/McMurray, Doig, Cardium and
Nikanassin. Examination of the d* values of formations in the Paleozoic era indicates that the
Majeau Lake, Exshaw, Duvernay Innisfail and Keg River appear to be the most brittle injection
formations, whereas the Slave Point, Duvernay Willesden Green, Basal Sandstone Unit, and

Basal Red Beds appear to be the most ductile formations of this era.

An analysis of the current ¥ and Igp (using the current site-specific in-situ stress
conditions relative to the respective Mogi-equivalent line) is required to assess the probability

that such formations within the area of interest of a fluid-injection project could be brittle/ductile
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under the current in-situ stress conditions. Such an analysis would involve collecting current in-
situ stress and pore pressure data from lithological sequences at sites of interest and then
calculating the y and the Igp to assess the site-specific brittle-ductile state of the stratigraphic
sequences at each site. The historical stress and pore pressure data available for formations in the
Alberta Basin is used in the section below to calculate the last-known brittle-ductile state of each

formation to demonstrate the utility of the conceptual framework developed in this study.

3.3.3 Determination of the Brittle-Ductile State Parameter and Brittle-Ductile Stress Index for
Major Injection Formation and Confining Sequences in the Alberta Basin

Table 8 shows the calculated historical y and Isp for major injection and confining
formations in the Alberta Basin. Since the y and Igp provided below are based on the formation
stress-state at the time of the in-situ stress and pore pressure data collection (using the LCS-HDS
scenario), the formation regime provided in Table 8 is only applicable for the geographic
location and period in which the minifrac data were collected. Regional changes in the net fluid
balance have been occurring in specific formations and regions in this basin over the last decade,
and such activity can alter formation stresses. Therefore, current site-specific in-situ stress data
are required to assess the current brittle-ductile state of stratigraphic sequences, and site-specific
multi-stress triaxial core analyses are required to account for site-specific geological
heterogeneities that may exist within the project area of interest. Additionally, this list does not
include formations for which insufficient in-situ stress and pore pressure data were available at

the time of this analysis.

Table 8. Assessment of the y (Brittle-Ductile State) and Isp (Brittle-Ductile Stress Index) of major formations in the Alberta Basin
(at the time of in-situ stress and pore pressure data measurements under the LCS-HDS scenario).

MaxIn- MinIn- %"  MaxIn- DSon  CSon .
Formation ! TVD d Situ 61 Situ o3 Minifrac Situ DS Mogi Line Mogi Line . X Isp Formation
(m) . Data & v (MPa) Regime 3
(MPa) (MPa) Collected (MPa) (MPa) (MPa)
Lea Park 325 1.1 15.6 6.8 2011 9 7 7 1 0.9 Brittle
Cardium 2742 8.5 147 .4 34.3 2012 113 291 16 -178 2.2 Ductile
Second White Specks 3300 5.0 123.3 54.5 2011 69 272 21 -203 2.7 Ductile
Fish Scales 1644 4.5 82.3 26.9 2011 55 121 15 -66 1.8 Ductile
Dunvegan 1974 17.0 85.6 27.9 20162 58 474 5 416 5.9 Ductile
Viking 2875 4.8 153.5 39.1 2019 114 188 26 =73 1.5 Ductile
Joli Fou 750 2.5 29.7 13.5 2019 16 34 8 -18 1.6 Ductile
Falher G, H 2147 64 65.5 30.9 20162 35 198 9 -163 3.5 Ductile
Upper Clearwater 304 1.3 154 4.6 2019 11 6 7 5 0.7 Brittle
Spirit River 2892 7.7 110.0 344 2019 76 265 13 -189 2.7 Ductile
Lower Mannville 2510 9.5 124.1 29.9 2019 94 284 12 -189 2.5 Ductile
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Ostracod, Ellerslic 3005 9.6 131.5 463 2016> 85 444 12 359 3.7 Ductile
Shallow Wilrich Shale 575 3.3 338 8.3 2019 25 27 8 -2 1.1 __ Ductile
Deep Basin Wilrich 2695 6.0 168.7 388  2016> 130 231 24 -101 1.6 Ductile
Wabiskaw 194 16 177 23 2019 15 4 7 12 03 Brittle
McMurray 291 16 160 34 2019 13 6 6 7 0.6 Britle
Nikanassin 3211 156 1439 438 20162 100 682 9 —582 5.0 _ Ductile
Fernie 2429 38 849 389 20162 46 148 18 —102 22  Ductile
Nordegg 3093 5.2 1253 473 20162 78 246 20 -168 23 Ductile
Charlie Lake 1487 104 1113 29.0 20052 82 301 10 219 3.0 Ductile
Doig 2358 112 3824 375 20042 345 421 31 ~76 12 Ductile
Moniney 2987 135 1137 412 2018 73 556 8 —484 53 Ductile
Belloy 1940 65 1942 305 20042 164 198 26 —34 12 Ductile
Mount Head 2393 103 189.7 433 20042 146 445 17 298 2.6 _ Ductile
Banff 1550 9.9 747 295 20162 45 291 7 —245 43 Ductile
_ Exshaw 3066 124 2301 583 20042 172 720 17 —548 34  Ductile
Limestone/Shale
Wabamun 3822 12.6  178.8 520 20052 127 655 13 528 4.0  Ductile
Ireton 2542 8.1 816 397 20162 42 321 9 —279 44 Ductile
Leduc 2677 114 1613 37.0 2000 124 420 13 296 2.8  Ductile
Duvernay Innisfail 1964 7.0 85.6 279 2019 58 194 11 —136 2.6 Ductile
Duvernay Kaybob 3442 109 1425 505 2019 92 549 12 457 42  Ductile
Duvemge\xues‘ien 3800 128 1031 646 2019 38 827 7 ~788 8.6  Ductile
Majcau Lake 3916 3.7 1040 574 2002 47 211 22 -164 2.6 Ductile
Muskwa 1565 69  97.8 208 20162 77 144 12 —67 1.7 Ductile
Waterways 2197 150 161.1  38.0 20162 123 570 10 447 3.8  Ductile
Slave Point 1500 353 595 183 20142 41 646 2 —604 112 Ductile
Watt Mountain 2198 132 1393 33.5 1982 106 441 10 335 34  Ductile
Muskeg 1905 159 1288  29.0 2013 100 462 8 —362 3.8 Ductile
o Keg 1531 7.8 564 246 20162 32 192 6 ~161 3.8  Ductile
River/Winnepegosis
Basal Red Beds 1194 162 824 187 2009 64 304 5 —240 39  Ductile
Basal Sandstone Unit 2669 10.5 188.2 45.2 2009 143 475 16 —332 2.8 Ductile

! Only formations with available in-situ stress data are listed. 2 Indicates year stress data was published; actual date of stress
data collection was sometime between late 1970 and 2015. 3 At time/location of the in-situ stress data collection. * Lowest
measured confining stress for formation.

Table 8 indicates that only 4 (Lea Park, Upper Clearwater, Wabiskaw and McMurray) of

the 41 major injection and confining formations assessed in the Alberta Basin appeared to be in

the brittle regime, while all others were in a ductile regime (under an LCS-HDS scenario) at the

time of in-situ stress data collection. This is somewhat expected, since brittleness has been

previously reported in the Clearwater shales [187] and shaly sections of the Wabiskaw

Formation [188], whereas brittle behavior is typical of the locked sands of the McMurray

Formation [189], [190]. However, this analysis also suggests that some major injection/confining

formations, such as the Belloy, Doig, Muskwa, Majeau Lake, Duvernay Innisfail, Shallow and

Deep Wilrich, Joli Fou and Fish Scales, could be close to a brittle state (at the time of the in-situ

stress and pore pressure measurements). Additionally, this analysis indicates that the Duvernay
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Willesden Green could be considerably more ductile than the Duvernay Kaybob and Innisfail,
which offers additional insights into the relative seismic quiescence [191] of the former and the
seismogenicity [62] of the latter formation sequences when subjected to high-volume fluid

injection.

A comparative (graphical) assessment of the information contained in Table 8 (shown in
Figure 21) can be a useful tool for regional screening of the relative potential for seismogenicity
in a stratigraphic sequence of interest. For instance, this assessment using vintage data indicates
that high-volume fluid injection in the Slave Point formation may be less likely to trigger
seismogenic fault slip than similar activities in the Belloy formation (at the time of the in-situ
stress and pore pressure data collection). While current in-situ stress and pore pressure data
would be required for assessment of the current brittle-ductile state of formations in a
stratigraphic sequence of interest, such data are routinely collected during the project site

screening/selection stage for most large-scale fluid-injection projects.
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Figure 21. Comparative analysis of the y and Isp of major formations in the Alberta Basin (at the time of in-situ stress and pore
pressure data measurements and under the LCS-HDS scenario).

Table 8 also shows that the vintage of the in-situ stress measurements used in this
assessment varies significantly, ranging from data collected in the late 1970s up to 2019. Most of
the earlier data were collected for basin-wide stress and acid gas storage studies, whereas most of
the recent in-situ stress and pore pressure data available was obtained from low permeability
formations (collected for hydraulic fracturing design or thermal caprock characterization
purposes). Over this period, extensive fluid extraction and injection activities occurred in this
basin, with large-scale fluid extraction resulting in regional formation depletion in most areas
and, in some areas, large-scale injection resulting in local formation pore pressure increase [1].
Large-scale fluid injection can lead to formation pore pressure and temperature changes, cause

formation deformation, and substantially alter total formation stresses in every direction [192].

Therefore, an assessment of the current brittle-ductile state of a formation using our

method described above requires an assessment of the current in-situ stress state of the
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formations of interest. Consequently, while the assessments in Table 8 provide the brittle-ductile
state of the formations at the time of (in-situ stress) data collection, continuous and evolving
injection and production activity occurring within this basin are likely to have altered the stress
state in these formations. However, current site-specific (in-situ stress, pore pressure, geological
and geomechanical) data collection is typically required to support the project design, risk
assessment and regulatory application process for fluid-injection projects. The use of this
method, in conjunction with such site-specific and recent data, can provide an assessment of the
current brittle-ductile state of the formations of interest and the potential for seismic/aseismic

slip in hosted faults.
34 Discussion

Aseismic creep has been postulated to be the main process driving natural earthquake
swarms in shallow strike-slip faults globally, with interconnected vertically stacked creep and
dynamic rupture (brittle failure) processes responsible for seismogenicity in some major faults
such as the San Andreas [193]. Most of the world’s seismicity in sedimentary cover occurs in
carbonate sequences, driven by fault creep and rupture, which transitions from slow, stable
(ductile) slip to rapid unstable (stick; brittle) slip at confining stresses above in-situ conditions
typically present at depths of 3-5 km (i.e., temperatures above 65 ‘C and confining stresses above
60 MPa) [194]. This range of in-situ conditions is analogous to those that exist in deep
carbonate-rich injection/confining formations of interest in the Alberta Basin (Table 8), in which

this proposed method is anticipated to be applicable.

Shallow strike-slip faults are prevalent in the Alberta Basin, and swarm-type seismicity is
characteristic of some of the major Alberta events triggered by fluid injection [195]. Aseismic
creep in ductile formations triggering brittle faults within carbonate sequences has been
postulated to be the main driver of fluid-injection-induced seismicity in this and other basins
[164]. Current models for assessing and managing induced seismic risk may be inadequate in
such cases since large events have been observed to occur outside the pressure influence zone
and on faults considered not optimally oriented for slip (as in the case of the January 12, 2016,
My, 4.1 Fox Creek earthquake [141]). The faults on which seismicity occurred in the Fox Creek
case extended across most of the stratigraphic sequences, whereas the larger seismogenic events

all occurred in the overlying (carbonate) Leduc Formation, while fault slip within the Kaybob
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Duvernay (shale injection) Formation was largely aseismic [196]. Aseismic slip has also been
noted as a viable mechanism to explain the occurrence of recent far-field fluid-injection-induced
seismic events in both Alberta and British Columbia, with aseismic slip occurring within the
Montney and concurrent seismogenic slip in the underlying (carbonate) Belloy/Debolt

formations [197], [198].

This analysis shows that (for an LCS-HDS stress scenario) the overlying Leduc
(carbonate) Formation is less ductile (y = —296 MPa, Igp = 2.8) than the underlying Kaybob
Duvernay (shale) Formation (y = —457 MPa, Isp = 4.2), and consequently more likely to host
seismogenic fault slip (Table 8) within this stratigraphic sequence. In the case of seismic events
triggered by hydraulic fracturing in Alberta and British Columbia, virtually all large induced
seismic events triggered by injection into the (deep) Montney Formation (y = —484 MPa, Igp =
5.3) were located in the underlying Belloy (y = —34 MPa, Igp = 1.2) and Debolt (no data
available) formations. Meanwhile, virtually all large induced seismic events triggered by
stimulation activity in the Kaybob Duvernay (y = —457 MPa, Igp = 4.2) were located in the
overlying Leduc Formation (y = —296 MPa, Igp = 2.8) [72]. Conversely, large-scale fluid
injection occurring in the shallow Montney (i.e., outside of the zone of influence of the
Belloy/Debolt) was observed to trigger (aseismic) slip equivalent to a Magnitude 5.0 earthquake,
which resulted in measurable surface displacement but no detectable seismicity [198]. This
analysis indicates that such a response could be expected since both the Montney and Kaybob
Duvernay are more ductile than the Belloy and Wabamun (under an LCS-HDS scenario; no data
were available for the Debolt Formation; Table 8). Table 9 shows that the major fluid-injection-
induced seismic events that have occurred to date in Alberta and British Columbia have occurred
in the least ductile (underlying/overlying) formation(s) in the stratigraphic sequence adjacent to

the fluid injection zone.

Table 9. Summary of recent significant induced earthquake sequences in Alberta and British Columbia.

Location (Year) Largest Trigger Activity Injection Injection Earthquake Earthquake

Magnitude ! Zone Zone d* Zone Zone d*
Musreau Lake (2018— Nisku ND
2020) 3.9 WD [199] Ireton 0.10 Precambrian ND2
Peace River (2018— Leduc 0.11
2020) 3.2 WD [142] Leduc 0.11 Precambrian ND?2
Duvernay
Red Deer (2019) 42 HF [142] Willesden 0.29 Leduc 0.11
Green
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Kaybob

Fox Creek (2016) 4.8 HF [142] D 0.15 Leduc 0.11

uvernay
Kaybob Wabamun 0.10
Fox Creek (2016) 4.1 HF [164] Duvernay 0.15 Winterburn ND
Wabamun 0.10
Cardston (2011-2012) 3.0 HF [200] Exshaw 0.07 Precambrian ND2
Cordel Field (1994— Turner Turner Valley ND
2008) 4.0 WD [110] Valley ND Precambrian ND?
Belloy 0.04

3

Montney (2018) 4.45 HF [198],[201] Montney 0.09 Debolt ND
Montney (2015)3 4.55 HF [198] Montney 0.09 Belloy 0.04
Montney (2015)3 3.55 HF [198] Montney 0.09 Belloy 0.04
Montney (2014)3 3.9 HF [145] Montney 0.09 Belloy 0.04
Montney (2013)3 4.21 HF [198] Montney 0.09 Belloy 0.04

! HF: Hydraulic fracturing. WD: Wastewater disposal. 2 The igneous Precambrian basement is likely the most
brittle formation in the stratigraphic sequence in the Alberta Basin. 3 Events located in British Columbia. ND:
No data available.

Therefore, aseismic slip increasing the stress in and triggering brittle failure in faults
hosted in more brittle formations adjacent to the injection zone may be a likely contributing
mechanism in the cases outlined above. This analysis provides a method to identify the relative
brittleness of injection and confining formations and to assess the potential for brittle failure to
occur by computing and comparing the y and Igp in each formation in the stratigraphic sequence
of interest. While this method requires current site-specific in-situ stress and pore pressure data
for each major stratigraphic sequence in the zone of influence of injection projects, such
measurements are routinely collected as a part of injection project design regulatory
requirements in Alberta. Table 10 shows the four major formations closest and furthest from the
brittle state at the time of the in-situ stress and pore pressure measurements, which may help
guide data collection and hazard assessments for fluid-injection projects proposed in these

formations.

Table 10. Alberta Basin injection and confining formations closest and furthest from the brittle state in-situ (based on available
historical in-situ stress state and pore pressure measurements).

Injection Injection Formations Confining Confining Formations

Geologic Era Formations Closest Furthest from Brittle Formations Closest Furthest from Brittle
to Brittle State ! State ! to Brittle State ! State !

Wabiskaw- Nikanassin, Dunvegan, Clearwater, Lea  Montney, Charlie Lake,

Mesozoic McMurray, Belloy, Ostracod-Ellerslie, Park, Wilrich, Joli ~ Second White Specks,
Viking, Doig Mannville Fou Fernie

Muskwa, Keg River,
Paleozoic Majeau Lake, Basal Ireton, Duvernay
Red Beds Innisfail

!'Some formations can be both injection and confining since high-volume fluid injection occurs in some confining (shale)
formations for the purposes of tight hydrocarbon exploitation.

Slave Point, Wabamun, Banff, Exshaw,

Muskeg, Watt Mountain

Waterways, Duvernay
Willesden Green
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In the absence of current in-situ stress and pore pressure data, the relative brittleness (d*)
of the formation sequences in the fluid-injection project area of interest could provide a
screening-level indicator of the formations that are likely to be the most brittle in a stratigraphic
sequence of interest. Table 11 provides the four most brittle and the four most ductile of the 51
(injection and confining) formations assessed in the Alberta Basin (based on d*; i.e., rock

strength and material properties).

Table 11. Four most brittle and most ductile major injection and confining formations in the Alberta Basin, based on rock
mechanical properties.

Geologic Mos.t Bl..lttle Most Ductile Injection Most Brittle Confining Most Ductile Confining
Injection . 1 . 1 . 1
Era . Formations Formations Formations
Formations
Nordegg, Belloy, Wabiskaw/McMurray, Deep Wilrich, Fernie, Lea Park, Shallow
Mesozoic Deep Wilrich, Falher ~ Doig, Cardium, Second White Specks, Wilrich, Upper
G, H Nikanassin Montney Clearwater, Fish Scales
Majeau Lake, Slave Point, Duvernay Duvernay Innisfail, Banff, Duvernay Willesden

Willesden Green, Basal
Sandstone Unit, Basal
Red Beds
!'Some formations can be both injection and confining since high-volume fluid injection occurs in some confining (shale)

formations for the purposes of tight hydrocarbon exploitation.

Cold Lake Shale, Contact ~ Green, Waterways,
Rapids Muskeg, Watt Mt.

Paleozoic Exshaw, Duvernay
Innisfail, Keg River

Triaxial core testing is considered a reasonable method of replicating stresses at reservoir
conditions [202] but core samples recovered can be biased towards stronger and more competent
zones within a stratigraphic sequence. Such more competent units are also more likely to be
major stress-bearing members [203], display higher deviator stresses (i.e., high o1 and low 63),
dominate the failure behavior of the rock unit and hosted faults and have been associated with an
increased probability of fluid-injection-induced seismicity in the Alberta Basin [57]. However,
while these analyses provide a regional-scale perspective of the brittle-ductile state of the
stronger (more competent) formations within this basin, site-specific analyses of the stratigraphic
sequences present would be required to account for project-scale geological heterogeneities.
Additionally, the possibility exists that fault zones within dolomite layers may be even more
brittle than the surrounding host rock since embrittlement and localization of brittle deformation
of the fault core and the shear zone was previously noted [166], and further research in this area

may be warranted.

Assessment of the potential for fluid-injection projects to trigger seismicity has relied on

the identification and avoidance of faults within the zone of influence [1]. However, assessment
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of the probability of aseismic slip within (more ductile) injection formations loading fault
sections and triggering seismogenic slip in far-field, more brittle formations may be an important
complement to the hazard assessment process for fluid-injection projects. This complementary
assessment may be especially important in the Alberta Basin since the types (strike-slip and
reverse) of faults prevalent in this basin can be challenging to detect during the site selection

process.
3.5 Conclusions

This research provides an assessment of the relative brittleness/ductility of 51 of the
major injection and confining formations in the Alberta Basin, as well as a method to assess the
likelihood of a formation being in the brittle or ductile regime, using the current state of in-situ

stress and pore pressure.

This analysis indicates that approximately 72% of the formations had ductility
significantly higher than typical ranges reported for similar-type rocks in the existing literature.
The high ductility of the formations assessed, in conjunction with extensive historical pressure
depletion, could be a contributing factor in the success of sustained historical high-volume fluid
injection in this basin. However, some of the most brittle formations in the stratigraphic
sequences assessed include extensively used injection formations such as the Belloy, Deep
Wilrich, Falher, Majeau Lake, Exshaw, Duvernay Innisfail and Keg River, and notable confining
formations such as the Lower Clearwater and the Joli Fou shales. Increasing utilization of some
of these injection formations (such as the Belloy and Doig) may require closer examination of

their current/future brittle-ductile state to mitigate the potential for future seismogenesis.

This analysis shows that the Lea Park, Clearwater, Wabiskaw and McMurray formations
were in a brittle state, and the Belloy, Doig, Muskwa, Majeau Lake, Duvernay Innisfail, Shallow
and Deep Wilrich, Joli Fou and Fish Scales formations were close to the brittle state at the time
the in-situ stress data were collected. Almost all induced seismic events triggered by large-scale
fluid injection into the (ductile state) Montney formation in British Columbia occurred in the

underlying (close to brittle state) Belloy and Debolt formations.

The data and method presented could be used to assess the potential for (sub)vertical fault

sections to be aseismic/seismogenic by evaluating the relative brittleness/ductility and the in-situ
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brittle/ductile state of host formations in the stratigraphic sequence of interest. Such information
may be valuable during site selection for large-scale fluid-injection projects by providing insight
into the far-field seismogenic potential of unknown/undetected fault sections. Increasingly, it is
recognized that near-field aseismic fault slip triggering far-field seismic fault slip is an important
driving process for injection-induced seismicity both in the Alberta Basin (e.g., [164]) and

globally (e.g., [204], [205]).
3.6 Data Availability

In-situ stress measurements are available from: (i) The Alberta Government’s OpenData

link, located at https://open.alberta.ca/opendata/gda-dig_2016_0040. (ii) Chapter 29 of the Atlas

of the Western Canadian Sedimentary Basin, located at https://ags.aer.ca/atlas-the-western-

canada-sedimentary-basin/chapter-29-situ-stress. (111) AER/AGS Report 97
https://static.ags.aer.ca/files/document/REP/REP_97.pdf. (iv) AER/AGS Special Reports 090,
091, 092, 093, 094 & 095, all located at https://ags.aer.ca/products/all-publications. (v) AGS
Digital Data 2018-0013, located at https://ags.aer.ca/publication/dig-2018-0013. (vi) Published

reports and articles including [183], [206]-[225]. Core-sample triaxial testing lab reports are
available on request from the AER’s data request catalog, located at

https://static.aer.ca/prd/documents/sts/GOS-REPS .xIsb. Fluid-volume injection data is available

from the geoSCOUT™ database located at www.geologic.com. All geoSCOUT™ data is ©
2022. All hyperlinks were last accessed 4 July 2022.
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4.0 Estimating Sustainable Long Term Fluid Disposal Rates in the Alberta
Basin®

Abstract

Reliable regional-scale permeability data and minimum sustained injectivity rate
estimates are key parameters required to mitigate economic risk in the site selection, design, and
development of commercial-scale carbon sequestration projects, but are seldom available.
Publicly available disposal well data from over 4,000 disposal wells is used to assess and history-
match regional permeability estimates and provide the frequency distribution for disposal well
injection rates in each of 66 disposal formations in the Alberta Basin. Core data and laboratory
analyses from over 3,000 cores are used to construct geological, geomechanical and
petrophysical models for 22 of these disposal formations. These models and the history-matched
regional permeability estimates are then used to conduct coupled geomechanics and reservoir
simulation modeling (using the ResFrac™ numerical simulator) to assess (i) well performance in
each formation when injecting carbon dioxide for a 20-year period, (ii) carbon dioxide saturation
and reservoir response at the end of the 20-year injection period, and (iii) reliability of the
simulated rates compared to an actual commercial sequestration project. This analysis shows that
(1) the injection rate from these simulations closely match actual performance of the commercial
case, (i1) only 7 of the 22 disposal formations analyzed appear capable of supporting carbon
dioxide injectors operating at greater than 200,000 tons per year/well, (iii) three of these
formations can support injectors operating at rates comparable to the successful commercial-
scale case, and (iv) carbon dioxide presence and a formation pressure increase of at least 25%
above pre-injection pressure can be expected at the boundaries of the (12 km x 12 km) model

domain at the end of 20 years of injection.

3 This chapter was published in the Special Issue “State of the Art Geo-Energy Technology in North America” of
Energies: Samaroo, M.; Chalaturnyk, R.; Dusseault, M. Estimating Sustainable Long-Term Fluid Disposal Rates in
the Alberta Basin. Energies 2022, 16, 2532. https://doi.org/10.3390/en16062532 on March 7, 2023.
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4.1 Introduction

Evolution of energy supply policies globally has the potential to fundamentally change
subsurface formation pore space utilization in hydrocarbon producing basins across the globe. In
the Alberta Basin, large-scale hydrocarbon fluid extraction over the last 60 years has resulted in
extensive pressure depletion in most of the higher permeability (i.e., “conventional”) oil and gas
formations [1]. However, emerging energy policies such as net-zero emissions goals can
progressively increase subsurface fluid pressures in such formations, by gradually decreasing
(future) fluid extraction rates while increasing (future) fluid injection rates. Additionally,
reconciliation of (i) the anticipated volume of fluids to be injected into the subsurface with
sustainable subsurface formation capacity, and (ii) injection rates required to support industrial
needs with sustainable injection rates supported by the targeted formations is required to support
optimal utilization of the existing basin subsurface pore space capacity and minimize risks to
project proponents and clients as well as surface (e.g., induced seismicity) and subsurface users
[1]. Extensive work has been conducted on developing methods to assess theoretical subsurface
capacity for injected fluids such as carbon dioxide at various scales, based mainly on sparse data,
probabilistic matrix porosity and permeability estimates (e.g., [116], [226]-[229]). Recent
methods have emerged that enable refinement of capacity estimates to account for additional

subsurface risk factors, such as subsurface pressure sensitivities (e.g., [1], [230]).

The sustainability of predicted long-term injection rates and the anticipated effect on the
injection formations is also a key requirement for the development of long-range plans for future
net-zero projects. Reasonable certainty is required that predicted injection rates are realistic, can
be sustained for decades and the effects on the receiving formations are negligible or at least
predictable. Estimation of such rates is fundamental for engineering and economic purposes,
such as determination of number of injectors, pipelines and compression infrastructure
requirements, and consequently commercial service rates for future common-use CO;
sequestration facilities (i.e., hubs). However, so far there has been limited focus on developing
methods to estimate sustainable formation-scale long-term injection rates [18], despite the
importance of this parameter to the successful long-term operation of high-volume fluid-
injection projects. Additionally, greater rigor may be required in evaluating sustainable injection

rates, since long-term formation (e.g., thermal) impacts may be more important than short-term
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(e.g., pressure) impacts in such projects. For instance, initial results using fully coupled models
have suggested that thermal effects can be more important than fluid pressure effects over the
long-term in COz injection, and significant errors could be expected when isothermal models are
used [18]. Injection of increasingly larger volumes of non-traditional fluids such as CO; is
anticipated to occur in the Alberta and other sedimentary basins globally as net-zero emissions

energy policies are implemented over the next decade.

This study aims to estimate most likely long-term fluid injection rates for key disposal
formations in the Alberta Basin under current regulatory constraints (maximum injection
pressure up to 90% of the minimum horizontal stress - Gimin), using actual laboratory (formation
core-sample porosity, fluid saturation, uniaxial and triaxial test data), actual field data (formation
thickness, pore pressure, minimum and vertical in-situ stress, formation temperature) and a fully
coupled compositional three-dimensional integrated hydraulic fracturing and reservoir simulator.
A 3D compositional physics-based simulator (ResFrac™) which allows for fully coupled field-
scale simulation of the geomechanical effects of sustained fluid injection on a target formation
over the entire lifecycle of an injection well is used to simulate long-term CO; injection in each
formation of interest [231], [232]. While the objective of this work is primarily to help
benchmark realistic (sustainable) long-term Alberta Basin formation injection rates, the approach
presented can also contribute to the development of a consistent approach (i.e., a standard
protocol or workflow) for such assessments. Such a workflow has been identified as an
important tool that can help to mitigate both economic and subsurface risks in the underground
storage industry [16], [233]. This analysis suggests that, in a geoscience data-rich environment
such as the Alberta Basin, the use of such a model and approach can provide reliable indicators

of the long-term injection performance of injector wells and formation geomechanical response.
4.2  Materials and Methods

Alberta has one of the most extensive collections of publicly available geoscience and
operational data, originating from its long history of hydrocarbon exploitation and open data
policies. This includes operational data such as fluid production and injection volumes,
formation pressures and well logs, as well as petrophysical, geological, geomechanical, chemical
and other types of laboratory analyses conducted on formation cores collected from subsurface

projects developed over the last 60 years across the province. Operational data (including
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monthly fluid-injection volumes and pump run times for each injection well) are available in the
geoSCOUT™ database (available from geoLOGIC Systems

https://www.geologic.com/geoscout/ last accessed 09 January 2023). Data from laboratory tests

conducted on almost all core samples collected in the Alberta Basin are available on request

from the Alberta Energy Regulator (https://static.aer.ca/prd/documents/sts/GOS-REPS .xIsb (last

accessed 09 January 2023).

4.2.1 Identification of Key Injection Formations in the Alberta Basin

In Chapter 3, operational data was used to identify the geologic formations that had
received the largest proportions of injected fluid in the Alberta Basin over the period January
1962 to December 2021 [234]. This information shows that approximately 87% of the water
injected into the Alberta Basin over this period was injected into only 12 geologic formations,
comprising the Paleogene sands, the Lower Cretaceous sandstones, the Jurassic sandstones, the
Devonian carbonates, and the Devonian sandstones (Table 12). Water volumes injected into
these formations include reinjection of produced water into active production reservoirs (e.g., as
part of pressure maintenance and enhanced oil operations) as well as water injected into

formations without associated hydrocarbon recovery (i.e., water disposal).

Table 12. Key recipient formations for all types of fluid injection in the Alberta Basin over the period January 1962 to December
2021. After Samaroo et al., 2022, and used with permission. Detailed production/injection and net fluid balance data for these
formations are contained in Samaroo et al, 2022.

Lithotype and Geologic Formation Ir:?/eittzl;il Inj(e;catse d! Insjt:;rer:il
Paleogene sands (Swan Hills) 17.1% 14.0% 0%
Lower Cretaceous sandstones (McMurrgy, Clearwater, Cardium, Viking, 30.6% 9.8% 97.9%
Nikanassin)
Jurassic sandstones (Sawtooth) 11.5% 15.1% 0%
Triassic carbonates (Charlie Lake, Halfway) 0.4% 1.0% 0%
Triassic siltstones (Montney, Doig) 0.3% 0.6% 0%
Permian sandstones (Belloy) 0.2% 0% 0%
Carboniferous carbonates (Banff, Debolt, Elkton, Livingston, Turner 0.7% 1.8% 0%
Valley)
Devonian carbonates (Arcs, Grosmont, Keg River, Leduc, Muskeg, Nisku,
Slafve Point, Wabamun,gWinterburn) ¢ 29.2% 43.3% 1.4%
Devonian sandstones (Granite Wash, Gilwood) 4.1% 0.6% 0%
Cambrian sandstones (Basal Sandstone Unit) 0.3% 0% 0.8%
Total volumes injected in above-listed formations 23.8km*  596.7 km®  3.41 km?

Total fluid volumes injected into all formations in the Alberta Basin 25.2km*  692.2 km®  3.41 km?
! Totals may not add to 100% due to rounding. Fluid volumes are reported in cubic kilometers (i.e., km® = cubic
kilometer = 10° m?), measured at surface conditions. Steam volume reported in cold-water equivalent volume.

While the 12 key injection formations identified above have historically been the

recipients of the highest total injection volumes, significant changes in fluid injection types and
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patterns are anticipated to occur over the next decade [1]. These changes are likely to result in a
substantial increase in future fluid-injection volumes, distributed over formations that were not
previously considered major injection targets and without concurrent associated fluid
(hydrocarbon) recovery (i.e., an increase in fluid disposal). Therefore, all formations listed in
Table 12 above could be considered future injection targets and consequently formations of

interest to this study.

4.2.2 Historical Water Disposal Injection Rates in Formations of Interest

The geoSCOUT™ database also contains the monthly fluid injection, fluid license type
and run-time records for all licensed wells in the Alberta Basin for the period 1960 to present.
Well license regulatory requirements in Alberta [235] stipulate (among other conditions) that the
purpose of the well (e.g., disposal, production, observation, etc.), current status and the fluid type
(e.g., water, CO,, methane, etc.) must be specified, and corresponding monthly volumes reported
when operational. All injection wells with a (historical or current) status corresponding to water
disposal, the monthly volumes injected (in m?), injection runtime (in hours), injection well
unique well identifier (UWI) and the injection formation were extracted from this database.
Injection wells classified in the water disposal category are standalone injectors, and are not
associated with hydrocarbon extraction operations, such as waterflooding, pressure maintenance
or other enhanced oil recovery activities. Disposal wells are exempt from the pool-associated
regulatory obligations for replacement of formation fluids and pressure maintenance in
hydrocarbon reservoirs (i.e., voidage replacement ratios [86]) and consequently are considered

representative of the type of operations associated with CO> sequestration injection.

Injection records with zero monthly volume or zero monthly hours were then removed,
and the wells grouped by injection formation to create formation-specific databases consisting of
approximately 4,000 injection wells and 1,000,000 data records. The monthly water disposal
injection rate for each well in m*/hour was then calculated by dividing the injection volume in m?
by the corresponding monthly runtime in hours. Characteristic injection rate statistical
parameters required for determining the most likely injection rate (mean, mode, median,
variance, standard deviation and max) and the injection rate frequency distribution were then

calculated for each formation of interest. These injection rate statistical parameter results are
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presented in Section 4.3, and the injection-rate frequency distribution for each formation is

provided in Appendix A.

4.2.3 Geological, Geomechanical and Petrophysical Data for Formations of Interest

The database of geological, geomechanical and petrophysical properties for selected
cores from the major confining and injection formations in the Alberta Basin created in Chapter
3 was leveraged for this study. This dataset contains geological, geomechanical and
petrophysical laboratory tests conducted on approximately 3,000 cores collected from 260 wells,
as well as in-situ minimum horizontal and vertical stress, reservoir pore pressure, and
temperature data for major injection and confining formations in the Alberta Basin. Sufficient
information was contained in this dataset to construct 3D geological, geomechanical and
petrophysical models for 26 of the injection formations shown in Table 12. The key parameters
used to construct the respective geological, geomechanical and petrophysical ResFrac™ models
for each of the 26 injection formations (14 Mesozoic and 12 Paleozoic) are listed in Tables 13

and 14.
Table 13. Stratigraphic zones and minimum-maximum ranges of geological, geomechanical and petrophysical parameters used

to construct geomechanical models for Mesozoic Era formations of interest. Upper and lower numbers represent the minimum
and maximum ranges of values for each parameter across the core sample depth interval.

Core Depth

Formation Interval(m) ¢ Sy (%) (Mpl;;km) v oy (MPa) (M'f,a) k (m?) (kg‘/’m3) o (MPa) t(°C) (MP"aV/km) (Nfl;a)

Upper 1,794 004 035 7.0  0.12 22 13,872 2.60x 1076 2,149 6 54 227 55

Cardium 1,810  0.11 035 7.0 031 23 54174 2.77x10%5 2,149 19 54 227 261
Lower 2,156 007 0.14 710  0.10 27 18,621 9.87x 1078 2,149 65 22.7
Cardium 2,477 012 015 7.0 030 31 59,966 2.76x 1076 2,149 74 227

Pouce Coupe 175! 003 007 1114 0.9 22 27,540 395x 1010 2,542 53 227 185

1,823 006 013 1114 031 23 55,020 3.95x 10" 2,639 55 22.7 250

Viking 2,176 021 040 770 0.6 30 13,790 597x 1077 2,290 65 222 144

2,182 023 040 770  0.19 30 57,290 459x 1076 2,570 65 222 144

Falhor 2,928 006 040 7.0  0.07 42 3360 3.95x10™ 2,550 6 108 23.7 21

3,064 012 040 7.0 041 44 47150 4.05x 107 2,550 15 113 237 248

Notikewin 2,876 008 035 784 021 34 17,950 395x 1077 2,550 5 106 23.5 84

2,892 010 035 784 031 34 32,760 5.92x 1076 2,640 9 107 235 101

Middle 2,332 009 043 784  0.19 28 18,459 148x 1078 86 22.1 70

Mannville 2,455 009 043 784 057 29 44974 1.16x 107 91 22.1 147

Lower 2,714 007 057 784  0.19 32 LI70  2.76x 1017 2,554 100 22.1 105

Mannville 2,778 007 057 784 031 33 45814 1.16x 106 2,699 103 22.1 194
Nikanassin 3362 006 027 950 0.2 46 22380 493x1077 2,615 134 24.8
3,385 008 078 950 0.1 46 63,612 9.87x 10 2,669 135 248

Upper 1478 004 000 749 0.20 29 2,687 2.08x1078 72 252 32

Charlic Lake 1,587 023 0.00 749 0.27 31 32,530 135x 10783 78 252 60

Lower 1,980  0.10 0.1 749 0.08 39 7,053 4.67x10M 2326 97 25.2 37

Charlic Lake 2,241 025 081 749 0.36 44 53967 493x10° 2,617 110 252 218

Upper Doig 2396 009 047 790 0.1 38 36966 4.93x10M 2,590 118 212 52

2,451 009 047 790 032 39 60,414 493x10™ 2,650 120 212 111

LowerDoig 2956 007 045 790 0.1 47 10246 3.95x107° 2,523 145 212 36

2,990 007 045 790 034 48 37,521 340x 10 2,595 147 212 37

Belloy 2,476 006 079 1005 026 48 22,770 2.55x 1078 2,476 6 128 22.8 108

2,672 013 084 1005 033 48 74976 1.18x 10 3093 22 131 22.8 211
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Table header key: ¢: Total porosity; S,: Water saturation; P,: Pore pressure gradient; v: Poisson's ratio; o, minimum horizontal stress: E:
Young’s modulus; k: Permeability; p: bulk density; o tensile strength; t: Reservoir temperature; o,: Vertical stress gradient; o.: Unconfined
compressive strength.

The data shown in Tables 13 and 14 represent a summary of the minimum and maximum
ranges of each of the parameters required to construct a geomechanical model for each
formation. Each formation depth interval contains multiple core samples, with higher resolution
data corresponding to the stratigraphic variations within each respective core depth interval. This
detailed stratigraphic data (i.e., the core testing results from the 3,000 laboratory core tests
summarized in Chapter 3) was imported into the ResFrac™ software and used to construct the
corresponding 3D stratigraphic, geomechanical and petrophysical models for each formation of
interest.

Table 14. Stratigraphic zones and minimum-maximum ranges of geological, geomechanical and petrophysical parameters used

to construct geomechanical models for Paleozoic Era formations of interest. Upper and lower numbers represent the minimum
and maximum ranges of values for each parameter across the depth interval.

Depth

Formation  (m) ¢ Sy (%)P, (MPa/km) v (N?ll;a) E(MPa) k@m) p(kg/md) (Nfl;a) t(°C) (MP"a;km) (Nfl;a)
Wabamun | 2238 003001 6.39 013 304 12,828 576x102 2584 4 67 23.15 50
2,380 007 0.73 6.39 045 324 115,172 333x10M¢ 20931 11 71 23.15 192
Leduc 1,618 002 0.15 7.87 008 224 17,655 9.87x10" 2,803 3 49 22.75 18
1,855 0.0 058 7.87 074 256 119241 442x103 2,842 9 56 22.75 29
Upper Slave 595  0.04  0.44 5.40 014 173 23,520 6.95x 1073 2,490 3 18 23.71 96
Point 795 015  0.58 5.40 028 9.7 75430 2.06x1072 2,620 10 24 23.71 169
LowerSlave 1,323 003 044 5.40 008 161 15240 500x10" 2610 5 50 23.71 86
Point 1366 007 058 5.40 022 167 57,600 238x10"% 2,680 16 52 23.71 36
Upper Muskeg 139 010 076 7.90 013 113 24320 7.00x10"7 2580 5 22 21.05 63
744 025 086 7.90 024 113 47520 217x10"° 2820 8 22 21.05 63
Lower Muskeg 1310 009 075 7.90 0.18 23.0 47200 7.00x 1077 2,744 5 59 21.05 52
1,523 021 088 7.90 049 232 83200 2.17x10"° 2,865 9 59 21.05 160
Upper Keg River 1014 009 0.15 9.01 019 163 2,120 4.18x 10 2,620 7 43 22.88 70
1,046 038 024 9.01 027 168 53,830 222x10"2 2,670 10 44 22.88 140
MiddleKeg 1,510 0.15 0.18 9.01 018 243 47200 186x10"° 2,620 7 63 22.88 52
River 1,522 036 025 9.01 049 245 83200 196x102 2,667 11 64 22.88 52
Lower Keg River 173 009 015 9.01 006 280 38370 1.59x10"° 2,621 7 73 22.88 58
1,778 038 025 9.01 036 286 92500 221x10'2 2,667 11 75 22.88 177
Red Beds 1494 002 100 9.79 0.10 235 14280 3.56x 102 2546 3 67 23.32 41
1,625 005 1.00 9.79 031 255 64,800 1.59x 102" 2598 8 73 23.32 92
Basal Sandstone 2,050 0.05  1.00 9.50 011 412 9900 691x 1076 2,620 2 82 23.43 36

Unit 2,265 0.19 1.00 9.50 036 45.5 29,500  1.48x 10 2,700 5 91 23.43 98

Key: ¢: Total porosity; Sw: Water saturation; Po: Pore pressure gradient; v: Poisson's ratio; on: minimum horizontal stress: E:
Young’s modulus; k: Permeability; p: bulk density; ot: tensile strength; t: Reservoir temperature; ov: Vertical stress gradient;
oc: Unconfined compressive strength.

While extensive geomechanical data was available for the specified depth intervals listed
in Tables 13 and 14, in some cases there was insufficient core laboratory test data over the core
(run) interval for petrophysical parameters such as permeability, porosity, and water saturation.
In such cases a value (generated using a random function generator) constrained between the

minimum and maximum values from immediately adjacent (upper and lower) depth intervals
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was assigned to the missing variable to complete the petrophysical model for the corresponding
stratigraphic zone. The relative locations of disposal and sample core wells across Alberta are

shown in Figure 22.
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Figure 22. Relative locations of water disposal and core sample wells used in this study. Red dots indicate geographic locations
of the approximately 4,000 water disposal wells while black triangles indicate the geographic locations of the approximately 260
core sample wells.

4.2.4 Common Injection Parameters Used in All Simulations.
The injection well configuration used in all ResFrac™ models was based on the actual
design of the Radway CO; injectors used at the commercial-scale Quest Carbon Capture and

Storage (CCS) Project in Alberta, and a representative injector well completion report for these
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wells is available in [236]. The CO; injector is assumed to be vertical for all formation models,
with a perforated zone length of approximately one third of the formation thickness (up to a
maximum perforated zone length of 35 m to maintain consistency with the wellbore design of
the CO; injectors used at the Quest CCS project). Other common injection parameters used in all

simulations, along with the corresponding sources/references are provided in Table 15 below.

Table 15. Common injection parameters used in all simulations.

Parameter Value
Well geometry Vertical [236]
Maximum horizontal stress cHmax azimuth 45.5°C [237]

Injection well casing internal diameter
Perforated zone length

Perforation shot density
Perforation hole diameter
Matrix (x and y) dimensions
No. of matrix elements in x direction
No. of matrix elements in y direction
Matrix region z dimension
Maximum matrix element size (z)
Matrix boundary conditions
Vertical permeability
Fluid model
BHP injection constraint
Injection simulation run time
CO2 density
Brine density
Brine salinity
Relative permeability model

Average annual injection fluid temperature

Biot coefficient (Mesozoic Formations)
Biot coefficient (Paleozoic Formations)
Geothermal gradient
Formation heat capacity
Formation thermal conductivity

0.15037 m [236]
1/3 of formation thickness, to a
maximum of 35 m [236]
17 shots per meter [236]
0.0106 m [236]
12 km x 12 km
100
100
Thickness of cored region of formation
Im
Closed
0.1 x horizontal permeability [238]
Compositional
90% of Ghmin [89]
20 years [239]
761 kg/m? [239]
1,193 kg/m? [239]
320,000 ppm [239]
Brooks-Corey [240]
15°C[241]
0.7 [242]
0.6 [243]
Formation specific in-situ measurements
1 kJ/kg-K [244]
2.5 W/m-K [244]

Formation coefficient of linear thermal expansion 1x 107 1/°C [244]
Fracture toughness 0 [244]

While limited injection fluid temperature records were available, the annual average
injection fluid temperature of 15 ‘C was selected to represent the average annual temperature
observed ([241], [245]) in other CO> injection operations in Alberta. The maximum bottomhole
injection pressure constraint selected (i.e., 90% of the formation Gnmin) represents the regulatory
criteria [89] applicable to disposal wells operating in Alberta. While the constraint of maximum
injection pressure equals to 90% of onmin used ensures regulatory compliance, it does not account

for the potential to trigger slip on critically stressed faults that may exist in the proximity of the
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reservoir. In cases where such critically stressed faults are present, an injection pressure
threshold lower than 90% of Gmmin may be required to mitigate the likelihood of triggering fault
slip within the reservoir and/or adjacent formations [246]. Future enhancements to this workflow
could include investigation of this geomechanical risk factor and the potential impacts to
estimated injection rates. Closed (i.e., no flow) boundary conditions were used in all simulations
to replicate conditions in which there may be multiple independent CO; injection projects
operating adjacent to each other, with pressure buildup constraints at common boundaries, as
well as to evaluate most-likely worst-case pressure-buildup conditions. While it is recognized
that the (supercritical) CO, storage capacity of a saline formation can be sensitive to its
irreducible water saturation and capillary entry pressure [247], the same ResFrac™ simulator
relative permeability defaults were used for all simulations as formation specific information was
unavailable at the time of this study, since the main interest in this case is injection rate
estimation. Additionally, the sensitivity of storage capacity to these factors at formation depths
greater than 1.2 km is an area of emerging research (e.g., [248]), and future enhancements to this
study could include the impact of these factors on injection rates. The simulation duration of 20
years was selected to mirror the typical design life of a commercial-scale CO: injection project
operating in the Alberta Basin [239]. A 12 km x 12 km domain was selected to represent the
dimensions of a regional-scale injection formation, while enabling completion of all simulations
within the maximum number of simulator hours allocated to the University of Alberta (12,000

hours) under the terms of the software academic license.

These common injection parameters and relationships were used to complete the dataset
required to construct the corresponding ResFrac™ 3D models for each of the 26 formations of

interest, and to conduct the reservoir simulations are described in the sections below.

4.2.5 Reservoir Simulation

ResFrac™ 1is a three-dimensional physics-based, integrated hydraulic fracturing and
reservoir simulation numerical model consisting of a geologic model containing the properties of
the formation, a compositional fluid flow model containing the phase behavior and fluid flow
characteristics of the formation, a wellbore geometry model containing the wellbore architecture
used for injection, and a fluid injection operations model containing the fluid injection operations

over the lifecycle of the well [231]. ResFrac™ was designed as a practical engineering tool that
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can be used to create a reasonable representation of the physical processes occurring during
field-scale fluid injection (and hydraulic fracturing), to understand, predict and optimize fluid

injection operations quantitatively and qualitatively [244].

The ResFrac™ model fully couples (implicitly) subsurface injection and (multi-phase)
fluid flow processes with injection-induced thermal and mechanical stresses in the matrix in
three dimensions (x, y and z) to evaluate well injection and production rates (while considering
the effects of fluid-phase composition on fluid flow), as well as the dimensions and location of
any subsurface fractures created during injection [232]. The compositional model optimizes
computational efficiency by assuming that (i) fluid flow (wellbore to elements and between
elements) is governed by a combination of Darcy and non-Darcy (Forchheimer) flow, (ii) the
stress state of each element can be approximated by the boundary element method, which
assumes small-strain conditions within each element, that each element is elastically
homogenous and isotropic and deformation of each element is linear-elastic, (iii) fractures
generated are planar at field scale, and can initiate and propagate arbitrarily, and (iv)
porothermoelastic stress changes in the model domain do not affect the total volumetric strain
[231], [232], [244]. Additionally, all model domains were constructed under the (simplified)
assumption that stratigraphic layers corresponding to core samples exhibited vertical transverse
isotropy across the entire model domain. Model outputs include quantification of daily injection
rates for injection fluids, fluid saturation and formation pressure across the model domain as well
as the dimensions of any large-scale planar fractures (i.e., larger than the dimension of the
smallest mesh element) generated over the simulation period. A detailed technical
description/evaluation of the initial/boundary conditions and the governing/constitutive equations
used in the ResFrac™ model to simulate matrix (hydraulic and thermal) fracture initiation and
propagation, multiphase fluid flow, thermal transport, stress shadowing, and porothermoelastic
responses from temperature/pressure change in the matrix are outside of the scope of this work

but can be found in the ResFrac™ Technical Writeup document [244].

Models were constructed with variable mesh spacing, with denser 45 mx45mx 1 m (x -
y - z) elements close to the injection well and gradually increasing to kilometer-scale (x-y)
spacing towards the edges of the model domain. Mesh elements in the z-direction were

maintained at 1 m thickness, to account for vertical stratigraphic data resolution and geological
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variations. A mesh refinement strategy of increasing resolution in the near-wellbore region is
considered an effective method for generating reliable results in large-domain simulation models,
while maintaining geomechanical model computational efficiency [17]. Figure 23 shows a
diagram of the mesh strategy used to optimize model run times while maintaining near-wellbore

simulation reliability.

Initial porosity (unitless)
I

0.08000000 0.08500002 0.09000005 0 00 0.1000001

Young's modulus (MPa)
I

e i 25043.78 31767.55

Figure 23. Cross-section of matrix mesh configuration used in the 12 km x 12 km ResFrac™ model domain, showing mesh
refinement surrounding the injector wellbore. Wellbore and perforations are indicated by a grey vertical line and cylinder in the
center of the model and stratigraphic sequence. Note: not to scale — vertical exaggeration applied for visualization purposes.
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Two identical 3D models were constructed for each of the 26 formations listed in Tables
13 and 14, with one model containing brine as an injection fluid and the other CO,. Formations
located at a depth of less than 1 km were removed from this analysis, since Alberta’s regulations
stipulate that such formations cannot be used for the purposes of CO> sequestration [126]. The
brine model for each formation was then run for an injection period of 20 years at a maximum
bottomhole pressure constraint of 90% of Gumin. The output from each brine model run was
evaluated and the model (i.e., the global permeability adjustment parameter) was adjusted
iteratively to match the historically observed injectivity. The settings of the CO> injection fluid
model were then adjusted to mirror those of the history-matched model. The resulting CO»
injection model was then run for a 20-year period, and the injection rate, dimensions of any
subsurface fractures created, CO> saturation, and pressure increase at the domain boundary
noted. Model run durations varied between one hour to up to 96 hours, depending on the number
of elements (i.e., formation thickness) and formation permeability, with a total of approximately

11,000 hours of simulator time used.

4.2.6 History Matching of Modeled and Historical Injectivity Rates and Model Calibration
Laboratory permeability measurements obtained from core (and/or core plug) samples
generally do not account for the impact of sampling bias and geological heterogeneities such as
fractures, planes of weakness and other preferential flow paths and consequently require
correction (i.e., upscaling) before they can be used at the formation or regional scale [249]-
[252]. Core plug derived permeability measurements have been noted to underestimate regional-
scale permeability measurements by up to six orders of magnitude in regions in Alberta [125].
Previous work has noted that in one specific case in Alberta (the Viking Formation) the upper
range (i.e., the maximum) of the core plug permeability data is likely more representative of the
actual field-scale fluid flow conditions [252]. However, limited regional-scale permeability data
is currently available, and assessment of this parameter can be challenging, especially in dual-
porosity systems and fractured rock formations. History-matching of modeled and actual flow
rates in regional well networks is considered a reliable method of assessing the kilometer-scale
impact of geological heterogeneities, such as fracture networks [253]. The ResFrac™ model
contains a global permeability multiplier variable, which allows for an efficient adjustment of all

the permeability values across the entire geologic model domain by a specified scalar constant.
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The use of this variable facilitates rapid adjustment of core-scale permeability and iterative (trial

and error) model re-runs to obtain a match to field-scale permeability, when required.

Each formation model was initially run with water as the injection fluid and a global
permeability multiplier of 1 for an injection period of 20 years, and the stabilized water injection
rates obtained compared with the median historical water (injection) disposal rate for the
corresponding formation. The global permeability multiplier variable was then adjusted (using
trial and error) to increase or decrease the model’s stabilized water injection rate to approximate
the corresponding median historical injection rate for the corresponding formation. This process
was repeated iteratively until the model’s 20-year stabilized water injection rate closely matched
(+/- 10%) the historical median rate for the corresponding formation, with an average of five

model runs required to obtain a history match.

Table 16 shows the global permeability multiplier and the history-matched regional-scale
permeability values obtained for each formation. It is assumed that these disposal wells were not
creating/propagating subsurface fractures during operation, since regulatory criteria in Alberta
stipulate that fluid disposal wells must always operate below the fracture gradient [89]. However,
the possibility exists that thermally induced fractures could have occurred in some cases,
especially if there were substantial differences between the injected fluid and receiving formation

temperatures.

Table 16. History-matched regional-scale permeability for formations of interest.

Average Core-

Depth scale Global Permeability History-Matched
Formation Interval (from Permeability Multiplier Required  Regional-scale

—to; m) (m?) for History Match  Permeability (m?)
Upper Cardium ! 1,794 - 1,810 1.23x 1015 100 1.23 x10°13
Lower Cardium ' 2,156-2,477  2.50x 10716 10 2.50x 10713
Pouce Coupe (Dunvegan) ! 1,751 - 1,823 3.95x 101 100,000 3.95x 1014
Viking ! 2,176 - 2,220 2.31x 1016 75 1,73 x 10714
Falher ! 2,928 - 3,064 1.69 x 1077 1,000 1.69x 10714
Notikewin ' 2,876 - 2,892 1.44x 10716 300 431x10"4
Middle Mannville ! 2,332 -2,455 4.03x 107 3,000 1.21x 10713
Lower Mannville ! 2,714 - 2,778 6.52x 1017 10,000 6.52x 1013
Nikanassin ! 3,362 - 3,385 5.70 x 10716 5,000 2.85x 10712
Upper Charlie Lake ! 1,478 -1,587  1.18 x 1074 0.05 5.89 x 10716
Lower Charlie Lake ! 1,980 - 2,241 1.91x 1013 0.01 1.91 x10°
Upper Doig ! 2,406 - 2,451 493 x 104 1 493 x 1014
Lower Doig ! 2,957 - 2,990 1.05x 1014 30 3.15x 1013
Belloy ! 2,476 - 2,672 4.63x 1015 300 1.39x 10712
Wabamun 2 2,238 - 2,380 226x 1013 100,000 2.26x 10710
Leduc 2 1,618 - 1,855 2.74x 10714 20 5.48 x 10713
Lower Slave Point 2 1,323 - 1,366 5.71x 101 0.5 2.86x 1013
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Lower Muskeg 2 1,510 - 1,523 7.02x 1014 1 7.02x 1014

Upper Keg River 2 1,014 - 1,046 1.26 x 10712 1 5.61x 10713
Middle Keg River 2 1,510- 1,522 1.34x 10712 0.3 4.81x 10713
Lower Keg River? 1,739 - 1,778 1.13x 10712 0.1 1.32x 1013
Basal Sandstone Unit 2 2,050 - 2,265 3.55x 1013 30 1.11x 1013

' Mesozoic formations. 2 Paleozoic formations.

The global permeability multiplier values above were then entered into the corresponding
ResFrac™ CO; injection model for each formation, thereby adjusting permeabilities in all
stratigraphic layers across the entire model domain. This permeability accounts for sample bias
and the impact of formation-scale heterogeneities and discontinuities often underrepresented in
laboratory core and core plug samples [254] and is considered a reliable method of accounting

for the kilometer-scale impact of geological heterogeneities, such as fracture networks [253].

4.2.7 Estimation of Carbon Dioxide Injection Rates and Formation Geomechanical Impacts
Each CO: injection model, containing the calibrated (regional scale) permeability values,
was then run with the bottomhole injection pressure constraint of 90% of onmin for an injection
period of 20 years. The ResFrac™ model outputs allow the user to track the mass fraction rate of
CO2 injected over time, as well as the surface area of new fractures generated over the lifetime of

the injection sequence. An example of the output of the model is shown in Figure 24.

Gas in] rate, Well_Falher_Inj

BHP, Well_Falher_Inj

surface area (m~2)

00Te-1 00000100000

Stretch: Horiz = 1, Direction = 135.5 deg, Vert = 10

Figure 24. Example of the ResFrac™ model output for a CO: injector simulation in the Falher Formation. Upper right-hand
frame: Pressure distribution in the model domain. Bottom right-hand frame: CO2 mass fraction distribution in the model domain.
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Upper left-hand frame: CO: injection rate and bottomhole pressure. Lower lefi-hand frame: Fracture surface area created over
injection lifecycle.

The injection pressure was increased to 10% above the fracture gradient for a subsample
of formations, to verify that the simulator could detect the occurrence of fracturing during
injection simulations. These simulations were then run for 20 years and the fracture surface area,
gas injection rate and fracture aperture outputs of the simulator examined to ensure that the
occurrence of fracturing was reflected in the fracture surface area output parameter of the model.

The output of one of these simulations is shown in Figure 25.

€02 Injector
Gas Inj rate, Well_Muskeqg_In]

BHP, Well_Muskeg_In)

3/sec

0.008

0005 | — —

BHP (MPa)

0.004

Gas inj rate (1000 m~3/,

0.0024

simulation time (Days)

face

Fractre s

1.000001e-10

Stretch: Horiz = 1, Direction = 135.5 deg, Vert= 10

Figure 25. Example of the ResFrac™ model output for a CO: injector simulation in the Muskeg Formation conducted under an
injection pressure = 1.1 x owmin. Upper right-hand frame: Horizontal section across the center of the matrix region and
perforations showing fracture element (blue rectangle) and fracture aperture generated. Bottom right-hand frame: Horizontal
section across the center of the matrix region and perforations showing CO: mass fraction distribution in the fracture element
generated and the model domain. Upper left-hand frame: CO: injection rate and bottomhole pressure. Note instability
(fluctuations) in CO: injection rate. Lower left-hand frame: Total fracture surface area created over injection lifecycle. Note
fracture surface area generated is non-zero.

These simulations showed that the occurrence of fracturing during the simulation period
can be detected by both instability in the model’s (CO) gas injection rate parameter output and
the generation of non-zero values in the fracture surface area parameter output (Figure 25).
Therefore, both model output parameters were examined carefully for evidence of the occurrence

of fracturing for all simulations conducted. The stabilized (i.e., minimum) CO; injection rates
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over the 20-year injection simulation period and the fracture surface area for each formation

were then tabulated and the results are presented in Section 4.3 below.

4.3 Results

The sections below present the results of the benchmark water injection rate and the CO
injection rates analyses obtained from the calibrated models for each of the formations of interest

in the Alberta Basin.

4.3.1 Historical Water Injection Rates in Formations of Interest

Table 17 presents the analysis of the historical water injection rates of all licensed
disposal wells that have operated in each of 66 disposal formations in the Alberta Basin over the
last 60 years (January 1962-December 2022). The injection rate frequency distribution for wells

in each formation is included in Appendix A.

Table 17. Historical water injection rates and key statistical parameters for water disposal wells operating in each of the
formations of interest in the Alberta Basin during the period January 1962-December 2022.

. . Historical Water Injection Rates (m3/hr) No. of
Geologic Era Formation - - .
Mean Mode Median  Variance Std. Dev. Max Injectors
Upper Cretaceous 2 Belly River 2.2 0.6 1.0 10 3.1 60 49
Upper Cretaceous > Cardium 5.9 0.8 1.1 92 9.6 64 28
Upper Cretaceous > Dunvegan ! 53 4.0 72 8.5 70 2
Lower Cretaceous 2 Viking Sandstone 49 3.0 2.6 43 6.6 65 89
Lower Cretaceous 2 Paddy 11.2 3.0 9.5 117 10.8 206 20
Lower Cretaceous 2 Cadotte 6.6 13.5 33 78 8.9 63 56
Lower Cretaceous 2 Peace River 8.5 4.2 6.7 65 8.1 35 10
Lower Cretaceous 2 Colony 3.8 5.3 2.3 16 4.0 48 11
Lower Cretaceous 2 McLaren Sandstone 19.5 9.9 13.1 276 16.6 71 12
Lower Cretaceous 2 Notikewin 2.8 0.6 1.9 15 39 28 33
Lower Cretaceous 2 Grand Rapids 7.7 2.7 24 387 19.7 287 49
Lower Cretaceous > Clearwater Sandstone 8.2 0.4 3.2 154 124 132 44
Lower Cretaceous 2 Sparky 4.7 04 2.5 35 6.0 38 77
Lower Cretaceous 2 Falher 8.3 14.5 9.0 65 8.0 37 2
Lower Cretaceous 2 Rex 9.5 20.7 2.6 230 15.2 115 6
Lower Cretaceous 2 Lloydminster Sandstone 124 0.1 9.9 166 12.9 477 123
Lower Cretaceous 2 Glauconitic Sandstone 26.3 1.0 18.1 789 28.1 1,178 270
Lower Cretaceous 2 Ostracod 11.3 0.3 5.1 148 12.2 48 5
Lower Cretaceous 2 Cummings 39.8 0.0 20.1 3,354 57.9 1,718 103
Lower Cretaceous 2 Dina 36.6 0.0 23.6 2,072 45.5 2,290 358
Lower Cretaceous 2 Detrital ! 17.9 19.4 43 6.5 32 3
Lower Cretaceous 2 Spirit River 5.4 1.3 1.8 29 5.4 21 8
Lower Cretaceous 2 Bluesky 4.4 1.0 1.6 82 9.1 84 39
Lower Cretaceous 2 Wabiskaw Sandstone 17.8 0.1 1.8 809 28.5 120 15
Lower Cretaceous 2 McMurray Sandstone 19.9 0.0 8.9 1,006 31.7 1,102 233
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Lower Cretaceous
Lower Cretaceous
Lower Cretaceous
Lower Cretaceous
Lower Cretaceous
Lower Cretaceous
Jurassic 2
Jurassic
Triassic
Triassic
Triassic
Triassic
Triassic
Triassic
Permian
Mid-Carboniferous
Mid-Carboniferous
Mid-Carboniferous
Mid-Carboniferous

2
2
2
2
2
2

2
2
2
2
2
2
2
2

2
2
2
2

Lower Carboniferous >

Lower Carboniferous

Lower Carboniferous
Upper Devonian *
Upper Devonian
Upper Devonian
Upper Devonian
Upper Devonian
Upper Devonian
Upper Devonian
Upper Devonian
Upper Devonian
Upper Devonian
Upper Devonian
Middle Devonian
Middle Devonian
Middle Devonian
Middle Devonian
Middle Devonian
Lower Devonian
Lower Devonian

Cambrian 3

WOW oG o o L WL WL W W W W W W

2
2

Cadomin
Gething
Sunburst
Ellerslie
Taber
Nikanassin
Sawtooth
Nordegg
Baldonnell
Boundary Lake
Charlie Lake
Halfway
Doig
Montney
Belloy
Debolt
Livingstone
Elkton
Turner Valley
Shunda
Pekisko
Banff
Blueridge
Wabamun
Nisku
Arcs
Grosmont
Peechee !
Camrose
Leduc
Duvernay !
Cooking Lake
Cairn
Slave Point
Gilwood
Keg River
Muskeg
Contact Rapids !
Lotsberg *
Granite Wash

Basal Sandstone Unit

14.0
43
17.7
314
11.2
9.5
222
7.0
5.0
0.9
3.1
5.7
4.1
5.6
10.8
9.6
12.5
14.5
32
33
5.9
9.5
16.5
13.9
19.1
10.6
6.8
6.3
3.6
53.9
7.3
18.1
10.0
16.5
12.2
19.6
5.9
5.9
294.7 *
10.9
49.5

11.6
0.3
0.0
0.1
0.8
10.8
0.1
13.7
15.5
0.0
1.6
0.3
5.1
0.0
1.0
0.4
6.2
1.3
4.0
2.0
2.0
0.8
17.6
0.7
0.0
12.2
0.5

7.0
0.1

0.1

16.5
0.0
13.3
0.6
34

0.0
5.4

10.2
1.0
14.3
17.0
8.5
9.7
17.8
4.0
2.6
0.5
1.7
2.5
4.8
3.2
8.1
4.8
9.2
4.6
2.1
1.8
3.6
6.4
17.7
43
9.4
7.5
2.1
7.1
2.7
213
6.8
15.5
8.0
11.7
10.8
7.0
4.7
53
287.7 *
8.8
39.7

165
94
241
1,460
111
24
453
51
26

20
49

69
125
181
143
811

19
20
43
101
121
866
1,870
253
151
6
13
5,232
39
281
56
513
96
3,854
47
9

14,129 *
116

1,798

12.9
9.7
15.5
38.2
10.6
4.9
213
7.1
5.1
23
4.5
7.0
1.5
83
11.2
13.5
12.0
28.5
4.4
4.5
6.5
10.1
11.0
294
43.2
15.9
12.3
2.4
3.6
723
6.2
16.7
7.5
227
9.8
62.1
6.8
3.0
118.9 *
10.8
42.4

49
68
126
282

25
655
45
21
18
49
45

90
245
115

391
50
54
102
67

321
933
367
280
10
42
1,353
47
169
47
636
109
873
111
26
614 *
213
348

18

16
122
205
97

200

100
48
24
29
15

57
56

229
265

26
51

338

45

* Injection wells in this formation are associated with salt cavern disposal operations and injection rates are representative of
operational requirements and not geological constraints. ! Insufficient number of wells to calculate mode. > Mesozoic Era. 3

Paleozoic Era.

While the data presented in Table 17 constitutes a useful reference of the water injection

rate activity in each of the listed formations, visualization of key trends in the data is simpler

when this information is plotted as a stacked bar chart, as presented in Figure 26.
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Figure 26. Comparison of median water injection rates and number of disposal wells in formations of interest in the Alberta
Basin (for period January 1962-December 2022).
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Table 17 shows that several cases of extreme (outlier) maximum injection rate values
exist in the database, which can affect the representativeness of the calculated mean.
Examination of the injection rate frequency distributions for all formations of interest (Appendix
A) shows that these are predominantly positively skewed, with the presence of outlier values. In
such cases of skewness, the median is the preferred measure of central tendency since it is a
resistant parameter and less likely to be affected by outliers in the dataset. Therefore, the median
value was selected as the most likely injection rate and hence a more appropriate benchmark for
comparing injection rates across formations in this study, as well as for subsequent calibration of
the geological model and to history match the water injection reservoir simulation for each

formation of interest.

Figure 26 shows that only 20% (13) of the (66) listed disposal formations recorded
median water disposal injection rates exceeding 10 m*/hour (approximately 1,500 barrels per day
(bpd)). Wells located in the Lower Cretaceous (Glauconitic, Cummings, Dina, Detrital, Ellerslie)
and (Sawtooth) Jurassic sandstones and three Devonian carbonate (Blueridge, Leduc and
Cooking Lake) formations showed higher than average median injection rates (around 20
m’/hour; 3,000 bpd) and the highest concentrations of water disposal injectors. The highest
median water disposal injection rates (around 40 m*/hour; 6,000 bpd) in the Alberta Basin were
recorded by wells located in the Basal Cambrian (Sandstone) Unit. However, geological
heterogeneities that can significantly enhance secondary porosity and local-scale permeability
common in many of the formations listed above ([249], [251], [255]) are likely contributors to

the presence of injection rate outliers noted in Table 17.

4.3.2 Estimated Regional-Scale Permeability, Individual Injector Carbon Dioxide Injection
Rates and Formation Geomechanical Impacts

Table 18 presents the regional-scale permeability required to history match the median
per-well water disposal rates in each of the 22 formations (for which sufficient data was
available) to both establish the median individual-well water disposal rate and to construct 3D
geomechanical and petrophysical models. This table shows that the history-matched (upscaled)
regional-scale permeability values derived in this study are in general consistent with those —
derived from drill stem tests — contained in the previous studies referenced in Table 18.

However, while the permeability values presented are considered regional scale, they may be
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subject to sample bias and are likely only representative of the areas within Alberta for which
both core and water disposal data were collected (shown in Figure 21). Within such areas the
permeability estimates provided can be used as a reasonable approximation of the long-term
regional-scale fluid flow and injectivity characteristics (at 90% of ohmin) of the 22 formations
contained in Table 18. This information may be useful in the planning, site selection, and design
stages of future large-scale fluid disposal projects in the Alberta Basin and can help to mitigate

economic risks associated with formation-scale injectivity uncertainty.

The use of this history-matched regional-scale permeability data and the 3D
geomechanical and petrophysical (ResFrac™) models enabled estimation of the injectivity
performance of a single CO: injector (operating at an injection pressure of 90% of Gumin) located
in the center of a 12 km x 12 km block of each of the 22 formations listed in Table 18. This table
also shows the modeled estimates of the sustained (minimum) annual CO> injection rates for a

single injection well operating in each of the formations of interest for a period of 20 years.

Table 18. Modeled annual CO: injection rates for a single injector well operating for 20 years at 90% of Ommin in each of the
formations of interest in the Alberta Basin.

History-Matched

Depth Interval Regional-scale Average Well-scale = Modeled Sustained 20-year  Fracture

Formatn T pemeniy s Py, epritln ot R sws
Upper Cardium 1,794 - 1,810 1.23x 1013 8.33 x 1014 [29] 90,212 0
Lower Cardium 2,156 - 2,477 2.50x 1071 2.16 x 10716 [37] 22,439 0

Pouce Coupe/Dunvegan 1,751 - 1,823 3.95x 10714 9.87 x 10714 [38] 134,202 0
Viking 2,176 - 2,220 1.73x 1014 1.83 x 1074 [39 — 40] 48,826 0
Falher 2,928 - 3,064 1.69 x 10714 2.96 x 1014 [41] 166,552 0

Notikewin 2,876 - 2,892 431x10" 2.96 x 1014 [42] 33,838 0

Middle Mannville 2,332 -2,455 1.21x 1013 4.93 x 1073 [42] 184,184 0
Lower Mannville 2,714 -2,778 6.52x 10713 4.93 x 1013 [42] 484,058 0
Nikanassin 3,362 - 3,385 2.85x 1012 1.97 x 10716 [43] 323,565 0
Upper Charlie Lake 1,478 - 1,587 5.89 x 1071 5.09 x 10715 [44] 37,102 0
Lower Charlie Lake 1,980 - 2,241 1.91x 1071 1.48 x 10755 [44] 32,782 0
Upper Doig 2,406 - 2,451 4.93x 1014 1.38 x 10714 [44] 156,845 0
Lower Doig 2,957 - 2,990 3.15x 1013 1.38 x 10714 [44] 118,147 0
Belloy 2,476 - 2,672 1.39 x 1012 533 x 10714 [45] 192,471 0
Wabamun 2,238 - 2,380 2.25x 10712 2.40 x 10'4[40], [46] 130,794 0
Leduc 1,618 - 1,855 5.48x 1013 5.0 x 103 [36] 327,794 0
Lower Slave Point 1,323 - 1,366 2.86 x 1013 2.93 x 103 [36] 202,459 0
Lower Muskeg 1,510 - 1,523 7.02 x 10714 9.87 x 10716 [47] 50,462 0
Upper Keg River 1,014 - 1,046 1.31x 1012 8.98 x 1014 [40] 297,922 0
Middle Keg River 1,510-1,522 4.81x 10713 8.98 x 1074 [40] 236,957 0
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Lower Keg River 1,739 - 1,778 1.32x 1013 8.98 x 1014 [40] 187,215 0
Basal Sandstone Unit 2,050 - 2,265 1.23x 1013 9.87 x 1073 [20] 423,821

* tpa: tonnes per annum.

In all simulations conducted, zero fracture surface area was generated, which indicates
that the sustained injection of CO; (over a 20-year period at 90% of Gmmin and a temperature of
15 °C) into the 22 formations listed in Table 18 is unlikely to result in the creation of large-scale
thermally induced planar fractures. However, given the relatively large mesh element size in the
near-wellbore region (45 m x 45 m x 1 m; x-y-z) it is possible that smaller (i.e., below mesh
element resolution) thermally induced fractures could have occurred during the simulation but
not have been detected by the model because of the (relatively large) mesh element resolution.
Zero fracture surface area was consistently recorded in all simulations conducted, which
indicated that conditions for the propagation of such fractures beyond the mesh element size (45

m X 45 m x 1 m) are unlikely to have existed during the simulation.

Table 18 shows that there are several disposal formations that may be capable of
supporting the operation of high-rate CO> injectors for 20-year periods, at rates comparable to
those experienced at the only commercial-scale carbon sequestration project operating in Alberta
currently (i.e., the Quest project). These include regionally extensive Mesozoic sandstones such
as the Middle and Lower Mannville, Nikanassin, Pouce Coupe/Dunvegan, Falher, Doig and
Belloy, which are relatively ductile [13] depleted formations likely to be hydraulically isolated
from the Precambrian basement [1]. As shown in Chapters 2 and 3, formation ductility, pressure
depletion and hydraulic isolation from the Precambrian basement are major factors that can
reduce the potential for generation of large-magnitude induced seismicity during sustained
industrial-scale fluid disposal activities. Additionally, Table 18 shows that the regionally
extensive (depleted) Devonian carbonate formations also located distant from the Precambrian
basement (such as the Wabamun, Leduc, Slave Point and Keg River) could sustain CO> injection
rates comparable to those demonstrated at the Quest project. The generation of large magnitude
induced seismicity and the loss of (lateral and/or vertical) containment are considered critical
failure modes that can permanently and materially impact the chances of success of a large-scale

COz injection project [7].

In all simulations presented in Table 18, a single CO; injector operating for 20 years

resulted in the presence of CO: distributed throughout the 12 km x 12 km model domain at
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varying levels of saturation, especially in the higher permeability stratigraphic horizons. Figure

27 shows an example of the simulation output for the Middle Mannville formation.

Gas Inj rate, Well_MMvlie_in]

— BHP, Well_MMvile_In]

(MPz)

Stretch: Horiz = 1, Direction = 135.5 deg, Vert = 10

Figure 27. ResFrac™ model output for case of CO: injection into the Middle Mannville Formation for a 20-year period (with a
bottomhole pressure limit of 90% of Gumin). Upper left: Bottomhole pressure and gas injection rate. Lower left: Fracture surface
area generated. Upper right: Reservoir pressure at year 20. Lower right: CO2 mass fraction in the model domain at year 20.

Additionally, in all simulations it was observed that the reservoir pressure at the matrix
boundary (located 12 km from the injection well) had increased by a minimum of 25% by the
end of the 20-year simulation period. The gradual increase in reservoir pressure at the (no-flow)
matrix boundary resulted in a corresponding decrease in modeled injectivity over the simulation
history, as shown in Figure 27. Under the closed (no-flow) boundary conditions used in these
simulations, a single CO; injector operating for 20 years is therefore likely to result in a
simulated reservoir pressure increase of at least 25% at a radius of at least 12 km (i.e., size of
matrix region) from the injector well location for all the formations modeled. However, this is
likely representative of a worst-case scenario since actual boundary conditions are not likely to
be closed (unless surrounded by other injection operations) and therefore actual reservoir

pressure increase is likely to be less than the modeled reservoir pressure increase.

A reliable assessment of the credibility of a simulation requires assessment of the

congruence between model predictions, actual observed external data not used in the
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development of the model, and prospective/predictive outcomes (i.e., model validation) [256]. In
the geoscience field, a history match of a reservoir model to past reservoir performance data is
considered a good indicator of model reliability/credibility [257]. History matching requires the
use of observed reservoir behavior to estimate reservoir properties which resulted in the behavior
[257]. History matching is used in this study to estimate regional-scale permeability for the

formations of interest by using the historical water disposal rates in each formation.

Validation of the CO; injection rates predicted by these simulations requires a
comparison of actual CO> injection rates in at least one of the formations assessed. The monthly
CO; injection rates for the Quest CCS project are available from the date of commissioning of
the project in 2015 and are published in the project’s Knowledge Sharing Program Records
submitted to the Alberta Department of Energy [258]. Figure 28 shows a comparison between
the actual monthly CO: injection rates for all (three) injectors at this project for the period
August 2015 (i.e., Year 0) — December 2021 (i.e., Year 7) to the ResFrac™ model’s predicted

CO:2 injection rate over a 20-year period for the Basal Sandstone Unit Formation (also referred to

as the Basal Cambrian Sands or BCS).
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Figure 28. Comparison between the ResFrac™ model’s predicted per-well CO: injection rate for the Basal Sandstone Unit over
a 20-year period (red line) to actual CO: injection rates experienced at the three CO: injectors operating at the Quest project in
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Alberta (grey, blue and green lines). Zero or near-zero injection rates corresponding to operational variables (such as well
maintenance/workovers, plant maintenance/turnaround and operational upsets) were removed from the Quest injection records.

Figure 28 shows that the per-well CO» injection rates predicted by the ResFrac™ model
closely match the actual injection rates of the three CO» injectors operating at the Quest project
for years 1-4. The decline in Quest injectivity which occurred after Year 4 is associated with the
precipitation of halite in the near-wellbore environment at these wells, and injectivity can be
restored to original rates by conducting hot water workovers (flushes) [259]. The fluctuation in
Quest well injectivity post-Year 4 shown in Figure 28 is therefore considered an operational
issue, and not a fundamental geologic limitation. Figure 28 therefore validates that the workflow
and simulation methodology developed in this study appear capable of predicting, with a
reasonable degree of accuracy, the actual individual CO; well injectivity rates (at least) in the

Basal Sandstone Unit.
4.4 Discussion

Extensive guidance criteria and methods have been developed for identification and
assessment of geologic containment (such as caprock integrity) risks in CO: injection projects
(e.g., [26], [260]-[262]) and for estimation of gross capacity (e.g., [135], [263]), which are
critical factors that determine the suitability of a site for geologic CO> storage. Recently, some
progress has been made on the estimation of sustainable capacity, which consists of the ability of
the storage container to safely maintain the injected CO; in the target reservoir for geologic time,
while minimizing impacts to other current and future surface and subsurface users (e.g., [1]).
However, the regional economic feasibility of commercial-scale CO: injection and storage is
largely controlled by both the available (sustainable) formation storage capacity in the region and
the ability to consistently inject (into the subsurface) the desired CO» volumes required to meet
project goals at rates that minimize the number of injector wells over the lifetime of the project
[233]. The importance of these parameters is reflected in the current selection criteria for CO>
sequestration sites, which provide guidelines for both capacity (i.e., reservoir thickness and
porosity) and injectivity (i.e., permeability, reservoir pore pressure and fracture pressure) [263].
However, in many cases there is high confidence in permeability estimates at the local-scale but
limited confidence in regional-scale permeability estimates, which limits the ability to assess the
probability of successful well performance over the multi-decade operating life of large volume

fluid disposal projects, such as commercial-scale CO; sequestration projects [264]. In addition to
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injection well performance, other key sources of uncertainty specific to CO> sequestration
projects include the geomechanical response of target disposal formations and the expected (CO>
and pressure) plume behavior over several decades of injection [265]. Disposal well injectivity is
therefore a key risk in commercial-scale CO; sequestration projects, with high confidence
required in assessments of both long-term storage capacity, the minimum per-well injection
rates, and the maximum number of wells before such projects can obtain corporate financial
approvals to proceed and secure commercial sequestration service contracts with emitters

(clients).

Extensive efforts have been focused on estimating regional and basin-scale carbon
sequestration capacity both globally and within Alberta (e.g., [266]-[270]), but there has been
significantly less attention directed to the need to improve the reliability of injectivity rates [18],
despite the critical importance of this parameter [15]. The inability of CO: injector wells to
achieve the minimum design injection rate compromises project economics and can ultimately
result in project economic failure. Therefore, the ability to minimize long-term injection rate
uncertainty (i.e., estimate realistic long-term injection rates) can contribute significantly to
reducing economic risk for CO; sequestration projects. Design injection rates vary depending on
several site-specific factors including well construction and operation cost, with the minimum
individual well design injection rate in the Quest project in Alberta established at 394,000
tonnes-per-annum/well (tpa/well) in 2012 [271], while injection rates below 25,000 tpa/well per
annum were considered uneconomic in the case of projects contemplated in Europe [272].
However, carbon penalties in Canada have since increased substantially from approximately
$15/ton in 2012 [273] (year of the final investment decision of the Quest project) to $65/ton in
2023, which is likely to significantly reduce the minimum injectivity rate threshold per injector

well required for positive return rates in CO> sequestration projects.

Consequently, if an arbitrary injection rate threshold of 100,000 tpa/well is assumed for
the Alberta Basin, then 15 of the 22 disposal formations analyzed appear to be capable of
supporting CO:> sequestration wells operating at this rate for 20 years without incurring large-
scale (thermally induced) fracturing. If this threshold is increased to 200,000 tpa/well then only 7
of the 22 formations appear to be capable of supporting sustained CO> injection at this rate for

20-year periods. These 7 formations include previously overlooked geographically extensive
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Mesozoic sandstones and carbonates that appear to be capable of supporting injectors operating
at rates equivalent to those at the only commercial-scale CO, sequestration (Quest) project.
Additionally, these Mesozoic formations are depleted (a result of over six decades of
hydrocarbon extraction), are more likely to be hydraulically isolated from the Precambrian
basement [1] and are more ductile [234]. Geologic sealing capacity (i.e., containment)
uncertainty is also lower in these formations, since these formations are predominantly legacy oil
and gas reservoirs which have successfully contained fluid under pressure over geologic
timescales, and extensive geologic and petrophysical characterization datasets are publicly
available. The combination of these factors can reduce the likelihood of sustained industrial-
scale fluid injection into these formations generating induced seismicity of concern as well as
reduce geologic uncertainty, when compared to injection into (previously unexploited and
underexplored) saline aquifers overlying the Precambrian basement. The generation of induced
seismicity and loss of containment are considered the two critical failure modes for large-scale

CO2 sequestration projects [7].

Deep saline aquifers have been the main targets for large-scale CO» sequestration, based
on their lack of legacy wellbore penetrations, extensive geographic extent, depth, thickness, and
potential pore volume capacity [274]. However, in the Alberta Basin there is very limited
geologic data available on the Basal Sandstone Unit (the deep saline aquifer of interest) despite
its extensive geographic coverage, while its stratigraphic location on top of the Precambrian
basement increases its likelihood of a hydraulic connection with high seismogenic hazard
Precambrian fault systems. The lack of geologic data increases uncertainty while its proximity to
the Precambrian basement and virgin reservoir pressure increases the potential of generating
induced seismicity of concern, especially if scenarios of multiple CO, sequestration projects
operating simultaneously in the same formation over multi-decade periods are contemplated [1].
Therefore, the ability of the geographically extensive and ultrathick intermediate-depth Mesozoic
sandstone and carbonate formations in Alberta to support long-term CO: injection rates
comparable to those of the deep saline aquifers may be of interest to policymakers, project
developers and regulators in the province. The history-matched permeability and the simulated
COz injection rate estimates presented in this study may also be useful to project developers to
help manage injectivity and economic risk in CO» sequestration projects proposed within the

Alberta Basin.
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However, it should be noted that the presence of legacy oil and gas wellbores in these
(intermediate depth) Mesozoic formations can increase containment risk and project operating
(monitoring, measurement, and verification) costs. Such risks could be managed by a
combination of upgrading wellbore abandonment to meet modern standards and maintaining
pressure in the sequestration horizon below the original (virgin) formation pressure throughout
the project lifecycle and post-closure [275]. Additionally, while only vertical wells and injection
pressure below the fracture gradient were considered in this simulation study, individual well
injectivity rates can be increased (nominally) by using horizontal injector wells and

(significantly) by hydraulic fracture stimulation of the injection formations [233].

The CO; injection pressure strategy (i.e., injection pressure limit = 90% of Gnmin) and
consequently the injection estimates presented are based on the requirements for regulatory
compliance in the Alberta Basin. However, substantially lower injection pressures may be
required in cases in which there are critically stressed faults present in or in proximity to the
disposal formations, even when such formations are depleted, to avoid triggering fault slip [246].
Substantial injection pressure reduction is likely to result in substantial injection rate reduction,
and such an investigation represents an opportunity for a future refinement to the results

presented in this study.

While this study focused on estimation of long-term CO> injection rates in the Alberta
Basin, the workflow used can be applied in many hydrocarbon producing basins in which there is
an extensive amount of geoscience data. The use of such a method to estimate regional-scale
CO2 injection rates can help to reduce project design injectivity uncertainty and economic risk,
since the history match of modeled and actual flow rates in regional well networks is a reliable
method of accounting for kilometer-scale impact of geological heterogeneities [253]. A summary

of the workflow developed is provided in Figure 29.
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Figure 29. Summary of workflow used in this study to estimate long-term regional CO: injection rates in the Alberta Basin.

The geomechanical, geological, petrophysical and water disposal data and the reservoir
simulator used in this study (and represented in the workflow in Figure 29) are commonly
required for hydrocarbon operational activities and are therefore generally available in
hydrocarbon producing basins. The method described above can therefore be of interest to CO>
injection project proponents, regulators, and policy makers considering the development of

industrial-scale sequestration projects in such locations.
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4.5 Conclusions

This analysis shows that there is large variability in the range of factors required to
upscale laboratory measured (core-scale) permeability to history-match regional-scale
permeability across the Alberta Basin, with formation-specific correction factors ranging over six
orders of magnitude (from 0.1 to 1 x 10°). This observation is consistent with the formation-scale
estimates of upscaling factors obtained from well-scale drill stem testing conducted in two select

areas of the Alberta Basin (the Peace River [251] and the Pembina Cardium [249]).

This analysis also indicates that, when populated with formation-specific
geology/geomechanics/petrophysics and history-matched permeability parameters, physics-based
compositional 3D geomechanical models (such as ResFrac™) appear to be capable of providing
useful indicators of likely well and reservoir performance for commercial-scale CO;
sequestration projects. These simulations also show that, when injection pressures are
constrained to 90% of onmin, only 7 of the 22 disposal formations assessed in the Alberta Basin
are capable of sustaining CO> injection at commercial-scale rates (i.e., greater that around
200,000 tpa/well) over a 20-year period. Sustained injection of CO; into these formations (at an
injection fluid temperature of 15 °C) appears unlikely to result in large-scale thermally induced
fracturing over a 20-year injection period. Some of these formations appear to also be capable of
sustaining commercial-scale long-term CO»> injection rates, comparable to those of the principal
COz sequestration target formation in Alberta (the Basal Sandstone Unit). Commercial-scale CO2
sequestration into such formations may present a lower induced seismicity hazard, because of the
greater likelihood of hydraulic isolation from the high seismogenic-hazard Precambrian

basement.

This analysis also indicates that, under the conditions used in this study, (i) the presence
of CO; at varying levels of saturation can be expected throughout the (higher permeability
stratigraphic layers in the) 12 km x 12 km model domains for all formations analyzed, and (ii) a
minimum pressure increase of at least 25% over initial formation pressure can be expected
(under closed boundary conditions) at the boundaries of the model domain (radius of 12 km from
the injector well) at the end of the 20-year injection period. The methods and workflow utilized

in this study can be used for the estimation of long-term CO: injectivity rates and geomechanical

110



effects in any geoscience-data rich sedimentary basin, and consequently may be of value to

project developers, regulators, and policy makers globally.
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5.0 Conclusions and Recommendations

Net-zero energy and energy transition associated changes to industrial activities are likely
to materially alter the nature and type of subsurface activities conducted in sedimentary basins
globally over the next decade. These changes will require evolution of the processes used by
project proponents and regulators to evaluate and manage risks not previously considered and to
ensure that the pore space resource in such basins is sustainably managed for the benefit of
current and future users. Considering the scale of the activity envisaged, basin-scale risk
assessment principles are required to ensure sustainable management of pore space resources
rather than the individual project-centric assessment strategy currently used. Basin-scale
reservoir re-pressurization and/or gigaton scale displacement of reservoir fluids in a
hydraulically connected mega-hydrodynamic flow system can trigger permanent adverse impacts
to current and future subsurface pore space and basin users. The negative net fluid balance and
high ductility characteristics of most of its injection and confining formations (at the time of the
in-situ measurements) may have been significant contributors to the success rate of high-volume
fluid-injection activities historically conducted in the Alberta Basin. Inclusion of these
parameters in the site selection risk assessment and lifecycle risk management stages of project
development and regulatory processes may be useful in ensuring that future injections continue

to be successful.

The net fluid balance method developed and proposed in this research represents an
initial step in the development of future best practices for the assessment of sustainable
subsurface fluid injection capacity in hydraulically interconnected sedimentary basins. Future
enhancements to this approach include assessment of the potential for migration of fluids into
non-saline environments, investigation of the geomechanical effects of re-pressurizing depleted
formations to virgin pressures and investigation of the potential long-term effects of a positive
net fluid balance in virgin pressure formations, and the associated pressure and capacity

implications.

Evaluation of the current Brittle-Ductile State (y) and Brittle-Ductile Index (Ip)
parameters developed in this research could help project developers and regulators evaluate the
potential for seismogenicity in targeted injection reservoirs and confining (caprock, lateral and

under-burden) geologic layers at the project site selection stages. This can help alleviate the
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potential for fluid-injection projects to trigger induced seismicity of concern and presents a
proactive approach for avoidance of induced seismicity compared to the current reactive
approach of managing induced seismicity occurrence after project development and operation.
Improvement of the vertical resolution of seismic event detection is likely to help improve the
accuracy of identification of seismogenic formations within fault traces and help to refine and

validate this risk assessment method.

In addition to sustainable storage capacity, high-confidence estimates of long-term
regional-scale CO» injectivity rates underpin the economic justification and commercial contracts
for commercial-scale sequestration projects. The workflow developed in this research for
generation of high confidence injectivity estimates is likely to be useful to project developers in
the site selection process to help mitigate project economic risk. However, regulators may
require larger scale models to evaluate the cumulative effects of multiple discrete industrial-scale
injection projects operating in a single regional-scale formation (i.e., tens of kilometers scale),

which is challenging to accomplish with the computing resources currently available.

Detailed studies are recommended to improve understanding of the regional-scale
hydrologic link between surface water bodies, shallow groundwater, and deep saline aquifers and
to assess the scale of anthropogenic-induced changes (if any) on the regional hydrologic balance
within areas AB4, AB6 and AB7. A detailed regional fluid budget evaluation of area ABS5 is also
recommended, to evaluate if future pore space management adjustments may be required to

maintain a sustainable fluid budget in this area.

It is recommended that the hazard assessment process for (future) fluid-injection projects
also include an assessment of the probability of aseismic slip within (more ductile) injection
formations loading fault sections and triggering seismogenic slip in far-field, more brittle
formations. Such assessment may be especially important in the Alberta Basin since the types
(strike-slip and reverse) of faults prevalent in this basin can be challenging to detect during the

site selection process.

Future investigation of the potential for long-term fluid injection conducted at the Alberta
regulatory pressure limit of 90% of onmin to trigger slip on critically stressed faults, especially in

depleted reservoir environments, is also recommended. Additionally, the long-term
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geomechanical impact of differences between injection fluid and receiving formation
temperatures may also be warranted. Such investigations could help determine if there could be
situations in which these variables could constitute geomechanical risk factors in long-term

industrial fluid-injection projects.
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7.0 Appendix A (Supplementary Materials)

The figures below provide the per-well water injection rate frequency distributions for the
(approximately 4,000) water disposal wells that operated over the period January 1962-
December 2022 in each formation of interest in the Alberta Basin. These distributions were used
to history match the regional-scale permeability estimates for the formations of interest in this
study. They can also be used to constrain long-term per-well ranges of water injection for
proposed future water disposal activities in these formations, as well as to estimate the
probability that a target water injection rate may be achievable for proposed commercial-scale
projects. Such information can help to enhance and calibrate future fluid disposal project design

data and models as required for the Alberta Basin.
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Figure 30. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Belly River Formation; (b) the Cardium Formation.
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Figure 31. Historical per-well injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in (a) the
Dunvegan Formation; (b) the Viking Formation.
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Figure 32. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Paddy Formation, (b) the Cadotte Formation.
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Figure 33. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Peace River Formation, (b) the Colony Formation.
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Figure 34. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the McLaren Formation, (b) the Notikewin Formation.
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Figure 35. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Grand Rapids Formation, (b) the Clearwater Sandstone Formation.
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Figure 36. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Sparky Formation; (b) the Falher Formation.
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Figure 37. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Rex Formation, (b) the Lloydminster Sandstone Formation.
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Figure 38. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Glauconitic Formation; (b) the Ostracod Formation.
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Figure 39. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962 — December 2022) in
(a) the Cummings Formation; (b) the Dina Formation.
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Figure 40. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Detrital Formation, (b) the Spirit River Formation.
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Figure 41. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Bluesky Formation, (b) the Wabiskaw Sandstone Formation.
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Figure 42. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2023) in
(a) the McMurray Formation; (b) the Cadomin Formation.
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Figure 43. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Gething Formation, (b) the Sunburst Formation.
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Figure 44. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Ellerslie Formation, (b) the Taber Formation.
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Figure 45. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Nikanassin Formation; (b) the Sawtooth Formation.
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Figure 46. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Nordegg Formation; (b) the Baldonnell Formation.
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Figure 47. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Boundary Lake Formation, (b) the Charlie Lake Formation.
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Figure 48. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Halfway Formation, (b) the Doig Formation.
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Figure 49. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Montney Formation; (b) the Belloy Formation.
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Figure 50. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Debolt Formation; (b) the Livingstone Formation.
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Figure 51. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Elkton Formation; (b) the Turner Valley Formation.
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Figure 52. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Shunda Formation, (b) the Pekisko Formation.
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Figure 53. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Banff Formation; (b) the Blueridge Formation.
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Figure 54. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in

(a) the

Wabamun Formation; (b) the Nisku Formation.
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Figure 55. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Arcs Formation; (b) the Grosmont Formation.
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Figure 56. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Peechee Formation; (b) the Camrose Formation.

143



35% 30%

30% 25%
0,
25% 00
20%
15%
15%
10%
10%
5()0 5%
0()0 O%
0 250 500 750 1000 1250 1500 0 10 20 30 40 50
Individual well disposal rate (m3/hr) Individual well disposal rate (m3/hr)
(a) (b)

Figure 57. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Leduc Formation; (b) the Duvernay Formation.
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Figure 58. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Cooking Lake Formation; (b) the Cairn Formation.
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Figure 59. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Slave Point Formation, (b) the Gilwood Formation.
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Figure 60. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Keg River Formation, (b) the Muskeg Formation.
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Figure 61. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Contact Rapids Formation; (b) the Lotsberg Formation (note that these wells inject into purpose-built waste disposal salt
caverns, and not into geologic pore space. The well injection rate variability shown in this figure consequently reflects waste
disposal project operational factors (e.g., waste availability, staff availability) and not geologic constraints.
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Figure 62. Historical per-well water injection rate (X-axis) frequency (Y-axis) distributions (January 1962-December 2022) in
(a) the Granite Wash Formation, (b) the Basal Sandstone Unit.
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