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Abstract  
 

Combination of horizontal drilling and hydraulic fracturing has led to improved oil 

recovery from unconventional resources over the past decade. In spite of the huge 

amount of oil in-place, the primary oil recovery factor is very low (3-10 % of initial oil in-

place) in unconventional resources. This is due to ultra-low permeability, complex pore 

structure, and oil-wet (or mixed-wet) behavior of tight formations. To guarantee 

economically long term oil production from tight formations, enhanced oil recovery 

(EOR) techniques should be implemented as soon as fracturing operations start. The 

first step to develop any EOR technique is to understand the wettability of tight 

formations. The next step is to investigate interactions among reservoir fluids, rock 

surface, and fracturing fluids. 

 

This study aims at understanding the (i) wettability of Montney (MT) tight rocks at core-

scale and pore-scale and (ii) mechanisms responsible for oil displacement from these 

rocks using CO2 and surfactant solutions. First, spontaneous imbibition tests and 

contact angle measurements are conducted to evaluate the wettability of and oil 

recovery from the MT tight rocks. Next, the Derjaquin, Landau, Verwey, and Overbeek 

(DLVO) theory is applied to investigate how mineral heterogeneity affects wettability of 

the MT rocks. Finally, two EOR techniques are used to investigate further oil recovery 

from the MT rocks after water spontaneous imbibition. These techniques use CO2 and 

non-ionic octylphenol ethoxylate (OPE) surfactant solutions. Different experiments are 

designed to study the rock-fluid interactions at bulk-phase and core-scale conditions.     
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The spontaneous imbibition results show that water can imbibe into the oil-saturated 

core plugs and produce oil up to 45% of initial oil in-place while oil cannot imbibe into 

the water-saturated core plugs. These observations suggest the water-wet behavior for 

the oil (or water)-saturated core plugs. The water contact angles calculated (using 

DLVO theory) for the solid surface/water/oil system confirm the water-wet behavior of 

the core plugs. Disjoining pressures calculated for this system also show that water film 

covering the rock surface is stable. 

 

Investigating CO2-oil interactions at bulk-phase conditions shows high oil swelling factor 

(up to 1.390) at reservoir conditions (2000 psig and 50C). The results of cyclic CO2 tests 

also show that oil recovery factor from oil-saturated core plugs is high (up to 66% of 

original oil in-place). The proposed mechanisms for oil production are: 1) oil swelling as 

a result of CO2 dissolution into the oil, and 2) evaporation of oil components and 

expelling out of core plugs. 

 

Investigating the surfactant solutions-oil interactions at bulk-phase and core-scale 

conditions shows that mixed non-ionic octylphenol ethoxylate (OPE) surfactants can 

spontaneously imbibe into the oil-saturated core plugs. The final oil recovery factor from 

mixed surfactant solutions is higher than that for reference case (water without 

surfactants). In addition to (i) decreasing IFTs for mixed surfactant solutions and (ii) 

preferentially wetting the rock surface by mixed surfactant solutions, additional 

mechanisms are responsible for improved oil recovery. The higher oil recovery factor for 

the mixed solutions can be explained by (i) improved adsorption tendency of mixed 
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surfactants on the rock surface due to the existence of OPE15 (soluble in oil), (ii) 

formation of small micelles (100-200 nm) in mixed solutions. The existence of small 

mixed micelles facilitates surfactant imbibition into narrow pores (Pthroat<100 nm) for oil 

expulsion.   
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Chapter 1 General Introduction 
 

1.1. Overview 
This section briefly presents an overview of tight formations in North America and 

defines technical terms used in this work.  

 
1.1.1. Tight Oil Formation 

Tight oil formations refer to low permeability (<0.1 mD) sandstones, siltstones, and 

shales containing trapped crude oil. The depth of tight oil formations range from 1,000 

m to 4,000 m. Figure 1.1 shows the major producing tight oil formations located in 

Canada and the US. Oil production from tight formations has made US crude supply to 

exceed 10% of global oil production [1]. Figure 1.2 shows the history of oil production in 

the US from conventional resources and the forecast of oil production from tight oil 

formations. It is expected that the oil production from tight formations increases by 2020 

up to 9.6 million barrel per day. It is also expected that produced oil volume from tight 

formations will be significantly higher than that from other resources within 2020-2040.  

Figure 1.3 shows the relative location of conventional and unconventional formations. 

Conventional oil production is designed to extract crude oil from permeable rock 

formations using a production well. However, conventional oil production techniques do 

not work properly for tight formations [2] because oil and gas cannot easily flow through 

their poorly connected small pores. During the last decade, horizontal drilling and multi-

stage hydraulic fracturing techniques have been used by the industry to expand the oil 

production from tight formations [3].  
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Figure 1.1. Major tight oil formations located in Canada and the US [4]. 

 

 
Figure 1.2.  Historical oil production in the US through 2012 and projection of oil production 

through 2040. 1 million barrels (oil)=158,987 m3[5]. 
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Figure 1.3. Schematic geological section of conventional, tight, and shale gas and oil resources 

[6]. 
 
 
 

1.1.2. Hydraulic Fracturing  
Hydraulic fracturing is a stimulation process for creating new fractures in a reservoir or 

opening existing natural fractures [7, 8]. During hydraulic fracturing, a mixture of 

fracturing fluid (aqueous and non-aqueous), proppant (typically silica sand), and 

chemical additives is injected from a horizontal well into the tight formation to create 

fractures (Figure 1.4). 

 
Figure 1.4. Schematic view of fractures created during hydraulic fracturing in a horizontal well 

[9].  
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Different types of chemical are generally added to aqueous fracturing fluid depending 

on the rock characteristics. A typical fracturing fluid has a very low concentration of 

between 3 and 12 chemical additives (Figure 1.6). Each additive serves a specific 

purpose as listed in Table 1.1. For example, friction reducer added to water (called 

slickwater) facilitates transport of water and proppants into the target zone at a higher 

rate and leads to less pressure loss compared with water without friction reducer.     

 

 
Figure 1.6. An example of aqueous fracturing fluid formulation [11]. 

 
 

Table 1.1. Properties of fracturing fluid chemical additive[12]. 
Additive Purpose 
Acid Dissolving minerals and initiating cracks in the rock 
Acid/corrosion inhibitor Protecting casing from corrosion 
Biocide Eliminating bacteria in water to prevent formation of corrosive 

by-products 
Breaker Delaying the breakdown of gels 
Clay/shale stabilizer Avoiding clay swelling 
Crosslinker Maintaining proper viscosity when temperature increases 
Friction reducer Reducing friction in pipe 
Gel Thickening the fracturing fluid to suspend the proppant 
Iron control Preventing precipitation of metal oxide 
Non-emulsifier Separating oil-water mixtures (emulsions) 
pH adjusting agent Maintaining the effectiveness of other additives 
propping agent Keeping fractures open 
Scale inhibitor Preventing scale in pipe and formation 
Surfactant Reducing interfacial tension 
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1.1.4. Montney Formation 
The Montney Formation located in the Western Canadian Sedimentary Basin (WCSB) 

is thin-bedded siliciclastic lithologies up to 250-300 m thick (Figure 1.7). The Montney 

Formation extended from east (Alberta) to west (British Columbia) is stacked siltstone 

and very fine sandstone. These layers overlie a deeper basinal facies of fine grained, 

organic-rich mudstone/shale, cut by lowstand turbidite sandstones. Most recent drilling 

activities are focused on oil and gas plays in this formation[5]. The Montney tight oil play 

(covering an area of more than 90,000 km2) has an estimated 2,133 tcf of natural gas, 

28.9 billion bbl of natural gas liquids, and 136.3 billion bbl of oil in-place in the province 

of Alberta [13].  

 

 
Figure 1.7. The Montney Formation located in the western Canadian sedimentary basin[14]. 

 
 

1.2. Research Motivation 
Oil production rate from tight oil formations declines rapidly when wells are placed on 

production. To guarantee economically long term oil production from these formations, 

enhanced oil recovery (EOR) techniques should be implemented during fracturing 



7 
 

operations. Improving oil recovery during fracturing operations requires understanding 

the interactions among fracturing fluids, reservoir fluids, and reservoir rocks. 

Understanding rock-fluid interactions enable us to develop a proper fracturing fluid 

formulation for improving oil recovery from tight rocks. It is crucial to evaluate natural 

wettability behavior of tight rocks prior to investigating the rock-fluid interactions. 

Although several authors have studies natural wettability of tight rocks, there are still 

gaps in the proper understanding of rock-fluid interactions in tight rocks. 

First, there is ongoing debate about reliable methods for characterizing the natural 

wettability of tight rocks. It is challenging to evaluate wettability of tight rocks using 

conventional methods because tight rocks have complex pore structure (composed of 

hydrophilic and hydrophobic pore networks) and low permeability. Second, the effect of 

surface forces on wettability behavior of tight rock is poorly understood. The stability of 

thin film of oil/water covering the rock surface is not investigated for heterogeneous rock 

samples. It is also unclear how mineral heterogeneity affects the stability of the thin film. 

Third, the effect of fracturing fluid formulation becomes important once the natural 

wettability of tight rocks is evaluated.  

In this study, the interactions between oil and CO2 (non-aqueous) and surfactant 

solutions (aqueous) are investigated. Characterizing the bulk-phase behavior of CO2-oil 

mixtures helps us understand the physics of CO2-oil interactions at the core-scale. 

Moreover, the non-ionic surfactant solution-oil interactions at the bulk-phase and core 

scale are poorly understood for tight rocks. It is required to explore the mechanisms 

controlling the improved oil recovery from tight rocks by CO2 and surfactant solutions.  

 
1.3. Research Objectives 

To understand the physics of rock-fluid interactions in tight rocks, the objectives of this 

research include:  

 Evaluating the natural wettability behavior of downhole core plugs drilled from the 

Montney tight oil Formation.  

 Understanding the role of mineral heterogeneity and intermolecular forces at 

solid/liquid and liquid/liquid interfaces on wettability behavior of the Montney tight 

rocks. 
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 Understanding the mechanisms controlling oil displacement from tight rocks 

during (i) cyclic CO2 injection and (ii) soaking with non-ionic surfactant solutions.  

 

1.4. Organization of Thesis 
This work is divided into six chapters. All chapters (except the first and last) are 

published or under review in peer-reviewed journals. Some chapters repeat the same 

figures, tables, and texts.  

Chapter 1 provides a general introduction, defines general technical terms used in the 

hydraulic fracturing operations, and presents the research motivation and objectives of 

the research.  

The objective of chapter 2 is to develop a laboratory protocol for evaluating the 

wettability of tight oil rocks reliably. This chapter presents the results of (i) comparative 

spontaneous imbibition tests conducted on fresh, water-saturated, and oil-saturated 

core plugs, using reservoir rock and fluids, (ii) air/liquid and liquid/liquid contact angles, 

and (iii) SEM/EDS analyses to investigate wettability behavior of the Montney tight oil 

play. 

The objective of chapter 3 is to understand how mineral heterogeneity and 

intermolecular forces acting at solid/liquid and liquid/liquid interfaces can affect the 

wettability behavior of the Montney tight rocks. This chapter presents the results of (i) 

pore-scale visualizations on thin section samples and SEM/EDS analyses, (ii) adhesion 

forces measured for the rock surface and pure minerals using atomic force microscopy 

(AFM) analysis, and (iii) calculated intermolecular forces by applying the Derjaquin, 

Landau, Verwey, and Overbeek (DLVO) theory.  

The objective of chapter 4 is to understand CO2-oil interactions at different experimental 

conditions, and explain how these interactions can lead to improved oil recovery. This 

chapter presents the results of (i) CO2-oil interactions at the bulk-phase conditions using 

a PVT cell and a custom-designed visual cell, (ii) oil recovery factor from oil-saturated 

core plugs soaked in CO2, and (iii) oil recovery from oil-saturated core plugs by 

conducting the cyclic CO2 process. 

The objectives of chapter 5 are to investigate (i) how OPE solutions affect wettability of 

tight rocks and IFT between reservoir fluids and (ii) how mixing of OPE surfactants 
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results in improved oil recovery from tight rocks. This chapter presents the results of (i) 

surface and interfacial tensions measurement of non-ionic octylphenol ethoxylate (OPE) 

surfactant solutions, (ii) particle size distribution of micelles formed in surfactant 

solutions, (iii) isothermal titration calorimetry (ITC) experiments for evaluation of 

surfactant adsorption on the rock surface, (iv) liquid/liquid contact angle measurements 

to characterize the wettability of rock surface exposed to different surfactant solutions, 

and (v) imbibition oil-recovery experiments using oil-saturated downhole Montney core 

plugs.  

Chapter 6 presents the key conclusions drawn from this work and recommendations for 

future studies.  

The references from all chapters are presented at the end of chapter six. The 

appendices are also presented after the references.    
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Chapter 2 Understanding Wettability of Tight Oil 
Formations: A Montney Case Study 

 

2.1. Introduction 
The soaring global energy demand and decreasing conventional oil production have 

motivated the industry to produce hydrocarbons from unconventional resources such as 

tight oil reservoirs, which have emerged as abundant and reliable source of energy. For 

example, the Montney tight oil play (covering an area of more than 90,000 km2) has an 

estimated in-place hydrocarbon resources of almost 2,133 tcf of natural gas, 28.9 billion 

bbl of natural gas liquids, and 136.3 billion bbl of oil in the province of Alberta [13]. 

Primary oil production from tight oil reservoirs is between 5-10 % of original oil in-place 

[15, 16]. Therefore, it is essential to develop new enhanced oil recovery techniques for 

unconventional resources. A key factor that determines the outcome of any EOR 

technique is the natural wettability of rock matrix. Thus understanding and 

characterizing wettability of rock, and its interactions with treatment and fracturing fluids 

are crucial for reservoir development operations.   

Ultimately, the outcome of a hydraulic fracturing operation strongly depends on the 

wettability of the rock-fluid system. Wettability is the tendency of a fluid to preferentially 

wet the rock surface in the presence of other fluid(s) [17, 18]. Wettability impacts (a) the 

microscopic distribution of fluid phases at the pore scale, (b) the irreducible water 

saturation, (c) efficiency of an immiscible displacement such as water flooding, (d) rock-

fluid properties such as capillary pressure and relative permeability, and (e) electrical 

properties of porous media [19-25]. In tight reservoirs, the fluids-rock interactions 

become more complex as their porosity and permeability are usually very low. As the 

size of pore-throats decreases to less than 100 nm, the effect of surface forces on 

surface wettability becomes more pronounced and cannot be neglected [26].  

Wettability of a fluid-rock system can be evaluated by measuring (a) equilibrium contact 

angle [19], (b) Amott wettability index [27], (c) USBM (United States Bureau of Mines) 

index [28], (d) spontaneous imbibition [29], (e) hysteresis of the relative permeability 

curves [30], and (f) nuclear magnetic relaxation (NMR) [31]. It is difficult to apply the 
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common conventional methods, involving forced displacements, for evaluating 

wettability of tight rocks. This is mainly due to the complex pore structure and low 

porosity and permeability of tight rocks. Contact angle measurement is the simplest 

technique for wettability evaluation but may need complementary analysis, as it does 

not necessarily represent the wettability of the effective pore network [32, 33]. Recent 

studies show that comparative imbibition tests can provide useful information regarding 

the wettability of tight formations [33-36].  

To stimulate a tight formation, a large volume of fracturing fluid is pumped into the 

horizontal wells to create fractures [37]. Then, the wells may be soaked with fracturing 

fluid for a period of time (soaking time) to allow imbibition of fracturing fluid into the rock 

and possibly counter-current displacement of hydrocarbons toward the fractures. 

Soaking a fractured reservoir with fracturing fluid leads to spontaneous imbibition of 

fracturing fluid into the rock matrix. There is a considerable debate going on regarding 

the effect of soaking process on oil production after hydraulic fracturing operations. 

Spontaneous imbibition may result in fluid loss and formation damage [38-44]. Up to 

70% of fracturing fluid may be retained in the rock matrix due to the high capillary 

pressure in extremely small pores (less than 100 nm). This phenomenon is called water 

blockage and can reduce the relative permeability of hydrocarbon and consequently 

decrease oil production rate [45]. On the other hand, spontaneous imbibition of 

fracturing fluid has been considered as a driving force for enhanced oil recovery [15, 46-

48]. Furthermore, recent experiments  [34, 49], field data analyses [50], and simulation 

studies [51] suggest that extended shut-in of gas wells in the Horn River Basin results in 

immediate gas production, suggesting expelling of gas by fracturing water imbibition. 

The counter-current imbibition of fracturing fluid into tight rock matrix can be performed 

in laboratory to evaluate the fracturing fluid-rock wettability and to simulate the soaking 

process in the reservoir. There is a dearth in the literature about the wettability 

evaluation of tight oil plays. As an example, the wettability of the Montney (MT) tight oil 

play is poorly understood. In this study, we evaluated the wettability of several core 

plugs from the MT tight oil play by performing systematic and comparative imbibition 

experiments and by measuring contact angle of different fluid-rock systems. We also 

simulated the shut-in period in the field by soaking the samples with different fluids in 
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the laboratory. Finally, we discussed the factors controlling water and oil imbibition into 

the MT tight oil samples.   

2.2. Materials 
2.2.1. Core Properties 

We used fresh core samples from two different wells drilled at different depths (1568.89-

1585.18 m and 2380.24- 2404.62 m) in the MT formation and cut 15 plugs using 

Nitrogen for consistent and comparative imbibition experiments. Figure 2.1 shows the 

location of core samples on the well logs for wells 1 and 2. The third track of the logs 

shows the measured values of oil and water saturations from core analyses. Water 

saturation increases with the depth and indicates the capillary-gravity equilibrium within 

geologic time scales. The upper section of the logs shows higher values of resistivity 

and uranium concentration compared with the lower section. High values of uranium log 

may be related to the presence of organic materials. For the lower section, relatively 

lower values in uranium concentration indicates lower amounts of organic materials. 

Neutron and density porosity logs almost overlap and show a uniform trend in the lower 

section. In general, the samples from well 1 have higher porosity compared with 

samples from well 2 based on neutron and density porosity logs, and this is consistent 

with the laboratory results listed in Table 2.1 and shown in Figure 2.2. 

Table 2.1 lists the petrophysical properties of the two wells. These measured values are 

provided by the Core Laboratories service company. As can be seen in Table 2.1, 

samples of well 1 are more porous and permeable than samples of well 2. 
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(a) 

 
(b) 

Figure 2.1. Approximate location of core samples on the well logs for (a) well 1 and (b) well 2. 
 

Upper Section 

Lower Section 

Upper Section 

Lower Section 
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Porosity of each sample was measured using Helium gas. Figure 2.2 compares the 

normal distribution of porosity for the two wells, and we observe a wide distribution of 

porosity for the two wells. Permeability variations are the result of variable diagenesis 

process, in particular the amount of cement, and also the amount of clay. All of the 

samples are siltstones deposited in storm dominated conditions. The facies is a 

Hummocky Cross Stratified (HCS) siltstone facies deposited in a lower to middle 

shoreface setting [52].The Dykstra-Parsons parameter for well 1 and well 2 is 0.972 and 

0.797, respectively. Higher value of Dykstra-Parson coefficient represents more 

heterogeneous reservoir [25]. Although both wells are categorized as heterogeneous 

reservoirs, the order of heterogeneity of well 1 is more than well 2.  
 
 

Table 2.1. Petrophysical properties of well 1 and well 2-MT Formation 
Well 1 

No. Depth(m) Permeability 
(kair - mD) 

Porosity 
(Helium- 
Fraction) 

Grain 
Density- 
Kg/m3 

1 1568.89 4.98 0.155 2720 

2 1569.92 7.53 0.17 2710 

3 1571.89 0.61 0.102 2730 

4 1572.67 2.08 0.14 2690 

5 1575.12 0.35 0.127 2710 

6 1577.14 1.14 0.153 2700 

7 1578.26 2.27 0.159 2700 

8 1580.64 0.3 0.122 2710 

9 1583.79 1.48 0.152 2710 

10 1585.18 1.31 0.152 2710 

 

 

Well 2 
No. Depth(m) Permeability 

(kair - mD) 
Porosity 
(Helium- 
Fraction) 

Grain 
Density- 
Kg/m3 

1 2380.24 0.127 0.0724 2720 

2 2382.39 0.036 0.044 2716 

3 2384.87 0.092 0.064 2716 

4 2388.75 0.197 0.087 2710 

5 2390.9 0.422 0.088 2714 

6 2393.94 0.054 0.0762 2722 

7 2396.25 0.071 0.078 2729 

8 2399.39 0.088 0.076 2721 

10 2404.62 0.083 0.056 2708 
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Figure 2.2. Porosity distribution for well 1 and well 2 drilled in the MT formation 
 

Figure 2.3 and Figure 2.4 plot the mineral concentrations of well 1 and well 2 versus 

depth of samples based on XRD analysis. The results of XRD analysis are provided by 

the Core Laboratories service company. The main minerals in the samples of well 1 are 

quartz (50-55 wt. %), dolomite (13-25 wt. %), clay minerals (10-22 wt. %), and feldspars 

(10-13 wt. %). Figure 2.4a shows that clay minerals of the samples from well 1 are 

categorized in three types: mixed layer of illite/mica (51-74 % of total clay), mixed layer 

of illite/smectite (20-32 % of total clay) and kaolinite (0-26 % of total clay). 

Illite/smectites mixed layers can adsorb water and swell, but we did not observe any 

swelling in our experiments. Kaolinite, on the other hand, does not swell in the presence 

of water but may detach from the rock matrix occasionally. Samples of well 2 are mainly 

comprised of quartz (33-55 wt. %), dolomite (15-29 wt. %), calcite (4.5-12.5 wt. %), clay 

minerals (9-21.5 wt. %) and feldspars (9.5-14 wt. %). Clay minerals of samples taken 

from well 2 are illite/muscovite mixed layers (9-28 % of total clay) and kaolinite (72-91 % 

of total clay), as shown in Figure 2.4b.  

Quartz content is higher in samples of well 1 as compared with samples of well 2. In 

addition, samples from well 2 have a wider variation of quartz content as opposed to the 

samples from well 1. Furthermore, concentration of carbonates (calcite and dolomite) in 

samples from well 2 is higher than those from well 1. The total clay contents for both 

wells are similar.  
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Figure 2.5 and Figure 2.6 show high magnification view of thin sections under plane 

light performed on the samples from different depths of well 1 and well 2, respectively. 

Blue areas shown in Figure 2.5 and Figure 2.6 represent pores. The higher population 

of blue areas in the thin section of well 1 samples (Figure 2.5) as compared with that of 

well 2 samples (Figure 2.6) is consistent with relatively higher porosity of well 1 

samples, as reported in Table 1 (porosity range of 0.102-0.17 and 0.044-0.088 for 

samples of well 1 and well 2, respectively). Moreover, the pores in samples of well 1 

appear to be more connected which is consistent with the higher average permeability 

of these samples reported in Table 1 (0.3- 7.53 mD and 0.036- 0.422 mD for samples 

from well 1 and well 2, respectively).  

Quartz, feldspars, carbonates (dolomite/calcite), and organic matter (kerogen or 

bitumen)/pyrite are indicated by white, yellow, grey, and black grains in the thin section 

images under plane light, respectively. The dominant mineral in Figure 2.5 and Figure 
2.6 is quartz. Extensive distribution of quartz in thin section images is in agreement with 

rock mineralogy data in Figure 2.3. Yellow grains representing feldspars in thin section 

images are more dominant for well 2 samples than well 1 samples which is in 

agreement with the data in Figure 2.3. Generally, the population of greyish grains in 

samples from well 2 is more than that in samples from well 1, and this confirms the 

higher percentage of carbonates (dolomite/calcite) in samples of well 2 which supports 

the data in Figure 2.3. Black areas in thin section images are expected to be 

pyrite/organic matter (kerogen or bitumen). The pyrite contents of samples from well 1 

and well 2 are within the range of 1-3 % wt. and 0.75-2 % wt., respectively (Figure 2.3). 

To investigate the presence of pyrite and organic matter, we conducted surface and 

elemental mapping analysis on different rock samples which are discussed in details in 

section 2.4.2. SEM/EDS analysis.  
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(a) 

 
(b) 

 
Figure 2.3. Rock mineralogy of samples from: (a) well 1 and (b) well 2. Quartz and carbonates 

are the main components of samples from both wells. 
 
 

 

 
(a) 

 
(b) 

Figure 2.4. Clay fraction of total clay composition for samples from: (a) well 1 and (b) well 2. 
Total clay of samples from well 1 is composed of illite/mica, illite/smectite and kaolinite. Total 

clay of samples from well 2 is composed of illite/smectite and kaolinite.   
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(a)   

(b)  

 
(c) 

 
(d)  

Figure 2.5. Thin sections of siltstone samples taken from well 1 at: (a) 1568.89 m, (b) 1571.89 
m, (c) 1578.26 and (d) 1585.18 m. Blue, white, grey, yellow and black are pores, quartz, 

carbonates, feldspars and organic matter/pyrite, respectively.  

 
(a) 

 
(b) 

 
(c) 

 
(d) 

Figure 2.6. Thin sections of siltstone samples taken from well 2 at: (a) 2380.24 m, (b) 2384.87 
m, (c) 2390.9 m and (d) 2402.5 m. 
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2.2.2. Fluid Properties 
We used crude oil and reservoir brine as imbibition fluids. Table 2.2 and Table 2.3 list 

the physicochemical properties of the fluids used for imbibition experiments. Reservoir 

brine is a highly saline water and the produced oil from these two wells is characterized 

as light oil (API=37.96).    

  
Table 2.2. Physical properties of reservoir brine. 

 
Property Value 
Total Dissolved Solids, mg/L 136,630 
Observed pH 6.71 
Relative Density (25 ºC) 1.100 
Salinity % 13.94 
Total Alkalinity as CaCO3, mg/L 1,433.33 
Surface Tension, mN/m 70.1 

 
Table 2.3. Physical properties of crude oil. 

 
Property Value 

Color of Clean Oil Dark Brown 
API Gravity (15 ºC) 37.96 
Relative Density 0.834 
Absolute Viscosity ( 25 ºC), mPa.S 3.55 
Surface Tension, mN/m 26.8 

 

2.3. Methodology 
First, we measured and compared spontaneous imbibition of oil and brine into twin core 

plugs. Then, we visualized and measured spontaneous imbibition of brine (or oil) into 

the plugs partly saturated with oil (or brine) obtained from the first part. Finally, we 

performed the contact angle measurements on cores at different saturation conditions.  

2.3.1. Spontaneous Imbibition on Fresh Core Plugs   
We measured spontaneous imbibition of oil and brine into fresh twin plugs (partially 

saturated with air) drilled from the cores of the two wells. We cut 19 plugs using nitrogen 

and stored them in the plastic wrap to preserve initial conditions of the rock samples 

and control weathering and evaporation. However, the core samples were not totally 

preserved at the reservoir conditions. Oil and brine may partly be evaporated and, cores 

may partially be saturated with air. We did not use any solvent to clean the rock 
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samples to avoid changing the initial wetting affinity of the samples. [53] showed that 

some petrophysical (grain density and permeability) and geochemical properties of the 

Montney samples changed after solvent-extraction of as-received samples with toluene 

and methanol.   

Measured contact angle data under the laboratory conditions may be different from 

those under the reservoir conditions due to change of pressure, temperature and fluid 

saturation. Temperature affects the contact angle significantly but the effect of 

temperature is not investigated in this study. Pressure does not have a strong effect of 

contact angle [15]. Initial oil (or brine) saturation of rock samples may affect the 

wettability behavior of samples. We observed that saturating the samples with brine 

make them more water-wet while saturating the samples with oil make them more oil-

wet. To interpret the spontaneous imbibition results on fresh and oil- (or brine) saturated 

samples, we performed the contact angle measurements at similar experimental 

conditions (liquid saturation, temperature and pressure). 

We used the plugs (6 cm in length and 3.8 cm in diameter) drilled horizontally from the 

full-diameter cores. Then, we cut each plug into half to prepare twin plugs with similar 

petrophysical properties, and placed one plug of each twin set in the imbibition cell filled 

with reservoir brine and the other plug in the imbibition cell filled with the reservoir oil. 

The mass gain is recorded by an accurate electronic balance for the period of at least 

three months. Figure 2.7 shows the set-up used for the imbibition tests on fresh 

samples. The experiments were performed at room pressure and temperature. 

 
Figure 2.7. Schematic view of the experimental set-up used for spontaneous imbibition 

experiments on fresh samples. 
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2.3.2. Spontaneous Imbibition of Brine (or Oil) Into Oil(or Brine)-Saturated 
Samples 

After the imbibition tests on fresh plugs, we placed the plugs, partially saturated with oil 

(or brine), in imbibition cells filled with brine (or oil), as shown in Figure 2.8. These tests 

are called soaking tests in this chapter. The expelled volume of oil during brine 

imbibition and that of brine during oil imbibition was collected at the top and bottom of 

the cells, respectively (Figure 2.8). The volume of produced oil and water was 

measured at different times during the soaking test. 

 
Figure 2.8. Counter-current imbibition cells used for soaking of (a) brine-saturated and (b) oil-

saturated samples in oil and brine, respectively. 
  

2.3.3. Contact Angle Measurement 
We performed contact angle measurement for different combinations of fluids-rock 

systems by analyzing the droplet profile equilibrated on the rock surface using a high-

resolution camera. We investigated the wetting affinity by visualizing the contact angle 

of: 

 Brine or oil droplet on fresh core samples in the presence of air (air/brine and 

air/oil contact angle). For fresh samples, we polished the fresh sample and 

injected an oil (or brine) droplet on the rock surface. We monitored the shape of 

droplet and recorded the final oil/brine droplet on the rock surface after reaching 

equilibrium. 
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 Brine or oil droplet on cores saturated with brine in presence of air to observe the 

effect of soaking with brine (air/brine and air/oil contact angle). Similarly, we 

visualized brine or oil droplet on cores saturated with oil in presence of air to 

observe the effect of soaking with oil (air/brine and air/oil contact angle). For oil- 

(or brine) saturated samples, we initially soaked the rock samples with oil (or 

brine), we injected an oil (or brine) droplet on the rock surface, in the presence of 

air, and monitored the shape of droplet by time. After the equilibrium, we took the 

picture with a high-resolution camera and analyzed the picture with an image 

analyzer software to calculate the angle between droplet and rock surface. 

 Brine (or oil) droplet on cores immersed in oil (or brine). For oil/brine contact 

angle measurements on brine saturated sample, we initially soaked the samples 

with brine; then put them in a glass vessel filled with brine. Brine saturated 

samples were mounted to the top part of the cell. The oil droplet was inserted 

using a J-shape needle at the bottom of the vessel below the rock surface. The 

buoyancy force that arises from the density contrast of the brine and oil helps the 

oil droplet to attach to the rock surface. Then, oil droplet was left for 20 hours to 

equilibrium in the system before taking measurements. Finally, we took the 

pictures and analyzed them using an image analyzer software. For brine droplet, 

we put the brine saturated samples in the vessel filled with kerosene and inserted 

brine droplet at the top of vessel. Here we used kerosene as the reservoir oil was 

not transparent enough to visualize the water droplet. 

2.3.4. Surface Analysis and Elemental Mapping 
We used the end pieces of the core samples for scanning electron microscopy (SEM) 

and energy-dispersive X-ray spectroscopy (EDS) analysis using Tescan Vega-3W 

instrument. The instrument has secondary electron (SE), backscattered electron (BSE) 

and EDS electron beams for surface characterization. SE images are routinely used for 

analyzing the surface morphology while the BSE images are used to distinguish 

between heavy and light components. EDS also provides the elemental mapping of the 

surface and is used as a complementary test for the XRD analysis to explore the 

presence of organic matter on the rock surface.   
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2.4. Results and Discussions 
This section presents and discusses the results of the imbibition tests on fresh samples 

and the samples partly saturated with brine or oil. We also present the results of contact 

angle measurements for different fluid-rock systems. Moreover, we conducted 

SEM/EDS analysis to further investigate the effect of rock elements on brine/oil 

imbibition in the MT samples.    

2.4.1.  Spontaneous Imbibition of Brine and Oil in Fresh Plugs  
In Figure 2.9, we plot versus time the normalized imbibed volume obtained by dividing 

the imbibed volume of oil or brine by the sample pore volume. Comparative analysis of 

the imbibition profiles leads to the following key observations:    

  
 

(a)      (b) 

  
 

(c) (d) 
Figure 2.9. Normalized imbibed volume of (a) Brine (Well 1), (b) Oil (Well 1), (c) Brine (Well 2) 

and Oil (Well 2) in fresh samples.            
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Mixed-wet behavior: Both oil and brine imbibe spontaneously into the core plugs from 

the two wells. This indicates that the surface of the rock pore network has a similar 

affinity to both oil and brine. To compare the affinity of the MT samples to oil and brine, 

we use the wettability indices defined by Lan et al. [41]: 

Wetting affinity index of brine (WIb) =  
𝐼𝑏

𝐼𝑏+𝐼𝑜
 (1) 

Wetting affinity index of oil (WIo) =  
𝐼𝑜

𝐼𝑏+𝐼𝑜
 (2) 

                                                                        

Where, 𝐼𝑏 and 𝐼𝑜 are normalized imbibed volume of brine and oil, respectively. In Figure 

2.10, we plot the wettability indices of brine and oil versus depth for the samples from 

the two wells. In general, the wettability indices for oil and brine are close to 0.5 and this 

indicates similar affinities to both oil and brine. However, the wetting affinity of oil is 

slightly higher than that of brine for some samples, and this difference appears to be 

more pronounced for samples taken from lower depths.  

 

 
(a) 

 
(b) 

Figure 2.10. Wettability index for samples from (a) well 1 and (b) well 2.  Oil and brine 
wettability index are close 0.5 for most the samples.  

 

Oil reaches to equilibrium faster than brine: Comparing oil and brine imbibition profiles 

shows that in general, oil reaches to the equilibrium state faster than brine, and this is 

more pronounced for samples of well 1.  We observe two main regions in the brine 

imbibition profiles. In the first region, brine quickly imbibes into the rock, while in the 
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linear (see for example, samples S3 and S8 in Figure 2.9a). It should be noted that the 

brine profile of some samples shows a plateau (for example, S4 and S10 in Figure 
2.9c). On the other hand, oil imbibition arrives at the equilibrium state relatively fast in 

most of the samples, and we do not observe the slow linear region (region 2) which was 

observed in the brine case.  

Faster oil imbibition cannot be explained by capillary-driven imbibition models: Handy 

[54] modeled spontaneous imbibition for one dimensional water-air systems and 

showed that the imbibed volume at the early time of imbibition (region 1) is proportional 

to the square root of time. Schembre et al. [55] derived an expression for imbibed 

volume (Q) as a function of capillary pressure (Pc), porosity (Ø), effective fluid 

permeability (K), fluid saturation (S) , contact surface area (Ac), viscosity (μ) of fluid, and 

time (t): 

𝑄 = [
2 𝑃𝑐 ∅ 𝐾 𝑆 𝐴𝑐

2

𝜇
]

0.5

𝑡0.5 (3) 

𝑚(𝑠𝑙𝑜𝑝𝑒) = [
2 𝑃𝑐  ∅ 𝐾 𝑆 𝐴𝑐

2

𝜇
]

0.5

 (4) 

Therefore, m represents the imbibition rate and can be obtained by plotting the imbibed 

volume versus square root of time. The ratio of imbibition slope for oil and brine is given 

by 

 𝑆𝑅(𝑠𝑙𝑜𝑝𝑒 𝑟𝑎𝑡𝑖𝑜) =
𝑚𝑜

𝑚𝑏
= [

 𝑃𝑐𝑜 ∅𝑜 𝐾𝑜 𝑆𝑜 𝐴𝑐
2

𝜇𝑜

 𝑃𝑐𝑏 ∅𝑏 𝐾𝑏 𝑆𝑏 𝐴𝑐
2

𝜇𝑏

]

0.5

 (5) 

Assuming constant Ø, K, S, and Ac for twin plugs and rearranging Eq. 5 give the ratio 

between oil and brine capillary pressure:  

(
 𝑃𝑐𝑜 

𝑃𝑐𝑏
)

𝐼𝑚𝑏𝑖𝑏𝑖𝑡𝑖𝑜𝑛

= (
𝑚𝑜

𝑚𝑏
)

2 𝜇𝑜

𝜇𝑏
 (6) 

The ratio of oil and brine capillary pressures can also be approximated using Young-

Laplace equation assuming constant average pore diameter for oil and brine imbibition: 

(
 𝑃𝑐𝑜 

𝑃𝑐𝑏
)

𝑌𝑜𝑢𝑛𝑔−𝐿𝑎𝑝𝑙𝑎𝑐𝑒

=
𝜎𝑜 cos 𝜃𝑜

𝜎𝑏 cos 𝜃𝑏
 (7) 
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Where σ is surface tension of fluid and θ is contact angle of fluid on the rock surface. 

Surface tension of oil and brine are listed in Table 2.2 and Table 2.3, respectively. 

Contact angle of oil and brine droplet on different fresh samples are also listed in Table 
2.5.  

 
Table 2.4. Comparison of oil and brine capillary pressure ratio obtained from imbibition data and 

Young-Laplace equation. 
 Sample 

No. 
Slope 
Ratio 
(SR) 

(
 𝑷𝒄𝒐 

𝑷𝒄𝒃
)

𝑰𝒎𝒃𝒊𝒃𝒊𝒕𝒊𝒐𝒏

 (
 𝑷𝒄𝒐 

𝑷𝒄𝒃
)

𝒀𝒐𝒖𝒏𝒈−𝑳𝒂𝒑𝒍𝒂𝒄𝒆

 

Well 
1 

1 1.06 3.97 0.54 
2 1.04 3.81 0.56 
5 1.04 3.87 0.56 
6 1.02 3.71 0.42 
7 1.02 3.71 0.43 
8 1 3.55 0.39 
9 1.04 3.88 0.42 
10 0.85 2.58 0.43 

Well 
2  

1 1.09 4.26 0.43 
4 0.96 3.42 0.48 
5 0.98 3.48 0.40 
6 0.99 3.41 0.41 
7 0.98 3.67 0.39 
8 1.02 3.55 0.40 
10 1 3.42 0.40 

 

In Table 2.4 and Figure 2.11, we compare  𝑃𝑐𝑜 

𝑃𝑐𝑏
  determined from Eqs. 6 and 7, and 

observe a surprising behavior. Based on the Young-Laplace equation,  𝑃𝑐𝑜 

𝑃𝑐𝑏
 is between 

0.39 to 0.56 while, based on imbibition experiments,  𝑃𝑐𝑜 

𝑃𝑐𝑏
 is between 2.57 to 4.26. This 

discrepancy between capillary pressure ratio obtained from imbibition data and Young-

Laplace equation can be explained by considering the assumptions made for deriving 

the capillary pressure ratios. We assumed that capillary pressure is the only mechanism 

for fluid imbibition and that oil and brine imbibe into the same pore networks. Higher 

capillary pressure ratio based on imbibition data may be referred to the presence of 

organic matter. Oil imbibes faster into the rock samples if there is a connected pore 

network of organic matter [56]; and thus capillary pressure ratio will be higher based on 

the imbibition data.  
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Figure 2.11. Oil/brine capillary pressure ratio from Young-Laplace equation versus oil/brine 
capillary pressure ratio from the imbibition data. 

 

2.4.2. SEM/EDS Analysis 
To understand the possible reasons for comparable affinity of samples to oil and brine, 

we performed SEM/EDS on the rock samples. Figure 2.12-Figure 2.14 show the SE 

images, BSE images, and elemental mapping of samples using EDS analysis. We used 

sample 7 (depth of 1578.26 m) from well 1 (Figure 2.12), sample 9 (depth of 1583.79 

m) from well 1 (Figure 2.13) and sample 4 (depth of 2388.75 m) from well 2 (Figure 
2.14) for conducting SEM/EDS analysis. SE images provide topographical information 

and, BSE reveals the compositional variations in the samples. Bright spots in BSE 

images (Figure 2.12b, Figure 2.13b, and Figure 2.14b) represent heavy materials 

(such as pyrite) while dark spots represent lighter components (organic matter). Figure 
2.12c shows the presence of Fe and S elements at the bright spots observed in BSE 

analysis (Figure 2.12b). Therefore, these bright spots are pyrite.  

Figure 2.12c shows the elemental mapping of sample 7 from well 1. Si is uniformly 

distributed in the map while Fe and S (pyrite) are present at specific locations where Si 

does not exist. Interestingly, Ca, Mg, and C (carbonate components) exist between Si 

elements (silica components). This mixed distribution suggests that quartz and 

carbonate components are mixed with each other and form a complex structure. This 

observation is consistent with spatial distribution of quartz and dolomite grains observed 

in the thin sections shown in Figure 2.5 and Figure 2.6, and can be used to explain the 
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observed mix-wet behavior. Figure 2.15 highlights two complex pores (blue areas) 

surrounded by quartz (white grains) and carbonate components (grey grains). In 

general, quartz tends to be water-wet while the carbonate minerals such as dolomite 

tend to be oil-wet [18]. Therefore, the observed mix-wet behavior may be explained by 

wetting affinity of mix-wet grains. 

We also observe a dark strip extended along the sample in SE image (Figure 2.12a). 

EDS analysis on this sample shows the presence of pure carbon element, which may 

represent organic matter since other components such as oxygen are absent (Figure 
2.12c). Figure 2.13 and Figure 2.14 illustrate the presence of organic matter in other 

samples. 

 

 
(a) (b) 
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(c)  

 
Figure 2.12. Sample 7 (depth of 1578.26 m) from well 1 under (a) SE beam, (b) BSE beam and 
(c) EDS analysis. Presence of Fe and S in part (c) shows the presence of pyrite in the sample. 

Pyrite is shown in part (b) by brighter spots.   
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(a) (b) 

 

 
(c) 

Figure 2.14. Sample 4 (depth of 2388.75 m) from well 2 under (a) SE beam, (b) BSE beam and 
(c) EDS analysis. The pure carbon in subplot (c) suggests the presence of organic matter in the 

sample.  
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Figure 2.15. Complex pore wall of a random MT sample. Pores are surrounded with quartz, 
carbonates and feldspars. Quartz and feldspars tend to be water-wet while carbonates are 

expected to be oil-wet.  
 

2.4.3. Contact Angle Measurement 
First, we measured air/brine and air/oil contact angles on fresh samples. Table 2.5 lists 

the measured values of contact angles for oil and brine. Oil droplet totally spreads on 

the rock surface while brine partially wets the sample. Figure 2.16 shows this 

phenomenon for a random sample. The results indicate that the affinity of the fresh 

samples to oil is higher than that to brine, and this is in agreement with the general 

observation in Figure 2.9 that oil imbibes faster than brine in these samples. 

Second, we measured air/brine and air/oil contact angles on saturated samples (after 

spontaneous imbibition) to observe the effect of soaking with brine and oil. In the case 

of brine-saturated samples, oil totally spreads on the rock surface while; brine droplet 

forms a measurable, but smaller, contact angle on the rock surface. The decrease in 

brine contact angle reveals that aging in water increases the rock affinity to water. In the 

case of oil-saturated samples, oil spreads on the rock surface while brine forms a 

droplet with higher contact angle. Therefore, aging in oil decreases the rock affinity to 

water.  

Third, we measured the contact angle of brine/oil in brine-saturated samples to mimic 

the reservoir conditions. Figure 2.17 shows equilibrated droplets of crude oil and brine 

on the rock surface immersed in brine and kerosene, respectively. In order to visualize 

the water droplet, we used kerosene instead of crude oil. Brine droplet tends to spread 
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on the rock surface in the presence of kerosene while oil droplet tends to minimize its 

interfacial contact with rock in the presence of brine. Figure 2.18 shows the contact 

angle of brine (in the presence of kerosene) on the rock surface versus depth for the 

two wells. The brine contact angles change from 30º to 63º.  Interestingly, in contrast to 

the results of the previous tests on fresh samples, here the results show that the rock 

samples are strongly oil repellent when immersed in brine. To investigate this 

discrepancy, we measured and compared imbibition of brine and oil into oil-saturated 

and brine-saturated samples, respectively. 

  
(a) 

 
(b) 

Figure 2.16. Contact angle of (a) brine/air and (b) oil/air on the surface of fresh sample. The 
brine droplet partially wets the rock surface while the oil droplet completely spreads on rock 

surface.  
 

Table 2.5. Air/ brine and air/ oil contact angle for fresh, oil-saturated and brine-saturated 
samples. 

 No. Oil on 
fresh 
sample 

Oil on 
brine 
saturates 
sample 

Oil on 
oil-
saturated 
sample 

Brine 
on 
fresh 
sample 

Standard 
Error 

Brine on 
brine-
saturated 
sample 

Standard 
Error 

Brine on 
oil-
saturated 
sample 

Standard 
Error 

Well 
1 

1 0 0 0 44 0.61 31 0.58 60 1.37 
2 0 0 0 34 1.58 27 0.19 73 0.84 
3 0 0 --- 61 0.99 22 0.45 --- --- 
4 0 --- 0 61 0.23 --- --- 73 0.35 
5 0 0 0 46 1.00 22 1.03 75 0.50 
6 0  0 0 26 0.81 14 0.81 72 0.50 
7 0 0 0 23 1.99 20 0.82 73 0.99 
8 0 0 0 15 1.49 13 1.59 66 1.95 
9 0 0 0 29 1.19 10 0.94 66 1.82 
10 0  0 0 25 1.54 17 1.03 76 0.50 

Well 
2 

1 0 0 0 25 0.92 21 0.80 74 1.82 
2 0 0 --- 26 0.79 25 0.99 ---- ---- 
3 0 0 0 41 1.79 ---- ---- 76 0.63 
4 0 0 0 34 1.73 27 1.05 74 2.39 
5 0 0 0 21 0.72 24 1.03 93 3.37 
6 0 0 0 23 1.00 37 1.38 103 1.09 
7 0 0 0 12 0.37 24 1.37 86 1.70 
8 0 0 0 17 1.18 25 0.26 103 3.15 
10 0 0 0 17 0.67 26 0.65 74 0.61 
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The oil recovery is in the range of 25 % to 45 % and most of the experiments reach to 

the equilibrium after one month of soaking in brine. Therefore, more than 50 % of the 

initial oil remains in the samples mainly because the imbibition force is not strong 

enough to displace the oil residing in small oil-wet pores. Furthermore, part of the oil in 

water-wet pores can be trapped by imbibing water due to snap-off mechanism. It should 

be noted that there are some sources of error in this experiment which results in 

underestimation of the produced oil. First, some of the small oil droplets do not detach 

from the rock surface, due to low buoyancy force, and therefore, do not accumulate at 

the top of the cell. Second, some oil droplets attach to the neck of cells due to the 

curvature of the glass. We tried to reduce such errors by slightly shaking the imbibition 

cells.  

We also immersed brine-saturated samples into oil as shown in Figure 2.22, and did 

not observe accumulation of brine droplets at the bottom of cells. Apparently, oil cannot 

imbibe into the brine-saturated samples. It could be that some little amount of brine was 

produced; however they might attach to the glass surface and could not form a visible 

bulk of brine at the bottom of the cell. Regardless of possible attachment of brine on the 

glass surface, the volume of produced brine was negligible as compared with the 

volume of recovered oil.  

 

 
(a) 

 
(b) 

Figure 2.19. Oil-saturated samples immersed in brine (a) at the beginning of the experiment 
and (b) 30 days after starting the experiment 
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 (a) 

 
 (b) 

 
(c)  

(c) 
Figure 2.20. Oil droplets are expelled out of the rock due to spontaneous imbibition of brine into 

the oil-saturated samples. Oil is produced from specific layers in some samples.  
 

 
 

(a) 

 
 

(b) 
Figure 2.21. Estimated oil recovery during spontaneous imbibition versus time for samples from 

(a) well 1 and (b) well 2. 
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(a) 

 
 

(b) 
Figure 2.22. Brine-saturated samples immersed in oil (a) at the beginning of the experiment and 

(b) 30 days after starting the experiment 
 

There are two main driving forces for fluid displacement during spontaneous imbibition: 

capillary force and gravity force. To investigate the relative effect of gravity and capillary 

forces during counter-current imbibition process, we use inverse Bond number [57-59] 

defined as: 

𝑁𝐵
−1 = 𝐶1

𝜎𝑜𝑏 cos 𝜃 √
𝜑

𝐾𝑎𝑏𝑠

(∆𝜌)𝑔𝐻
 

 

(8) 

 

where C1=0.4 for capillary tube model, ∆𝜌 the difference in density of oil and water 

(Kg/m3), 𝜎𝑜𝑏 is interfacial tension (N/m), g is gravity (m/s2), H is height of the core (m), 𝜑 

is porosity (fraction), and Kabs is absolute permeability (m2). Generally, capillary forces 

are dominant for 𝑁𝐵
−1 > 5, gravity and capillary forces are active for 0.2 < 𝑁𝐵

−1 < 5, and 

gravity is dominant for 𝑁𝐵
−1 < 0.2 (Schechter et al., 1994). Table 2.6 shows the 

calculated inverse Bond number for all samples from the two wells. The calculated 

inverse Bond number value is much higher than 5 for all samples. Therefore, capillary 

forces are dominant during the spontaneous imbibition in partly saturated samples.  
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Figure 2.20 shows that oil is expelled from all faces of the rock samples. Schechter et 

al. [58] proposed three different patterns for oil and brine displacement (Figure 2.23) 

during imbibition based on relative strength of capillary and gravity forces. Based on the 

pictures shown in Figure 2.20, our experimental results match with Figure 2.23a where 

oil is expelled from all directions. Therefore, both qualitative and quantitative analyses 

prove that in our experiments capillarity is the dominant force, and gravity effect is 

negligible.   
2.4.5. Scaling Groups 

Scaling groups have been applied to predict the oil recovery at the field scale by use of 

spontaneous imbibition data. Different types of scaling groups have been identified for 

different types of porous media [60-63]. The imbibition data depend on petrophysical 

properties (porosity and permeability) of rock, fluid properties (viscosity, interfacial 

tension) and experimental conditions (size of samples, shape of sample and boundary 

conditions). The  [63] scaling group is defined as: 

𝑡𝐷 = 𝐶2𝑡√
𝐾𝑎𝑏𝑠

𝜑
 

𝜎𝑜𝑏

√𝜇𝑜𝜇𝑤

 
1

𝐿𝑐
2 (9) 

 

𝐿𝑐 =
𝐿𝑑

2√𝑑2 + 2𝐿2
 (10) 

 

where tD is dimensionless time, C2 = 0.018849, t is the actual time (min) of imbibition, K 

is the absolute permeability (mD), ϕ is the rock porosity, σ is the interfacial tension 

(dyne/cm), μo is the oil viscosity (cp), μw is the water viscosity (cp), Lc is the 

characteristic length, L is the length of sample (cm) and d is the diameter of sample 

(cm). Normalized oil recovery (RN) is also defined as: 

𝑅𝑁 =
𝑅

𝑅∞
 (11) 

 

where R is the oil recovery (cc) at each time step and R∞ is the ultimate oil recovery 

(cc). We plotted the spontaneous imbibition data using Ma et al. [63] scaling equation. 

Figure 2.24 shows the normalized oil recovery (RN) versus dimensionless time (tD) for 

samples from well 1 and well 2. The scaling does not result in the convergence of the 
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imbibition data onto a single curve for samples from well 1. Scaled imbibition data are 

relatively scattered for samples of well 1 (Figure 2.24a). In contrast, scaling results in 

the convergence of the imbibition data onto a single curve for samples of well 2 (Figure 
2.24b). One possible reason for the observed scattering may be neglecting the effect of 

wettability. Wetting affinities of samples from well 1 may be different and this is not 

accounted for in the scaling equation. In addition, the heterogeneity of the samples from 

well 1 is more than those from well 2 and can explain the scattering of oil recovery data.   
Table 2.6. Inverse bond number for samples of well 1 and well 2. 

 Sample 𝑵𝑩
−𝟏 

Well 1 1 159 
2 72 
3 309 
5 520 
6 237 
7 163 
8 508 
9 112 
10 40 

Well 2 1 446 
2 725 
4 382 
5 292 
6 682 
7 720 
8 422 
10 562 
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Figure 2.23. Distribution of oil and water inside cores where spontaneous counter-current 
imbibition is driven by (a) capillary forces; (b) capillary-gravity forces and (c) gravity forces. 

 

 
 

(a) 

 
 

(b) 
Figure 2.24. Normalized oil recovery versus dimensionless time given by Ma et al. [63] for 

samples from (a) well 1 and (b) well 2. 
 

2.4.6. Effect of Layering on Oil Production 
Figures 2.20c and d show that oil is preferentially produced from some layers of the 

samples soaked in brine. The layered structure of an example sample is visible in 

Figure 2.25. It appears that water is preferentially imbibed into the layers with lighter 

color, and oil is produced from the layers with darker color. There are two main reasons 

for presence of layers in the rock samples: (i) the difference in concentration of different 

minerals and (ii) the difference in porosity and permeability of layers. To address the 

first reason, we conducted SEM/EDS analysis on the three different layers (Figure 
2.25) to investigate the mineralogy of different layers. Certainly, there are some 

differences in minerals concentration in different layers; for instance, the concentration 

of pyrite in layer 2 is higher than that in other layers. Pyrite shows the mixed-wet 

behavior and may be responsible for brine imbibition and oil recovery whiles other 

minerals such as quartz and carbonates are randomly distributed in other layers. We did 

not observe distinct difference in the quartz and carbonates composition in the layers, 

as shown in Appendix A.  
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Liquid/liquid contact angle on oil (or brine)-saturated cores shows the preferential 

tendency of the rock surface to the liquid phases. To understand the wetting affinity of 

the effective pore network, spontaneous imbibition on oil (or brine)-saturated samples is 

proposed. Oil-saturated plugs are immersed in the brine and brine-saturated plugs are 

immersed in the oil. Oil will be produced if brine can imbibe into the oil-saturated 

samples and displace the oil out. In contrast, brine will be produced if oil can 

spontaneously imbibe into the samples and displace the brine out. Although 

spontaneous imbibition is time consuming, its results are more reliable than other 

conventional methods which require application of external forces such as high 

pressure injection, which may alter the pore network of the rock.    

To have more representative data for field applications, we recommend spontaneous 

imbibition on oil-(or brine) saturated samples and liquid/liquid contact angle 

measurements under reservoir conditions. To complement the wettability tests, we 

recommend conducting detailed analysis of SEM/EDS and thin section images to 

investigate the existence possible relationships between the core-scale wettability and 

pore-scale features. For instance, we explained the mixed-wet behavior of the Montney 

core samples by observation of multi-mineral pores in thin section and SEM/EDS 

images.  

2.6. Significance of Results for Field Applications 
Understanding the wettability behavior of tight oil rocks can help the industry to select 

the optimum fracturing and treatment fluids, and to optimize the soaking and flowback 

processes. The results suggest that the Montney rock samples show the mixed-wet 

behavior at 1) pore scale due to the presence of multi-mineral pores, and 2) core scale 

due to the presence of thin layers with different wettabilities. The results show that 

counter-current spontaneous imbibition of brine into the oil-saturated samples can 

effectively displace and expel the oil out of the samples. This process may occur when 

the wells are soaked with aqueous fracturing fluids. Our observations suggest that 

fracturing operations with aqueous fluids may assist oil production due to imbibition of 

fracturing fluid into the matrix. The results of brine imbibition tests can be used for 

prediction of oil recovery at the field scale by application of scaling groups. Produced oil 

volume from the small rock samples in the laboratory can be used to estimate the oil 
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recovery at the field by using the plot of normalized oil recovery versus dimensionless 

time.            

2.7. Conclusions 
We conducted systematic and comparative imbibition experiments on core samples 

from two different wells drilled in the Montney Formation, which led to the following 

results:  

 The fresh samples have similar affinities to oil and brine. It can be explained by 

the complex pore structure of the MT samples as observed in the thin section 

images. The images show that a significant number of pores are between 

different grains such as quartz and dolomite. In general, it is known that quartz 

tends to be water-wet while carbonate minerals tend to be oil-wet. 

 Oil imbibes faster than brine into fresh samples. It cannot be explained by 

Young-Laplace-based imbibition models. Therefore, additional mechanisms such 

as adsorption of oil on organic matter can be responsible for the observed quick 

oil uptake. The presence of organic matter is evident in the SEM/EDS images. 

Furthermore, this result is consistent with complete spreading of oil on the 

surface of fresh samples in the presence of air. 

 Spontaneous imbibition of brine into the oil-saturated samples results in oil 

production. This indicates the strong affinity of oil-saturated samples to brine. 

Interestingly, although oil completely spreads on the surface and imbibes quickly 

into the fresh samples (partly saturated with air), it cannot imbibe into the brine-

saturated samples. However, brine imbibes spontaneously into and expels the oil 

out of the oil-saturated samples. The measured oil recovery is in the range of 25 

% to 45 % and most experiments reach equilibrium after one month of soaking in 

brine. The remaining oil is expected to be trapped in small oil-wet pores and also 

in the strongly water-wet pores due to the snap-off mechanism. 

 Some rock samples have a layered structure and oil is preferentially produced 

from specific layers. This indicates the effect of layering on oil production. The 

pictures of oil-saturated samples immersed in brine suggest that brine is 

preferentially imbibed into certain layers (usually with lighter color), and oil is 

produced from other layers (usually with a darker color). This observation 
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indicates that the layered structure can result in mixed-wet behavior at the core 

scale. 
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Chapter 3 Wetting Behavior of Tight Rocks: From Core-
Scale to Pore-Scale 

 

3.1. Introduction 

Wettability is the tendency of a fluid to preferentially wet a solid surface in the presence 

of other fluid(s) [64, 65]. Understanding the wettability of natural rocks has significant 

applications in petroleum reservoir engineering [66-68], cleanup of underground 

reservoirs contaminated by non-aqueous phase liquids (NAPL) [69, 70], and CO2 

sequestration in subsurface geological formations [71-74]. Wettability impacts (a) the 

fluids distribution at the pore scale, (b) the irreducible water saturation, (c) efficiency of 

an immiscible displacement such as water flooding in hydrocarbon reservoirs, (d) rock-

fluid properties such as capillary pressure and relative permeability, and (e) electrical 

properties of porous media [75]. There is a wide spectrum in wettability states changing 

from strongly water-wet to strongly oil-wet states. Four general wettability states are 

water-wet, fractional-wet, mixed-wet, and oil-wet. In the water-wet state, water fills the 

smaller pores and dead ends, and forms a thin film on the rock surface while oil exists in 

the larger pores stretching out on the water film [65]. In the fractional-wet state [76], the 

spatial distribution of the wettability is random with respect to pore size and minerals 

[77]. In the mixed-wet state [78], small pores in the rock are water-wet and saturated 

with water while the larger pores are oil-wet and saturated with oil [79]. In the oil-wet 

state, oil fills the smaller pores and forms a thin film of oil on the pore walls while water 

exists in the larger pores [65]. 

Young equation relates the contact angle, 𝜃, to interfacial tension values:  

cos 𝜃 =
𝜎𝑠𝑣 − 𝜎𝑠𝑙

𝜎𝑙𝑣
 (1) 

Here, 𝜎𝑠𝑣, 𝜎𝑠𝑙 , and 𝜎𝑙𝑣 are the solid/vapor, solid/liquid, and liquid/vapor interfacial 

tensions, respectively. To apply this equation, it is assumed that solid surface is smooth, 

homogeneous, non-deformable, and insoluble in the liquid [80]. The Young equation 

provides a macroscopic contact angle (Figure 3.1a).  
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samples is applied to measure the micro-scale contact angles. Measuring contact 

angles at the micro-scale using the E-FESEM can be more representative of rock-fluid 

interactions in tight rocks compared with routine methods. Although working with the E-

FESEM and preparing rock samples are not as simple as routine methods, the results 

of contact angles measured at the micro scale can explain how mineral heterogeneity 

and surface roughness affect the wettability behavior in tight rocks. Previous studies 

show that the Bakken Formation is generally oil-wet or intermediate-wet [48, 88] at the 

macro-scale. Deglint et al., [87] showed that the water contact angles measured for 

dolomite crystal and potassium feldspar grains in the Bakken rock samples are 

approximately 68o and 95o, respectively. The oil contact angle measured for 

cryogenically frozen oil ranged from 109o to 130o. Although the literature is enriched by 

the wettability evaluation of tight rocks at the macro scale during the last decade, the 

wettability behavior of tight rocks at the pore scale is not well understood. To explain 

how intermolecular forces behave in the narrow pore systems, we take into account the 

forces acting at the solid/liquid and liquid/liquid interfaces by implementing the 

Derjaquin, Landau, Verwey, and Overbeek (DLVO) theory. This theory enables us to 

understand the stability of the film coating the solid surface.  

The oil reservoirs were considered for many years as strongly water-wet formations 

because oil was migrated into formations filled originally with water [20, 89, 90]. In a 

strongly water-wet system, a water film separates the rock surface from oil. The water 

film collapses  when oil comes into the contact with the rock surface [91]. As capillary 

pressure (pressure difference between non-wetting phase and wetting phase) 

increases, water film thickness decreases until capillary pressure reaches its critical 

point. By exceeding from critical capillary pressure, the water film collapses into 

molecularly-adsorbed water monolayers. Then, the oil polar components such as 

asphaltenes contact directly with the pore walls, adsorb irreversibly onto the pore walls, 

and change the wettability to the oil-wet state [29, 81, 89, 91, 92]. Small pores and 

corners of the pore space remain water-wet due to the high capillary pressure required 

for the water displacement, leading to mixed-wet conditions. Although fluid flow in 

mixed-wet systems has been extensively modeled for estimation of capillary pressure 

and relative permeabilities [67, 93-97], few studies investigated experimentally multi-
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phase flow in mixed-wet synthetic rocks [98, 99]  and real rocks [100-103]. Different 

methods have been implemented to prepare a mixed-wet system including  (1) mixing 

the oil-wet sands treated with octadecyltrichlorosilane solutions and water-wet sands at 

different ratios [98, 99], (2) freezing the initial water followed by flushing with a stable 

chemical group to make the pore surface hydrophobic [101], and (3) doping the oil with 

fatty acids and aging the cores overnight to make them mixed-wet [103]. 

In addition to the intermolecular forces acting at the solid/liquid and liquid/liquid 

interfaces separated by an interlayer film, the type of solid surface affects the wettability 

state. Most sedimentary rocks are not uniform with respect to mineralogy and they are 

composed of a wide range of minerals such as carbonates, quartz, and clay. These 

heterogeneous solid surfaces present different surface forces compared with pure 

minerals. The effect of mineral heterogeneity on the wettability of downhole core plugs 

is poorly understood. To understand how mineralogy affects the wettability at the sub-

micron scale, we compare the adhesion forces (Fadh) measured for different pure 

minerals with those measured for real heterogeneous rock surfaces by conducting 

atomic force microscopy (AFM) analysis. AFM analysis is used as an accurate tool at 

the sub-micron resolution i) to visualize the pore structure on tapping mode and ii) to 

measure adhesion forces between the tip of the cantilever and a solid surface on the 

contact mode [104-108].   

The objective of this chapter is to understand how mineral heterogeneity and 

intermolecular forces acting at solid/liquid and liquid/liquid interfaces can affect the 

wettability behavior of tight rocks. First, we review the results of our previous 

experiments conducted on downhole core plugs collected from two wells drilled in the 

Montney (MT) tight oil formation. Second, we conduct pore-scale visualizations on thin 

section samples and SEM/EDS analyses. Third, we apply the DLVO theory to explain 

the spontaneous imbibition results by calculating the intermolecular forces acting at 

solid/liquid and liquid/liquid interfaces. We investigate how mineral heterogeneity can 

influence the stability of a thin film covering the rock surface. Fourth, we measure 

adhesion forces for the main minerals of the MT rock samples, i.e. quartz and calcite, by 

performing AFM analysis to understand how pure minerals behave at pore scale. 
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accurate electronic balance for the period of at least three months. The results of 

spontaneous imbibition tests conducted on dry core plugs showed that oil and brine 

imbibe into the core plugs similarly. The wetting indices calculated based on the total 

imbibed volume of oil and brine into each set of twin core plugs are close to 0.5, 

indicating the similar wetting affinity of the dry core plugs to oil and brine which suggests 

mixed-wet behavior.  

Next, we performed contact angle (CA) measurements on polished end-pieces of the 

core plugs using Attension Theta (Biolin Scientific) equipped with Navitar lens 

(1984×1264 pixel resolution) and an LED light source. The results of CA measurements 

showed that the oil droplets completely spread on while the brine partially wets the MT 

end-pieces. The contact angle results support the mixed-wet behavior observed from 

the spontaneous imbibition tests. 

Finally, we performed spontaneous imbibition tests on oil-saturated (or brine-saturated) 

core plugs. We placed the oil-saturated (or brine-saturated) core plugs into the 

imbibition cells filled with the reservoir brine (or oil). Then, we periodically measured the 

volume of oil produced during brine imbibition and that of brine during oil imbibition. We 

observed that the brine can imbibe into the oil-saturated core plugs and expel the oil out 

while the oil cannot imbibe into the brine-saturated core plugs and displace the brine. 

The oil recovery factor was in the range of 25% to 45%. Therefore, the core plugs tends 

to be water-wet when saturated with oil and brine. 

 

3.3. DLVO Theory and Wettability 
Here, we apply the Derjaguin, Landau, Verwey, and Overbeek (DLVO) theory for the 

rock surface/fluid 1/fluid 2 system to investigate the stability of fluid 1 (water or oil) film 

separating the rock surface from fluid 2 (oil or water) during the spontaneous imbibition 

test as shown in Figure 3.3.. The thickness of the film covering the rock surface is 

usually very small (<< 100nm thick) compared with the size of pores [90].    
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To calculate the Hamaker constant based on the traditional approach, the geometric 

mean of the interactions for each media with itself is calculated. The Hamaker constant 

for a film of material 3 between material 1 and 2 is given by 

A𝐻 = (A11
0.5 − A33

0.5)(A22
0.5 − A33

0.5) (4) 

where A11, A22, and A33  are Hamaker constants of the rock surface, fluid 2, and fluid 1 

film, respectively. The values of parameters presented in Eq. 4 are provided for different 

materials in the literature [81, 91, 113-115]. However, Hamaker constant for the 

heterogeneous rock samples is not reported in the literature, and its measurement is out 

of the scope of this study. So, AH(rock) is assumed to be the weighted average of 

Hamaker constants for the main minerals composing the rock sample as    

𝐴𝐻(𝑟𝑜𝑐𝑘) =
∑ 𝐶𝑖 × (A𝐻)𝑖

𝑛
𝑖=1

∑ 𝐶𝑖
𝑛
𝑖=1

 
(5) 

where 𝐶𝑖 and (A𝐻)𝑖 stand for the concentration and the Hamaker constant of component 

i, respectively.  

𝐹𝐷𝐿 between charged surfaces can be either attraction (negative) or repulsion (positive) 

depending on the pH and salinity of the electrolyte medium [91, 116, 117]. The double 

layer forces for a constant potential can be calculated using the reduced surface 

potentials of fluid 2/fluid 1 and rock/fluid 1 pairs as [118] 

𝐹𝐷𝐿(h) = nbkBT [
2ψr1ψr2 cosh(κh) − ψr1

2 − ψr2
2

(sinh(κh))2
] 

(6) 

where 𝑛𝑏, 𝑘𝐵, 𝑇, 𝜓𝑟1, 𝜓𝑟2, 𝜅, and ℎ are the ionic density of fluid 1, Boltzmann constant 

(1.38×10-23 J/K), absolute temperature (293.15 K in this study), reduced surface 

potential for fluid 2/fluid 1 pair, reduced surface potential for rock/fluid 1 pair, the 

reciprocal Debye-Huckel length, and the separation distance between rock surface and 

fluid 2 layer (m), respectively. The reciprocal Debye-Huckel double layer length is 

calculated as 

κ−1 = √
ε0εkBT

∑ Ci,0 e2Zi
2n

i=1

 
(7) 

where 𝜀0, 𝜀, 𝐶𝑖,0, 𝑒, and 𝑍i are the vacuum dielectric constant (8.85×10-12 F/m), the 

dielectric constant of fluid 1 (80.1 at 20oC in this study), number density (# ion/m3), the 

electron charge (1.6×10-19 C), and the valency of ions, respectively.  
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To calculate the reduced surface potential, we measure the zeta potential of fluid 2/fluid 

1 and rock/fluid 1 pairs. The reduced surface potentials are calculated as  

ψri =
eζ𝑖

kBT
 (8) 

where 𝜁𝑖 is the zeta potential (mV) for a pair of components.  

The repulsive 𝐹𝑆 increases when the thick water film collapses into molecularly thin film 

of fluid 1. Then, fluid 1 forms a thin film covering the rock surface. 𝐹𝑆 is calculated for 

water [90] as  

𝐹𝑆−𝑤𝑎𝑡𝑒𝑟(h) = As (e
−h
hs ) 

(9) 

where 𝐴𝑠 and ℎ𝑠 are the structural forces coefficient, and the characteristic decay 

length, respectively. In this study, we assume the values suggested in the literature [81] 

as 1.5×1010 Pa  for 𝐴𝑠 and 0.05 nm for ℎ𝑠.  

𝐹𝑆 is also calculated for oil [119] as 

𝐹𝑆−𝑜𝑖𝑙(h) = 𝐶1 × 𝑒
−ℎ

𝜆1
⁄

+ 𝐶2 × 𝑒
−ℎ

𝜆2
⁄  (10) 

where C1 and λ1 are the magnitude and the decay length of short-range forces for the 

exponential model, respectively. C2 and λ2 are the magnitude and decay length of the 

long-range forces, respectively. These parameters are evaluated by fitting the 

experimental data. We assume the values suggested in the literature [119] as 8.86×107 

Pa and 2.87×106 Pa for C1 and C2, respectively. λ1 and λ2 are assumed to be 0.10 nm 

and 0.35 nm, respectively. 

The contact angle is derived by a direct integration of the augmented Young-Laplace 

equation as [120] 

cos 𝜃 = 1 +
1

𝜎
∫ 𝑃𝑡(ℎ)

ℎ𝑝

ℎ𝑜

 𝑑ℎ 
(11) 

where ℎ𝑜 and ℎ𝑝 are the thickness of the very thin stable film of a fluid covering the solid 

surface  (The thickness of monolayer water film is approximately 3.5 Angstroms) and 

the thickness of the layer where the disjoining pressure is important (pt is close to zero), 

respectively. 𝜎 stands for surface tension and interfacial tension for air/liquid and 

liquid/liquid conditions, respectively.   
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3.4. Materials and Methods 
3.4.1. Core Properties 

Thin section, SEM/EDS, and AFM analyses and zeta potential measurements are 

conducted using downhole core plugs collected from two wells drilled in the MT 

Formation. Table 3.1 lists the petrophysical properties of the core plugs used in this 

study. Quartz and carbonates (calcite and dolomite) are the main components of the 

core plugs evaluated by x-ray diffraction (XRD) analysis (Table 3.2). More details about 

the mineralogy of the core plugs are provided elsewhere [100]. 
Table 3.1.Petrophysical properties of the core plugs. 

 
 Sample No. Depth(m) Permeability (kair ×10-3, (µm)2 ) Porosity (Helium) 

1 1571.89 0.602 0.102 
2 1578.26 2.240 0.159 
3 2380.24 0.125 0.0724 
4 2390.9 0.416 0.088 
5 2393.94 0.053 0.0762 

 
Table 3.2. Mineral composition of the core plugs. Heavy minerals can be rutile, anatase, 

ankerite, rhodochrosite, and fluorapatite. 
 

Mineral (wt%) Sample No. 
 1 2 3 4 5 

Quartz 51 50 33 44 41 
K-Feldspar 5 8 9 12 13 
Plagioclase 5 5 1 1 1 

Calcite 0 0 12.5 9 10 
Dolomite & Fe-Dolomite 25 21 29 17 19 

Pyrite 3 1 1.5 1 1 
Illite/Smectite 3 3 0 0 0 

Illite/Mica 7 7 3 3 3 
Kaolinite 1 3 10 12 11 

Heavy Minerals 0 0 1 1 1 
 

3.4.2. Pure Minerals 
Pure calcite and pure quartz are purchased from Sigma Aldrich with the purity of 99% to 

measure the zeta potential used for calculation of the electrical double layer forces. 

Moreover, the fresh and clean calcite crystal (MTI Corporation, US) and quartz slides 

(TED Pella Inc., US) are used to measure the adhesion force by using atomic force 

microscope. 
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3.4.3. Fluid Properties 
The MT crude oil and reservoir brine are used for the zeta potential measurements. 

Reservoir brine is a highly saline water (TDS= 136,630 ppm) and the produced oil from 

these two wells is characterized as light oil (API=37.96). Table 3.3 lists the 

concentration of cations and anions of saline reservoir brine evaluated with the flame 

atomic absorption spectrophotometry (EPA SW-848 7000B) and the ion 

chromatography (SM 4110B) methods, respectively.  
Table 3.3. Ion composition of the saline reservoir brine. 

 
Cations Anions 

Ion mg/L Ion mg/L 
Na 46,200.0 Cl 84,867.0 
K 1,260.0 Br 126.0 

Ca 1,670.0 I 66.7 
Mg 1,030.0 HCO3 1,748.0 
Ba 1.2 SO4 744.0 
Sr 28.7 CO3  
Fe 2.1 OH  

 

3.5. Methodology 
First, pore-scale visualizations are conducted using thin section and SEM/EDS images. 

Second, the DLVO theory is applied to explain the mixed-wet and water-wet behavior of 

the core plugs at dry and wet initial conditions, respectively. To calculate the total 

disjoining pressure, the zeta potential for different suspensions is measured. Third, the 

adhesion forces for quartz and calcite are measured by performing AFM analysis, and 

the values are compared with those measured for the thin section of the rock samples.   

3.5.1. Step1: Visualization of Rock Surface 
3.5.1.1. Thin Section Analysis 

Thin layers of the core plugs are cut by using a diamond saw to prepare thin sections. 

Then, each thin flat layer is glued to a glass slide using epoxy. The thickness of the thin 

section is adjusted to 30 µm using a grinder and a fine abrasive grit. The section is then 

placed in a holder and spun on a polishing machine until a suitable polish is achieved. 

Blue epoxy is used for identification of pores.      
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To analyze the thin sections, Nikon ECLISPSE 50i POL polarizing microscope is used, 

which is equipped with a digital camera, and an ELMO P10 Visual Presenter image 

capturing. The thin sections are visualized under plane and cross polarized lights. 

3.5.1.2. SEM/EDS Analysis 
The end-pieces of the core plugs are used for SEM/EDS analyses using Zeiss Sigma 

field emission scanning electron microscope (FE-SEM) equipped with secondary 

electron (SE) and energy dispersive x-ray spectrometry (EDS) electron beams. SE 

images are routinely used for analyzing the surface morphology. EDS also provides the 

elemental mapping of the surface. The SEM/EDS analyses are conducted on three 

different spots for each sample. 

3.5.2. Step2: Implementing the DLVO Theory for the Wettability Evaluation  
3.5.2.1. Zeta Potential Measurements 

To investigate the wettability behavior of the core plugs based on the DLVO theory, the 

van der Waals, double layer, and structural forces are calculated. To calculate the 

double layer forces, the zeta potentials of i) rock powder/water suspensions (ζ1 in Eq. 8) 

and ii) the oil emulsion in water (ζ2) are measured by using a Malvern Zetasizer Nano 

ZS. The tests are performed at 20oC and atmospheric pressure. The results of zeta 

potential measurements enable us to calculate the double layer forces (Eq. 6). Water is 

an electrolyte medium while rock powder and the oil are the dispersant particles and 

droplets, respectively. 

Several studies have investigated the effect of temperature on zeta potential of intact 

natural sandstones [121], intact natural carbonates [122], intact granite [123], pure 

Ottawa and Fontainebleau sands [124], and pure minerals including quartz, calcite, and 

kaolinite [125]. [125]observed that zeta potentials of quartz, calcite, and kaolinite 

increase in magnitude by increasing the temperature at low salinity (0.01 M NaCl 

concentration). They also measured the zeta potential of these pure minerals at 

different pressures ranged from atmospheric pressure to 513 KPa. By increasing the 

pressure, zeta potentials of quartz and kaolinite show decreasing and increasing trends 

in magnitude, respectively. However, calcite shows complex behavior in aqueous 

solutions. Zeta potential of calcite decreases in magnitude when pressure is less than 

310 KPa; while it tends to increase when pressure is more than 310 KPa. In addition to 
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temperature and pressure, salinity of aqueous phase controls the zeta potential of 

minerals. Further studies are required to estimate the zeta potential of water at the 

reservoir conditions. 

Five different solid powder/water suspensions are prepared for the zeta potential 

measurements by mixing pure calcite powder (Sigma Aldrich), pure quartz powder 

(Sigma Aldrich), mixture of pure kaolinite and pure smectite (Sigma Aldrich), petroleum 

coke powder (99% purity, crystalline, particle size< 325 US mesh, Alfa Aesar), and the 

MT rock powder with water. The contribution of double layer forces on total disjoining 

pressure decreases by increasing the salinity of the reservoir brine [81]. Therefore, the 

suspensions are prepared with the reservoir brine diluted 1000 times to emphasize on 

the effect of double layer forces on the stability of water film. First, a core plug is 

crushed and ground to prepare rock powder with the particle size of 907±60.57 nm. 

Next, a solid powder/water suspension is prepared with 0.03 wt% of rock powder by 

mixing the rock powder with water using a vortex mixer for 5 minutes to make sure that 

the suspension stays stable during the zeta potential measurement. To prepare the oil 

emulsion in water, 2 mL of the reservoir oil is added into 10 mL of water and is mixed 

using a vortex mixer for 5 minutes. Then, the prepared solid powder/water suspension 

or the oil emulsion is placed in the Malvern Zetasizer and the zeta potential is measured 

immediately after mixing the substances to avoid i) deposition of the powder at the 

bottom of the cell and ii) coalescence of oil droplets and formation of oil layer on top of 

water [91]. The pH of solutions is 6.5-7 for all the samples, and the pH is not changed 

during zeta potential measurements.  

 
3.5.3. Step3: AFM Analysis            

The adhesion forces are measured between the tip of a cantilever and different minerals 

by conducting AFM analysis (AFM, Dimension Edge, Bruker, USA) in the contact mode. 

The AFM data are analyzed using Nanoscope Analysis software (V.1.40). All force 

measurements are conducted in air and at room temperature (20±2oC). Contact mode 

tips (Pointprobe, Silicon SPM-Sensor, NanoWorld AG, Switzerland) are used in this 

study. This uncoated standard tip is designed for contact mode imaging and for high 

sensitivity force measurements due to a low force constant. The resonance frequency 
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To evaluate the effect of mineralogy on adhesion forces, three different surfaces are 

selected for the force-distance measurements. First, the force measurements are 

conducted on clean calcite crystal (MTI Corporation, US) and quartz slides (TED Pella 

Inc., US). Then, very smooth uncovered thin sections are prepared and the force-

distance measurements are performed. Finally, the adhesion forces measured for pure 

minerals are compared with those for the thin sections. 

  

3.6. Results and Discussion 
3.6.1. Step1: Rock Surface Analysis 

To explain the spontaneous imbibition results observed in our previous study [100], we 

investigate the effect of rock mineralogy on wetting behavior. Here, we visualize the 

pores and identify the mineralogy of the pore walls by thin section and SEM/EDS 

analyses.  

3.6.1.1. Thin Section Analysis 
The polarized light microscopy is used for identification of minerals in thin sections. 

Since minerals show different colors under cross polarized light, we capture images of 

the thin sections prepared from the core plugs under plane polarized light (PPL) and 

cross polarized light (XPL) as shown in Figure 3.5 Blue areas represent pores in plane 

polarized images since we used blue epoxy during preparation of thin sections to 

identify the pores. It is hard to distinguish quartz and feldspars under XPL and PPL 

analyses. Quartz and feldspars show white and blue colors under plane and cross 

polarized light, respectively. Carbonates (dolomites/calcite) show brown and rainbow 

colors under plane and cross polarized light, respectively. The black areas may 

represent pyrite or organic matter/hydrocarbon residue (HR) under plane polarized light.   

The pore walls highlighted in Figure 3.5 suggest the existence of multi-mineral pores, 

surrounded by quartz, feldspars and carbonates. To understand the wetting behavior of 

the multi-mineral pores, it is important to evaluate the wetting affinity of individual 

minerals. Minerals such as quartz, clays (except kaolinite), and mica tend to be more 

water-wet while carbonates and organic matter/HR tend to be more oil-wet [65]. It is 

expected that the heterogeneity in the minerals forming the pore walls leads to 

heterogeneity in wetting behavior of the pores. The spontaneous imbibition results 
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conducted on dry core plugs showed similar wetting affinity of the core plugs to oil and 

brine since wetting affinity index of brine and oil were close to 0.5. However, the 

spontaneous imbibition results conducted on oil-(or brine) saturated core plugs showed 

that the oil cannot imbibe spontaneously into the brine-saturated core plugs while brine 

can imbibe spontaneously into the oil-saturated core plugs. The oil recovery factor was 

up to 45% indicating that more than 50% of the oil was left in the pores. One reason is 

that a portion of the oil volume is trapped by snap-off mechanism during water imbibition 

into the water-wet pores. Another reason for retaining the oil in the pores can be the 

mixed-wet behavior of the core plugs. We hypothesize that these multi-mineral pores 

are responsible for the mixed-wet behavior of the core plugs. To understand how the 

contrast in mineralogy affects the wetting affinity of the heterogeneous rocks, we 

evaluate the stability of the thin films of water and oil coating the rock surface by 

calculating the total disjoining pressure. 
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3.6.1.2. SEM/EDS Analysis 
In the next step, we perform SEM/EDS analysis on end-pieces of the core plugs (i) to 

identify the pores which cannot be identified by thin section analysis, and (ii) to evaluate 

the minerals surrounding the pores. Figure 3.6 shows the SE images conducted on 

core plug 2 (depth of 1578.26 m). Pores located in zone 1 (shown with dashed circle) 

are surrounded by clay minerals which are not categorized as kaolinite. First, the shape 

of clays does not look like pseudo-hexagonal plates. Second, potassium exists in the 

elemental map of this zone, representing non-kaolinite clay minerals. These clays can 

be categorized as illite/mica or illite/smectite. Previous studies show that clays are 

divided into hydrophilic and hydrophobic clays in term of wetting affinity. Illite and 

smectite can retain the bounding water and remain water-wet even after contact with oil 

while kaolinite can behave differently [131-133]. Phyllosilicate kaolinite is composed of a 

single tetrahedral silicon-oxygen (siloxane) and an octahedral aluminum-oxygen 

(gibbsite) sheets. Several studies have been conducted to investigate the wettability of 

water/oil droplets on kaolinite surfaces [134-136]. Šolc et al. [137] conducted molecular 

dynamics (MD) simulations to study the wettability behavior of the basal kaolinite. The 

results showed that water droplets spread on the octahedral sheet, indicating that 

gibbsite surface is fully hydrophilic; while water droplets form a microscopic contact 

angle of 105o on the tetrahedral sheet, indicating that the siloxane is hydrophobic. The 

hydrogen bonds between water molecules are stronger than those between water 

hydrogens and the siloxane surface, leading to hydrophobic behavior in siloxane 

surface. Consistently, Greathouse et al. [138] showed the preference of organic 

molecules to adsorb on the siloxane surface by conducting MD simulations.   

Illite/mica and illite/smectite have higher surface charge density, specific area, and 

cation exchange capacity than kaolinite [132, 139]. The range of illite/smectite, 

illite/mica and kaolinite concentrations in the MT core plugs are 0-3 wt%, 3-7 wt%, and 

1-12 wt%, respectively as listed in Table 3.2. So, the pores located in illite/smectite and 

kaolinite are expected to be water-wet and oil-wet, respectively.     

If we assume rectangular shape for pores located in zone 1, the longest pore in zone 1 

is 1.87 μm and 116 nm in length and width, respectively. Most of the pores are less than 
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1μm in length. Moreover, pores located in zones 2 and 3 are multi-mineral pores which 

may lead to mixed-wet behavior as discussed before.  

Figure 3.7 shows the SEM images taken from core plug 2. The circle highlighted with 

dashed line in Figure 3.7b shows flaky edge of a mica crystal. Mica (very rich in 

aluminum) has tetrahedral-octahedral-tetrahedral (TOT) units like clays and has 

phyllosilicate structure. Figure 3.7c shows the fibrous illite growing from the mica 

surface. Illite known as the pore bridging clays can be formed as a result of mica and K-

feldspar dissolution. The way of handling and drying the core plugs strongly affect the 

morphology of illite. Drying core plugs with air changes the morphology of illite and 

leads to accumulation of illite on pore walls [140, 141].   
Figure 3.8 shows the pore-throat radius distribution of this core plug evaluated by 

mercury intrusion capillary pressure (MICP) method. Around 80% of pores have the 

throat radius less than 1 μm. According to the size of pore throats observed in zone 1 of 

Figure 3.6, water-wet clays may form a significant portion of pores with throat radius of 

less than 1 μm. Therefore, brine imbibition into the small pores surrounded by clays is 

expected to take place at the later time of imbibition process. Additional images taken 

from core plug 3 (depth of 2380.24 m) and core plug 5 (depth of 2393.94 m) are 

presented in the Appendix B.  
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3.6.2. Step 2: DLVO Theory and Wettability 

3.6.2.1. The Mixed-wet Behavior of the Dry Core Plugs 
In the previous section, we explained that some pores are surrounded by clays 

(illite/mica and illite/smectite) as shown in zone 1 of Figure 3.6 and others are 

surrounded by different minerals. In this section, we calculate and compare the total 

disjoining pressure for different minerals to investigate the effect of mineral 

heterogeneity on wetting behavior of solid surface/air/water and solid surface/air/oil 

systems. Although the Rock-Eval analysis conducted on the MT rock samples used in 

this study shows no evidence of organic matter, the SEM/EDS analysis shows the 

existence of organic contents in these samples. The organic contents shown in SEM 

analysis may be the heavy oil components deposited on the pore walls. We consider 

the hydrocarbon residue (HR) as a component in all DLVO calculations. In the literature, 

the Hamaker constant of the hydrocarbon reported in the literature is ranged from 

4.5×10-20 J (n-Octane) to 10.0×10-20 J (crystal). We assume that the highest Hamaker 

constant value reported in the literature (i.e. hydrocarbon crystal) is for HR. Table 3.4 

lists the Hamaker constants of water and minerals used for calculation of van der Waals 

forces. We also investigate the effect of oil Hamaker constants ranging from 4.5×10-20 J 

to 9.0×10-20 J ( 
Table 3.5) on total disjoining pressure for all systems.      

Table 3.4. Hamaker constants of materials used for calculation of van der Waals forces [114, 
146, 147]. 

 
Material Hamaker Constant, AH (×10-20) J 
Water 3.7 
Quartz 6.5 
Calcite 12.0 
Clays  16.3 
HR 10.0 

 
Table 3.5.Oil Hamaker constants used for calculation of van der Waals forces [114, 146]. 

 
Oil Hamaker Constant, AH (×10-20) J 

Hydrocarbon (crystal) 10 
n-Octane 4.5 
n-Dodecane 5.0 
n-Hexadecane 5.2 
Heavy oil-1 6.0 
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Heavy oil-2 7.0 
Heavy oil-3 8.0 
Heavy oil-4 9.0 

 

Figure 3.9 shows the disjoining pressure-distance profiles for dry pure calcite, pure 

quartz, pure clays, HR, and MT rock sample exposed to the oil (lowest and highest oil 

Hamaker constants) and water. Disjoining pressure-distance profiles for the oil 

imbibition into the dry core plugs when 4.5×10-20 J ≤ AH(oil)≤ 9.0×10-20 J are presented in 

Appendix B. First, the calculated disjoining pressure-distance profiles show the strong 

attractive forces between the minerals, water, and oil for all cases. Negative disjoining 

pressure values calculated for the separation distance ranging from 1 Å to 30 Å indicate 

that there are strong van der Waals attractive forces between the minerals, water and 

oil. Second, the attractive forces in the solid surface/air/oil system are higher than those 

in the solid surface/air/water system for all minerals, indicating the higher wetting affinity 

toward oil compared with water. The oil contact angles calculated for all minerals are 

zero when 4.5×10-20 J ≤ AH(oil)≤ 9.0×10-20 J, indicating the strong attraction between the 

oil and the solid surfaces. The results of oil contact angle measurements conducted in 

our previous study [100] showed that oil droplets completely spread on the rock surface. 

Table 3.6 lists the calculated water contact angles using Eq. 11 for all minerals. The 

water contact angles measured on dry rock samples in our previous study are in the 

range of 17o-61o. Calculated oil and water contact angles suggest higher wetting affinity 

towards oil. This is in agreement with the measured wetting affinity indices calculated 

based on the spontaneous imbibition of oil and water into the MT core plugs [100]. The 

oil wetting indices for all samples are slightly higher than those for the water. Third, the 

total disjoining pressure becomes more negative when the oil Hamaker constant 

increases, indicating the stronger attraction between the solid surface and heavier oil 

components.  
Table 3.6. Calculated contact angles using Eq. 11 for solid surface/air/water system. 

 
Mineral Water contact angle 

Pure quartz 26.83o 
Pure calcite 31.56o 
Pure clays 32.68o 

HR 30.08o 
MT rock surface 29.28o 
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In the next step, we investigate the impact of mineralogy on the disjoining pressure-

distance profile. Figure 3.10 shows the disjoining pressure-distance profiles for all the 

minerals when water and oil imbibe into the dry core plugs. We only present the 

disjoining pressure profiles for oil when AH(oil)= 4.5×10-20 J and AH(oil)= 9.0×10-20 J. 

Disjoining pressure-distance profiles for the oil with other Hamaker constant values are 

presented in the Supplementary Document. First, all minerals show the similar general 

trend for disjoining pressure-distance profile for both oil and water. This observation 

suggests the similar wetting affinity of minerals toward oil and brine in the dry conditions 

as we discussed earlier. Second, the difference in mineralogy does not significantly 

affect the wettability for the solid/air/oil and the solid/air/water systems since the 

differences between calculated disjoining pressure values are insignificant for each 

system. In summary, the calculated disjoining pressures and contact angles are in 

agreement with the mix-wet behavior suggested by the results of spontaneous 

imbibition tests conducted on the dry core plugs. 
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(a) 

 
(b) 

  
(c) 

 
(d) 

 
(e) 

Figure 3.9. Calculated disjoining pressure versus separation distance for (a) pure calcite, (b) 
clays, (c) HR, (d) pure quartz, and (c) the MT rock sample. 
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(a) (b) 

 
(c) 

Figure 3.10. Calculated disjoining pressure versus separation distance for (a) water imbibition 
into the dry core plugs and (b) oil imbibition into the dry core plugs when AH(oil)= 4.5×10-20 J, and 

(c) oil imbibition into the dry core plugs when AH(oil)= 9.0×10-20 J. 
 

3.6.2.2. Water Imbibition into the Oil-saturated Core Plugs  
To explain the observation of water imbibition into the oil-saturated core plugs [100], we 

apply the DLVO theory and assume that 1) the oil covers the rock surface and there is 

no thin film of water on the rock surface, and 2) the electrostatic interactions (double 

layer forces) within the oil film are neglected [81]. 

Figure 3.11 shows the disjoining pressure-distance profile calculated for the solid 

surface/oil/water system when AH(oil)= 4.5×10-20 J. The positive total disjoining pressure 

over the whole range of separation distance suggests the strong attraction between the 

oil film and the solid surface. The strong attraction for the separation distance (h) < 5Å is 

related to the strong structural forces. When h>5 Å, the disjoining pressure drops rapidly 
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and becomes less than 200 KPa for the oil films thicker than 10 Å. The calculated oil 

contact angles using Eq. 11 for all minerals are zero indicating the complete oil-wet 

behavior when AH(oil)= 4.5×10-20 J. Quartz has the lowest disjoining pressure values 

among all solid surfaces as shown in Figure 3.11, indicating that quartz is more prone 

to contact with water compared with other minerals. Therefore, water can contact quartz 

(33-51 wt% concentration in the MT core plugs) and cover the quartz surface easier 

than others (21-41.5 wt% concentration). The Hamaker constant for clays (AH(clays)= 

16.3×10-20 J) is higher than that for other minerals, suggesting strong van der Waals 

attraction between the oil film and clays, and the stable oil film for clay/oil/water system. 

Note that non-DLVO forces such as hydrophobic forces and hydrogen bonding are not 

considered in these calculations.  

Figure 3.12 shows the disjoining pressure-distance profile for the solid surface/oil/water 

surface when AH(oil)= 9.0×10-20 J. The total disjoining pressure for quartz is negative 

when 1 Å <h< 30 Å, indicating that the oil film is unstable and oil can be spontaneously 

replaced by the water. When the oil becomes heavy, denoted by increasing the oil 

Hamaker constant, oil detachment from the quartz surface becomes easier compared 

with other minerals. However, the total disjoining pressure for other minerals is still 

positive showing the stability of the oil film attached to the mineral surface. In 

conclusion, the stability of the oil film covering the solid surface is strongly controlled by 

the geometric mean of Hamaker constants (Eq. 4). The total disjoining pressure-

distance profiles for all minerals are presented in the Supplementary Document for the 

solid surface/oil/water system when 4.5×10-20 J <AH(oil)< 9.0×10-20 J.     

The results of disjoining pressure calculations cannot explain the observation of 

spontaneous oil production by water imbibition into the oil-saturated core plugs. The 

existence of water film covering the rock surface or salts precipitated on the rock 

surface can affect the stability of the oil film. Although the cores were initially dry, the 

existence of water film or precipitated salts on the rock surface can make the rock 

surface water-wet and facilitate the water imbibition into the multi-mineral pores. 

Therefore, the assumption that there is no water film on the rock surface may not be 

valid in reality. Moreover, the Hamaker constant of minerals assumed from the literature 

are not foolproof. To have a better understanding of the wetting behavior of 
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3.6.2.3. Oil Imbibition into the Water-saturated Core Plugs  
To explain why the oil cannot imbibe into the water-saturated core plugs during the 

spontaneous imbibition tests [100], we evaluate the stability of the water film covering 

the rock grains when the water-saturated core plugs are exposed to the oil. To calculate 

the disjoining pressure of a rock/water/oil system, we first measure the zeta potential of 

rock/water and water/oil pairs; then we calculate the double layer forces (Eq. 6) using 

the reduced surface potentials calculated for each pair (Eq. 8). Table 3.7 lists the zeta 

potential values measured with the Malvern Zetasizer for five different systems. Finally, 

we add the double layer forces to the van der Waals and structural forces calculated 

from Eqs. 3 and 9, respectively, to evaluate the total disjoining pressure for each 

mineral.  
Table 3.7. Zeta potential (𝜁𝑖 ) values measured for the solid powder/water and water/oil pairs. 

 
Pair Zeta potential (mV) 

Water/oil -49.90±1.60 
MT rock/water -21.00±0.43 

Pure calcite/water -4.08±1.76 
Pure quartz/water -35.30±1.34 
Pure clays/water -50.00±2.23 

HR/water +5.00±0.78 
 
Figure 3.13 shows the disjoining pressure-distance profiles for the solid 

surface/water/oil system when AH(oil)= 4.5×10-20 J. Pt between the solid surface (i.e. 

calcite, quartz, clays, HR, and the rock) and the water layer is strongly positive when the 

water film thickness is less than 4 Å, meaning that water completely spreads on the 

solid surface. The strong repulsive structural forces between the surfaces and the oil 

lead to the large values of Pt when h<4 Å. By increasing the water film thickness, Pt 

drops significantly to the minimum disjoining pressure value at h=5 Å. At the minimum 

disjoining pressure point, the attractive forces are dominant. By increasing the water film 

thickness (h>5 Å), the negative Pt decreases, indicating less attractions between the oil 

and the surface. When h>10 Å, the disjoining pressure trend becomes dependent on 

the mineralogy. Quartz and clays show the most stable (Pt>0) water film among all 

minerals. In contrast, calcite and HR show the most unstable (Pt<0) water films among 

all minerals. The attractions between the oil and HR (and calcite) surfaces are higher 
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than those between the water and HR (and calcite) surfaces. The water film can be 

ruptured easier on the pore walls composed of HR and calcite compared with those 

composed of quartz and clays. 

Figure 3.14 shows the disjoining pressure-distance profile for the solid surface/water/oil 

system when AH(oil)= 9.0×10-20 J. The general trend of disjoining pressure is similar to 

the trend observed in Figure 3.13. The magnitude of total disjoining pressure increases 

by increasing the oil Hamaker constant (AH(oil)), indicating stronger attraction between 

the oil and solid surface. The possibility of water film rupture increases by increasing the 

oil Hamaker constant. This suggests that the existence of heavy oil components can 

destabilize the water film, deposit on the solid surface partially, and make the solid 

surface less water-wet.  The total disjoining pressure-distance profiles for all minerals 

are presented in the Appendix B for the solid surface/water/oil system when 4.5×10-20 J 

<AH(oil)< 9.0×10-20 J. 

It is expected that oil imbibes into the pores surrounded by carbonates (calcite and 

dolomite) and HR. However, the spontaneous imbibition results do not show noticeable 

water production when the water-saturated core plugs are soaked in the oil. First, higher 

concentration of quartz in the MT core plugs (33-51 wt%) compared with that of 

carbonates (21-41.5 wt%) can be a reason that oil cannot access the pores surrounded 

by carbonates during spontaneous imbibition tests. Second, the water-wet behavior of 

the multi-mineral pores may be explained by the existence of clays. Coating the surface 

of carbonates minerals with clays may mask the oil-wet behavior of these minerals.  
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Table 3.8 lists the water contact angles calculated for the solid surface/water/oil system 

when 4.5×10-20 J <AH(oil)< 9.0×10-20 J. The water contact angles increase when AH(oil) 

increases for all minerals except for quartz. This means that the minerals become less 

water-wet when the oil becomes heavy. One reason is the increase of van der Waals 

attraction between the oil and the minerals due to the increase of oil Hamaker constant. 

However, the water contact angles on the quartz surface are zero over the range of oil 

Hamaker constants. This indicates that quartz is strongly water-wet even when AH(oil) 

increases. Moreover, calcite and HR show the highest water contact angles compared 

with other minerals, suggesting less water-wet behavior. In summary, the water contact 

angles calculated for the minerals are in the water-wet state. Therefore, the MT rock 

samples tend to be water-wet.       
Table 3.8. The water contact angles calculated for solid surface/water/oil systems using Eq. 11. 

 
Mineral Water contact angle, θw 

AH(oil), ×10-20 J 
 4.5 5.0 5.2 6.0 7.0 8.0 9.0 

Quartz 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
Clays 0.0 0.0 0.0 4.6 9.2 12.1 14.2 
HR 13.3 14.1 14.4 15.5 16.7 17.7 18.6 

Calcite 10.7 12.0 12.4 13.9 15.5 16.9 18.1 
Rock 0 4.0 4.9 7.3 9.4 11.0 12.3 

 
The contribution of Fvdw, Fedl, and Fs to the total disjoining pressure for all systems is 

presented in Appendix B to show how significant these forces are in each rock-fluid 

system. 

 
3.6.3. Step 3: AFM Analysis 

Here, we present the results of adhesion forces measured between the tip of the 

cantilever and different minerals. The adhesion forces measured for different minerals 

show how strong the attractive forces are between a solid surface and the uncoated 

standard silicon tip. The purpose is to compare the trend of adhesion forces for pure 

minerals and the real rock surface. Moreover, pore-scale visualizations of the minerals 

are presented in this section. Measurement of adhesion forces is not flawless especially 

for conducting the measurement at the ambient air conditions. First, capillary bridging 

can significantly alter the magnitude of adhesion forces. This is because of water 
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condensation in nanoscale separation formed around the tip-substrate contact area 

[129]. The magnitude of capillary forces formed by the condensed water bridge depends 

on the humidity level and the wetting characteristics of the interacting surfaces [148]. On 

the other hand, capillary condensation shows the relative degree of wettability. 

Adhesion forces can be measured at the ambient air conditions to distinguish between 

hydrophobic and hydrophilic groups [149, 150]. Caution should be taken to interpret the 

results obtained at the ambient air conditions, because it is difficult to exclude or 

account for the presence of capillary forces. Therefore, the forces reported in this study 

are summation of adhesion and capillary forces. The effects of capillary forces can be 

eliminated by conducting the experiments in liquid instead of air [151, 152].  

Second, static charging can influence the measured values of adhesion forces between 

electrically non-conductive surfaces in dry conditions. Surface coating with gold and 

treatment with thiol are proposed to reduce the charging effect [148, 149]. Although, the 

effect of surface charging can be mitigated by surface treatment, these treatments can 

affect (i) roughness of the surface by gold coating, and (ii) adhesion forces by 

functionalizing the surface. The main purpose of the AFM analysis conducted in this 

study is to understand how different the adhesion forces are between pure minerals and 

natural rock thin sections. 

Figure 3.15 shows different types of images taken from the pure quartz slide and a 

generic force-distance profile measured for a selected point on the quartz slide. To 

make sure that the forces measured by AFM analysis are representative of adhesion 

forces, we select 100 points on each scan area and repeat the force measurements for 

at least four scan areas of each mineral. Then, we report the mean and standard 

deviation values of adhesion forces for each mineral.  
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solid surface (∅ =
𝐴𝑟𝑒𝑎𝑙

𝐴𝑠𝑚𝑜𝑜𝑡ℎ
) becomes more than 1, the apparent contact angle for 

hydrophilic and hydrophobic surfaces decreases (more water-wet) and increases (more 

oil-wet), respectively. Consequently, the roughness of the thin section observed in 

Figure 3.17b can affect the wetting affinity of the rock sample.    

To characterize AFM images at the microscopic scale three parameters are defined: 

mean roughness (𝑅𝑎), RMS value (𝑅𝑞), and ɀ scale. The mean roughness and RMS 

value are defined as [105]  

𝑅𝑎 =
∑ |ℎ𝑖 − ℎ̅|𝑁

𝑖=1

𝑁
 

(12) 

𝑅𝑞 = √∑ |ℎ𝑖 − ℎ̅|
2𝑁

𝑖=1

𝑁
 

(13) 

where ℎ𝑖, ℎ̅, and 𝑁 are elevation of a data point 𝑖, the mean elevation, and number of 

data points in the image, respectively. The RMS of an AFM image is the root mean 

square average of the height deviation taken from the mean data points. The ɀ scale 

also represents the vertical distance between highest and lowest points in the image.  

Table 3.9 lists the statistical roughness analysis performed on pure quartz slide, pure 

calcite crystal and MT thin section. Note that 𝑅𝑎 and 𝑅𝑞 evaluated for pure quartz, pure 

calcite, and the MT thin section may not represent the roughness of pore walls in the 

core plugs. Since each AFM instrument has a limited capacity for detecting the surface 

roughness, all solid surfaces should be smooth. Therefore, smooth surfaces used in this 

study may not represent the real pore walls. Rougher surfaces are expected for pore 

walls of real cores.         
Table 3.9. Roughness analysis of the minerals in dry conditions 

 
Sample 𝑹𝒂,nm 𝑹𝒒, nm ɀ scale, nm 

Pure quartz 3.67 4.56 58.70 
Pure calcite 0.19 0.26 1.80 

Montney thin section 40.00 51.20 431.10 
 
To conduct the force measurements on the MT thin section, we select different spots to 

consider the heterogeneities in the thin section. Figures 3.15d, 3.16d, and 3.17d show 

a force-distance profile for a point marked on the pure quartz, pure calcite, and the MT 

thin section, respectively. The adhesion forces for quartz surface are higher than those 
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[161] showed that the adhesion forces of calcite surface measured at the ambient air 

conditions are 1 to 2 orders of magnitude higher than those measured in pure glycol, 

ranging between 0.002 µN and 0.02 µN.  

The adhesion forces measured in this study are different from those reported in the 

literature. One reason is that different materials (i.e. calcite and quartz) and tips have 

been used here. Surface roughness and humidity also strongly affect the adhesion 

forces [148, 163, 164]. Compared to a smooth flat surface, larger and smaller adhesive 

forces are reported for concave and convex surfaces, respectively [165]. 

There are two limitations regarding the force measurement at the ambient air 

conditions. First, the adhesion forces measured in air are larger than those measured in 

liquid. Second, the adhesion forces measured in air may not represent the real reservoir 

conditions because the surface of rock grains is exposed to aqueous and oleic phases 

at reservoir conditions. In the liquid mode of force measurement, double layer repulsion 

is another term which is added to the adhesion force in addition to attractive forces (i.e. 

van der Waals forces). Although the effect of double layer forces is significant especially 

for the short range of separation distance, the magnitude of double layer forces 

decreases by increasing the salinity of water. Since the total salinity of reservoir brine is 

very high (>100,000 ppm) the contribution of double layer forces is expected to be 

relatively low. In summary, the adhesion force for the MT thin section composed of 

multi-mineral pores is between the values for pure quartz and calcite.     

3.7. Conclusions 
In this study, different sets of experiments were conducted to investigate the effects of 

mineral heterogeneity and intermolecular forces on wetting behavior of tight rocks from 

core-scale to pore-scale. First, we reviewed the results of previous spontaneous 

imbibition tests conducted on downhole core plugs collected from the Montney 

Formation. Then, we explained the spontaneous imbibition results by using the 

disjoining pressure-distance profiles calculated based on the DLVO theory. Finally, we 

investigated the effect of mineralogy on the adhesion forces measured by AFM 

analysis. Here is the summary of the main conclusions:  

 The results of pore-scale visualizations (thin section and SEM/EDS analyses) 

show the existence of multi-mineral pores with mixed-wet characteristics. To 
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explain the effect of mineral heterogeneity on wetting behavior, we investigated 

the stability of thin water films covering the rock surface using the DLVO theory. 

 The disjoining pressure values calculated based on the DLVO theory for the dry 

core plugs suggest similar wetting affinities of the rock samples toward oil and 

water which agrees with the spontaneous imbibition results.  

 The disjoining pressures calculated for the solid surface/oil/water system show 

the strong van der Waals attraction between the oil film and all minerals excepct 

quartz surface, indicating the stable oil film covering the minerals (except quartz). 

The oil film attached to the quartz surface is destabilized when AH(oil)≥ 8×10-20 J. 

Therefore, the water imbibition into the oil-saturated core plugs can be explained 

by the water imbibition into the pores surrounded by quartz grains. However, the 

oil film is completely attached to the other minerals.     

 The contact angles calculated for the solid surface/water/oil system is in the 

range of water-wet state which can be explained by the stability of water film 

covering the rock surface. This explains why oil cannot imbibe into water-

saturated core plugs, based on previous experiments.  

 AFM measurements show that the adhesion forces between the tip and the 

quartz surface are higher than those between the tip and the calcite surface. The 

adhesion forces measured for the MT rock sample are between those measured 

for quartz and calcite, showing the effect of mineral heterogeneity in the MT rock 

sample.    
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Chapter 4 CO2-Oil Interactions in Tight Rocks: An 
Experimental Study 

 

4.1. Introduction 
Hydraulic fracturing and horizontal drilling technologies have substantially increased oil 

production from unconventional resources during the last decade. Although the volume 

of hydrocarbon in-place is significantly high in unconventional resources, the primary oil 

recovery factor is 3-10 % of initial oil in-place [166-171]. The oil production rate is 

affected by reservoir properties such as permeability, pressure, wettability, oil API, initial 

oil saturation and operational parameters such as fracturing stages, fracture 

conductivity and wellbore radius. Recently, different EOR techniques including gas 

injection [170, 172-175] and chemical injection [15, 48, 176, 177] have been studied to 

improve the oil recovery from unconventional resources. Among all injection fluids, CO2 

has several benefits in terms of improving oil recovery [178-185] and mitigation of 

greenhouse gas emissions by CO2 sequestration [186-188]. These advantages have 

made CO2 injection an attractive EOR technique for tight and shale oil formations. 

CO2 flooding may not be applied on unconventional resources due to a very low 

injectivity of CO2 [189]. In addition, complex natural and induced fractures in such 

reservoirs may result in early breakthrough of injected gas in production wells that leads 

to low volumetric sweep efficiency and bypassing of the oil in the matrix system [190]. 

Most EOR processes need at least one well for injection of EOR fluid and one well for 

production [189]; while EOR processes in unconventional resources are mostly 

designed to be conducted as a cyclic process in single fractured wells [191]. The results 

of previous studies [185, 189, 192-194] show that there is a potential to increase final oil 

recovery up to 85 % of the original oil in-place by conducting cyclic CO2 process in 

unconventional resources.  

A CO2 fracturing operation can be considered as a cyclic CO2 process if the well is 

soaked after the fracturing operation. To understand how cyclic CO2 process can result 

in improved oil recovery in tight formations, it is essential to investigate the interactions 

between injected CO2 and oil in the matrix. The cyclic CO2 process is mainly composed 
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of three steps: 1) CO2 injection, 2) soaking the well for a specific period of time to allow 

dissipation of the injected CO2 into the formation, and 3) hydrocarbon production. We 

conduct a series of experiments to understand: 1) how dissolution of CO2 into the oil at 

the bulk-phase conditions can change the physical properties of the CO2-oil mixture 

and, 2) how CO2 can interact with oil in the oil-saturated cores and lead to improved oil 

recovery.    

The objective of this study is to understand CO2-oil interactions at different experimental 

conditions, and explain how these interactions can lead to improved oil recovery. In this 

study, we investigate: 1) the CO2-oil interactions at the bulk-phase conditions using a 

PVT cell and a custom-designed visual cell, 2) the oil recovery from oil-saturated core 

plugs soaked in CO2, 3) the oil recovery from oil-saturated core plugs by conducting the 

cyclic CO2 process. Figure 4.1 shows the workflow of this study which is divided into 

two sections: 1) experiments conducted at the bulk-phase conditions to visualize and 

evaluate the CO2-oil interactions, 2) experiments conducted in the porous media to 

evaluate the oil recovery after soaking with CO2. In the first step, we conduct constant 

composition expansion (CCE) tests using a PVT cell to evaluate the bubble-point 

pressure and swelling factor of the CO2-oil mixture. Then, we visualize the CO2-oil 

interface at reservoir conditions (P=2000 psig and T=50oC) using a custom-designed 

visual cell and investigate the possibility of oil expansion and asphaltene precipitation. 

We conduct SEM (Scanning Electron Microscopy) /EDS (energy x-ray dispersive 

spectroscopy) analysis on solid precipitates deposited after CO2-oil interactions in the 

visual cell. In the second step, we investigate the oil recovery from the Montney core 

plugs soaked with CO2 in the visual cell. We also use a core flooding apparatus to 

evaluate the oil recovery factor from the oil-saturated core plugs by conducting the 

cyclic CO2 process.  
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Figure 4.1. The experiments are divided into bulk-phase characterization and flow in porous 

media.  
  

4.2. Materials 
4.2.1. Core Properties 

We select four Montney core plugs to conduct this study.  
Table 4.1 shows the petrophysical properties of the cores. More details about the 

petrophysical properties of the core plugs are presented elsewhere [100]. The 

petrophysical properties are provided by the Core Laboratories service company.  
 

Table 4.1. Petrophysical properties of the Montney core plugs. The diameter of core plugs is 3.8 
cm. 

Sample 
No. 

Depth 
(m) 

Permeability, KAir , 
(md) 

Porosity, Helium 
(Fraction) 

Grain Density 
(Kg/m3) 

Length 
(cm) 

S1 1568.89 4.98 0.155 2720 2.36 
S2 1569.92 7.53 0.170 2710 2.26 
S3 1572.67 2.08 0.140 2690 5.00 
S4 1580.64 0.30 0.122 2710 2.22 

 
4.2.2. Fluid Properties 

We use Montney crude oil to study the CO2-oil interactions and conduct CO2 cyclic 

experiments. The oil is characterized as light oil (oAPI =37.96). Table 4.2 lists the 

physiochemical properties of the oil. Table 4.3 shows the compositional analysis of the 

oil measured by simulated distillation test (ASTM 7169). CO2 with purity of 99.9% 

(Praxair, Canada) is used in the experiments. 
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Table 4.2. Physiochemical properties of the Montney crude oil 
 

Property Value 
Color Dark brown 

API (15oC) 37.96 
Viscosity at 21oC (cP) 9.6 

Surface tension (mN/m) 26.8 
Molecular weight (g/mol) 251.78 

 
Table 4.3. Compositional analysis of the Montney crude oil 

 
Component Wt.% Component Wt.% 

C7 1.03 C24 5.03 
C8 1.55 C26 4.12 
C10 7.55 C28 3.42 
C11 4.70 C30 3.24 
C12 4.53 C32 2.53 
C14 9.94 C34 2.30 
C16 8.78 C36 2.15 
C18 8.27 C38 1.70 
C20 6.55 C40 1.66 
C22 5.36 C42+ 15.59 

 

4.3. Methodology 
We conduct four different sets of experiments to study CO2-oil interactions. First, we 

conduct the CCE experiments using the PVT cell to evaluate the bubble-point pressure 

and swelling factor of the CO2-oil mixtures. Second, we visualize the CO2-oil interface 

using a custom-designed visual cell. Third, we conduct CO2 soaking experiments in the 

visual cell using oil-saturated core plugs. Finally, we conduct cyclic CO2 process on oil-

saturated core plugs using a core flooding apparatus. 

4.3.1. CCE Tests 
Phase-behavior measurements for CO2-oil mixture are conducted using a PVT 

apparatus (PVT-ZS-16-2-2-H/AC, DBR). Figure 4.2 shows schematic of the apparatus. 

The PVT cell can stand maximum pressure and temperature of 15,000 psig and 199oC, 

respectively. The volumetric capacity of the cell is 112 cm3. The dead volume of the 

PVT system is 1.754 cm3. A floating piston isolates the test fluids from hydraulic oil. A 

high-pressure positive displacement pump controls the pressure of the hydraulic oil 

(PMP-500-1-20-HB, DBR). An air bath with an accuracy of ±0.1oC controls the 

temperature of the PVT cell. The PVT system is equipped with a cathetometer to 
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measure the height of the test fluids. The uncertainty in volume measurement is ±0.016 

cm3. Heise pressure gauge monitors the pressure of the tests fluids (901A-15K-232P-

R5, Ashcroft Inc., Stratford, USA). The uncertainty of the pressure gauge is ±0.07% of 

full-scale which is 15,000 psig.  

We measure the density of the oil at atmospheric pressure and 21oC using Attention 

Sigma 700 (Biolin Scientific) instrument. The accuracy of the instrument is ±0.01 kg/m3. 

Densities of the oil at different pressure and temperature conditions are measured with 

the PVT cell based on mass balance. The density measurements are conducted at 21-

50oC and 50-2000 psig. 

We use reference oil density to calculate the density of oil at different experimental 

conditions (Eq. 1) because injected mass of the oil in the PVT cell is conserved. Since 

the mass of the oil is constant at all experimental conditions, the product of the oil 

density multiplied by the oil volume at first experimental conditions equals to that at 

second experimental conditions. The surface area of the PVT cell is fixed; then, the 

volume of the oil is proportional to the height of the oil column. Reference density of the 

oil is measured using Sigma 700 instrument at atmospheric pressure and 21oC. 

𝜌2 =
𝑉1

𝑉2
𝜌1 =

𝐻1

𝐻2
𝜌1 

(1) 

Here ρ1, V1, and H1 are the oil density (Kg/m3), volume (cm3), and height in the PVT cell 

(cm) at the reference conditions, respectively. ρ2, V2, and H2 are the oil density (Kg/m3), 

volume (cm3), and height in the PVT cell (cm) at a given temperature or pressure.  

We conduct seven CCE experiments using the PVT apparatus. We clean the PVT cell 

with toluene and evacuate the cell by a vacuum pump before running the experiment. 

The high-pressure CO2 cylinder is used for CO2 injection into the PVT cell. First, we 

inject a specific volume of CO2 into the cell at room temperature. Table 4.4 lists the 

details of experimental conditions for CO2-oil mixtures. The injected mass of CO2 is 

calculated using the volume measured by the cathetometer and density values from 

literature [195]. Second, a specific amount of the oil is injected into the PVT cell. Then, 

the injected volume of oil is determined as the difference between the cell volume and 

CO2 volume. We assume negligible volume change during mixing of CO2 and oil for the 

short time period. Third, we turn on the stirrer to mix the CO2-oil mixture for 24 hours 
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and adjust the oven temperature to the set-point for each test. When temperature of the 

mixture becomes stable at the set-point, we increase the pressure of the mixture until 

CO2 is completely dissolved into the oil and a single liquid-phase is formed. 
Table 4.4. CO2 mole% and temperature of CO2-oil mixtures in CCE tests. 

  
Exp. No.  CO2 mole% Temperature(oC) 

1 48.36 50.1 
2 58.82 50.1 
3 58.82 76.8 
4 58.82 90.1 
5 71.06 50.1 
6 71.06 76.9 
7 71.06 90.0 

 

Next, we decrease the pressure step by step and record the swollen oil volume at each 

pressure. To reach the equilibrium conditions at each pressure, the mixture is stirred. 

Next, the stirrer is turned off, and the system is kept static until the cell pressure 

becomes stable. Three and six hours are enough for single-phase and two-phase 

systems to reach the equilibrium, respectively. Finally, we record swollen oil volume at 

each pressure when the volume of the mixture does not change, and plot the pressure 

versus relative volume (Vr) [196-198]. Relative volume at each temperature is defined 

as a total volume of the CO2-oil mixture at a desired pressure divided by a total volume 

of the CO2-oil mixture at the bubble-point pressure.   
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Figure 4.2. Schematic of the PVT cell. 

 
4.3.2. Visualization of CO2 - Oil Interactions in Visual Cell  

To visualize CO2-oil interactions at reservoir conditions, we conduct a series of 

visualization experiments using oil and CO2. Figure 4.3 shows a picture of the custom-

designed visual cell which is made of stainless steel and two sight glasses that can 

stand maximum pressure and temperature of 4000 psig and 200oC, respectively. A 

heating jacket with an accuracy of ±0.1oC controls the temperature of the visual cell. 

Omega pressure gauge monitors the pressure of the visual cell (DPG4000 series, 

Omega). The uncertainty of the pressure gauge is ±0.05% of full-scale which is 4,000 

psig. The internal volume of the visual cell is 587 cm3. The sight glasses are used to 

visualize the fluid-fluid interface. We place a light source in front of one sight glass to 

show the internal space of the visual cell. We use a camera in front of the second sight 

glass and visualize the fluid-fluid interface during the experiments.  

To start the experiment, we fill almost half of the cell with oil and increase the cell 

temperature to 50oC (reservoir temperature). When the temperature is stabilized at 

50oC, we inject CO2 into the cell until the pressure reaches 2000 psig (reservoir 

pressure). Then, we close the injection valve and record the pressure of the mixture 
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 We soak the core plug in CO2 for 3 weeks, capture images of the cross section of 

the core, and record the possible changes of rock surface during the soaking 

process. 

 We take out the core after three weeks and measure the weight of the sample. 

Finally, we calculate the oil recovery factor based on weight change of the core 

sample.  

We perform the following procedure to prepare the core plugs for conducting the 

soaking experiments:  

 We clean the core plugs with toluene and methanol to remove oleic and aqueous 

phases in the pore network, respectively.  

 We dry the cores in oven at 100oC for three days. Then, we measure the weight 

of dry cores.  

 Prior to saturating the core plugs with fluids, crude oil is filtered using filter paper 

to remove the solid impurities. 

4.3.4. CO2 Cyclic Process 
We conduct CO2 cyclic tests at (i) 1000 psig and 21oC (room temperature), and (ii) 1400 

psig and 50oC (reservoir temperature) using a core flooding apparatus. Core flooding 

apparatus is composed of a Hassler core holder (Core Lab., US), a dual positive 

displacement syringe pump (100DX, Teledyne ISCO, US), two high-pressure 

accumulators, two Omega pressure gauges (DPG409-5KG, Omega, Canada) and a 

back pressure regulator (KPP series, Swagelok). The Hassler core holder is made of 

stainless steel and can stand maximum pressure and temperature of 5,000 psig and 

150oC, respectively. Cores with diameter of 1.5 inches and length of 2-6 inches can be 

mounted in the Hassler core holder. The dual ISCO pumps can supply maximum 

pressure of 10,000 psig. The range of flowrate for the pumps is 0.00001-50 cm3/min. 

The total capacity of the dual-pump is 206 cc. The uncertainty of the measured pump 

pressure is ±0.5% of full-scale (10,000 psig). The capacity of each accumulator is 500 

cc and can stand the pressure of 10,000 psig. We fill the accumulators with oil and CO2. 

Omega pressure gauges measure the confining pressure and inlet pressure of the 

system. The uncertainty of the pressure gauges is ±0.08% of full-scale (5,000 psig). To 

conduct the experiment at a higher temperature, the core flooding system is wrapped 
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with heating tapes and the temperature is controlled using three surface thermocouples 

connected to a temperature controller (OMEGA).  

To perform cyclic CO2 tests, we use inlet line of the core holder for both CO2 injection 

and oil production and close the outlet line of the core holder. Figure 4.4 shows the 

schematic view of cyclic CO2 set-up. We perform the following procedure for cyclic CO2 

tests: 

 We mount the clean and dry core plugs in the core holder, and connect the core 

outlet to the vacuum pump. To avoid air trapping, we apply vacuum on the core 

plugs until the pressure at the inlet reaches to -9 psig. Then we inject oil from the 

inlet.   

 We inject the oil at a constant injection pressure (4000 psig) to saturate the core 

plugs. For oil injection, we select constant pressure mode to make sure that the 

injection pressure is at least 500 psig lower than the confining pressure. The 

outlet pressure (back pressure) is 0 psig during oil injection. We assume the core 

plugs are fully saturated with oil when the flow rate stabilizes. We measure the 

weight of oil-saturated cores, and also measure the contact angles of oil and 

brine before cyclic CO2 process.   

 To measure the oil contact angle in brine, we immerse the core sample into the 

brine and inject the oil droplet using a J-shaped needle. Then, we measure the 

oil contact angle using a high-resolution camera and an LED light source, and 

analyze the pictures using an image-analyzer software. To measure the brine 

contact angle in oil, we immerse the core sample into the kerosene because the 

reservoir oil is not transparent enough to visualize the brine droplet. The 

procedure is repeated for six droplets to obtain average value and standard 

deviation. 

 We place two oil-saturated core plugs (cores S1 and S3) into the core holder 

(Figure 4.4) and apply the confining pressure of 3000 psig. Since the cores are 

very tight and the pore volume (PV) is small, we use multiple plugs to increase 

the total PV. Then, we can measure the produced oil volume accurately using a 

graduated collector with an accuracy of 0.1 cm3.    
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 We inject 0.2 PV of pressurized CO2 at 1000 psig for test 1, and at 1400 psig for 

test 2 into the cores to produce the oil volume accumulated in the lines (dead 

volume); then we increase the pressure of the system by CO2 injection. Then, we 

close the injection and production valves and soak the samples for 8 hours.  

 We start the production period after 8 hours of soaking by reducing the pressure 

using a back pressure regulator (BPR). We set the production pressure at 400 

psig and measure the volume of produced oil using a graduated collector with an 

accuracy of 0.1 cm3.  

 We start the second cycle by injection of CO2 when the oil production stops in the 

first cycle. We increase the system pressure from 400 psig to the desired 

pressure (1000 psig for test 1 and 1400 psig for test 2) by CO2 injection, and 

measure the injected volume of CO2 at each cycle. Then, we stop the pump as 

soon as the pressure of the system increases to the desired pressure. 

 We close the injection valve, and soak the cores with CO2 for 8 hours.  

 We repeat the injection, soaking and production steps for eight cycles.  

 
 

Figure 4.4. Schematic view of the cyclic CO2 set-up. 
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4.4. Results and Discussions 
Here, we present the results of CO2-oil interactions at the bulk-phase conditions and in 

the core plugs. First, we conduct the CCE tests using a PVT cell and evaluate the 

swelling factor and the bubble-point pressure for different CO2-oil mixtures. Second, we 

visualize the CO2-oil interface at 50oC and 2000 psig in the visual cell to investigate the 

CO2-oil interactions at reservoir conditions. We also conduct the similar visualization 

tests with N2 to compare the interactions between CO2-oil and N2-oil. Then, we analyze 

the solid precipitates due to CO2-oil interactions in the visual cell. Third, we investigate 

the oil recovery from the oil-saturated core plugs soaked with CO2 in the visual cell. 

Finally, we present the results of cyclic CO2 process conducted by a core flooding 

system.   

4.4.1. CCE Tests 
Figure 4.5 shows the measured density of the crude oil (𝜌𝑜𝑖𝑙) at different temperatures 

(21oC, 35oC and 50oC) and pressures (50-2000 psig). As expected, 𝜌𝑜𝑖𝑙 decreases by 

increasing temperature at a constant pressure, and increases by increasing pressure at 

a constant temperature. The measured densities can be correlated to pressure and 

temperature using Tait equation [199, 200]:  

ρoil(T, P) =
ρ0(T, P0)

1 − βLn (
B + 0.006P

B + 0.1 )
 

 

 (2)                                                                      

Here, T and P0 are temperature (K) and reference pressure (0 psig), respectively. 𝜌0, B 

and 𝛽 are assumed to be temperature dependent: 

 

ρ0 = a1 + a2 T + a3 T2 = 376.4873 + 3.3948 T − 6.3000 × 10−3 T2 (3) 

β = c1 + c2 T = −0.4026 + 0.0014 T (4) 

B = b1 + b2 T−1 + b3 T−2

= −4.0379 × 103 + 2.6385 × 106 T−1 − 4.2596 × 108 T−2 

(5) 

The parameters 𝑎1, 𝑎2 and 𝑎3 in Eq. 3 are determined by fitting the measured densities 

at the reference pressure. The parameters in Eqs. 4 and 5 are determined by fitting the 

measured densities at different pressures and temperatures. Figure 4.6 shows the 

measured and calculated densities using Eq. 2. We also calculate the average value of 
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absolute relative deviation (AARD) of the calculated oil density from the experimental 

data:  

%AARD =
1

Np
∑ |

ρcal
oil − ρexp

oil

ρexp
oil

|i × 100

Np

i=1

 (6) 

The AARD value is 0.02% which means the density data can be estimated using Tait 

equation with an acceptable accuracy. 𝜌0 values are used to calculate molar 

concentration of the oil in the CO2-oil mixture for each CCE test. 

 
Figure 4.5. Densities of crude oil measured using the PVT cell at different temperatures and 

pressures.  

 
Figure 4.6. Comparison between the measured and calculated oil density. 
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In the next step, we mixed the oil and CO2 with different concentrations to conduct CCE 

tests and define the relative volume (Vr) for CO2-oil mixtures as: 

 

Vr =
(Total volume )T and P 

(Total volume )T and Pb

 
 (7) 

Bubble-point pressure (Pb) is the pressure at which the slope of the pressure-volume 

line changes. At bubble-point pressure, the first bubble of CO2 releases from the 

mixture. CO2 forms a separate gas phase on top of the oil phase when the pressure is 

gradually decreased.  

In Figure 4.7, we plot the pressure of CO2-oil mixture versus Vr for three different CO2-

oil mixtures at 50oC (the reservoir temperature). The Pb of the mixture increases when 

the concentration of CO2 in the mixture increases. Table 4.5 lists Pb values for different 

CO2-oil mixtures at different temperatures. The Pb for mixtures with CO2 mole % of 

48.36, 58.82 and 71.06 are 945 psig, 1035 psig and 1302 psig, respectively. The results 

show that when mixture pressure decreases gradually, the mixture with higher 

concentration of CO2 reaches to the bubble-point pressure faster than the other 

mixtures. For example, the mixture with CO2 mole % of 71.06 is in the two-phase 

condition at P=1200 psig while the two other mixtures still form a single-phase.      

Figure 4.8 shows the profiles of pressure versus Vr for the CO2-oil mixtures with CO2 

mole % of 58.82 and 71.06 at three different temperatures (50oC, 76oC and 90oC). For 

each CO2 concentration, Pb increases by increasing temperature. The pressure required 

for dissolving CO2 in the mixture increases by increasing the temperature. In addition, 

when the CO2 concentration increases from 58.82 mole % to 71.06 mole %, Pb 

increases because the pressure required to dissolve additional CO2 increases.          

The total volume of oil and dissolved CO2 at bubble-point pressure and temperature, 

divided by the volume of oil (without CO2 at the same temperature but at atmospheric 

pressure) is defined as the swelling factor [201]. We also calculate the swelling factor 

(SF) of the CO2-oil mixtures by 

SF =
(VOC)T,Pb

(VO)T,P0

×
1

1 − xCO2

 (8) 
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Here, 𝑉𝑂𝐶 is the molar volume of CO2-oil mixture at the bubble-point pressure and 

temperature, 𝑉𝑂 is the molar volume of the oil at atmospheric pressure and bubble-point 

temperature, and 𝑥𝐶𝑂2
 is the mole fraction of CO2 in the mixture.   

 
Figure 4.7. Measured relative volume versus pressure at three different concentrations of CO2 

in the mixture at 50oC. 
 

 
(a) 

 
(b) 

Figure 4.8. Measured relative volume at different temperatures for CO2 mole % of (a) 58.82 and 
(b) 71.06. 

 
Table 4.5 lists the calculated values of SF for the mixtures. SF increases by increasing 

𝑥𝐶𝑂2
. The oil swelling factor increases from 1.211 to 1.390 when 𝑥𝐶𝑂2

 increases from 

48.36 mole % to 71.06 mole % at T=50oC.  
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Moreover, SF increases by increasing temperature at constant 𝑥𝐶𝑂2
. For example, SF 

for the mixture with 𝑥𝐶𝑂2
 = 58.82% increases from 1.243 to 1.262 when the temperature 

increases from 50oC to 90oC. 
Table 4.5. Measured bubble-point pressure and swelling factor obtained from CCE tests 

Exp. No.  CO2 mole % Temperature, oC Bubble-point pressure, psig SF 
1 48.36 50.1 945 1.211 
2 58.82 50.1 1035 1.243 
3 58.82 76.8 1318 1.254 
4 58.82 90.1 1535 1.262 
5 71.06 50.1 1302 1.390 
6 71.06 76.9 1944 1.398 
7 71.06 90.0 2376 1.410 

 

We collect oil samples from each CO2-oil mixture after CCE tests to measure and 

compare the oil composition using simulated distillation test. This apparatus separates 

the oil fractions based on boiling point and measures the mass concentration of each oil 

fraction. Figure 4.9 shows the mass concentration of each oil fraction for the mixtures 

with 𝑥𝐶𝑂2
of 48.36 %, 58.82 % and 71.06 % and for the original oil. The general trend for 

all CO2-oil mixtures is similar. C14 has the highest concentration for all oil samples, and 

the concentration of oil fractions heavier than C14 decreases by increasing the carbon 

number. The weight percent of C10-C20 for the original oil and CO2-oil mixture with 

𝑥𝐶𝑂2
=71.06 % are 50 wt.% and 44 wt.%, respectively. The oil samples might become 

heavier after interactions with CO2 in the PVT cell due to vaporization of light and 

intermediate oil components into CO2 during the CCE tests. When the pressure of the 

CO2-oil mixture decreases and CO2 forms a separate gas phase, light and intermediate 

oil components evaporate into and enrich the gas phase. Consequently, the 

concentrations of light and intermediate components (C10-C20) in the oil phase 

decrease. 
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Figure 4.9. Mass fraction of original oil and CO2-oil mixtures measured by simulated distillation 

column. 
 

4.4.2. Visualization of CO2-Oil and N2-Oil Interactions in the Visual Cell 
4.4.2.1. CO2-Oil Interactions 

In this part, we visualize the CO2-oil interface at 50oC and 2000 psig in the visual cell to 

investigate the CO2-oil interactions at reservoir conditions. First, we fill almost half of the 

cell with 235 cc of oil (0.78 mole) at atmospheric pressure, and increase the 

temperature from 21oC to 50oC (Figure 4.10a). When the temperature is stabilized at 

50oC, we inject 6.4 moles of CO2 into the visual cell until the pressure reaches 2000 

psig. It takes 35 minutes to increase the pressure from 0 to 2000 psig by injecting CO2 

using the ISCO pump with flow rate of 25 cc/min. Then, we close the injection valve and 

record the pressure of the CO2-oil mixture, periodically. Figure 4.10b shows the CO2-oil 

interface right after closing the injection valve at 50oC and 2000 psig. At this point, the 

CO2-oil mixture is at non-equilibrium conditions, which means the concentrations of CO2 

and oil components in the gas and liquid phases have not reached the stable values. 

Comparing Figure 4.10a with Figure 4.10b indicates the oil expansion due to CO2 

dissolution into the oil phase. To quantify oil expansion, we define oil expansion factor 

(EF) as the oil volume after CO2 injection divided by the oil volume before CO2 injection 
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into the cell (Figure 4.10a). The oil EF is defined for both equilibrium and non-

equilibrium conditions in the visual cell. At non-equilibrium conditions, the 

concentrations of CO2 and oil components in the liquid and gas phases have not 

reached constant values, leading to variation of visual cell’s pressure versus time while 

those are constant at the equilibrium conditions. It should be mentioned that oil EF in 

the visual cell experiments is different from oil SF defined by Eq.8 in the PVT cell tests. 

Oil SF is calculated at bubble-point pressure where single-phase of CO2-oil mixture is at 

equilibrium conditions. In the next section, we investigate the convection and diffusion 

mechanisms to explain the dissolution of CO2 into the oil phase. 

 

4.4.2.2. Natural Convection Mechanism 
Figure 4.10b shows the expanded oil right after closing the CO2 injection valve at 2000 

psig and 50oC. Oil EF in Figure 4.10b is equal to 1.23. As previously mentioned, it 

takes 35 minutes to increase the oil EF from 1.00 to 1.23. After closing the CO2 injection 

valve at 2000 psig, we record the pressure decline versus time. As shown in Figure 
4.11, the pressure of the visual cell declines from 2000 to 1707 psig and reaches 

equilibrium conditions in 5 hours. During pressure decline, more CO2 is dissolved in the 

oil phase and oil EF increases from 1.23 at 2000 psig (Figure 4.10b) to 1.32 at 1707 

psig (Figure 4.10c). CO2 shows the supercritical behavior at 2000 psig and 50oC with 

high density of 665.43 Kg/m3. At this pressure and temperature, oil density is 829.40 

Kg/m3. Right after CO2 injection into the visual cell, CO2 concentration at the CO2-oil 

interface is higher than that in the oil bulk-phase. The CO2 concentration gradient leads 

to CO2 dissolution into the oil as soon as it contacts the oil phase. As CO2 dissolves into 

the oil phase, the oil density at the interface increases to a value higher than the oil 

density without any dissolved CO2 in it [202]. Therefore, the oil density at the CO2-oil 

interface is higher than that in the oil bulk-phase. The natural convection phenomenon 

is defined as downward and upward movements of denser and lighter oils in the oil 

phase, respectively. The natural convection is the first mechanism for CO2 dissolution 

into the oil, leading to: 1) rapid oil expansion right after CO2 injection into the visual cell 

(Figure 4.10b), and 2) fast equilibrium of CO2 and oil phase (Figure 4.11). To visualize 

the natural convection within the oil phase as a result of CO2 dissolution, we replace the 
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black Montney oil with translucent condensate oil and conduct a similar visualization 

test.  

 

4.4.2.3. Molecular Diffusion Mechanism 
The second mechanism for CO2 dissolution into the oil phase may be the CO2 

molecular diffusion based on Fick’s law of diffusion. Molecular diffusion is a very slow 

process compared with natural convection [195], and the range of diffusion coefficient in 

CO2-oil system is 0.0001-0.01 cm2/s. As a result, slow CO2 molecular diffusion cannot 

explain rapid expansion of oil and fast pressure decline shown in Figures 4.10 and 

4.11, respectively. Overall, the visualization of CO2-oil interactions at 50oC and reservoir 

pressure shows that the role of natural convection for dissolution of CO2 in the oil phase 

is more pronounced compared with that of molecular diffusion.  

 
(a) (b) (c) 

Figure 4.10. CO2-oil interface at reservoir temperature (50oC). (a) There is 235 cc (0.78 mole) 
of oil in the cell when there is no CO2 in the cell at atmospheric pressure (P=0 psig). (b) We 
inject 6.4 moles of CO2 to increase the pressure from 0 psig to 2000 psig and then close the 

CO2 injection valve. Oil EF is 1.23 at 2000 psig. Rapid expansion of oil after introducing the CO2 
into the visual cell is explained by natural convection mechanism. (c) Due to further CO2 

dissolution into the oil phase, pressure of visual cell declines from 2000 psig to 1707 psig after 5 
hours. Rapid pressure decline during 5 hours is explained by convection mechanism. Oil EF is 
1.32 at 1707 psig. The dashed line shows the level of CO2-oil interface at different conditions.  

  

Time=0 hr 
EF=1.23 

 

Time=5 hrs 
EF=1.32 

Before CO2 injection 
EF=1.00 
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Figure 4.11. Pressure profile of CO2-oil mixture at 50oC. The pressure of visual cell declines 
from 2000 psig to 1707 psig after 5 hours. Rapid pressure decline during 5 hours is explained 

by convection mechanism. 
 

4.4.2.4. N2-Oil Interactions 
To compare the interactions of CO2 and N2 with oil, we conduct similar tests using N2. 

Figure 4.12a-c show the N2-oil interface at 50oC and different pressures. First, we fill 

the cell with 295 cc (0.98 mole) of oil at atmospheric pressure (Figure 4.12a). Then, we 

inject 1.46 mole of N2 to increase the pressure of the visual cell from 0 to 2000 psig. 

After that, we stop the N2 injection and close the injection valve. Figure 4.12b shows 

the N2-oil interface at 50oC and 2000 psig. Comparing Figure 4.12a with Figure 4.12b 

shows that oil does not expand after N2 injection at 2000 psig, and EF is almost 1.0. On 

the other hand, comparing Figure 4.10a with Figure 4.10b shows oil EF is 1.23 after 

CO2 injection at 2000 psig and 50oC. The solubility of N2 in the oil is much lower than 

that of CO2 at same experimental conditions [203]. One day after closing the N2 

injection valve, the pressure declines from 2000 psig to 1863 psig.  However, we do not 

observe oil expansion even after pressure drop from 2000 psig to 1863 psig. On the 

other hand, oil SF increases in the CO2-oil mixture from 1.23 to 1.32 as the pressure 

declines from 2000 psig to 1707 psig (Figure 4.10c). The densities of N2 and oil at 2000 

psig and 50oC are 139.11 and 829.40 Kg/m3, respectively. Right after N2 injection into 

the visual cell, N2 concentration at the N2-oil interface is higher than that in the oil bulk-

phase. The N2 concentration gradient leads to N2 dissolution into the oil as soon as it 
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contacts the oil phase. As the N2 dissolves in the oil phase, the oil density at the 

interface decreases to a value lower than the oil density without any dissolved N2 in it. 

Therefore, the lighter oil at the N2-oil interface remains on top of the initial denser oil 

below the interface, and does not move downward. In other words, natural convection 

does not happen in N2-oil experiment and the molecular diffusion due to N2 

concentration gradient is the main mechanism for dissolution of N2 into the oil phase. 

In the next step, we inject 0.65 mole of N2 and increase the pressure of the visual cell 

from 1863 psig to 3000 psig (Figure 4.12c) to observe the possibility of oil expansion 

due to N2 dissolution in oil. N2 density at 3000 psig and 50oC is 200.56 Kg/m3. We do 

not observe oil expansion even at 3000 psig. However, it does not mean that there is no 

N2 dissolution in the oil phase. Pressure decline during N2-oil interactions and liberation 

of N2 bubbles from the oil phase after declining the pressure to atmospheric pressure 

confirm the dissolution of N2 in the oil phase. Weaker N2-oil interactions compared with 

CO2-oil interactions results in higher minimum miscibility pressure (MMP) for N2. MMP is 

the minimum pressure required to eliminate the interfacial tension (IFT) between oil and 

injected gas (N2, CO2, and etc.). Hawthorne et al. 2016 [204] conducted the capillary 

rise/vanishing IFT tests to evaluate the MMP between oil and different gases such as 

CO2, N2 and CH4. The results of MMP measurements at 42oC showed that the MMP 

between the Bakken oil (API of 38.7o) and CO2 (1285±37 psig) is much lower than that 

between the Bakken oil and N2 (22370±840 psig). 
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of oil samples before and after contact with CO2 are 2.2 and 2.1 wt.%, respectively. The 
asphaltene content of solid precipitates at the bottom of the visual cell (Figure 4.13) is 14.0 

wt.%. 
 

4.4.3. CO2 Soaking Experiments Using Oil-Saturated Core Plugs 
In this section, we present the results of soaking tests using oil-saturated core plugs. 

We place oil-saturated core plugs of S1, S2, and S4 in the visual cell. Then, we adjust 

the temperature to 50oC and increase the visual cell pressure to 2000 psig by CO2 

injection. The bulk volume of each core sample is almost 25 cm3. We inject 7.9 moles of 

CO2 to increase the visual cell pressure to 2000 psig at 50oC. Table 4.6 lists the initial 

mole (and initial volume) of oil for each core plug. For example, the initial mole of oil in 

S1 sample is 0.0102 which is much smaller than that of CO2 in the visual cell (7.9 

moles). After pressurizing the visual cell with CO2, we visualize the cross section of the 

core plug and record the possible changes occurring on the rock surface during the 

soaking process. Figure 4.16a-d shows the surface of S1 core sample at four different 

times. Figure 4.16a shows the rock surface right after pressurizing the cell with CO2. 

After 1 day of soaking with CO2, we do not observe any significant changes on the rock 

surface (Figure 4.16b). After 3 days, the color of the rock surface changes from bright 

grey to dark brown (Figure 4.16c), indicating that the oil wets the rock surface. At the 

same time, we observe condensates attached on the top surface of the visual cell, 

indicated by yellow spots in Figure 4.17. The color of condensates is brighter than the 

color of original oil. After 5 days, the wet surface becomes dry and, the color of the rock 

surface changes from dark brown to bright grey (Figure 4.16d). The soaking tests last 

for 3 weeks. After 3 weeks, we turn off the heating jacket to reduce the temperature of 

the visual cell from 50oC to 21oC. Then, we gradually vent out CO2. The average rate of 

pressure decline during CO2 release is 10 psi/min. We observe yellow condensates 

accumulated at the bottom of the visual cell during reduction of pressure and 

temperature while we do not observe any oil production from core plugs during 

reduction of pressure and temperature. These observations may indicate that the 

accumulated condensates are mainly oil components vaporized from the oil into the 

CO2 bulk phase. Vaporized oil components condense and form a separate liquid-phase 
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 CO2 diffuses into the oil and results in oil swelling. The saturation of the swollen 

oil in the core plugs increases. Finally, the swollen oil wets the core surface and 

changes the color of the core surface. Color change of core surface from bright 

grey to dark brown in Figure 4.16c may imply oil expansion due to CO2 diffusion. 

Hawthorne et al. 2013 [171] conducted a series of CO2 exposure tests using tight 

rock samples and, proposed a mechanism in which CO2 permeates into the tight 

rocks, dissolves into the oil, enhances oil mobilization, and displaces the oil out 

of the rock surface. 

 Oil components expelled out of the core can be vaporized into the CO2 bulk-

phase since large volume of CO2 is in contact with the oil. For example, the molar 

ratio of CO2 to oil for S1 core is 775. High molar ratio of CO2 to oil leads to 

vaporization of oil components from oil into CO2 bulk-phase. Color change of the 

core surface from dark brown to bright grey in Figure 4.16d may suggest 

vaporization of oil components into CO2 bulk-phase.  

The soaking tests may represent the interactions between oil-saturated matrix and the 

CO2-saturated fracture. In the next step, we investigate the CO2-oil interactions in the 

oil-saturated core plugs in a cyclic CO2 process. The main differences between CO2 

cyclic process and soaking tests are: 1) the molar ratio of CO2 to oil in a cyclic process 

is smaller than that in a CO2 soaking test (more than 700), 2) the produced oil volume is 

measured sequentially for each cycle in the cyclic CO2 process while the total produced 

oil volume is calculated at the end of the CO2 soaking test, 3) produced CO2 containing 

vaporized oil components is replaced with pure CO2 in the subsequent cycle of cyclic 

CO2 test while CO2-oil contact lasts for three weeks without CO2 replacement in the 

soaking test, and 4) there is a pressure driven flow in cyclic CO2 process (injection and 

drawdown) in addition to diffusion and dissolution of CO2 into the core plugs while the 

pressure does not change considerably in the soaking test. Therefore, conducting the 

cyclic CO2 process provides a complementary tool to understand the CO2-oil 

interactions at the field scale. 

 
 
 
 



112 
 

4.4.4. Cyclic CO2 Process 
In previous sections, we visualized and evaluated: 1) swelling factor of the CO2-oil 

mixture with different CO2 concentrations, 2) asphaltene precipitation due to CO2-oil 

interactions, 3) vaporization of oil components into the CO2 during the CO2 soaking 

tests, and 4) CO2 diffusion and dissolution into the oil in the visual cell. To understand 

how CO2 interacts with oil in the tight rocks and leads to oil production, we conduct the 

cyclic CO2 tests on the Montney core plugs. We perform the cyclic CO2 process at 1) 

1000 psig and 21oC (the room temperature), and 2) 1400 psig and 50oC (the reservoir 

temperature).   

First, we saturate cores S1 and S3 with oil as described in the methodology section. 

Then, we mount the cores in the core holder in series form and apply a confining 

pressure 3000 psig. The petrophysical properties of core plugs are listed in Table 1. 

Next, we conduct the pre-flush step by injecting 0.2 PV of pressurized CO2 into the 

cores to displace out the oil in the lines (dead volume). Then, we inject CO2 to increase 

the pressure of the cores, close the injection and production valves, and soak the core 

plugs with CO2 for 8 hours. After 8 hours, we set the back pressure regulator at 400 

psig and open the production valve. The produced oil volume is collected in a graduated 

collector. We also measure the weight of the core plugs at the end of the cyclic CO2 

process to calculate the final oil recovery by mass balance calculations. The produced 

oil volume based on mass balance may differ from measured in the graduated collector 

especially for the experiments conducted at elevated temperatures. Evaporation of light 

oil components into the CO2 phase during production period results in discrepancy 

between the two methods. Produced oil volume collected in a graduated collector is 

lower than that calculated based on mass balance. Thus, we report the final oil recovery 

based on the mass balance calculations. To report the oil recovery factor for each cycle, 

first, we calculate the ratio of the produced oil volume at each cycle to the final collected 

oil volume. Then, the calculated ratio for each cycle is multiplied by produced oil volume 

based on mass balance calculations to eliminate the effect of oil evaporation by CO2. 

The production period continues until no more oil is produced. When the oil production 

stops, we start the subsequent cycle by CO2 injection into the core plugs and increase 

the pressure of system to the desired pressure. We repeat this procedure for 8 cycles. 



113 
 

We plot the pressure of the system versus time for both cyclic CO2 tests (Figure 4.18). 

Figure 4.18 shows the pressure of cyclic CO2 process during: 1) CO2 injection step, 2) 

slowly pressure drop during soaking step, and 3) steeply pressure reduction during 

production period. Production period takes around 21 minutes for all cycles and after 

that, we do not observe oil production. 

 
Figure 4.18. Pressure profiles for cyclic CO2 tests conducted at 1400 psig/50oC and 1000 

psig/21oC. 
 

We define normalized injected volume of CO2 as:  

V𝐶𝑂2,𝑛𝑜𝑟𝑚 =
Injected CO2 volume at each cycle 

Pore volume
 × 100 

 
(9) 

Table 4.7 lists the normalized injected volume of CO2 for each cycle. Since the oil is 

produced in subsequent cycles, additional CO2 volume is required to maintain the 

desired pressure (1000 psig and 1400 psig) for each cycle. The change of injected CO2 

volume for the cycles 1-4 in test 1 is more than that for cycles 5-8 because the oil 

recovery for the cycles 1-4 is higher than that for cycles 5-8. The injected volume of CO2 

for the first cycle of test 2 is more than that for the first cycle of test 1 due to higher 

dissolution of CO2 into oil at higher pressure and temperature. Higher dissolution of CO2 

into the oil results in higher oil recovery in the first cycle of the test 2 compared with that 
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of the test 1. Higher injected CO2 volume in the subsequent cycles of test 2 compared 

with those of test 1 is related to higher oil recovery at higher pressure and temperature. 

Oil recovery is higher for the test conducted at 1400 psig and 50oC; therefore, there is 

more room for CO2 in the subsequent cycle. 

 
Table 4.7. Normalized injected volume of CO2 for cyclic CO2 process conducted at 1000 

psig/21oC and 1400 psig/50oC. 
 

No. of cycle 𝐕𝑪𝑶𝟐,𝒏𝒐𝒓𝒎 at 1000 psig and 21oC 𝐕𝑪𝑶𝟐,𝒏𝒐𝒓𝒎 at 1400 psig and 50oC 
1 15.12 18.23 
2 34.78 51.02 
3 46.59 70.57 
4 60.41 73.01 
5 63.50 75.25 
6 62.97 82.69 
7 67.33 85.25 
8 71.27 80.77 

 

Figure 4.19 shows the oil production profile for the cyclic CO2 tests. The final oil 

recovery for test 1 is 66.00%. The oil recovery factor for first four cycles of the test 1, 

are 16.97%, 11.31%, 10.37% and 9.43%, respectively. Oil recovery for cycles 1-4 and 

cycles 5-8 of test 1, are 74% and 26 % of the final recovered oil volume, respectively. 

The final oil recovery for test 2 is 77.09%.  The oil recovery factor for the first four cycles 

of test 2, are 22.39%, 15.19%, 13.11% and 7.99%, respectively. Oil recovery for cycles 

1-4 and cycles 5-8 of test 2, are 76% and 24% of the final recovered oil volume, 

respectively. The results suggest that the first four cycles show the highest oil recovery 

in the cyclic CO2 process. Other studies [175, 185, 215] also concluded that three 

cycles for cyclic CO2 process show the highest oil recovery from the cores drilled from 

tight oil formations located in northwestern China.  
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the concentration of heavier oil fractions (> C30) for original oil is higher than that for 

produced oil. The results of the oil compositional analysis indicate that the produced oil 

becomes lighter after CO2-oil interactions in the cyclic CO2 process.  

 
Figure 4.20. Mass fraction of the original oil and the oil produced from the first cycle measured 

by simulated distillation column. 
 

4.5. Conclusions 
We conducted a series of experiments to 1) investigate the swelling factor and bubble-

point pressure of the CO2-oil mixtures at the bulk-phase conditions using a PVT cell, 2) 

visualize CO2-oil interactions in the visual cell at the reservoir conditions, 3) evaluate the 

possibility of asphaltene precipitation due to CO2-oil interactions in the visual cell, 4) 

evaluate oil production from oil-saturated core plugs soaked with CO2 in the visual cell, 

and 5) investigate the oil recovery during the cyclic CO2 process. The main conclusions 

are summarized based on the experimental results as follows:  

 The results of CCE tests conducted using the PVT cell show the oil swelling 

factor increases from 1.211 to 1.390 by increasing the CO2 concentration from 

48.36 mole% to 71.06 mole%. High CO2 solubility into the oil leads to oil 

expansion at reservoir conditions. Increasing the temperature of the CO2-oil 

mixture also results in higher oil swelling factor.  
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 We visualized the oil expansion as a result of CO2 dissolution at reservoir 

conditions (2000 psig and 50oC). CO2 can significantly dissolve into and expand 

the oil. 

 Asphaltene precipitates due to CO2-oil interactions at the bulk-phase conditions 

in the visual cell. The results of SEM/EDS analysis show the main components of 

asphaltene (carbon and sulfur). In addition, the results of IP-143 test confirm the 

precipitation of asphaltene when the Montney oil interacts with CO2 at reservoir 

conditions. 

 The results of CO2 soaking tests show high oil recovery from the oil-saturated 

Montney core plugs. The key mechanisms for oil production are: 1) oil swelling 

as a result of CO2 dissolution into the oil, and 2) evaporation of oil components 

expelled out of the core into CO2 bulk-phase. 

 The results of cyclic CO2 tests show the high oil recovery from oil-saturated 

Montney core plugs (more than 66% of the original oil in-place). The first four 

cycles recover more than 70% of the total recovered oil from the core plugs. 

 In summary, the results of this work suggest that application of CO2 (as a 

fracturing fluid in fracturing operations or EOR fluid in the cyclic CO2 process) 

may lead to improved oil recovery from the Montney tight oil formation. 
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Chapter 5 Imbibition Oil Recovery From Tight Rocks by 
Non-ionic Surfactant Systems 

 

5.1. Introduction 
Hydrocarbon production from unconventional resources has been increased by the 

combination of hydraulic fracturing and horizontal drilling over the past decade [166, 

176, 216, 217]. However, the oil recovery factor is usually very low (less than 10% of 

original oil in-place) for these resources. This is due to their ultra-low permeability, 

complex pore structure, and oil-wet (or mixed-wet) behavior [15, 218-220]. Recently, 

different enhanced oil recovery (EOR) methods have been used to increase the oil 

recovery factor of unconventional resources [212, 221-225]. Success of any EOR 

methods strongly depends on rock-fluids interactions. Recently, there have been 

attempts to improve the oil recovery from unconventional resources by modifying the 

fracturing fluid formulation. Although using produced gas/CO2 as a fracturing fluid is 

soaring during the recent years, water is still the common fluid used for fracturing 

operations [8]. This is because it (i) is cheaper [8], (ii) is more available except some 

arid areas such as Texas and North Dakota [226], and (iii) requires less well-head 

facilities compared with non-aqueous fluids.  

There is an open question if using additives in the aqueous fracturing fluid can improve 

oil recovery from tight rocks. Several experimental studies conducted at the lab-scale 

have shown that adding surface active agents (surfactants) to the aqueous phase can 

facilitate the counter-current imbibition of the aqueous phase into the matrix, resulting in 

oil displacement from the matrix and oil recovery improvement [224, 227-234]. The 

literature is enriched with mechanistic studies conducted on fractured carbonates [235-

240], chalks [241-243], and sandstones [244, 245] to understand how surfactant 

solutions can improve oil recovery [246-253]. The mechanisms proposed for this 

recovery improvement include (i) IFT reduction between oleic and aqueous phases 

[133, 250, 254] and (ii) alteration of rock wettability from oil-wet to water-wet [255-260].  

However, there is still ongoing debate on how spontaneous imbibition of surfactant 

solutions can improve oil recovery from tight rocks. These rocks generally have two 
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unique features that differentiate them from conventional rocks. These features are that 

(i) a significant portion of their pore-throat size distribution falls into the ultra-low scale 

(<100 nm) [261-263] and (ii) their pore structure is divided into hydrophilic and 

hydrophobic networks [264]. Existence of hydrophobic nanopores in organic matter 

(OM) is responsible for strongly oil-wet behavior of tight rocks [135, 168]. To expel the 

oil out of hydrophobic network, surfactant solutions should be able to flow through the 

nanopores in OM, preferentially wet the rock surface, and displace the oil out of these 

pores.    

Considering capillarity as the main driving force for spontaneous imbibition, capillary 

pressure decreases as the IFT between oleic and aqueous phases (Young-Laplace 

equation) decreases [239]. For example, Milter and Austad [242], showed that imbibition 

of surfactant solutions into chalk cores leads to 5% oil recovery factor when the IFT is 

less than 0.02 mN/m. On the other hand, wettability alteration from oil-wet (or mixed-

wet) to water-wet favors aqueous phase imbibition into rocks [265, 266]. The effects of 

IFT reduction and wettability alteration on oil recovery act in opposite directions during 

spontaneous imbibition. Therefore, there should be a driving force for micelles formed in 

surfactant solutions to flow through the hydrophobic pore network and displace the oil 

out. 

Recently, different types of surfactants (anionic, cationic, nonionic, and amphoteric) 

have been used to improve the imbibition oil-recovery from tight rocks at the lab-scale 

[224, 267-269]. Alvarez and Schechter [232, 270], suggested that anionic and nonionic-

cationic surfactants work better for tight siliceous and carbonates rocks, respectively. 

However, nonionic surfactants are most common at the field-scale because they are 

more compatible with other chemicals such as clays stabilizer, biocide, and friction 

reducers compared with ionic surfactants [271]. Among non-ionic surfactants, 

octylphenol ethoxylates (OPE) are widely used as detergents, wetting agents, 

dispersants, and solubilizers in the marketplace [272]. Here, we suggest using mixed 

non-ionic OPE surfactant solutions composed of oil-soluble surfactant with low 

hydrophile-lipophile balance (HLB) number and water-soluble surfactant with high HLB 

number to facilitate the transport of surfactant solution into the hydrophobic pores. The 

objective of this research is to investigate (i) how OPE solutions affect wettability of tight 
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rocks and IFT between reservoir fluids and (ii) how mixing of OPE surfactants results in 

improved oil recovery from tight rocks.  

In this study, we conduct different sets of experiments to understand the interactions 

between single and mixed non-ionic OPE surfactant solutions and oil. First, we measure 

the surface and interfacial tensions of OPE solutions with different HLB numbers. 

Second, we measure the particle size distribution of the surfactant solutions to 

characterize the size of micelles formed in the solutions. Third, we perform the 

isothermal titration calorimetry (ITC) experiments to evaluate the possibility of surfactant 

adsorption on the rock surface. Fourth, we conduct liquid/liquid contact angle 

measurements to investigate the wettability behavior of the rocks exposed to surfactant 

solutions. Finally, we conduct imbibition oil-recovery experiments using oil-saturated 

downhole core plugs from the Montney Formation – one of the largest unconventional 

resources in North America.   

 
5.2. Materials and Methods 
5.2.1. Materials  

5.2.1.1. Core Properties 
Five pairs of downhole core plugs collected from two wells drilled in the Montney 

Formation (MT) are used in this study. Montney Formation is located in the Western 

Canadian Sedimentary Basin (WCSB) and is one of the largest economically feasible 

hydrocarbon resources in North America [273]. The Montney Formation generally 

comprises siltstone, minor intervals of shaly siltstone and very fine-grained sandstone 

[274, 275]. 

  
Table 5.1.Petrophysical properties of the MT core plugs 

 
Sample 

No. 
Depth, 

m 
Permeability, Kair 

(mD) 
Porosity, Helium 

(Fraction) 
Grain Density, 

g/cm3 
1 2068.39 4.46×10-3 0.049 2.680 
2 2074.99 2.82×10-3 0.040 2.710 
3 2130.46 3.89×10-3 0.062 2.740 
4 2138.85 2.35×10-3 0.066 2.780 
5 2149.54 4.42×10-3 0.063 2.680 
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Nitrogen dry-cutting method is used to cut plugs with 3.81 cm diameter and 7 cm length. 

Table 5.1 lists the petrophysical properties of core plugs. X-ray diffraction method is 

used to evaluate core plug mineralogy. The total organic carbon (TOC) content of the 

rock powder is measured using Rock-Eval 6 analysis [275]. Table 5.2 reports the TOC 

content and mineral composition of the core plugs [218]. The petrophysical properties 

and mineral composition of rock samples are provided by the Core Laboratories service 

company.   
Table 5.2. TOC content and mineral composition of the core plugs 

 
Mineral (wt %) Depth, m 

2068.39 2074.99 2130.46 2138.85 2149.54 

Quartz 44 40 48 57 52 
K-Feldspar 7 6 7 9 5 
Plagioclase 7 5 13 10 15 
Calcite 9 11 6 5 5 
Dolomite & Fe-Dolomite 11 24 7 12 5 
Pyrite 3 3 1 1 1 
Fluorapitite 1 1 0 0 0 
Illite/Smectite 2 3 0 0 0 
Illite/Mica 13 6 15 5 16 
Kaolinite 1 0 2 0 1 
Chlorite 2 1 2 0 0 
TOC 1.67 1.08 0.89 1.3 0.38 

 

5.2.1.2. Surfactants 
Surfonic OPE15, OPE70 and OPE100 are surfactants used in this study. They are p,t-

octylphenol ethoxylates [C8H17C6H4(OCH2CH2)nOH] with n is equal to 1.5, 7 and 10 

moles of ethoxylates (EO). These commercial grade surfactants are obtained from 

Huntsman Corporation and their properties are listed in Table 5.3. The reported critical 

micelle concentration (CMC) of OPE15, OPE70 and OPE100 solutions are 5x10-5, 

1.7×10-4 and 3.1×10-4 molar, respectively [276].  

 
Table 5.3. Properties of tested octylphenol ethoxylate surfactants at 25oC [277].  

Name M.W EO 
moles 

HLB 
value 

C.M.C. 
moles/liter 

𝜸, 
mN/m 

Area/molecule 
nm2 

OPE-15 277 1.7 5.1 5x10-5 30 0.40 
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OPE-70 519 7 12 1.7x10-4 31 0.52 
OPE-100 646 10 13.6 3.1x1-4 35 0.72 

 

5.2.1.3. Fluid Properties 
Montney condensate oil is used for saturating the core plugs and measuring the IFT 

values. It is a light oil (63.6 oAPI) with viscosity and surface tension of 3.55 cP and 25 

mN/m respectively at room temperature (25oC). Also, deionized (DI) water and NaCl salt 

(Sigma Aldrich) are used to prepare surfactant solutions at different concentrations.  

     

5.2.2. Methods 
5.2.2.1. Surface Tension     

The surface tension of the surfactant solutions is measured using the ring method in 

Sigma700 force tensiometer (Attension, Biolin Scientific). The ring is purified by rinsing 

it with methanol before running the experiment. Next, the ring hanging from an accurate 

balance (±0.00001 gr) is immersed into a cell filled with surfactant solution. The 

instrument records the force required to pull the ring out of the solutions during the 

experiment. The measurement is repeated 10 times for each solution at 25oC. 

    

5.2.2.2. Interfacial Tension 
To evaluate IFT reduction, we measure dynamic IFT between each surfactant solution 

and oil sample using a spinning drop interfacial tensiometer (SDT, Krüss, Germany). 

The SDT unit can operate up to a maximum temperature of 120oC with an accuracy of 

0.1oC. It measures a wide range of IFT values from 10-6 to 2000 mN/m with an accuracy 

of 10-6 mN/m. The SDT is equipped with a capillary tube that is filled with surfactant 

solutions and an end plug that is filled with an oleic phase. The capillary tube is capped 

by the end plug. To measure IFT, the capillary tube is mounted in the tensiometer and 

the rotational speed is gradually increased until an oleic droplet is released. The 

rotational speed and temperature are set to 10,000 rpm and 25oC, respectively. The 

ADVANCETM software is used to analyze the shape of the droplet spinning in the 

capillary tube and to calculate IFT based on Eq. 1 as given by Vonnegut [278-280]. IFT 



123 
 

values are recorded every 60 seconds until constant values are reached. Each IFT 

measurement is repeated three times and the mean value is reported. 

𝜎 =
(𝜌1 − 𝜌2)𝜔2𝑅3

4
 

(1) 

where σ, ρ1, ρ2, ω, and 𝑅 are interfacial tension (mN/m), density of aqueous phase 

(Kg/m3), density of oleic phase (kg/m3), angular velocity (radians/s), and radius of the 

spinning oleic droplet (m) respectively. 

 
5.2.2.3. Dynamic Light Scattering 

The size of micelles formed in the aqueous phase is important since the pore-throat size 

distribution of tight rocks is in the range of nano-scale, RThroat< 1,000 nm. To evaluate 

how large the size of micelles is in the aqueous surfactant solution, we measure the 

size distribution of micelles formed in the surfactant solutions using Malvern Zetasiser 

Nano ZS. It works based on dynamic light scattering (DLS) method. This instrument 

measures micelle diameter ranging from 0.3 nm to 10 μm. Each measurement is 

repeated three times at room temperature (25oC) and atmospheric pressure (1 atm).  

   

5.2.2.4. Contact Angle             
To investigate wettability behavior of rocks, we measure liquid-liquid contact angles 

using Attention Theta (Biolin Scientific). This instrument is equipped with Navitar lens 

(1984×1264 pixel resolution, max 3009 FPS) and an LED light source. We polish the 

surface of end pieces of the MT core plugs (i) to remove dirt attached to the surface of 

core plugs. Dirt may affect the measured contact angles and (ii) to mitigate the effect of 

surface roughness on measured contact angles. To polish the surface of end-pieces, 

we use 240 grit sandpapers. Then, we immerse oil-saturated end-pieces of the core 

plugs in a cell filled with surfactant solutions. Next, Hamilton syringe and needle system 

in Attention Theta is used to inject a fixed volume of oil droplet (10 μL) from the bottom 

of the cell. OneAttension software records contact angles by monitoring the oil droplet 

shape with time. Each experiment measures contact angles for at least six oil droplets. 

We report the mean value and standard deviation for each experiment.  
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5.2.2.5. Isothermal Titration Calorimetry 
To evaluate adsorption affinity of the surfactants on rock powder, we perform isothermal 

titration calorimetry (ITC) experiments using TA Nano ITC 2G (TA, New Castle, DE, 

USA) at 25°C. First, the sample cell and the ITC syringe are rinsed several times with 

18.3 MΩ.cm deionized water (DI) before loading the samples. Second, surfactant 

solutions are prepared whose concentrations are 10 times higher than CMC values 

listed in Table 5.3. Third, a core plug is crushed and ground to prepare rock powder 

with a mean particle size of 907±60.57 nm. This is then added to DI water to prepare a 

suspension with 1 wt% of rock powder. Fourth, the sample cell and ITC syringe are 

filled with 1mL of suspension and 250 μL of surfactant solutions, respectively. Fifth, 10 

μL surfactant solution is injected every 5 minutes into the sample cell. The injection 

process continues 28 times for each solution. After each injection, the heat released or 

adsorbed is monitored and analyzed using NanoAnalyze software (TA, New Castle, DE, 

USA).       

5.2.2.6. Spontaneous Imbibition Tests 
We perform the imbibition oil-recovery tests to compare the performance of single and 

mixed solutions on oil recovery improvement from tight rocks. First, dry MT core plugs 

are placed in oil samples. The weight change of the core plugs is recorded periodically. 

The spontaneous oil imbibition reaches equilibrium conditions when the weight does not 

change with time. Second, to make sure that the pore volume is fully filled with the oil, 

the forced imbibition test is performed. To conduct forced imbibition, external pressure 

is applied using a continuous pulse-free pump (Vinci Technologies, France) on partially 

oil-saturated core plugs that are placed in a high pressure accumulator filled with the oil. 

The weight change of the core plugs soaked for 24 hours in the accumulator at a set 

pressure of 500 psig is measured. Next, the applied pressure is increased to 2000 psig 

in 500 psig steps. The forced imbibition is stopped at 2000 psig to avoid the generation 

of induced fractures in the core plugs. Third, the oil-saturated core plugs are placed in 

imbibition cells filled with the surfactant solution. The produced oil volume accumulates 

at the top of the imbibition cell due to buoyancy effect. The collected oil volume is 

measured periodically using a graduated tube with an accuracy of 0.02 mL.  
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5.3. Results and Discussions 
This section describes the results of experiments conducted to evaluate the 

performance of single and mixed surfactant solutions on oil recovery improvement from 

the MT tight rocks.   

 
5.3.1. Surface Tension and Interfacial Tension 

Since commercial grade surfactant samples are used in this study, one would expect 

non-uniform ethoxylation. Therefore, surface tensions of OPE70 and OPE100 solutions 

are measured in water with different NaCl concentrations (see Appendix C). It is not 

possible to measure the surface tensions of OPE15 solutions due to their extremely low 

solubilities in water. When the concentrations of OPE70 and OPE100 solutions change 

from 10-6 to 10-4 molar, the surface tension decreases from ~65 mN/m to ~30 mN/m. 

The CMCs reported by the manufacturer (OPE70: 1.7×10-4 and OPE100: 3.09×10-4 

molar) confirm that the CMCs of OPE70 and OPE100 solutions are around 10-4 molar. 

Moreover, increasing NaCl concentration in water from 1 to 10,000 ppm leads to 

negligible changes in the CMCs of surfactant solutions measured by Sigma700 force 

tensiometer.    

Mixed surfactant systems are prepared by mixing OPE15 (insoluble in water) with 

OPE70 (soluble in water) and OPE100 (soluble in water) surfactants solutions (1:1 

molar ratio). Figure 5.1 shows the surface tensions of the mixed surfactant solutions 

measured by the ring method. The results show that the CMC of mixed solutions is 

around 1.0x10-4 molar. Similar to the single-component surfactant solutions, increasing 

the NaCl concentration from 1-1,000 ppm does not result in any measurable change in 

the CMC of mixed solutions. Since these surfactants are non-ionic, we expect that the 

CMCs of OPE solutions are dependent of electrolyte salinity ranging from 1 to 1,000 

ppm [281]. To conduct the spontaneous imbibition tests, we prepare surfactant solutions 

with the concentration of 10-3 molar to make sure that the solutions are above CMCs.     
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(a) (b) 

Figure 5.1. Surface tensions of mixed solutions versus surfactant concentrations: (a) OPE15-
OPE70 and (b) OPE15-OPE100 with 1:1 mixing ratio. 

 

Figures 5.2 and 5.3 show the IFT values measured for OPE70 and OPE100 solutions 

prepared at different NaCl concentrations ranging from 1 to 1,000 ppm. The results 

show that IFT decreases as the surfactant concentration increases. This is due to 

alignment of surfactant molecules to the oil-water interface. The IFT values for OPE100 

solutions with 10-3 molar concentration (~1 mN/m) are higher than those for OPE70 

solutions with 10-3 molar concentration (~0.5 mN/m). This indicates that the interfacial 

tension between oil and OPE100 solutions (having surfactants with higher HLB number) 

is higher than that between oil and OPE70 solutions (having surfactants with lower HLB 

number). Moreover, the NaCl concentration (1-1,000 ppm) does not significantly change 

the IFT values for OPE70 and OPE100 solutions. Nevertheless, since the IFTs of 10-3 

molar OPE70 and OPE100 solutions are significantly higher than 10-3 mN/m, one can 

expect that the capillary pressure is high enough during imbibition oil-recovery process. 

The results of previous studies [223, 232] suggest that moderate reductions in IFT 

between surfactant solutions and oil (IFT~0.9 mN/m) results in improved oil recovery 

from tight rocks (15.0-33.9 % of original oil in-place) during spontaneous imbibition.      
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not reach the minimum (0.5-1 mN/m) at 10-3 m concentration. The same behavior was 

also observed for the interfacial tensions of C12EO8-C12EO2 mixtures in 

hexadecane/water systems reported by Rosen and Murphy [282]. Second, adding NaCl 

into the solution (1000 ppm) does not change the IFT values significantly for mixed 

surfactant solutions. Yet, mixing OPE-15-OPE-70 and OPE-15-OPE-100 solutions do 

not change the interfacial tensions significantly compared to OPE70 and OPE100 

solutions.     

  
(a) (b) 

Figure 5.4. IFT values measured between the oil and (a) OPE15-OPE70 and (b) OPE15-
OPE100 solutions with 1:1 mixing ratio versus surfactant concentration. 

 

The results of surface tension and interfacial tension measurements suggest the 

absence of synergetic interactions between the two non-ionic surfactants which have 

the same tail group (octylphenol) and similar structure but different length of ethoxylate 

(EO) head groups. In a similar pair of non-ionic surfactants (i.e. C12EO8 and C12EO3), 

the degree of interactions calculated between two monolayers of mixed surfactants at 

oil/water interface (βσ) and micelle formation (βM) for hexadecane/water systems are -

0.7 and -0.1, respectively [283]. For a clear case of a strong attractive interaction, β 

value shall be markedly negative, which is the case for the oppositely charged 

surfactants.  
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5.3.2. Micelle Size Distribution 
To evaluate how large the size of micelles is, we measure the size distribution of 

micelles formed in the surfactant solutions. The CMCs reported for OPE70 and OPE100 

are 1.7×10-4 and 3.09×10-4 molar, respectively. Therefore, we measure the size of 

micelles formed in NaCl solutions with surfactant concentration of one and two orders of 

magnitude higher than CMC. Figure 5.5 shows the mean size of micelles formed in the 

OPE70 and OPE100 surfactant solutions prepared in water with different NaCl 

concentrations ranging from 1 to 1,000 ppm. The size of micelles formed in the OPE70 

and OPE100 solutions for different NaCl solutions are in the range of 39.01±1.29 – 

100,000±20,650 nm and 8.76±0.08 – 13.97±2.00 nm, respectively. The results show 

that micelles formed in the OPE70 solutions are much larger than those formed in the 

OPE100 solutions. Since the HLB number of OPE100 is higher than that of OPE70, it is 

more soluble in aqueous phase and forms smaller micelles. Moreover, the size of 

micelles formed in OPE70 solutions significantly increases with increasing NaCl 

concentration. However, the size of micelles formed in the OPE100 does not 

significantly change with increasing NaCl concentration. Kronberg et al. 2014 [284], 

showed that the tendency to grow for the size of micelles of non-ionic polyoxyethylene 

surfactants decreases by increasing the length of EO chain. It means that the size of 

micelles formed in OPE 70 solutions should be larger than that formed in OPE 100 

solutions.      

Next, we measure the size of micelles formed in the mixed surfactant solutions to 

investigate how mixing of OPE surfactants with different HLB numbers affects the size 

of micelles. Table 5.4 lists the mean values of micelles formed in the OPE15-OPE70 

and OPE15-OPE100 mixed surfactant solutions prepared in DI water and 1000 ppm 

NaCl solution. The size of micelles formed in the OPE15-OPE70 mixed solution 

prepared in DI water (180.90±1.62 nm) is larger than that formed in the single OPE70 

solution prepared in DI water (39.01±1.29 nm). Compared to OPE70 and OPE100 

which are soluble in water, OPE15 is insoluble in water. Therefore, the presence of 

OPE15 in the mixed surfactant solutions enlarges the resulting mixed micelles. 

However, the size of micelles formed in the OPE15-OPE70 mixed solution prepared in 

1,000 ppm NaCl solution (120.20±6.42) is smaller than that formed in the single OPE70 
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solution prepared in 1,000 NaCl ppm solution (100,000±20,650 nm). One reason is 

related to the salt-in effect of NaCl solution described by the Hofmeister series [285, 

286]. The presence of Na+ and Cl- ions can promote solubilization of hydrophobic 

components of mixed OPE surfactants into the aqueous phase. Therefore, addition of 

NaCl into the aqueous solution leads to smaller micelles formed in the OPE15-OPE70 

solution.    

 
 

(a) (b) 
Figure 5.5. Mean size of micelles formed in the (a) OPE70 and (b) OPE100 surfactant solutions 

versus NaCl concentration. 
 

Moreover, the size of micelles formed in the OPE15-OPE100 solution prepared in DI 

water and 1,000 ppm NaCl solution is higher than that formed in the OPE100 solutions. 

The existence of OPE-15 results in formation of larger micelles in the mixed solutions. 
Table 5.4.  Mean size of micelles formed in the mixed surfactant solutions 

Surfactant-1 Surfactant-2 Concentration NaCl 
Concentration 

Mean of PSD 

OP15 OP70 0.001 1 180.90±1.62 
OP15 OP70 0.001 1000 120.20±6.42 
OP15 OP100 0.001 1 129.20±6.84 
OP15 OP100 0.001 1000 173.60±1.10 

 

5.3.3. Isothermal Titration Calorimetry 
5.3.3.1. Single Solutions of OPE70 and OPE100 

We conduct ITC experiments to determine the adsorption of OPE70, OPE100, OPE15-

OPE70, and OPE15-OPE100 solutions on rock powder in aqueous suspensions. First, 
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we conduct titrations of OPE70 and OPE100 solutions into 1000 ppm NaCl solution (as 

a reference case). Next, we repeat the experiment by the titration of surfactant solutions 

into the 1000 ppm NaCl suspension with 1.0 wt % rock particle (RP) concentration.  

Figures 5.6a and b show the thermograms for the isothermal titration of OPE70 and 

OPE100 solutions into 1,000 ppm NaCl solution with and without 1.0% RP suspension, 

respectively. Each titration step produces a heat signal recorded by the instrument. The 

recorded enthalpy is due to the heat released from surfactant demicellization and 

micelle dilution when surfactant concentration (Csurfactant) < CMC. As the concentration of 

surfactant monomers in the cell increases, aggregation starts to occur and only a 

reduced fraction of injected micelles dissociates into monomers. Therefore, less heat is 

generated. Micelles do not dissociate into monomers when Csurfactant > CMC, and the 

heat is generated only from the dilution of micelles. In all cases, there is an exothermic 

heat production from the titration process. Except the first titration point of OPE100, the 

titration curves of both OPE70 and OPE100 into 1,000 ppm NaCl solution followed “S 

shape” profiles. The demicellization of OPE100 is stronger than OPE70. Since the 

dilution enthalpies for both surfactant micelles and monomers are negligible compared 

with the enthalpy of demicellization process, the difference in the enthalpy between 

minimum and maximum heat values is due to the cooperative aggregation of surfactant 

monomers into micelles. The change of enthalpy due to micellization (ΔHm) is 

approximately 8 kJ/mol and 10 kJ/mol for OPE70 and OPE100, respectively. The 

hydration and excluded volume forces of ethoxylate segments result in hydrophilic 

repulsions. The formation of micelles by non-ionic OPE surfactants is endothermic 

because the repulsive forces among ethoxylate chains is higher than the attractive 

forces among hydrophobic octylphenol groups. Nevertheless, micellization process 

occurs because it is entropically driven. Due to the longer ethoxylate chain, the 

hydrophilic repulsion is higher in OPE100 than that in OPE70. This leads to higher 

micellization enthalpy and CMC solubility. 

A different enthalpic process is expected to happen when the suspension of 1wt% RP is 

prepared in 1,000 ppm NaCl solution as titrate in the sample cell. The titration curves of 

OPE70 and OPE100 surfactants into the RP suspensions are included in the same 

plots. The difference between the titration curves of with and without RP is ascribed as 
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surfactant-rock particles interactions. If there is enough affinity between the surface of 

the RP and the surfactant, adsorption of surfactant monomers will first take place at the 

surface of the rock particles. Therefore, more exothermic heat is generated at the early 

stage of titrations due to the adsorption of OPE70 and OPE100 onto the RP at the 

beginning of titration process. A plateau is formed after reaching a saturation of 

surfactant molecules on the RP surface; followed by the demicellization process similar 

to what observed in the 1,000 ppm NaCl solution without RP. 

  
(a) (b) 

  
(c) (d) 

Figure 5.6. ITC curves of (a) OPE70, (b) OPE100, (c) OPE15-OPE70, and (d) OPE15-OPE100 
solutions titrated into 1,000 ppm NaCl solution with and without 1% rock particles. 

 
 

5.3.3.2. Mixed Surfactants 
The OPE-15, OPE-70 and OPE-100 surfactants share the same hydrophobic group of 

(C8H17C6H4) with different size of polyoxyethylene chains of (OCH2CH2)n.  
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The chain length of ethoxylates for OPE15, OPE70 and OPE100 are 1.5, 7, and 10 

moles, respectively. Therefore, the CMC of OPE15 is more than 10 times lower than 

that of OPE70 and OPE100. OPE 15 can only be dispersed in the form of mixed 

micelles in water by adding OPE70 or OPE100.  

Figure 5.6c and 5.6d show the thermograms for the isothermal titration of OPE15-

OPE70 and OPE15-OPE100 mixed solutions prepared in 1,000 ppm NaCl solution with 

and without 1.0% RP suspension, respectively. OPE15 cannot demicellize into its 

monomers and has no demicellization enthalpy when it is diluted into the 1,000 ppm 

NaCl solution due to its very short hydrophilic polyoxyethylene chain. When OPE15-

OPE70 and OPE15-OPE100 mixed solutions are injected into 1,000 ppm NaCl solution 

(without RP), OPE15 stays insoluble while OPE70 and OPE100 demicellized in to the 

solution. Demicellization of OPE70 component for the OPE15-OPE70 mixed solution is 

less than that of OPE100 for the OPE15-OPE100 mixed solution. OPE100 is a better 

solubilized agent for OPE15 due to its much longer ethoxylate chain, resulting in better 

demicellization performance. However, the titration of both OPE15-OPE70 and OPE15-

OPE100 mixed solutions show totally different behavior in the presence of RP 

suspensions. Surfactant mixtures compete for the RP surface. Unlike OPE100, other 

surfactant solutions (OPE70, OPE15-OPE100, and OPE15-OPE70) show two different 

thermograms with and without RP particles. Instead of demicellization, OPE15 

monomers are first preferentially adsorbed on the RP surface in the case of OPE15-

OPE70. Figure 5.6c shows a better chromatographic effect, RP surface is enriched in 

OPE15 whereas the solution is enriched in OPE70. 

 
5.3.4. Wettability Evaluation 

5.3.4.1. Contact Angle Measurement  
To evaluate the wettability behavior of rock surface exposed to single and mixed OPE 

solutions, we perform liquid-liquid contact angle measurements. The reference case is 

an oil-saturated end-piece of the MT rock sample that is immersed in 1,000 ppm NaCl 

solution. For the reference case, an oil droplet completely spreads on the rock surface, 

indicating a strongly oil-wet behavior. In the next step, the contact angle of oil droplets 

on oil-saturated end-pieces immersed in surfactant solutions is measured. Figure 5.7 
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shows the oil contact angle measured for the 1,000 ppm NaCl solution (reference case) 

and OPE70 solution with 10-2 molar surfactant concentration. The oil contact angle is 

non-measurable for the reference case due to the spreading of oil droplet on the rock 

surface when it releases from the J-shape needle placed at the bottom of the cell. 

Figure 5.8 shows the oil contact angles measured for different concentrations of single 

surfactant solutions prepared in 1,000 ppm NaCl solution. The rock surface becomes 

strongly oil repellent when OPE70 and OPE100 surfactants are added to the aqueous 

solution. The oil contact angle slightly decreases as surfactant concentration increases 

meaning that the rock surface becomes less oil-repellent. However, the rock surface 

shows strongly water-wet behavior even at the highest surfactant concentration (10-2 

molar).  

  
(a) (b) 

Figure 5.7. Liquid/liquid contact angle of an oil droplet on an end-piece of the MT rock 
immersed in (a) 1,000 ppm NaCl solution (reference case) and (b) 1,000 ppm NaCl solution with 

10-2 molar OPE70. The oil droplet completely spreads on the rock surface immersed in 1,000 
ppm NaCl solution, indicating strongly oil-wet behavior. 
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Figure 5.8. Oil contact angle measured on oil-saturated end-pieces of the MT rock samples 

immersed in OPE70 and OPE100 solutions. Oil droplets completely spread on the surface when 
the oil-saturated end-pieces are immersed in the water. 

   
Table 5.5 lists the oil contact angles measured for the mixed solutions with 10-4 molar 

concentration. The analysis software could not detect the oil droplet boundary in mixed 

solutions with 10-3 molar concentration because these solutions are not translucent at 

this concentration. The oil contact angles measured for the mixed solutions suggest that 

the rock samples are strongly water-wet. In summary, single and mixed surfactant 

solutions can preferentially wet the oil-saturated rock surface and make it strongly 

water-wet.   
Table 5.5. Oil contact angles measured for the mixed solutions at different concentrations 

No. Type Surf. Conc. (mole ) NaCl Conc. (ppm) Oil contact angle 

1 OP15-OP100 0.0001 1000 166.78±1.74 

2 OP15-OP70 0.0001 1000 152.21±2.20 
 

5.3.4.2. Wetting Behavior 
The results of previous sections showed that single and mixed non-ionic OPE solutions 

(i) reduce IFT between oil and surfactant solutions and (ii) preferentially wet the rock 

surface. In this section, we explain how the rock surface becomes water-wet in the 

presence of non-ionic single and mixed surfactant solutions. Wetting behavior are 
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generally categorize in three ways including spreading, adhesional, and immersional 

wetting states [287, 288]. Different parameters are defined to measure the driving force 

for each type of wetting state as: (i) spreading coefficient (𝑆𝐿/𝑆), (ii) work of adhesion 

(𝑊𝐴), and (iii) immersional free energy (𝐼𝐿/𝑆) [288, 289]. 

In the spreading wetting state, a liquid, which is originally in contact with a solid surface 

and another fluid, displaces another fluid and spreads on the solid surface. The surface 

free energy change per unit area for the spreading state in an oil-solid-water system is 

defined as  

𝑆𝐿/𝑆 = 𝛾𝑆𝑊 − 𝛾𝑂𝑊 − 𝛾𝑆𝑂 (2) 

where 𝛾𝑆𝑊 and 𝛾𝑆𝑂 are the solid-water and solid-oil surface tensions, respectively. 𝛾𝑂𝑊 

is the interfacial tension between oil and water. Since it is not possible to measure 𝛾𝑆𝑊 

and 𝛾𝑆𝑂 independently, Eq. 2 is often combined with the Young-Dupré Eq. 3 to obtain a 

more useful expression for calculating 𝑆𝐿/𝑆 as  

𝛾𝑆𝑊 = 𝛾𝑆𝑂 + 𝛾𝑂𝑊 cos 𝜃𝑂𝑊𝑆 (3) 

𝑆𝐿/𝑆 = 𝛾𝑂𝑊 × (cos 𝜃𝑂𝑊𝑆 − 1) (4) 

 where 𝜃𝑂𝑊𝑆 is the contact angle at the solid-water-oil junction. If 𝑆𝐿/𝑆 >0, spreading 

occurs spontaneously. If 𝜃𝑂𝑊𝑆 = 0, complete spreading occurs. If 𝜃𝑂𝑊𝑆 ≠ 0, 

spontaneous spreading does not occur.   

In the adhesional wetting state, a liquid which is not originally in contact with a solid 

surface makes contact with and adheres to that surface. The work of adhesion (𝑊𝐴) is a 

measure used to evaluate the strength of adhesional force between the liquid and the 

solid surface. 𝑊𝐴 is defined as the reversible work required for separating a unit area of 

a liquid from the solid surface. 

𝑊𝐴 = 𝛾𝑆𝑊 + 𝛾𝑂𝑊 − 𝛾𝑆𝑂 (5) 

Combining Eq. 5 with the Young-Dupré Eq. 3 results in 

𝑊𝐴 = 𝛾𝑂𝑊 × (cos 𝜃𝑂𝑊𝑆 + 1) (6) 
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Finally, in the immersional wetting state, a solid surface which was not previously in 

contact with the liquid is immersed completely in the liquid. The immersional free energy 

(𝐼𝐿/𝑆) is defined as 

𝐼𝐿/𝑆 = 𝛾𝑆𝑊 − 𝛾𝑆𝑂 = (𝛾𝑂𝑊 × cos 𝜃𝑂𝑊𝑆) (7) 

Moreover, 𝐼𝐿/𝑆 gives an indication of the strength of the capillary force [256]. The 

capillary pressure is proportional to the immersional free energy as 

𝑃𝐶 =
2 × (𝛾𝑂𝑊 × cos 𝜃𝑂𝑊𝑆)

𝑟
=

2 × 𝐼𝐿/𝑆

𝑟
 

(8) 

where 𝑃𝐶 and 𝑟 are capillary pressure and pore radius, respectively.  

Table 5.6 lists the spreading coefficients (𝑆𝐿/𝑆), work of adhesion (𝑊𝐴), and immersional 

free energy (𝐼𝐿/𝑆) calculated for surfactant solutions prepared in 1,000 ppm NaCl 

solution. 𝑆𝐿/𝑆 calculated for the OPE70 and OPE100 solutions (10-6 molar) show a 

strong repulsion between the surfactant solutions and the rock surface. In these cases, 

the surfactant solution cannot spontaneously spread on the rock surface covered with 

the oil film. The spreading coefficient significantly decreases as the surfactant 

concentration increases. The spreading coefficients are very close to zero when 

CSurfactant>10-4 molar; indicating the complete spreading state. As a result, surfactant 

solutions can displace the oil film covering the rock surface and spread spontaneously 

on the rock surface. Finally, the rock surface becomes oil repellent in presence of OPE 

surfactants as indicated by the measured oil contact angles (Figure 5.8).   
 

Table 5.6. Wetting parameters calculated for the OPE70 and OPE100 solutions prepared in 
1,000 ppm NaCl solutions. 

 
Surf. Conc. 

(molar) 
NaCl Conc. 

(ppm) 
OPE70 OPE100 

  𝑆𝐿/𝑆 
(mN/m) 

𝑊𝐴 
(mN/m) 

𝐼𝐿/𝑆 
(mN/m) 

𝑆𝐿/𝑆 
(mN/m) 

𝑊𝐴 
(mN/m) 

𝐼𝐿/𝑆 
(mN/m) 

10-6 1000 -75.66 0.15 -37.76 -75.66 0.15 -37.76 

10-4 1000 -0.11 7.23 3.57 -0.06 7.37 3.66 

10-3 1000 -0.03 0.93 0.46 -0.06 1.81 0.88 

10-2 1000 -0.04 0.39 0.18 -0.08 1.01 0.47 
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𝑊𝐴 calculated for all solutions except for 10-4 molar surfactant solutions is very low. This 

means that the adhesion force between the rock surface and surfactants is low. The 

absence of strong attractive forces between the rock surface and surfactant solutions 

can be explained by the non-ionic nature of OPE surfactants. Moreover, the IFT values 

(𝛾𝑂𝑊) is high (Figure 5.2 and Figure 5.3) when Csurfactant=10-4 m, leading to higher WA 

for the OPE70 and OPE100 solutions compared with that for others solutions when 

CSurfactant>10-4 m.  

Solutions with 10-6 molar concentration of surfactants have high negative 𝐼𝐿/𝑆 values. 

This indicates the repulsion between the surfactant solutions and the rock surface 

covered with the oil film. No surfactant adsorption is expected at this concentration. 𝐼𝐿/𝑆 

is positive and is less than 5 mN/m when CSurfactant>10-6 m, suggesting the existence of 

capillary-driven force. However, low values of 𝐼𝐿/𝑆 indicate that the capillary-driven force 

decreases by increasing the surfactant concentration. In summary, OPE surfactants can 

effectively spread on and wet the rock surface.   

Table 5.7 lists the spreading coefficients (𝑆𝐿/𝑆), work of adhesion (𝑊𝐴), and immersional 

free energy (𝐼𝐿/𝑆) calculated for the mixed solutions prepared in 1,000 ppm NaCl 

solution. 𝑆𝐿/𝑆 values calculated for OPE15-OPE70 and OPE15-OPE100 mixed solutions 

are very close to zero, suggesting the condition of complete spreading. This observation 

is similar to what we observed for single surfactant solutions. However, 𝑊𝐴 for the mixed 

surfactant solutions is relatively high compared with that for single surfactant solution. 

This suggests that the mixed surfactant solutions adhere more to the rock surfaces. 

Higher 𝐼𝐿/𝑆  calculated for mixed solutions compared with that for single solutions show 

the higher capillary force promoting the imbibition of the surfactant solutions into the 

rock samples. We cannot calculate the wetting parameters for mixed solutions with 10-3 

molar surfactant concentration since it is not possible to measure the oil contact angle. 

Therefore, the calculated parameters may change at higher concentrations. In 

summary, the complete spontaneous spreading of surfactants on the rock surface, their 

high work of adhesion, and high capillary forces are responsible for higher wetting 

affinity of the rock surface to mixed surfactants compared with single surfactants. In the 
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next step, we conduct spontaneous imbibition tests using single and mixed solutions 

prepared in 1,000 ppm NaCl solution.  
Table 5.7. Calculated wetting parameters for mixed surfactant solutions 

 
Surf. 
Conc. 
(Molar) 

NaCl 
Conc. 
(ppm) 

OPE15-OPE70 OPE15-OPE100 

  𝑆𝐿/𝑆 
(mN/m) 

𝑊𝐴 
(mN/m) 

𝐼𝐿/𝑆 
(mN/m) 

𝑆𝐿/𝑆 
(mN/m) 

𝑊𝐴 
(mN/m) 

𝐼𝐿/𝑆 
(mN/m) 

10-4 1000 -1.16 18.82 8.84 -0.25 18.33 9.05 

 

5.3.5. Imbibition Oil-recovery Test  
In this step, we immerse the oil-saturated downhole core plugs into single and mixed 

OPE solutions prepared in 1,000 ppm NaCl solution and periodically record the 

produced oil volume. Figure 5.9 shows the oil recovery profiles for single and mixed 

surfactant solutions. The profiles for the single and mixed solutions prepared in DI water 

are presented in Appendix C. First, the oil recovery factor for oil-saturated core plugs 

soaked in single OPE70 and OPE100 solutions are not significantly different from the 

reference case. Second, the final oil recovery factor for mixed solutions is higher than 

that for single surfactant solutions. Third, OPE15-OPE70 mixed solution shows the 

highest oil recovery factor among all surfactant solutions. The results of previous 

sections showed that IFT reduction and wettability alteration for all single and mixed 

surfactant solutions are similar. Therefore, there should be additional mechanisms 

responsible for the observed difference in oil recovery profiles of the mixed and single 

surfactant solutions.  

First, we investigate the tendency of surfactants adsorption on the oil-wet rock sample 

to explain the imbibition oil-recovery results. Kronberg et al. [290], showed that 

adsorption tendency of non-ionic ethoxylate surfactants on a hydrophobic surface 

increases by decreasing the ethoxylate (EO) chain length. The hydrophobic part of an 

OPE with shorter EO chain length can escape from the aqueous phase easier than that 

with longer EO chain length. This escaping tendency of hydrophobic part of a surfactant 

from the aqueous phase is called hydrophobic effect [290]. The EO chains for OPE15, 
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OPE70, and OPE100 are 1.7, 7, and 10, respectively (Table 5.3). OPE15 is completely 

insoluble in water since it has the lowest EO chain and the hydrogen bonds between the 

water molecules and weakly polar hydrophilic part of OPE15 are not strong enough to 

hold the surfactant soluble in water. However, OPE70 and OPE100 with long EO chains 

(i) are completely soluble in water and (ii) have less hydrophobic force to adsorb on the 

rock surface. Note that the hydrophobic force of OPE70 solution is higher than that of 

OPE100 solution because it has shorter EO chain. Therefore, spontaneous imbibition of 

OPE70 into the oil-saturated core plugs is expected to be more than OPE100.  

The existence of OPE15 (oil-soluble) in the mixed OPE15-OPE70 and OPE15-OPE100 

solutions can increase the hydrophobic force of mixed surfactants. As a result, OPE15 

as an auxiliary agent (i) facilitates the flow of mixed surfactants into the oleic phase and 

(ii) promotes the adsorption of mixed surfactants on the rock surface by increasing the 

hydrophobic force. This can lead to better imbibition of mixed surfactant solutions in the 

oil-saturated core plugs. Moreover, the shorter EO chain for OPE70 compared with 

OPE100 in the mixed surfactants leads to higher hydrophobic force of the mixed 

OPE15-OPE70 solution. The ITC results also suggest that OPE15 monomers in the 

OPE15-OPE70 solution are first preferentially adsorbed on the rock surface (Figure 
5.6c). Therefore, it is expected that imbibition of mixed OPE15-OPE70 solution has the 

highest oil recovery factor. 

Second, we investigate the role of surfactant accessibility to the oil-saturated rock 

samples to explain the imbibition oil-recovery results. The oil recovery profile for the 

reference case shows that water can spontaneously displace only 5% of initial oil in-

place from the oil-saturated core plugs. This suggests that water (without surfactant 

additives) can imbibe into the hydrophilic pores and expel the oil out up to 5%. 

However, the hydrophobic pores are inaccessible for the water without surfactant 

additives due to negative capillary force. In addition to existence of pores in OM, Wood 

et al. [291], showed that bitumen/pyrobitumen rims coats mineral grains of the MT tight 

rocks, leading to formation of hydrophobic network in these rocks. Therefore, surfactant 

solutions should access the hydrophobic pore network to contact with and expel out the 

oil from the oil-wet pores.           
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To evaluate surfactant accessibility, the pore-throat size distribution of the cores is 

measured by conducting mercury injection capillary pressure (MICP) test. Figure 5.10 
shows the cumulative and incremental pore space fractions versus pore-throat radius 

(Rthroat) for the five pairs of core plugs used in this study. Over 90% of the pores have a 

throat radius in the range of 1-100 nm. Since we conduct the spontaneous imbibition 

tests using surfactant solutions with the concentration (10-3 molar) higher than CMCs, 

the size of micelles formed at this concentration can affect the oil displacement from the 

pores. Therefore, it is expected that micelles with small size can flow through the pores 

when Rthroat<100 nm, spread on the rock surface covered with the oil, and displace the 

oil out of narrow pores.  

Despite higher hydrophobic force for OPE70 compared with OPE100, the micelles 

formed in 1,000 ppm NaCl solution are relatively large, 100,000±20,650 nm. It is difficult 

for large micelles to flow through narrow pores and expel the oil. Figure 5.5b shows that 
OPE100 solution forms very small micelles (9.82±0.37 nm) in 1,000 ppm NaCl solution. 

So, it is expected that these micelles can flow through narrow pores. However, lower 

hydrophobic force for OPE100 hampers transport of micelles toward oleic phase. 

Therefore, single non-ionic OPE solutions cannot noticeably improve oil recovery during 

spontaneous imbibition.          

  
(a) (b) 

Figure 5.9. Oil recovery-time profiles for (a) single and (b) mixed surfactant solutions prepared 
in 1,000 ppm NaCl solution. 

 
The oil recovery profiles for OPE15-OPE70 and OPE15-OPE100 solutions show a 

significant increase in oil recovery compared with single OPE70 and OPE100 solutions 
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(Figure 5.9b). The size of micelles formed in the mixed solutions is in the range of 100-

200 nm as listed in Table 5.4. Small micelles formed in the mixed solutions can flow 

through narrow pores easier than those formed in the single solutions. Moreover, mixed 

surfactants have higher hydrophobic forces due to presence of OPE15. Therefore, they 

can adsorb on the rock surface better than single surfactants. In summary, two 

mechanisms effectively work in favor of mixing non-ionic OPE surfactants for improving 

oil recovery from the MT tight rock: (i) the existence of OPE15 increases the 

hydrophobic force for mixed surfactant solutions, leading to better adsorption of mixed 

surfactants on the rock surface and making the rock surface water-wet. (ii) Micelles with 

small size (<200 nm) formed in the mixed solutions can flow through the oil-wet pores 

easier than single solutions, contact with the oil, and displace the oil from narrow pores.   

  
(a) (b) 

  
(c) (d) 
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(e) 

Figure 5.10. Pore size distribution measured by MICP method for the MT core plugs drilled at 
depth of (a) 2068.39, (b) 2074.99, (c) 2130.46, (d) 2138.85 m, (e) 2149.54 m. 

 
 

5.4. Conclusions  
In this study, different sets of experiments were conducted to investigate the 

performance of single and mixed non-ionic octylphenol ethoxylates surfactants on oil 

recovery improvement from tight rocks during spontaneous imbibition. First, we 

measured the surface and interfacial tensions of singe and mixed surfactant solutions 

with different HLB numbers. Second, we measured the size of micelles formed in the 

surfactant solutions. Third, we performed ITC experiments to evaluate the possibility of 

surfactant adsorption on rock surface. Fourth, we conduct liquid/liquid contact angle 

measurements on the oil-saturated Montney rock samples to investigate the wettability 

behavior of the rocks exposed to surfactant solutions. Finally, we performed imbibition 

oil-recovery experiments on oil-saturated downhole core plugs. Here are the main 

conclusions:  

 Both single and mixed OPE solutions have low IFT values. However, the IFTs 

measured for mixed solutions are not ultra-low. They are in the range of 0.5-1 

mN/m at 10-3 m surfactant concentration. 

 Single OPE surfactant solutions can effectively spread on and wet the rock 

surface coated with oil film.  

 The complete spontaneous spreading of mixed surfactants on the rock surface, 

their high work of adhesion, and high capillary forces are responsible for higher 
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wetting affinity of the rock surface to mixed surfactants compared with single 

surfactants. 

 The existence of OPE15 increases the hydrophobic force for mixed surfactant 

solutions, leading to better adsorption of mixed surfactants on the rock surface 

and making the rock surface water-wet. 

 The size of micelles formed in OPE15-OPE70 and OPE15-OPE100 solutions 

prepared in 1,000 ppm NaCl solution is in the range of 100-200 nm. The 

existence of small mixed micelles can facilitate surfactant imbibition into narrow 

pores (Pthroat<100 nm) for oil expulsion.  

 Mixing OPE15 (oil-soluble with short ethoxylate chain length) with OPE70 and 

OPE100 (water-soluble with long ethoxylate chain length) leads to improved oil 

recovery from oil-saturated tight core plugs  
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Chapter 6 Conclusions and Recommendations 
 
This study investigated (i) the wettability behavior of tight rocks at core-scale (using 

spontaneous imbibition tests and contact angle measurements) and pore-scale (using 

AFM, SEM/EDS), (ii) the effect of rock mineralogy on thin film stability using DLVO 

theory, and (iii) the rock-fluid interactions at different scales (bulk-phase and core-scale) 

for mixtures of CO2 and surfactant solutions.   

 

6.1. Conclusions 
The key conclusions from this study are summarized as follows:  

 
6.1.1. Wettability and Surface Forces 

 

 The DLVO theory (by calculating disjoining pressures and contact angles) is 

used to explain the effect of mineral heterogeneity on spontaneous imbibition 

tests performed on Montney downhole core plugs. 

 Dry core plugs have similar wetting affinities to oil and water due to the existence 

of multi-mineral pores observed in pore-scale visualizations.  

 Water can spontaneously imbibe into oil-saturated core plugs and expel the oil 

out. The measured oil recovery is up to 45 %, suggesting higher wetting affinity 

of core plugs to water compared with oil. 

 The disjoining pressures (Ph) calculated for the solid surface/oil/water system can 

explain the water imbibition into the quartz grains covered with oil film.  

 Oil cannot imbibe into the water-saturated core plugs due to the presence of 

stable water film covering the grains. The contact angles calculated for the solid 

surface/water/oil system are in the range of water-wet state  

 Pore-scale visualizations (thin section, SEM/EDS, and AFM analyses) along with 

the disjoining pressures and contact angles calculated by applying the DLVO 

theory can provide a better understanding of wettability behavior for tight rocks.  
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6.1.2. CO2-Oil Interactions  

 High CO2 solubility in oil leads to high oil swelling factor at reservoir conditions 

(2000 psig and 50oC) up to 1.390. 

 The results of cyclic CO2 tests show the high oil recovery from oil-saturated 

Montney core plugs up to 66% of the original oil in-place. The first four cycles 

recover more than 70% of the total recovered oil from the core plugs. 

 The key mechanisms for oil production are: 1) oil swelling as a result of CO2 

dissolution into the oil, and 2) evaporation of oil components expelled out of the 

core into CO2 bulk-phase. 

 
6.1.3. OPE Surfactant Solutions-Oil Interactions 

 Mixing OPE surfactants (having long EO chain) with OPE15 (having short EO 

chain) improves the oil displacement from narrow hydrophobic pores. 

 In addition to (i) decreasing IFTs for single and mixed surfactant solutions and (ii) 

preferentially wetting the rock surface by single and mixed surfactant solutions, 

there should be additional driving mechanism for improving oil recovery with 

mixed surfactants. 

 The higher oil recovery factor for the mixed solutions can be explained by (i) 

improved adsorption tendency of mixed surfactants on the rock surface due to 

the existence of OPE15, (ii) formation of small micelles (100-200 nm) in OPE15-

OPE70 and OPE15-OPE100 solutions. 

 The existence of small mixed micelles facilitates surfactant imbibition into narrow 

pores (Pthroat<100 nm) for oil expulsion.  

  

6.2. Significance for the Field Application 
 A laboratory protocol is developed to evaluate the wettability of tight rocks 

ranging from core-scale to pore-scale.  

 Scaling groups have been applied to predict the oil recovery at the field-scale by 

use of spontaneous imbibition data. 
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 Effective mechanisms are proposed for improving the oil recovery factor from 

tight rocks when CO2 or mixed non-ionic surfactants contact the oil-saturated 

rocks.  

 
6.3. Recommendations 

Each set of experiment has some limitations affecting the experimental results. The 

experiments should be conducted at reservoir pressure and temperature to represent 

the real rock-fluid interactions. Some suggestions for better understanding the 

controlling mechanisms at the reservoir conditions are resented for the future work in 

this field:  

 

 Making a visual cell which can work at high temperature/high pressure conditions 

and conducting the spontaneous imbibition at the reservoir conditions. 

 Conducting contact angle measurement at the elevated temperature to consider 

the effect of temperature on wettability behavior of rocks. 

 Measuring the adhesion forces between the minerals in the liquid conditions. 

Although it is not possible to conduct the force measurement at high pressure, 

performing the force measurement in presence of water and oil at high 

temperature can better mimic the rock-fluid interactions at reservoir conditions.  

 Investigating the effect of rock grains coating with clays/organic matter on 

wettability behavior of rock surface using the DLVO theory because coating with 

clay/organic matter may affect the initial wetting affinity of grains.   

 Investigating CO2-oil interactions in presence of water as CO2 solubility in water 

may affect CO2 solubility in oil and consequently oil displacement from tight 

rocks.  

 Investigating the compatibility of OPE surfactant solution with high saline brine to 

avoid the formation damage.  

 Investigating the cloud point of OPE surfactant since the cloud point of non-ionic 

surfactants is relatively low. This might affect the performance of surfactant 

solution at reservoir conditions.   



148 
 

 Conducting more rigorous surfactant-oil interactions at the bulk phase to 

investigate the possibility of micro-emulsion with OPE surfactant with high salinity 

brine.    
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Appendix B: Surface Forces  

 
(a) 

 
(b) 

Appendix B1. (a) SEM image of a multi-mineral pore from core plug 3 (2380.24 m) and (b) its 
elemental mapping. The concentration of Si and O is high at the left side of the pore while the 

concentration of Fe and S is high at the right side of the pore. Therefore, the highlighted pore in 
this figure is surrounded by quartz (left side) and pyrite (FeS2) (right side). 
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(a) 

 
(b) 

Appendix B2. (a) SEM image of multi-mineral pores from core plug 5 (2393.94 m) and (b) its 
elemental mapping. Pores are surrounded by carbonates, feldspars and pyrite. The 

concentration of carbonates in the left side of the figure is high as shown by black color in Ca, 
Mg, C and O elemental maps. The concentration of feldspars is relatively high in the upper right 
side of pores as shown by black color in Al, Si, O and K elemental maps. Concentration of pyrite 

at the lower corner of pores is high as shown by black color in Fe and S elemental maps.  
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Appendix B3. The total disjoining pressure-distance profiles calculated for (a) calcite, (b) clays, 
(c) HR, (d) quartz, and (e) the MT rock surface for the solid surface/air/oil system. 

 

 



175 
 

 
(a) 

 
(b) 

 
(c) 

 
(d) 

 
(e) 

Appendix B4. The total disjoining pressure-distance profiles calculated for the solid 
surface/air/oil system when (a) AH(oil)= 5.0×10-20 J,(b) AH(oil)= 5.2×10-20 J, (c) AH(oil)= 6.0×10-20 J, 

(d) AH(oil)= 7×10-20 J, and (e) AH(oil)= 8×10-20 J. 
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(g) 

Appendix B5. The total disjoining pressure-distance profiles calculated for the solid 
surface/oil/water system when (a) AH(oil)= 4.5×10-20 J, (b) AH(oil)= 5.0×10-20 J,(c) AH(oil)= 5.2×10-20 J, 

(d) AH(oil)= 6.0×10-20 J, (e) AH(oil)= 7×10-20 J, (f) AH(oil)= 8×10-20 J, and (g) AH(oil)= 9×10-20 J. 
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Appendix B6.The total disjoining pressure-distance profiles calculated for pure (a) calcite, (b) 
clays, (c) HR, (d) quartz, and (e) rock surface for the solid surface/oil/water system. 
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Appendix B7. The total disjoining pressure –distance profiles calculated for pure (a) calcite, (b) 
clays,(c) HR, (d) quartz, and (e) rock surface for the solid surface/water/oil system. 
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(g) 

Appendix B8. The total disjoining pressure-distance profiles calculated for (a) AH(oil)= 4.5×10-20 

J, (b) AH(oil)= 5.0×10-20 J,(c) AH(oil)= 5.2×10-20 J, (d) AH(oil)= 6.0×10-20 J, (e) AH(oil)= 7×10-20 J, (f) 
AH(oil)= 8×10-20 J, and (g) AH(oil)= 9×10-20 J for the solid surface/water/oil system. 
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(d) 

Appendix B9. Contribution of the surface forces to the total disjoining pressure when AH(oil)= 
5.2×10-20 J for (a) the rock surface/air/oil, (b) the rock surface/air/water, (c) the rock 

surface/oil/water, and (d) the rock surface/water/oil systems. 
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Appendix C: Surface Tension of Surfactant Solutions 
 

  
(a) (b) 

Appendix C1. Surface tension measured for the surfactant solutions prepared with (a) OPE70 
and (b) OPE100. 

 

  
(a) (b) 

Appendix C2. Oil recovery-time curves for (a) single and (b) mixed surfactant solutions 
prepared in DI water. 

 
 

 


