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Abstract

Recently, unconventional resources, especially tight and shale reservoirs, have developed rapidly
because of advances in horizontal drilling technologies and hydraulic fracturing technique. For
example, the Montney tight oil play with a size of more than 90,000 km?, has estimated in-place
hydrocarbon resources of almost 2,133 Tcf of natural gas, 28.9 billion bbl of natural-gas liquids,
and 136.3 billion bbl of oil (Reynolds et al. 2014). Based on the annual energy outlook of the
Energy Information Administration (Nalley and LaRose 2022), tight oil production in the US will
increase from 8.2 million bbl/day in 2022 to 9.1 million bbl/day in 2050 ,and it will form more
than 70% of all the US oil production. The tight and shale gas production in the US will also
increase from 31.7 Tcf in 2022 to 39.2 Tef in 2050, forming more than 92% of all the US natural
gas production. Despite the great extent of unconventional resources, the recovery factor of those
reservoirs is typically less than 10%, which shows the importance of enhanced oil/gas recovery
methods. The first step in this path is to characterize rock/fluid properties to better understand fluid

flow through such tight porous media.

Measuring tight-rock properties, particularly permeability, is important in a wide range of
engineering applications, from radioactive waste disposal and CO2 storage to production from
unconventional hydrocarbon reservoirs. The steady-state method of permeability measurement is
currently considered impractical for tight rocks due to the long time needed to reach stabilized
pressure and flowrate. In contrast to experimental results, the diffusivity equation shows the steady
state to happen much faster when a constant injection flowrate is used as a boundary condition. In
this study, we investigate the reason behind the inconsistency between the modeled and measured

equilibrium time. We modify the boundary condition of the diffusivity equation based on an
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analogy from the well-testing models. We propose a semi-analytical solution for a more general
diffusivity equation with a modified boundary condition. The results show that the main reason
that makes the steady-state method time-consuming is the accumulator “storage effect”. When
dealing with low-permeability rocks, the compressibility-induced flowrate, which is pressure-
dependent, could be in the order of pump flowrate and makes the permeability measurement time-
consuming. We modify the conventional coreflooding device to reduce the time of permeability
measurement, making the steady-state method practical for tight-rock samples. The modified
device is used to measure the permeability of a tight-rock sample, and the model can match the
measured data with good accuracy. Reducing the volume of the accumulator vessel from 500 cc

to around 10 cc causes a 50- fold decrease in the time required for steady-state establishment.

During hydraulic fracturing operation, a huge volume of fracturing fluid is pumped into the well
to create a network of fractures and propagate the fractures away from the wellbore. Some part of
the injected fluid remains in the fracture system, and some part of it leaks off into the rock matrix.
At the end, pressure is released to let the well flow. During flowback and post flowback periods,
only a small portion (5-50%) of the injected fluid will be recovered (Bertoncello et al. 2014). The
remaining leaked-off fracturing fluid will form a water-loaded zone near the fracture face that

hinder oil production during flowback (Bennion et al. 1996).

On the other hand, the imbibition of fracturing fluid into the rock matrix can be considered as a
production mechanism that forces oil out of the rock matrix (Kathel and Mohanty 2013). This dual
behavior of fracturing fluid led researchers to find an optimized situation where imbibition oil
recovery is maximum, and water blockage near the fracture face is minimum. Chemical additives
such as surfactant solutions and microemulsions have been introduced to serve this purpose.

Screening such additives for field applications requires evaluating their impacts on regained
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permeability and post-flowback well performance. In this study, we are using our developed
method to measure liquid permeability before leak-off and after flowback to investigate the effects
of different surfactant solutions on regained permeability of tight plugs. The plugs we use are from
the Montney Formation with permeabilities in the range of micro-Darcy. We also measure the
particle size distribution of structures formed in the surfactant solution used as the leak-off fluid.
Then, we compare it with the pore-throat size distribution of the plug coming from the mercury
injection capillary pressure (MICP) test to evaluate the possibility of pore throat blockage by
particles in surfactant solution. Ultimately, we investigate the effect of initial water saturation (Sw:)
on the performance of surfactant solutions in the enhancement of regained permeability after

flowback.

The two-phase flow of immiscible fluids in porous media has been studied for a long time in
different engineering disciplines. Relative permeability (k) is one of the constitutional
relationships in the general equation governing immiscible displacement that needs to be
determined. Due to the complexity and nonlinear nature of the governing equations of the problem,
such as capillary pressure, there is no unique model for the relative permeability. The modified
Brooks and Corey (MBC) model is the most common model for & prediction. Here, a practical
technique is presented to measure & for low-permeability tight rocks. We use this experimental
data to tune the empirical constants of the MBC model. The proposed method is based on a simple
mathematical technique that uses assumptions of frontal advance theory to model the pressure drop
along the core plug during two-phase immiscible displacement at constant-injection flowrate. We
assume that the maximum point on the modeled pressure profile corresponds to the minimum total
mobility (summation of oil and water mobilities), which happens at the breakthrough time. We

also assume that in the plot of mobility vs. water saturation, the minimum of total mobility
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coincides with the intersection point of oil mobility and water mobility. At the end, the amount of
work for an immiscible displacement is calculated as the area under the pressure-profile curve.
The effect of initial water saturation (Sw;) and interfacial tension (IFT) is studied on the work
required for an immiscible displacement. Using this concept, it is concluded that adding chemical
additives such as surfactants to fracturing fluids can help the reservoir oil to remove the water

blockage out of the rock matrix more easily while maintaining the flowrate at an economic level.
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Chapter 1 General Introduction

Chapter 1
General Introduction

1.1 Overview of Unconventional Resources

The classical definition of unconventional resources has evolved through time and will change as
available exploration and production technologies and also the economic environment are
changing with time. The general definition based on Energy Information Administration (EIA)
website encompasses the oil and gas produced by means that are not classified as conventional
methods. The list is broad and changes from time to time. It includes but is not limited to oil and
gas shale reservoirs, tight sands, oil sands, coalbed methane, extra heavy oil, and gas hydrates. Our

focus in this thesis is tight and shale reservoirs.

Unconventional resources have become an important energy source due to recent developments in
horizontal drilling and multistage hydraulic fracturing. They have been developed to cope with the
increasing demand for energy. Based on the annual energy outlook (AEO) of 2022 (Nalley and
LaRose 2022), the US energy consumption is expected to grow from 98.1x10'° BTU in 2021 to
110.2x10" BTU in 2050. In line with consumption, the US energy production will also increase
from 98.9x10'° BTU in 2021 to 117.9x10' BTU in 2050. As shown in Figure 1-1, most of the

produced energy is expected to come from crude oil and natural gas.

50 2021 50 2021 g cural
: — hist iacti ry natura
history ' projections petroleum istory ' projections gas
and other 20
40 liquids crude oil and
natural gas lease
30 30 condensate
coal other
other renewable
20 renewable 20 energy
energy coal
natural gas
10 nuclear 10 plant liquids
hydro it nuclear
0 1 I T T T T 1 O r T T T T T 1 hydro
1990 2000 2010 2020 2030 2040 2050 b) 1990 2000 2010 2020 2030 2040 2050

a)
Figure 1-1: a) Energy consumption by fuel, b) Energy production by source, based on the reference case

(quadrillion British thermal units) (Nalley and LaRose 2022).
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Investigating the source of crude oil and natural gas produced in the US shows that more than 70%
of all US oil production and more than 92% of all US natural gas production is expected to come

from the tight and shale reservoirs in 2050 (Figure 1-2).

2021
. . 60 2021
history | projections history | projections
20 | 50
I tight &
I 40 shale gas
15 | other Lower

48 states
onshore
Lower 48
states
offshore
other

30

20
tight oil
Alaska 10

0
a) 2010 2020 2030 2040 2050  b) 2000 2010 2020 2030 2040 2050

Figure 1-2: a) Crude oil production (million bbl/day), b) Natural gas production (Tcf) based on the
reference case (Nalley and LaRose 2022).

The unconventional tight and shale reservoirs are geologically and petrophysically complex
(Ahmed and Meehan 2016). The fine-grained structure, organic-rich pore space, extremely low
permeability, and small-scale heterogeneity of these unconventional reservoirs pose significant

challenges in formation evaluation and reservoir characterization.

1.2 Permeability Measurement

1.2.1 Steady-state method: Permeability is a property of the porous medium that shows the

ease of fluid conductance through the medium. Darcy (1856) conducted some experiments on sand

packs and came up with an equation that describes fluid flow through porous media (Eq. 1-1).

Q=—— (1-1)

Eq. 1-1 can be used to measure the absolute permeability when the porous medium is 100%

saturated with a liquid. It is also applicable to rock samples that are saturated with liquid 1 in the
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presence of an irreducible saturation of liquid 2 to calculate the effective permeability to liquid 1.
In order to measure the liquid permeability, several different steady-state flowrates are established
across the plug sample. At each flowrate, the pressure drop across the plug sample is recorded. A
plot of O vs. AP, shows a straight line that passes through the origin. The permeability can be
calculated from the slope of the straight line knowing the dimensions of the plug sample and the
viscosity of the fluid used for measurement. It is also possible to impose different pressure drop
values across the plug sample and wait for the flow to become stable. When steady flow is
established, the flowrate can be measured. Plotting O vs. AP can give us the liquid permeability of

the plug sample.

Compared to liquids, gasses have much smaller viscosity values that need a smaller injection
pressure to establish a similar flowrate. Using gas for permeability measurement is generally easier
than using liquids. Despite the advantages that gases have for permeability measurement, it should
be noted that they are compressible compared to liquids and thus, the flowrate of gas depends on
the pressure. For example, if the inlet pressure is twice the outlet pressure, based on Boyle’s law,
the outlet flowrate would be twice the inlet flowrate. Therefore, a correction must be made for the

expansion of the gas when using the Darcy equation. A convenient way is to correct the measured

flowrate at the core inlet or outlet to the mean flowrate (Q,,) at mean pressure (B, = > ). Eq.
1-1 can be rearranged as Eq. 1-2:
Qmul
= — 1-2
kg AAP (1-2)

If the flow is measured at the plug outlet, which is at atmospheric pressure, we can write:

P
Qm — QPatm (1_3)
m
Therefore, the Darcy equation for gas flow can be written as:
2QuLP
k QuLPym (1-4)

9= A(P12 - Pzz)
Permeability is a property of the porous medium and should be constant regardless of the type of
fluid used for measurement. Klinkenberg (1941) found that the measured permeability of a plug

sample is affected by the type of gas and pressure since the gas flow in porous media is affected
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by slip flow. He correlated the gas permeability at mean pressure to the true liquid permeability
by Eq. 1-5.
b
kg =k, (1 + —) (1-5)
P
Therefore, if we plot k; vs. 1/By, it results in a straight line that its y-intercept shows the true

liquid permeability.

The steady-state method is the standard method for the measuring permeability of a rock sample
in the laboratory. It is comparatively simple and straightforward in terms of setup, operation, and
even analytical solution. However, its application for very low permeability rocks is considered

impractical because of the long time needed for the steady state establishment.

1.2.2 Unsteady-state methods: The unsteady-state methods are usually used for low
permeability samples. There are two main methods in this category: the pulse decay method and
the GRI or pressure fall-off method. The pulse decay is the most common experimental method
for the permeability measurement of tight rock samples. In contrast to steady-state experiments,
the pulse decay method requires two gas cylinders of known volumes on the upstream and
downstream of the core holder. Pressure in each cylinder and pressure difference between the two
cylinders are measured with pressure sensors. Isothermal condition is of great importance in this
method since temperature fluctuations can introduce error in permeability calculation. Figure 1-3
shows a schematic of the pulse decay method apparatus. Ideally, the volumes of upstream and
downstream cylinders should be equal. In this case, as the gas travels through the plug sample, a
pressure decrease in the upstream would be equal to the pressure increase in the downstream
cylinder, and the mean pressure of the sample would remain constant. If the two cylinders have
different volumes, the mathematical solution of the pulse decay becomes more complicated. Brace
et al. (1968) proposed the Eq. 1-6 for the pulse decay method.
2 —
= (D5 o(1-2)] G -6

where c,is the compressibility of the bulk rock, c, is the compressibility of the rock solid, ¢ is the

compressibility of the fluid, and @ is the porosity of the sample. He proposed a simple solution, as
shown in Eq. 1-7, by making a simplifying assumption that the storage in the sample is negligible

(@ =0).
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_ Va —at
(P, — P;) = AP, [Vd " Vu] e (1-7)

where Pf is the final equilibrium pressure that upstream and downstream pressure eventually
approach; AP, is the initial step change in upstream pressure; V, and V,; are the volumes of the
upstream and downstream gas storage reservoirs, respectively; ¢ is time; and « is the slope of the

decay curve in the semi-logarithmic plot which is defined as:
_ [ kA ( 1 N 1 ) 1.8
e\, g, (1-8)
Permeability can be calculated from the slope presented in Eq. 1-8.
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Figure 1-3: Schematic of the setup of pulse decay experiment (Sander et al. 2017).

The GRI method is a special case of the pulse decay method where the downstream cylinder is

removed, and the outlet of the plug is opened to the atmosphere.

1.2.3 Uncertainty Analysis: This section presents an evaluation of the uncertainties produced
by measuring instruments and equipment in permeability determination using the steady-state
method. Permeability is not measured directly but calculated using several other measured
parameters. So, the measurement is subject to uncertainties coming from different sources. Four

major classes could be considered for sources of uncertainties: 1. Instrument uncertainties: which
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include viscometer, flowmeter, pressure gauges, caliper, and ruler. 2. Material uncertainties:
including heterogeneity in plug sample or air trapping and partially saturating the plug before
running the test. 3. Environmental uncertainties: such as fluctuations in ambient pressure and
temperature. 4. Human-factor-related uncertainties: It is always present but can be minimized by

proper training and a systematic procedure for doing the tests.

1.3 Immiscible Two-Phase Displacement

When water displaces oil during the leak-off or when oil pushes out the water during the flowback,
two immiscible fluids move simultaneously inside the porous medium. Buckley and Leverett
(1942) proposed the frontal advance model to predict the displacement performance during
immiscible displacement. They applied the continuity equation to two phases of oil and water.

Four assumptions were made in Buckley-Leverett model:

e Incompressible flow

e Fractional flow of water is a function only of the water saturation
¢ No mass transfer between phases

e The rock is homogenous (Green and Willhite 1998).

Eq. 1-9 is the Buckley-Leverett equation or frontal advance equation.

@ = &%| (1_9)
dt Sw ApdS,,
Where

x distance from the origin,
t time,

S\ water saturation,

Q; injection rate,

A cross-section area,

¢ porosity,

fw water fractional flow.
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Buckley-Leverett equation states that in a linear displacement process, each water saturation
moves through the porous rock at a constant velocity that can be computed from the derivative of
the fractional flow with respect to water saturation. The location of any saturation can be obtained

by integrating Eq. 1-9 with respect to time.

Welge (1952) implemented a graphical method for solving the frontal advance equation. His aim
was to calculate the average water saturation in the plug as the flood progressed during the water
flooding process. The main interest in displacement calculation is when water first breaks through
at the producing end of the core plug (x = L). The first step in applying the method is constructing
the fractional flow relationship using Eq. 1-10.

1
fw_”(l%)(ﬁ_f) (1-10)

An example of a water fractional flow curve is shown in Figure 1-4. A tangent to the fractional
flow curve that originates from Sy; is drawn. The point of tangency defines the flood front
saturation Syy. Extending the tangent to intersect the line fw =1 gives the average water saturation

in the plug at breakthrough.

W

Figure 1-4: An example of a fractional flow curve.
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In the Buckley-Leverett solution, it is assumed that all the saturations less than S, move at the

velocity of the flood front. Saturations greater than S,y move at velocities computed from Eq. 1-9.

There are two basic methods for relative permeability measurement: steady-state and unsteady-
state methods. The most reliable method is the steady-state method. In this method, two fluids are
injected simultaneously at constant flowrates for a while to let the pressure become stable. Using
the Darcy equation, the effective permeability of each phase can be calculated at a specific
saturation. By changing the ratio of the two phases flowrates, a wide range of saturations can be
achieved in the core plug. The limitation of the steady-state method is the inherent time-consuming
nature of this method. In the unsteady state method, one fluid displaces the other while pressure
drop and fluids productions are recorded. Individual relative permeabilities can be calculated from
linear displacement data when the pressure differences across the core sample are measured during
displacement at a constant rate. The individual relative permeability can be calculated by
application of Welge’s equation and JBN method developed by Johnson et al. (1959) or by using
a graphical technique developed by Jones and Roszelle (1978). The graphical technique is easier
to use and is the industry-accepted procedure. When a displacement is conducted at a constant
injection rate, at any instant of time, the total pressure drop is related to fluid and rock properties

by Eq. 1-11:

Q
A

L
Ap = — dx 1-11
i jo k (ﬁ+1‘r_W) (1-11)
P\uo T b

where kj, is the base permeability for the relative permeability data.

Defining the effective or apparent viscosity and the average apparent viscosity with Eq. 1-12 and

1-13:

-1
A= (@ + kTW) (1-12)
Ho  Hw
[P 2dx
-1 — OIT (1-13)
X
0

By integrating Eq. 1-11 and using Eq. 1-13, at the outlet end of the core (point2):
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= _ 1-14
0L (1-14)

Computation of individual relative permeabilities requires values of the apparent viscosity at the

Sw2. Thus, k-, and &, can be calculated from Eq. 1-15 and 1-16:

,uwaZ
krw = /1;1

(1-15)

Where A5 is the apparent viscosity at the outlet end of the core sample. Only the average apparent
viscosity is determined from experimental data. Jones and Roszelle (1978) developed a
relationship between A=1and A;'to compute values of A5 1. They showed that drawn tangents to

the graph of A=1 versus Q; intersect the Q; = 0 at A;1. Thus, it is necessary to express =1 versus

Qi
1.4 Chemical Enhanced Oil Recovery

The economical oil recovery from conventional oil reservoirs, which takes place by primary and
secondary processes, is around 30% of the initial oil in place. This number for unconventional
tight and shale reservoirs is less than 10%. In conventional reservoirs, different methods have been
introduced to improve the oil recovery of the reservoirs and reduce the residual oil saturation that
remained in the reservoir rock. Chemical methods and in particular surfactant flooding is one of
the promising methods that has been successfully tested in different field trials. In unconventional
reservoirs, chemical additives such as surfactant solutions are used for fracture treatment during
hydraulic fracturing job to reduce the water trapping and increase the imbibition oil recovery. The
rationale behind using surfactants in fracturing fluid is to reduce the capillary pressure of the
system (Mirchi et al. 2015). The capillary pressure calculated using Young—Laplace equation (Eq.

1-16), is responsible for holding oil and water in the pore space.

_ 2Yow €0S By

P. (1-16)

r

Surfactants in fracturing fluid tend to accumulate at the interface of liquid-liquid and solid-liquid
to reduce the interfacial tension and alter wettability to reduce the capillary pressure. However, the
adsorption of surfactant on rock surface can result in loss of surfactant concentration, reducing the
surfactant’s efficiency. Consequently, it can make the treatment non-feasible by increasing the cost

of surfactant base EOR processes.
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1.4.1 Definition of Surfactants: Surfactants (surface active agents) are a class of chemicals
that tend to concentrate at the interface. They are usually organic compounds with a hydrophilic
polar head and a hydrophobic non-polar tail. There are four distinct classifications of surfactants
based on the surface charge of the hydrophilic head: non-ionic (without any charge), anionic
(carrying negative charge), cationic (carrying positive charge), and zwitterionic (carrying both
negative and positive charges) (Massarweh and Abushaikha 2020). An important characteristic of
a surfactant is the hydrophile-lipophile balance (HLB). The HLB is a number from 0 to 20, which
shows the relative tendency of the surfactant to dissolve in oil or water. An HLB of 0 means a
completely hydrophobic (lipophilic) molecule, while an HLB of 20 correlates with a very strong
hydrophilic molecule. Micelle refers to the aggregate form of surfactant molecules in a solution
(Massarweh and Abushaikha 2020). Critical micelle concentration (CMC) is a concentration above
which surfactant molecules start to form micelle structures. Above the CMC, the surface tension
does not reduce more by increasing the surfactant concentration. A knowledge of CMC is essential
because CMC is the limiting concentration for meaningful use.

1.4.2 Surfactant Adsorption: Surfactant retention in porous media is one of the critical
phenomena that can affect the economics of surfactant usage for EOR purposes. The main reason
for surfactant retention is the adsorption on the surface of the rock. The adsorption process
decreases the surfactant concentration in the solution and hence, reduces the effectiveness of
surfactant in IFT reduction (Kamal et al. 2017). In oil-wet reservoirs, on the other hand, the
adsorption might be beneficial in wettability alteration. The hydrophobic tail of the surfactant
would attach to the rock surface, and the hydrophilic head is in contact with the solution. It will
prevent further interaction of the oil phase with the rock surface. Therefore, the wettability of the
rock changes to water wet. However, excessive surfactant adsorption can reduce the surfactant
concentration in the solution and adversely impact the efficiency of the surfactant for the EOR
purposes (Saxena et al. 2019). Surfactant structure determines the adsorption of surfactant on the
rock surface. In general, anionic surfactant adsorption is higher on carbonate rocks with positive
surface charges. Adsorption of cationic surfactants is also higher on sandstone rocks with negative

surface charges.

10
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1.5 Research Motivation

Here, we want to answer a simple but crucial question about why the steady-state method of
permeability measurement in tight rocks is time-consuming. Knowing the answer can lead us to a
faster method for the characterization of tight rocks. Based on the diffusivity equation, the duration
of the transient period before reaching the steady-state condition depends on fluid viscosity (1),

rock and fluid compressibility (c), porosity (@), and rock permeability (k):
P, = aP,, + b(P,)? (1-17)
Here, a = ﬁ and b = % where P, and P, are the first derivative of pressure with respect to time

and space, respectively. P, is the second derivative of pressure with respect to space. The

derivation of the diffusivity equation is shown in Appendix A.

Since the permeability of tight plugs is very low, the common perception is that the duration of the
transient period is long and makes the steady-state method impractical (Cui et al. 2009; Hsieh et
al. 1981). Yuan et al. (2021) measured the permeability of tight rock samples from the Montney
Formation using a conventional core flooding device. They waited about 200 hours for each
flowrate to reach steady-state conditions for a rock with micro-Darcy permeability. To model their
experiments, we solve the diffusivity equation with corresponding initial and boundary conditions.
A semi-analytical solution of the diffusivity equation (Eq. 1-17) is presented in Appendix B. Odeh
and Babu (1988) presented a solution for a similar problem. Figure 1-5 compares the modeled and
measured results and shows a significant difference in the time required to reach steady-state
conditions while matching the stabilized pressure values. The modeled pressure is stabilized 600
times faster than the measured one at the same flowrate. Based on the model results, low

permeability is not the main reason the steady-state method is time-consuming.

11
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Figure 1-5: Comparison of the time required to reach steady-state condition between the model

presented in appendix B and experiment results from Yuan et al. (2021).

1.6 Research Objectives

The main objectives of this research are:

e Proposing a mathematical model with modified initial and boundary conditions to capture
the effect of compressibility-induced flow rate on the time scale of liquid permeability
measurement of tight rocks.

e Designing a new experimental apparatus based on the proposed model results to validate
the model results and reduce the time span of liquid permeability measurement in tight
porous media.

e Proposing a mathematical model to explain the observed pressure hump during the two-
phase immiscible displacement process in a plug sample. Using the proposed model to
come up with a practical technique to determine the relative permeability of tight rock
samples.

e Proposing a laboratory protocol to simulate leak-off and flowback processes to study the

effect of different fracturing fluid additives on regained permeability.

12
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1.7 Organization of Thesis

This work is divided into 5 chapters. Chapters 1 and 5 are the “General Introduction” and

“Conclusions and Recommendations”.

Chapter 1 gives a general introduction and literature review on unconventional resources,
permeability measurement methods, immiscible two-phase displacement process, and chemical

EOR method.

Chapter 2 is about a model and measurement technique for liquid permeability of tight porous
media based on the steady-state method. Some modifications are done on the Initial and Boundary
conditions of the diffusivity equation based on an analogy from well testing. A semi-analytical
solution is proposed that can model experimental data. Based on the lesson learned from the
modeling, the conventional coreflooding device is modified to measure the tight rock

permeabilities much faster than the conventional steady-state method.

Chapter 3 is about the modeling of two-phase flow in tight rocks. A mathematical model is
developed to model the observed hump in the pressure profile during immiscible displacement.
The developed model is used to calculate the relative permeability of the tight rock sample. The
calculated relative permeability is used to tune the modified Brooks and Corey relative

permeability model.

Chapter 4 is about a laboratory protocol that mimics the leak-off and flowback processes to
evaluate the effectiveness of surfactant solutions in fracturing fluid on regained permeability. The
chance of formation damage by surfactant particles blockage is also investigated using the particle

size distribution of the structures in surfactant solution.

Chapter 5 provides key conclusions from this thesis and proposes recommendations for future

studies.

The references from all chapters are combined and presented after Chapter 5. Appendices are

presented after the references.
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Chapter 2

A Model and Measurement Technique for
Liquid Permeability of Tight Porous Media
Based on the Steady State Method

2.1 Introduction

Characterization of fluid flow through tight formations is imperative for studies related to carbon
capture utilization and storage (Xiao et al. 2020), hydrogen storage (Zivar et al. 2021), radioactive
waste disposal (Scheer et al. 2021), geothermal energy recovery (Eggertsson et al. 2020), and oil
and gas production from unconventional reservoirs (Sander et al. 2017). Characterizing
petrophysical properties, in particular permeability, of tight and shale rock samples is important
for long-term production forecast and optimizing completion design. Although permeability is an
intrinsic rock property, previous studies show that type of working fluid used for testing influences
the value of measured permeability (Dong et al. 2012; Wasaki and Akkutlu 2015). In the case of
tight rocks, even Klinkenberg-corrected permeability is one to three orders of magnitude greater
than the liquid permeability. A second-order correction is proposed to capture the flow behavior
of gas in low-permeability media (Y. Chen et al. 2021). Besides the inconsistency between liquid
permeability and corrected gas permeability, the results can also be affected by the type of gas
used for the measurement. The gas adsorbs on the rock surface and causes rock swelling and
permeability alteration (Day et al. 2012). The extent of permeability change depends on the type
of gas used for the measurement. Coal is known to swell as gasses like CO2 or methane adsorb on
its surface. Wang et al. (2010) reported 26% decrease of coal permeability after 4 days of methane
adsorption. They reported 56% decrease in permeability in case CO2 adsorbed on the coal surface.
For shale and tight rocks, permeability measurement is time consuming and needs accurate
devices, making the choice of experimental method important. A comprehensive review of steady-
state and transient methods for measuring permeability of tight rocks were presented by Sander et
al. (2017) and Gensterblum et al. (2015). The steady-state method has been found to be accurate
and reliable due to the simplicity of its experimental set-up and analytical solution (Boulin et al.

2012; Sinha et al. 2013; Amann-Hildenbrand et al. 2013; K. Wang et al. 2017). It can be
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accomplished by applying a constant pressure drop across a plug and measuring stabilized flowrate
or injecting the working fluid at constant flowrate and measuring the stabilized pressure drop
across the plug. Darcy’s law can then be used to calculate the plug permeability. However,
application of the steady-state method for tight rocks permeability measurement is challenging. If
a constant pressure drop is applied across the plug, precise detection of small changes in flowrates
is required. Since measurement error of flowmeters is much greater than the magnitude of
fluctuations of low flowrates associated with tight rocks, practically it is not feasible to use the
constant pressure mode of injection and measure the effluent flow rate unless a very accurate liquid
flowmeter is available. On the other hand, when constant flowrate mode is applied for permeability
measurement, it takes too long to arrive at equilibrium pressure (Hsieh et al. 1981; Cui et al. 2009;
Metwally and Sondergeld 2011; Winhausen et al. 2021). Lasswell (2013) reported that 6 to 8
weeks is required until a reasonable flow equilibrium is achieved when a light oil is used for
measurement of permeability in the range of nano-Darcy. Jones and Meredith (1998), Morrow and
Lockner (1997), and El-Dieb and Hooton (1995) measured permeability of tight rocks in the range
of nano-Darcy in 15 to 160 hours by applying only one pressure gradient across the sample. In all
these studies, the core permeability is calculated based on only one flowrate value.

Due to time-consuming nature of steady-state method, transient techniques are often used for
measuring permeability of tight rocks (Cui and Nassichuk 2018). Pulse-decay technique, which is
a transient method, appears to be the most common method to measure permeability of tight rocks
(Cao et al. 2016). Various analytical solutions have been proposed for calculating permeability
using the measured pulse-decay data that may lead to non-unique results(Hsieh et al. 1981; Cui et
al. 2009; Brace et al. 1968; Lin 1977, Dicker and Smits 1988; Jones 1997; Tinni et al. 2012). This
method is also very sensitive to fluid leakage and temperature fluctuations(Sander et al. 2017,
Jones and Meredith 1998). In addition, Lyu et al. (2020) and Sander et al. (2017) stated that the
pulse-decay method may overestimate permeability compared to the steady-state method. Rushing
et al. (2004) investigated the reason behind this discrepancy and concluded that this might be
related to fundamental problems with the unsteady-state methodology. The errors might be either
mechanical, numerical, or both.

In this work, we investigate the reason why the steady-state method using the conventional
coreflooding apparatus is time consuming, and how it can be modified to be practical for measuring

permeability of tight rocks. We also investigate why the diffusivity equation cannot predict the
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long time required to achieve steady-state conditions in laboratory permeability measurements.
Then, we use an analogy from well testing methods to come up with a solution for the diffusivity
equation that matches the experimental data. After that, we include the effect of pressure
dependency of permeability on pressure profile. Based on findings of the proposed mathematical
model, we modify the conventional core flooding device to measure permeability of tight rocks
significantly faster than the conventional methods in a time span comparable with transient
methods. To avoid all the mentioned complexities of using gas for permeability measurement, we
use dead oil for all the measurements. A sensitivity analysis is also performed to investigate the
effect of different parameters on the time span of the experiments and to find the most practical
way to reduce the steady-state time. The modified device is used to measure the permeability of a

tight rock sample and the model can match the measured data with a very good accuracy.

2.2 Why is the steady-state method time consuming?

Based on the diffusivity equation, duration of the transient period before reaching the steady-state

condition depends on fluid viscosity (), fluid compressibility (c), porosity (@), and rock

permeability (k):
P, = aP,, + b(P,)? (2-1)
k k¢ . 1 (9k o
Here, a = 0’ wep’ and ¢ =c + p ( ap) where P, and P, are the first derivative of pressure

with respect to time and space, respectively. Py, is the second derivative of pressure with respect
to space and ¢ is the pseudo-compressibility. Here, rock compressibility (c;) is considered
negligible. When permeability is changing with pressure, a pseudo-compressibility term can be
defined which is a function of compressibility and a term corresponding to the change of
permeability with pressure. Derivation of general diffusivity equation with pseudo-compressibility
term (¢) is shown in Appendix A.

Since permeability of tight plugs is very low, the common perception is that the duration of
transient period is long and makes the steady-state method impractical (Hsieh et al. 1981; Cui et
al. 2009). Yuan et al. (2021) measured permeability of tight rock samples from the Montney
Formation using a conventional core flooding device. They waited around 200 hours for each
flowrate to reach steady-state conditions for a rock with 1.79 microdarcy permeability. To model

their experiments, we solve the diffusivity equation with corresponding initial and boundary
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conditions. A semi-analytical solution of the diffusivity equation (Eq. 2-1) is presented in
Appendix B. Odeh and Babu (1988) presented a solution for a similar problem. Figure 2-1a
compares the modelled and measured results and shows a significant discrepancy in the time
required to reach steady-state conditions while matching the stabilized pressure values. The upper
horizontal axis shows the model time span which took only 1 hour while the lower horizontal axis
shows the experiment time of 600 hours. The modeled pressure is stabilized 600 times faster than
the measured one at similar flowrate steps. Based on the model results, low permeability is not the
main reason why the steady-state method is time consuming. The target is to have a model that

could match the time span of the experiment as shown in Figure 2-1b.
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Figure 2-1: a) Comparison of the time required to reach steady-state condition between the model
presented in appendix B and experiment results from Yuan et al. (2021). b) The pressure profile modelled
using Eq. 2-4 with modified inlet boundary condition matches the pressure profile measured by Yuan et

al. (2021).

To explain the difference in time scale between the modelled and measured pressure profiles, we
use an analogy from well testing. When a well is open to flow or when it is shut in, the sand-face
flowrate is not equal to surface flowrate. It takes some time for these two flowrates to become
equal because of wellbore storage effect (Spivey and Lee 2013). The wellbore storage effect will
cause a delay in the reservoir response that can be seen as a period during which surface and sand-
face flowrates are not equal. The smaller the wellbore storage effect, the faster these two flowrates

become equal. Figure 2-2 shows a general schematic of the conventional coreflooding apparatus.
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The injection fluid is inside an accumulator vessel and is pumped at a constant flowrate into the
porous medium. The influx flowrate into the plug is lower than the pump-induced flowrate due to
the accumulator “storage effect”, analogous to “wellbore storage effect” in well testing. When
injection pressure increases with time, the influx flowrate into the plug is lower than the pump-
induced flowrate due to compression of the fluid in accumulator. On the other hand, when injection
pressure decreases with time, the influx flowrate into the plug is higher than the pump-induced
flowrate due to expansion of the fluid inside the accumulator. It takes some time for the influx
flowrate to become equal to the pump-induced flowrate. The time span depends on the volume of
accumulator vessel, fluid compressibility, and pump flowrate. This process can be conceptualized
by considering a time-dependent (compressibility-induced) flowrate acting in parallel with the

pump-induced flowrate:

10V ap

€=~yoap T Qma= V5 2-2)

Here, g;,,4 1s compressibility-induced flowrate and V is accumulator volume.
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Figure 2-2: Schematic diagram of the conventional coreflooding apparatus.

During permeability measurement of conventional plugs using the core flooding apparatus, we
deal with relatively low pressure drop and high flowrate values. Therefore, this compressibility-
induced flowrate in upstream accumulator vessel is relatively lower than the pump flowrate and
can be neglected. On the other hand, when dealing with low-permeability tight rocks, the
compressibility-induced flowrate could be in the order of pump flowrate and cannot be neglected.
To quantify the percentage of flowrate that is attributed to storage effect, we consider four equal-

sized plugs with permeabilities of 1 microdarcy (uD) to 1 millidarcy (mD). The accumulator used
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for permeability measurement has 500 cc volume filled with a fluid with compressibility of 2X10
5 psi!. After half an hour injection with flowrate of 0.003 cc/min, the ratio of compressibility-
induced flowrate to pump-induced flowrate is 0.3% and 99.2% for the 1 mD and 1 pD plugs,
respectively. After 1 hour, the compressibility-induced flowrate totally vanishes for the 1 mD plug
but only reduces to 98.6% for the 1 uD plug. Figure 2-3 shows how quickly storage effect vanishes
for different cases of permeabilities. Therefore, the main reason why the steady-state method is
time consuming is that the influx flowrate into the porous medium is not constant and changes

with time. Eq. 2-2 shows the variable part of the influx flowrate which depends on the injection

pressure. To validate this hypothesis, we build a mathematical model with modified boundary

conditions to match the experimental results.
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Figure 2-3: Ratio of compressibility-induced flowrate to pump-induced flowrate versus time at four

different permeabilities.
2.3 Mathematical model

To model the pressure profile, we combine the continuity equation with Darcy law to arrive at the
1-D diffusivity equation for a porous medium (Eq. 2-1) (Spivey and Lee 2013; Dejam et al. 2017).
We assume fluid compressibility and viscosity are constant. Since this model is used for tight
rocks, the pressure gradient, P, along the plug is not small, and thus, (P,)? term in the diffusivity
equation is not negligible. For now, it is assumed that permeability is constant with pressure, and
thus, ¢ = c. Later, we will consider the permeability variation due to net overburden pressure

change along the core. To solve Eq. 2-1, we need one initial condition and two boundary
conditions.

19



Chapter 2: A Model and Measurement Technique for Liquid Permeability of Tight Porous Media Based on the Steady State Method

2.3.1 Initial Condition: Based on experimental conditions and the implemented procedure,
the initial condition might be the constant atmospheric pressure along the plug, or an established
pressure profile along the plug when a steady-state flow has been fully developed. In previous
studies (Hsieh et al. 1981; Odeh and Babu 1988; Dejam et al. 2017; Haskett et al. 1988) the initial
condition is considered to be a constant pressure along the plug. In this study, since we change the
flowrate after reaching steady-state condition, the initial condition for the second flowrate would
not be a constant pressure along the plug. Solving the conventional diffusivity equation, where
(P,)? is negligible, gives a linear pressure profile along the plug at fully developed steady-state
conditions. Here, we consider (P,)? is not negligible. Solving the proposed diffusivity equation
for tight rocks (Eq. 2-1), gives a logarithmic pressure profile along the plug at steady-state
conditions, as explained in appendix C.

2.3.2 Boundary Conditions: The outlet boundary is assumed to be at constant atmospheric
pressure. For the sake of mathematical simplification, we assume x = 0 at the plug outlet and x =
L at the inlet. In appendix B, we solve the diffusivity equation with inlet boundary condition of
constant flowrate. Odeh and Babu (1988) presented an analytical solution for a similar problem.
The results (Figure 2-1a) show a significant discrepancy in time span of the measured and
modelled pressure profiles. Based on the previous discussions, although the pump injects the fluid
at a constant flowrate, the influx flowrate into the plug is not constant due to accumulator “storage
effect”. To overcome the inconsistency in time span of modelled and measured pressure profiles,

we modify the inlet boundary condition as follows:

kA Qpump-H VU
g =—P, = P,|yey = —— Py, 2-3
ql)ump + dind 1 X xlx—L kA kA tlx—L ( )

Here, qpump 1s pump-induced flowrate, q;nq 1s compressibility-induced flowrate, A is rock cross-
sectional area, and V is accumulator volume.

A simple 1-D schematic of the proposed model is presented in Figure 2-4. Solution of the model
presented in Figure 2-4 with the modified boundary condition (Eq. 2-3) in Laplace domain is given
by
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Figure 2-4: 1-D schematic of flow modeling using diffusivity equation with logarithmic initial condition

and modified inflow boundary condition considering storage effect.

Definition of the terms used in Eq. 2-4 and mathematical derivations are presented in Appendix
D. Stehfest’s method is used to find the inverse of Laplace transform numerically (Stehfest 1970;
Hassanzadeh and Pooladi-Darvish 2007). In previous solutions proposed for diffusivity equation
(Hsieh et al. 1981; Odeh and Babu 1988; Walls et al. 1982; Haskett et al. 1988), logarithmic
pressure profile as initial condition and pressure-dependent inflow boundary condition are not
considered. Figure 2-1b compares the calculated pressure profile using the proposed model at x =
L with the one measured by Yuan et al. (2021). First row of Table 2-1 summarizes the properties
of the fluid and plug used in their experiments.

Table 2-1. properties of the plugs and fluid samples used for the permeability measurement.

Length [ Area [ Porosity [ Permeability | Oil Oil Accumulator

(cm) (cm?) | (%) (uD) Viscosity | Compressibility | Volume (cc)
(cp) (psi”')

6.12 11.28 | 6.14 1.79 3.56 2E-5 500

6.0 10.75 | 4.60 2.31 3.24 2E-5 10

As shown in Figure 2-1b, the proposed model can reasonably match the pressure versus time
profiles. The match for the last injection flowrate (0.003 cc/min) is not as good as those for the

other flowrates. The reason is that in each step of flowrate change, we assume that a steady-state
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regime is established at the previous flowrate, and thus, there is a logarithmic pressure profile
along the plug as described in appendix C. However, the model results show that the steady-state
condition is not fully established at the second flowrate. Therefore, the assumed initial condition
for the last flowrate is not accurate, leading to the observed deviation between the measured and

modelled data.

2.3.3 Pressure dependency of permeability: Fundamental relationships have been
derived for porosity and permeability as functions of effective stress. Pressure dependency of the
permeability has been observed in experimental works with shale rock samples (Akkutlu and Fathi
2012). McKee et al. (1988) presented an exponential relationship between permeability and
effective stress as k = me ~"Fnc where P, is the net confining pressure. We conducted a series of
permeability measurements at different confining pressure (Peon) values to determine the
parameters m and n of the empirical correlation. Figure 2-5 shows the measured permeability vs.
Pyc. Py is calculated as the difference between confining pressure and average pore pressure when
flowrate is 0.001 cc/min. This flowrate is chosen because it was a common flowrate during
permeability measurement tests at all different confining pressures.

Here, we assume that the same relationship can be used for permeability change with pressure
along the plug. If pressure dependency of permeability is considered in Eq. 2-1, ¢ can be modeled
by summation of fluid compressibility (c) and the pressure-dependency exponent (n):

. +1<6k)_ 1(ak>_ N 54
R Y=Y A TN @4

The solution presented in appendix D with the modified ¢ value is used for modeling the pressure

profile to account for permeability changes with pressure along the plug.
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Figure 2-5: Exponential decline of measured permeability with increasing net confining pressure on the

plug.
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2.3.4 Sensitivity Analysis: Here, a sensitivity analysis is performed to identify the parameters
controlling the time required to reach steady-state conditions after changing the inlet flowrate.
Compressibility (c¢), accumulator vessel volume (V), pressure-dependency exponent (n), and
permeability (k) are investigated for this purpose. Figure 2-6 a-d show how these parameters affect
the shape of pressure profiles and the time span required to reach steady-state conditions. For the
base case in each of the graphs we used k = 1.79E-6 D, V = 300 cm’, n = 0, and ¢ = 2E-5 psi”’.
Figure 2-6a shows that increasing fluid compressibility does not affect the final stabilized pressure
value but increases the time span required to reach the steady-state condition. The same trend is
observed by increasing the accumulator volume in Figure 2-6b. Figure 2-6¢ shows that increasing
pressure-dependency exponent increases the stabilized pressure but has no noticeable effect on the
time span required to reach the steady-state condition. The same trend is observed for the
permeability decline in Figure 2-6d. Therefore, for reducing the time span for the steady-state

establishment, it is recommended to use a fluid with less compressibility inside an accumulator

with less volume.
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Figure 2-6: Sensitivity analysis to investigate the effects of a) fluid compressibility, b) accumulator vessel
volume, c) pressure-dependency exponent, and d) permeability on the shape of pressure profile and time

span required to reach steady-state conditions.
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2.4 A new design for tight-rock permeability measurement

Modifying boundary conditions of the diffusivity equation enabled us to model the experimental
results of Yuan et al. (2021). From the previous section, it is concluded that the accumulator
“storage effect” is the main reason why the steady-state method is time consuming. The second
term on the right-hand side of the modified boundary condition (Eq. 2-3) shows the parameters
that affect the time needed for achieving steady-state conditions. The most practical way to reduce
this parameter is to reduce the accumulator volume, V. Although it is possible to use a fluid with
less viscosity and compressibility or increase the cross-sectional area of the plug, usually there are
restrictions in changing these parameters.

We designed a new core flooding system by 1) decreasing the dead volume inside the core holder,
and 2) reducing the accumulator volume by fiftyfold to around 10 cc. We applied the system to
measure the permeability of a plug with microdarcy permeability to investigate the effects of the
implemented modifications on the time required to achieve steady-state conditions (Figure 2-7a).
For the case where n = 0, a constant permeability is considered for all injection flowrates which
is calculated from the slope of the trendline in graph of flowrate vs. pressure drop (Figure 2-7b)
using Darcy equation. For the case where permeability is considered pressure dependent, a value
of n=6.02x 1078 is used in the model. This value is calculated using the exponential
relationship between permeability calculated at each injection flowrate and effective stress
calculated at corresponding average pore pressure. Second row of Table 2-1 summarizes the
properties of the fluid and plug used in the experiments. Before the permeability measurement test,
plug sample was washed with polar and nonpolar solvents and dried in an oven at 90 C. Then, plug
was vacuumed for two days from both ends to make sure the air trapped inside pore space is
minimized. After that, oil introduced into the sample. The sample kept under 1100 psi for about a
week to make sure oil occupies all the accessible pore space. At the final stage of core preparation,
2 to 3 pore volumes of oil were injected to make sure oil displaces any other possible fluids
presented inside the pore space. The fluid injection process for permeability measurement is
carried out in two parts: In part 1, injection rate increases stepwise and in part 2 it decreases in the
same steps. The proposed rate-change pattern allows checking repeatability of the measured
pressure data at ultra-low flowrates. The perfect linear correlation in flowrate vs. differential

pressure graph (Figure 2-7b) with R? ~ 1 suggests that oil flow in tight rocks can be described
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accurately by the Darcy equation. More data regarding the application of modified coreflooding
device for permeability measurement of tight rocks can be found in following chapters.

Figure 2-7a shows the results of permeability-measurement test using the modified apparatus on
the plug sample with petrophysical properties listed in second row of Table 2-1. Each flowrate
change induces a pressure pulse that reaches the steady-state conditions after around 4 hours.
Comparing the pressure-time profiles with the previous ones measured by Yuan et al. (2021) shows
a fiftyfold decrease in the time required for steady-state establishment. A qualitative investigation
of Figure 2-7a shows that when permeability is considered constant, there exists a difference
between modeled and measured stabilized pressure at each injection flowrate. At low flowrates,
the modeled stabilized pressure value is lower than the measured one. As flowrate increases, the
modeled pressure approaches the measured value and finally it exceeds the measured value at high
flowrates. This behavior confirms the pressure dependency of permeability. As flowrate increases,
the average pore pressure increases, and thus, the net confining pressure decreases. Therefore, at
higher flowrates the permeability is higher and thus the measured pressure is lower than the
modeled one with the assumption of constant permeability. In order to quantify the goodness of
the fit between the modeled and measured pressure profiles, we use mean absolute percentage
error (MAPE) and root mean square error (RMSE) measures. In case of constant permeability,
MAPE is 4% with RMSE of 10 psi while for the case of pressure-dependent permeability, MAPE
1s 3% with RMSE of 8.5 psi. Therefore, the assumption of constant permeability does not result in
significant errors while making the model much simpler. In case of shale samples, since the pore
compressibility is high (Lan et al. 2017), the effect of confining pressure on rock permeability is
high. So, assumption of constant permeability along the plug may introduce a greater error

compared to the presented case.
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Figure 2-7: a) Measured and modeled pressure profiles during permeability measurement using the new
design for tight rocks. Both pressure-dependent and constant permeability assumptions show an accurate
prediction of pressure profile. B) Graph of flowrate vs. pressure drop. The slope of linear fit is used for

permeability calculation using Darcy equation.

2.5 Implications and significance of the work

Unconventional resources have become an important source of energy because of recent
developments in horizontal drilling and multistage hydraulic fracturing. During a hydraulic
fracturing operation, a large volume of fracturing water is pumped into the formation and only a
small portion of it comes back during flowback and post flowback periods. Imbibition of fracturing
fluid into the formation is considered as a driving force for hydrocarbon production from tight
rocks (Habibi et al. 2017). On the other hand, imbibition of fracturing fluid forms a water loaded
zone near the fracture face that reduces hydrocarbon relative permeability and hinders hydrocarbon
production (Bennion et al. 1996). To enhance imbibition oil recovery and reduce water trapping
near fracture face, chemical additives such as surfactants are used in the fracturing fluid. To
investigate the effectiveness of such chemicals, we must measure the permeability of the medium
before leak-off and after flowback processes. It is not practical to use transient methods for this
purpose since the measurement method should be part of the process. Transient methods usually
use gas for measurement that limit their application for this purpose. Since permeability

measurement of tight rocks with conventional steady-state methods is challenging and time
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consuming, researchers usually use relatively high-permeability outcrop samples to study the
effects of chemical additives on imbibition oil recovery and water trapping removal (Liang et al.
2017; Yarveicy et al. 2018; Tangirala and Sheng 2019). Those results are not necessarily
applicable to tight rocks since the pore structure and wettability of tight rocks are different than
the outcrops. Using the modified core flooding device based on proposed model, it is possible to
measure the liquid permeability before leak-off and after flowback processes to investigate the

effects of chemical additive on regained permeability.

2.6 Summary

In this chapter, we used the diffusivity equation to explain why the steady-state method of
permeability measurement is time consuming for low-permeability media. We altered the influx
boundary condition to model the measured pressure data during permeability measurement of a
tight rock sample with error of less than 5%. Based on the model results, we modified the
conventional coreflooding device to reduce the time of permeability measurement of tight rock
samples. The modified device is used to measure the permeability of a tight rock sample and the
model can match the measured data with a very good accuracy. Here is the summary of the key
findings:

e A new semi-analytical solution for diffusivity equation is presented which accounts for
logarithmic pressure profile as initial condition, storage effect, pressure dependency of
permeability, and high-pressure drawdown values in case of experiments done on low-
permeability porous media.

e A device for permeability measurement of tight rocks is designed by modifying conventional
coreflooding apparatus. The tests conducted using the modified device confirm the modeling
results and shows a considerable decrease in time of experiments.

e The main reason that makes the steady-state method time consuming is the accumulator
“storage effect”. When injection pressure increases (or decreases) with time, compaction (or
expansion) of the fluid inside the accumulator induces an excess flowrate that causes the influx
flowrate into the plug to be lower (or higher) than the pump-induced flowrate. It takes some
time for the influx flowrate to become equal to the pump-induced flowrate.

e When dealing with low-permeability tight rocks, the compressibility-induced flowrate could

be in the order of pump flowrate and cannot be neglected.
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e Ignoring the pressure dependency of the rock permeability does not result in significant errors
in the model while making the model much simpler.
¢ In the modified coreflooding device, reduction of accumulator volume from 500 cc to around

10 cc causes a fiftyfold decrease in the time required for steady state establishment.
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Chapter 3

Modeling Two-Phase Flow in Tight Core
Plugs with an Application for Relative

Permeability Measurement

3.1 Introduction

The study of two-phase flow is important in many different engineering disciplines including
petroleum engineering (Li and Horne 2006), hydrology (Li and Yu 2020), chemical engineering
(Noél et al. 2019), carbon capture utilization and storage (Xiao et al. 2020), hydrogen storage
(Zivar et al. 2021), radioactive waste disposal (Scheer et al. 2021), and geothermal energy recovery
(Eggertsson et al. 2020). Modeling of immiscible two-phase flow is a challenging physical
problem that has been studied by numerous researchers. The complexity of this problem comes
from the multi-scale nature and nonlinearity of its governing equations. In micro-scale, rock and
fluid interactions, the roughness of the pore walls, and the wetting affinity of the minerals covering
the pore walls are important factors. In meso-scale, pore size distribution and capillary pressure
are two dominant parameters. In macro-scale, uncertainty in permeability, heterogeneity, and
geometry of the reservoir cast doubt on predictions based on the general equation of immiscible

two-phase flow (Doster and Hilfer 2011).

The general equation governing two-phase immiscible displacement can be derived by combining
the Darcy equation for each phase with the continuity equation and relating the pressure of the two
phases by capillary pressure as shown in Appendix E (Peters 2006). This results in a second-order,
nonlinear, parabolic partial differential equation that can be solved numerically using specific
assumptions. To calculate the oil recovery from the general equation of two-phase immiscible
displacement, constitutional relationships for capillary pressure and relative permeabilities are
needed. Since measurement of these relationships is time-consuming and challenging, researchers

measure the oil recovery versus time in laboratory experiments and use the two-phase flow
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equation to calculate capillary pressure and relative permeability values (Pini and Benson 2013).
Buckley and Leverett (1942) dropped the capillary pressure term from the general equation and
simplified it to a first-order parabolic partial differential equation. Welge (1952) extended their
work and presented a simple but useful analytical tool to calculate oil recovery and the ratio of
relative permeabilities (k) during an immiscible displacement experiment. Johnson et al. (1959)
presented the JBN method to calculate individual relative permeabilities in a water flooding
experiment on a relatively high-permeability porous medium. Jones and Roszelle (1978) adopted
a graphical method based on the works of Johnson et al. (1959) and Welge (1952) to facilitate the
calculations for relative permeability determination. Chen et al. (2016) extended the JBN method
by adding pressure taps along the core and measuring local fluid saturations using computed
tomography scanning. A comprehensive review of methods of &4 measurement can be found in
Honarpour et al. (2018)’s book. In these methods, experimental flooding data are required to
construct the fractional flow curve and calculate the &, values. Researchers modified the mentioned
methods to account for flowrate dependency of &, curves (Valavanides et al. 2022), k- dependence
on viscosity ratio and capillary number (Suwandi et al. 2022), and also effects of dual wettability
on immiscible displacement (Cha et al. 2022; Yassin et al. 2016). Currently, there is no standard
laboratory technique for measuring relative permeability curves of tight and shale rocks due to
measurement challenges and the long time needed for flow and pressure equilibration. The
flowrate in coreflooding tests on tight rocks is usually in the range of microliter per minute
(uL/min). Measurement of such low flowrates is erroneous if not impossible especially when two
phases are comingled in the effluent. Due to these challenges, researchers tried to use
unconventional methods for &, determination. Alyafei and Blunt (2018) tried to obtain &, curves
using spontaneous imbibition tests. Lin et al. (2018) used imaging techniques to calculate relative
permeability values. Ojha et al. (2017) used nitrogen-adsorption/desorption measurements and

Peng (2019) used a gas expansion method for k- measurement.

There are also mathematical approaches to calculating relative permeabilities from capillary
pressure data. Purcell (1949) presented a mathematical relationship between permeability and
capillary pressure. Burdine (1953) and Brooks and Corey (1966) extended Purcell’s work to
calculate k- of each phase. Lake (1989) modified the Brooks and Corey k- model to include the
end-point k- values in the model formulation. Recent researchers (Su et al. 2022; Standnes et al.

2017; Zhang et al. 2017; Yassin et al. 2016; Schmid et al. 2016) also presented mathematical
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models to account for dual wettability and nanoscale effects such as slippage and the effect of
boundary layer on flow to predict k- curves. Guler et al. (2003) utilized artificial neural networks
to determine relative permeability curves. Lei et al. (2015) established a theoretical model for
stress-dependent relative permeability based on fractal theory for porous media. Khorsandi et al.
2017) considered relative permeability as a state function and developed an equation of state to
calculate relative permeability including hysteresis and wettability alteration. Schembre-McCabe
et al. (2020) used the Lattice-Boltzmann simulation to model relative permeability curves. All
these theoretical approaches need experimental data for validation and tuning of their parameters.
Due to difficulties associated with testing on low-permeability tight rocks, there is a need for a

practical method to measure 4 in such tight porous media to tune the theoretical models of 4.

In this dissertation, we present a practical method to measure k- curves of low-permeability tight-
rock samples. The pressure profile measured during an immiscible displacement is used with some
simplifying assumptions to tune the modified Brooks and Corey (MBC) k- model presented by
Lake (1989). We present a mathematical model based on frontal advance theory to model the
pressure drop during a two-phase immiscible displacement at a constant injection flowrate. Several
oil/water immiscible displacement tests are performed on tight-rock samples to provide the
experimental data required for the proposed technique. At the end, we investigate the shape of the
pressure profile during an immiscible displacement from the "flow work" perspective to gain

insights for field implications.

3.2 Mathematical Modeling of Pressure Drop during a Two-Phase
Immiscible Displacement

In this section, a simple mathematical technique is presented to model the pressure profile during
immiscible displacement. We explain the characteristic feature of the pressure profile and
investigate the factors affecting the shape of the profile. There are many studies in literature for
modeling immiscible two-phase displacement (Lunowa et al. 2021; Pasquier et al. 2017;
Tecklenburg et al. 2013; Liu et al. 2012). The JBN method is the most common method used for
k- measurement. In this method, water is injected into the rock sample at a constant flowrate to
displace oil. The produced volume of oil and water is measured with time to calculate the effluent

flowrates and construct the fractional flow curve. This curve is used for the calculation of &, curves
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of oil and water. The pressure drop during the immiscible displacement is calculated using an

integral term (Fassihi and Potter 2009; Johnson et al. 1959):

Qt #of
3-1
km (3-1)

Since f, and k. depend on the saturation profile which changes along the core length, the
calculation of the integral term is not straightforward. Here, we propose a simplifying assumption
to make the pressure drop calculation easier. We use values of f, and &, at average water saturation
(S,,) behind the front instead of using their values at variable S,, along the core plug:

Ae-to (* fo Qt Ho-L f 0
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This should be a reasonable assumption since the JBN method is derived based on the frontal
advanced theory which assumes a constant S, behind each saturation front during the immiscible
displacement process. This assumption does not imply that the water saturation remains constant
behind the front, but rather that the average water saturation behind each front is constant while

the front is moving from inlet to outlet. The simplification made here is that, instead of using the

integral term to calculate the kf—", which would require knowledge of the water saturation profile

TO0

along the core plug, the kf—" is calculated at the average water saturation behind the front. Here, we
To

derive a mathematical technique to model the pressure profile before and after breakthrough during
the immiscible displacement of oil by water. We use our simplifying assumption that values of f,
and k, at S,, behind the front are constant. This technique can also be used to model the pressure
response during a flowback process in which oil displaces the leaked off water in unconventional
hydraulically fractured wells (Longoria et al. 2017; Yousefi et al. 2020). Figure 3-1 shows the
pressure profile during waterflooding at a constant flowrate of 0.06 cc/hr for a plug sample with a
permeability of around 2 microDarcy saturated with oil at irreducible water saturation (Swi--). The
pressure recorded is the injection pressure at the inlet of the core sample, which is also the pressure
drop across the plug since the outlet pressure is atmospheric. Details of the experimental work are
presented in Appendix F. The pressure increases until it reaches the maximum point and declines

afterward to stabilize at a final value. A similar pressure profile was also reported in the works of
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other researchers (Aslanidis et al. 2022; Kalaydjian 1992). The exhibited hump in the pressure
profile is modeled here and investigated to find the factors affecting the magnitude of the pressure

hump.

Figure 3-2 schematically illustrates the displacement of oil by water in a plug initially saturated
with oil at Syir-. For modeling the immiscible displacement of oil by water, we use the fundamental
assumptions of frontal advance theory (Welge 1952; Johnson et al. 1952; Buckley and Leverett
1942). At time ¢ before breakthrough time (#:), the water front is at distance / from the inlet. Behind
the front, there is two-phase flow while ahead of it there is single-phase oil flow. The total pressure
drop is divided into two parts: from the system inlet to the front, and from the front to the outlet.
For the first part, based on the assumptions of the frontal advance theory, S, behind the water front
is constant. We use our simplifying assumption here and use Eq. 3-2 for the calculation of pressure
drop in this part. Either the oil or water phase can be used for pressure-drop calculations, but for

simplicity, we use the water phase. For the first part from the inlet to the front we have

CItf_wﬂwl

3-3
K,y kA (3-3)

Ap, =

Even though the flow in this section is not steady due to changes in local water saturation, we
can still use the Darcy equation to calculate pressure drop because we have assumed a constant
average water saturation behind the front. The fy and ke terms are determined at this S,,. For the

second part from front to the outlet we have

_ Qe (L —1)

Ap; = 3-4
P2 = "endiy (3-4)
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Figure 3-1: Observed hump in the pressure profile during a waterflooding experiment at a constant
flowrate of 0.06 cc/hr. The maximum point corresponds to the water breakthrough. Before the

breakthrough, the pressure changes linearly. Details of the experiment are mentioned in Appendix B.
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Figure 3-2: Immiscible displacement of oil by water in a plug at a constant injection flowrate.
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o5 into Eq. 3-3 and Eq. 3-4 gives

Substituting | =

Cltf_wlleItt (3-5)

Ap, = — —
b Kk A20(S,, — Syirr)
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qeloL qtzﬂot
APz = - 5 3-6
P2 kﬁgdkA kﬁgdkAz(D(Sw - Swirr) ( )

The total pressure drop is the summation of Ap; and 4p>:

Ap = Ap; + Ap, =

L 2 fw 1
Gelo G to Hw fw l . 37)

+ — —_—— X
kfgdkA kAZ@(Sw - Swirr) Ho krw k%ld
Here, since we assumed constant saturation in space behind the water front, S,,, f,,, and k-, are
constant for part 1, and Ap is linearly correlated with time. It means Ap increases linearly until ¢

reaches ;. The maximum pressure drop occurs at ¢, which is

_Qewlfy| gl 1
kAk,,, kA M, + M

o t=tbt

Ap (3-8)

t=tbt’

Eq. 3-8 is used to calculate pressure drop after breakthrough as well. Our simplifying assumption
here is to calculate the mobility (k,./u) of each phase at constant S, behind each saturation front
after breakthrough. Figure 3-3 shows the modeled pressure drop vs. the number of pore volumes
of water injected (PV-inj) into a tight plug during an immiscible displacement process. The dashed
line is the pressure calculated using Eq. 3-8, and the solid line is the pressure calculated using Eq.
3-1 used in the JBN method. In Figure 3-3a, with a favorable mobility ratio of 1, the mean absolute
percentage error (MAPE) is 2.1% compared to MAPE of 6.4% for an unfavorable mobility ratio
of 10 shown in Figure 3-3b. Thus, our assumption to use values of water and oil mobilities at the
constant S,, does not introduce any significant error in the calculated pressure while it helps us to

propose a practical method for %, calculation.
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Figure 3-3: a) pressure drop calculated based on Eq. 3-8 compared to the one calculated using Eq. 3-1 for

a) mobility ratio = 1, b) mobility ratio = 10.

At the end of water injection when a steady-state condition is achieved and oil saturation (S,)

qriwl
kAkELA

. The difference between
SOT

reaches its residual value (S,), the final pressure drop is Ap =

Apli=¢,, and Apls,, is defined as Appymp as shown in Figure 3-1:

QetiwL fw Qebtwl
Ap = Aple=t,, — Bpls,, = 77— — T Tend 3-9
hump t=tpt Sor kAk,., t=ty, kAkf&l,d 5, (3-9)
Substituting f,, = Hkrﬁ into Eq. 3-9 gives
Mo krw
P R T ] (3-10)
kA | M, + M, t=ty, M, Sor

The magnitude of the pressure hump is controlled by the two terms in the bracket that can be

investigated under two conditions:

Case 1, M,, < M,: In ahomogeneous porous medium when the mobility of displacing fluid (water)
is lower than the mobility of displaced fluid (oil), it is expected to have a piston-like displacement
with maximum sweep efficiency (Azad and Trivedi 2020; Sorbie 2013). Therefore, behind the

water front, So = Sor, Kyolt=t,, = 0, and kyy|¢=¢,, = krwls,,- SO, APpymp = 0.
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Case 2, M,, > M,: When the mobility of displacing fluid (water) is higher than the mobility of
displaced fluid (oil), it is expected to see viscous fingering (Green and Willhite 1998).
Since (M, + My,)|¢=¢,, < My s, (Honarpour et al. 2018), Appymp > 0.

In general, when the mobility of the displacing phase becomes higher than that of the displaced
phase, the displacement deviates from piston-like conditions and fingering phenomenon occurs,
thus, it is expected to see a bigger pressure hump. In other word, the less stable the displacement
front is, the bigger the observed hump in the pressure profile is. During an immiscible
displacement, the stability of the front is controlled by the interplay of different factors such as
viscosity ratio, frontal velocity, capillary forces, interfacial tension (IFT), and heterogeneity of the
medium (Hornof and Morrow 1988). Hill (1952) showed that in homogeneous porous media,
during horizontal immiscible displacement using two fluids with similar densities, microscopic
heterogeneities can cause perturbations on the interface of the two immiscible fluids that can grow
due to the unfavorable viscosity ratio at high injection velocities. Kueper and Frind (1988) showed
that even if a displacement front is considered stable based on a homogeneous model, fingers might
arise as a result of different flow conductivity in regions with different permeability. The fluid
displacement in a heterogeneous porous medium is governed by capillary pressure which itself
depends on the pore size distribution of the medium. Fingers will simply be initiated in high
permeability regions that have the minimum breakthrough pressure. Hornof and Morrow (1988)
showed that a moderate reduction of IFT will magnify the effect of heterogeneity on fingering.
More reduction of IFT to very low values will vanish the effect of capillary pressure and hence
heterogeneity. In the extreme case of miscible displacement, the dispersion phenomenon will also

dampen the fingers.

The effects of viscosity ratio, frontal velocity, capillary forces, IFT, and pore-throat size
distribution are all included in the pressure drop calculation. Some are explicitly mentioned in Eq.
3-10 and some of them indirectly affect the relative permeability term in Eq. 3-10. Therefore, a
careful analysis of the pressure profile can give us valuable insight into the displacement
efficiency. In the next section, we use the maximum point of the measured pressure profile during
a waterflooding process (Pmax in Figure 3-1) to calculate k- values of oil and water at S, behind

the water front using Eq. 3-8. We use these k- values for tuning the MBC model parameters.
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3.3 Tuning the Modified Brooks and Corey Relative Permeability
Model

Measuring the % curves of a conventional plug sample is very time-consuming and challenging. It
is even harder or somehow non-practical to measure & in low-permeability tight rocks using
conventional methods (Peng 2020). Difficulties with experimental measurements led researchers
toward mathematical modeling of k.. Although these models make the calculation of k. easier, they
still need some experimental measurements for validation and tuning of their parameters. Here,
we present a practical method based on the measured pressure profile during an immiscible
displacement that can be used for tuning mathematical k- models. Since the MBC model is the
most common mathematical model in petroleum engineering for the calculation of k; values (Goda

and Behrenbruch 2004), we use this model in our work. The MBC model is expressed as

k.. = kend(s)nw = fend ( Sw - SWirr )nw (3_11)
i i - Swirr — Sor
d d 1 =5y = Sor o
ko = KE34(1 = S = ki ) (3-12)
1= Swirr = Sor

To use the MBC model, at least one more data point other than the end-point relative permeability
values is needed to determine the empirical exponents of the model. Figure 3-4 Shows how the
three points necessary for the tuning of the MBC model are determined. End-point relative
permeabilities at residual phase saturations are determined using the steady-state method presented
in chapter two. The Swi and S, values, which represent the end points of the relative permeability
curve, are determined using a method known as gravimetric analysis. This involves injecting one
fluid phase (either oil or water) into a plug that is fully saturated with the other fluid phase, and
displacing the resident fluid to reach the residual saturation. The displacement is carried out at a
constant flowrate, and the effect of changing the flowrate on the residual saturation is not
considered in this study. Once the steady-state condition is reached, the end-point permeabilities
are recorded and the weight of the plug is measured in order to calculate the residual saturations
of the fluids. The third point on the k: curve is calculated using Eq. 3-8. The Py corresponds to
the breakthrough time, which occurs at the minimum total mobility. It is assumed that this

minimum point coincides with the intersection of two mobilities. Additional information about the
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third point on the k- curve will be provided in the following paragraphs. The method is explained
using a waterflooding test on a tight plug sample as an example. The rock and fluid properties used
in calculations are listed in Table 3-1. The experimental procedure of waterflooding test is also
mentioned in Appendix F. The displacement is done at a constant flowrate of 0.06 cc/hr. The

measured pressure profile resulted from the waterflooding test on the plug is shown in Figure 3-
5.

Table 3-1: Properties of the rock and fluid used in the waterflooding experiment for tuning the

MBC model parameters.

L (cm) 6.7 o (cp) 5.65
A(ecm2) | 11.34 Swirr 0.2

D (%) 7 Sor 0.15
kabs (md) | 0.004 kend 0.685
1w (cp) 1.07 kend 0.048

End point kro

ko | /2 Kew

End point |Krw
X e,

Swire Sw ,-" Sor —
tabilized pressure .~ / h\ Stabilizef pressure
Pressure ! Pressure
Pmax
Time Pressure Time
Gravimetric method Gravimetric method

= o ]
=

Figure 3-4: Top: Three points on each k. curve which are needed for tuning of the MBC model
parameters; Left: The end-point £, is determined from the stabilized pressure while oil is injected to
displace water up to Syir-. Swir- is also determined using the gravimetric method; Right: The end-point 4.,

is determined from the stabilized pressure while water is injected to displace oil up to Ser. Sor is
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determined using the gravimetric method; Bottom: The saturation and 4, values at the point of intersection

are determined using the method proposed in this paper.
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Figure 3-5: Modeled and measured pressure profiles resulted from a waterflooding test on a tight plug
used for tuning the MBC model parameters. Region 1 is before the breakthrough, and region 2 is after the

breakthrough. The maximum point on the pressure profile corresponds to the breakthrough point.

One of the assumptions of the JBN method is that the S,, behind the front is constant for each
traveling front, while the front moves from inlet to outlet, during the displacement with a constant
injection flowrate (Johnson et al. 1959). Therefore, during the displacement, a constant saturation
and hence, a constant relative permeability, can be considered for the fluid flow behind each front
in region 1 of Figure 3-5. In region 2 of Figure 3-5, we can have the same assumption of constant
S,, behind the front of each saturation before its breakthrough. We also assume that the highest
point in the pressure profile (Pnax) corresponds to the water breakthrough time. Since the injection
is at a constant flowrate, we can calculate S,, behind the front at the time of breakthrough. Based
on Eq. 3-8, knowing S,, at Py, We can calculate M, + M,, at that saturation. We need one more
independent relationship between oil and water mobility values to determine each of them
separately. Figure 3-6 shows M, M,,,, and M, + M,, curves vs. S,. Based on Figure 3-6, we make
another assumption that S, at the minimum point of the M, + M,,, curve (point O’) coincides with
the point of intersection between M, and M,, curves (point O). We will talk about the error

associated with this assumption later in this section. At the point of intersection, M, = M,,. Using
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this equality relationship and the one derived from Eq. 3-8, we can calculate the k. values at S,,

behind the front:

q:L
Mw + Mo|t=tbt. Sw=m = m
max

M,, = Mo|t=tbt, S

W=S_\/V_

This point on the k- curves is used to tune the MBC model parameters and find the empirical

exponents.
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Figure 3-6: Graph of M,,, M,,,, and M, + M,, curves vs. S,, for the rock and fluid system described in
Table 3-1, using the MBC model. Point O is the point of intersection between the M, and M,, curves.

Point O’ is the minimum point on M, + M,,curve.

3.4 Verification of the Tuned MBC Model Based on the
Experimental Results

In the water flooding experiment which was explained before (Table 3-1), the calculated empirical
exponents are 1, = 1.88 and n,, = 2.28. We use the parameters of the tuned MBC model to predict

the pressure after the breakthrough of water to confirm our method for 4. calculation. The predicted
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pressure values are shown in Figure 3-5. The mean absolute percentage error (MAPE) between

modeled and measured pressure data is less than 3%.

Here, we investigate our assumption about the coincidence of S, at points O and O’ in Figure 3-6.

The tuned MBC model for our waterflooding experiment is as follows

SW — 0.2 2.28
= 3-13
fery = 0.048 (1 —0.2— 0.15) G-19)
1-S5, —0.15\"%
= 3-14
fero = 0.685 (1 —0.2— 0.15) S

9 (Mo +My)

Taking the derivative of M, + M,, with respect to S ( s = 0), we find that the minimum

point of the curve (point O’) is at S,, = (.68 whereas, the intersection point of M, and M,, curves
(point O) happens at S\, = 0.62. The error corresponding to our assumption of coincidence of points
O and O’ is less than 10% for this waterflooding example. It should be noted that the more
symmetric the mobility curves are (in terms of end-point relative permeabilities and Corey

exponents), the closer the points O and O’ would become.

3.5 Analysis of Two-Phase Flow Pressure Profile from “Flow Work”
Perspective

In this part, we analyze the pressure profile during an immiscible displacement from the "flow
work" perspective to understand the effect of the observed hump in the pressure profile on the
efficiency of the displacement process. By definition, flow work is the work done by pressure, P,
to displace volume V of a fluid through a cross-sectional area and is equal to PV (Berg et al. 2020;
Akai et al. 2020). Since the displacement process takes place at a constant injection flowrate, time
corresponds to the volume of injected fluid. Therefore, in the pressure profile, the area under the
curve represents the flow work that has been done to displace a certain volume of fluid out of the
plug sample (Ma et al. 1999; Khanamiri et al. 2018). Here, we investigate the effect of the added

area as a result of a hump in the pressure profile, on the efficiency of the displacement process.

Figure 3-7 shows the pressure profile measured during a water flooding process to displace oil out
of a tight plug with a permeability of around 1 microDarcy. The procedure for waterflooding

experiment is shown in Appendix F. The rock and fluid properties used in this test are listed in
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Table 3-2. It also shows the modeled pressure profile for a single-phase flow of water through a
different plug that has a permeability similar to the end-point permeability of water in the water
flooding case. The pressure modeling is done using the method proposed in chapter two. The flow
work done during water flooding corresponds to the area under the curve of pressure profile. The
constant injection flow rate means that this area can be considered as the actual work, when the
time is multiplied by the injection flow rate. We consider the required work up to the time of
pressure stabilization (points A and A’ in Figure 3-7). It is evident that the two-phase flow needs
more work to reach the stabilization state compared to the single-phase flow. We showed in
previous chapter that even for a single-phase flow when a large accumulator is used for the
injection of a fluid into the plug, extra work must be done on the fluid to compress it to the final

pressure and that will cause an extra time to reach to the stabilized condition.

Table 3-2: Properties of the rock and fluid used in the waterflooding experiment for flow work

analysis.
L (cm) 6.7 Uo (cp) 3.54
A (cm?) 11.34 ww (cp) 1.07
D (%) 7 k (md) 0.001
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Figure 3-7: Flow work done during single-phase flow of water and two-phase flow during water flooding.

Points A and A’ show the time of pressure stabilization for single-phase and two-phase flow, respectively.
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When we observe a bigger hump in a pressure profile or a longer time to reach a stabilized pressure,
the displacement process requires more work. We reviewed different factors that affect the hump
in the pressure profile in section 3.2. Here, we show the effect of S\; and /F'T on pressure profile
and flow work using water flooding experiments done on a tight plug. Figure 3-8a shows the
effect of Sy on the pressure profile during the water flooding process from the perspective of flow
work. In Figure 3-8a, it is shown that when §,,; of a porous medium is nonzero, the pressure slope
is steeper, and a relatively bigger hump is observed as a result of reduced k.. On the other hand,
we see a sooner pressure stabilization since there is less oil inside the pore space that needs to be
displaced by water. Figure 3-8b shows the effect of /F'T on the pressure profile during a flowback
process where oil displaces the leaked off fluid out of a tight rock. In two separate tests, one pore
volume of water with /FFT = 6 mN/m and a surfactant solution with /F'T = (0.6 mN/m are injected
as the leak-off fluids and plugs are soaked for 1 day under pressure. After that, oil is injected at
the constant flowrate of 0.06 cc/hr to displace the leak-off fluid. The detailed experimental
procedure of leak-off and flowback tests will be explained in the next chapter. Lowering IFT
reduces capillary pressure and hence improves the relative permeability of both phases. So, the
observed hump in the pressure profile is bigger when water with a higher IFT value is used as the
leak-off fluid. The end part of the graph, which corresponds to the stabilized pressure at Swirr,
shows a minor improvement when IFT is reduced by one order of magnitude. This can be
explained by the desaturation curve (Yeganeh et al. 2016; Lake 1989) showing that the residual

saturation does not change significantly unless IFT is reduced to low values.
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Figure 3-8: Effect of a) initial water saturation, and b) IFT on pressure profile during a two-phase

displacement process.

3.6 Implications in Field-Scale Hydraulic Fracturing

The learnings from Figure 3-8b are applicable to a field-scale flowback process as well. It should
be noted that in real field conditions, the constraint is not usually constant flowrate, but constant
bottomhole pressure. In that case, a bigger pressure hump corresponds to a lower production flow
rate. Therefore, the factors that accentuate the pressure hump will cause lower production flowrate.
From work perspective, a certain amount of work is needed to displace the leaked off fluid out of
the rock matrix. Since the reservoir pressure is finite, if the rock and fluid properties are not
favorable (high mobility ratio, high capillary force, high IFT, and higher degree of plug
heterogeneity causing a bigger hump), the reservoir pressure might not be adequate to maintain an
economic production flowrate. Therefore, the leaked-off fluid forms a blockage that is hard to
remove even at high imposed draw-down values. In this case, it would be crucial to use chemical
additives to modify the rock and fluid properties in a way that reservoir pressure could maintain

an economic production rate by removing the water blockage.

3.7 Summary

In this chapter, we presented a simple mathematical technique based on frontal advanced theory
to model the pressure profile during a two-phase immiscible displacement in a tight porous
medium. Combining this technique with the pressure profile measured during the displacement
process and considering some simplifying assumptions, we measured the & values for the two
phases. We used the measured 4, values to tune the parameters of the modified Brooks and Corey
(MBC) relative permeability model. We performed waterflooding and leak-off/flowback
experiments on tight rock samples to verify and show the application of the proposed method. We
used the tuned MBC £, model to predict the observed pressure profile after breakthrough during a
waterflooding experiment. Comparing the modeled and measured pressure profiles shows a mean
absolute percentage error (MAPE) of less than 3%. At the end, we investigated the shape of the

pressure profile during an immiscible displacement from flow-work point of view. The effect of
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Swi and IFT on the amount of work needed during the displacement process was discussed. Here

1s the list of conclusions:

e In the JBN method, the pressure drop during the immiscible displacement is calculated
using an integral term in which the change of k- with S, is considered. We proposed a
simplifying assumption to calculate the pressure drop using k. values at S,, behind each
saturation front before its breakthrough. Using this assumption makes the pressure drop
calculation much easier by introducing just 2% and 6% errors when the mobility ratio is 1

and 10, respectively.

e The proposed model for pressure drop explains the observed hump in the pressure profile
during a two-phase immiscible displacement process. Any factor that disturbs the stability
of the front, will cause a deviation from piston-like displacement, and hence, will cause a

bigger hump in the pressure profile.

e We assume that the minimum point on the total mobility (M,+M,,) curve coincides with
the point of intersection between the M, and M,, curves. The error associated with this
assumption is less than 10% for the example mentioned in the manuscript. The more
symmetric the mobility curves are, the less the error associated with this assumption is.
This assumption enables us to determine k- values for both oil and water phases from a

measured pressure profile during an immiscible displacement process.

e We conducted a waterflooding experiment on a tight rock sample, used the Ppax of the
pressure profile to calculate k- values for oil and water, and used those values to tune the
MBC k- model. We used the tuned model to predict the pressure profile after the water
breakthrough. The mean absolute percentage error (MAPE) between modeled and

measured pressure data is less than 3%.

e We proposed a new explanation for the shape of the pressure profile from flow-work
perspective. A bigger hump in the pressure profile suggests more work is required for the
displacement process. We used the measured data of leak-off and flowback tests done on
a low-permeability tight plug for this analysis. A bigger pressure hump in our tests
corresponds to a lower production rate for a well that produces under constant bottomhole

pressure. Therefore, factors such as high mobility ratio, high capillary force, high IFT, and

46



Chapter 3: Modeling Two-Phase Flow in Tight Core Plugs with an Application for Relative Permeability Measurement

a higher degree of rock heterogeneity causing a bigger hump, will cause a lower production

flowrate for the well.

e Using the flow-work concept, a new explanation was presented regarding the effect of IFT

reduction on water blockage removal
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Chapter 4

A Laboratory Protocol for Surfactant
Screening in Hydraulic Fracturing

Operations

4.1 Introduction

Due to improvements in horizontal drilling and hydraulic fracturing, unconventional resources
such as tight and shale reservoirs have seen significant growth in recent years. According to the
Energy Information Administration's annual energy outlook (Nalley and LaRose 2022), tight oil
production in the US is expected to increase from 8.2 million barrels per day in 2022 to 9.1 million
barrels per day in 2050, making up over 70% of total US oil production. Additionally, tight and
shale gas production is expected to increase from 31.7 trillion cubic feet in 2022 to 39.2 trillion

cubic feet in 2050, comprising more than 92% of all US natural gas production.

During hydraulic fracturing operations, a large volume of fracturing fluid is pumped into the well
to create and extend fractures. Some part of the injected fluid remains in the fracture system and
some part of it leaks-off into the rock matrix. At the end, pressure is released to let the well flow.
During flowback and post flowback periods, usually 5-50% of the injected fluid will be recovered
(Bertoncello et al. 2014). The remaining leaked-off fracturing fluid will form a water-loaded zone
near the fracture face that hinders oil production (Bennion et al. 1996). On the other hand, the
imbibition of fracturing fluid into the rock matrix can be considered as a production mechanism
that pushes the oil out of the rock matrix (Habibi et al. 2017; Kathel and Mohanty 2013). This dual
effect of fracturing fluid led researchers to seek a balance in which the oil recovery due to
imbibition is maximized and the water blockage near the fracture face is minimized. Chemical
additives such as surfactant solutions, microemulsions, and nanoparticles have been introduced in

an effort to achieve this balance (Sheng 2015; Olayiwola and Dejam 2019; Habibi et al. 2020;

48



Chapter 5: Conclusions and Recommendations

Zargartalebi et al. 2014). Evaluating the impact of these additives on regained permeability and

post-flowback well performance is necessary for their potential use in field applications.

Oil recovery can be enhanced by using surfactants through mechanisms such as 1) interfacial
tension (/FT) reduction, 2) wettability alteration towards more water-wet condition, and 3)
detachment of adsorbed oil (Abdulelah et al. 2018; Akbarabadi et al. 2017; Alvarez and Schechter
2016; Bui et al. 2016). Different kinds of surfactants have been used for enhancing imbibition oil
recovery in tight rocks (Park and Schechter 2020; Alvarez and Schechter 2016; Nguyen et al. 2014;
Wang et al. 2012).

Anionic surfactants are the most commonly-used type in chemical EOR, particularly for sandstone
reservoirs (Kamal et al. 2017). These surfactants have a negatively charged hydrophilic head, such
as sulfonate (SO3), sulfate (SO27), or carboxylates (COO™). Sulfonate surfactants are stable at
high temperatures but can precipitate in high-salinity environments, while sulfate surfactants are

more resistant to high salinity but can decompose at high temperatures (Gbadamosi et al. 2019).

Cationic surfactants have a positively charged hydrophilic head and are therefore attracted to the
negatively charged surfaces. They are particularly effective at changing the wettability of
carbonate rocks (Massarweh and Abushaikha 2020). The positive charge on the surface of the
carbonate rocks repels the polar head of the surfactant, causing the nonpolar tail to orient towards
the rock surface. This leaves the polar, hydrophilic head of the surfactant in contact with water at
the rock-fluid interface, resulting in a more water-wet condition (Castro Dantas et al. 2014).
Cationic surfactants are generally more expensive than anionic surfactants due to the high pressure

hydrogenation reaction required in their synthesis (Kumar et al. 2016).

Zwitterionic or amphoteric surfactants have both positive and negative charges on their
hydrophilic head. They exhibit both anionic and cationic properties upon their dissociation in
water. They have attracted attention because they tolerate high-temperature and high-salinity
conditions. These surfactants are more expensive compared to other types of surfactants. A typical

example of amphoteric surfactant is betaine (Kamal et al. 2017; Gbadamosi et al. 2019).

Non-ionic surfactants have a wide range of applications in pesticides, medicine, the food industry
(Xia et al. 2020), detergents (Cheng et al. 2020), and EOR processes (Bustamante-Rendén et al.

2020). Unlike anionic and cationic surfactants, non-ionic surfactants do not ionize in aqueous
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solutions and are soluble due to hydrogen bonds and van der Waals interactions. They are highly
tolerant at high-salinity environments but have a lower ability to reduce the interfacial tension
(IFT) compared to ionic surfactants (Kamal et al. 2017). Non-ionic surfactants are often preferred
for field applications due to their lower incompatibility issues with other chemicals commonly
used in fracturing fluids, such as friction reducers or clay stabilizers, and due to their lower

sensitivity to the salinity of reservoir brine (Habibi et al. 2020; He and Xu 2018).

Several studies have been conducted to examine the use of surfactant solutions in increasing
imbibition oil recovery and decreasing water trapping using various methods (Habibi et al. 2020;
Tangirala and Sheng 2019; Abdulelah et al. 2018; Liang et al. 2017; Bui et al. 2016; Nguyen et al.
2014). However, it is difficult to measure liquid permeability (kz) of ultra-tight rocks, so these
studies often use relatively high-permeability outcrop samples. For example, Liang et al. (2017)
used outcrop samples from Indiana limestone with permeabilities in the milli-Darcy range in core
flooding experiments to assess the impact of surfactants and shut-in time on water blockage during
and after flowback processes. They found that surfactants and shut-in can improve hydrocarbon
permeability after flowback, but the extent of improvement depends on petrophysical properties
of the rock and initial saturation state. Tangirala and Sheng (2019) used outcrop Berea sandstone
plugs from an upper Devonian Formation and Crab Orchard plugs from Pennsylvanian Formation
with milli-Darcy permeabilities in both spontaneous imbibition and core flooding experiments to
measure regained k;. They concluded that a surfactant that performs well in an imbibition test,

may not produce optimum results in a core-flow test.

Difficulties in tight rock permeability measurement led the researchers to limit their studies either
to imbibition study of tight rocks or flow study in relatively high permeability outcrops. However,
in a recent study (Yousefi and Dehghanpour 2022), we developed a model and measurement
technique for k; of tight rocks based on the steady-state method in a shorter time frame. This
technique allows for the measurement of 4z in tight plugs before leak-off (LO) and after flowback
(FB), enabling to propose a comprehensive laboratory protocol to study the effect of various
chemical additives on the regained k. after flowback. This protocol is used to investigate the effect
of surfactant type and polarity, surfactant adsorption, IFT, and wettability on the regained

permeability to screen different surfactant solutions used in hydraulic fracturing operations.
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In this study, we aim to investigate the impact of various surfactant solutions on the regained &z of
tight plugs from the Montney Formation with micro-Darcy permeabilities. To do this, we compare
ki before leak-off and after flowback. Since the plug sample used here is composed of sandstone
and siltstone, we focus on anionic and non-ionic surfactants. We test surfactants with different
polarities, which result in different wettability alteration potentials and different IFT values with
the oil sample. We investigate the effect of these parameters on the efficiency of the surfactant
solution on retaining regained k;. We also measure the particle size distribution of the structures
formed in the surfactant solution used as the leak-off fluid. Then, we compare it with the pore-
throat size distribution of the plug obtained from the mercury injection capillary pressure (MICP)
test to evaluate the possibility of pore-throat blockage by the surfactant solutions. Finally, we
examine the effect of initial water saturation (Swi) on the performance of the surfactant solution in

enhancing regained k. after the flowback process.

4.2 Materials

Here, we describe the properties of the fluid samples and core plugs used in this study.

4.2.1 Fluid samples: We conducted the experiments using a dead oil sample from the Montney
Formation, a synthetic brine with a high concentration of dissolved solids (130,000 ppm TDS),
and various surfactant solutions at a concentration of 1 gpt (gallons of chemical per 1000 gallons
of water) in deionized water. Since the produced brine is mixed with additives used during
fracturing operations, we prepare a synthetic brine using the chemical composition of the reservoir
brine. Both the oil and brine were filtered through a 10-micron filter to remove any impurities that
could potentially block pores. The process of preparing the brine followed the ASTM D1141
standard and is described in Appendix A. Table 4-1 provides a detailed breakdown of the ionic

composition of the synthetic brine used in the experiments.

Table 4-1: Ionic composition of the synthetic brine.

Ton Na® K" | Ca** | Mg*| CI' |S04*

Concentration in brine (mg/L) | 49,750 | 1,220 | 1,120 | 596 | 81,379 | 623

Table 4-2 presents the physical properties of both the oil sample and synthetic brine at 25°C. The

measurement accuracy for viscosity and density are also included in the table.
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Table 4-2: Physical properties of the crude oil and synthetic brine.

Properties Crude oil Brine

Viscosity (cp) 5.65+0.02 1.33+0.02

Density (gr/cm’) | 0.840+0.001 | 1.0880.001

The crude oil composition is listed in Table 4-3.

Table 4-3: Dead oil composition.

Component | CO2 Cl C2 C3 1C4 NC4 1C5 NC5 C6 C7+
Mole

0.0023 | 0.0573 | 0.0293 | 0.0446 | 0.0120 | 0.0453 | 0.0242 | 0.0382 | 0.0645 | 0.6823

fraction

In this study, 7 different surfactant solutions with a concentration of 1 gpt are used. These
surfactant solutions were chosen in a way to cover a wide range of IFT, contact angle, and

adsorption. The physical properties of the solutions are reported in Table 4-4.

Table 4-4: Physical properties of the surfactant solutions used in this study.

Properties SS-1 | SS-2 SS-3 SS-4 SS-5 SS-6 | SS-7
Viscosity (cp) | 113 | 1.07 1.08 1.05 1.07 LI | 098
Density (gr/em®) | 0.994 | 0.994 | (993 0.993 0.993 | 0.994 | 0.994
| Shghiy |
Surfactant Type | Anionic ~ | Non-ionic | Non-ionic | Non-ionic | Anionic | Anionic
Anionic

For this study, we selected non-ionic and anionic surfactants with varying degrees of polarity.
Cationic and amphoteric surfactants are relatively more expensive than anionic and non-ionic
surfactants, so their use is limited. In addition, we also considered the degree to which the
surfactants changed the IFT with oil and the wettability of the rock. The IFT of the different
surfactant solutions with oil ranged from 0.9 mN/m to 8.75 mN/m, providing a wide range of
values. The surfactant solutions were selected to cover a wide range of contact angles, from 45

degrees, which makes the rock water-wet, to around 90 degrees, resulting in a neutral wet rock, to
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124 degrees, which maintains the rock's oil-wet state. The measured IFT and contact angle values

of the selected surfactant solutions will be presented in the results and discussion section.

4.2.2 Core Samples: For this study, we used a core plug from a well drilled in the Montney
Formation, a stratigraphic unit of the Lower Triassic age in the Western Canadian Sedimentary
Basin (WCSB) located in British Columbia and Alberta (Davies et al. 1997). The Montney
Formation is primarily a low-permeability siltstone reservoir. As shown in Table 4-5, the x-ray
diffraction analysis indicates that the plug is dolomitic siltstone with a small amount of clay
minerals, including Illite-Smectite (I/S) mixed-layer. The I/S mixed layer has 20-25% interlayered
(expandable) smectite, which means less than 1% of this mixed layer could be expandable,

suggesting that the core plug is not particularly sensitive to fresh water.

Table 4-5: Mineralogy of the plugs determined from the XRD method.

Samole D Quartz | K-feldspar | Plagioclase | Calcite | Dolomite | Pvrite | Ilite | o1 Clay
ample
wi%) | (wi%) W% | %) | %) | v | vy | V%)
1 35.8 16.5 2.8 0.8 41.9 0.8 1.3 1.4

The XRD and SEM analyses were performed on an offset core plug taken from a depth 10 cm
above the depth of the target core plug. Figure 4-1 shows Scanning Electron Microscopy (SEM)
images of a thin section sample. Figure 4-1a shows that the sample has a mixed granular to
microcrystalline texture. Figure 4-1b shows that intergranular pores (yellow arrows) are mainly
surrounded by quartz grains. Dolomite is a cementing component and is distributed throughout the
sample. Figure 4-1c shows that authigenic illite coats the surface of quartz grains and partially fills
the pores. Trace amounts of detrital chlorite flakes are also observed. Organic matter is rare in this

sample.
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Figure 4-1: SEM images of the thin section sample. a: Sample has mixed granular to microcrystalline
texture; b: framework grains are mainly quartz. Dolomite as a cement component is abundant.
Intergranular pores (yellow arrows) are the most common pore type; c: Illite coats grains and/or partially

fills pores. Trace amounts of detrital chlorite flakes are also present.

Figure 4-2 shows the pore-throat size distribution of the plug obtained by the Mercury Intrusion
Capillary Pressure (MICP) analysis. International Union of Pure and Applied Chemistry (IUPAC)

(Rouquerol et al. 1994) suggests pores can be categorized according to their size:
1. Micropores: pores< 2 nm

1.  Mesopores: 2 nm< pores <50 nm
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iii.  Macropores: pores> 50 nm

According to this classification and Figure 4-2, 20% and 80% of the pore throats in this core plug
are categorized as mesopores and macropores, respectively. The median pore-throat size, defined

as the pore-throat diameter at 50% mercury intrusion, is 280 nm for this plug.
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Figure 4-2: Pore-throat size distribution of the core sample based on MICP data; 20% and 80% of pore

throats are classified as mesopores and macropores, respectively.

The physical properties of the core plugs are listed in Table 4-6.

Table 4-6: Properties of the Montney plug.

Depth Diameter Length | Bulk Volume | Porosity
Sample
(m) (cm) (cm) (cm3) (fraction)
1 2531.3 3.8 6.65 75.42 0.055
4.3 Methodology

Different surfactant solutions in fracturing fluid employ various methods to boost oil recovery

through imbibition and reduce water trapping near the fracture face. For instance, it is crucial to
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keep IFT from dropping to extremely low levels as per the Young-Laplace equation, this could
eliminate capillary imbibition, a mechanism for oil production in tight and shale reservoirs. By
testing the properties of these surfactant solutions in a laboratory protocol, we can better
understand their behavior and select the most suitable ones for use in hydraulic fracturing
operations. This study examines the following surfactant properties: the surfactant type and its
surface charge, the level of surfactant adsorption on the rock surface, the change in IFT, and the
alteration in wettability. The ultimate metric to compare various surfactant solutions is the regained

permeability after flowback.

In this laboratory protocol, as depicted in Figure 4-3, we simulate the leak-off, soaking, and
flowback processes that occur during a hydraulic fracturing operation in an unconventional shale
or tight reservoir. We measure the &, of the sample before introduction of the surfactant fluid as
the base permeability. After flowback we again measure the &, and compare it to the base
permeability to find out about the efficiency of the surfactant solution on permeability retention.
In this laboratory protocol, we study how different surfactant solutions impact the regained k7 of
tight rocks. We utilize non-ionic and anionic surfactants with different polarities, which provide a
wide range of IFT and contact angle in the presence of oil and rock surface. The protocol involves
using different surfactant solutions as leak-off fluids to examine their effect on regained

permeability after the flowback stage.

Permeability

measurement - 2 /
before Leak-off test 0 ] . . \
7 50 100}“ 150 20\ 250
Time (hrs)
f [
-3 B -

-500 1200 " " 800
5 . %
8600 - 1000 Lo 2600
@ E g
5 400 I 5 400
@ 200 5 800 | | g 200
« a . £
v o 1 1 ¥
0 40 go 3 600 i 0 40 80
Time (hrs) ] ! ! Time (hrs)
€ 400 ., ;Flowback
I
I

I ===) Measurement after
| Flowback test

‘ . Permeability

Injecting fracturing Soaking the plug Injecting ail into
fluid into the ail with fracturing fluid the plug from the
saturated plug at high pressure other side

Figure 4-3: Schematic of proposed protocol to investigate the effect of different surfactant solutions on

regained permeability.
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4.3.1 IFT Measurement: We measure the IFT between oil and various surfactant solutions
using a spinning drop tensiometer, which consists of a capillary tube that spins around its long
axis. The capillary tube is filled with the heavier phase (surfactant solution) and a droplet of the
lighter phase (oil) is elongated at the center due to centrifugal force. A software captures the
curvature of the oil droplet and uses the Vonnegut (1942) equation to calculate the IFT value. Each
IFT measurement is repeated three times, and the mean value is reported. The device has an

accuracy of 1x10% mN/m for IFT measurement.

4.3.2 Contact Angle Measurement: We use an optical tensiometer to measure the liquid-
liquid contact angle (CA) and investigate the wettability of the rock sample in the presence of oil
and different surfactant solutions. The device consists of a camera, a light source, and a droplet
dispenser. To prepare the sample, we first polish the surface of the sample to make it smooth, then
saturate it with oil and keep it immersed in the oil for 1 week. After this, the oil-saturated sample
is immersed in the surfactant solution. A fixed-volume oil droplet (10 uL) is placed on the rock
surface using the droplet dispenser, and the camera records the shape of the oil droplet. The
tensiometer software uses the Young-Laplace equation to calculate the equilibrated CA. Each test
is repeated three times, and the mean value is reported. The device has an accuracy of 0.1 degrees

for CA measurements.

4.3.3 Particle Size Measurement: Depending on the type and concentration of the
surfactants, they may agglomerate and form bigger structures in the solution. These structures
include lamellar sheets, vesicles, cylindrical micelles, spherical micelles, or reverse micelles
(Massarweh and Abushaikha 2020; Cornwell 2018). To measure the size of these structures in the
surfactant solution, we use a particle size distribution (PSD) measurement device, the Malvern
Zetasizer Nano ZS, which utilizes the dynamic light scattering method. This method allows us to
measure particle sizes ranging from 0.3 nm to 1 um with an accuracy of +0.1 nm. The device
works by detecting changes in the intensity of light as it is scattered by the particles in the solution,
which constantly undergo Brownian motion. By recording these intensity changes over time, we
can obtain information about the movement of the particles on a time scale and plot a particle size
profile. We repeat each measurement three times at ambient conditions and report the mean value.
We compare the PSD of different surfactant solutions to the pore-throat size distribution of the

rock sample to assess the potential for pore-throat blockage.
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4.3.4 SEM Imaging: We use SEM imaging to study surfactant adsorption on the surface of
the rock sample. We use a Field Emission Scanning Electron Microscope (FE-SEM) to examine
the surface topography of the rock sample. Prior to the analysis, the rock sample is polished with
a grinder, a polisher, and sandpapers with Grades P400, P800, P1200, and P2400 in sequence to
get a smooth surface. After polishing, the sample is ion milled to further reduce the surface
roughness. Then, the sample is coated with gold to eliminate the charging effects using a sputter
coater. Once these steps are complete, the sample is ready for SEM imaging. As a reference, we
use a clean rock sample and compare the images to those of a rock sample in contact with a

surfactant solution.

4.3.5 Critical Micelle Concentration (CMC) Measurement: According to [UPAC,
the critical micelle concentration (CMC) is the surfactant concentration at which micelles form
and any additional surfactants will not alter the properties of the solution, but will simply create
more micelles (Hu et al. 2010). The CMC can be determined from a plot of surface tension versus
surfactant concentration, and it represents a point where an increase in surfactant concentration
does not affect the surface tension. There are various methods for measuring CMC, including
tensiometry, conductivity, spectrophotometry, and fluorometry (Khan et al. 2020). In this study,
we use the surface tension method (Belhaj et al. 2021), which involves measuring the forces
exerted on a platinum probe placed at the liquid surface. The probe is connected to a highly
sensitive balance, and the liquid surface is brought into contact with the probe. The force measured
by the balance as the probe interacts with the liquid surface can be used to calculate the surface
tension. Each surface tension measurement is repeated six times for each sample, and the average

value is reported.

4.3.6 Surfactant Adsorption Test: We conduct static adsorption tests to assess the
adsorption behavior of surfactant mixtures on rock surfaces (Zeng et al. 2020; Yekeen et al. 2019;
Xu et al. 2018). The rock sample is first crushed and sieved using a 140 mesh sieve (125 um). The
resulting rock powder is mixed with DI water at a 1:20 ratio and stirred for 1 day to fully hydrate
the rock particles. The surfactant sample is then added to the mixture at a concentration of 1 gpt
and stirred for additional 2 days to allow the surfactant particles to interact with the rock powder.
After two days, the mixture is filtered to prepare it for the surfactant concentration measurement.

The concentration of surfactant after mixing is compared with that before performing the
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adsorption test to measure the amount of surfactant loss due to adsorption. The amount of

surfactant adsorption per unit weight of rock powder can be calculated by (Belhaj et al. 2022):

r(™9/,) = [co(™9/,) - 1\3((;9 [Dlven) @1

Here, T represents surfactant adsorption, C, is the initial surfactant concentration, C is the final
surfactant concentration, V is the sample volume, and M is the mass of crushed rock. A force
tensiometer is used to measures the surface tension of the filtered mixture. To determine the
surfactant concentration in the filtered mixture, a calibration curve is created by plotting the
solution surface tension versus known surfactant concentrations. The surface tension of the
surfactant solution after the adsorption test is then compared to this curve to obtain surfactant

concentration.

4.3.7 Core Plug Preparation: The following procedure is carried out on a core plug in order

to prepare it for flooding experiments and ensure that the mineralogy and petrophysical properties

of the rock do not affect the results.

1. Clean the rock sample using a polar (methanol) and a non-polar (toluene) solvent to remove
all the residual fluids inside the sample (McPhee et al. 2015). Since the organic matter and
expandable clay content of the rock sample are negligible, the cleaning procedure does not

induce damage to the structure of the porous medium.

2. Put the plug inside an oven at 90°C for 2-5 days. Monitor the plug’s weight with time to

ensure it is completely dry.

3. Mount the plug into a core holder, vacuum it for one day, and then inject brine to saturate
it. Keep the plug under 1100 psi pore pressure for two days while the confining pressure is
1800 psi. Then, inject approximately two pore volumes (PV) of brine to ensure the plug is

fully saturated with brine.
4. Weigh the saturated plug and compare it with the dry weight to calculate the pore volume.

5. Inject 4-5 PV of oil at a constant flowrate (Q) of 0.06 cc/hr to displace the brine out of the

plug and reach irreducible water saturation (Swi-). We assume the plug is at Sy when no
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more brine is produced and the injection pressure profile is stable. The established Sy 1s

considered initial water saturation (Sy;) for the next tests.

6. Keep the oil-saturated plug at 1100 psi pore pressure in the coreholder for one week for

aging.

When a plug with Sy; = 0 is needed for a test, we use oil instead of brine in step 3 for saturation

and skip step 5 as it is unnecessary.

4.3.8 Liquid Permeability Measurement Before Leak-off Test: After preparing the
core plug, we measure its £z using a modified coreflooding system and method described in our
previous paper (Yousefi and Dehghanpour 2022). This method allows us to measure k; of tight
rocks much faster than the conventional methods. We inject oil at four different flowrates (0.06,
0.09, 0.12, and 0.15 cc/hr) and wait for the injection pressure to become stable before moving on
to the next flow rate. The outlet port is open to the atmosphere, so the injection pressure reflects
the pressure drop (4P) across the plug sample. After injecting oil at the highest O (0.15 cc/hr), we
repeat the process at the same flow rates to test for repeatability of the pressure readings at each
Q. The kz value is calculated using the Darcy equation and the slope of a straight line fit to the plot
of Q vs. 4P.

4.3.8.1 uncertainty analysis: To determine the uncertainty of a measured parameter F(Xj, ..., X»)

which is a function of independent variables X3, ..., X,, a standard uncertainty, U(F), is used

[ 0F
vr(R) =) |(55) w0 (42)
i | \OX;
i=1
where u(X;) is the standard uncertainty of variable X:
WA(X) = — =+ ud () (43)

s2(X;) is the variance (square of standard deviation) of X;, N is the number of measurements of X,
and u,(X;) is the standard uncertainty of X; due to the measurement system. Standard deviation

itself is expressed as:
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1 < _
s2(X;) = mZ(Xij - Xz)z (4-4)
=1

Here, X is the value of each of the N measurements and X; is the mean value of the N measurements

(Bodaghia et al. 2014).

Using the Darcy equation and Eq. 4-2, the combined standard uncertainty of permeability can be

written as:
e (4-5)
+(55) w@

For variables obtained by single measurements, their variances do not exist, so the standard
uncertainty is determined only by the uncertainty due to the measurement system used. Thus Eq.

4-3 can be recast as

u?(X;) = ug(X;) (4-6)
To calculate the uncertainty in permeability, we must determine each term of Eq. 5. We use a
Chemix pump with a flowrate accuracy of 0.35% of the reading value. For pressure reading, we
use a sensor with 0.1% of full scale (340 bar) reading accuracy. Length and Diameter
measurements are done using a caliper with an accuracy of 0.01 cm. The viscosity measurement

is done using a Brookfield viscometer with an accuracy of 0.02cp. Taking a derivative of k with

. . ok ok
respect to each parameter while the other ones are constant results in (—) =4 ( ) =

ag) — aap’ \au) ~ anp’
ok _ Qu 6_k _ __ou a_k _ _ 2x4xQul
(a_L) T AAP (aAP) T A@P)? and (aD) = mAP(D)3? So,
2 2 2 2
0 = (£55) +(3552) +(as) * 0027 + (35) * @01y
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Dividing both sides by k? gives
2 2 2 2 2 2
U(k 0.35 0.02 0.01 0.1 2 *0.01
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Uk . o -
% shows the relative error of the measured permeability. For our permeability measurement

experiments, we use an oil sample with a viscosity of 5.65 cp, a core plug sample with a length of
6.7 cm, and a diameter of 3.8 cm. So, the relative error is % = 0.0185. In other words, the

accuracy of permeability measurement is approximately 2% of the reading value. For example, if

the calculated the value of permeability is 2 uD, the measurement accuracy is 0.04 uD.

4.3.9 Leak-off, soaking, and flowback tests: We develop and apply an experimental
protocol to simulate the leak-off, soaking, and flowback processes in the laboratory. Figure 4-4
shows a schematic of a hydro-fractured horizontal well. The magnified section in Figure 4-4 shows
the region next to the fracture face. The fracturing fluid (FF) leaks off into the matrix through the

fracture face.
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Figure 4-4: Schematic illustration of a hydro-fractured horizontal well (Yousefi et al. 2020).

During the flowback process, oil displaces the invaded fracturing fluid out of the rock matrix.

Some part of the fracturing fluid is trapped inside the matrix and forms a water-loaded zone. The
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oil relative permeability is reduced in this area which hinders the oil production from the well. The
use of surfactant solutions in fracturing fluids aims to remove this water blockage and to enhance
oil production during the flowback and post-flowback stages. To simulate these processes in the
laboratory, a plug sample is used with one side representing the fracture face through which the
fracturing fluid leaks off into the matrix. We inject 1 PV of the surfactant solution into the plug at
a constant Q of 0.06 cc/hr. Then, we close the outlet valve and soak the plug for one day at a
pressure equal to the final pressure value reached at the end of the leak-off process. This step
simulates the shut-in period in the field. Then, we inject oil at a constant Q of 0.06 cc/hr from the
other end of the plug to displace the leaked off fluid and simulate the flowback process. We

continue oil injection until no aqueous phase is produced and injection pressure becomes stable.

4.3.10 Liquid Permeability Measurement After Flowback Test: At the end of

flowback test, we have an oil-saturated plug at residual aqueous-phase saturation. We use a similar
method as described in section 3.8 to calculate & after the flowback process. We inject oil at four
different flowrates and measure the stabilized 4P at each Q. k¢ is calculated from the slope of the
straight line fit to the plot of Q vs. 4P using the Darcy equation. The obtained 4. in this stage is
referred to as regained 4z and will be compared to the 4z before the leak-off test to investigate the

effect of different surfactant solutions on permeability of the core plug.

4.4 Results and Discussion

In this section, we present the results of the tests conducted based on our proposed laboratory
protocol. We first present the results of IFT and CA measurements, and then, particle size
distribution (PSD) measurements for various surfactant solutions and compare them to the pore-
throat size distribution of the core plug to evaluate pore-throat blockage. We also present the
critical micelle concentration (CMC) measurement and adsorption test results for four selected
surfactant solutions and show scanning electron microscopy (SEM) images of the rock surface in
the presence of these solutions for qualitative assessment of surfactant adsorption. Finally, we
present the results of flooding experiments conducted through 9 defined tests to investigate the
effect of Swi, surfactant type and polarity, adsorption, IFT, and wettability on the pressure profile

during the leak-off and flowback processes, as well as their effect on regained permeability.
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4.4.1 IFT and Contact Angle Measurement: The results of IFT and CA measurements

for the oil and surfactant solutions are shown in Table 4-7. The SS- 5 and SS-2 surfactant solutions
with IFT values of 0.92 mN/m and 8.75 mN/m have the lowest and highest IFT wvalues,

respectively. The surfactants have been chosen in a way to cover a wide range of IFT values.

Table 4-7: IFT and CA measurement Results for oil and different surfactant solutions.

Tap
SS-1 SS-2 SS-3 SS-4 SS-5 SS-6 SS-7
Water
IFT 13 5.35 8.75 39 5.52 0.92 2.37 6.34
(mN/m) +0.35 +0.32 +0.13 +0.11 +0.36 +0.31 +0.02 +0.14
CA 115 45.5 98.1 72.7 82.9 124 53.1
+3.5 +4.2 +3.1 +2.5 +1.3 +0.6 +0.5

The CA of tap water-oil-rock system is around 115°, indicating that the rock, which has been aged
in oil, is preferentially oil wet when no chemical is used to alter its wettability. SS-6 surfactant
solution has no significant effect on CA. SS-1, SS-3, and SS-7 make the rock water wet, while SS-
2 and SS-4 make the rock neutral wet. The CA measurement of SS-5 solution was not successful
because the droplet of oil quickly spreads on the rock surface due to low IFT of SS-5 solution. The
chosen surfactants can create a wide range of wettability from oil wet to neutral wet to water wet

state.

4.4.2 Particle Size Distribution Measurement: Figure 4-5 illustrates the particle size
distribution for the structures formed inside different surfactant solutions, as well as the pore-throat
size distribution of the plug sample for comparison. These structures may include lamellar sheets,
vesicles, cylindrical micelles, spherical micelles, or reverse micelles (Massarweh and Abushaikha
2020; Cornwell 2018). The figure shows that, except for SS-7, the probability of formation damage
caused by blockage of the pore-throats by the structures inside the surfactant solutions is minimal,

as the structures are much smaller than the average pore-throat size.

However, the coreflooding results for SS-7 indicate that it may cause blockage of the pore throats
of the core sample during the leak-off stage due to the particles being approximately the same size
as the pore throats. Figure 4-6 shows the pressure profile measured during leak off the SS-7

solution. The leak off test was stopped after 1 day because of pore throat blockage and rapid
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pressure increase. The other surfactant solutions do not result in pore-throat blockage because the

structures inside the injected solution are much smaller than the pore throats.
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Figure 4-5: Particle size distribution of structures formed inside surfactant solutions compared to the pore-

throat size distribution of the rock sample.
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Figure 4-6: Pressure profile during leak-off process using SS-7. The test was stopped after 1 day because

of the rapid pressure increase.
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4.4.3 Critical Micelle Concentration Measurement and Surfactant Adsorption

Tests: The interaction between surfactant solution and the rock surface depends on the surfactant
charge and the type of minerals presented in the rock. Here, we test the effect of surfactant polarity
on adsorption on the surface of our rock sample by using different surfactants with varying
polarities. We choose SS-1 (anionic), SS-2 (slightly anionic), SS-3 (non-ionic), and SS-5 (non-
ionic) for adsorption tests. As discussed before, we use the surface tension measurement technique
to measure surfactant concentration inside a solution (Belhaj et al. 2021). We prepare solutions
with different concentrations of surfactant and measure the surface tension. From these
measurements, we create a calibration curve that shows the relationship between surface tension
and surfactant concentration. We find the CMC of the surfactant solution from that calibration
curve. The concentration after which the surface tension remains constant is the CMC of that
surfactant solution (Hu et al. 2010). Figure 4-7 depicts the calibration curve which shows the
change of surface tension with concentration of the four surfactant solutions. The CMC of SS-1 is

around 2 gpt while the CMC of SS-2, SS-3, and SS-5 are around 1gpt.
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Figure 4-7: Calibration curve which shows the surface tension vs. surfactant concentration to relating the
measured surface tension to the concentration of surfactant in the solution.

We perform the surfactant adsorption tests on these four surfactant solutions as described in section
4.3.6. After the adsorption test, we filter the solutions and measure their surface tension again. The

calibration curve in Figure 4-7 relates the measured surface tension to the concentration of
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remaining surfactant in the solution after adsorption. Table 4-8 lists the surface tension values of
the surfactant solutions before and after the adsorption tests. Using the concentration difference
from the calibration curve, we calculate the amount of adsorption (mg of surfactant per gr of rock
powder) for each surfactant. SS-3, a non-ionic surfactant, has the highest adsorption among the
tested surfactants, while SS-1, an anionic surfactant, has the lowest. The low adsorption of SS-1
may be due to the electrochemical repulsion between the hydrophilic head of the surfactant and
the negatively charged quartz minerals on the rock surface, which make up 40% of the rock
minerals (Liu et al. 2020). Non-ionic surfactants, on the other hand, do not have surface charges
and their adsorption is driven by van der Waals attraction and hydrogen bonds, which could explain

the high adsorption of SS-3 (Kamal et al. 2017).

Table 4-8: Surfactant adsorption test results for 4 different surfactant solutions.

Properties SS-1 SS-2 SS-3 SS-5

Surfactant Type Anionic | - glightly Anionic Non-ionic Non-ionic

Surface Tension before

. 32+0.8 40+0.3 31.5+0.3 30.5+1.7
Adsorption (mN/m)
Surface Tension after 24 5
+0.5 .1+0.1
Adsorption (mN/m) 32.9+0.4 31.7x0.6
Adsorption (mg/g) 4 43 5.5 4.5

4.4.4 SEM Imaging: We use SEM imaging to observe the surfactant adsorption on the rock
surface. We use 3 pieces of the rock sample and wash them with toluene and methanol. Then, we
dry them inside the oven at 90°C. One of the samples serves as a reference case representing the
clean rock surface, while the second and third samples are saturated with SS-1 and SS-3,
respectively. SS-1 shows the lowest surfactant adsorption and SS-3 shows the highest. After
saturation with surfactant solutions, the samples were dried in the oven again. Figure 4-8 shows
the surface of a rock at the same level of magnification in three different scenarios. Figure 4-8a
depicts a clean rock surface with no attached agglomerated structures. In contrast, Figure 4-8b

illustrates that certain areas of the rock surface are covered in white structures resulting from
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adsorption of SS-1 onto the rock surface. Lastly, Figure 4-8c displays the scenario with the greatest
amount of surfactant adsorption, where nearly the entire rock surface is covered with adsorbed

surfactant SS-3.
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Figure 4-8: SEM images of rock surface. a) clean surface of the rock as a reference case. b) low
adsorption of SS-1 on the rock surface. c) high adsorption of SS-3 on the rock surface.

4.4.5 Leak-off and Flowback Tests: In this study, we conduct 9 leak-off and flowback tests

using 7 different surfactant solutions at different S,; values to investigate the effect of S.i,
surfactant type and polarity, surfactant adsorption, IFT and wettability on regained permeability

after flowback. We also use tap water without any surfactant as the base case. To investigate the
effect of Swi, we prepare the core plugs either with no Sy; or with Sy; = 30%. The later Sy is

established after injecting 3 to 5 PV of oil into the brine-saturated sample. It should be noted that
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the observed results are for tests on our core plug sample with the mineralogy shown in Table 4-
5. If a different rock sample is used for tests, different results might be obtained. The results
observed are also limited to the surfactants used in this study and can not be generalized for other

surfactants.

4.4.5.1 Effect of Initial Water Saturation: In this part, we examine the impact of Swi on the
regained permeability by comparing the results of flooding experiments using tap water at two

different initial water saturations. The workflow of the tests is shown in Figure 4-3.

4.4.5.1.1 Test 1, tap water as leak-off fluid, S,; = 0: After cleaning and drying the core sample,
we saturate it with oil and measure the oil permeability of the fully saturated plug. Figure 4-9
shows the result of permeability measurement at 4 different flowrates using the dead oil sample.
We use the slope of the straight line in the graph of Q vs. 4P, oil viscosity, and the plug dimensions
to calculate the absolute permeability of the plug. Based on the Darcy equation, the permeability
of plug 1 is £ = 3.2 uD. After initial permeability measurement, we inject 1 PV of tap water as the
leak-off fluid. Then, we soak the plug at high pressure for one day. After that, we inject the oil
from the other side of the plug to simulate the flowback process. Figure 4-10 shows the pressure

profile during the leak-off, soaking, and flowback processes for plug 1.
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Figure 4-9: Initial permeability measurement of the plug for Test 1 using oil at Sy; = 0.

During the leak-off and flowback periods, the mobility of two phases decreases since two phases
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flow alongside inside the core plug. Therefore, to maintain a constant flowrate, the injection
pressure must increase. In test 1, the observed hump in pressure is bigger in flowback period
compared to the one in leak-off stage. The contact-angle value (C4 = 115°) indicates that the rock
is oil-wet, because during the preparation stage, the plug was saturated with oil and aged for 1
week at a relatively high pore pressure (P = 1200 psi). Wettability dictates the pore-scale fluid
distribution. The wetting phase occupies small pores and coats the surface of the grains, while the
nonwetting phase occupies larger pores and is located at the center of the pores (Peters 2000).
Therefore, the oil phase, which is the wetting phase, preferentially occupies smaller pores and
covers the surface of the rock. During the leak off process, tap water, which is the nonwetting
phase, occupies relatively larger pores. During the flowback process, the injected oil flows through
smaller pores, which require a higher entry pressure. Some part of the tap water becomes also
trapped in large pores through the snap-off mechanism, which reduces the oil permeability. As a

result, the injection pressure increases to maintain the constant injection flowrate of the oil.
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Figure 4-10: The pressure profiles measured during leak off, soaking, and flowback processes for Tests 1
and 2.

At the end of the flowback period, when the pressure becomes stable, we measure the permeability

of the rock sample again. The regained permeability for this test is 2.5 uD. To compare the regained
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ki with the initial ki, we introduce a regained permeability index as:

_ regained k;, (4-9)

¥~ initial k;,

For test 1, Ix = 0.78, which shows a reduction of 22% in permeability. The main cause of the
permeability reduction is the increase in water saturation in the rock due to water trapping. Initially,
the plug has no Svi, but after flowback, Swirris around 30%. The increase in Sy reduces the effective
permeability to the oil phase.
4.4.5.1.2 Test 2, tap water as leak-off fluid, S\i = 30%: For Test 2, the preparation steps for the
plug are slightly different from those for Test 1. After cleaning and drying the plug, we saturate it
with brine and age it under pressure for 1 week. We then inject oil at a constant flowrate of O =

0.06 cc/hr to displace the brine out of the plug. The injection is stopped when the pressure

stabilizes, and S reaches its irreducible value of Sy = 30%.

Now, we measure the permeability with oil at Swi, as we did in Test 1. The permeability before the
leak-off process for plug 1 is 2.2 uD. We then use tap water as the leak-off fluid and inject 1 PV
of it into the plug at a constant flowrate of Q = 0.06 cc/hr, followed by soaking the sample at the
pore pressure reached at the end of leak-off period for one day. After soaking, we inject oil from
the other end of the plug to displace the water. Figure 4-10 shows the pressure profile during the
leak off, soaking, and flowback processes for Test 2. In test 2, the plug is initially saturated with
brine and aged at 1200 psi for 1 week. The contact angle value (CA4 = 105°) suggests that the rock
is close to neutral wet when the core plug is initially saturated with brine. Since the wettability
affects the pore-scale fluid distribution, the irreducible water will cover the rock surface. During
the leak-off process, the water is injected into the core plug at a constant flowrate. The water phase
may occupy parts of the pore-network with high surface to volume ratio such as the continuous
path of water film on the rock surface and smaller pores. On the other hand, the water flows at a
higher saturation compared to Test 1, which means a higher water relative permeability and a lower
injection pressure. These two factors mask each other’s effect in a way that the injection pressure
is just slightly higher at breakthrough time and drops after that due to higher water saturation.
During the flowback, oil is injected at a constant flowrate. The measured wettability condition
suggests that oil flows through parts of the pore network with relatively lower surface to volume
ratio like larger pores. Therefore, the hump in the pressure profile during the flowback is smaller

than the hump observed in Test 1.
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At the end of the flowback period when pressure becomes stable, we measure the permeability of
the rock sample once more. The regained permeability for this test is 7.9 uD. Comparing the
regained k; with the initial &z shows I = 0.86 which means a reduction of 14% in permeability.
When we compare the leak-off periods of Tests 1 and 2, we see that the leak-off fluid has a faster

breakthrough in Test 2 because there is already an irreducible water saturation inside the plug.

4.4.5.2 Effect of Surfactant Polarity: In this part, we examine the impact of surfactant polarity
on the regained permeability by comparing the results of flooding experiments using an anionic
(SS-1), a slightly anionic (SS-2), and a non-ionic (SS-3) surfactant as leak-off fluids. We do not
include the cationic and zwitterionic surfactants in our analysis due to their limited applications
for EOR purposes. For Test 3, we use an anionic surfactant to be injected during the leak-off
period. The permeability before leak-off test is 2.6 uD which decreases to 2.1 uD after the
flowback process (Ix = 0.81). Anionic surfactants have negatively charged hydrophilic heads.
Generally, they are used in sandstone reservoirs where the rock surface is negatively charged. The
methodology for all the upcoming tests is similar to that for Test 2. The only difference is the type
of leak-off fluid. For Test 4, we use a surfactant with a weaker surface charge to compare it with
Test 3 to investigate the effect of surface charge density. Here, we use SS-2 which is a slightly
anionic surfactant. The initial permeability before leak-off stage is 2.6 uD which increases to 2.6
uD after flowback (Ix = 1). For Test 5, we use a non-ionic surfactant (SS-3) to be injected during
leak-off period. The permeability changes from 2.6 uD before the leak off period to 2.6 puD after
the flowback process (Ix = 1).

Figure 4-11 shows the pressure profile during the leak of, soaking, and flowback processes for
Tests 3, 4, and 5. The SS-1 reduces the IFT to 5.35 mN/m and makes the rock water wet with
contact angle of 45°. Comparing the pressure profile during flowback period with that of test 2
shows a smaller hump when SS-1 is used. It could be due to IFT reduction and wettability alteration
toward water-wet condition. SS-2 reduces the IFT to 8.75 mN/m and alters the wettability toward
neutral wet (CA = 98°). SS-2 has the lowest adsorption, slightly less than that of SS-1 (4 mg/gr for
SS-2 vs. 4.3 mg/gr for SS-1). The interesting observation is that the regained permeability does
not decrease after the flowback process. We do not observe a hump in pressure profile during
flowback and pressure decreases with time as oil displaces the leak-off fluid out of the core plug.

SS-3 has the highest adsorption value (5.5 mg/gr). It reduces the IFT value to 3.9 mN/m and
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changes the wettability toward water-wet conditions (CA = 73°). Although we observe a hump in
the pressure profile, which might suggest the water blockage, the regained permeability after the
flowback process is bigger than that before the leak-off. Reducing IFT to lower values is
responsible for reducing the capillary pressure and better displacement of water out of the core
plug during the flowback process. The results suggest that surfactant adsorption does not have a

detrimental effect on regained permeability.

Comparison of the pressure profiles for Tests 3, 4, and 5 suggests that surface charges of the
surfactants have a negative effect on the regained permeability. The case with the least
permeability damage after flowback is the one with non-ionic surfactant whereas the worst one is

Test 3 with anionic surfactant used as the leak-off fluid.
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Figure 4-11: The pressure profile during the LO, soaking, and FB processes for Tests 3, 4, and 5. An
anionic, slightly anionic, and a non-ionic surfactant are used for Tests 3, 4, and 5, respectively.

4.4.5.3 Effect of Surfactant Adsorption: In this part, we examine the impact of surfactant
adsorption on the regained permeability. We conduct the surfactant adsorption test on three
surfactant solutions of SS-1, SS-2, and SS-3 using the methodology discussed in section 4.3.6. SS-

3 which is a non-ionic surfactant has the highest adsorption value of 5.5 mg/gr. SS-1 which is an
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anionic surfactant has an adsorption value of 4.3 mg/gr compared to the 4 mg/gr of SS-2 surfactant
solution. Figure 4-11 shows the pressure profile during leak-off, soaking, and flowback for these
three surfactant solutions. The results suggest negligible effects of surfactant adsorption on

regained permeability.
4.4.5.4 Effect of Interfacial Tension and Contact Angle: In this part, we present Tests 6, 7, and

8 using SS-4, SS-5, and SS-6 respectively.

4.4.5.4.1 Test 6, SS-4 as the leak-off fluid, S\ = 30%: For the Test 6 we use a non-ionic surfactant
as the leak-off fluid. Figure 4-12 shows the pressure profile during leak-off, soaking, and flowback
for Test 6.
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Figure 4-12: The measured pressure profile during leak-off, soaking, and flowback processes for Test 6.

SS-4 reduces the IFT value to 5.5 mN/m and changes the wettability toward neutral-wet conditions
(CA = 83°). The regained permeability after flowback is equal to the permeability before leak-off
stage (k = 2.6 uD). The hump in pressure profile during the flowback process is smaller than that

during the leak off process.

4.4.5.4.2 Test 7, SS-5 as the leak-off fluid, S\i = 30%: For the Test 7, we use another anionic
surfactant (SS-5) for the leak-off period. SS-5 reduces the IFT to a very low value (IFT = 0.92
mN/m). Since the IFT is very low, the small oil droplets quickly spread on the rock surface, making

the contact angle measurement unsuccessful. The adsorption value is also moderate (4.5 mg/gr).
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Figure 4-13 shows the pressure profile measured during leak off, soaking, and flowback of Test
7. Low IFT is responsible for very small observed hump in the pressure profile during the flowback
process. The regained permeability after flowback is equal to that before the leak-off stage (k =
2.6 uD).
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Figure 4-13: The measured pressure profile during leak off, soaking, and flowback processes for Test 7.

4.4.5.4.3 Test 8, SS-6 as leak off fluid, Swi = 30%: For the Test 8 we use another anionic surfactant
(SS-6) to be injected during leak off period. SS-6 reduces the IFT to 2.37 mN/m and changes the
wettability toward oil wet (CA = 124°). Figure 4-14 shows the pressure profile during leak off,
soaking, and flowback for Test 8. The permeability decreases from 2.7 uD before leak-off to 2.4

uD after flowback. The pressure hump observed during flowback is bigger than that during leak
off.

Surfactant solution SS-2, SS-3, and SS-4 changed the wettability towards neutral wet state. These
surfactant solutions do not cause any reduction on regained permeability. On the other hand, SS-1
solution changed wettability toward water-wet state and SS-6 changed the wettability toward oil-

wet state. Both of these surfactant solutions decreased the regained permeability. The effect of IFT

75



Chapter 5: Conclusions and Recommendations

on regained permeability is not straightforward to observe. For example, SS-4 with IFT = 5.52

mN/m and SS-5 with IFT = 0.92 mN/m have not reduced the regained permeability after flowback.
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Figure 4-14: Pressure profile during leak off, soaking, and flowback processes for Test 8.

The effects of IFT and CA can be combined in the dimensionless capillary number (N¢.) as shown

in Eq. 10.

uv

Ny = ———
€ og.cos(CA)

(4-10)

Table 4-9 shows the calculated N, and regained permeability index (/) for Tests 3 to 8 where 7

different surfactant solutions are used for injection into the core sample.

Table 4-9: Calculated N.. and I for Tests 3 to 8 using SS-1 to 6.

Surfactant SS-1 SS-2 SS-3 SS-4 SS-5 SS-6
Solution
N4 0.44x10% | 1.28x10% | 1.37x10® | 2.26x10® | 1.71x10® | 1.23x103
I 0.81 1 1 1 1 0.92
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Using the N¢a combines the effects of IFT and CA that shows a clear trend between Nc, and Ik. At
Nca > 1.23x10%, No damage to the permeability of the rock sample is observed while at Nca <

1.23x10%, the smaller the N¢,, the higher the magnitude of the permeability damage.

4.5 Summary

In this study, we developed and applied a comprehensive laboratory protocol on a core plug from
the Montney Formation for screening surfactant solutions used in hydraulic fracturing operations.
In this protocol, we simulate leak-off and flowback processes under reservoir pressure and
saturation conditions. First, we investigated the effects of initial water saturation (Swi) on water
blockage and phase trapping. Then, we investigate the effect of surfactant polarity, surfactant
adsorption, IFT, and contact angle on regained permeability after the flowback process. We used
7 different surfactant solutions as the leak-off fluids and compared the regained permeability after
the flowback process with the permeability before the leak-off process to investigate each
surfactant solution’s effectiveness on removing water blockage. We also used tap water for the
leak-off process as the reference case for comparative analysis. We also measured the mean size
of structures formed in the surfactant solutions and compared it with the pore-throat size
distribution of the plug to investigate the possibility of pore-throat blockage. Here is the summary
of the key findings:

e Mean size of particles formed in all the surfactant solutions except SS-7 are less than 100
nm. Analyzing the pore-throat size distribution of the plug from MICP test shows that more
than 90% of pore throats are bigger than the size of formed structures inside the surfactant
solutions. So, there is minimal chance of pore-throat blockage by adding those surfactant
solutions in water. SS-7 with bigger particles, plugged the core sample during leak-off
process and caused a rapid pressure increase, leading to the test failure. Therefore, particle
size of surfactants should be compared to the pore throat sizes available as a screening
criterion to omit the surfactants that have a higher chance of plugging. This is an important
step that should be done before any other experiments.

e All the non-ionic surfactants (SS-3, SS-4, SS-5) and even the slightly anionic surfactant
(SS-2) led to minimum permeability damage. The regained permeabilities for those
surfactants were equal to the initial permeability before the leak-off stage. On the other

hand, all the anionic surfactants (SS-1, SS-6, SS-7) caused damage and reduced the
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regained permeability. So, the type of the surfactant used in the fracturing fluid can
Significantly affect on the regained permeability. It should be noted that, the observed
results are for the core plug with reported mineralogy in the text. Other rock samples may
show different results using similar surfactant solutions. The effect of different surfactant
types with different polarities should be investigated using flooding experiments as a
screening step for choosing proper surfactant solutions for a specific rock type.

e The selected non-ionic surfactants showed higher surfactant adsorptions while they did not
decrease the regained permeability. Surfactant adsorption for investigated surfactant
solutions on the specific rock sample in this study showed that surfactant adsorption was
not detrimental to the surfactant’s functionality.

e The effect of IFT on regained permeability was not straightforward. The effect of IFT
should be seen in conjunction with other aspects of the surfactants. For example, SS-6
reduced the IFT to 2.39 mN/m, much lower than the IFT of SS-2, but its regained
permeability index was smaller since it changed the wettability toward the oil-wet state.

e The non-ionic surfactants (SS-3 and SS-4) and also the slightly anionic surfactant (SS-2)
changed the wettability toward neutral-wet conditions. These surfactants exhibited
minimum damage with maximum regained permeability index. It suggests that surfactants
that change the wettability towards neutral-wet conditions have higher regained
permeability index.

e Combining the effect of IFT and wettability in dimensionless parameter of N¢, shows that
for Nea > 1.23x10®, the regained permeability index is equal to one, which means no
damage to the permeability. Below that threshold, the smaller the Nc,, the smaller the
regained permeability index, which means more damage to the permeability.

e In Test 1 with Swi = 0, regain permeability dropped 22% compared to the initial
permeability while in Test 2 with Sy; = 0.3, regained permeability dropped 14% compared
to its initial value. We used tap water as the leak off fluid for the two tests. If a reservoir is
at sub-irreducible water saturation conditions, the surfactant solutions may reduce the
regain permeability because of an increase in water saturation inside the rock after leak-off
and flowback processes. Therefore, when screening tests are done on a surfactant solution

for a specific reservoir, the initial water saturation should be considered in the test design.
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Chapter 5
Conclusions and Recommendations

In this thesis, we develop new methods for tight rock characterizations. We used them to study
single-phase and two-phase flow through tight rocks with the aim of permeability and relative
permeability determination. After that we proposed a comprehensive experimental protocol to
mimic leak-off and flowback processes during hydraulic fracturing. This protocol can be used to

screen different chemical additives in the fracturing fluid.

In chapter 2, we used the diffusivity equation to explain why the steady-state method of

permeability measurement is time consuming for low-permeability media. We altered the influx

boundary condition to model the measured pressure data during permeability measurement of a

tight rock sample with error of less than 5%. Based on the model results, we modified the

conventional coreflooding device to reduce the time of permeability measurement of tight rock

samples. The modified device is used to measure the permeability of a tight rock sample and the

model can match the measured data with a very good accuracy. Here is the summary of the key

findings:

e A new semi-analytical solution for diffusivity equation is presented which accounts for

logarithmic pressure profile as initial condition, storage effect, pressure dependency of

permeability, and high-pressure drawdown values in case of experiments done on low-

permeability porous media.

e A device for permeability measurement of tight rocks is designed by modifying conventional

coreflooding apparatus. The tests conducted using the modified device confirm the modeling

results and shows a considerable decrease in time of experiments.

e The main reason that makes the steady-state method time consuming is the accumulator

“storage effect”. When injection pressure increases (or decreases) with time, compaction (or

expansion) of the fluid inside the accumulator induces an excess flowrate that causes the influx

flowrate into the plug to be lower (or higher) than the pump-induced flowrate. It takes some

time for the influx flowrate to become equal to the pump-induced flowrate.

e When dealing with low-permeability tight rocks, the compressibility-induced flowrate could

be in the order of pump flowrate and cannot be neglected.
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e Ignoring the pressure dependency of the rock permeability does not result in significant errors

in the model while making the model much simpler.

¢ In the modified coreflooding device, reduction of accumulator volume from 500 cc to

around 10 cc causes a fiftyfold decrease in the time required for steady state establishment.

In chapter 3, we presented a simple mathematical technique based on frontal advanced theory to
model the pressure profile during a two-phase immiscible displacement in a tight porous medium.
Combining this technique with the pressure profile measured during the displacement process and
considering some simplifying assumptions, we measured the & values for the two phases. We used
the measured &, values to tune the parameters of the modified Brooks and Corey (MBC) relative
permeability model. We performed waterflooding and leak-off/flowback experiments on tight rock
samples to verify and show the application of the proposed method. We used the tuned MBC £
model to predict the observed pressure profile after breakthrough during a waterflooding
experiment. Comparing the modeled and measured pressure profiles shows a mean absolute
percentage error (MAPE) of less than 3%. At the end, we investigated the shape of the pressure
profile during an immiscible displacement from flow-work point of view. The effect of S,; and
IF'T on the amount of work needed during the displacement process was discussed. Here is the list

of conclusions:

e In the JBN method, the pressure drop during the immiscible displacement is calculated
using an integral term in which the change of k- with S, is considered. We proposed a
simplifying assumption to calculate the pressure drop using k. values at S,, behind each
saturation front before its breakthrough. Using this assumption makes the pressure drop
calculation much easier by introducing just 2% and 6% errors when the mobility ratio is 1

and 10, respectively.

e The proposed model for pressure drop explains the observed hump in the pressure profile
during a two-phase immiscible displacement process. Any factor that disturbs the stability
of the front, will cause a deviation from piston-like displacement, and hence, will cause a

bigger hump in the pressure profile.

e We assume that the minimum point on the total mobility (M,+M,,) curve coincides with

the point of intersection between the M, and M, curves. The error associated with this
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assumption is less than 10% for the example mentioned in the manuscript. The more
symmetric the mobility curves are, the less the error associated with this assumption is.
This assumption enables us to determine k- values for both oil and water phases from a

measured pressure profile during an immiscible displacement process.

e We conducted a waterflooding experiment on a tight rock sample, used the P of the
pressure profile to calculate &, values for oil and water, and used those values to tune the
MBC k- model. We used the tuned model to predict the pressure profile after the water
breakthrough. The mean absolute percentage error (MAPE) between modeled and

measured pressure data is less than 3%.

e We proposed a new explanation for the shape of the pressure profile from flow-work
perspective. A bigger hump in the pressure profile suggests more work is required for the
displacement process. We used the measured data of leak-off and flowback tests done on
a low-permeability tight plug for this analysis. A bigger pressure hump in our tests
corresponds to a lower production rate for a well that produces under constant bottomhole
pressure. Therefore, factors such as high mobility ratio, high capillary force, high IFT, and
a higher degree of rock heterogeneity causing a bigger hump, will cause a lower production

flowrate for the well.

e Using the flow-work concept, a new explanation was presented regarding the effect of IFT

reduction on water blockage removal.

In Chapter 4, we developed and applied a comprehensive laboratory protocol on a core plug from
the Montney Formation for screening surfactant solutions used in hydraulic fracturing operations.
In this protocol, we simulate leak-off and flowback processes under reservoir pressure and
saturation conditions. First, we investigated the effects of initial water saturation (Swi) on water
blockage and phase trapping. Then, we investigate the effect of surfactant polarity, surfactant
adsorption, IFT, and contact angle on regained permeability after the flowback process. We used
7 different surfactant solutions as the leak-off fluids and compared the regained permeability after
the flowback process with the permeability before the leak-off process to investigate each
surfactant solution’s effectiveness on removing water blockage. We also used tap water for the

leak-off process as the reference case for comparative analysis. We also measured the mean size
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of structures formed in the surfactant solutions and compared it with the pore-throat size

distribution of the plug to investigate the possibility of pore-throat blockage. Here is the summary

of the key findings:

Mean size of particles formed in all the surfactant solutions except SS-7 are less than 100
nm. Analyzing the pore-throat size distribution of the plug from MICP test shows that more
than 90% of pore throats are bigger than the size of formed structures inside the surfactant
solutions. So, there is minimal chance of pore-throat blockage by adding those surfactant
solutions in water. SS-7 with bigger particles, plugged the core sample during leak-off
process and caused a rapid pressure increase, leading to the test failure. Therefore, particle
size of surfactants should be compared to the pore throat sizes available as a screening
criterion to omit the surfactants that have a higher chance of plugging. This is an important
step that should be done before any other experiments.

All the non-ionic surfactants (SS-3, SS-4, SS-5) and even the slightly anionic surfactant
(SS-2) led to minimum permeability damage. The regained permeabilities for those
surfactants were equal to the initial permeability before the leak-off stage. On the other
hand, all the anionic surfactants (SS-1, SS-6, SS-7) caused damage and reduced the
regained permeability. So, the type of the surfactant used in the fracturing fluid can
Significantly affect on the regained permeability. It should be noted that, the observed
results are for the core plug with reported mineralogy in the text. Other rock samples may
show different results using similar surfactant solutions. The effect of different surfactant
types with different polarities should be investigated using flooding experiments as a
screening step for choosing proper surfactant solutions for a specific rock type.

The selected non-ionic surfactants showed higher surfactant adsorptions while they did not
decrease the regained permeability. Surfactant adsorption for investigated surfactant
solutions on the specific rock sample in this study showed that surfactant adsorption was
not detrimental to the surfactant’s functionality.

The effect of IFT on regained permeability was not straightforward. The effect of IFT
should be seen in conjunction with other aspects of the surfactants. For example, SS-6
reduced the IFT to 2.39 mN/m, much lower than the IFT of SS-2, but its regained

permeability index was smaller since it changed the wettability toward the oil-wet state.
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The non-ionic surfactants (SS-3 and SS-4) and also the slightly anionic surfactant (SS-2)
changed the wettability toward neutral-wet conditions. These surfactants exhibited
minimum damage with maximum regained permeability index. It suggests that surfactants
that change the wettability towards neutral-wet conditions have higher regained
permeability index.

Combining the effect of IFT and wettability in dimensionless parameter of N¢. shows that
for Nea > 1.23x10®, the regained permeability index is equal to one, which means no
damage to the permeability. Below that threshold, the smaller the Nc,, the smaller the
regained permeability index, which means more damage to the permeability.

In Test 1 with Swi = 0, regain permeability dropped 22% compared to the initial
permeability while in Test 2 with Sy = 0.3, regained permeability dropped 14% compared
to its initial value. We used tap water as the leak off fluid for the two tests. If a reservoir is
at sub-irreducible water saturation conditions, the surfactant solutions may reduce the
regain permeability because of an increase in water saturation inside the rock after leak-off
and flowback processes. Therefore, when screening tests are done on a surfactant solution

for a specific reservoir, the initial water saturation should be considered in the test design.
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Appendix A: Derivation of General Diffusivity Equation with Pseudo-Compressibility Term

Appendix A
Derivation of General Diffusivity Equation
with Pseudo-Compressibility Term

Consider linear flow of a slightly compressible flow through a porous medium. The continuity

equation can be written as:

) B
p (pp) = — - (V) et e (A-1)

Where ¢ is the porosity of the medium, p is the density of the fluid, and v is the fluid velocity.

For a slightly compressible fluid, we assume compressibility is constant with pressure and can be

written as:
10p
et PP A-2
p op (A-2)
The rock compressibility can also be written as :
19 -
g G (A-3)
For the fluid velocity we can use Darcy equation:
_kap -
R R T L T P TP PR TP PP PRI TP PP PRI RPRPIROS (A-4)
Substitute Eq. A-4 into Eq. A-1:
9 =9 (,kop -
o (pop) = o (p " ax) ..................................................................................... (A-5)
Applying chain rule with the assumption of constant viscosity (i) will result in:
% , 9@ _pko®p , 10p( ok | Op
o +por =00 udx( T K)o (A-6)
Combining Eq. A-2, Eq. A-3, and Eq. A-6 we will get:
p . (%P)* | 1(K) (2R _ pelcter) (9p
Py () 4 (%) (Z) SR () (A7
Applying chain rule for the term % (%) (Z—z) we have:

(2 (2) = 2(2) (D) (L) = 2(Z) (B) oo (A-8)

Combining Eq. A-7 and Eq. A-8 we have:

T2 ye (g—i)z = BOLEE (0B e (A-9)
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Appendix A: Derivation of General Diffusivity Equation with Pseudo-Compressibility Term

Where ¢ = c + %(%)
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Appendix B: Solution of General Diffusivity Equation with Conventional Boundary Conditions

Appendix B
Solution of General Diffusivity Equation
with Conventional Boundary Conditions

Figure B-1 shows a schematic of a plug with initial and boundary conditions to be modeled for 1-
D flow. Since this equation is going to be solved after several rate changes and after each rate
change we have to wait for the stabilization, we consider steady state flow is stablished along the
plug as initial condition which creates a logarithmic pressure profile along the rock sample (as will
be explained in appendix C). A constant flowrate of q is injected into the plug from the face at x =
L. The outlet face, which is at x = 0, has atmospheric pressure. Eq. B-1 is solved with stated initial

and boundary conditions.

Pt:anx+b(Px)2 P;g("-ut):ﬂ
P(U,t)=0 1 x—L+w — =
P(x,0) ==In —1]
¢ —L+w;
x=0 x=L

Figure B-1: One-dimensional model of diffusivity equation with initial and boundary conditions.

Py = APy A DB e, (B-1)

k kc
Here,a=— ,b=—
> pcog ’ uco

To simplify the equation, we substitute P(x,t) = %ln [H(x,t)]|.

The initial and boundary conditions change as:

-L KA . C
I.C.: H(x,0) = X—L:Vtvl where wy = e here, q; is the flowrate at which initial steady state was
“Ltw, :

1

stablished.
B.C.1: H(0,t) =1
B.C.2: HX|X=L = WzHlsz
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Appendix B: Solution of General Diffusivity Equation with Conventional Boundary Conditions

Where w, = A=
KA
Then we substitute U(x,t) = H(x,t) — X_LL:V‘;Vl to simplify initial and boundary condition 1.
- 1
U = AU e, (B-3)

I.C.:U(x,0) =0
B.C.1: U(0,t) =0
B.C.2: Ux|x=L = W2U|X=L T Wy

W1W2—1

Where w, = o
- 1

Now, we take Laplace from Eq. B-3 and its initial and boundary conditions.

~ S ~
Dot = 20 = 0, (B-4)

I.C.:U(x,0)=0
B.C.1: U(0,S) =0
B.C.2: Uyl|yep, = W, Ulyep + %

The general solution of ordinary differential equation of Eq. B-4 is in the form of:

U(x,S) = Ae\EX + Be_\/gx

................................................................................ (B-5)
Applying initial or first boundary condition we will get:
A=-B
Applying second boundary condition we will get:
A= e ————————ar et e ra———————— (B-6)
ZS\Ecosh<\EL)—ZSw2 sinh(\EL)
Thus, the final form of solution of Eq. B-4 in Laplace domain is:
_ Wy sinh( \Ex)
U, S) = (B-7)

e e o

Since this equation is complicated for analytical Laplace inverse, we use Stehfest’s method
(Stehfest 1970) to find Laplace inversion numerically. The method is explained in the work of

Hassanzadeh and Pooladi-Darvish (2007).

102



Appendix C: Derivation of Logarithmic Initial Condition of General Diffusivity Equation

Appendix C
Derivation of Logarithmic Initial Condition
of General Diffusivity Equation

If we have a fully developed steady state flow as initial condition for Eq. 1, the P, term in diffusivity

equation is zero. Thus:

AP F D (P )% = 0o (C-1)
K Ké ok
Wherea—ﬁ,—ucw,andC—c+ (ap)

Simplifying the Eq. C-1 we get:
PXX = —(';(PX)Z
Then substitute z = Py:

At steady state condition the influx flowrate q; is constant. We use Darcy equation to find constant
Cq.

@x = Lwehavez = P, = 3£ Thus:

KA
kA
C; =——¢CL
qilt
Substitute it in Eq. C-2 we get:
b 1
X =
kA
—L)+—
T

The solution of this differential equation is:

= ZIn[ex—1) + —] Gt et (C-3)
@ x = 0 which is outlet boundary condition we have P(0,t) = 0. Thus:
C,=—%In[—¢L+ K] ................................................................................. (C-4)
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Appendix C: Derivation of Logarithmic Initial Condition of General Diffusivity Equation

Substituting C, into Eq. C-3, we get initial condition when a steady state flow is fully developed

along the rock sample:

P(x,0) = ~In % (C-3)
5] - ¢ _éL+k_A ............................................................................... =
qjl
If we substitute w; = —:
qiné
_1 x—L+wq
P(x,0) = ;In| _Hm] .................................................................................. (C-6)
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Appendix D

Solution of General Diffusivity Equation
with Modified Initial and Boundary
Conditions

Figure D-1 shows a schematic of plug with initial and boundary conditions to be modeled for 1-
D flow. Initially, steady state flow is stablished along the plug which creates a logarithmic pressure
profile along the rock sample (as explained in appendix C). A time-dependent flowrate is injected
into the plug from the face at x = L. The outlet face, which is at x = 0, has atmospheric pressure.

Eq. D-1 is solved with stated initial and modified boundary conditions.

P.(L,t)
P, = aP, + b(P,)? =2,
P(0,t) =0 St 8
P(x,0) = Eln w]
: ¢ —L+w,
=) =il

Figure D-1: One-dimensional model of diffusivity equation with modified boundary and initial
conditions.

Py = AP F DR, (D-1)

k ké 1 [0k
Here,a=— ,=—,and ¢ =c —(—)
ere, 0 wep” +k

To simplify the equation, we substitute P(x,t) = %ln [H(x,t)]|.

Then:

The initial and boundary conditions change as:

X—L+W1 kA
——— where w; = —
—L+w, qikc

I.C.: H(x,0) = here, q; is the flowrate at which initial steady state was

stablished.
B.C.1: H(0,t) = 1
B.C.2: Hy|x=r, = Wy H|x=r, — W3H¢|x=L

queé ucv
Where w, = — and w; = —
27 ka 37 ka
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Appendix D: Solution of General Diffusivity Equation with Modified Initial and Boundary Conditions

Then substitute U(x,t) = H(x, t) — X_f:vtvl to simplify initial and boundary condition 1.
- 1

L 1

I.C.:U(x,0)=0

B.C.1: U(0,t) = 0

B.C.2: Uy|yx=r, = WU|x=p, — W3Uy|x=p + Wy

W1W2—1

Where w, = o
- 1

Now, we take Laplace from Eq. D-3 and its initial and boundary conditions.

LC.:U(x,0) =0

B.C.1:T(0,8) =0

B.C.2: Uy|yer = WoUlyer, — W3 SU|gop, + W?

The general solution of ordinary differential equation of Eq. D-4 is in the form of:

S

S
U(x,9) = Ae\/;x B T

Applying initial or first boundary condition we will get:
A=-B
Applying second boundary condition we will get:

Wy

A=

Thus, the final form of solution of Eq. D-4 in Laplace domain is:

was )

U(x,9) =

ZSJECOSh<\/§L>+ZS(SW3_W2) Slnh(\/g]_]) ........................................................

Feon ( \EL)H(SWTWZ)SM < \FL) .....................................................

Since this equation is complicated for analytical Laplace inverse, we use Stehfest’s method

(Stehfest 1970) to find Laplace inversion numerically. The method is explained in the work of

Hassanzadeh and Pooladi-Darvish (2007).
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Appendix E: General Equation of Two-Phase Immiscible Displacement

Appendix E
General Equation of Two-Phase Immiscible
Displacement

Consider the displacement of oil by water in a linear horizontal plug at a constant flowrate. Start

with Darcy equation for each phase

kkywA 0Py,

W (E-1)
kkyoA 0P,
Qo = — 0 0 (E-2)

Ko 0x

Using capillary pressure definition

op; _ 0Py _ 2Py ]
et (E-3)

Combining Eq. E-1 and Eq. E-2 into Eq. E-3:

9Pc _ dwhw _ doko (E-4)
B Khpgdl | Khpgd " s

The true fractional flow of water and oil are defined as:

_w o _ ]
fo =y = o (E-5)

Combining Eq. E-4 and Eq. E-5:
14 kkroAdP

fr = e O (E-6)

1+kroI~Lw
krwio

Now, consider the continuity equation for the water phase

Sy 0qw _
@A? + P Pt (E—7)

Eq. E-7 can be written in dimensionless form as
05w | fw _

2t T 9xp e e e e (E-8)
where

qet
tp g7 (E-9)
KD S e (E-10)

Substituting Eq. E-6 into Eq. E-8 gives the second-order, nonlinear, parabolic partial differential

equation for the water phase. Here, P. and k, are considered a function of S,,.
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14 kkroAdPc
ISw 4 qtho 0x | _ 0
dtp dxp 1+M

krwito
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Appendix F
Experimental Details of Waterflooding
Tests

Here, we present the procedure for plug preparation, waterflooding tests, and permeability
measurement. We clean the plug using a polar (methanol) and a nonpolar (toluene) solvent to
remove all the residual fluids inside the core plug (McPhee et al. 2015). Then put it in an oven at
90°C and monitor its weight with time to make sure it is completely dry. After that, we put the
plug inside a core holder under 1800 psi confining pressure and vacuum it for one day (Figure F-
1). Then, we inject brine at a constant pressure of 1100 psi to saturate the plug. We inject 4-5 pore
volume to make sure the plug is fully saturated with brine. After that, we inject oil at a constant
flowrate of 0.06 cc/hr to displace the brine and reach the Syi. We measure the pressure profile
during the displacement process. When pressure stabilizes, we reach the Swi». We age the core
plug for one week under 1100 psi pressure to restore the initial state of the wettability. Then, we
measure the permeability of the plug saturated with oil at Sy by o0il injection at different flowrates
based on the method described in chapter two (Yousefi and Dehghanpour 2022). Now, the plug is
ready for waterflooding test. We inject water at a constant flowrate of 0.06 cc/hr to displace oil
out of the plug. We record the pressure profile during the displacement process. The waterflooding
continues until the recorded pressure is stabilized. We measure the permeability of the plug in this

stage where the plug is saturated with water at S,
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I Valve

Accumulator

vessel
Pressure Pressure
transducer transducer
’_\ \1:’ @
Valve Valve Valve
Core holder
Pump

Figure F-1: Schematic of coreflooding apparatus used for waterflooding experiment.
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Appendix G: Synthetic Brine Preparation Procedure

Appendix G
Synthetic Brine Preparation Procedure

We use water analysis report of reservoir brine from a well in Montney formation to prepare the
synthetic brine. Table G-1 lists the ion compositions of the reservoir and synthetic brine. First, we
calculate the required mass for each salt based on the mass balance. The sequence of adding salts
into the water is important since some salts may precipitate in presence of other salts due to low
solubility in water. We use ASTM D1141 standard to follow a specific sequence for mixing the

salts with water. The procedure of preparing the synthetic brine is as follows:

e 189.3631gr NaCl and 2.3994 gr MgS04.7H>0O are added to 1000 cc of DI water in

beaker 1 and stirred for about 3 hours.

o 25764 gr MgCl; and 6.1612 gr CaCl,.2H>0 are added to 250cc of DI water in beaker

2 and stirred for about 3 hours.

e 3.4890 gr KClI and 1.5425 gr NaHCOs3 were added to 250cc of DI water in beaker 3

and stirred for about 3 hours.

e Solution of beaker 2 is gradually added to beaker 1 with rigorous mixing (rpm=500).
Then, the solution of beaker 3 is added to beaker 1. The whole brine is stirred for about

1.5 hours.

We notice that the solution is not clear, and some solid particles precipitated at the bottom of bottle

after 2 days.

The source of precipitation is bicarbonate ion. Since its concentration is low (747 ppm), we decide
to remove NaHCOs3 from solution to prevent the precipitation. To keep the ionic strength same as
original brine with NaHCO3, 0.7153 gr NaCl is added to the solution. The modified brine solution

is clear, and no more precipitation is observed after 1 week.
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Appendix G: Synthetic Brine Preparation Procedure

Table G-1: ion compositions of the reservoir brine and synthetic brine.

in Synthetic Brine

Ion Na K Ca Mg Cl HCOs3 | SO4
Concentration (mg/L) | 47630 | 1220 | 1120 | 596 80945 | 747 623
in Brine

Concentration (mg/L) | 49750 | 1220 | 1120 | 596 81379 |0 623
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