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Abstract 

Besides oil-sand reserves that should be recovered by thermal recovery methods, there are 

significant reserves of conventional light to heavy crude oil in the Western Canadian Sedimentary 

Basin (WCSB) that can be also recovered by non-thermal processes. Several carbonate reservoirs 

have undergone tertiary solvent/gas recovery and some of them finished with low recovery and 

converted to second or even third EOR process. This is almost the same for the sandstone 

reservoirs where the chemical flooding is the main non-thermal EOR method. Polymer loss, 

injectivity reduction, and inadequate sweep efficiency are the main concerns during chemical 

flooding. Foam and especially Polymer Enhanced Foam (PEF) can control the mobility ratio and 

improve the sweep efficiency in heavy oil reservoirs over chemical and gas flooding. CO2 foam 

(especially in reservoirs with lighter oil) and CO2 PEF (for those heavier oils) can be a good 

environmentally friendly choice for improving Canadian heavy oil recovery much further. The 

challenge is to understand how the combination of surfactant, gas, and polymer allows us to better 

access the untouched parts of the reservoir and increase the sweep efficiency.  

As of yet, there is no complete and rigorous understanding of the mechanisms during heavy oil 

recovery by foam, especially PEF performance in fractured porous media; therefore, this study 

aims to investigate direct visual observations of foam/PEF transport and heavy oil displacement 

phenomena in porous media. The focus of this thesis is conducting experiments to study the 

behavior and performance of CO2 foam/PEF for heavy oil recovery. Pore-scale analysis with the 

help of micromodel study and core-scale analysis by sand-pack and rock sample were performed 

throughout this thesis to achieve the goals. 

In the pore-scale analysis, a new application of CO2 foam/PEF in combination with current heavy 

oil recovery methods was introduced and studied. CO2 foam/PEF was used after surfactant 
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injection in oil-wet fractured porous media and their performance was visualized with the help of 

a fractured micromodel. In addition, for those reservoirs where the hydrocarbon solvent injection 

is used as a heavy oil recovery method, this study showed that how foam/PEF could improve the 

solvent injection performance by increasing the heavy oil recovery and decreasing the asphaltene 

deposition and formation damage. Moreover, the dynamic behavior of asphaltene deposition was 

discussed and visualized in this thesis to show that how foam/PEF can decrease the formation 

damage. 

The core-scale performance of CO2 foam/PEF for heavy oil recovery was studied in a one-

dimensional sand-pack after water flooding. Moreover, CO2 foam/PEF performance was analyzed 

in actual rock samples (sandstone and carbonate rocks) and effect of heterogeneity was also 

considered by applying artificial fracture in the rock samples. In these experiments, the injection 

pressure profile, oil recovery, and CO2 gas production were monitored and recorded to analyze 

and compare the performance of CO2 foam and CO2 PEF for both heavy oil recovery and CO2 

sequestration. 

The results of this thesis improve our understanding of the heavy oil recovery process with the 

help of CO2 foam/PEF injection. Besides enhancing oil production, application of CO2 foam/PEF 

may reduce the amount of injected chemical into the reservoir, providing economic and 

environmental advantages.  
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Chapter 1: Introduction and Literature Review 

 

1.1 Introduction 

An oil recovery process from a petroleum reservoir can be divided into three classes: primary, 

secondary, and Enhanced Oil Recovery (EOR). Solution gas drive, gas cap drive, natural water 

drive, and gravity drainage are some of the primary oil recovery processes (Green and Willhite, 

1998). Secondary recovery can refer to the gas or water injection for pressure maintenance, but 

nowadays it mostly refers to water flooding. Most of the oil initially present in an oil reservoir is 

left after primary and secondary recovery. Therefore, EOR methods have to be applied to increase 

the oil recovery. EOR (or tertiary recovery), usually involves the injection of fluids such as 

surfactant solutions, polymers, CO2, foams, hydrocarbon gasses, steam, etc. EOR methods can be 

classified into at least three categories: chemical recovery, solvent recovery, and thermal recovery. 

Chemicals used in EOR include polymers, surfactants, and alkalis. They all are mixed with water 

and, occasionally, other chemicals before injection. Broadly speaking, targets for chemical 

recovery are crudes in the range between the heavy oils recovered by thermal processes and light 

oils recovered by miscible gas injection. Adding high molecular weight polymers increases the 

viscosity of water which can greatly improve waterflood volumetric sweep efficiency. Surfactants 

injection help lower the interfacial tension that often prevents oil droplets from moving through a 

reservoir. It also helps change the wettability of the rock surface or cause spontaneous 

emulsification. The caustic or alkali flooding process relies on a chemical reaction between the 

caustic and organic acids in the crude oil to produce in-situ surfactants that lower interfacial tension 

between water and oil. Miscible flooding uses a solvent that mixes fully with residual oil to 

overcome capillary forces and increase oil mobility. Solvent injection involves the injection of 
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CO2, CH4, N2 and other agents to dissolve and mobilize hydrocarbon components of the crude oil. 

A major problem with miscible EOR is the adverse mobility ratio caused by the low viscosity of 

the typical injecting gas compared to oil. Thermal recovery usually involves the injection of steam 

to reduce the viscosity of the heavy viscous oil and increase oil mobility. Steam-assisted gravity 

drainage (SAGD), cyclic steam stimulation (CSS) and steam flooding are the main thermal EOR 

methods. 

Each EOR process is suited to a particular type of reservoir. Because unexpected or unknown 

reservoir characteristics cause most EOR failures, EOR begins with the thorough geologic study. 

Taber and coworkers (1983, 1997) performed screening study for different EOR methods based 

on various criteria such as oil viscosity, permeability, and reservoir depth. A schematic of the EOR 

screening is shown in Figure 1.1. However, this screening can be different in Canadian reservoirs 

deposited in western Canadian sedimentary basin (WCSB). The “Sproule Associates Limited” 

studied the potential of EOR in Alberta, Canada (2012). They discussed the screening criteria for 

EOR including reviewing the principal EOR methods and summarizing the findings for each 

method considering the technical issues and the availability of data. They mainly focused on non-

thermal recovery methods in Alberta. For example, in contrast to Taber and coworkers screening 

criteria, polymer flooding was successfully performed at Wabiskaw reservoir of Brintnell Field 

Horsetail where the oil viscosity in some areas was more than 80,000 cp at reservoir condition. 

Table 1.1 shows the screening parameters for the chemical flooding in Alberta. This Table was 

prepared based on 1396 and 935 oil pools for Alkali-Surfactant-Polymer (ASP) and polymer 

floods, respectively. According to this Table, polymer flooding has been applied in wide range of 

oil viscosity from 20 cp to about 10,000 cp. 
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Figure 1.1: Selection of EOR techniques by oil viscosity at reservoir condition (Taber, J.J. and Martin F.D., 

1983). 

 

There are significant reserves of heavy oil in WCSB than can be also recovered by non-thermal 

methods. Per Table 1.1, Alkali-Polymer (AP), ASP, and polymer flooding are the main chemical 

EOR method for sandstone reservoirs in this area. In addition, the main non-thermal EOR methods 

used in Alberta carbonate reservoirs include: water flood (mostly as a secondary recovery process), 

solvent flood (mostly as the first EOR process), Hydrocarbon miscible injection, chase gas (e.g. 

Pembina field, Nisku formation), CO2 and acid gas injection (e.g. Judy Creek field, Beaverhill 

Lake formation), and chemical (e.g. Edgerton field, “Woodbend A” formation). The Edgerton 

Woodbend A pool is a heavy oil carbonate reservoir that has undergone a chemical EOR process 

unlike other carbonate reservoirs in Alberta. The polymer flood recovery factor was only 3 % 

(Galas et al., 2012). Following are the short review of EOR processes introducing their potential 

and challenges. 
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Table 1.1: Screening parameters for chemical floods in Alberta (sandstone reservoirs) (Galas et al., 2012). 

EOR Type Property Unit Minimum Maximum 

Alkali-Polymer Flooding Average Pay m 3 25 

Average Porosity fraction 0.24 0.35 

Average Permeability md 350 5000 

Water Saturation fraction 0.1 0.3 

Initial Pressure kPa 1000 15000 

Oil Density kg/m3 900 960 

Oil Viscosity cp 1 500 

Alkali-Surfactant-Polymer 

Flooding 

Average Pay m 1 25 

Average Porosity fraction 0.16 0.35 

Average Permeability md 500 5000 

Water Saturation fraction 0.1 0.39 

Initial Pressure kPa 1000 14000 

Oil Density kg/m3 850 975 

Oil Viscosity cp 3 1100 

Polymer Flooding Average Pay m 1 25 

Average Porosity fraction 0.15 0.35 

Average Permeability md 300 5000 

Water Saturation fraction 0.1 0.4 

Initial Pressure kPa 1000 15000 

Oil Density kg/m3 875 1075 

Oil Viscosity cp 20 10000 

 

Solvent Flooding: The key to solvent floods is achieving miscibility between the solvent and the 

reservoir oil. In a miscible flood, the reservoir oil becomes increasingly solvent rich, so the residual 
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oil phase has a lower oil component. The solvent also increases the reservoir pressure, swells the 

oil phase and reduces the oil viscosity-all of which aid in increasing the oil recovery. However, a 

major difficulty with most solvent floods is early solvent breakthrough due to the unfavorable 

mobility ratio of any gas flood. This leads to the solvent being recycled through the reservoir. The 

most common method of mitigating early solvent breakthrough is to inject water and gas in 

alternating slugs, which is called water-alternating-gas (WAG) flooding. In addition, the cost for 

a solvent flood should be considered which comprises the cost of the solvent itself, injection 

facilities, processing facilities and the cost of transportation of the solvent to the EOR site. 

Chemical Flooding: The key to chemical floods is to improve the mobility ratio of a waterflood 

and to reduce the residual oil saturation. Polymer flooding can also improve the vertical 

conformance of a waterflood. There are several different types of chemical floods including 

polymer, alkali, alkali-polymer, surfactant, alkali-surfactant-polymer (ASP) flooding. In polymer 

floods, a polymer, most commonly a polyacrylamide, is added to the injection water to increase 

its viscosity. This increase in viscosity improves the mobility ratio of the flood. Since the mobility 

ratio is of most concern in more viscous oil reservoirs, polymer flooding is most often applied to 

medium and heavy oil pools. In surfactant flood, a surfactant is added to the injected water to 

reduce the interfacial tension between the oil and the water. The reduction of the interfacial tension, 

if great enough, can reduce the residual oil saturation, thereby increasing the oil displacement 

efficiency and the oil recovery factor. Like polymer, surfactants tend to adsorb onto the reservoir 

rock. In order to adequately flood the reservoir, the concentration of the surfactant must be quite 

high. Surfactants are relatively expensive, so the cost of a surfactant flood is high. Alkalis such as 

sodium hydroxide and sodium carbonate are used instead of surfactants due to their lower costs. 

The alkali can react with acids in the oil to create in-situ surfactants, which then act in the same 



6 
 

way as surfactants injected directly. However, it is usually difficult to sufficiently lower the 

interfacial tension with alkalis to significantly reduce the residual oil saturation. Both surfactants 

and alkalis are often used together with polymers for better mobility control. Combining alkali, 

surfactant, and polymer together (ASP flood) has the added advantage of a synergy between the 

alkali and the surfactant, significantly reducing the adsorption of the surfactant and bringing the 

residual oil saturation to very low levels. 

Thermal Recovery: The principle of thermal recovery is simple: increasing the oil’s temperature 

dramatically reduces its viscosity, improving the mobility. Cyclic steam stimulation, SAGD, and 

steam flooding are some of the main thermal oil recovery methods. Foam has also the potential to 

improve the thermal heavy oil recovery process. Hirasaki (1989) reviewed the steam-foam process 

for improving the sweep efficiency of the steam drive and steam-soak processes. The concept of 

using foam for mobility control in petroleum recovery was first suggested by Bond and Holbrook 

(1958). Steam-foam can control the mobility, improve vertical sweep, maintain injection profile, 

reduce steam production, and increase oil recovery. However, evaporation and condensation, foam 

bubbles coalescence at a limiting capillary pressure and coalescence from the action of an oil phase 

reduce the effectiveness of foam enhanced steam process. 

Usually, many advantages of these recovery methods, especially non-thermal methods, are 

contrasted by their low recovery factor in heavy oil reservoirs. The inadequate sweep efficiency 

can be due to the adverse mobility ratio resulting from high viscosity oil, heterogeneous nature of 

reservoir (i.e. natural fractures in carbonate formations), and injectivity problems. In thermal 

methods, high rate of steam production and inadequate sweep efficiency are some of the main 

challenges. Foam and polymer enhanced foam (PEF) injection has gained interest in conventional 

oil recovery in recent times. However, the oil recovery process by foam, especially PEF, is less 
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understood in both sandstone and carbonate heavy oil reservoirs. The challenge is to understand 

how the combination of surfactant, gas, and polymer allows us to better access the unswept zones 

and efficiently improve the sweep efficiency.  

1.2 Fundamentals of Foam in Porous Media 

Foam in porous media is defined as a dispersion of gas in a liquid such that the liquid phase is 

connected and at least some part of the gas phase is made discontinuous by thin liquid films called 

lamellae (Hirasaki, 1989). Foams can be separated into bulk foam and foam in porous media. Bulk 

foam is foam in a container much larger than the individual bubbles (Rossen, 1996). Rheologically, 

the bulk foam can be treated as a homogeneous phase (Calvert, 1989). Bulk foams are applied in 

the oil industry for drilling, fracturing and cementing. Foamability and foam stability (foam half-

life) are two main parameters for foam bulk analysis. Foamability is the ability of a foaming 

solution to generated foam which is equivalent to the gas content of foam (usually more than 70%), 

representing foam quality. Bulk foam stability is determined by the time required for the foam to 

be reduced by half. The time required for draining half of the initial liquid from the foam structure 

can be also considered as a foam half-life. 

In porous media, foam is useful in EOR as a mobility control agent because its resistance to flow 

is usually significantly higher than that of either phase that makes up the foam. The reduced 

mobility is due to the reduction of gas relative permeability, and rise in apparent viscosity. Foam 

texture or bubble size determines how much foam reduces gas mobility in porous media. Foam 

texture, however, is a complicated function of gas and water flow rates, pore geometry, the 

presence of oil, surfactant concentration, surfactant formulation, etc. Foams with a large reduction 

in gas mobility are referred to as strong foams and those with small reduction as weak foams or 

coarse foams. 
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1.2.1 Foam Generation and Propagation in Porous Media 

Foam generation is caused by lamella creation in the porous medium. Lamella destruction refers 

to lamellae breaking in the porous medium. There are three mechanisms of lamella creation: leave-

behind, lamella division, and snap-off.  

As illustrated in Figure 1.2, snap-off occurs when gas invades a pore throat and therefore, liquid 

accumulates in the throat, resulting in the bridging and blocking the throat. This mechanism puts 

some of the gas into discontinuous form. It can occur repeatedly at the same location, so snap-off 

can affect a relatively large portion of the flow field. It is widely believed to be a predominant 

mechanism for foam-generation (Ransohoff and Radke, 1988). The snap-off mechanism 

influences the flow properties of the gas phase by creating lamellae and therefore, enhancing the 

discontinuity of the gas phase. The generated gas bubbles may reside at some point in the porous 

media, thereby blocking gas pathways to reduce gas permeability. 

Lamella division occurs when a lamella (pre-generated foam) approaches a branch point so that 

the lamella is divided into two or more lamellae, as shown in Figure 1.3. This mechanism is similar 

to the snap-off mechanism in that a separate bubble is formed, and it also occurs numerous times 

at one site. 

Foam lamella can be also generated by the leave-behind mechanism in porous media. Leave-

behind begins as two gas menisci invade adjacent liquid-filled pore bodies from different 

directions (Figure 1.4). Often, two gas fronts approach the same liquid-filled pore space from 

different directions. When this happens, the liquid in the pore space is squeezed into a lamella by 

the two fronts. If sufficient surfactant is present in the liquid phase, this lamella may be stable; if 

not, it ruptures. It is important to realize that this mechanism does not require the two gas fronts to 

converge simultaneously on the site; they can arrive at different times and squeeze down the 
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lamella as the local capillary pressure increases. The leave-behind mechanism generates relatively 

weak foams and it is only important at low velocities (Ransohoff and Radke, 1988). 

 

 

 

 

 

 

Figure 1.2: Schematic of snap-off mechanism showing (a) gas penetrates to the pore structure and a new 

bubble is formed (b) (Ransohoff and Radke, 1988). 

 

 

 

 

 

 

 

Figure 1.3: Schematic of lamella division mechanism showing a lamella is approaching the branch point 

from (a) and divided gas bubbles formed (b) (Ransohoff and Radke, 1988). 

 

Figure 1.4: Schematic of leave-behind mechanism showing gas invasion (a) and lamella formation (b) 

(Ransohoff and Radke, 1988). 

The requirement of a substantial minimum pressure gradient for foam generation in homogeneous 

porous media could limit the applications of foam in EOR. Friedmann et al. (1991) reported that 

foam generation depends on the injection rate and foam quality (gas volume fraction) based on 
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their experiments in Berea sandstones of permeability roughly 1 Darcy with one surfactant 

formulation and nitrogen. Baghdikian and Handy (1991) observed a slow increase in pressure 

gradient while injecting liquid and gas at steady, low velocities until, after many hours or even 

days, there was a sudden jump in pressure gradient: i.e., “foam generation”. This delay is called 

the “incubation effect.” The “incubation effect” illustrates a certain amount of ambiguity of 

specifying a minimum gas velocity or pressure gradient for foam generation. Ransohoff and Radke 

(1988) reported a minimum gas velocity for foam generation during drainage in bead packs 

initially 100% saturated with surfactant solution. Tanzil (2001) concluded that there exists a 

critical capillary number for foam generation in their gas-only injection experiments, indirectly 

indicating that there is a minimum gas velocity for foam generation in homogeneous porous media. 

Gauglitz et al. (2002) observed an unstable foam state between stable “strong” and “coarse” foam 

states in their fixed-pressure-gradient experiments and showed that the minimum pressure gradient 

for foam generation is inversely proportional to permeability in sand packs. It should be mentioned 

that although foam formation and decay are governed by different mechanisms, the final distance 

foams can travel must be dictated by the surfactant retention. The surfactant availability is a 

necessary condition for foam generation and propagation. Foam generation and decay is a dynamic 

process in which foam bubbles are continually be generated and decayed. 

In heterogeneous reservoirs, the occurrence of snap-off in flow across a boundary from low 

permeability to high permeability has been investigated in several studies. Ransohoff and Radke 

(1988) found that snap-off was observed at all tested velocities at the boundary from low 

permeability to high-permeability regions of a bead pack undergoing drainage. Rossen (1999) 

employed a pore-network model to study snap-off at a sharp permeability increase. Snap-off 

requires a permeability contrast between the high and low permeability media of at least a factor 
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of four, with higher permeability contrasts required at higher gas fractional flow. Tanzil et al. 

(2001) created a bead pack with a sharp boundary from low permeability to high permeability and 

found foam generation at the permeability transition as gas went through the pack initially 

saturated with surfactant at low foam qualities. 

1.2.2 Foam Stability 

Chambers and Radke (1991) stated two basic mechanisms of foam coalescence: capillary suction 

and gas diffusion. Coalescence due to the capillary suction is the primary mechanism for lamellae 

breakage. As shown in Figure 1.5, the gas/liquid interfaces at the Plateau borders are curved 

(smaller radii), while the interfaces are flat along the thin-film regions, (larger radii). Because the 

capillary pressure is inversely related to the radii of an interface (according to the Young-Laplace 

equation), there is a pressure difference between these two regions. This pressure difference forces 

the liquid to flow toward the Plateau borders and results in thinning of the films. 

The foam lamella is not thermodynamically stable. The existence and destruction of lamellae are 

governed by disjoining pressure (π) (Figure 1.6), which is combined effect of attractive and 

repulsive forces within lamella as described by Miller and Neogi (1985). In the absence of surface 

active agents, the attractive van del Waals force are dominant, resulting in negative disjoining 

pressure and immediate collapse of the thin film. The lamella is stabilized by surfactant adsorption 

at the gas/liquid interface. The electrical double-layer caused by surfactant adsorption is 

responsible for the excess repulsive forces that stabilize the thin film. The stabilizing effect 

depends on several factors such as the surfactant structure, surfactant concentration and the ionic 

content of solution (Kovscek and Radke, 1994). A liquid film thins down until it breaks if the 

disjoining pressure, the term for the stabilizing effect of surfactant (Schramm, 1994), is not 
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sufficient to stabilize the film. The breaking of films at the “critical disjoining pressure” is the 

origin of foam collapse at the “limiting capillary pressure. 

The liquid film between two gas bubbles undergoes a thinning process, which will eventually cause 

the foam to rupture. Gravity always tends to force the liquid to flow down through a well-

connected network of liquid films. In bulk foam, as the liquid film is being drained, the shape of a 

gas bubble will be more close to a polyhedron rather than a perfect sphere, and the liquid lamella 

in between is relatively planar. As shown in Figure 1.5, at the borders, the gas-liquid interface is 

quite curved, generating low pressure. The interface along the flat lamella is quite flat, so higher 

pressure resides there. The pressure gradient forces flow towards the borders causing film thinning. 

Besides pressure gradient as a driving force of film thinning, van der Waals attractive forces also 

cause film thinning. However, some other factors counteract the film thinning process. These 

include surface elasticity, surface viscosity, steric interactions, and repulsive force of electric 

double layer. 

 

 

 

 

 

 

 

 

 

 

 

Figure 1.5: Schematic of a foam system. 
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Figure 1.6: Schematic representation of a disjoining pressure versus film thickness. 

 

In porous media, foam coalescence by gas diffusion takes place only when two lamellae happen 

to reach the same pore throat (Kovscek and Radke, 1994). Therefore, gas diffusion is relatively 

unimportant for foam in porous media. The curvature of foam in porous media is governed by the 

pore dimension and lamellae location in the pore space, nor by bubble size. In the case of a moving 

lamella, its thickness oscillates due to the geometry of the porous media as it translates from a pore 

body to a pore throat to another pore body. As shown in Figure 1.7, a moving lamella undergoes 

stretching or squeezing. When it is being stretched, if the film thickness falls below critical film 

thickness (hcr), the lamella will break (Singh et al., 1997). Therefore, a moving thin film could 

rupture at a limiting capillary pressure (Pc*) which is less than the maximum disjoining pressure 

(πmax). In other words, moving lamellae are even less stable than static ones. 

The thickness of moving lamella depends on the influx of liquid into the lamella from its 

surrounding. If rapid enough, the influx would restore the film thickness before it reaches the 

critical value. The Marangoni effect helps the restoration process. Marangoni effect is defined as 

the mass transfer along an interface between two fluids due to surface tension gradient. Lamella 

stretching reduces the local surfactant concentration and increases the local surface tension. The 
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increased surface tension works against the thinning. Together with disjoining pressure, the 

Marangoni effect is restoring force in a lamella. 

 

 

 

 

 

 

Figure 1.7: A moving lamella undergoes stretching or squeezing with a different pore size (Kovscek and 

Radke, 1994). 

 

1.2.2.1 Foam Stability in the Presence of Crude Oil  

Crude oils often destabilize foam and it is widely believed that light crude oils are more effective 

in foam destabilization. However, the amount of destabilization depends on the compositions of 

surfactant, oil, and aqueous-phase. As the oil drop approaches the gas/water interface, it must first 

overcome electrostatic or steric interactions in the aqueous pseudoemulsion film to destabilize a 

foam lamella (Nikolov et al. 1986; Manlowe and Radke 1990). Then, the oil can destabilize the 

lamella by spreading along the gas/water interface (Lau and O’Brien, 1988), by bridging (Garrett, 

1993), or by some combination of both. The mechanisms have been extensively investigated 

(Garrett, 1993; Aveyard, 1994; Zhang et al., 2003; Schramm, 2005). Garrett explained three 

coefficients, namely entry coefficient (E), spreading coefficient (S), and bridging coefficient (B), 

which are important in interpreting the mechanisms of oil destabilizing foam. Lamella number (L) 

can be also used for foam-oil stability studies (Schramm and Novosad, 1990). These coefficients 

are defined as follows: 

E = σwg + σwo - σog 

S = σwg - σwo - σog 
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B = σ2
wg + σ2

wo – σ2
og 

L = 0.15 (σwg) / (σow) 

Where σwg, σog, and σow are surface tension of foaming solution, the surface tension of oil, and 

interfacial tension of water/oil interface, respectively. 

To destabilize a foam lamella, an oil drop must first enter the air/water surface, i.e. E>0. In order 

to enter the interface, the oil drops have to overcome the repulsive forces caused by the 

pseudoemulsion films separating these drops from the interface (Nikolov et al., 1986; Manlowe 

and Radke, 1990; Basheva, et al., 2000). Once an oil drop enters, it may spread at the air/water 

interface i.e. S≥0, leading to foam lamella rupture. When S≤0 an oil drop forms a lens on one side 

of the air/water interface and as the foam film thins may reach the other side, thus forming a bridge. 

If B>0, the bridge is unstable and the film breaks. A schematic of these processes is shown in 

Figure 1.8.  

In the case of foams contacting oil in a porous medium the oil may not be emulsified, or may not 

have such small drop sizes. The process of an oil phase emulsifying into foam lamellae has been 

described from a balance of forces in terms of a lamella number, L (Schramm and Novosad, 1990). 

Based on these theories, oils can be defined to give unstable foam, moderately stable foam or they 

are defined to show little interaction on foam. From experiments in a micro-visual cell, Schramm 

and Novosad (1990, 1992) have defined three types of foams, A, B, and C. Type A foams believed 

to show the best stability in the presence of oil, by having both negative entering and spreading 

coefficients. The lamella number is less than 1, so these foams are believed to show little 

interactions with crude oil. Type B foams have lamella number of 1<L<7, and show a negative 

spreading coefficient and a positive entering coefficient. These foams are defined to have the 

moderate stability to oil. Type C foams defined to give an unstable foam. Both spreading and 
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entering coefficient are positive for these foams and lamella number is greater than 7. By 

understanding these mechanisms, surfactants that can stabilize foam in presence of oil can be 

designed. 

 

 

 

 

 

 

 

 

 

 

Figure 1.8: Schematic of the antifoaming mechanism of oil: (a) oil drop in a foam film, (b) oil entry at the 

film surface, (c) spreading of oil drop at air/water interface, and (d) bridging of oil drop within the foam 

film. 

 

There are several studies on the static and dynamic performance of foam-oil systems (Vikingsad 

et al., 2005; Andrianov et al., 2012; Scharamm and Novosad, 1992; Koczo et al., 1992; Farajzadeh 

et al., 2010; Simjoo et al., 2013). These studies are mainly focused on performing foam stability 

experiments (bulk tests) in the presence of different types of oils and measuring the foam half-life. 

Some of these researchers also measured the spreading, entering, and, birding coefficients in the 

foam-oil system and tried to explain the behavior of the foam-oil system. However, the relation 

between spreading phenomena and foam stability has been inconclusive for general applications. 

For instance, Andrianov et al. (2012) concluded that there exists a strong correlation between 

spreading and entering coefficients, and foam stability while Vikingsad et al. (2005) did not find 

any direct correlation between spreading coefficient and foam stability. Andrianov, et al. (2012) 
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studied bulk foam stability in presence of oil. They measured the spreading (S), entering (E), 

bridging (B), and lamella number (L) for AOS foam in presence of three Alkanes. The result of 

spreading and entering coefficients was found to be comparable with the foam stability. However, 

lamella number could not predict the foam/oil stability behavior.  

Scharamm and Novosad (1992) classified the foams based on their interaction with oils (Types A, 

B, and C). This classification was done based on values of E, S, and L. They couldn’t find any 

correlation between E and S values and foam stability. However, they classified the foam/oil 

system with the help of lamella number. 

Tamura et al. (1999) studied the bursting behavior of pseudoemulsion film with the different type 

of antifoams. They also mentioned that the antifoaming efficiently of antifoams is strongly 

depends on the stability of the pseudoemulsion film. 

Koczo et al. (1992) studied both E and S coefficient as well as pseudoemulsion film. Per their 

study, although the E and S coefficient are positive (so spreading of the oil drops is 

thermodynamically favorable), the microscopic observation showed that pseudoemulsion film is 

very stable and oil drop cannot enter the air/water surface during the first hour. They concluded 

that the effect of oil on foam stability and its mechanism depends on whether the oil is solubilized 

or emulsified and whether the pseudoemulsion film is stable or not. 

Manlowe and Radke (1990) investigated the foam/oil interaction through direct observation in the 

micromodel. They showed that the stability of pseudoemulsion film controls the foam stability, 

regardless of subsequent spreading characteristics of the oil. They visualized the foam/oil 

interaction in the micromodel and found that for all studied surfactants, the “pseudoemulsion film 

destabilization” mechanism (film thinning and eventually breakage) observed as the source of 

foam breakage by residual oil. 
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Koczo et al. (1992) studied the effect of emulsion on foam stability. They study on solubilized oil 

as well as emulsified oil systems showed that later one may result in stability of foam system while 

first one (solubilized oil) will decrease foam stability. They found that the presence of emulsified 

oil increases the foam stability if the pseudoemulsion film is stable because the oil drops collect in 

the PBs of the aging foam and this packed emulsion inhibits the liquid drainage through the PB 

network due to the increased hydrodynamic resistance. 

1.3 Potential of Foam and PEF for Heavy Oil Recovery: Literature Reviews 

Foam has several applications in petroleum industry including gas coning blocking foam (Heuer 

and Jacocks, 1968), foams for well stimulation (Chou, 1991), foam as a fracturing fluid, and foam 

EOR (i.e. CO2 foam, foam injection in gas miscible flooding, and steam foam). Here the 

application of foam for EOR is discussed. 

Since the 1960s, there have been several field trials of surfactant injection with gas into the 

subsurface to generated foam (Patzek, 1996). Foam has shown its potential for improving reservoir 

sweep efficiency over gas injection in EOR projects (Hirasaki 1989; Smith 1988). The effective 

viscosity of foam is much higher than that of gas, so it can reduce viscous fingering and gravity 

override caused by injecting gas, supercritical CO2 or steam (Yan et al., 2006). Besides improving 

sweep efficiency in gas flooding, foam/PEF can be used for mobility control in chemical EOR 

where the foam is considered an alternative to polymer mobility control in micellar flooding (Lake, 

1989). Due to adverse mobility in heavy oil reservoirs, water flood process usually ends with low 

recovery factor. Therefore, alternative methods are required to increase the heavy oil recovery. 

Chemical flooding (e.g. polymer flood) can be used to decrease the mobility ratio and increase the 

sweep efficiency. However, the presence of water channels after water flooding and heterogeneity 

of reservoirs can decrease the performance of chemical methods in heavy oil recovery. On the 



19 
 

other hand, foam and PEF have the potential to increase the sweep efficiency in heterogeneous 

reservoirs by generating strong foam/PEF in the high permeable area. Zhang et al. (2000) reported 

laboratory and field studies of foam in Daqing oilfield in China, where the foam was successfully 

applied in a heterogeneous porous media and compared with the performance of chemical 

flooding. In addition, Tang et al. (2014) presented a new high-temperature resistant nitrogen foam 

system that gives a low oil/water interfacial tension and improves the sweep efficiency after 

Surfactant-Polymer (SP) flood in Shuanghe oil field. 

There are several challenges for widespread application of foam in porous media such as in situ 

generation and propagation of foam. Although the principal mechanisms for foam generation have 

been identified, the precise condition when the strong foam can be generated in the reservoir 

remained unknown. In a homogeneous porous medium, with steady co-injection of gas and liquid, 

a minimum pressure gradient is required to create foam (Ransohoff and Radke, 1988; Rossen and 

Gauglitz, 1990; Tanzil et al., 2002; Gauglitz et al., 2002). One of the proposed ways to enhance 

foam generation is using small, alternating slugs of liquid and gas (SAG injection) (Rossen and 

Gauglitz, 1990). SAG injection has several advantages over co-injection of gas and surfactant as 

it reduces the contact between water and gas in the surface facilities (Mattews, 1989; Heller, 1994) 

and besides improving injectivity, it can possibly improve foam generation in the near-well-bore 

region (Rossen and Gauglitz, 1990). 

Hoefner et al. (1995) studied the CO2 foam field trials to determine the effectiveness of foam in 

reducing CO2 channeling, to evaluate the economic potential of the process, and to develop 

application criteria and procedures. Applying foam resulted in a significant reduction in gas 

production and indications of increased oil production. 
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Romero et al. (2002) studied the performance of PEF in micromodel. They found that in 

micromodel scale, the capillary pressure and coalescence do not govern PEF flow in porous media, 

as it does for conventional foams. 

Jian et al. (2014) studied the stability of polymer and surfactant mixture enhanced foams in the 

presence of oil under static and dynamic conditions. They found that the introduction of the 

polymer into the foam formula could significantly increase foam stability. The stability of liquid 

films in PEF can be significantly improved, resulting in stronger oil-resistance ability. 

Carbonate Reservoirs: With rising concerns about the depletion of conventional oil reservoirs, 

more attention is directed to heavy oil reservoirs as potential energy resources. The difficulties and 

costs of heavy oil production urge further research to find new methods to overcome these 

difficulties and/or reduce the cost of production. The challenge becomes more complicated when 

it deals with fractured and carbonates reservoirs. The main target in this type of reservoir is the oil 

in the tight matrix, but fracture network controls the flow due to its high permeability. Recovery 

of the matrix heavy oil, while the injected fluid flows in fractures, is a challenge and yet, no 

systematic technique has been proposed for this type of reservoir. 

There are significant reserves of conventional light to heavy oil in the Western Canadian 

Sedimentary Basin (WCSB) which is in the carbonate formation. However, due to the presence of 

a fracture network and oil wet matrix (Chillenger and Yen, 1983; Roehl and Choquette, 1985), oil 

recovery from naturally fractured carbonate reservoirs has always been a challenging task. Fracture 

networks diminish the effectiveness of water or chemical flooding, and the oil-wet matrix limits 

the capillary imbibition process, which is an important recovery mechanism in the fractured 

reservoirs. They exhibit very limited recovery during primary and secondary production because 

most of the injected fluids preferentially go through fracture openings, leaving behind a significant 
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amount of oil in the matrix. Therefore, designing a process to recover the matrix oil at an economic 

rate often turns out to be a real challenge for such reservoirs (Bourbiaux, 2009). 

Solvent, gas, water, water alternating gas, and chemical injections have been considered as the 

main non-thermal methods to recover oil from highly fractured oil-wet carbonate reservoirs 

(Manrique et al., 2006; Gupta and Mohanty, 2008). Chemical EOR research in carbonate reservoirs 

has been focused on using surfactants to change the wettability and enhance water imbibition into 

the matrix, thus driving oil out of the matrix. Different type of surfactants has been used to alter 

the wettability of originally oil wet carbonate rocks. Austad and collaborators (Austad and Milter, 

1997; Standnes and Austad, 2000a, 2000b) have shown that cationic surfactants can recover oil by 

spontaneous counter-current imbibition due to wettability alteration. The wettability alteration 

mechanism is supposed to occur by an ion-pair formation by the positively charged cationic 

surfactant and the negatively charged carboxylates in oil. Although they are effective in altering 

wettability for oil-wet rocks, cationic surfactants are too expensive for the field treatment. In 

addition, Stoll et al. (2008) reported that spontaneous imbibition of surfactants, as wettability 

modification agents could not provide an economically interesting opportunity unless external 

forces enable forced imbibition of this surfactant. Foam/PEF can provide this external pressure for 

successful application of chemical EOR in fractured carbonate reservoirs. 

Khalil and Asghari (2006), in a series of static and dynamic experiments, studied the effect of 

reservoir pressure, temperature, and other factors on the effectiveness of the CO2 foam technique 

for reducing foam mobility in carbonate rock. Liu et al. (2006) also studied the foam mobility and 

surfactant adsorption in a carbonate core. Zuta and Fjelde (2008, 2010) studied the performance 

of CO2 foam in fractured carbonate reservoirs. They found that co-injecting CO2 gas and aqueous 

foaming agent solution had slightly higher oil recovery than CO2 injection. Aarra et al. (2011) 



22 
 

studied the foam properties for applications in carbonate material. They investigated the foams 

potential to reduce the mobility of gas and water and found that the generated foams showed good 

ability to reduce gas and water production at low-pressure gradients. 

1.3.1 Application of Foam in Thermal Oil Recovery 

Steam foam EOR has been studied extensively to improve sweep efficiency and to reduce steam 

channeling and override during steam flooding in shallow heavy oil reservoirs. The steam foam 

process consists of adding a surfactant, with and without the addition of a non-condensable gas, to 

the injected steam (Hirasaki, 1989; Isaak, 1994). Based on the findings of theory, laboratory 

studies, and field performance, steam foams are normally more effective in the presence of a non-

condensable gas. Steam foams have been used in both continuous and cyclic steam injection 

(Hirasaki, 1989).  

Steam drives that are not stabilized by gravity can have poor vertical sweep efficiency as a result 

of (1) gravity overlay in the thick sand with vertical communication and/or (2) channeling in a 

layered formation with poor vertical communication (Hirasaki, 1989). The reduced mobility of 

steam foam increases the pressure gradient in the swept region and diverts the steam to the 

unheated interval. Surfactants reduce the steam mobility by stabilizing the liquid lamellae that 

change the steam to a discontinuous phase. The propagation of surfactant is retarded by adsorption. 

In the case of ion exchange of divalent ions from the clays, the surfactant is also retarded by 

precipitation and/or partitioning into the oil. The rate of propagation of foam is also determined by 

the mechanisms that generate and destroy foam as explained earlier in this chapter. Condensation 

and evaporation are also considered as one of the foam destruction mechanisms at high 

temperatures. Adding a small amount of non-condensable gas can retard the evaporation and 

condensation processes (Hirasaki, 1989). 

http://petrowiki.org/Thermal_recovery_by_steam_injection
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In a reservoir (or a sand unit of a multizone reservoir) with nonzero vertical permeability and not 

enough dip and/or horizontal permeability, injected steam will override the reservoir and will result 

in a poor vertical sweep (Hirasaki, 1989). Such reservoirs have a good potential for the application 

of foam in the steam-flooding process. An example of such a case is the steam-drive in the Mecca 

Pilot of the Kern River field, where steam breakthrough occurred early and oil production declined 

(Dilgren et al., 1980; Patzek and Koinis, 1988). 

A thief zone in a steam drive or steam soak is much more severe than in a waterflood. Once the 

thief zone is swept the high mobility of steam than that of the viscous oil and water causes the thief 

zone to be a "short circuit" for the subsequently injected steam (Hirasaki, 1989). The foam will 

improve the injection profile by reducing the contrast between the resistance in the swept thief 

zone and that in the oil-saturated (unswept) zones. The increase in the injection pressure indicates 

a reduction of the steam mobility, demonstrating the effectiveness of a steam foam process. The 

increase in injection pressure corresponds to the increase in the pressure differential for the zones 

that previously were not taking steam i.e. unswept zone which is beneficial to improvement in the 

injection profile. Patzek and Koinis (1988) have shown how the injection pressures, along with the 

saturated steam temperatures in observation wells, can be used to find the in-situ mobility within 

the reservoir.  

Several researchers investigated the potential of foam for improving the thermal oil recovery. The 

first steam-foam process was patented on 1968 (Needham, 1968) describing a process to block 

high-permeability layer so that steam may be diverted into the less permeable layer. Dilgren et al. 

(1982) studied both experimental and field test potential of steam/non-condensable gas foams for 

mobility control in heavy oil recovery. Reduced steam foam mobility in the field (Mecca) was 

evidenced by an increase in flowing bottom-hole pressures for the injectors. An increased rate of 
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oil production was also observed. Hamida et al. (1990) showed that under the experimental 

conditions at elevating temperature the alpha olefin sulfonate (AOS) generated the strongest and 

most long-lived foams of all the studied surfactants. They also observed a significant steam relative 

permeability reduction in the presence of surfactants (steam foam). Cuenca et al. (2014) optimized 

the formulation required to generate stable steam foams up to temperatures of 200 °C. Lau (2012) 

performed an experimental work on alkaline steam foam flooding. In steam drive process, he 

observed that alkaline steam foam has the benefit of increasing foam propagation rate, improving 

mobility control, improving steam use, and reducing the steam oil ratio.  

1.3.2 Nanoparticles Enhanced Foam for EOR 

As mentioned earlier, foam is a potential solution to the technical challenges associated with gas-

injection processes (Kovscek et al. 1994; Rossen et al. 2010; Haugen et al. 2012). It can 

significantly reduce gas mobility by increasing the apparent viscosity of gas and trapping a 

significant amount of gas inside the porous media (Bernard and Jacobs 1965; Hirasaki and Lawson 

1985). Conventionally, surfactants are used to stabilize foam lamellae and the continuous 

regeneration of lamellae is essential for foam transport in the porous media (Rossen 1996; 

Roostapour and Kam 2013). One of the key factors for the cost associated with surfactant-

stabilized foam is the quantity of surfactant required for long-distance propagation of foam from 

the wellbore (Kibodeaux and Rossen 1997). Several factors limit further the economic viability of 

surfactant usage in subsurface applications including surface adsorption, surfactant loss caused by 

partitioning into crude oil, and surfactant degradation under harsh reservoir conditions (Grigg and 

Mikhalin 2007; Chen et al. 2012). The use of nanoparticles can help mitigate these issues. Due to 

its potential to withstand harsh conditions of temperature and salinity in reservoirs, Nanoparticle-

stabilized foam/emulsion recently has been of interest in the petroleum industry. Moreover, 
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economical bulk production of nanoparticles can be obtained from low-cost raw materials such as 

fly ash and silica (Paul et al. 2007). 

It has been reported recently that aqueous foams stabilized by Nano and microparticles alone are 

much more stable than surfactant or polymer-stabilized foams (Alargova et al., 2004; Binks and 

Horozov, 2005; Gonzenbach et al., 2006; Fujii et al., 2006): the latter typically collapse after a 

maximum of a few tens of hours. Cervantes Martinez et al. (2008) showed that it is possible to 

produce large amounts of foam stabilized only by solid particles, that have controlled bubble size 

and that can last for months. The enhanced stability arises from a combination of the adsorption 

of coated particles around bubbles preventing coalescence and disproportionation as well as the 

reduction in the extent of drainage between bubbles due to the increased aqueous phase viscosity 

of a flocculated dispersion. Singh and Mohanty (2015a) studied foam stabilization by in-situ 

surface-hydrophobization of hydrophilic nanoparticles. In their study, surface-modified 

nanoparticles (SMNPs) were obtained by partial hydrophobization of alumina-coated silica 

nanoparticles with a surface modifier. Foams were then stabilized by these SMNPs, in the absence 

of surfactants, which tended to adsorb at the air/water interface in both bulk and porous media. 

Espinosa et al. (2010) investigated supercritical CO2-in-water foam generation in bead packs using 

hydrophilic silica nanoparticles coated with poly (ethylene glycol). The generated foam using 

nanoparticles had 2-18 times more resistance to flow than the same fluid without nanoparticles. 

1.4 Statement of the Problem  

Enhanced oil recovery (EOR) from heavy oil reservoirs is challenging. The higher viscosity of oil 

in such reservoirs, add more challenges and severe the difficulties during any EOR method i.e. 

high mobility ratio, inadequate sweep, reservoir heterogeneity. Besides thermal recovery methods, 



26 
 

non-thermal recovery methods (i.e. solvent, gas, water, and chemical injections) have been used 

for heavy oil recovery. 

• Water and gas injections are usually selected as a first recovery method from heavy oil 

reservoirs due to their relatively low cost. Although these methods can be effective in light 

oil reservoirs without any severe heterogeneity/fracture, they suffer from several 

disadvantages in heavy oil reservoirs (i.e. high mobility ratio, inadequate sweep efficiency 

and early water/gas breakthrough). 

• Chemical methods are most common non-thermal EOR process for heavy oil recovery after 

water flooding. The main issue with the chemical method for heavy oil reservoirs is low 

injectivity and inadequate sweep efficiency, especially in heterogeneous reservoirs. 

Injectivity problem and inadequate sweep efficiency (due to the heterogeneity) are some 

of the main problems in polymer flooding. Surfactant injection in fractured reservoirs also 

suffers from several drawbacks such as slow rate of imbibition which reduce the rate of oil 

recovery from the matrix area where the most of the oil is located. 

• Hydrocarbon solvent injection is also one of the heavy oil recovery methods. The solvent 

injection will reduce the viscosity of heavy oil and make the oil to flow easier. However, 

besides slow rate of diffusion, asphaltene precipitation and deposition is another main 

challenge during solvent injection in heavy oil reservoirs. Precipitation and deposition of 

asphaltene in reservoir rock can cause formation damage and reduce the fluid mobility, 

resulting in significant loss of the hydrocarbon production. 

A comprehensive study for the recovery of heavy oil from fractured reservoirs by means of CO2 

foam/PEF is needed to be investigated from the laboratory to field scale. This work is intended to 

create a base frame for such study and open new insight to discover the paths and parameters for 
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further developments. Foam and PEF have the potential to be a displacing fluid in different types 

of reservoirs. They can be combined with other EOR methods to improve the performance and 

efficiency of current heavy oil recovery process. The high viscosity of the oil and high 

heterogeneity of heavy oil reservoirs can result in inadequate sweep efficiency of conventional 

non-thermal methods. Shallow heavy oil reservoirs in Western Canadian Sedimentary Basin 

(WCSB), which can be also recovered by non-thermal processes, can be the potential target for 

foam/PEF EOR application.  

1.5 Objectives 

This research aims to investigate the potential of CO2 foam and CO2 PEF for heavy oil recovery to 

improve the performance of conventional EOR methods for heavy oil reservoirs. The focus of this 

research is conducting experiments which would help in understanding mechanisms and in the 

design of foam/PEF EOR processes in various challenges exist at the reservoir conditions such as 

heterogeneity, effects of crude oil, wettability, asphaltene deposition, etc. A major attraction of 

foam is the possibility of diverting flow from high-permeability to low-permeability layers. It can 

also provide better control of the injected fluids as stronger foams can spontaneously block the 

flow channels in high-permeability media. Therefore, the main objective of this research is 

evaluating the potential of foam/PEF for heavy oil recovery by combining foam/PEF EOR with 

current EOR method to overcome the disadvantage of current heavy oil recovery methods and 

improve the efficiency of heavy oil recovery. Extensive pore-scale and core-scale studies are 

performed in this research to achieve this goal. To evaluate the potential of foam and PEF for 

heavy oil recovery, followings are the main objectives of this research: 
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• Examine the static performance of foam (generated with a different type of surfactants) 

and effect of polymer addition on foam stability in the presence and absence of heavy crude 

oil. 

• Study the dynamic of foam flow (pore-scale mechanisms of CO2 foam and CO2 PEF) to 

improved conventional surfactant flooding in fractured carbonate reservoirs. 

• Analyze the pore scale performance of hydrocarbon solvent injection for heavy oil 

recovery and improve its performance in fractured reservoirs with the help of foam and 

PEF. 

• Studying the dynamic behavior of foam/PEF flow (core-scale) in the presence of 

waterflood residual oil and providing the mechanisms by which foam recovers tertiary oil 

and the criteria for generation and propagation of a stable foam/PEF. 

1.6 Thesis Structure 

The organization of this dissertation is as follows: 

Chapter 1 includes the general introduction, literature review, and objectives of the thesis. 

The CO2 foam and CO2 PEF are studied in a fractured micromodel after surfactant flooding in 

Chapter 2. The mechanisms involved in the heavy oil recovery be foam and surfactant in the 

fractured reservoir are investigated in this chapter with the help of pore-scale visualization. 

Chapter 3 investigates one of the main problems during the hydrocarbon solvent injection which 

is asphaltene deposition and formation damage. Therefore, the dynamic behavior of asphaltene 

precipitation and distribution pattern in fractured porous media is investigated in this chapter. 

Chapter 4 discuss the potential of CO2 foam and CO2 PEF to improve the performance of 

conventional solvent injection discussed in Chapter 3. At the first part of this chapter performance 

of CO2 foam/PEF are visualized in a fractured micromodel after solvent injection. The second part 
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evaluates the potential of solvent based foam (SBF) as an EOR method to improve the hydrocarbon 

solvent injection process for heavy oil recovery. 

Chapter 5 studies the performance of CO2 foam/PEF in bulk and porous media. Effect of polymer 

addition and heavy crude oil is investigated in both bulk and porous media (homogenous sand-

pack) in this chapter. 

Chapter 6 presents the experimental results of CO2 foam/PEF in homogenous and fractured core 

samples during heavy oil recovery. CO2 foam/PEF are used as a tertiary EOR process after water 

flood to improve the heavy oil recovery. Moreover, the potential of CO2 sequestration by CO2 

foam/PEF are also presented in this chapter.  

The potential of CO2 microbubbles for EOR application is studied in Chapter 7. Results of 

microscopic study, PVT, rheology and porous media experiments are presented in this chapter. 

Chapter 8 provides the conclusions and recommendations of this study and suggestions for further 

work. 
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Chapter 2: Post-Surfactant CO2 Foam/Polymer Enhanced Foam Flooding for 

Heavy Oil Recovery: Pore-Scale Visualization in Fractured Micromodel1 

 

2.1 Introduction 

A significant amount of the world’s oil reserve is in carbonate formations; however, due to the 

presence of fracture networks and oil wet matrix (Chillenger and Yen, 1983; Roehl and Choquette, 

1985), oil recovery from naturally fractured carbonate reservoirs has always been a challenging 

task. After the primary production period, waterflooding is often performed to increase the 

recovery efficiency. In fractured reservoirs, oil recovery from waterflooding relies on the 

spontaneous imbibition of water to expel oil from the matrix into the fracture system. The 

spontaneous imbibition process is most efficient in strongly water-wet rock where the capillary 

driving force is strong. In oil- or mixed-wet fractured carbonate reservoirs, however, the capillary 

driving force for the spontaneous imbibition process is weak, and therefore the water flooding oil 

recoveries are low. The recovery efficiency in fractured oil- or mixed-wet carbonate reservoirs can 

be improved by dissolving low concentrations of surfactants in the injected water to alter the 

wettability of the reservoir rock to a more water-wet state. This wettability alteration accelerates 

the spontaneous imbibition of water into matrix blocks, thus driving oil out of the matrix. The 

fracture networks diminish the effectiveness of water or chemical flooding in the fractured 

reservoirs. Recovery is limited in primary and secondary production because most of the injected 

fluids preferentially go through fracture openings, leaving behind a significant amount of oil in the 

                                                           
1 A version of this chapter has been published: 

  Telmadarreie and Trivedi, 2016. Transport in Porous Media, doi:10.1007/s11242-016-0721-z. 
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matrix. Therefore, designing a process to recover the matrix oil at an economic rate often turns out 

to be a real challenge for such reservoirs (Bourbiaux, 2009). 

Many researchers proposed surfactants as wettability altering agents for oil-wet fractured 

reservoirs (Austad and Miller, 1997; Standnes and Austad, 2000a, 2000b; Seethepalli et al. 2004; 

Hirasaki and zhang, 2004). The nature of positively charged carbonate surface makes cationic 

surfactants the most attractive candidates for oil recovery. Cationic surfactants, although effective 

in altering wettability for oil-wet rocks, are too expensive to be implemented in a field treatment. 

Spontaneous imbibition or buoyancy displacement of oil by the surfactant is main recovery 

mechanism in fractured carbonate reservoirs. However, for the surfactant to imbibe and change 

the wettability of the matrix and subsequently recover oil, it must first diffuse into the matrix 

porous media. Due to the presence of fractures, poor volumetric sweep efficiency is the main 

problem in the fractured carbonate reservoirs that limits the amount of the surfactant that meets 

the oil-wet matrix. According to Stoll et al. (2008), external forces are necessary to enable forced 

imbibition of surfactant. Otherwise, the spontaneous imbibition of surfactant as a wettability 

modification agent could not provide an economically interesting opportunity.  

A major attraction of foam is the possibility of diverting flow from high-permeability to low-

permeability layers. It can also provide better control of the injected fluids as stronger foams can 

spontaneously block the flow channels in high-permeability media (Hirasaki, 1989; Zhou and 

Rossen, 1995). For example, in a work performed by Conn et al. (2014) in a 2D model 

heterogeneous porous media, they showed that foam effectively displaced trapped oil in the low-

permeability region by bubble resistances in the fracture and high-permeability zones. Foam and 

Polymer Enhanced Foam (PEF) can improve sweep efficiency, especially in heterogeneous 

reservoirs, over gas and chemical injections. Since the effective viscosity of foam is much higher 
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than that of gas, it can reduce viscous fingering and gravity override caused by injecting gas, 

supercritical CO2 or steam (Yan et al., 2006). Besides improving sweep efficiency in gas flooding, 

foam and PEF can be used for mobility control in chemical EOR, an alternative to a polymer or 

micellar flooding (Lake, 1989). In addition, the main issue with the chemical method for carbonate 

reservoirs is the slow rate of the wettability alteration and surfactant imbibition processes. 

Therefore, forced imbibition has to be applied. Foam and PEF could offer this external force by 

providing a high injection pressure gradient that will force the surfactant solution, and eventually 

foam bubbles into the oil-wet matrix, resulting in further improvement of oil recovery in carbonate 

formations.  

Porous media micromodels have been used to better understand multiphase fluid transport at the 

pore-level scale (Lee et al., 2015; Song and Kovscek. 2015; Conn et al., 2014; de Haas et al., 2013; 

Gunda et al., 2011). Micromodel systems allow real-time, in situ observation of relevant fluid 

transport in porous media. This chapter aimed to visualize the performance of CO2 foam/PEF in a 

fractured micromodel during heavy oil recovery. CO2 foam/PEF were injected as a tertiary EOR 

method after surfactant flooding. The performance of water flood, surfactant injection, and CO2 

foam/PEF were compared and visualized in the micromodel during the oil recovery process. 

2.2 Materials and Methods 

2.2.1 Materials 

Surfactants are the major chemical constituent in foams. They are classified according to the nature 

of the charged group present on the surfactant head. Their main function is to lower the surface 

tension. Three different types of surfactants (anionic, cationic, and nonionic) and a polymer were 

selected for this research.  
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Surfactants: Sodium dodecyl benzene sulfonate (Na-DDBS, provided by ACROS) was used as 

an anionic surfactant. It is a major component of laundry detergent with the formula 

C12H25C6H4SO3Na (Mw=348.5 g/mol). Cetyltrimethylammonium bromide (CTAB) (Sigma–

Aldrich, 99 % purity) was also used as a cationic foaming agent (C19H42BrN, Mw=364.5 

g/mol). Foam also generated with a nonionic surfactant (Surfonic N85, Huntsman Corporation). It 

is Nonylphenol-ethoxylated nonionic surfactant with a chemical formula of C15H23 (OCH2CH2)n 

OH (n = number of ethylene oxide units ≈ 8-9). 

Polymer: Polymers are used to enhance the stability of the foam by increasing viscosity. The 

polyacrylamide polymer FLOPAAM 3330S (supplied by SNF SAS) in dry powder form was used 

in the preparation of polymer solutions. Polyacrylamide polymers are one of the most general 

polymer types used in the enhanced oil recovery process. FLOPAAM 3330S is anionic and water-

soluble with a degree of hydrolysis of 25-30 % and average molecular weight of 8×106. 

2.2.2 Methods 

Foam/PEF static tests were performed to observe the stability of foam generated with different 

foaming solutions in the presence and absence of crude oil. During dynamic experiments, water 

followed by surfactant was injected in heavy oil saturated micromodel. Surfactant flood was 

performed at a low flow rate over a long period of time to monitor the spontaneous imbibition 

process. Thereafter, CO2 foam/PEF was injected to improve heavy oil recovery and visualize the 

performance of foam bubbles.  

2.2.2.1 Foam Bulk (Static) Experiments  

CO2 Foam/PEF generation: For the preparation of the foaming solution, a surfactant and polymer 

(for CO2 PEF generation) were mixed in water. The concentrations of the surfactant and polymer 
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were 0.29 wt % and 0.15 wt %, respectively. For foam/PEF analysis in the presence of oil, 5 cc of 

oil was added to the foaming solution before high-speed mixing. Detailed procedure is explained 

later in Chapter 5.  

Static Stability: In each experiment, both the height of the liquid and the height of the foam column 

were measured as a function of time. The time required to drain half of the liquid from the foam 

was measured as a foam half-life value, representing foam stability. Moreover, the initial foam 

height value was also measured as the foamability of foaming solutions, defined as the ability of a 

solution to generate the foam. All the experiments were performed at ambient condition. The range 

of uncertainty in the foam height measurements was ±0.2 cm. It should be mentioned that each 

experiment was repeated at least once to assure the reproducibility of results. 

2.2.2.2 Micromodel Experiments 

The micromodel was designed to represent its highly fractured carbonate analog through a high 

permeability contrast. Flow visualization experiments were performed using a specially designed 

micromodel (made from Borosilicate glass) with high permeability contrast between the matrix 

and fracture to imitate the highly-fractured carbonate formation. The micromodel was placed in a 

holder consisting of the inlet and outlet ports, which communicate with the micromodel at the 

drilled holes. An in-line foam generator was designed before the micromodel inlet. It consists of 

porous screens with a mesh size of 80 (Figure 2.1). 

To change the wettability of the micromodel, which was originally water wet (WW), a siliconizing 

fluid (SurfaSilTM, the chemical composition is primarily dichloro-octamethyl-tetrasiloxane) was 

used to coat the glass surface. SurfaSilTM works by reacting directly with polar groups (silanols) 

on the glass surface. The detailed procedure for the wettability alteration of the micromodel is 

explained in Chapter 4. 
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For each experiment, heavy crude oil (viscosity of ~ 6000 cp at 22 ºC) was used to saturate the 

micromodel. An image of the heavy oil saturated micromodel (1 cm × 7 cm with fracture thickness 

of 1 mm) is shown in Figure 2.1. After oil saturation (aged for 24 hours), the micromodel was 

flooded with water for 200 minutes. Thereafter, the surfactant solution was injected for about two 

days, followed by 200 minutes of CO2 foam/PEF injection. Three different types of surfactants 

(anionic, nonionic and cationic) were used during surfactant flood to observe further oil recovery, 

especially by imbibition process. The surfactant solution was injected into the micromodel at a 

very low flow rate (0.0016 cc/min) to ensure enough surfactant concentration for imbibition 

process over a period of two days. A syringe pump (ISCO Model 500D) was used for liquid 

injection. A gas mass flow controller (MFC) (provided by Hoskin Scientific Ltd) was used for the 

accurate injection of CO2 gas at a constant volumetric flow rate. The pressure was also measured 

and recorded by a pressure transducer (OMEGADYNE Model PX409) connected to a computer. 

A high-quality digital camera was used for imaging the flooding processes, and then the captured 

images/movies were processed using MATLAB to assess the oil recovery performance. For image 

analysis, all images were converted to black and white scale before analysis. A constant cut off 

value (for color conversion) was defined for all images for consistency of results. Reduction in 

back color (representing oil saturation) over time was calculated and recorded as the oil recovery 

factor. At the end of each test, micromodel was analyzed under the microscope (Leica DM 6000M 

microscope) for further analysis of residual saturations in the pores and overall recovery 

mechanism  

The detailed information of each experiment is represented in Table 2.1. The CO2 foam and CO2 

PEF quality were kept constant at 92 %. Foam quality is defined as the ratio of gas volume to total 

volume of foam. Imbibition process was monitored during surfactant injection by visualizing and 
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then calculating matrix oil recovery. During foam/PEF flooding, micromodel was studied in detail 

with higher magnification microscope. Observing the behavior of foam/PEF bubbles and 

mechanisms involved in matrix oil recovery were the key objectives during foam/PEF flooding 

experiments. 

 

Figure 2.1: Schematic of the fractured micromodel set-up for foam injection. 

Table 2.1: Experimental parameters (CO2 foams were injected as a tertiary recovery process). 

 

 

2.3 Results 

2.3.1 Foam/PEF Static Stability 

The change of normalized foam height versus time for the studied surfactants is shown in Figure 

2.2. The effect of crude oil on foam decay profile is shown in this Figure (2.2b). The addition of 

Experiment 
Foaming 

solution 

Injected fluid flow rate (cc/min) 

Water Surfactant CO2 gas 
Foam/PEF 

solution 

#1 DDBS 0.0016 0.0016 0.1 0.0083 

#2 N85 0.0016 0.0016 0.1 0.0083 

#3 CTAB 0.0016 0.0016 0.1 0.0083 

#4 DDBS+Flopaam 0.0016 NA 0.1 0.0083 
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heavy oil reduces the foam stability. This effect is more pronounced in the case of foam generated 

with a nonionic surfactant (N85). Furthermore, foamability and stability (half-life) of foams and 

PEF are shown in Figure 2.3. The foam decay profiles of the studied ionic surfactants (DDBS and 

CTAB) are similar; however, DDBS shows better stability (half-life) than that of CTAB. The good 

foamability of anionic surfactants has been reported in several references (Flick, 1993; Urban, 

2003; Rosen and Kunjappu, 2012). Nonionic surfactants generally produce less foam and much 

less stable foam than ionic surfactants in aqueous media. These effects are probably due to the 

larger surface area per molecule and the absence of highly charged surface films in these foams. 

In both ionic and nonionic surfactants, the static stabilization is achieved by repulsive forces 

between the surfactant monolayers. For ionic surfactants, the repulsive force is electrostatic and 

caused by the charged groups at the interfaces, whereas for nonionic surfactants, static stabilization 

is achieved by a steric repulsion, which is due to the overlap of the surfactant chains. Based on 

many researchers' observations, anionic and cationic surfactant generate more stable (last longer) 

foam films than those of nonionic surfactants. This is explained by the DLVO theory, which deals 

with the mutual repulsion of the electric double layer (Israelachvili, 1991; Schramm and 

Wassmuth, 1994). Therefore, the ionic surfactants (DDBS, and CTAB) generated more foam 

volume with relatively higher stability compared to that of nonionic N85 surfactant. Both 

foamability (initial foam height) and foam stability (half-life) of ionic surfactants are higher than 

the nonionic surfactant as shown in Figure 2.3a.  
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DDBS surfactant was selected for studying the effect of polymer addition (PEF study). The major 

advantage of polymer addition in foaming solution is viscosity enhancement. Increasing viscosity 

of foaming solution may reduce the liquid drainage rate within the foam lamella. Polymer increases 

the viscosity of liquid solution within the foam lamella, reduces the rate of liquid drainage, and 

consequently increases the stability of the foam. According to Figure 2.3b, the addition of polymer 

in DDBS solution has a significant effect on the stability of foam such that the heavy oil has no 

significant effect on DDBS-PEF stability. 

Figure 2.2: Normalized foam height versus time; (a) in the absence and (b) in the presence of heavy oil. 

 

Figure 2.3: Foamability and foam stability (half-life) values for studied foaming solutions; (a) in the 

absence and (b) in the presence of heavy oil. 
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2.3.2 Waterflooding 

Waterflooding is the most common method for recovering oil from reservoirs. Water displaces oil 

from the pore spaces, but the efficiency of such displacement depends on many factors, including 

oil viscosity and reservoir characteristics including wettability and heterogeneity. In fractured 

carbonate formation, especially those containing heavy oil, both wettability, and heterogeneity 

significantly diminish the performance of waterflooding. Water was injected for 200 minutes to 

imitate the residual oil saturation condition. For all the experiments, the primary waterflood 

recovery factor was around 18±1 %. An image of water flooded micromodel is shown in Figure 

2.4. Water could only sweep the oil from the fracture without any effect on matrix oil. 

 
Figure 2.4: Micromodel image at the end of waterflood; water could partially sweep the fracture without 

any impact on matrix oil. 

 

2.3.3 Surfactant Injection 

At typical carbonate reservoir conditions, rock surfaces have a positive charge. The negatively 

charged carboxylic acid anions in oil are attracted to positively charged carbonate surfaces, thus 

generating oil-wet surfaces. Waterflooding can be ineffective in recovery from carbonate 

reservoirs because the capillary pressure curve is predominantly negative, therefore 

surfactant/polymer flooding is considered to be a more viable option (Seethepalli et al., 2004). It 

is worth mentioning that the carbonate minerals in the rock play a role in the effectiveness of the 

surfactant flooding. Several mechanisms are responsible for adsorption of surfactants (ionic and 

nonionic) into the rock surface (Rosen, 1978) such as electrostatic attraction/repulsion, ion-
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exchange, chemisorption, chain–chain interactions, hydrogen bonding, and hydrophobic bonding. 

The nature of the surfactants, minerals, and solution conditions as well as the composition of 

reservoir rocks play an important role in determining the interactions between the reservoir 

minerals and externally added reagents (surfactants and/or polymers) and their effect on surface 

charge and wettability. Since our experiments are done on glass etched porous media, these 

mechanisms don’t play a role in our studies. 

Figure 2.5 shows the images of the micromodel at the end of surfactant flooding. Anionic DDBS 

surfactant does not significantly improve the oil recovery after the waterflood (Figure 2.5a and 

Figure 2.7) and there is no imbibition. The oil recovery is mainly from the regions around the 

matrix-fracture interface with almost no effect on matrix oil. On the other hand, the nonionic 

surfactant (N85) can slightly imbibe into the matrix area only near the fracture zone and increases 

the oil recovery further (Figure 2.5b and Figure 2.7). Based on Figure 2.5c and Figure 2.7, the 

cationic CTAB surfactant significantly imbibes into the matrix and decreases the residual oil 

saturation much further. CTAB surfactant imbibes into the matrix and moves the oil toward the 

matrix by counter-current imbibition process. The presence of oil within the fracture and existence 

of swept zone in the matrix support the occurrence of imbibition process as shown in Figure 2.5c. 

Due to low flow rate, and thus a weak pressure gradient, the main mechanism in charge of further 

oil recovery (after waterflood) is imbibition of surfactant into the matrix. It should be mentioned 

that the oil recovery mechanism by reduction of IFT is also present to the lesser extent, especially 

in the case of anionic surfactant without any significant imbibition. The IFT values for the DDBS, 

CTAB and N85 surfactant with studied oil are 0.35 mN/m, 0.28 mN/m, and 0.55 nN/m, 

respectively. Surfactant reduces the IFT between oil and water result in moving some residual oil 

near the matrix-fracture interface where the surfactant solution is in contact with oil. 
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Figure 2.5: Images of micromodel at the end of surfactant flooding; (a) anionic DDBS, (b) nonionic N85, 

and (c) cationic CTAB; representing surfactant imbibition into the matrix; arrows represent surfactant 

imbibition process. 

 

2.3.4 CO2 Foam and CO2 PEF Flooding 

The main issue with surfactant injection into naturally fractured carbonate reservoirs is the low 

penetration of surfactant into the matrix. Even a wettability altering agent such as cationic CTAB 

surfactant cannot produce the heavy oil from the matrix in acceptable rate. Therefore, some 

external force is required to improve matrix oil recovery. Beside wettability alteration, high-

pressure gradients between fracture and matrix result in viscous force promoting the oil 

displacement from the matrix. Foam and PEF can effectively provide this pressure gradient. 

Foam/PEF bubbles can decrease the mobility and result in a resistance to flow within the fracture 

diverting the fluid toward the matrix. It should be mentioned that fracture will be still preferential 

flow path for the injected liquid; however, when they are in the fracture path, foam/PEF bubbles 

create a resistance to flow compared to the case without foam bubbles. This resistance will give 

the injected fluid enough time to move toward the matrix and increase the sweep efficiency. 
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After two days of surfactant flooding, CO2 foam generated with the same type of surfactant was 

injected for a period of 200 minutes to improve the matrix oil recovery. The results are presented 

in Figure 2.6. For effective oil recovery, the stable foam should be generated in the fracture path 

(or swept parts of the reservoir). Therefore, the ability of the surfactant to generate stable foam has 

a good accordance with its performance during oil recovery. Foam generated with anionic DDBS 

surfactant recovers the matrix oil 20% and 4 % higher than that of N85 and CTAB foams, 

respectively. This observation is comparable to the foam static results in Figure 2.3. DDBS has 

higher static stability than both CTAB and N85 foams in the presence of heavy oil. Despite having 

higher oil recovery during N85 surfactant flooding, the N85 foam cannot block the fracture path 

effectively, only recovering 6 % of initial oil saturation (Figure 2.7). 

In addition, as seen in Figure 2.6d, DDBS PEF was also injected into the water flooded micromodel 

to compare its oil recovery performance with that of foam. It should be mentioned that DDBS PEF 

was injected after waterflooding without any surfactant flooding as DDBS surfactant injection 

shows no significant oil recovery over a period of two days. PEF significantly improves the matrix 

residual oil recovery (70%) compared to that of DDBS foam flooding (26%). This performance is 

in accordance with the observations from the static stability results where PEF is much more stable 

than that of foam and crude oil has almost no significant effect on its stability. 
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Figure 2.6: Images of micromodel at the end of CO2 foam/PEF flooding; (a) DDBS foam, (b) N85 foam, 

(c) CTAB foam, and (d) DDBS PEF. 

 

2.4 Discussion 

2.4.1 Surfactant Flooding 

Chemical treatment for wettability alteration is one of the techniques to recover oil from naturally 

fractured carbonate reservoirs. The surfactant molecules diffuse/flow from fractures into the 

matrix and change wettability and IFT. The reduction in IFT decreases the entry capillary pressure. 

The key to recovering oil is the wettability alteration to preferentially water-wet or intermediate-

wet conditions. 

Austad and collaborators (Austad and Milter, 1997; Standnes and Austad, 2000a, 2000b) have 

shown that cationic surfactants can recover oil by spontaneous counter-current imbibition due to 

wettability alteration. The mechanism of wettability alteration is supposed to take place by an ion-
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pair formation by the cationic surfactant and the negatively charged carboxylates in oil. 

Ethoxylated sulfonate surfactants with high Ethylene oxide (EO) numbers can also displace oil 

spontaneously in a slow process (Gupta and Mohanty, 2008). In addition, Gupta and Mohanty 

(2010) observed the wettability alteration by Nonylphenol Ethoxylate nonionic surfactant in oil-

wet calcite plate. 

Cationic CTAB, anionic DDBS and nonionic N85 (Nonylphenol Ethoxylate) were used for 

surfactant flooding experiments. Figure 2.7 shows the oil recovery factor for each experiment. 

According to Figure 2.5 and Figure 2.7, the ability of studied surfactants to imbibe into the matrix 

is in order of CTAB >> N85 > DDBS, while their ability of matrix oil recovery during foam 

flooding after surfactant flooding (Figure 2.6 and Figure 2.7) is in order of DDBS > CTAB > N85. 

CTAB surfactant solution has the highest amount of imbibition and therefore oil recovery, while 

DDBS surfactant solution has no significant effect on wettability alteration or oil recovery after 

waterflooding. Figure 2.8 shows the detailed time-lapse images of CTAB surfactant solution 

imbibition into the matrix over the period of two days.  Due to nature of the charge in carboxylates 

in oil, in contrast to cationic CTAB surfactant, the negatively charged anionic surfactants are not 

effective in changing wettability (due to electrostatic repulsion), unless they have Ethylene oxide 

(EO) group in their structure which is not the case for DDBS surfactant. Therefore, as expected 

from surfactant structure, the only mechanism for further oil recovery by DDBS surfactant is IFT 

reduction, which is fairly ineffective in fractured heavy oil saturated model. Figure 2.9 represents 

the microscopic images of micromodel after two days of DDBS surfactant flooding. Without any 

major imbibition, IFT reduction and emulsification are the main mechanisms of oil recovery 

during DDBS surfactant flooding. 
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Figure 2.7: Oil recovery profiles at the end of the water, surfactant, and foam/PEF injections. 

 

 

Figure 2.8: Time-lapse images of micromodel during two days of CTAB surfactant injection representing 

imbibition process; (a) initial, (b) after 12 hours, (c) after 24 hours, and (d) after 48 hours of surfactant 

injection. 
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Figure 2.9: Microscopic image of micromodel at the end of DDBS surfactant flooding; oil recovered by 

IFT reduction and emulsification without any significant surfactant imbibition into the matrix. 

 

The nonionic N85 surfactant can diffuse into the matrix much better than DDBS surfactant and 

recover more oil (Figure 2.5(b) and Figure 2.7). Figure 2.10 and Figure 2.11 represent the 

microscopic images of micromodel at the end of the N85 and CTAB surfactant flooding, 

respectively. The slight diffusion of N85 surfactant into the matrix can be seen in Figure 2.10. 

Although the imbibition is not significant, it is still higher than DDBS surfactant. Therefore, N85 

can slightly change the wettability toward the water-wet condition. This can be explained by the 

presence of Ethylene oxide group in N85 surfactant structure. The EO-surfactant is supposed to 

adsorb with the hydrophobic part onto the hydrophobic surface of micromodel (Standnes and 

Austad, 2000b). The water-soluble head group of the surfactant (the EO-groups) may decrease the 

contact angle below 90° by forming a small water zone between the coated surface and the oil. A 

schematic of this process is shown in Figure 2.12(a). However, this mechanism must not be 
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regarded as a permanent wettability alteration. In fact, it will probably be fully reversible due to 

the weak hydrophobic bonds between the surfactant and the hydrophobic surface (Standnes and 

Austad, 2000b). 

For cationic CTAB surfactant, surfactant imbibition into the matrix was much higher than other 

studied surfactants. The cationic surfactant imbibed into the matrix and increased the heavy oil 

recovery by wettability alteration as seen in Figure 2.11. The mechanism of wettability alteration 

is due to an ion-pair formation by the cationic surfactant and the negatively charged carboxylates 

in oil. A schematic of this process is shown in Figure 2.12(b). The cationic monomers will interact 

with adsorbed anionic materials from the crude oil by electrostatic forces. The adsorbed material 

at the interface between oil, water, and grain will be desorbed by forming an ion-pair between the 

cationic surfactant and the negatively charged adsorbed carboxylic groups. In addition to 

electrostatic interactions, the ion-pair is stabilized by hydrophobic interactions (Standnes and 

Austad, 2000b). Some of the desorbed material may also be dissolved in the micelles. In this way, 

the water will penetrate the pore system, and oil will be expelled from the matrix through 

connected pores with high oil saturation in a so-called counter-current flow mode. Thus, once the 

adsorbed organic material has been released from the surface, the surface becomes more water-

wet and the imbibition of water is in fact governed by capillary forces. 
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Figure 2.10: A microscopic image of micromodel at the end of N85 surfactant flooding; oil recovered by 

IFT reduction and emulsification with minor surfactant imbibition into the matrix. 

 

  

 

 

 

 

 

 

 

 

 

Figure 2.11: A microscopic image of micromodel at the end of CTAB surfactant flooding; surfactant could 

imbibe into the matrix and increase the oil recovery by counter-current imbibition. 
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The primary displacement mechanism during cationic surfactant flooding is countercurrent 

movement as seen in Figure 2.8 and Figure 2.11. Surfactant imbibes into the matrix pores and oil 

is moved into the fracture by countercurrent flow. Countercurrent movement is believed to be a 

function of not only capillary forces but also the Marangoni effect that describes spontaneous 

interfacial flows induced by water-oil interfacial tension (IFT) gradient (Pratt, 1991; Austad and 

Milter, 1997; Lyford, 1998). It is believed that the Marangoni effect created a hydrodynamic shear 

stress at the oil-water interface that provided additional force to mobilize the displaced oil phase 

in the direction opposite to the imbibed aqueous phase. As also mentioned before, the cationic 

surfactant improved oil recovery by altering rock wettability (Austad et al., 1998; Standnes and 

Austad, 2000b) that maximized counter-current movement. 

 

Figure 2.12: Schematics of wettability alteration mechanisms by surfactant; (a) N85 Surfactant containing 

EO group, and (b) Cationic CTAB surfactant at an initial stage before wettability change. Circles and cubes 

show the surfactant and oil molecules, respectively. 

 

2.4.2 Applying Foam to Improve Surfactant Flooding in Fractured Carbonate Reservoirs 

Wettability and matrix block size are two major factors in fluid transfer between fractures and 

matrix (Kiani et al., 2001). For an oil-wet fractured carbonate reservoir, injected water can flow in 

fractures easily and much faster than in the matrix. Gravity drainage can produce oil if the matrix 

block is thick enough to overcome the negative water-oil capillary pressure. The surfactant 

injection in an oil-wet fractured reservoir might not be effective because of the following reasons 
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(Kiani et al., 2001): 1) Pressure gradient may be too small to displace oil from the matrix in 

fractured formations, and 2) High permeable fractures could act like thief zones. In these cases, 

using mobility control agents like foam might be considered. Foam and Polymer Enhanced Foam 

(PEF) can improve sweep efficiency, especially in heterogeneous reservoirs, over gas and 

chemical injections. 

The spontaneous invasion of aqueous surfactant solution into an initially oil-wet porous media is 

a slow process. At early times, the rate of surfactant penetration is controlled by the dynamics of 

transfer of surfactant from the meniscus to the solid surface through the three-phase contact line, 

whereas at late times the rate of penetration is controlled by the rate of diffusion of surfactant in 

the bulk (Hammond and Unsal, 2009). A schematic of probable mechanism of surfactant 

adsorption and wettability alteration is shown in Figure 2.13. At the meniscus, surfactant 

molecules are adsorbed onto the solid surface through the three-phase contact line. This transfer 

from the bulk solution to solid surface results in a decrease in the bulk surfactant concentration 

near the meniscus and causes a concentration gradient that supports the moving meniscus (Figure 

2.13; T1 and T2). Adsorption of surfactant on the solid surface causes the wettability to alter, and 

so, the pore becomes more water wet (Figure 2.13; T3). 

 

 

 

 

 

 

Figure 2.13: A schematic of wettability alteration and contact angle reduction during surfactant flooding 

(θ1 > θ2 > θ3). 
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Displacement of the oil phase from a porous medium under an externally applied pressure 

difference is known as forced imbibition/drainage. Forced imbibition is potentially much faster 

than the spontaneous case, at least when the applied pressure is large enough to overcome the 

capillary pressure threshold for entrance into the oil-wet pores. However, when the applied 

pressure is less than the threshold pressure for entry, the meniscus can only penetrate if surfactant 

changes the contact angle. Diffusion and adsorption of surfactant molecules are very slow 

processes. Applied differential pressure does not make these two processes faster; it only speeds 

up the meniscus (Hammond and Unsal, 2009).  

At applied pressures, larger than the threshold for entry into the oil-wet capillary, provided by 

foam injection, the speed meniscus advancement is controlled by the balance between viscous 

forces and applied pressure, which leads to the comparatively rapid motion. Therefore, there is 

little time for any surfactant on the meniscus to transfer to the solid surface, and as a result, the 

concentration on the solid surface remains small, and so, there is little change in wettability. 

The performance of a foaming solution depends on its ability to generate strong foam rather than 

its wettability alteration potential. This is the reason for higher oil recovery factor of DDBS foam 

flooding compared to that of the N85 and CTAB foams as seen in Figure 2.6 and Figure 2.7. Figure 

2.3 shows that DDBS foam relatively has more stability than other studied surfactants in the 

presence of oil.  

Once strong foam generates in the fracture, there will be a resistance to flow due to the presence 

of foam bubbles in the fracture. Thereafter, forced imbibition pushes the surfactant solution, and 

eventually the foam bubbles, into the matrix. Beside forced imbibition, visualization through this 

study showed that there are other mechanisms involved in further matrix oil recovery. Foam 

bubbles can increase the viscous force in narrow zones of the matrix and push the oil bulbs trapped 
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in those zones. This process is shown in Figure 2.14. Foam bubbles increase the local pressure in 

the narrow capillary zone and recover the trapped oil. Furthermore, blocking opening area in the 

matrix by the network of bubbles can further increase the oil recovery from the matrix. When they 

reach a larger opening area, bubbles release their energy (based on the Laplace formula) and block 

those areas. As a result, the liquid is pushed to move in a narrow zone between the bubble and 

grain surface, where most of the oil is located. Thereafter, the foaming solutions sweep the oil by 

emulsification in the area around the grain. Figure 2.15 presents the camera and microscopic 

images of this process. The residual oil at the end of foam/PEF flooding is mainly left as a thin oil 

layer around the oil wet grain surface. The more effective foaming solution results in the thinner 

oil layer at the end of flooding. 

 

 

 

 

 

 

 

Figure 2.14: Removing trapped oil in narrow throat of the matrix by foam bubbles. Arrows show the 

direction of movement (time increases from T1 to T4).  

 

The mechanism involved in PEF flooding is similar to that of foam. However, the effectiveness of 

PEF in heavy oil sweep efficiency is much higher than that of foam (Figures 2.6 and 2.7). PEF can 

provide higher differential pressure, resulting in better matrix oil recovery. Also, due to the 

presence of polymer, bubbles are more stable comparing to that of conventional foam increasing 
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the sweep efficiency further. It is worth mentioning that, foam/PEF flooding tends to increase the 

injection pressure to improve sweep efficiency. Therefore, it will be more effective when used as 

a tertiary recovery process, when a swept path has been created in the reservoir and there won’t be 

any injectivity problem.   

     

 

 

 

 

 

 

     

 

 

 

 

 

 

 

 

 

 

Figure 2.15: Blocking opening area in the matrix by a network of bubbles improving sweep efficiency; (a) 

camera and (b) microscopic images. Arrows show the direction of liquid movement between foam bubbles 

and grain. 
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2.5 Summary 

This chapter investigated the pore-scale phenomena during surfactant and CO2 foam/PEF flooding 

for heavy oil recovery in fractured oil-wet porous media. After surfactant flooding, the CO2 foam 

was injected as a tertiary EOR process. Followings are the summary of this chapter: 

• Among studied surfactants, cationic CTAB can imbibe into the oil wet matrix and 

increased the matrix oil recovery. The oil recovery factor at the end of anionic DDBS, 

nonionic N85, and cationic CTAB surfactant flooding were 4.4 %, 15.6 %, and 25.8 %, 

respectively. 

• The combined injection of surfactant and foam/PEF resulted in a higher injection pressure 

gradient due to the high flow resistance resulting from the presence of foam bubbles. This 

increased pressure produced an additional force to drive surfactant into the matrix or low-

permeability areas. 

• The performance of each foaming solution in oil-wet fractured porous media depends on 

its ability to generate stable foam rather than its wettability alteration potential.  

• Per the results of this chapter, there is a good agreement between the static performance of 

each foaming solution and its dynamic efficiency during heavy oil recovery; stable 

foam/PEF in the static test have more chance to be stable in the dynamic condition. 

• Foam flooding can significantly increase the heavy oil recovery from oil wet matrix. 

Besides increasing the viscous force in narrow zones of the matrix, foam bubbles can block 

opening area in the matrix and increase sweep efficiency in the matrix. 

• The effectiveness of PEF in heavy oil sweep efficiency was much higher than that of 

conventional foams. Due to the presence of polymer, PEF bubbles were more stable than 

that of foam in the presence of heavy oil and therefore increased the sweep efficiency. 
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Chapter 3: Dynamic Behavior of Asphaltene Precipitation and Distribution 

Pattern in Fractured Carbonate Reservoirs during Hydrocarbon Solvent 

Injection: Pore-Scale Observations2 

3.1 Introduction 

In heavy oil reservoirs, asphaltene precipitation and deposition is one of the main challenges during 

oil recovery, especially in the solvent injection process. Asphaltene deposition within reservoir 

rocks and production facilities is one of the major technical obstacles in hydrocarbon productivity 

(Sheu and Mullins, 1995).  

The most common used definition of asphaltenes is based on their solubility. They are insoluble 

in alkanes (i.e. n-pentane, n-hexane, n-heptane) but soluble in aromatics (i.e., benzene, toluene, 

and xylene). Several factors are responsible for amount and composition of asphaltene such as; the 

nature of crude oil, pressure, temperature, type of solvent (e.g. number of carbons), contact time, 

and solvent/crude ratio (Speight et al., 1984; Andersen and Birdi, 1990). For example, Ferworn et 

al. (1993), Hammami et al. (2000), and Speight (1999) observed that asphaltene flocculation 

increases with decreases in the carbon number of the solvent. Besides, Moreno and Babadagli 

(2013) noted that when the carbon number of the solvent increases from C3 to C15, the heavy-oil 

production would also increase due to the asphaltene solubility effect. 

Eskin et al. (2016) published a critical review of formation damage induced by asphaltene 

deposition. They present several field case studies as well as laboratory works which deal with 

asphaltene deposition and formation damage problem. According to this review, no systematic 

laboratory research has been conducted to investigate mechanisms of asphaltene impairment in 

                                                           
2 A version of this chapter has been published: 

  Telmadarreie and Trivedi, 2017. SPE paper 184970 presented at the SPE Heavy Oil Conference, Calgary, Alberta. 
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porous media. There was also no field case study for which systematic laboratory research had 

been performed to determine primary causes of formation damage and to develop a technique for 

formation damage prevention in that area. Several studies observed asphaltene deposition in core 

scale while using hydrocarbon solvent for heavy oil recovery (Leyva-Gomez and Babadagli, 2016; 

Kelli Rankin, 2013; Zekri and Shedid, 2004). Such studies cannot directly observe the mechanisms 

involved in asphaltene deposition. However, Arciniegas and Babadagli (2014) observed the 

asphaltene deposition on glass beads under the microscope after solvent injection. They also 

measured the thickness of asphaltene on the glass beads surface which was deposited by different 

types of solvent.  

Micromodel studies can be used for direct observation of phenomena happening at pore scale in a 

dynamic condition. There are relatively limited numbers of micromodel study on asphaltene 

deposition observation, especially in a fractured porous media containing heavy oil. For example, 

Danesh et al. (1988) investigated the precipitation of asphaltene during miscible gas injection. 

They used heterogeneous glass micromodel to visualization the asphaltene precipitation and 

deposition process. Dehghan et al. (2010) also used a heterogeneous glass micromodel to visualize 

the heavy oil recovery by water alternating solvent (WAS) injection. They observed that although 

the precipitated asphaltene may initially result in the better spread of solvent in the media, during 

the time the solvent propagation would be prevented by asphaltene plugging effect. Farzaneh et 

al. (2010) conducted a series of hydrocarbon solvent injection experiments in a fractured five-spot 

glass micromodel. They observed that the oil recovery decreased with increase in the fractures’ 

spacing, discontinuity, overlap, and distribution. They also observed that most of the asphaltene 

was precipitated on walls of the fracture. Pathak et al. (2012) used a high permeability glass bead 

micromodel for heavy oil recovery with hot solvent injection. They found that the asphaltene 
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flocculation is greater for lighter paraffinic solvents as compared with heavier paraffinic solvents. 

They also found that the asphaltene flocculation (and deposition) mostly occurs at the interface of 

pure solvent and heavy oil, where the concentration gradient of the solvent is highest. Asphaltene 

deposition reduced as the solvent continues to diffuse into the oil zone. Most recently, Doryani et 

al. (2016) investigate the process of asphaltene precipitation and deposition in a uniformly 

patterned glass micromodel. Based on their results, the destabilization of dissolved asphaltene 

occurred along with the formation of a cloud-like, semi-solid phase due to the diffusion of solvent 

(n-heptane) molecules indicating the onset of asphaltene precipitation.  

Precipitation and deposition of asphaltene in reservoir rock can cause formation damage and 

reduce the fluid mobility, resulting in significant loss of the hydrocarbon production. Hydrocarbon 

solvent injection, as a non-thermal heavy oil recovery method, suffers from asphaltene deposition 

problem. A detailed study on asphaltene deposition behavior in porous media improves the 

understanding of asphaltene-induced formation damage and provides the possible solutions for 

preventing and/or controlling formation damage. This chapter aimed to open new insight on 

asphaltene deposition mechanisms in fractured reservoirs. Asphaltene precipitation, deposition, 

distribution in porous media and formation damage (pore blocking) were observed by a uniquely 

designed fractured micromodel representing the fractured reservoirs. The deposition behavior of 

asphaltene was studied with three different types of solvent during extra-heavy oil recovery. The 

observations through this study improve our understanding of the situations that asphaltene 

deposition may result in blocking the flow path and increase the formation damage and thus help 

us to control this problem. 
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3.2 Materials and Methods 

3.2.1 Materials 

Normal pentane (nC5), normal heptane (nC7), and Dodecane (nC12) (provided by Fisher 

Scientific) were used as the hydrocarbon solvent for extra-heavy oil recovery (dead oil viscosity = 

30,000 cp at 22 °C and dead oil density = 0.933 g/cm³). Table 3.1 lists some of the main properties 

of applied solvents. 

Table 3.1: Density and viscosity of the hydrocarbon solvents used in this study. 

Solvent name Chemical formula Density (g/cm³) Viscosity (at 20 °C) 

Pentane (C5) C5H12 0.626 0.25 cp 

Heptane (C7) C7H16 0.689 0.4 cp 

Dodecane (C12) C12H26 0.749 1.34 cp 

 

3.2.2 Asphaltene Content Measurement of the Crude Oil 

Asphaltene content of crude oil was measured using all three solvents following the ASTM 

(D2007-80) method. It should be mentioned that the objective was to compare the amount of 

asphaltene precipitation by each solvent. In this method, a certain amount of oil (10 ml in this case) 

was measured and 40-times that volume of solvent was added to the glass flask. The solution was 

stirred and let to equilibrate for two days. After aging for two days, a funnel filter assembly was 

used to separating asphaltene particles from the solution. A clean filter paper (0.22 µ) was weighted 

before separating the asphaltene. The filter paper was put inside a funnel cup connected to the 

glass flask. The vacuum pump was connected to the side arm of the filtration flask to begin 

filtration. A schematic of this process is shown in Figure 3.1. After passing the whole solution 

from the filter paper, it was dried and weighted to measure the asphaltene content of the crude oil. 

The weight of precipitated asphaltene was monitored over time to make sure that it is completely 

dry i.e. when the weight change was less than 0.001 grams over the period of 12 hours. This process 
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was repeated for all three solvents. The precipitated asphaltenes were also studied under SEM-

EDX for further analysis.  

 

 

 

 

 

 

 

 

Figure 3.1: Schematic setup of measuring the asphaltene content of the heavy oil using different solvents. 

 

3.2.3 Micromodel Experiment 

A special fractured-heterogeneous micromodel (1×7 cm with fracture thickness of 1000 microns) 

was designed to imitate the fractured carbonate reservoirs as shown in Figure 3.2. The ranges of 

pore sizes and the fracture dimension are shown in this image. The wettability of the micromodel 

was also altered to oil wet (OW) conditions with the help of a siliconizing fluid. After initial water 

and oil saturation, hydrocarbon solvents were injected into the micromodel. The phenomena 

happening during the solvent injection were monitored by capturing images and video with the 

help of a high-quality camera. At the end of each test, micromodel was analyzed under the 

microscope (Leica DM 6000M microscope) for further analysis. Image analysis was performed to 

calculate the amount of deposited asphaltene in the micromodel. Each image processed with a 

similar color threshold to have the same condition for the measurement. After that, the images 
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were analyzed with the MATLAB software for measuring the percentage of deposited asphaltene 

as well as ultimate oil recovery. It should be mentioned that all the experiments were performed 

at ambient condition.  

 

 

 

 

 

 

 

 

 
Figure 3.2: Image of the fractured-heterogeneous micromodel showing pore structure. Note: black area 

shows the porous zone saturated with heavy oil and the white area shows the grain. 

 

3.3 Results  

3.3.1 Asphaltene Static Study 

In this study, normal pentane, heptane, and dodecane were used for hydrocarbon solvent injection 

for extra-heavy oil recovery. After fluid saturation (water and oil) in micromodel, hydrocarbon 

solvent was injected to observe the pore-scale phenomena during solvent injection for heavy oil 

recovery. The injection rate was selected to be small enough to have relatively stable injection 

profile (0.08 cc/min). However, heterogeneity of the model will result in various flow behaviors. 

This will influence the asphaltene deposition and formation damage which will be discussed later 
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in this chapter. Before visual observation of solvent heavy oil recovery in the micromodel, the 

amount of asphaltene precipitated with each solvent was measured in the static condition. The 

amount of precipitated asphaltene from the studied heavy oil has an indirect relationship with the 

number of carbons in the solvent (Figure 3.3). Higher carbon number solvent precipitated less 

asphaltene from the heavy oil. This result was also observed in the previous studies (Mitchell and 

Speight, 1973; Fuhr et al., 1991; Ferworn et al., 1993; Hammami et al., 2000; Speight, 1999; 

Moreno and Babadagli, 2013). Besides, Corbett and Petrossi (1978) have found that the amount 

of asphaltene precipitated is almost constant from n-heptane to the higher carbon number. The type 

of solvent also influences the properties of the precipitated asphaltenes. Asphaltenes precipitated 

by n-heptane are heavier and more polar. On the other hand, asphaltenes are less polar, and the 

molecular weight is lower when using n-pentane (Andersen, 1990).     
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Figure 3.3: Percentage and images of asphaltene precipitated with different types of solvent in the static 

condition. 

 

3.3.2 SEM Analysis 

According to Speight et al. (1984), the aromaticity (hydrogen/carbon atomic ratio) and molecular 

weight of asphaltene depend on the precipitating solvent. They showed that the H/C ratio decreases 

with increase in carbon number of the solvent. They also observed that the amounts and natures of 

asphaltenes precipitated with n-heptane or heavier alkanes are very similar. The elemental analysis 

of precipitated asphaltenes in this study (Table 3.2) showed that all three samples are similar; 

however, there are some minor changes in sulfur and oxygen contest as the carbon number of 

solvent increases. The S and O content decreased and increased respectively with increasing 

carbon number of the solvent. Furthermore, a relatively significant amount of Nitrogen was 

detected in asphaltene precipitated by C12 solvent compared to other solvents.  

Precipitated asphaltenes were also studied under the SEM as shown in Figure 3.4. The objective 

of SEM analysis was to find out any difference in morphology and the structure of the precipitated 
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asphaltene. Samples were studied at different magnifications, and two magnifications from each 

sample are presented in Figure 3.4. Although there is no significant difference in the appearance 

of the asphaltene samples, in particular between asphaltene precipitated by C7 and C12 solvents, 

the C5 asphaltene showed a small difference in the structure. The C5 asphaltene was smaller and 

more irregular and amorphous in shape while the other two samples were larger and had a more 

distinct structure which can be seen at the higher magnification.         

Table 3.2: Elemental analysis of asphaltene sample by EDX (element with weight percentage lower than 

0.5 wt% cannot be detected by the SEM-EDX system used in this study). 

Asphaltene sample C (wt %) S (wt %) O (wt%) N (wt%) 

Pentane (C5) 88.2 6.6 5.2 NA 

Heptane (C7) 88.9 3.9 7.2 NA 

Dodecane (C12) 85.1 3.5 7.8 3.6 

 

Per Wang et al. (2015), collisions among small particles or collisions between small and coarse 

particles are more frequent and efficient than that of coarse particles leading to much easier 

agglomeration of smaller particles. As seen in Figure 3.4, the size of asphaltene particle increases 

with the carbon number of the solvent. The smaller size of C5 asphaltene (Figure 3.4a and 3.4b) 

can create clusters of asphaltene more easily than that of C7 and C12 asphaltenes. Therefore, C5 

asphaltene has a high potential of creating clusters and agglomeration in porous media which can 

be detrimental for formation damage. 
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  (a) C5 Asphaltene (100 microns)  (b) C5 Asphaltene (20 microns) 

  (c) C7 Asphaltene (100 microns)  (d) C7 Asphaltene (20 microns) 

  (e) C12 Asphaltene (100 microns)  (f) C12 Asphaltene (20 microns) 

Figure 3.4: SEM images of precipitated asphaltene with C5, C7, and C12 hydrocarbon solvent at two 

different magnifications. 
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3.3.3 Asphaltene in Porous Media 

Figure 3.5 shows the pictures of heavy oil saturated micromodel at the end of solvent injection 

(C5, C7, and C12). At initial look, there might be no significant different in micromodel at the end 

of the solvent flood. However, the detailed look can reveal some differences. Like bulk study, the 

amount of asphaltene precipitation reduced with increasing carbon number of solvent. Also, 

formation damage resulting from the asphaltene deposition was more severe in the case of C5 than 

other studied solvents. Furthermore, the amount of deposition is relatively higher near the outlet 

of micromodel, especially inside the fracture since the precipitated asphaltene moves along the 

flow path (which is mainly the fracture) toward the micromodel outlet and clump together.    

 

Figure 3.5: Images of the micromodel at the end of the heavy oil recovery by solvent injection; (a) C5, (b) 

C7, and (c) C12. The red line represents 1000 microns. 
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Figure 3.6: Images of micromodel showing different time-stage of solvent injection (C5) in the porous 

media resulting formation damage; (a) early stage of solvent injection representing the diffusion and 

dilution of oil, (b) second stage showing asphaltene precipitation began at matrix-fracture interface, (c) late 

stage of solvent flood where there was a severe asphaltene deposition resulting formation damage and pore 

blocking. 
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Different stages are involved in solvent injection into a heterogeneous porous media as observed 

in this study. First, the solvent will select the easiest path to move (i.e. fracture) and start to diffuse 

at the solvent-oil interface. It will leave behind the diluted oil. Although solvent molecules diffuse 

into the heavy oil at an early stage, the dissolved asphaltene will not become unstable to precipitate 

(Figure 3.6a). There is a threshold for dispersed solvent that would cause asphaltene molecules to 

flocculate and form asphaltene precipitates (Doryani et al., 2016). As solvent injection continues, 

asphaltene precipitation will intensify and create different layers or clusters of asphaltene 

precipitate (Figure 3.6b). This cluster may have adhered together to form multi-layer (or bigger) 

asphaltene deposits. At the late stage of solvent injection, the severe asphaltene deposition may 

also block the fracture which is the main flow path in a fractured-heterogeneous porous media. 

This phenomenon can be seen in Figure 3.6c. 

3.4 Discussions 

3.4.1 Asphaltene Deposition and Formation Damage 

Before going into detail about the visual observation of asphaltene deposition, let’s see how 

different types of hydrocarbon affect the amount and rate of asphaltene deposition. Figure 3.7 

shows the cumulative amount of deposited asphaltene in micromodel while using different solvent. 

Like bulk study (Figure 3.3) the C5 resulted in more asphaltene precipitation than other studied 

solvents. Increasing carbon number of solvent decreases the amount of deposited asphaltene in 

porous media. Moreover, the rate of deposition is higher in lower carbon number as can be inferred 

from the Figure 3.7. The C5 solvent deposited asphalted much faster, which can be due to the 

higher diffusion rate of this solvent compared to that of C7 and C12. 
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Figure 3.7: Deposited asphaltene profile in porous media when injecting different types of solvent. The 

vertical axis represents the percentage of pore volume covered by the deposited asphaltene. 

 

An excessive amount of asphaltene deposition may result in a severe formation damage and 

sometimes block the flow path as seen in Figure 3.6c. Therefore, the injected solvent cannot further 

diffuse deep into the matrix (due severe to asphaltene deposition) and eventually causes injectivity 

problem. In this study, C5 injection resulted in the high amount of asphaltene deposition in porous 

media (11.4 % per Figure 3.7) and it could block the main flow path, the fracture (as seen in Figure 

3.6c). The pressure profiles of C5 injection shown in Figure 3.8 can also explain the formation 

damage caused by severe asphaltene deposition. At early time-stage of solvent injection, solvent 

mainly diffuses into the oil within the fracture path (while diffusing into the matrix as well) and 

recovered most of the oil in this area (up to 80 minutes in Figure 3.8). After that, the solvent is 

occupied the whole fracture, and due to the concentration gradient between the solvent and 

matrix’s oil, the solvent diffused into the matrix, dilute the oil by precipitation and deposition of 
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asphaltene. Continuing solvent injection resulted in more asphaltene deposition in the matrix and 

especially fracture-matrix interface (where the highest concentration gradient is) that eventually 

cause the formation damage and reduce the injectivity. This can be seen in Figure 3.7 from time 

90 minutes to 280 minutes where the injection pressure increased until the time that was no 

injection at all (after about 280 minutes). 

 

 

 

 

 

 

 

 

Figure 3.8: Pressure profile during solvent injection (C5) for extra-heavy oil recovery in the fractured 

micromodel. 

 

3.4.2 Asphaltene Distribution Pattern in Heterogeneous Fractured Porous Media 

Image analysis was performed to study the distribution of asphaltene deposition in the fractured 

micromodel. By changing the color threshold of images taken at the end of the solvent flood, the 

dark zones representing the asphaltene deposition can be distinguished. The distribution pattern of 

asphaltene deposition at the end of C5, C7, and C12 injection are shown in Figure 3.9a, Figure 

3.9b, and Figure 3.9c, respectively. A detailed look at these images revealed interesting facts about 
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asphaltene deposition using different solvents in a fractured heterogeneous porous media as 

follow:   

 

 

 

 

 

  

 

 

 

Figure 3.9: Distribution of asphaltene in porous media precipitated at the end of solvent injection in the 

fractured porous media, (a) C5 asphaltene, (b) C7 asphaltene, and C12 asphaltene. 

 

• The profile of asphaltene deposition after C5 injection is presented in Figure 3.9a. The 

amount of asphaltene deposition (dark color area) after C5 injection is more than that of 

both C7 and C12, showing that asphaltene deposition is higher when using lower carbon 

number solvent. This is also quantitatively measured in Figure 3.7.    

• A significant amount of asphaltene was deposited along the matrix-fracture interface 

(highest in C5 and lowest in C12). This can be due to the sharp solvent concentration 

gradient at the fracture-matrix interface, enhancing the asphaltene precipitation and 

deposition. Also, more mixing will happen in the flow path (i.e. fracture) which reinforce 

the asphaltene precipitation. The latter is also the reason for asphaltene deposition in bigger 
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pores of the matrix, especially during C5 injection. This phenomenon is less seen in the 

case of C12 injection due to the lower asphaltene precipitation. 

• At lower carbon number solvent (C5) where the asphaltene precipitation is severe, the 

deposition could also block the fracture path which is primary flow path for fluid in this 

type of porous media. This can also be inferred from Figure 3.6c and Figure 3.8. It is worth 

mentioning that SEM analysis results suggest that C5 asphaltene can clump together and 

make bigger deposits more easily compare to the asphaltene precipitated by C7 and C12. 

Therefore, besides the amount of precipitated asphaltene (which is highest in C5) its ability 

to make bigger clusters is also a reason for more formation damage compared to other 

studied solvents.   

• Another interesting observation is the distribution pattern of asphaltene deposition in C12 

which relatively different from that of C7 and C5. In C12 injection, there can be seen more 

asphaltene in matrix area than that of other studied solvents. This is because of less 

asphaltene deposition at the matrix-fracture interface which could not prevent the solvent 

from further diffusion into the matrix. In the case of lower carbon number solvents, more 

asphaltene deposition at matrix-fracture interface blocked the diffusion path of the solvent 

into the matrix especially those areas far from the fracture. Therefore, in C12 injection, 

asphaltene precipitation is less than that of C7 and C5 solvents, which is the main reason 

for wider distribution of asphaltene in porous media. 

It is worth mentioning that the oil recovery and sweep efficiency depends on the balance between 

diffusion (higher is preferred; C5 > C7 > C12) and asphaltene deposition (lower is preferable; C5 

> C7 > C12). Therefore, although less asphaltene precipitation did not prevent the C12 solvent 

diffusion into the untouched parts, less diffusion rate of this solvent results in less significant 
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improvement of the oil recovery compared to that of other studied solvents. The ultimate heavy 

oil recovery of each solvent calculated by image analysis is shown in Figure 3.10 where C5, C7, 

and C12 could recover the 47.8 %, 35.9 %, and 33.4 % of initial oil, respectively.   

 

 

 

 

 

 

 

 

Figure 3.10: Ultimate heavy oil recovery values when using different solvents in the fractured porous 

media. 

 

3.4.3 Different Shapes of Asphaltene Deposition in the Fracture and Matrix  

The objective of this section is to study the mechanisms of asphaltene precipitation and deposition 

in the fractured micromodel including both fracture and matrix areas. The primary goal is to 

observe how asphaltene deposition will result in formation damage in a fractured-heterogeneous 

porous media. 

As seen before, asphaltene deposition could block the pore throat in the matrix as well as the 

fracture which is the main flow path. Observation through this study revealed that different stages 

and mechanism are involved in blocking fracture path and pore throat by asphaltene deposition.  
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Figure 3.11 shows the time-lapse image of micromodel at an early stage of solvent flooding in 

heavy oil saturated micromodel. The solvent plume when contacting with extra-heavy oil in the 

fracture is not homogenous as seen in Figure 3.11a. In another word, the solvent will not diffuse 

into the oil as a piston-like displacement. The solvent concentration is highest in the center of the 

plume and decreases toward the edge as shown in the image. As injection continues, the high 

solvent concentration zone at the center of the area will expand and cover the width of the fracture 

as seen in Figure 3.11b and Figure 3.11c. It should be mentioned that the solvent diffuses into the 

matrix area from the edge of the plume. Later, on those areas where the whole width of the fracture 

covered by the solvent, asphaltene begins to precipitate at the fracture-matrix interface where the 

concentration gradient of the solvent is highest. Further solvent injection increases the solvent 

diffusion into the matrix and enhances the asphaltene precipitation and deposition. Precipitated 

asphaltene particles flocculate together and create a bigger asphaltene deposition as seen in Figure 

3.11d. These high asphaltene depositions which are mainly located at the matrix-fracture interface 

will restrain further diffusion of solvent into the matrix and may block the fracture path. 

At this stage, the asphaltene precipitation/deposition starts to block the pore throat and may also 

block the fracture path eventually. Let's first consider the steps and mechanisms involved in 

asphaltene deposition in the fracture. As mentioned earlier, solvent plume moves in a relatively 

wide fracture with a concentration gradient inside the plume. The solvent diffuses from the edge 

of the plume into the oil. In time, as seen in Figure 3.11, asphaltene will precipitate mainly at the 

fracture-matrix interface. The early stage of solvent flood and asphaltene precipitation and 

deposition have been shown in Figure 3.11. Figure 3.12 shows the late stage of asphaltene 

deposition in the fracture area. At this juncture, solvent had already swept the fracture and diffused 

into the matrix, and asphaltene precipitation increased at the fracture-matrix interface. Asphaltene 
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was precipitated at the interface in two main shapes as observed in this study. First, in the shape 

of ropes parallel to the flow direction in the fracture and the asphaltene lump resulting from 

flocculation of smaller asphaltene at certain locations. 

 

 

Figure 3.11: Images of micromodel during solvent injection at early time stages showing in four frames 

what happens when hydrocarbon solvent is injected in a fractured porous media. Solvent injection time 

increases from the images (a) to (d). 

 

Asphaltene was deposited in the shape of ropes parallel to the flow direction (i.e. Figure 3.12b and 

Figure 3.12c) as the solvent and diluted oil moved in the fracture along the matrix-fracture 

interface. Asphaltene particles mainly attached to the grain at the matrix-fracture interface and 

create series of ropes parallel to the flow direction. Furthermore, as seen in Figure 3.12c and Figure 

3.12d, there is some wider opening area of the matrix which is connected to the fracture. These 
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areas are susceptible to create the asphaltene lumps by further injection of solvent. At this wide 

opening area, more oil is in contact with the solvent in the fracture and deposition and precipitation 

of asphaltene will be more dominant than other regions. The asphaltene particles deposited in these 

areas flocculate together. Besides, precipitated asphaltenes moving in the fracture trap and attach 

to these lumps and make it bigger. This trend continuous and eventually the combination of parallel 

rope (parallel to the direction of flow) and lumps (perpendicular to the direction of flow) can block 

the wide fracture path as seen in Figure 3.12c. It is worth mentioning that the asphaltene lumps 

grow and sometimes can block the flow path without the help of any other type of asphaltene 

deposition (i.e. parallel rope). The observations through this study revealed that the precipitated 

asphaltene in the flow path tends to stick to these lumps and make them bigger. This phenomenon 

can be seen in Figure 3.12d.   

Now let’s consider the asphaltene precipitation/deposition and the potential blockage of flow in 

the pore structure of the matrix. Figure 3.13 represents the formation and deposition of asphaltene 

in pore throat. A detailed look as shown in the magnified section of this image shows the series of 

asphaltene rope which is deposited at pore throat. Also, usually, these ropes are thicker at the 

entrance of the pore than at the other side which is further downstream considering the flow 

direction. A schematic of steps involving in pore blocking by asphaltene is shown in Figure 3.14. 
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Figure 3.12: Micromodel images showing different shapes of asphaltene precipitated in the fracture and 

matrix-fracture interface at late time-stage of solvent injection. (a) the increase in the asphaltene deposition 

at the matrix-fracture interface, (b) creation of rope deposits parallel to the flow direction, (c) combination 

of lump and rope deposits within the fracture, (d) asphaltene lumps-perpendicular to the flow direction- 

blocking the fracture path. 
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Figure 3.13: Micromodel image showing the asphaltene deposition pattern in the pore throat. Asphaltene 

deposited in the narrow pores perpendicular to the solvent flow direction. 

 

Initially, asphaltene starts to precipitate at the solvent-heavy oil interface due to the concentration 

gradient (Figure 3.14a). As pore throat is narrow, the precipitated asphaltene usually creates a rope 

perpendicular to the direction of flow along the solvent-heavy oil interface. This is not always the 

case especially in the fracture where the width is much bigger compared to that of pore throat. As 

solvent diffuses into the heavy oil, the asphaltene continues to precipitate at the initial interface as 

well as new interface created by the solvent moving further inside the heavy oil saturated zone. 

The amount of deposition at the initial interface is highest and decreases in new interfaces as the 

solvent moves. This is due to lower concentration of the solvent at solvent-heavy oil interface in 

the newer interface than that of the older one. Eventually, these interfaces can combine and reach 

together and may partially or permanently block the diffusion path of the solvent toward the other 
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parts of the matrix. It is worth mentioning that this deposition pattern was observed mainly in those 

areas of the matrix where the solvent diffuses slowly (viscous flow was not dominant) in the heavy 

oil saturated zone and the pore throat was narrow. 

 

 

 

 

 

 

 

 

 

 

Figure 3.14: Schematic of asphaltene deposition mechanism in the narrow pore throat of the matrix. Parts 

(a) to (d) shows the time lapse of the deposition mechanism.  

 

Microscopic observation of micromodel at the end of solvent flooding revealed that asphaltene can 

also precipitate in the form of parallel rope at those areas of the matrix where the flow rate is faster 

(like the fracture condition) which is shown in Figure 3.15a. These areas usually contain diluted 

oil without any obstacle like narrow pore or severe curve for fluid movement. Also, they are mainly 

near the fracture rather than deep into the matrix where the flow is not fast. The reason for higher 

flow in these areas is due to the partially blocking of the fracture causing the injected solvent create 
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its way toward the easiest path in the matrix near the fracture. Thus, it will create precipitation 

pattern similar to that of the fracture zone. This is shown in Figure 3.16 by red arrows. The 

asphaltene deposition pattern in open area of the matrix is also different. Due to movement of fluid 

from narrow channels in the matrix to opening pore in the matrix (as seen in Figure 3.15b) the 

solvent entered to this area will mix with diluted oil rather than one-direction flow as observed in 

a narrow zone of the matrix and the fracture path. The mixing will create an asphaltene deposition 

pattern containing asphaltene clusters generated with smaller deposited particles. Figure 3.15c also 

shows the microscopic image of asphaltene deposition in narrow pore throat which is blocked the 

flow path based on the mechanism explained in Figure 3.14. 

Figure 3.16 summarize the different deposition patterns of asphaltene in the heterogeneous matrix. 

As explained earlier, asphaltene can deposit in the heterogeneous matrix in two main shapes; 

parallel to the flow direction (red arrows in Figure 3.16) and perpendicular to the flow direction 

showing by yellow arrows in Figure 3.16. Partial blockage of fracture by asphaltene deposition 

resulted in injected fluid find its way into the matrix near the fracture where the oil is diluted. In 

these zones, fluid will move faster than normal in the matrix and create a rope shape asphaltene 

deposition. However, still in those areas of the matrix where the flow is slower, the deposition is 

perpendicular to the flow direction as explained in Figure 3.14.  

It worth mentioning that the parallel pattern of deposition is not usually blocked the pore but may 

narrow the flow path in the matrix. The only mechanisms observed for asphaltene deposition in 

the matrix that can significantly impede the solvent flow and diffusion is the deposition 

perpendicular to the flow direction.  
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Figure 3.15: Microscopic images of the micromodel at the end of solvent injection showing different 

asphaltene deposition pattern in the matrix. (a) parallel rope deposition, (b) asphaltene clusters in the bigger 

pores of the matrix, (c) asphaltene deposition perpendicular to the flow direction blocking the pore throat. 
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Figure 3.16: Micromodel image showing different patterns of asphaltene deposition in the matrix. Red 

arrows show the deposition parallel to the flow direction (viscous dominant region) while yellow arrows 

show the perpendicular depositions (diffusion dominant flow). 

 

3.5 Summary 

The focus of this chapter was to visualize the asphaltene deposition during solvent flooding in a 

heterogeneous porous media. Observations through this study revealed different mechanisms and 

shapes for deposited asphaltene. Knowing this information can help us to optimize the solvent 

EOR method that deals with asphaltene precipitation issue. Following are the summary of this 

chapter: 

• Static analysis of precipitated asphaltene showed that with increasing the carbon number 

of the solvent, the amount of precipitated asphaltene would decrease. Also, the SEM study 

revealed that the asphaltene particles precipitated by C5 are much smaller than that of C7 
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and C12 solvents having a higher potential of agglomeration and clustering which may 

result in formation damage and pore blocking in porous media.  

• During solvent injection, especially C5 and C7, asphaltene mainly deposited at the fracture-

matrix interface where there is a high concentration of the solvent. Also, the amount of 

asphaltene deposition decreased when using a solvent with higher carbon number. 

• In the fracture, asphaltene is mainly deposited in rope-shape patterns parallel to the flow 

direction. Also, in the area where the matrix’s oil has more contact area with the solvent in 

the fracture, the chance of lump-shape deposition of asphaltene is high. The combination 

of these two structures may result in blocking the fracture path and severe formation 

damage. 

• Asphaltene mainly deposits in two shapes in the heterogeneous matrix; Parallel deposition 

and perpendicular deposition related to flow direction. The parallel deposition mainly 

occurs in the area where the solvent flows relatively faster, and the viscous force is more 

dominant whereas the perpendicular deposition is a stepwise deposition of asphaltene 

taking place mainly on narrow pore throat of the matrix. The flow rate is relatively slow, 

and diffusion of solvent is the primary mechanisms of displacement.  

• Deposition of asphaltene parallel to the flow direction (both in matrix and fracture) cannot 

solely block the flow path without the presence of any other shape of deposition i.e. lumps 

or perpendicular deposition. On the other hand, perpendicular deposition may block the 

pore throat and prevent further diffusion of solvent deep into the matrix. 

• The size of the pore throat and rate of solvent movement are two of the main reasons for 

asphaltene to block a path or not. The relatively higher rate of solvent movement where the 

flow is viscous dominant will not result in pore blockage by asphaltene precipitation (either 
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small pores or the larger one). However, when the rate is low, the asphaltene precipitation 

in smaller pore throat can block the solvent diffusion path. The asphaltene precipitation 

pattern can explain this at different pore size and dominant flow mechanisms (i.e. viscous 

flow or diffusion flow). 

• It is a well-established fact that the amount of asphaltene deposition is the same from C7 

and higher carbon number solvent; however, this study showed that the distribution pattern 

of deposition is not necessary the same in a fractured porous media. The distribution pattern 

and shape of asphaltene deposition are the important factors on formation damage and pore 

blocking in heterogeneous porous media. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 



84 
 

Chapter 4: Improving Hydrocarbon Solvent Injection for Heavy Oil 

Recovery: Applying CO2 Foam/Polymer Enhanced Foam and Hydrocarbon 

Solvent Based Foam3,4 

The performance of hydrocarbon solvent injection for heavy oil recovery from fractured carbonate 

reservoir was visualized and analyzed in Chapter 3. Here the objective is to improve the 

performance of pure solvent injection in terms of both increasing the heavy oil recovery and 

decreasing the asphaltene deposition. Therefore, CO2 foam/PEF was combined with the solvent 

injection in two different methods 1) post-solvent CO2 Foam/PEF flooding and 2) solvent based 

foam injection. So, this chapter contains two different parts which analyze and visualize these 

methods. 

Part 1: Pore-Scale Mechanisms of Post-Solvent CO2 Foam/Polymer Enhanced 

Foam Flooding 

4.1 Introduction 

Because of the presence of a fracture network and oil-wet matrix (Chilingar and Yen 1983; Roehl 

and Choquette 1985), oil recovery from naturally fractured carbonate reservoirs has always been 

a challenging task. Fracture networks diminish the effectiveness of waterflooding or chemical 

flooding, and the oil-wet matrix limits the capillary-imbibition process, which is an important 

recovery mechanism in the fractured reservoirs. The heterogeneity of carbonate reservoirs is 

caused by the large permeability difference between the matrix and fractures. The wettability of 

                                                           
A version of this chapter has been published: 
3 Telmadarreie and Trivedi, 2016. SPEJ, http://dx.doi.org/10.2118/174510-PA 
4 Telmadarreie and Trivedi, 2016. SPE paper 179658 presented at the SPE Improved Oil Recovery Conference, Tulsa, 

Oklahoma. 
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carbonate reservoirs often ranges from intermediate-wet to oil-wet (OW) (Treiber et al. 1972; 

Chilingar and Yen 1983). They exhibit very limited recovery during primary and secondary 

production because most of the injected fluids preferentially go through fracture openings, leaving 

behind a significant amount of oil in the matrix. Therefore, designing a process to recover the 

matrix oil at an economic rate often turns out to be a real challenge for such reservoirs (Bourbiaux 

2009). 

Solvent, gas (especially CO2), water, WAG, and chemical injections have been considered as the 

main nonthermal methods to recover oil from highly fractured oil-wet carbonate reservoirs 

(Manrique et al. 2006; Gupta and Mohanty 2008). Chemical enhanced-oil-recovery (EOR) 

research in carbonate reservoirs has been focused on the use of surfactants to change the wettability 

and enhance water imbibition into the matrix, thus driving oil out of the matrix. Different types of 

surfactants, including cationic (Austad and Milter 1997; Standnes and Austad 2000a, b), anionic 

(Hirasaki and Zhang 2004; Seethepalli et al. 2004; Adibhatla and Mohanty 2006; Gupta and 

Mohanty 2007, 2008), and nonionic (Xie et al. 2005; Gupta and Mohanty 2007) have been used to 

alter the wettability of originally oil-wet carbonate rocks. Austad and Milter (1997) and Standnes 

and Austad (2000a, b) have shown that cationic surfactants can recover oil by spontaneous 

countercurrent imbibition caused by wettability alteration. The mechanism of wettability alteration 

is supposed to take place by an ion-pair formation by the cationic surfactant and the negatively 

charged carboxylates in oil. Cationic surfactants, although effective in altering wettability for oil-

wet rocks, are too expensive to be implemented in a field treatment. In addition, Stoll et al. (2008) 

reported spontaneous imbibition of surfactants, because wettability-modification agents could not 

provide an economically interesting opportunity unless external forces enable forced imbibition of 

this surfactant. 
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Gupta and Mohanty (2008) worked with several anionic surfactants for carbonate-wettability 

alteration. Most anionic surfactants are not able to desorb anionic organic carboxylates from the 

crude oil in an irreversible way. However, ethoxylated sulfonate surfactants with high ethylene 

oxide (EO) numbers can displace oil spontaneously in a slow process. Standnes and Austad 

(2000b) showed that other anionic surfactants (without the EO group) did not imbibe any 

significant amount of water into the OW chalk, confirming that the EO groups play an important 

role regarding the imbibition mechanism. Therefore, the main role of anionic surfactants is to 

reduce the interfacial tension (IFT) between oil and brine. Once the IFT is reduced, the gravity 

drive can be enhanced and oil droplets can move upward from the matrix (Standnes and Austad 

2000b). However, gravity drainage is not thought to be a significant recovery mechanism in 

naturally fractured reservoirs, except possibly in thick formations with high matrix permeability 

and low matrix capillary pressure (Reis 1990). Therefore, forced imbibition is required for better 

results. Moreover, Zhang et al. (2009) have shown that anionic surfactants enhanced natural 

imbibition mainly by emulsification and solubilization. Their results showed that the formation of 

microemulsion strongly promotes water imbibition. The rate was highest for Winsor Type II 

microemulsion and lowest for Winsor Type I. 

The main nonthermal EOR methods used in Alberta carbonate reservoirs include waterflood 

(mostly as a secondary recovery process), solvent flood (mostly as the first EOR process), 

hydrocarbon miscible injection, chase gas (such as in the Pembina field, Nisku formation), CO2 

and acid-gas injection (such as in the Judy Creek field, Beaverhill Lake formation), and chemical 

injection (such as in the Edgerton field, Woodbend A formation). The Edgerton Woodbend A pool 

is a heavy-oil-carbonate reservoir that has undergone a chemical EOR process unlike other 

carbonate reservoirs in Alberta. The polymer flood recovery factor was only 3% (Galas et al. 
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2012). Because of the fractured nature of carbonate formations, many advantages of these 

production methods are usually contrasted by their low recovery factor. Alternative processes are 

therefore needed to increase oil sweep efficiency from carbonate reservoirs. A major attraction of 

foam is the possibility of diverting flow from high to low permeability layers. It can also provide 

better control of the injected fluids because stronger foams can spontaneously block the flow 

channels in high-permeability media (Hirasaki 1989; Zhou and Rossen 1995). In addition, the main 

problem of the chemical method is the slow rate of the wettability alteration and surfactant 

imbibition processes. Therefore, forced imbibition should be applied. Foam and PEF could offer 

this external force by providing a high injection pressure gradient that will force the surfactant 

solution, and eventually foam bubbles, into the oil-wet matrix, resulting in further improvement of 

oil recovery in carbonate formations. The objective of this part is to see how CO2 foam/PEF can 

improve the conventional heavy oil recovery by solvent injection in fractured carbonate 

formations. 

4.2 Material and Methods 

4.2.1 Material 

Surfactants are the major chemical constituent in foams. They are classified according to the nature 

of the charged group present on the surfactant head. Their main function is to lower the surface 

tension. An anionic surfactant and polymer were selected for CO2-foam and CO2-PEF generation 

in this research. In all tests (bulk and porous media), foam solution was generated with tap water 

(Ca2+= 34, Mg2+= 10 ppm, and Na+= 35 ppm) without any addition of salt. 

Surfactants: Sodium dodecylbenzene-sulfonate was used as an anionic surfactant. Sodium 

dodecylbenzene sulfonate (Na-DDBS, provided by ACROS) is a colorless salt with useful 

properties as a surfactant. It is a major component of laundry detergent with the formula 
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C12H25C6H4SO3Na (Mw=348.5 g/mol, CMC = 0.065 wt%). Cetyltrimethylammonium bromide 

(CTAB) (Sigma–Aldrich, 99% purity) was also used as a cationic foaming agent (C19H42BrN, 

Mw=364.5 g/mol, CMC = 0.036 wt%). The viscosities of foaming solutions are shown in Table 

4.1. 

Polymer: Polymers are used to enhance the stability of the foam by increasing the viscosity of the 

liquid portion of the foam. The polyacrylamide polymer FLOPAAM 3330S (supplied by SNF 

SAS) in dry powder form was used in the preparation of polymer solutions. FLOPAAM 3330S is 

anionic and water soluble with a degree of hydrolysis of 25–30% and average molecular weight 

of 8×106. Polyacrylamide polymers are one of the most general polymer types used in the EOR 

process. 

Hydrocarbon: Normal pentane (provided by Fisher Scientific) was applied as a hydrocarbon 

solvent for heavy oil recovery. For oil saturation, heavy crude oil (dead oil viscosity ~ 30,000 cp 

at 22 ˚C and dead oil density ~ 933 kg/m3) (provided by Husky Energy) was used. 

Table 4.1: Viscosity values of foaming solution measured at different shear rates (at 22 °C). 

 

 

 

 

 

 

 

Foaming Solution 
Concentrations (wt. %) Viscosity (cp) 

Surfactant Polymer 1 1/s 10 1/s 20 1/s 30 1/s 

CTAB 0.29 NA 2.2 1.8 1.4 1.3 

DDBS 0.29 NA 2.8 2 1.6 1.5 

DDBS-PEF 0.29 0.15 237 73 55 43 
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4.2.2 Foam Bulk (Static) Experiments 

CO2 Foam/PEF Generation: For the preparation of the foaming solution, a surfactant and 

polymer (for CO2 PEF generation) were mixed in water. The concentrations of the surfactant and 

polymer were 0.29 wt% and 0.15 wt%, respectively. The concentration range of the surfactants 

used is greater than their CMC. The surfactant is dispersed in the water or polymer solution (for 

CO2 PEF generation) by magnetic stirring (400 rpm for 20 minutes) to prevent the foam generation. 

Thereafter, foam/PEF was generated by use of a Polytron DT6100 digital homogenizer (provided 

by Kinematica). The solution (100 cm3) was put into a glass cylinder (1000 cm3) and mixed at 

high speed for 2 minutes. The shearing speed and shearing time were kept constant for uniformity 

of the foam created throughout the experiments. For foam/PEF analysis in the presence of oil, 5 

cc of oil was added to the foaming solution before high-speed mixing. 

Static Stability: The glass cylinder was closed with a plastic seal after foam generation. In each 

experiment, the height of the foam column above the liquid phase as well as the height of the liquid 

was measured as a function of time. The time required to drain half of the liquid from the foam 

was measured as a foam half-life value, representing foam stability. Moreover, the initial foam 

height value was also measured as the foamability of foaming solutions, which is the ability of a 

solution to generate the foam. The experiments were performed at ambient conditions. The range 

of uncertainty in the foam height measurements was ± 0.2 cm. In addition, a high-definition camera 

was used to analyze the foam behavior over time. It should be mentioned that each experiment was 

repeated at least once to ensure the reproducibility of results. 

4.2.3 Micromodel Experiments 

Micromodel Setup: A special fractured micromodel was designed to imitate the fractured 

carbonate reservoirs. The wettability of the micromodel was also altered to OW conditions, which 
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will be explained later. The micromodel is made of a 2D pore structure etched onto the surface of 

a glass plate that is otherwise completely flat. A second glass plate is then placed over the first, 

covering the etched pattern and thus creating an enclosed pore space. This cover plate has an inlet 

hole and an outlet hole drilled at either end, allowing fluids to be displaced through the network 

of pores. The micromodel was designed such that it has a high-permeability contrast between the 

matrix and fracture to imitate the highly fractured carbonate formation. The micromodel is placed 

in a holder consisting of inlet and outlet ports, which communicate with the micromodel at the 

drilled holes. The holder is capable of handling high pressure during fluid injection. 

For each experiment, heavy crude oil was used to saturate the micromodel. Heavy oil was injected 

with a liquid syringe pump at low flow rate (0.016 cc/h) and room temperature. High-pressure 

polyetherethoxyketone tubing, with mechanical and chemical resistance, was used for heavy-oil 

injection. The solvent was injected through chemical-resistance polytetraflour-ethylene tubing. 

This tube was also used for foam injection because foam bubbles can be visualized. An image of 

the heavy-oil-saturated micromodel (1×7 cm with fracture thickness of 1 mm) is shown in Figure 

4.1. After oil saturation, the micromodel was flooded with different fluids (water, solvent, CO2, 

foam, and PEF). A syringe pump (Isco Model 500D) was used for liquid injection. A gas-mass-

flow controller (provided by Hoskin Scientific Limited) was used for the accurate injection of CO2 

gas at a constant volumetric flow rate. The pressure was also measured and recorded by a pressure 

transducer (Omegadyne Model PX409) connected to a computer. No backpressure was used in 

this study. An inline foam generator was designed before the micromodel inlet. It consists of 

porous screens with a mesh size of 80 (0.5 cm in length). Foaming solution and gas were injected 

through this foam generator at a constant flow rate. A transparent injection line (after the foam 

generator) allowed us to monitor the quality of foam visually. A high-speed digital camera was 
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used for imaging the flooding processes, and then the captured images/movies were processed by 

use of Matlab (2013) to assess the oil recovery. 

Waterflooding was performed to verify the wettability alteration procedure and the imbibition 

process, which will be explained later. Therefore, water was injected at a low flow rate (0.0016 

cc/min) to monitor the imbibition process. The detailed information of each experiment is 

represented in Table 4.2. CO2 gas, foam, and PEF injections were performed after solvent 

(pentane) flooding to imitate the tertiary recovery process. The quality of CO2 foam and CO2 PEF 

was kept constant at 92%. Foam quality is defined as the ratio of gas volume to total volume of 

foam. 

Wettability Alteration: To change the wettability of the micromodel, which was originally water-

wet (WW), a siliconizing fluid (SurfaSil; the chemical composition is primarily dichloro-

octamethyl tetrasiloxane) was used to coat the glass surface (Naderi and Babadagli 2008; Shabani 

Afrapoli et al. 2009, 2010). SurfaSil works by reacting directly with polar groups (silanols) on the 

glass surface. The silanol bonds formed by this reagent are able to withstand the autoclaving 

conditions. Furthermore, the change seems to resist repeated cleaning with methanol and toluene 

(Shabani Afrapoli et al. 2010). SurfaSil (10 vol%) was mixed with pentane (90 vol%) and then 

injected into the clean and dry micromodel before oil and/or water saturation. Thereafter, pentane 

followed by methanol was injected to remove any excess chemical from the pore structure. The 

micro-model was dried in an oven for at least 1 hour (at 100 C) and then in ambient conditions for 

24 hours. To verify this process, the same procedure was performed on a glass surface (same glass 

material as the micromodel). The spreading of an oil droplet on the OW glass surface immersed in 

water was compared with that of the untreated WW glass surface. The results are shown in Figure 

4.2. According to Figure 4.2, the contact angle of the oil droplet with a glass surface changed from 
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130 to 36 after altering the wettability of the surface. In addition, waterflooding was performed on 

both WW and OW micromodels to further verify the wettability alteration of the micromodel, 

which will be discussed later in this part. 

 

Figure 4.1: Image of the fractured micromodel (1 mm fracture width) and its frame. The black area shows 

the void space saturated with heavy oil. 

Table 4.2: Experimental parameters including injection flow rate. CO2 foam and PEF were injected after 

solvent flooding. 

*TPV: Total Pore Volume; 145 is PV of solvent injection which is constant in all tests 

EOR Method TPV* Wettability 
Flow rate (cc/min) 

Solvent CO2 gas Foam/PEF solution 

Solvent 145 OW 0.08 NA NA 

CO2 145+122 OW 0.08 0.1 NA 

DDBS-Foam 145+128 OW 0.08 0.1 0.008 

DDBS-PEF 145+128 OW 0.08 0.1 0.008 

CTAB-Foam 145+128 OW 0.08 0.1 0.008 
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Figure 4.2: Oil droplet on the glass surface immersed in water representing wettability alteration (a) WW 

glass and (b) OW glass. 

 

4.3 Results and Discussions 

4.3.1 Static Analysis of CO2 Foam and CO2 PEF in the Presence of Heavy Oil 

Analyses of the static stability of CO2 foam and CO2 PEF in the presence and absence of heavy oil 

were performed, and the results are shown in Figure 4.3. Anionic surfactants showed good 

performance in terms of foamability (Flick 1993; Urban 2003; Rosen and Kunjappu 2012). The 

static stabilization in anionic surfactants is achieved by electrostatic repulsive forces between the 

surfactant monolayers. The presence of anionic surfactants at the interface in the foam film will 

stabilize the film and induce a repulsive force that opposes the film-thinning process. This is called 

electric-double-layer repulsion (Israelachvili 1991; Schramm and Wassmuth 1994), which 

depends on the charge density and film thickness. 

The major advantage of polymer addition in foaming solutions is viscosity enhancement. 

Increasing the viscosity of foaming solutions may reduce the liquid drainage rate within the foam 

lamella. Figure 4.3 shows the foamability and half-life values for CO2 foam (generated with Na-

DDBS and CTAB surfactants) and CO2 PEF (generated with Na-DDBS surfactant) in the presence 

and absence of heavy oil. Typically, oils have a detrimental effect on foam stability. Heavy oil, as 
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seen in Figure 4.3, slightly decreased the foamability and stability of CO2 foam and CO2 PEF. 

However, this effect is less significant in CO2 PEF, which has a much higher stability than regular 

foam. Although polymer addition increased the half-life value, it dramatically decreased the 

foamability of the surfactant. The low foamability of CO2 PEF can be explained by higher micellar 

stability (Dhara and Shah 2001). The higher foam stability is also caused by the formation of a 

dense surfactant/ polymer layer on the solution surface (Petkova et al. 2012). In other words, the 

addition of polymer results in modifications in the surface and bulk properties of the 

polymer/surfactant system. 

 

 

 

 

 

 

 

 

 

 

Figure 4.3: Foamability and half-life values of CTAB and DDBS foams and DDBS-PEF in the absence 

and presence of heavy oil. The numbers represent foam quality (gas percentage). 

 

Polymer addition increased the viscosity of the liquid solution within the foam lamella, reducing 

the rate of liquid drainage. As a result, more time is required for bubble coalescence and bubble 

collapse (because of the thinning of the foam lamella). Therefore, PEF lasts much longer than 
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conventional foam even in the presence of heavy oil. The change in the foam and PEF bubbles’ 

structure (in the presence of heavy oil) over time is shown in Figure 4.4. Liquid drainage and 

bubble coarsening occurred much slower in PEF compared with that of foam, supporting the fact 

that polymer addition increases the stability of conventional foam bubbles even in the presence of 

heavy oil.  

 

 

 Foam PEF 
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150 
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Figure 4.4: Liquid drainage and bubble coarsening phenomena during the static stability of DDBS foam 

and PEF in the presence of heavy oil (images were taken at 5X magnification). 
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4.3.2 Effect of Wettability on Heavy Oil Recovery During Waterflooding 

According to the procedure explained previously, the micromodel wettability was altered to OW 

conditions. Before wettability alteration, waterflooding was performed in the WW micromodel for 

comparison with its performance in the OW micromodel. Unlike the WW micromodel, the OW 

matrix limited the water imbibition process, which is an important recovery mechanism in 

fractured reservoirs. At equivalent saturations, the matrix capillary pressure is much higher than 

the fracture capillary pressure. This difference is the driving force for imbibition, the primary 

recovery mechanism in fractured carbonates (Mollaei and Maini 2010). Depending on the strength 

of the capillary forces, oil expulsion from capillary imbibition varies, with low-temperature 

recoveries ranging from a few percent to as high as 70% (Kyte et al., 1961; Mattax and Kyte, 1962; 

Kyte, 1970; deSwaan, 1978). 

 

 

 

 

 

 

 

 

 

Figure 4.5: Oil recovery during water injection in the WW and OW micromodels over time. The ultimate 

oil recovery of the WW and OW micromodel after 21 hours was 29.5 % and 17 %, respectively. 
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Figure 4.6: Micromodel images (1X magnification) during water flooding in the WW and OW 

micromodels. (a) OW micromodel after 2 hours, (b) WW micromodel after 2 hours, (c) OW micromodel 

after 21 hours, and (d) WW micromodel after 21 hours. 

 

The heavy oil recovery profile during waterflooding in the WW and OW micromodels is plotted 

in Figure 4.5. The profile of oil recovery in the WW micromodel was almost similar to that of the 

OW micromodel during the first 4 hours. The water injection in both models continued overnight 

to observe further production. Almost no additional production occurred in the OW micromodel. 

However, in the WW micromodel, the final heavy oil recovery factor (RF) reached approximately 

29.5% after 21 hours of water injection. The main phenomenon in charge of the higher oil RF is 

the capillary imbibition process, as shown in Figures 4.6b and 4.6d. The water swept the fracture 

by viscous force, but later the capillary effect was dominant. Water in the fracture network 
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spontaneously imbibed into the matrix block through the small pores, increasing the internal 

pressure of the matrix block and expelling oil throughout the larger pores. In other words, at the 

later stage, water mainly imbibes into the matrix, and the flow in the fracture significantly 

decreased. Water mainly imbibed into those parts with favorable pore structures with higher 

capillary pressure (i.e., preferred zone for imbibition). On the other hand, during water-flooding 

in the OW micromodel, water flowed mainly within the fracture and almost no imbibition occurred 

after 21 hours of water injection (Figures 4.6a and 4.6c). 

4.3.3 Hydrocarbon Solvent Flooding 

Injecting a light hydrocarbon solvent into the heavy oil reservoir has established an opportunity to 

recover a higher amount of oil with better quality oil than conventional and thermal recovery 

processes. Solvent injection into the reservoir was proposed by Butler and Mokrys (1989, 1991). 

In a fractured carbonate reservoir, the solvent dilutes the oil and then drains down from the matrix, 

improving heavy oil recovery. However, it is a complex process because of the asphaltene 

destabilization that occurs and is caused by the changes in temperature, pressure, and solvent type 

dissolved in oil. Asphaltene flocculation and agglomeration can occur as a result of this 

destabilization and eventually plugs the pores because of the formation of asphaltene clusters. For 

solvent injection, light molecular weight hydrocarbon solvents are preferred because of their high 

diffusion coefficient; however, as the carbon number of n-alkane solvents decreases, asphaltene 

precipitation increases (Fuhr et al. 1991; Buenrostro-Gonzalez et al. 2004; Moreno-Arciniegas and 

Babadagli 2014). 

A solvent (normal pentane in this study) was injected into a heavy oil saturated micromodel before 

gas, foam, or PEF injections. In each experiment, the solvent was injected at a constant flow rate 

for a certain period (3 hours) to have the same initial conditions for the tertiary recovery process. 



99 
 

Asphaltene precipitation was inevitable during solvent injection. Figure 4.7 represents the main 

phenomena happening during solvent injection in the fractured model. Unlike waterflooding, 

solvent injection is a miscible process, and the main mechanism during solvent oil recovery is 

diffusion-dispersion rather than viscous force (Da Silva and Belery 1989; Das and Butler 1998; 

Trivedi and Babadagli 2008). At the early stage of injection, the solvent mixed and diluted the 

heavy oil, whereas solvent fingering occurred as shown in Figure 4.7a. Thereafter, solvent began 

to push the oil in the fracture by diffusing into the heavy oil, reducing the viscosity and eventually 

sweeping the oil in the fracture (Figure 4.7b). At this stage, asphaltene started to precipitate as the 

oil diluted behind the solvent front. At a later stage of the solvent flooding, asphaltene precipitation 

increased and flocculation and agglomeration occurred, as seen in Figure 4.7c. The solvent mixed 

readily with the light fraction of the heavy oil, leaving behind some asphaltenes as an immobile 

precipitate adhering to the grain, forming parallel ribbons. Several researchers visualized the 

asphaltene precipitation during solvent injection in heavy oil saturated porous media (Das and 

Butler 1998; Dehghan et al. 2010; Farzaneh et al. 2010; Pathak et al. 2012). Asphaltene 

agglomeration and clustering can block the pore throat and result in severe formation damage. 

Furthermore, it can reduce the efficiency of solvent to diffuse into the matrix and dilute the matrix 

oil. Further injection of the solvent resulted in more asphaltene precipitation and severe formation 

damage, as shown in Figure 4.8. The solvent was injected for a longer time (5 hours) to observe 

the sweep efficiency as well as an asphaltene precipitation. Although further solvent injection 

increased the ultimate oil recovery value, it drastically damaged the formation and reduced the 

permeability. At a later stage of solvent flooding, the agglomeration and clustering block the 

fracture and significantly reduce the injectivity (Figure 4.8). 
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In this study, asphaltene mainly precipitated at the matrix/fracture interface where the solvent 

diffused into the matrix. Farzaneh et al. (2010) also showed that most of the asphaltene was 

precipitated on the fracture’s walls. This could be because of the sharp change in the solvent 

concentration gradient. Pathak et al. (2012) showed that asphaltene precipitation depends on the 

concentration difference of the solvent on the two sides of the interface. The higher the 

concentration gradient, the higher the asphaltene precipitation will be. At the early stage of solvent 

flooding, the solvent gradually diffused into the matrix oil and diluted the oil. Thereafter, oil started 

to move toward the fracture. When the oil reached the matrix/fracture interface, sharp changes in 

the concentration of the solvent resulted in severe asphaltene precipitation because the solvent 

concentration in the fracture is much higher than that of the matrix. In addition, because of the 

higher rate of mixing during continuous solvent injection, more asphaltene would be precipitated 

in the flow area (i.e., the fracture). These precipitated asphaltenes initially caused the solvent to be 

spread better in the media, but after some time the solvent propagation would be prevented by an 

asphaltene plugging effect in the flow direction, as seen in Figure 4.8. Dehghan et al. (2010) 

showed that, generally, the asphaltene precipitation problem in the continuous solvent injection 

process can be partially solved using water-alternating-solvent injection. 
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Figure 4.7: Solvent injection in the heavy oil saturated micromodel. (a) Initial stage (2X magnification), 

(b) during sweeping of the fracture (2X magnification), arrows show the early stage of asphaltene 

precipitation, and (c) Asphaltene precipitation, agglomeration, and clustering at the later stage (4X 

magnification). 

 

 

 

 

 

 

 

 

 

Figure 4.8: Severe formation damage due to asphaltene precipitation after 5 hours of solvent injection. 
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4.3.4 Performance of CO2 Gas, Foam, and PEF Flooding After Solvent Injection  

The diffusion of solvent into oil is a critical issue: the heavier the oil, the slower the diffusion and 

the longer the process. The solvent should be given enough time to effectively dissolve into the 

heavy oil, and this time can be reduced by high pressures, which usually does not exist in shallow 

heavy oil deposits. Hydrocarbon solvents are more expensive than the oil itself because they are 

the products of oil through costly processes. Hence, they need to be reclaimed and reused. 

Therefore, an alternative method should be considered for improving heavy oil recovery in 

carbonate reservoirs. In a fractured reservoir, oil recovery depends on matrix/fracture interaction, 

and this is achieved primarily by diffusive mass transfer. CO2 foam and PEF bubbles can improve 

further diffusion of fluid into the matrix, despite the high heterogeneity of carbonate reservoirs. 

Here, the performance of CO2 foam and PEF was compared with that of CO2 gas after solvent 

injection in the fractured micromodel. 

As mentioned previously, the solvent swept the fracture similar to the waterflood process. In 

addition, the solvent could successfully diffuse into the matrix oil and dilute it. Therefore, there 

are always some zones with diluted oil in the matrix after solvent injection. These are favorable 

zones for CO2 gas diffusion as oil viscosity is reduced. Figure 4.9 demonstrates this process. The 

circle in Figure 4.9a shows that the zones in the matrix with diluted oil were swept by CO2 gas 

later, as shown in Figure 4.9b. However, CO2 gas was not able to sweep all the oil in the matrix 

(even all the diluted oil zones). 

Foam within the porous medium does not behave as a homogeneous fluid, but as multiple films in 

the porous medium. Therefore, some areas may be completely blocked and motionless. Then, the 

inlet pressure increases until a coalescence of a number of films restart the flow (Robin et al. 2012). 

CO2 foam injection significantly improved the performance of gas injection after solvent flooding. 
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Foam bubbles reduced gas mobility, resulting in better sweep efficiency. However, improving 

sweep efficiency in such a fractured formation is not a simple process. Several mechanisms are 

involved in improving the heavy oil sweep efficiency by foam. The heavy oil sweeping process 

can be divided into two main stages on the basis of dominant mechanisms. It should be noted that 

in both stages all mechanisms occurred, but only some of them are dominant, representing 

characteristics of that stage. These mechanisms include blocking of the fracture by a network of 

bubbles; diversion of injected fluid into the matrix by increasing displacement pressure; 

emulsification of the matrix oil; and oil production by ablation. The first two mechanisms are 

dominant during the early stage of foam flooding, whereas the others are characteristics of the 

second stage. 

 

Figure 4.9: CO2 gas after solvent injection (a) at the end of the solvent flood and (b) during CO2 gas 

injection. The highlighted area represents the diluted matrix oil swept by CO2 injection. 

 

During solvent injection, pressure started to build up; however, after sweeping the fracture, the 

pressure dropped significantly. The swept fracture created an easy flow path, but the CO2 foam 

and CO2 PEF (unlike gas injection) could build up the pressure, forcing the injected fluid into the 

matrix. Bubbles blocked the fracture and built up the pressure, which pushed the fluid into the 

matrix. Sometimes, foam collapsed and resulted in a sudden pressure drop. At that time, a 
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favorable Δp between the matrix and fracture occurred and caused the movement of low-IFT oil 

(surfactant, which is already in the matrix, reduced the IFT) from the matrix. An example of 

pressure fluctuation during foam flooding is shown in Figure 4.10. The blocking of the fracture 

(highly permeable zone) with CO2 foam/PEF bubbles and the diversion of injected fluid into the 

matrix are the main early mechanisms occurring during foam injection in such fractured porous 

media. When the strong foam is generated within the fracture, it pushes fluid into the matrix even 

in areas where the solvent could not diffuse. Thereafter, the diverted fluid will push the heavy oil 

with the help of IFT reduction and emulsification. This early mechanism of foam-sweep efficiency 

can be seen in Figure 4.11. 

 

 

 

 

 

 

 

 

 

 

Figure 4.10: Pressure profile of foam generated with CTAB and DDBS surfactants during heavy oil 

recovery in micromodel after solvent injection; fluctuation in pressure profile representing local instability 

(collapse) of foam bubbles. 
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Figure 4.11: Images of the micromodel during CO2 foam injection; images in (a) and (b) were taken after 

10 minutes and 1 hour of foam flooding, respectively (same frame, 2X magnification), representing fluid 

diversion into the matrix by blocking the fracture path (arrows representing direction of fluid diversion), 

and (c) a later stage of foam flooding (3.5X magnification), demonstrating the emulsification (arrow) and 

fluid diversion phenomena. A thin layer of oil remained on the glass surface, maintaining OW conditions. 
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Figure 4.12: Micromodel image (3.5X magnification) representing the ablation/emulsification process at 

the late stage of foam flooding. Bubble “A” is trying to invade the matrix opening area, while bubble “B” 

is already in the matrix pore body, helping the ablation process. The arrow represents the flow direction of 

detached oil from the glass surface. Bubble “C” represents the late ablation process where most of the oil 

moved from the glass surface around the bubble, leaving a very thin layer of oil on the grain surface. 

 

These mechanisms swept significant amounts of oil from the matrix, which was more efficient in 

the case of PEF flooding (Figures 4.12 through 4.14). The diverted fluid was more viscous than a 

conventional foaming solution (in the case of PEF) and significantly improved matrix’ oil 

production. However, at the later stage, other mechanisms are more dominant in the sweeping of 

the remaining matrix oil. Although the nature of the porous media remained OW during the 

flooding (as seen in Figures 4.11b and 4.11c), CO2 foam and CO2 PEF could significantly improve 

the sweep efficiency of the oils around the OW grain surface. At a later stage, most of the oil in 

the matrix was around the grain surface. At this time, unlike the early stage, smaller bubbles began 

to move into the matrix blocks. Because most of the oil was swept from the matrix, it was now 

easier for bubbles to invade the matrix. Bubbles entered the matrix and pushed the oil, which could 
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not be produced by the foaming solution, by further increasing the displacement pressure. This 

process is shown in Figure 4.11c. 

Foam formation is related to the geometry of the porous medium that determines the size of the 

bubbles. In the case of using a foam generator before injection, once injected, the adaptation to the 

new porous medium will be automatic, primarily on the basis of the geometric characteristics of 

the porous medium (Robin et al. 2012). When they reach a larger opening area, bubbles release 

their energy (on the basis of the Laplace formula) and block those areas. As a result, the liquid is 

pushed to move in a narrow zone between the bubble and grain surface, where most of the oil is 

located. Thereafter, the foaming solutions sweep the oil by emulsification and ablation in the area 

around the grain. The ablation process in the matrix blocks, which can also be performed by CO2 

foam/PEF bubbles, is shown in Figure 4.12. 

As explained by Schramm and Novosad (1990), the foam lamella, when contacted with oil 

attached to the rock surface, can move the oil from the surface and carry it within the foam lamella 

(also seen in this study). According to the location of oil in the foam lamella and the stability of 

the lamella (Figures 4.11c and 4.13), the Na-DDBS foam can be classified as a moderate stability 

foam [Type B, as explained by Schramm and Novosad (1990)]. This type of foam has moderate 

stability in the presence of oil, and upon contact, the oil spontaneously emulsified into droplets in 

the plateau borders. However, the collapse of foam caused by oil effect is inevitable and sometimes 

foam lamella collapsed because of the oil effect, representing Type C of foam/oil interaction 

(Schramm and Novosad 1990). The oil imbibes into the foam lamella, and it would carry oil 

droplets some distance before rupturing. It is noteworthy that although values of entering (E) and 

spreading (S) coefficients may give insight as to the possibility of oil destroying foam, they do not 

determine the rate of foam destabilization (Manlowe and Radke 1990; Hadjiiski et al. 2003). 
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Spreading and entering coefficients values are presented in Table 4.3. Oil is predicted to spread as 

a lens over foam when the spreading coefficient S is positive (Ross and Suzin 1985). Similarly, an 

oil droplet is predicted to be drawn up into and bridge the lamellar region between two adjacent 

bubbles, breaching the aqueous/gas interface, when the entering coefficient, E, is positive. If the 

oil breaches the interface, this usually causes the interfacial film to lose its foam-stabilizing 

capability and thin to the rupture point, although “entering” does not always destabilize foam. The 

S and E coefficients can be calculated by surface tension and interfacial measurement by 

S = σwg - σwo - σog 

E = σwg + σwo - σog 

where σwg, σog, and σwo are surface tension of foaming solution, the surface tension of oil, and IFT 

of water/oil interface, respectively. 

Both surfactants recorded a positive entry coefficient, indicating that oil entry is feasible in all 

systems. CTAB recorded higher spreading and entering coefficients than Na-DDBS, which is 

consistent with its low stability observed in Figure 4.3. Although both surfactants had positive S 

and E coefficients, they showed decent stability in the presence of oil during oil recovery. This 

analysis shows that the overall foam stability is not dictated solely by these thermodynamic 

coefficients and it is also related to the interfacial and bulk properties of the surfactant and the 

strength of the entry barrier at the gas/liquid interface (Hadjiiski et al. 2003). 

Here the stability of foam in the presence of crude oil plays a key role in enhancing heavy oil 

recovery. The presence of pentane in the fracture (after solvent injection) might affect the injected 

foam stability in the fracture. However, most of the solvent will be removed from the fracture at 

an early stage of foam flooding, and foam/PEF stability is mainly affected by the presence of heavy 

oil. 
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Table 4.3: Spreading and entering coefficients of oil for studied surfactant solutions based on surface 

tension and interfacial tension measurements. 

Foaming solution Surface tension (mN/m) Spreading Coefficient (S) Entering Coefficient (E) 

DDBS 30 2.35 3.05 

CTAB 36.5 8.92 9.48 

 

The mechanisms of heavy oil sweeping by CO2 foam and CO2 PEF are very similar. However, 

besides a higher viscosity of the liquid solution, CO2 PEF bubbles have higher stability in the 

presence of oil compared with conventional foam. Figure 4.13 shows the collapse of the foam 

bubbles in the presence of oil, showing that PEF bubbles were more stable than conventional foam 

bubbles in the presence of heavy oil both in static and dynamic conditions. This is in accordance 

with the results of Chapter 5 on CO2 foam/PEF flooding in heavy oil saturated sand-pack, where 

CO2 PEF showed higher dynamic stability in the presence of heavy oil. It should be mentioned 

that the behavior of foam in bulk and porous media is different and all the static tests results are 

not directly representative of foam in core or reservoir scale. However, stable foam bubbles in bulk 

test (in the presence of oil) have a higher chance to be stable in porous media. The stability of 

bubbles is important because they are the main reason for improving sweep efficiency. They block 

the fracture (highly permeable) path to access the untouched parts of the reservoir. They also 

directly help oil production by carrying oil within their lamella (as shown in Figures 4.11c and 

4.13). Therefore, besides the higher viscosity of a PEF solution, the higher stability of PEF bubbles 

is responsible for further improving heavy oil sweep efficiency compared with conventional foam. 

Considering the enhanced characteristics of CO2 PEF over foam, it could recover the oil layers 

around the grain surface that could not be recovered during conventional foam flooding, as seen 

in Figure 4.14. In addition, the cationic CTAB surfactant was also used for CO2 foam injection. 

As mentioned earlier, cationic surfactants are able to change the wettability of OW media. 
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However, the rate of this process is rather slow. The results of foam flooding with an anionic 

surfactant showed that foam bubbles can force the surfactant solution into the matrix. Therefore, 

foam generated with a cationic surfactant will help to produce matrix oil faster and more efficiently 

because of wettability alteration. CTAB foam could remove the oil layer around the matrix grain 

much better than that of anionic Na-DDBS foam (Figure 4.14). However, the sweep efficiency is 

still lower than PEF, as seen in Figures 4.14 and 4.15. CO2 PEF had a higher fluid viscosity and 

pushed the injected fluid into the matrix more efficiently compared with conventional foams, 

resulting in higher sweep efficiency. It is worth mentioning that in the case of carbonate rock with 

extremely low matrix permeability, foam/PEF bubbles would still be able to enter the matrix with 

relatively higher pressure drop. In a work performed by Conn et al. (2014) in a 2D model of 

heterogeneous porous media, they also showed that foam effectively displaced trapped oil in the 

low-permeability region by bubble resistances in the fracture and high-permeability zones, 

increasing local pressure gradients into the matrix sufficiently to overcome the low permeability 

capillary entry pressure. 
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Figure 4.13: Stability of foam and PEF lamella in the dynamic condition in the presence of heavy oil. Foam 

lamella collapsed more frequent than that of PEF. The arrow shows the collapse of the foam lamella, leaving 

oil droplets behind. Images (a1) to (a4) and (b1) to (b4) were captured with one second interval at the late 

stage of foam and PEF flooding, respectively. 
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Figure 4.14: Images (4X magnification) taken after two hours of (a) DDBS foam, (b) CTAB foam, and (c) 

DDBS PEF flooding comparing the efficiency of various foaming solutions for the removal of the oil layer 

around the grain. PEF swept the matrix oil more efficiently and even removed the oil in a dead-end pore 

(circled area). 
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The ultimate oil RF results are shown in Figure 4.15. The ultimate recovery values correspond to 

2 hours of injection after 3 hours of solvent flooding. CO2 flooding could only increase oil recovery 

by 5%, whereas this value was 49% for the Na-DDBS foam flooding. PEF increased the matrix 

oil recovery even higher and produced 70% of the residual oil. The CTAB foam improved the 

ultimate oil recovery (63%) compared with anionic foam; however, it is still lower than PEF 

(70%). It should be mentioned that the ratio of matrix pore volume to fracture pore volume is 

higher in the studied micromodel compared with that of real fractured reservoirs. Therefore, the 

recovery numbers are not directly applicable to the reservoirs. However, the observations are 

critical to understanding the foam/PEF mechanistic performance and interaction with heavy oil in 

a fractured carbonate reservoir. Figure 4.16 presents the micromodel images comparing heavy-oil-

sweep efficiency during CO2, foam, and PEF injections after solvent flooding. As explained 

previously, the higher stability of CO2 PEF along with the higher liquid viscosity resulted in higher 

sweep efficiency than foam and CO2 flooding. CO2 PEF recovered most of the oil from the 

fractured micromodel except those parts with asphaltene precipitation. Liquid viscosity and 

improving displacement pressure are the main reasons for the higher recovery from PEF than from 

foam. The foam performance also showed outstanding improvement over gas injection. The higher 

efficiency of the CTAB foaming agent (compared with Na-DDBS foam) in removing the oil layers 

around the matrix grain can be also seen in Figure 4.14c. The presence of foam bubbles, which 

increases gas apparent viscosity, is the main reason for the improvement in heavy oil sweep 

efficiency in heterogeneous porous media. 
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Figure 4.15: Tertiary CO2 foam and PEF recovery factors (RF) after 3 hours of solvent injection. 
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Figure 4.16:  Performance of CO2 gas, foam, and PEF heavy oil sweep efficiency after solvent flooding. 

Images correspond to the end of (a) 3-hour solvent flooding, (b) 5-hour solvent flooding (c) CO2 flooding, 

(d) DDBS foam flooding, (e) DDBS PEF flooding, and (f) CTAB foam flooding after 3 hours of solvent 

injection. 
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Part 2: Pore-Scale Mechanisms of Foam Generated with the Hydrocarbon 

Solvent: Solvent Based Foam (SBF) 

4.4 Introduction 

In heavy oil reservoirs, due to the high viscosity of the oil, the application of any EOR process 

including foam EOR is challenging. Moreover, oil-wet nature of carbonate reservoirs makes it 

difficult for aqueous based foam to efficiently remove the heavy oil. On the other hand, 

hydrocarbon solvents have been used to decrease heavy oil viscosity and increasing its recovery 

by diffusion and mixing mechanisms (Butler and Mokrys, 1991; Mokrys and Butler, 1993). It 

could be expected that, applying solvent based foam (SBF) can significantly improve the 

performance of oil recovery in those reservoirs with an oil-wet matrix and viscous oil. However, 

compared to the aqueous foams, it is difficult to generate stable foam from liquid hydrocarbon 

solvent, because, unlike in water, most of the surfactants are less surface-active in non-polar oils 

and there is a little or no Gibbs-Marangoni foam stabilization mechanism in nonpolar organic 

solvents (Shrestha et al., 2006). 

Several studies had been done to analyze the potential of foam for oil recovery (Schramm and 

Novosad, 1990; Rossen, 1996; Farajzadeh et al., 2010; Andrianov et al., 2012; Simjoo et al., 2013; 

Namdar Zanganeh and Rossen, 2013; Telmadarreie and Trivedi, 2015, 2016; Ferno et al., 2016), 

mainly dealing with the static and dynamic performance of foam for conventional oil recovery. 

However, due to the high viscosity of the oil, the effectiveness of foam for heavy oil recovery will 

significantly reduce (Telmadarreie and Trivedi, 2015, 2016). On the other hand, hydrocarbon 

solvents have been used for oil recovery for high viscosity oil (Butler and Mokrys, 1991; Mokrys 

and Butler, 1993; Das and Butler, 1998; Pathak et al., 2010; Moreno-Arciniegas and Babadagli, 

2014). The main challenge during the solvent flooding is the slow rate of diffusion and formation 
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damage mainly due to the asphaltene precipitation. In this chapter, SBF was used for heavy oil 

recovery to overcome the disadvantages of solvent injection in a fractured heterogeneous porous 

media. By applying solvent based foam, the solvent can diffuse into the heavy oil and reduce the 

viscosity while the presence of foam bubbles can help to increase the sweep efficiency by diverting 

the solvent toward the untouched parts of the reservoir. 

Part 1 of this chapter showed the potential of aqueous based foam for heavy oil recovery in 

carbonate reservoirs after solvent injection. Applying foam after solvent injection could decrease 

the formation damage while increasing heavy oil sweep efficiency compared to that of solvent 

injection. The main objective of this part is evaluating the performance of SBF injection for heavy 

oil recovery from a fractured porous media using visualization and understand the governing 

mechanisms. It is important to note cost analysis and screening study for selection of surfactant 

types and concentrations are not the focus of the study. 

4.5 Material and Methods 

Materials: Two different surfactants were applied for foam generation in this study (Dow Corning 

1250 and FluorN™ 1740G). The hydrocarbon solvent for generating SBF was Dodecane. Heavy 

crude oil with the viscosity of about 30,000 cp (at 22 °C) was used in dynamic experiments. 

Static Experiments: to prepare the foaming solution, surfactant was mixed in Dodecane by 

magnetic stirring (400 rpm for 20 minutes) to prevent the foam generation. The foam was 

generated with shaking in a glass container. The container was shaken consistently in 30 seconds 

for each test to have comparable results. Each test was repeated to ensure the reproducibility of 

the results. The initial foam height value was measured as the foamability of foaming solutions, 

which is the ability of a solution to generate the foam. The objective of this section was to observe 
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the relative performance of each foaming solution (at different concentrations) for generating 

foam. 

Surface Tension Measurement: The surface tension of the surfactant solutions was measured by 

the Du Noüy tensiometer (provided by KRÜSS) using a platinum-iridium ring. The ring method 

directly measures the maximum pull on the interface to find surface tension value. Surface tension 

value was taken when a stable reading was obtained, as indicated by at least three consecutive 

measurements having nearly the same value. After each measurement, the ring was carefully rinsed 

with deionized water and then a solvent to remove impurities. Thereafter the ring was cleaned with 

flame. 

Dynamic Experiments: Figure 4.17 represents the set up used for pore-scale dynamic experiments. 

Foaming solution and gas (CO2) were injected through this foam generator at a constant flow rate. 

Foam quality was kept content at about 85%. For each experiment, heavy crude oil was used to 

saturate the micromodel after water saturation. After oil saturation (aged for 24 hours), the 

micromodel was flooded with water for about 200 minutes. Thereafter, the pre-generated CO2 

foam was injected into the micromodel for almost 3 hours. The main objective of the micromodel 

study was to visualize the pore scale behavior; therefore, the performance of injected fluid was 

compare based on images captured at different time intervals rather than injected volume. Extra-

heavy oil with a viscosity of about 30,000 cp has been used in all experiments. Chemical resistance 

tubing was used for injecting viscous oil and a hydrocarbon solvent into the micromodel. 

Hydrocarbon solvent and SBF were injected after water flood to increase the heavy oil recovery. 

The dynamic flow experiments with the help of the fractured micromodel are able to visualize the 

mechanisms involved in both solvent and SBF flooding for extra-heavy oil recovery. 
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Figure 4.17: A schematic of the dynamic experiment: (a) experimental setup, (b) micromodel, black area 

shows the porous zone (fracture width is 1000 microns, (c) foam generator. MFC: Mass Flow Controller. 

 

4.6 Results  

4.6.1 Static Performance of Solvent Based Foam 

Aqueous foam has been extensively studied over the decades. The stable foam could be achieved 

by controlling the thinning behavior of the foam lamellae. The surfactant or polymer molecules 

cover the air/liquid interfaces to prevent the collapse of the foam. They are generally effective in 

increasing foam stability. However, compared to the aqueous foams, it is difficult to stabilize non-

aqueous foam (Ivanov, 1970; Mannheimer and Schechter, 1970). Unlike in water, the surfactants 

are less surface-active in non-polar oils and there is a little or no Gibbs-Marangoni foam 

stabilization mechanism in non-polar organic solvents (Shrestha et al., 2006). The mechanisms 

involved in the stability of aqueous (water-based) and non-aqueous (oil-based) foams are basically 

the same; however, as the surfactants are less surface-active in non-aqueous solvents, it is difficult 

to get stable non-aqueous foams (Ivanov, 1970; Mannheimer and Schechter, 1970). The surface 
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tension of oils is usually low, so there is only a little adsorption of hydrocarbon surfactants to the 

surface. This could be the reason why non-aqueous foams have been sparsely studied. 

Figure 4.18 shows the foam decay profiles of two studied surfactants over time. For 1740G 

surfactant, (Figure 4.18a) the foamability and stability increased with increasing surfactant 

concentration while this effect is not significant in the case of 1250 surfactant (Figure 4.18b). 

According to Figure 4.18b, foam generated with 1250 surfactant is less stable than that of 1740G 

surfactant. There is also no significant increase in foam life by increasing concentration of 1250 

surfactant. At 3 wt%, the foam life is only about 50 minutes for 1250 surfactant while this value 

is more than 200 minutes for 1740 G surfactant at the same concentration. 

From the foam decay profile of 1740G surfactant, it was seen that foamability increased when 

surfactant concentration increased up to a certain value. For example, foam decay profile is not 

changed with the increase in surfactant concentration from 3 wt% to 5 wt%. This trend is the same 

for surfactant concentrations increasing from 0.5 wt% to 1 wt% and 10 wt% to 15 wt % as well. 

Surface tension measurement has been performed to analyze this trend much further. 

 

 

 

 

 

 

 

 



121 
 

 

Figure 4.18: Foam height versus time (foam decay profile) of studied solvent based foams generated with 

(a) FluorN™ 1740G and (b) Dow Corning 1250 surfactants. 

 

For detail study of the static performance of SBF, foamability and surface tension values of studied 

surfactants are presented in Figure 4.19. There is no significant change in foamability of 1250 

surfactants by increasing concentration from 0.5 wt% to 10 wt%. The same trend can be seen in 

the surface tension value of this surfactant suggesting that by increasing surfactant concentration, 

suggesting there is no significant increase in surfactant adsorption into the interface and therefore, 

the foamability is not improved. Considering foam generated with the 1740G surfactant, the initial 

foam height increases with surfactant concentration (Figure 4.19a). Figure 4.19a shows that at 

certain intervals, a significant increase in surfactant concentration does not significantly change 

the foamability (e.g. from 0.5 wt% to 1 wt% and from 3 wt% to 5 wt%). In aqueous based foams, 

the foamability of a foaming solution usually has an indirect relationship with surface tension 

(W=σ×ΔA) where “W” is the work required for foam generation, “σ” is the surface tension of 

foaming solution and “ΔA” is the change in surface area representing the foamability (Stevenson 

and Li, 2012). However, reduction in the surface tension is not directly comparable to the increase 
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in the surfactant concentration and the foamability (comparing Figure 4.19a and Figure 4.19b). 

This suggests other factors are involved in the foamability of the non-aqueous based foams and 

generating stable non-aqueous based foam is possible yet challenging (Friberg and Ahmad, 1971; 

Friberg et al., 1984, 1986, 1989; Shrestha and Aramaki, 2012). 

      

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 4.19: Changes in initial foam height (a) and surface tension (b) versus surfactant concentration for 

studied surfactants. 
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Immediately after foam generation, the foam film was very thick, because of the presence of an 

excess amount of liquid in the lamellae, and film breakup was hindered temporarily. As the 

drainage continued with time, the film thickness decreased and random foam breakage was 

observed. Therefore, the decrease in the foam volume at the beginning (see Figure 4.19) is mainly 

caused by the liquid drainage. Increasing surfactant concentration resulted in slightly lower liquid 

drainage rate. This indicates that the liquid holding capacity of the foams increases with increasing 

surfactant concentration and due to the higher volume fraction of liquid in the foams; the wet foams 

persist for a long period. 

From visual observation in the course of time, better quality of generated foam (monodispersed 

spherical bubbles) was observed at higher concentrations of surfactant (especially 1740G 

surfactant). At lower concentration, foam bubble size was bigger and polydispersed (Figure 4.20). 
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Figure 4.20: Visual observation of SBF bubbles generated with 1740G surfactant at two concentrations; 

(a) 3 wt% and (b) 1 wt%. 

 

4.6.2 Dynamic Performance of Solvent Based Foam: Micromodel Study 

In the solvent flooding, the solvent dilutes the oil and then drains down from the matrix, improving 

heavy oil recovery in fractured carbonate reservoirs (Butler and Mokrys, 1991). However, the 

process is complex because of the asphaltene destabilization that occurs due to the changes in 

temperature, pressure, and solvent type. Asphaltene flocculation and agglomeration eventually 

plugs the pores because of the formation of asphaltene clusters. For solvent injection, light 
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molecular weight hydrocarbon solvents are preferred because of their higher diffusion coefficient; 

however, as the carbon number of n-alkane solvents decreases, asphaltene precipitation increases 

(Fuhr et al., 1991; Buenrostro-Gonzalez et al., 2004; Moreno-Arciniegas and Babadagli, 2014). 

In part 1 of this chapter, solvent injection reduced the oil viscosity and following foam flood 

increased the sweep efficiency in fractured micromodel. In this part, the foam was generated with 

the solvent rather than water. Therefore, it was hoped there would be a synergic effect with 

reducing viscosity due to the presence of a solvent and increasing sweep efficiency by foam 

bubbles at the same time.  

 

Figure 4.21: Images of oil saturated micromodel (a) and micromodel at the end of water flooding (b). Note: 

fracture width is about 1000 microns. 

 

Figure 4.21 shows the images of micromodel after oil saturation (a) and at the end of water flooding 

(b). According to Figure 4.21, water could only sweep the oil within the fracture with no significant 

effect on the oil saturation in the matrix. In two separate experiments, solvent and SBF were 

injected after water flood to increase the heavy oil recovery and to visualize the mechanisms 

involved in the heavy oil recovery process. Figure 4.22 and Figure 4.23 represent images 

micromodel (after water flooding) at different stages of solvent and SBF flooding, respectively. In 
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the case of solvent flooding, the solvent could diffuse into the matrix and increase the ultimate oil 

recovery. However, the ultimate oil recovery was higher for SBF injection, which also benefits 

from increased sweep efficiency as seen in Figure 4.23. At the end of solvent flooding (Figure 

4.22b), the amount of heavy oil remained within the pore structure was higher than that of SBF 

(Figure 4.23b). The asphaltene precipitation was also severe in the case of the solvent flooding 

which may prevent further solvent diffusion into the matrix. 

 

Figure 4.22: Images of solvent flooding after initial water flooding (a) 1 hour, and (b) 3 hours. 

 
Figure 4.23: Images of SBF flooding after initial water flooding at (a) 1 hour, and (b) 3 hours. 
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4.7 Discussions 

The residual oil recovery profiles after water flooding for SBF and solvent injections are shown in 

Figure 4.24. The ultimate recovery of heavy oil by SBF injection (~ 82%) is much higher than that 

of a hydrocarbon solvent (~ 34%). Figure 4.22b and Figure 4.23b shows images of residual oil 

saturated micromodel after three hours’ solvent and SBF injections, respectively. SBF effectively 

swept most of the heavy oil from the fractured micromodel. Although the ultimate oil recovery of 

SBF is higher than that of solvent injection, the initial rate of oil recovery trends is contrasting. 

During the early phase of injection (up to 75 minutes), solvent flooding resulted in higher oil 

recovery compared to SBF injection. This can be seen from the oil recovery profile in Figure 4.24 

and residual oil saturation images of micromodel after 60 minutes of injection (Figure 4.22a and 

Figure 4.22b). 

 

 

 

 

 

 

 

 

 

Figure 4.24: Heavy oil recovery profile during solvent and solvent based foam (SBF) injections (residual 

oil recovery after water flooding). 
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For a detailed analysis and mechanisms involved in heavy oil recovery behavior from fractured 

porous media using solvent and SBF injections, visual observation of micromodel at different time 

intervals are presented in Figure 4.25 and Figure 4.26. Heavy oil recovery and asphaltene 

precipitation during solvent flooding process are shown in Figure 4.25. At the early stages of 

solvent injection, the solvent mixed and diluted the heavy oil mainly around the fracture-matrix 

interface, as shown in Figure 4.25a. Thereafter, solvent diffused into the matrix, reducing the heavy 

viscosity, and eventually sweeping the oil from the matrix (Figure 4.25b). At this stage, asphaltene 

started to precipitate as the oil was diluted behind the solvent front. As the solvent injection 

continued, asphaltene precipitation increased and flocculation and agglomeration occurred (Figure 

4.25c). The solvent mixed readily with the light fraction of the heavy oil, leaving behind asphaltene 

as an immobile precipitate adhering to the grain, forming ribbons like structures parallel to the 

flow line (dotted rectangle in Figure 4.25). Several researchers have visualized the asphaltene 

precipitation during solvent injection in heavy oil saturated porous media (Das and Butler, 1998; 

Dehghan et al., 2010; Farzaneh et al., 2010; Pathak et al., 2012, Moreno-Arciniegas and Babadagli, 

2014; Telmadarreie and Trivedi, 2016). Farzaneh et al. (2010) observed the asphaltene 

precipitation during solvent injection in a fractured porous media. They observed that asphaltene 

precipitation occurred on the fracture wall resulting in blocked flow pathways. Asphaltene 

agglomeration and clustering can block the pore throat and result into severe formation damage. 

Moreover, it can reduce the diffusion of the solvent into the matrix. Further injection of the solvent 

will result in more asphaltene precipitation and severe formation damage as seen in Chapter 3 and 

part 1 of this chapter. It was evident from Figure 4.25c that asphaltene mainly precipitated at the 

matrix-fracture interface where the solvent diffused into the matrix. The higher concentration 



129 
 

gradient of solvent and higher mixing rate are responsible for asphaltene precipitation at this 

location.  

Overall mechanisms involved in SBF flooding are shown in Figure 4.26. At an early stage of SBF 

flooding, because of high oil saturation around the fracture, most of the solvent diffused into the 

oil destabilizing the foam bubbles. The low stability of foam resulted in the separation of CO2 gas 

and liquid phase (Figure 4.26a). The liquid solvent phase helped to reduce the oil viscosity by 

diffusing into the viscous oil. At the later stage, foam bubbles were more stable due to lower oil 

saturation in swept area. The foam bubbles created a resistance to flow in the swept area (i.e. 

fracture path) and the liquid solvent was diverted toward the untouched part of micromodel (Figure 

4.26b). The liquid solvent diffused into the matrix, reduce heavy oil viscosity, and mobilize it. The 

force provided by foam bubbles pushed the solvent towards the untouched part of the porous media 

much faster and significantly improves the ultimate heavy oil recovery (Figure 4.24 and Figure 

4.26c). The oil recovery in case of SBF injection was less affected by reduced solvent content 

compared to solvent injection rather sweep efficiency was significantly improved. The presence 

of foam bubbles effectively improved the solvent/oil contact area especially in the matrix zones 

away from the matrix-fracture intersection. While foam is injected, more bubbles invade into the 

matrix (Figure 4.27) and increase the contact between solvent and heavy oil in unswept regions. 

Therefore, overall sweep efficiency of heavy oil is greatly improved. 
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Figure 4.25: (a) early stage (1 hour) of solvent flooding: arrows represent slight solvent diffusion around 

the fracture, (b) next stage (2 hours) of solvent flooding; arrows show the direction of solvent diffusion 

further into the matrix, and (c) late stage (3 hours) of solvent flooding representing asphaltene precipitation 

and clustering resulting in formation damage. Dotted rectangle shows the precipitation of asphaltene as a 

parallel ribbon on the grain surface. 
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Figure 4.26: (a) early stage (1 hour) of SBF flooding: low stability of foam bubbles, (b) next stage (2 hours) 

of solvent flooding; arrows show the direction of solvent diffusion further into the matrix, and (c) late stage 

(3 hours) of SBF flooding. 
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Besides increasing heavy oil recovery, SBF injection also resulted in the minimum amount of 

formation damage at the matrix-fracture interface in contrast to solvent flood. Comparing Figure 

4.26c and Figure 4.25c, almost no asphaltene precipitation was observed in the matrix during SBF 

injection whereas solvent injection resulted in significant precipitations.  Depending on the quality 

of foam, usually, less than 20% of SBF is liquid solvent. It is important to note that the foam 

quality in this study was 85% and corresponding liquid content in SBF was 15%. Therefore, the 

amount of asphaltene precipitation was much less compared to that of 100% liquid hydrocarbon 

solvent injection. 

 

 

 

 

 

 

 

 

Figure 4.27: Late stage (when the most of the oil swept from the matrix areas around the fracture) of SBF 

flooding showing invasion of bubbles into the opening area in the matrix and increasing sweep efficiency. 
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4.8 Summary 

The first part of this chapter investigated the pore-scale phenomena during CO2 foam and PEF 

heavy oil recovery after solvent injection in fractured carbonate reservoirs. Foam can be used to 

improve matrix’ oil production after solvent injection. Following are the summary of the first part 

of this chapter: 

• Asphaltene precipitation was observed when oil and hydrocarbon solvents were in contact. 

Asphaltene mainly precipitated in the fracture/matrix interface where the solvent diffused 

into the matrix. Agglomeration and clustering of asphaltene can block the pore throats and 

result in severe formation damage while reducing the injectivity and efficiency of solvent 

diffusion into the matrix. 

• Visualization of the foam and PEF EOR process showed that once strong foam is 

generated, there was almost no flow within the fracture. Because bubbles jammed and 

blocked the fracture path, the injected fluid was forced to flow into the matrix and swept 

the oil. 

• Several mechanisms are involved in improving heavy oil recovery from fractured 

carbonate reservoirs. The early mechanisms of production include “blocking of the fracture 

by a network of bubbles” and “diversion of injected fluid into the matrix,” whereas at a 

later stage “emulsification” and the “ablation” process are the main mechanisms in charge 

of the further matrix oil recovery. 

• Observations through this study showed that the fluctuation in pressure of foam flooding 

behaved as a “huff ‘and’ puff” process and increased the matrix’ oil recovery. First, the 

foam blocks the fracture and increases the pressure in both the matrix and the fracture. 

When foam temporarily collapses, the pressure suddenly drops. However, the rate of the 
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pressure drop in the matrix is lower than in the fracture, resulting in a temporary pressure 

difference between the matrix and fracture. This pressure difference improves the oil 

recovery from the matrix. 

• CO2 gas, foam, and PEF were injected after solvent flooding to improve the heavy-oil 

recovery. CO2 increased oil recovery by only 5%, whereas this value was 49 and 70% for 

Na-DDBS foam and PEF, respectively. Enhancing liquid viscosity (improving both static 

and dynamic stability of PEF bubbles) and providing adequate injection pressure are the 

main reasons for the higher recovery from PEF than from foam. Foam also showed 

outstanding improvement in performance over gas injection. The presence of foam bubbles 

is the main reason for the improvement in heavy oil sweep efficiency in heterogeneous 

porous media. 

• Applying foam generated with a cationic surfactant (as a wettability alteration agent) 

resulted in higher matrix’ oil recovery compared with foam generated with an anionic 

surfactant. CTAB could remove oil layers around the matrix grain more efficiently (i.e., 

the ultimate oil recovery after solvent injection was 63%). 

The second part of this chapter visualized the performance of SBF for heavy oil recovery in a 

fracture oil-wet micromodel representing the fractured reservoirs. Its performance was also 

compared with that of liquid hydrocarbon solvent injection. Following are the summary based on 

the observations: 

• Static tests revealed that increasing surfactant concentration increased foamability of SBF. 

However, after a certain point, a significant increase in surfactant concentration does not 

change the foamability suggesting the influence of other factors involved in the foamability 

of the non-aqueous based foams.  
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• Although solvent could diffuse into the heavy oil saturated matrix, the formation damage 

caused due to asphaltene precipitation was significant that made the solvent injection 

process for heavy oil recovery in a fractured porous media inefficient. 

• At the early stages of SBF flooding, foam bubbles had low stability resulting in two-phase 

separation. Liquid phase reduced the oil viscosity by diffusion mechanisms. At the later 

stage of flooding, foam bubbles created resistance to the flow in swept part (i.e. fracture) 

and the solvent was diverted toward untouched part in the matrix. 

• The main mechanism observed through this study during SBF flooding was viscosity 

reduction by solvent diffusion and fluid diversion with the help of foam bubbles. The 

diversion mechanism created by the foam bubbles increased the contact of solvent and 

heavy oil compared to that of pure solvent injection, improving sweep efficiency. SBF 

flooding resulted in higher ultimate heavy oil recovery from heterogeneous media 

compared to that of pure solvent injection.  

• In addition, foam bubbles created higher driving force compared to that of pure solvent 

injection resulting from the higher resistance to flow in SBF than that of pure solvent (due 

to the presence of foam bubbles). Consequently, heavy oil (with reduced viscosity due to 

solvent diffusion) will be displaced toward the production well much more effectively than 

that of solvent injection. 
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Chapter 5: CO2 Foam and Polymer Enhanced Foam for Heavy Oil Recovery: 

Bulk and Porous Media (Sand-pack) Studies5 

 

5.1 Introduction 

Inadequate sweep efficiencies resulting from unfavorable mobility ratios are the main challenges 

during enhanced oil recovery (EOR) methods, especially in heavy oil recovery. Foam and Polymer 

Enhanced Foam (PEF) flooding can control the mobility ratio and improve the sweep efficiency, 

especially in heterogeneous reservoirs. Foam can provide better control of the fluids injected and 

uniformity of the contact as stronger foams can block the flow channels in high permeability media 

and divert it toward the low permeable parts (Hirasaki, 1989; Zhou, and Rossen, 1995). 

Besides improving sweep efficiency in gas flooding, foam/PEF can be used for mobility control 

in chemical EOR where the foam is considered an alternative to polymer mobility control in 

micellar flooding. Zhang et al. (2000) reported laboratory and field studies of foam in Daqing 

oilfield in China, where the foam was successfully applied in a heterogeneous porous media and 

compared with the performance of chemical flooding. 

There are several challenges for widespread application of foam in porous media such as in situ 

generation and propagation of foam. Although the principal mechanisms for foam generation have 

been identified, the precise condition when the strong foam can be generated in the reservoir 

remained unknown. In a homogeneous porous medium, with steady co-injection of gas and liquid, 

a minimum pressure gradient is required to create foam (Ransohoff and Radke, 1988; Rossen and 

                                                           
5 A version of this chapter has been published: 

Telmadarreie and Trivedi, 2015. Paper WHOC15-243 Presented at the World Heavy Oil Congress, Edmonton, 

Alberta. 
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Gauglitz, 1990; Tanzil et al., 2002; Gauglitz et al., 2002). One of the proposed ways to enhance 

foam generation is using small, alternating slugs of liquid and gas (SAG injection) (Rossen and 

Gauglitz, 1990). SAG injection has several advantages over co-injection of gas and surfactant as 

it reduces the contact between water and gas in the surface facilities (Mattews, 1989; Heller, 1994) 

and besides improving injectivity, it can possibly improve foam generation in the near-wellbore 

region (Rossen and Gauglitz, 1990). 

Another important challenge during foam EOR is the detrimental effect of crude oil. There are 

several studies on the static and dynamic performance of foam-oil systems (Vikingsad et al., 2005; 

Andrianov et al., 2012; Scharamm and Novosad, 1992; Koczo et al., 1992; Farajzadeh et al., 2010; 

Simjoo et al., 2013). These studies are mainly focused on performing foam stability experiments 

(bulk tests) in the presence of different types of light oils and measuring the foam half-life. Some 

of these researchers also measured the spreading, entering, and, birding coefficients in the foam-

oil system and tried to explain the behavior of the foam-oil system. However, the relation between 

spreading phenomena and foam stability has been inconclusive for general applications. For 

instance, Andrianov et al. (2012) concluded that there exists a strong correlation between spreading 

(S) and entering (E) coefficients, and foam stability while Vikingsad et al. (2005) did not find any 

direct correlation between spreading coefficient and foam stability. Nikolov et al. (1986) 

mentioned that as the oil drop approaches the liquid-gas interface, the thin liquid film forms 

between the oil drop and the gas phase called “pseudoemulsion film”. According to this study, oil 

drop cannot enter the interface when the pseudoemulsion film is stable, even if the value of E or S 

coefficients showing differently. 

Chemical methods are among the most common non-thermal EOR process for heavy oil recovery 

after water flooding. One of the issues with the chemical method for heavy oil reservoirs is the low 
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injectivity and inadequate sweep efficiency, especially in heterogeneous reservoirs. Foam and 

Polymer Enhanced Foam (PEF) can improve sweep efficiency over gas and chemical injections. 

Shallow heavy oil reservoirs in Western Canadian Sedimentary Basin (WCSB), which can be also 

recovered by non-thermal processes, can be the potential target for foam/PEF EOR application. 

The high viscosity of the oil and high heterogeneity of these reservoirs can result in inadequate 

sweep efficiency of conventional non-thermal methods. 

Most of the previous studies mentioned above have been performed on light crude oils. In this 

chapter, the effect of heavy crude oil is studied on the static and dynamic performance of foam. 

Moreover, PEF is also introduced for improving the performance of conventional foam in heavy 

oil reservoirs. For this aim, firstly static experiments, including bulk foam stability, and surface 

tension studies were designed to study the behavior of bulk foam in the presence and absence of 

heavy oil, as well as the effect of polymer addition on its behavior. In the second part, dynamic 

experiments of foam/PEF propagation through visual sand-pack were performed to investigate the 

dynamic stability with and without the presence of heavy oil.  

5.2 Materials and Methods  

5.2.1 Materials  

Various types of surfactant (nonionic, anionic, and cationic) as a foaming agent and one polymer 

(as a foam stabilizer) were selected for foam/PEF studies as follows: 

Nonionic surfactant: Surfonic N85 (Huntsman Corporation) which is a Nonylphenol-ethoxylated 

nonionic surfactant with a chemical formula of C15H23 (OCH2CH2)n OH (Mw= 594 g/mol). 

Anionic Surfactant: Two anionic surfactants, Sodium dodecylbenzene sulfonate 

(C12H25C6H4SO3Na, Mw=348.5 g/mol)) and C14–C16 Alpha olefin sulfonate (R-SO3
−Na+, 

Mw=348.5 g/mol) were used for static foam analysis. 
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Cationic Surfactant: Cetyltrimethylammonium bromide (CTAB) (Sigma–Aldrich, 99% purity) 

was also used as a cationic foaming agent (C19H42BrN, Mw=364.5 g/mol).  

Polymer: Polymer is used to increase the viscosity of the liquid phase. The anionic polyacrylamide 

polymer FLOPAAM 3330S (supplied by SNF SAS) was used in the preparation of polymer 

solutions. It has hydrolysis degree of 25-30 % and average molecular weight of 8×106.  

Hydrocarbons: For both static and dynamic experiments, heavy crude oil (sampled from one of 

the Canadian oilfields) with dead oil viscosity of 1320 cp (at 22 °C) was used. In addition, a mineral 

oil was also used for only static analysis of the foam-oil system. 

5.2.2 Foam Bulk (Static) Experiments  

Foam and PEF generation: For the preparation of the foaming solution, surfactant (0.29 wt%) 

and in some tests polymer (0.15 wt%) were mixed in water. A magnetic stirrer (400 rpm for 20 

minutes) was used for mixing to avoid the foam generation. Thereafter, foam or PEF was generated 

using a digital Homogenizer (provided by Kinematica Inc.). It should be mentioned that all four 

surfactants were used for foam static analysis and among them, N85 and DDBS were selected for 

the static study of PEF. 

For foam generation, 100 cc of foaming solution was mixed in a glass cylinder (1000 cc) at high 

speed for two minutes. The shearing speed and shearing time were kept constant for uniformity of 

foam created throughout the experiments. In some experiments, 5 cc of oil was added to the 

foaming solution before the high-speed mixing to study the effect of oil on foam/PEF stability. A 

schematic of static foam setup is shown in Figure 5.1. 

Static stability: The glass cylinder was closed with a plastic seal after foam generation to avoid 

evaporation. In each experiment, immediately after mixing, the total height, as well as the height 

of liquid, was measured as a function of time. Foam stability (foam half-life) was recorded based 
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on the time required to drain half of the liquid from the foam. Moreover, the initial foam height 

value was also recorded as the foamability of foaming solutions. A high-definition camera was 

used to analyze the foam behavior with and without the presence of oil. For some detailed analysis 

of foam-oil interaction, a Leica DM 6000M microscope was used to capture high-quality images. 

All the experiments were repeated to assure the reproducibility of results.  

Surface tension and interfacial tension: The surface tension of the surfactant solutions and their 

mixtures with polymer was measured by the Du Noüy tensiometer (provided by KRÜSS) using a 

platinum-iridium ring. The ring method directly measures the maximum pull on the interface to 

find surface tension value. After each measurement, the ring was carefully rinsed with deionized 

water and then a solvent (usually acetone) to remove impurities. Thereafter, the ring was cleaned 

with a flame to remove any impurities. The Interfacial Tension (IFT) measurements were 

performed using spinning drop method (SITE100, provided by KRÜSS). The lowest measurement 

range for this instrument is as low as 10-6 mN/m with rotational speed up to 15000 rpm (with a 

capillary diameter of 2.5 mm). 

 

 

 

 

 

 

 

 

Figure 5.1: A schematic set-up for foam static analysis. 
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5.2.3 Foam Dynamic Experiments  

To analyze the dynamic performance of foam and PEF in porous media, a linear visual sand-pack 

was used (1-ft in length with an inner diameter of 1-inch). The visual cell was a, packed with glass 

beads (40-70 meshes) and a special expandable rubber was used to seal the both ends. A metal 

screen (80 meshes) was used to avoid sand production. After vacuuming the sand-pack (at least 3 

hours), water saturation and permeability measurements were conducted. The measured porosity 

and permeability of the sand-pack were 37±0.5% and 38±0.5 Darcy, respectively. The porous 

medium was then saturated with heavy crude oil (1320 cp) until no water was produced. A syringe 

pump (ISCO Model 500D) and a pressure transducer (OMEGADYNE Model PX409) was used 

for liquid injection and pressure record, respectively. A schematic of dynamic experiments set up 

is shown in Figure 5.2.  

 

Figure 5.2: Schematic of CO2 foam/PEF flooding system. 
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In this study, the foam was generated in-situ with the help of Surfactant Alternating Gas (SAG) 

injection. During all the experiments, both liquid and gas rates were kept equal (20 ft/D). The 

injection rate was selected based on the high permeability of the sand-pack and the shear rate of 

fluid within the porous media (between 1 to 100 s-1). In addition, the high rate ensured that the 

critical pressure gradient to generate strong foam was exceeded. A gas mass flow controller 

(provided by Hoskin Scientific Ltd) was used for the accurate injection of CO2 gas at the constant 

volumetric flow rate. The slug volume of both liquid and gas was selected as 0.1 fractions of the 

total pore volume (0.1 PV). Pressure profile and oil recovery were measured as well as sand-pack 

images were captured during all the experiments to compare the performance of different foaming 

solutions in heavy oil recovery. It should be mentioned that all flooding was performed in tertiary 

recovery mode after reaching a constant water cut of 98% during water flooding. Table 5.1 

summarized the detail of dynamic experiments on visual sand-pack. Among the studied surfactants 

non-ionic surfactant N85 (weakest foaming agent) and DDBS (best foaming agent) were selected 

for dynamic foam and PEF studies. All experiments were performed at ambient condition (room 

temperature) without using any backpressure. 

Table 5.1: Summary of dynamic experiments performed on visual sand-pack: with and without the 

presence of heavy oil. 

Experiment Porous Media Length (cm) Ø (%) K (D) Soi (%) WF-RF (%) Total RF (%) 

DDBS-SAG 
24.5 36.26 37.69 NA NA NA 

24.2 36.86 37.26 93.3 33.5 94 

DDBS-PEF 
24.4 36.41 37.53 NA NA NA 

24.5 37.07 37.87 92.4 33.7 99 

N85-SAG 
24.5 36.67 37.88 NA NA NA 

24.4 37.22 37.72 93.4 33.1 57 

N85-PEF 
24.4 37.22 38.19 NA NA NA 

24.4 36.82 37.91 92.3 33 98 
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5.3 Results and Discussions 

5.3.1 Static Performance of Foam and PEF in the Absence of Heavy Oil 

Effect of surfactant type: The changes of normalized foam height (H/H0) versus time, foamability, 

and foam stability (half-life) for all studied surfactants are shown in Figure 5.3. The foam decay 

profiles of all ionic surfactants are almost the same. Among all studied surfactants, DDBS showed 

better stability (half-life) while CTAB had highest foamability. Foamability is the ability of the 

surfactant to generate foam. Several references reported the good foamability of anionic 

surfactants (Flick, 1993; Urban, 2003; Rosen and Kunjappu, 2012) whereas the nonionic 

surfactants generally produce less foam. The stability of foams generated with ionic or nonionic 

surfactants is achieved by repulsive forces between the surfactant monolayers (Verwey and 

Overbeek. 1948). Therefore, the ionic surfactants (DDBS, AOS, and CTAB) generated more foam 

with relatively higher stability compared to that of nonionic N85 surfactant. According to Figure 

5.3b, initial foam height (foamability) and half-life (foam stability) of anionic surfactants are 

higher than that of the nonionic surfactant. In fact, if the nonionic surfactants do not create a well 

adsorption monolayer on the water/air interface, it will not stabilize the foam films by steric 

repulsion. In this case, the foaming is very low due to the instability of the foam films (Marinova 

et al., 2012). Furthermore, the presence of ionic surfactants at the interface in the foam film will 

stabilize the film and induce a repulsive force that opposes the film thinning process. This is called 

the Electric double-layer repulsion (Israelachvili, 1991, Schramm and Wassmuth, 1994) which 

depends on the charge density and the film thickness. 
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Figure 5.3: (a) Foam decay profiles and (b) foamability and half-life values for studied surfactants: anionic 

DDBS and AOS, nonionic N85 and cationic CTAB. Polymer increased foam stability while decreases the 

foamability of surfactants. 

 

 

Figure 5.4: (a) PEF decay profile, and (b) liquid drainage profiles of the studied foams and PEFs. 

 

Effect of polymer addition: The major advantage of polymer addition in foaming solution is 

viscosity enhancement which may improve the foam stability by lowering the liquid drainage rate 

in the foam. The foamability and half-life values for polymer enhanced foams are shown in Figure 

5.3b. The CTAB surfactant was not compatible with the anionic polymer. Anionic AOS surfactant 

had similar performance to anionic DDBS surfactants with, and without polymer (results are not 

presented here). Therefore, anionic DDBS and nonionic N85 surfactants were selected for PEF 
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studies. Although polymer increased the half-life value, it drastically decreased the foamability of 

surfactant. For the PEF generated with the nonionic surfactant N85 and anionic polyacrylamide 

polymer, the only slight improvement was seen on the half-life value while the polymer 

significantly reduced the foamability. The anionic polyacrylamide polymer significantly increased 

the stability of foams generated with anionic DDBS surfactant. Figure 5.4 shows the PEF decay 

profile (part a) and liquid drainage rate (part b) of foam and PEF. The N85-PEF decayed faster 

than DDBS-PEF. Polymer increased the viscosity of liquid solution within the foam lamella, 

reduced the rate of liquid drainage, and consequently increased the stability of foam as seen in 

Figures 5.3b and 5.4b. However, this enhancement was less for N85 surfactant which is the 

relatively poor foaming agent. Therefore, proper selection of surfactant and polymer is essential 

to have optimum stability for PEF. 

Surface tension measurement: Viscosity enhancement by the addition of polymer is not the only 

criteria for a significant increase in foam stability and therefore polymer-surfactant interaction 

should be considered. Comparing foam/PEF generated with each surfactant; the addition of 

polymer slightly increased the surface tension as seen in Figure 5.5, therefore the foamability 

decreased. The numbers in this Figure represent quality (gas content, foamability) of foam/PEF. 

This can be explained by the work done for generation of foam or PEF using following equation: 

W=ΔA × σ                                                                      (1) 

where W is the work done for foam generation, ΔA is a change in area or foamability, and σ is 

surface tension.  
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Figure 5.5: Surface tension values for the different foaming solutions; the numbers in x-axis represent 

quality (or gas percentage) of corresponding foam/PEF. 

 

5.3.2 Static Performance of Foam and PEF in the Presence of Heavy Oil 

Oils generally destabilize and can also stabilize a foam system (Koczo et al., 1992). In this chapter 

effect of heavy crude oil and mineral oil was examined on foam stability. The results are shown in 

Figure 5.6. The presence of heavy oil decreased the foamability and stability of foams and PEFs 

generated with all surfactants, especially N85. On the other hand, mineral oil both stabilized and 

destabilized the studied foams. In terms of foamability, the addition of mineral oil had no drastic 

effect on foamability and foam stability of foams compared to that of heavy oil. Considering foam 

stability, in some cases, the addition of mineral oil resulted in increasing the foam stability (N85, 

AOS, and CTAB foams).  
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The addition of polymer in DDBS solution has a significant effect on the stability of foam-oil 

system such that the oil has no significant drastic effect on DDBS-PEF (Figure 5.6b). However, 

N85 foam stability in the presence of oils did not increase with the addition of polymer. 

Figure 5.6: Effect of heavy oil and mineral oil on (a) foamability and (b) foam stability of studied foams, 

(c) foamability and (d) foam stability of studied PEFs. 

 

The decay profiles of DDBS and N85 surfactants were selected for detailed discussion of foam-

oil interaction. The foam decay profile was divided into four stages (according to Denkov, 2004) 

as shown in Figure 5.7 where the normalized foam height is plotted versus time for different foam-

oil systems. Both types of oils increased the foam destruction rate; however, mineral oil had 

relatively less drastic influence in both foam systems. This is more evident in the N85-foam 
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system. On the other hand, mineral oil interestingly reduced the liquid drainage rate (stage I) and 

also had no drastic effect on foam decay life. The behavior of each foam-oil system at each stage 

can be explained as follows:  

Stage I: During Stage I the main process affecting the foam decay profile is liquid drainage. It 

should be mentioned that some minor bubble coarsening may have occurred during this stage, but 

the dominant phenomenon was the liquid drainage. Images of the foam bubble texture at the foam 

top and liquid-foam interface during this stage are shown in Figure 5.7. 

Stage II: There was no significant liquid drainage in Stage II; however, the optical observation of 

foam column demonstrated a significant change in bubbles structure during this period. The small 

bubbles disappeared, and bubble coarsening occurred, because of gas diffusion through the films 

(Figure 5.8). Stage II is too short in case of N85 surfactant foam system. This is due to the less 

potential of N85 (nonionic) surfactant to generate stable foam and almost immediately after 

drainage stage, the foam started to collapse. Beside surfactant weakness, the anti-foaming effect 

of oil increased the rate of foam collapse. Stage II is about 40 minutes for the DDBS foam system 

showing the better stability of DDBS surfactant (anionic) to generate the most stable foam. A 

similar trend was seen in foam-mineral oil system; however, the length of stage II in DDBS-

mineral oil system increased to more than 50 minutes as seen in Figure 5.7b. 

Stage III: The onset of stage III is identified by rupture of bubbles in the upper layer of foam 

column. According to Denkov (2004), when a certain critical value of the compressing capillary 

pressure (which is higher at the foam top) is reached, the foam starts to collapse. Stage III is called 

“anti-foaming” stage because the shape of profile strongly depends on the anti-foaming behavior 

of the oil. In a foam-oil system, after foam generation, oil droplet is immediately drained from the 

foam film and rests in foam lamella and Plateau Borders (PBs) because the droplets are smaller 
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than the foam film thickness. During this stage, by thinning the foam film/lamella and increasing 

oil droplet size (due to flocculation/coalescence of droplets) the lamella eventually will break. 

Figure 5.9 shows the collapse of foam lamella at the antifoaming stage, which is most probably 

due to the drastic effect of oil.  

Comparing N85 and DDBS foams in the presence of heavy oil, the N85 foam starts to collapse 

immediately after liquid drainage (stage I) and foam column collapsed in less than 2 hours. Heavy 

oil also significantly reduced the length of stage III (increased rate of foam destruction) in DDBS 

foam. In mineral oil system, the rate of DDBS-foam destruction (slope of the curve at stage III) 

was less than that of heavy oil, representing the less detrimental effect of mineral oil on foam 

stability. 

Stage IV: Over time in Stage III, the rate of foam destruction gradually decreased in magnitude 

and stage IV is reached when the foam volume remained almost constant (residual foam height) 

before the foam dies. Unlike N85-foam-heavy oil system, stage IV interval is evident in the DDBS 

foam system. In N85 foam- heavy oil system, foam collapsed right after liquid drainage stage and 

died without any residual foam height; i.e. the height of the foam at stage IV. As noticed earlier, 

mineral oil showed less drastic effect such that unlike heavy oil system, stage IV can be seen in 

“N85 foam-mineral oil” system.  
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Figure 5.7: Foam decay profile for N85 (nonionic) and DDBS (anionic) surfactants; considering the effect of 

(a) heavy and (b) mineral oil; images correspond to DDBS foam (5X magnification). 
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Figure 5.8: Air diffusion from the small bubbles toward the larger ones leads to the disappearance of the 

small bubbles and to the gradual accumulation of oil drops in the nodes and the Plateau borders during stage 

II (DDBS foam with heavy oil). Images (b) were captured seconds after images (a). 

 

 

 

 

 

 

 

Figure 5.9: Oil droplets overcome the electrostatic interactions and break a foam lamella during stage III; 

DDBS foam with heavy oil (2X magnification). 

 

Like foam decay profile, we can define different stages in PEF decay profile in the presence of 

heavy oil as antifoam. The behavior of PEF generated with both surfactants in the presence of 

heavy oil is shown in Figure 5.10. Three stages can be defined in PEF-oil profile for detail analysis. 

Let’s first consider the PEF generated with DDBS surfactant (Figure 5.10a). The characteristics of 

each stage are as follows; 

(b) (a) 

(a) (b) 
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Stage I: in the PEF-oil system, this stage is different from that of the foam decay profile. The PEF 

decay profile is quite constant without any change. No liquid drainage or foam collapse occurred. 

This stage can be characteristic of polymer effectiveness in increasing the stability of the 

conventional foam. We can call this stage as “stability improvement stage” because the main 

outcome of this stage is the stability of PEF. So, the larger stage I represent the more improvement 

of stability by the addition of polymer. However, PEF image studies revealed some minor changes 

happening to the PEF structure during this stage. Gas diffusion from smaller bubble to a larger one 

(based on the Laplace formula) and bubble coalescence is evident. However, this change is minor 

and the rate of bubble coalescence is very low compared to conventional foam. The images taken 

at the beginning and end of this stage (top of PEF column) prove this claim. 

Stage II: this stage is similar to Stage III of the foam-oil system, the only difference is that liquid 

drainage and antifoaming (foam collapse) phenomena happening almost together at this stage. As 

seen the difference between with oil and without oil curves appear first at this stage, representing 

the antifoaming effect of the oil. Images taken during this stage show the dominant phenomena 

happening in the course of time during stage II. 

Stage III: this stage is also can be correlated to Stage IV of the foam-oil system. Almost no liquid 

drainage and foam collapse was seen at this stage. Only large bubbles remained, and the process 

of bubble rearrangement was very slow. PEF remained at the residual foam stage much more than 

conventional foam, demonstrating the higher stability of PEF compared to foam in the presence of 

heavy oil. 

Considering N85-PEF (Figure 5.10b), its decay profile is almost similar to N85 foam profile. 

Although polymer slightly increased the lifetime of conventional N85 foam in the presence of 

heavy oil (from 120 minutes to around 260 minutes), still stability is low such that stage I 
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(representing the ability of the polymer to postpone the liquid drainage rate) is missing. This result 

also suggests that to get the maximum effect of polymer in enhancing the stability of foam, proper 

selection of foaming agents and its combination with the polymer is essential. 

 

 

Figure 5.10: PEF decay profile in the presence of heavy oil; (a) DDBS (anionic) surfactant and (b) N85 

(nonionic) surfactant; images correspond to DDBS-PEF (5X magnification). 
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5.3.3 More Insight into Impact of Oil on the Foam Stability 

A mixture of gas bubbles and oil droplets are called foamulsions or foamed emulsions Koczo et 

al., 1992). When emulsion droplets are trapped and jammed between the bubbles may result in 

stable foamulsions (Rio et al., 2014). The presence of emulsion droplets within the foam structure 

can slow down the drainage and coalescence (Salonen et al., 2012). During liquid drainage, the 

aqueous phase and emulsion drops flow together through the foam structure (foam film and plateau 

borders). However, oil drops drain slower than that of the aqueous phase. This is the reason for 

increasing the concentration of oil within the lamella in course of time as seen in Figure 5.11. In 

this study, most of the oil stayed in the foam structure even after the collapse of the majority of 

foam lamellas. Oil droplet moves within foam lamella in the form of an emulsion (Figures 5.12 

and 5.13) and destabilizes a foam system by entering and spreading in the water-gas interface. Oil 

drop must first overcome the repulsive forces (electrostatic or steric interactions) in the aqueous 

pseudoemulsion film to destabilize a foam lamella (Nikolov et al. 1986; Manlowe and Radke 

1990). Koczo et al. (1992) studied the effect of emulsion on foam stability. Their study on 

solubilized oil as well as emulsified oil systems showed that later one may improve the stability 

of foam system while solubilized oil will decrease the foam stability. The packed emulsion droplets 

(in emulsified oil systems) prevent the liquid drainage through the foam structure due to the 

increased hydrodynamic resistance. 

It is noteworthy that though values of entering (E) and spreading (S) coefficients may give insight 

into the potential of the oil to destabilize a foam system; however, these coefficients cannot explain 

the rate of foam destabilization (Manlowe and Radke, 1990; Hadjiiski et al., 2003). Spreading and 

entering coefficients values are presented in Table 5.2. Oil can spread as a lens over gas/liquid 

interface when the spreading coefficient S is positive (Ross and Suzin 1985). Similarly, an oil 
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droplet is predicted to enter the aqueous–gas interface, when the entering coefficient, E, is positive. 

The S and E coefficients can be calculated by surface tension and interfacial measurement by the 

following formula (Schramm and Novosad, 1992): 

S = σwg - σwo - σog 

E = σwg + σwo - σog 

Where σwg, σog, and σow are surface tension of the foaming solution, the surface tension of oil, and 

interfacial tension of water/oil interface, respectively.  

As shown in Table 5.2, all the surfactants studied here showed a positive entry coefficient, which 

indicates that oil entry is feasible in all systems. DDBS recorded the lowest spreading and entering 

coefficients, which is consistent with its highest stability in the presence of oil (Figure 5.6b). 

Although all surfactants had positive S and E coefficients, they showed decent stability (except 

N85) in the presence of oil in the static test. Despite positive values of E and S for DDBS surfactant, 

it showed acceptable dynamic stability during heavy oil recovery. Therefore, the overall foam 

stability cannot be solely explained by these coefficients, and it may relate to the interfacial and 

bulk properties of the surfactant as well (Hadjiiski et al., 2003). As long as the pseudoemulsion 

film is stable, oil droplet can’t destabilize the foam by entering the water-gas interface (Nikolov et 

al. 1986). If the surfactants in the aqueous phase can stabilize foam films then it can be expected 

that the same surfactants could, but not necessarily will stabilize the pseudoemulsion film as well 

(Nikolov et al. 1986). 

As seen in Figure 5.11, emulsion droplets within the foam lamella destabilize and create a bigger 

droplet; however, as long as the pseudoemulsion is stable the oil cannot enter into the interface, 

create a lens, and destabilize the foam lamella.  
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In addition, the presence of emulsion droplets within the foam lamella affects the stability of the 

foam. Figure 5.13 shows the emulsion within the foam lamella created by mineral and heavy oil. 

These images can possibly show the reason for more stable foaming solutions in the presence of 

mineral oil than that of heavy oil. The presence of the dense assembly of droplets trapped and 

jammed in between the bubbles increases the local viscosity and reduces the rate of both films 

thinning and Plateau borders shrinking (Salonen et al., 2012), resulting in a slowing down of the 

coarsening phenomena (Martinez, et al, 2008). Note that in a higher fraction of oil, there should 

be enough free surfactant present in water to improve the foam stability (Salonen et al., 2012). 

However, this is not the case for foam system with the presence of heavy oil. The microscopic 

images of heavy oil emulsion within the foam lamella demonstrate flocculation of several oil 

droplets within the lamella. The flocculation eventually results in droplet coalescence and form 

bigger oil droplet or oil lens, which is detrimental to foam stability. As shown in Figure 5.7b, 

mineral oil slightly reduced the liquid drainage rate (stage I) and had no drastic effect on foam 

total life; i.e. N85 foam died after about 5 hours with/without mineral oil. 

The polymer can increase the foam stability even in the presence of heavy oil. Studied polymer 

did not have any significant effect on surface properties of surfactant solutions (Figure 5.5). 

Therefore, the main reason for increasing the stability of PEF compare to that of conventional 

foam is an improvement in the stability of liquid films, resulting in stronger oil-resistance ability. 

Polymer increases the liquid viscosity within the foam lamella and significantly decreases the rate 

of liquid drainage. As a result, a longer time is required for bubble coalescence and eventually 

bubble collapse due to the thin foam lamella. Consequently, the polymer enhanced foam last much 

longer than conventional foam even in the presence of heavy oil. It should be mentioned that the 

mechanisms involved in oil-foam interaction in bulk could not be extended to porous media.  
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Table 5.2: IFT value (at 25 °C), entering, and spreading coefficients of studied surfactants in the presence 

of oils. 

Surfactant 

Solution 

(0.29 wt.%) 

Mineral Oil  Heavy Oil 

IFT (mN/m) E S 
IFT 

(mN/m) 
E S 

N85 0.51 7.21 6.19 0.58 10.08 8.92 

DDBS 0.33 3.03 2.37 0.54 6.04 4.96 

AOS 0.50 4.7 3.7 1.10 7.7 5.7 

CTAB 0.16 9.56 9.24 0.90 12.9 11.1 

 

 

 

Figure 5.11: Images of foam generated with DDBS surfactant and heavy oil after 3 minutes (a) and one 

hour (b); oil saturation increased within the lamella over time (foam top, 2X magnification). 
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Figure 5.12: Flocculation and coalescence of oil droplets within the foam lamella resulting the generation 

of oil lenses that eventually destabilize the foam (5X magnification). 

 

 

Figure 5.13: Microscopic image of foam-oil systems showing oil emulsion within the lamella (10 X 

magnification); (a) heavy oil + N85 foam, (b) mineral oil + N85 foam, 
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5.3.4 Dynamic Performance of Foam and PEF in the Absence of Heavy Oil 

The pressure profile during SAG injection in water-saturated sand-pack can be divided into three 

distinct stages as shown in Figure 5.14. The images of sand-pack at each of the stages are also 

shown. Because the porous media is not pre-saturated with surfactant and injection method is 

alternative, relatively long time is required for the foam generation. During this time, surfactant 

and gas act as separate slugs, (two phases) and foam is not generated. This is characteristic of Stage 

I. It can be said that the shorter length of Stage I demonstrate the better performance of the solution 

in terms of generating the foam faster within the porous media. The onset of foam generation 

coincides with the beginning of Stage II. An abrupt increase in pressure profile during SAG 

injection represent the generation of foam (Li et al., 2010). During Stage II, the foam is generated 

and propagated trough porous media and results in an increase in the pressure drop. The slope of 

this stage shows how fast the foam can propagate within the porous media and it can be used as 

criteria for comparing the performance of the foaming solutions. At the end of Stage II, foam 

occupied the whole length of sand-pack and the pressure drop will remain constant; this is the 

onset of Stage III. This stage can be termed as steady state foam injection. Pressure drop remains 

constant during Stage III; however, there might be some fluctuations in pressure drop. Small 

pressure drop fluctuations during this stage demonstrate the temporary channeling or collapse of 

foam which will be recovered at the end of same slug or the next successive slug injection. The 

sand-pack images (Figure 5.14) show the foam-channeling phenomenon during stage III. Less 

channeling with lower pressure drop fluctuation can be used as criteria to compare the dynamic 

stability of the generated foam within the porous media.  

The onset of foam generation, Stage II of an abrupt increase in pressure profile, is different for all 

studied foaming solutions studied here (Figure 5.15). N85-foam had the weakest performance 
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during flow through water-saturated sand-pack. Stage III was not observed for N85-foam even 

after the injection of 9 PV of SAG. In addition, the large local pressure drop can be seen during its 

propagation demonstrating the low stability of the foam. Although the addition of polymer could 

not accelerate the N85 foam generation/propagation, it increased its dynamic stability during N85-

PEF injection. Pressure drop fluctuations were very low during N85-PEF propagation. Stage III 

was observed after ~ 7 PV of injection (Figure 5.15). These features of N85-PEF compared to that 

of N85-foam represent its high dynamic stability within the water-saturated porous media. 

Moreover, polymer accelerated the foam generation and propagation for DDBS surfactant solution 

flow through water-saturated porous media. It increased the stability of foam by decreasing 

pressure fluctuations (Figure 5.15).  

Mobility reduction factor (MRF) of foam and PEF has a direct relationship to its pressure drop in 

porous media. Higher values of the MRF (or pressure drop) indicate the foam is more finely 

textured and stronger. If the foam is very strong, the MRF is higher and for weak foams, the MRF 

values are smaller (Kovscek, 1998). Both foam and PEF showed much higher MRF/pressure drop 

than that for DDBS-surfactant-polymer (SP) injection. The large pressure difference between SP 

solution and the corresponding PEF represents the excellent mobility control potential (by 

increasing apparent viscosity) of PEF for heavy oil recovery, especially in heterogeneous 

reservoirs by diverting the fluid toward low permeability zones or unswept zones due to 

unfavorable mobility contrast (Telmadarreie and Trivedi, 2015 and 2016).   
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Figure 5.14: Typical profile of pressure during SAG injection in water-saturated porous media. Red and 

white colors show the existence of liquid and foam, respectively. 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 5.15: Foam, PEF, and SP pressure/apparent viscosity profiles during flow through water-saturated 

sand-pack.  
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Figure 5.16 shows the sand-pack images during N85-foam and N85-PEF injection in water-

saturated media. Red color represents the liquid while the white color is for CO2 foam or gas. 

Higher saturation of red color during N85-PEF injection represents higher liquid content (i.e. lower 

foam quality) of PEF compared to that of N85-foam. During dynamic condition, PEF channeling, 

if happened, was smaller and recovered fast. Nevertheless, during N85-foam injection, larger 

channeling representing the collapse of foam was evident and abundant, representing the lesser 

dynamic stability of foam compared to that of PEF. Similar behavior was observed during DDBS 

foam and PEF injection (results are not presented here). It is worth mentioning that, according to 

the injection rates of liquid and gas in this study, the generated foam in the porous media are wet 

foam with relatively high liquid content. Therefore, the behavior presented here is representative 

of wet foam performance in porous media. 

 
Figure 5.16: (a) Foamability and (b) foam stability of N85 foaming solution in a dynamic condition; PEF 

showed lower foamability, but higher stability (less channeling) than that of foam. 

 

5.3.5 Dynamic Performance of Foam and PEF in the Presence of Heavy Oil 

In this section, foam and PEF flooding were conducted by alternate injection of foaming solution 

and CO2 gas in the heavy oil saturated porous media. Anionic DDBS and nonionic N85 surfactants 

were selected for foam and PEF injection in dynamic experiments in the presence of heavy oil. All 

the flooding experiments were performed after reaching water cut of ~98% during water flooding 
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(residual oil saturation was 66 ±1 %) i.e. residual oil saturation condition to imitate the tertiary 

recovery process.  

Figure 5.17 shows the pressure and apparent viscosity profiles of foam and PEF propagation in 

heavy oil saturated sand-pack for different foaming solutions. It is worth mentioning that the trend 

in pressure profile seen in this study is valid for the similar experimental condition (i.e. injection 

mode and foam quality). 

The first peak in pressure profile is due to the development of the oil bank through porous media 

and then its production. The corresponding oil-cut is in its highest value at this time. Heins et al. 

(2014) also made similar observations. At the same experimental condition of permeability, core 

dimension, flow rate, and viscosities of oil and foaming solution, the observed pressure drop could 

have a direct relationship with the quality of the generated foam or PEF at this stage. Higher 

pressure drop represents higher apparent viscosity of foam or PEF within porous media. At the 

initial stage of foam injection, bubbles first entered larger pore channels with lower entrance 

capillary pressure and the foam texture is coarse. Then, the local pressure gradient increased 

because of the increased foam flow resistance, and therefore foam bubbles entered relatively small 

pore channels (Farshbaf Zinati et al., 2007). The foam flow repeated this process until the steady 

state was reached. The pressure drop increased, and the foam texture became finer as foam entered 

smaller pore channels because the porous media shaped the foam (Ettinger and Radke, 1992).  

Per Figure 5.17, strong PEF was generated and started to propagate in the case of DDBS-PEF case. 

This can be explained by high-pressure drop at the early time of injection. However, this is not the 

case for N85-PEF.  

For detailed analysis, foam/PEF pressure drop, change of residual oil saturation, oil-cut, and 

images of porous media at different injected pore volume are plotted in Figure 5.18. Comparing 
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DDBS foam with N85-PEF, although the later one could produce a significant amount of residual 

heavy oil at oil bank production (about 55% at 1.5-2 PV, Figure 5.18a), the strong PEF propagation 

did not start immediately. On the other hand, DDBS foam produced much less oil at the same time 

(about 23%) while the strong foam propagation started much faster than that of N85-PEF. 

Therefore, the higher oil recovery/lower oil saturation after oil bank production cannot guarantee 

the rapid propagation of strong foam/PEF. The average oil saturation in the porous media when 

strong foam/PEF started to propagate is also shown in Figure 5.18 (dashed lines).  

 

 

 

 

 

 

 

 

 

Figure 5.17: Pressure profiles and apparent viscosity during foam and PEF flow through heavy oil saturated 

sand-pack. 

 

Change in oil saturation is represented as percent of original oil in place. After water flooding, the 

remaining oil saturation in the sand-pack was around 66%. Since the water saturation also affects 

the performance of the foam/PEF, all the tertiary recovery (foam/PEF) were performed around 

similar water saturation (Zanganeh et al., 2011). The weak foaming solutions resulted in a lower 

apparent viscosity of foam within porous media. For N85 surfactant solution, foam generation was 

unsuccessful up to 10 PV of SAG injections. After oil bank production, the rate of foam collapse 
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may have been much higher than that of foam generation that resulted in no pressure build up and 

therefore stable foam did not propagate through porous media. The addition of polymer into N85 

surfactant solution slightly increased the apparent viscosity and resulted in N85-PEF propagation. 

On the other hand, in the case of DDBS foaming solution, foam could generate and propagate 

through porous media faster than N85-PEF. This again shows the importance of selecting a proper 

foaming agent. In addition to a strong foaming agent, polymer significantly improved the foam 

propagation through heavy oil saturated porous media. Considering DDBS-PEF curve, PEF started 

to propagate right after oil bank production. It reached to steady state foam injection where almost 

entire sand-pack was occupied by PEF. At this point, the pressure drop value should be almost 

similar to that of water-saturated sand-pack at steady state (stage III) (Figures 5.15 and 5.17). The 

pressure fluctuation at this time is less for DDBS-PEF demonstrating the higher stability of PEF 

in the presence of heavy oil. 
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Figure 5.18: Pressure, oil saturation, and oil-cut profiles during heavy oil recovery by foam/PEF; (a) 

DDBS-PEF, (b) N85-PEF, (c) DDBS-foam and (d) N85-foam. Dotted lines show the oil saturation in which 

strong foam/PEF begins to propagate. 



167 
 

Visual observation of the sand-pack (Figure 5.18) showed that oil appeared to move with the 

passage of gas bubbles while it had very little movement during liquid injection. These 

observations are in accordance with results of Li et al. (2010). 

It is worth mentioning that foam generation in the heavy oil saturated porous media with residual 

oil saturation is not similar to that of water saturated. The foam is generated in the areas with lower 

oil saturation, and then it propagates to the other area and eventually sweeps the porous media. For 

a comparative view on the value of average oil saturation when the foam or PEF starts to propagate, 

the end of oil bank production can be considered as a time for foam or PEF propagation in the 

presence of residual heavy oil. At this point, the pressure decreases due to the oil bank production 

and again build up because of the strong foam propagation. The saturation of oil at this point can 

be called the average oil saturation where a strong foam or PEF can start to propagate through 

porous media. This saturation for DDBS foam is ~ 37%, whereas for N85-PEF is ~ 25 %. DDBS-

PEF started to propagate at ~38% oil saturation; however, no decrease in pressure profile was 

observed after oil bank production, suggesting that DDBS-PEF could also be stable and propagate 

at higher oil saturations. As a result, overall sweep efficiency is improved. Visual images of sand-

pack confirm this finding. During DDBS-PEF injection most of the oil was displaced after 3.5 PV 

and piston-like displacement was observed (Figure 5.18a).  

The total heavy oil recovery profiles during water, foam, and PEF flooding are shown in Figure 

5.19. Initial waterflood recovery was 33±1 % for all experiments at 98% water-cut. The DDBS-

PEF had the best performance during heavy oil recovery (total recovery factor of ~ 98 %,) while 

N85-foam had the lowest recovery among all cases (~ 57 %). The ultimate oil recovery of DDBS 

foam (~ 98 %) was slightly higher than N85-PEF (94 %). DDBS foam swept almost equal amount 

of heavy oil as N85-PEF without the addition of any polymer.  
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Images of typically produced oil samples from foam or PEF flooding are also shown in Figure 

5.19. Emulsified oil was observed from the effluent. The early produced samples mainly contain 

water and some oil droplets. The produced oil at this stage is emulsified oil droplet. At end of stage 

I when the developed oil bank is produced, the samples consisted of a water-in-oil emulsion and 

free CO2 gas. After that, the oil was produced in form of oil-in-water emulsion with gas bubbles. 

The produced foam during PEF injection demonstrated much higher stability compared to that of 

foam. In addition, produced foam was denser and cleaner during PEF flooding.  

 

 

 

 

 

 

 

 

 

 

 

Figure 5.19: Total heavy oil recovery profiles during water and foam/PEF flooding with different foaming 

solutions. The images show the typical of foam/PEF flooding effluent samples after the water flood; Type 

#1: oil-in-water emulsion, Type #2: water-in-oil emulsion and free gas, and Type #3: water-in-oil emulsion 

and foam. 

 

Overall, DDBS-PEF showed the best performance in both static and dynamic experiments in the 

presence of heavy oil. DDBS-PEF was also injected with the co-injection mode to see any further 
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improvement in dynamic performance for heavy oil recovery. Injection pressure and oil recovery 

profiles of DDBS-PEF injected with alternate and co-injection methods are plotted in Figure 5.20. 

Oil bank development and production are similar for both injection modes; however, the rate of 

PEF propagation was lower in the case of co-injection as shown by the slope of the curve. As 

shown before, the rate of foam propagation has a direct relationship to the rate of oil production. 

This can be seen comparing oil recovery profiles in Figure 5.20. The separation in pressure curves 

in Figure 5.20 firstly appeared after about 2 PV injections. The similar trend can be seen in oil 

recovery profile, demonstrating a strong relationship between foam propagation and oil production 

rates. Although ultimate oil recovery was the same for both injection modes, alternate injection 

generates PEF and produced oil faster than the co-injection mode. Furthermore, alternate injection 

could generate stronger foam with a higher apparent viscosity (pressure profile) compared to that 

of co-injection mode, resulting in better mobility control and sweep efficiency. 

 

 

 

 

 

 

 

 

 

 

Figure 5.20: Heavy oil recovery and pressure profiles during DDBS-PEF flooding: alternate and co-

injection modes. Highlighted areas represent the effect of PEF propagation rate (arrows) on oil production 

profile. 
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5.4 Summary 

This chapter investigated the potential of foam and PEF for increasing heavy oil recovery. Static 

and dynamic experiments were designed and conducted to obtain new insight into the performance 

of foam and PEF for heavy oil recovery. Although the physics of foam in bulk and porous media 

are rather different, the results from the detailed static analysis are essential to predict the 

performance of foaming solution for the heavy oil recovery.  

• The selection of foaming agent plays a key role in the performance of PEF for heavy oil 

recovery. However, the addition of polymer to a weak foaming agent (e.g. N85 surfactant 

in this study) may enhance the performance of foam in the presence of oil in dynamic 

experiments. 

• Entering and spreading coefficient values are required for oil-foam interaction discussion 

but may not be enough. Pseudoemulsion film stability should be considered to support the 

results of foam stability. 

• The porous media experiments showed better performance of PEF in the presence of heavy 

oil compared to that of foam. The addition of polymer to the good foaming solution 

accelerated the foam generation and increased its stability in heavy oil saturated porous 

media. DDBS-PEF produced ~ 98% of residual oil saturation while this value was ~ 78% 

for DDBS-foam after 3.5 PV injections. 

• PEF showed higher resistance to heavy oil compared to that of conventional foam. It can 

be generated in higher oil saturation and could be a good option for EOR method after 

water flooding in heavy oil reservoirs, where the residual oil is relatively high.  
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• The rate of strong foam propagation after oil bank production has a direct relationship with 

the rate of oil production. Alternate injection of foaming solution and gas showed better 

performance for sweeping heavy oil compared to that of co-injection mode. 

• Overall, both static and dynamic performances of foam and especially PEF showed their 

potential as a displacing fluid for enhanced heavy oil recovery. 
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Chapter 6: CO2 Foam and Polymer Enhanced Foam for Heavy Oil Recovery 

and CO2 Sequestration: Homogenous and Fractured Core Samples 

 

6.1 Introduction 

With growing concerns about climate change and CO2 emission, sequestration of CO2 in EOR 

operations has been recognized as one of the most practical means of reducing CO2 emissions into 

the atmosphere. CO2 EOR and sequestration lower the cost of CO2 sequestration by recovering 

incremental oil, which is more attractive in mature oilfields. Western Canadian Sedimentary Basin 

(WCSB) where many oil pools are near depletion can be one of the favorable CO2 sequestration 

targets where the most of the required infrastructure is already in place (Moritis, 2000 & 2002; 

Shaw and Bachu, 2002). It is worth mentioning that because of several technical and economic 

reasons, not all oil reservoirs are suitable for CO2 EOR and sequestration. Besides screening for 

EOR suitability, oil recovery, and CO2 sequestration capacity, other economic criteria should be 

considered for a successful CO2 EOR and sequestration project (Shaw and Bachu, 2002). Per basin 

and regional-scale suitability study performed by Bachu and Steward (2002), WCSB is generally 

suitable for geological sequestration of CO2 including EOR. However, determining the oil 

recovery and capacity for CO2 sequestration should be performed individually for each reservoir. 

Since 1990’s CO2 sequestration has been performed on a large scale in Norway and more than 35 

million tons of CO2 has bee injected into the hydrocarbon reservoirs during the CO2 EOR process 

(Moritis, 2002). Weyburn CO2 project (located in Saskatchewan, Canada) is also one of the 

successful projects in both CO2 EOR and sequestration (Malik and Islam, 2000).  
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Although CO2 EOR has proven to be an effective method for some reservoirs, the low viscosity 

and therefore high mobility of the injected CO2 leads the poor sweep efficiency, especially in 

heterogeneous and/or heavy oil reservoirs. Foam injection can improve the sweep efficiency 

compared to conventional gas injection (Rossen, 1996). The foam EOR application is particularly 

suited for heterogeneous reservoirs as foam selectively reduces the mobility of high permeable 

zones more effectively (Lake, 1989; Alkan et al., 1991; Rossen, 1996; Haugen et al., 2012), and it 

is a field scale proven technique at immiscible and miscible conditions (Henry et al., 1996; Holm 

and Garrison, 1988; Stevens et al., 1992; Sanders et al., 2012). 

Haugen et al. (2012) studied foam flow in fractured limestone core samples for EOR purpose. 

They found that in-situ generation of foam in such fractured core sample was not feasible. On the 

other hand, the pre-generated foam could increase the oil recovery significantly but only after the 

significant amount of injection. Farajzadeh et al. (2010) studied a foam model in a fractured 

reservoir to increase matrix oil recovery. They found that very strong foam is required to create 

enough pressure drop which can result in oil recovery from the matrix. Haugen et al., (2014) 

investigated the foam performance on mobility control and EOR in fractured oil-wet carbonate 

rocks. Per their experimental results, the miscible injection of CO2 foam had significantly 

increased the oil sweep efficiency than that of immiscible injection of N2 foam. Also, with the help 

of CT-scan, they observed that a limited amount of gas could invade into the matrix during 

immiscible foam injection, and matrix oil mainly displaced by the invasion of the surfactant. 

Several studies performed to investigate the potential of foam for EOR (Nikolov et al., 1986; 

Farajzadeh et al., 2010; Li et al., 2010; Ashoori et al., 2012; Simjoo et al., 2012; Haugen et al., 

2012 & 2014; Telmadarreie and Trivedi, 2016). Although CO2 EOR and sequestration process 

have been studied before (Malik and Islam, 2000, Ghomian et al., 2008; Dai et al., 2014), but no 



174 
 

study has been performed on the potential of CO2 foam and especially CO2 polymer enhanced 

foam (PEF) for both EOR and CO2 sequestration. Therefore, this chapter presents the experimental 

results on the potential of CO2 foam and CO2 PEF for relatively viscous oil recovery from 

homogeneous sandstone, fractured sandstone, and fracture carbonate core samples focusing on the 

effect of heterogeneity and polymer addition. Furthermore, the potential of the CO2 sequestration 

is also investigated in the core samples representing both homogeneous and heterogeneous 

(fractured) reservoirs. 

6.2 Experimental 

In this section, the material and experimental procedure used in this study are explained. This 

experimental study follows three main goals: (1) compare the oil recovery efficiency of foam and 

PEF in both homogenous and fractured cores (2) investigate the potential of CO2 foam and CO2 

PEF for CO2 sequestration (3) analyze the effect of polymer addition and heterogeneity on the 

performance of foam for both EOR and CO2 sequestration. 

6.2.1 Fluid Properties 

A relatively heavy oil, sampled from a Canadian oil reservoir, with the viscosity of 670 cp (at 22 

˚C) was used for core flooding experiments. Water saturation and water flooding were performed 

with 1000 ppm brine solution (NaCl). Surfactant and polymer used in this study were Na-DDBS 

(1500 ppm) and Flopaam 3330S (1000 ppm), respectively. Both foam and PEF solutions were 

generated with 1000 ppm brine solution. It should be mentioned the stability of foam generated 

with the surfactant and the polymer used in this chapter was analyzed in Chapter 5. 

6.2.2 Rock Samples 

Rock samples (sandstone and carbonate) were outcrop sampled from the same block to avoid any 

significant change in rock properties (e.g. porosity and permeability). Both sandstone core (Buffed 
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Brea) and carbonate core (Indiana limestone) were 6 inches and 2 inches in length and width, 

respectively. The fractured core sample was prepared from the same cores and cut in length with 

3 mm saw blade. Figure 6.1 shows the images of homogenous and fractured core samples. In the 

case of fractured carbonate core, the matrix is also heterogeneous as seen in Figure 6.1b. 

 

Figure 6.1: Images of core samples (Sandstone and carbonate) used in this study. 

 

6.2.3 Foam Generation 

A foam generator was designed and used for foam injection in this study. The foam generator was 

made of glass beads with 40-70 mesh sizes (210-400 microns) packed inside a metal tube (4 inches 

and 3/8 inches in length and width, respectively). Both sides of the tube were sealed with 120 mesh 

size (125 microns) screens. The schematic of foam generator is shown in Figure 6.2. The foaming 

solution was first injected into the foam generator to minimized chemical absorption. Thereafter, 

foam/PEF solution and CO2 gas were co-injected and generated foam/PEF was visualized after the 

foam generator to inspect the quality of foam before entering to the core samples. 

(a) Sandstone rock sample (b) Carbonate rock sample 
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Figure 6.2: Schematic of foam generator used for pre-generated foam/PEF injection. 

 

6.2.4 Experimental Procedure 

The dried core plugs were vacuumed overnight and porosity was determined by brine saturation 

and material balance calculation. Matrix permeability of core samples was also calculated by 

Darcy’s law during injection of brine at constant flow rates (at least 5 different flow rates). 

Thereafter, heavy oil was injected into the core overnight to reach residual brine saturation 

condition (at least 5 pore volume of heavy oil was injected in each experiment). Next, water 

flooding (1000 ppm brine solution) was performed for about 2.5 PV corresponding to water cut of 

98%. CO2 foam/PEF was injected after waterflood as a tertiary EOR method for heavy oil 

recovery. A mass flow controller was used for accurate CO2 gas injection in the experimental 

condition. Pre-generated foam/PEF was injected into the core with the help of a foam generator 

explained before in this chapter. The quality of generated foam/PEF was kept constant during all 

experiments (80 %). Each experiment was also followed with 1-1.5 PV of chase waterflood to 

observe any further liquid/gas production.  

Figure 6.3 shows the detailed schematic of core flood system used in this study. A custom designed 

glass phase separator was used to separate the produced liquids from CO2 gas. CO2 gas, water, and 
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oil samples were measured continuously at effluent samples for further analysis. Produced CO2 

gas was measured continuously with the help of mass flow meter connected to the data acquisition 

system. The pressure was also measured at different sections of the core as seen in Figure 6.3 

(inlet, 2” and 4” from the inlet, and outlet). The inlet/outlet sections of the core holder have 

networks of flow paths (Figure 6.3a) for effective injection of fluid into the core sample which is 

more important in the case of the fractured core to ensure the injected fluid is in contact with both 

matrix and the fracture. It should be mentioned that the back pressure was set to 150 psig during 

all steps of each experiment. Also, confining pressure was always 150 psig above the injection 

pressure and the experiments were performed at room temperature (about 22 ˚C). A total of five 

core flood experiments (three fractured and two homogenous core samples) was performed and 

the experimental parameters are represented in Table 6.1.  
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Figure 6.3: (a) Schematic of core flood system used in this study, (b) image of the injection port, and (c) 

rubber sleeves with three pressure taps for pressure measurement along the core length. 

Table 6.1: Summary of core properties and injection parameters. 

EOR method Core type Fractured? Matrix 

Ø (%) 

Matrix  

K (D) 

Flow rates (cc/min) µoil 

(cp) 

Soi 

qw ql qg 

CO2 Foam Sandstone No 24.3 0.27 0.25 0.25 1 670 82.7 

CO2 PEF Sandstone No 23.6 0.22 0.25 0.25 1 670 82.2 

CO2 Foam Sandstone Yes 24.4 0.25* 0.25 0.25 1 670 76.7 

CO2 PEF Sandstone Yes 24.1 0.25* 0.25 0.25 1 670 70.8 

CO2 PEF Carbonate Yes 20 0.2* 0.25 0.25 1 670 70 

*Average matrix permeability 

(a) 

(b) (c) 
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6.3 Results  

This section describes the experimental results in detail focusing on the performance of the injected 

fluids within the porous media. Pressure along the length of the core sample, liquid production, 

and CO2 gas production were recorded for further analysis to investigate the potential of CO2 foam 

for heavy oil recovery and CO2 sequestration which will be analyzed in the discussion section. It 

should be mention that in all experiments flooding was performed in the following sequence: 1) 

waterflood, 2) CO2 foam/PEF flood, 3) extended waterflood (EWF). 

6.3.1 Homogenous Sandstone Core 

6.3.1.1 Waterflood 

Two tests were performed on homogeneous sandstone core samples. Typical pressure and water 

cut profiles during water flooding in homogenous core sample are shown in Figure 6.4. During 

water flooding, at first, pressure increased to push the heavy oil in the pores towards the 

production. Then pressure started to drop when the oil produced and the pressure dropped 

drastically when the water breakthrough occurred. In this case, the breakthrough happened around 

0.2 PV. When the pressure reaches a plateau (in this case after about 0.8-1 PV) the water cut will 

be at its maximum value and there will be no significant oil production afterward. 



180 
 

 

 

 

 

 

 

 

 

 

 

Figure 6.4: Pressure profile and water cut during water flooding in a homogeneous core sample. 

 

6.3.1.2 CO2 foam/PEF flood 

CO2 foam and CO2 PEF were injected into the homogeneous sandstone core saturated with heavy 

oil as a tertiary recovery method (after waterflood). However, their performances were quite 

different in terms of pressure profile as shown in Figure 6.5. Let's first consider the profile of 

pressure in foam injection. At early time of foam injection, the overall pressure drop increased 

rapidly (0-0.2 PV) as the injected fluid contacted the heavy oil in porous media. Then the pressure 

slightly and gradually increased between 2-8 PV interval. This interval is foam propagation stage 

where the foam is moving within the porous media as seen in Chapter 5. The slope of the pressure 

curve represents how fast foam can propagate which can be hindered due to the negative effect of 

oil. After about 8 PV, the foam propagated in much slower rate. Oil started to produce after about 

3.5 PV of foam injection (early time of foam propagation) resulted in pushing some untouched oil 

(during waterflood) to move toward the core outlet. At about 10.5 PV, the pressure at first section 

of the core (2 inches from the inlet) started to increase showing that a strong foam front was 
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reached at this section. Oil production increases with foam propagation and up to 12 PV of 

injection, strong foam front could not reach to the end section of the core per the pressure drop. 

However, the foam was produced at the outlet along with oil as showing in the Figure 6.5a. 

In the case of CO2 PEF flooding, the pressure profile is different (Figure 6.5b). On the contrary to 

the foam pressure profile, PEF injection pressure increased rapidly up to 1-2 pore volumes and 

then it started to decrease slightly and reached a platform after about 7-8 pore volumes. The 

increase in pressure at early injection of PEF was due to the oil bank movement as can be inferred 

from the oil recovery profile. Moreover, foam front moved much faster in the case of PEF at it 

reached to the second section of the core after about 2 PV of injection per pressure profile. PEF is 

more stable than conventional foam in the presence of heavy oil (see Chapter 5). Therefore, it is 

more efficient in sweeping the oil. It should be mentioned that the performance of foam and PEF 

in a homogenous rock sample agrees with the previous results obtained in the homogeneous sand-

pack study during foam and PEF injection for heavy oil recovery (see Chapter 5). Moreover, per 

visual observation of effluents, the amount and stability of PEF bubbles produced at the outlet 

were higher than that of foam showing the higher stability of PEF in the presence of oil than that 

of conventional foam. In the case of foam, most of the gas was produced as a free gas rather than 

bubbles. 
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Figure 6.5: Differential pressure profile and oil recovery during injection of Foam(a) and PEF (b) for heavy 

oil recovery in homogeneous sandstone core. Part#1 and part#2 are 2 inches and 4 inches away from the 

inlet section, respectively. 
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6.3.2 Fractured Cores: Sandstone and Carbonate 

The performance of both waterflood and CO2 foam/PEF flood is quite different in the fractured 

core samples compared to that of homogeneous samples. It should be mentioned that the pressure 

transducers were located at maximum distance from the fracture and deep into the matrix. So, any 

change in pressure in the core section can be detected if it is high enough to reach deep into the 

matrix.  

6.3.2.1 Waterflood 

There was no increase in overall pressure drop along the fractured core sample during water 

flooding (Figure 6.6) as water mainly flowed through the fracture. Per water cut profile, the 

injected water push and produced the oil in the fracture up to about 0.3 PV. After that, the water 

cut was always more than 90% and no significant oil recovery was observed. 

 

 

 

FF: 

 

 

 

 

 

 

 

 

Figure 6.6: Pressure profile and water cut during water flooding in a fractured core sample. 
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6.3.2.2 CO2 foam/PEF flood 

Both CO2 foam and PEF injections could not increase the pressure drop in a fractured core sample. 

However, they resulted in additional oil recovery after waterflood (Figure 6.7). It should be 

mentioned that after about 10 PV of injection, PEF pressure profile started to increase which was 

not the case during foam flooding. The oil cut profiles also show that PEF could produce slightly 

more oil than that of foam injection. The additional oil recovery can be due to the fluid diversion 

into the matrix which will be discussed later in this chapter. 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 6.7: Overall pressure drop and oil cut profiles during CO2 foam and CO2 PEF injection in fractured 

sandstone and carbonate core samples. 

 

6.4 Discussions 

This study aimed to analyze the performance of CO2 foam and CO2 PEF in terms of (1) heavy oil 

recovery and (2) CO2 sequestration which is discussed in this section. Moreover, the effect of 
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polymer addition and heterogeneity (fracture) are also investigated in the performance of CO2 

foam/PEF during heavy oil recovery. 

6.4.1 Enhanced Heavy Oil Recovery  

The CO2 foam was used as a tertiary heavy oil recovery process after water flooding. The 

performance of foam flooding in terms of heavy oil recovery is discussed in this section in two 

conditions: (1) addition of polymer to conventional foam (PEF) and (2) effect of fracture on foam 

flooding performances. 

Effect of heterogeneity: High permeability contrast between fracture and matrix creates an easy 

flow path for any injected fluid for EOR purpose and results in inadequate oil recovery. During 

waterflood process (Figure 6.8) heavy oil recovery significantly reduced in fractured core 

compared to that of the homogenous core sample. In homogenous core after water breakthrough 

(about 0.3-0.4 PV), where an easy path was created by channeling, oil production is insignificant. 

Relatively constant pressure profile after about 0.6 PV of water injection shows the effect of 

channels created by water injection resulting in a path of least resistance for injected water. On the 

other hand, in the fractured core sample water at first sweep the oil inside the fracture (up to about 

0.2 PV). However, after sweeping the fracture, the oil is still producing but the oil production is 

low. At this time, there is a significant contact area between the water in the fracture and oil in the 

matrix resulting in additional oil recovery by imbibition process which is a slow process. 
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Figure 6.8: Effect of heterogeneity (fracture) on pressure and oil recovery profiles during waterflood. 

 

CO2 foam/PEF were injected into the core samples after water flooding where an easy path of flow 

was created by water channels (in homogeneous core sample) or fractured filled with water 

(fractured core sample). Unlike water flooding process, the ultimate heavy oil recovery by foam 

from homogenous and fractured core samples are almost similar. However, the pressure profiles 

are different as seen in Figure 6.9. The oil was produced in homogeneous core much later than that 

of the fractured core. This different can be due to the water flooding performance on heavy oil 

recovery. In homogenous core, water produced more than 30 % of original oil in place (OOIP) 

however this value was only about 17% in the fractured sample. During foam flood in the fractured 

core, the oil started to produced after about 1 PV of injection. At this time foam already occupied 

the fracture and interacted with matrix by fluid diversion and oil began to produce from the matrix. 
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Injected surfactant diverted into the matrix more easily as foam create a resistance to flow in the 

fracture and improve the oil recovery from the matrix. 

However, in the case of the homogeneous core, foam at first should block the easy path created by 

water (which is much more than fracture volume in case of the fractured core). Then the resistance 

to flow will result in the diversion of injected foam toward the untouched part of the core and 

eventually oil started to produce after about 2.5 PV of foam injection. The rate of oil production 

in the homogeneous core is higher than that of fractured one suggesting that further injection of 

foam may result in higher oil recovery in homogenous core compared to that of fractured one. 

 

Figure 6.9: Effect of heterogeneity (fracture) on pressure and oil recovery profiles during CO2 foam 

flooding process. 

 

Effect of polymer addition (PEF): The addition of polymer to the conventional foam increases its 

stability in the presence and the absence of oil. When the oil is viscous, polymer addition plays an 

important role in oil recovery by stabilizing the foam in the presence of oil and reducing the 

mobility.  
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Figure 6.10 shows the performance of CO2 foam and CO2 PEF on homogenous rock sample in 

terms of pressure and oil recovery profiles. The addition of polymer to the foam significantly 

improved the heavy oil recovery and could produce more than 26% of the residual oil. This value 

was only about 11% in case of conventional foam injection. PEF also propagate much faster than 

foam as seen in the slope of the pressure profile. The rate of foam propagation is a battle between 

stability/regeneration of foam bubbles and foam collapse due to the oil effect. Faster propagation 

(which can be due to the higher stability of PEF in the presence of oil) also resulted in faster oil 

production such that oil started to produce after about 1.5 PV which was about 1 PV earlier than 

foam injection. 

 

 

 

 

 

 

 

 

 

 

 

Figure 6.10: Effect of polymer addition (PEF) on pressure and oil recovery profiles during CO2 foam 

flooding in the homogeneous core sample. 

 

In the fractured core sample (Figure 6.11), unlike homogeneous one, PEF only slightly increased 

the oil recovery after injection of 12 PV. However, at this time pressure started to slightly increase 

showing the potential of more oil recovery in the longer injection. This behavior in fractured 
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porous media is also observed by Haugen et al. (2014). They also observed that in some fractured 

core samples, there was no significant increase in the pressure drop even after 40 PV of foam 

injection. The additional oil recovery can be explained by liquid diversion toward the matrix. Foam 

bubbles reduced the fluid mobility in the fracture zone and divert the liquid into the matrix resulting 

further oil recovery. This process was slightly more efficient in case of PEF. It should be mentioned 

there was no significant gas invasion into the matrix which is shown in next section. 

 

 

Figure 6.11: Effect of polymer addition (PEF) on pressure and oil recovery profiles during CO2 foam 

flooding in the fractured core sample. 

 

Figure 6.12 compares the ultimate oil recovery values in all experiments. PEF had better 

performance both in homogeneous and heterogeneous core samples compared to that of foam 

injection. The heavy oil recovery (OOIP) by CO2 PEF were 17.8% and 11.7% for homogenous 

and fracture core sample, respectively. This value was 8% and 7.9% for CO2 foam flooding. In the 
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case of foam injection, oil recovery value was almost the same in homogenous and the fractured 

core showing that the foam may equally perform in both conditions. Moreover, extended 

waterflood after foam/PEF injection could produce some more oil showing the fact that foam 

bubbles are relatively effective in fluid diversion in the porous media and injected water could 

reach untouched parts of the core. 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 6.12: Ultimate oil recovery values for all experiments during waterflood, foam/PEF injection, and 

extended waterflood (EWF). 

 

6.4.2 CO2 Sequestration 

The amount of produced CO2 gas was continuously monitored and recorded during all experiments 

to calculated the amount of remained CO2 gas in the core by simple material balance. The 

discussion in this section is only based on material balance and the objective is to see how the 

dynamic stability of foam in the presence of oil will affect the amount of CO2 stored in the rock 

sample even after extended waterflood process. 
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Figure 6.13 shows the profile of injected and produced CO2 gas. The red colored area shows the 

amount of CO2 gas inside the core. As seen, the amount of CO2 gas inside the core is more 

significant in homogenous rock sample rather than fractured one. Extended waterflood (EWF) also 

produced some of the gas inside the core, however, still, some CO2 gas remained even after EWF. 

In the case of fracture core, the amount of CO2 sequestration was not significant showing the fact 

that most of the gas remained in the fractured area and CO2 gas could not invade into the matrix 

zone. This shows that the pressure inside the fracture was not high enough to improve the gas 

diversion (by overcoming the capillary pressure) which was also observed in another study 

(Haugen et al., 2014). 

 

 

Figure 6.13: Cumulative CO2 gas injection and production profiles during (a) CO2 foam injection in the 

homogeneous core, (b) CO2 PEF injection in the homogeneous core, (c) CO2 foam injection in the fractured 

core, and (d) CO2 PEF injection in the fractured core. 
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As seen in Chapter 5, PEF was more stable in the presence of oil compared to that of foam in both 

static and dynamic conditions. Here the objective is to see how the enhanced dynamic stability and 

foam collapse rate in porous media will contribute to the CO2 gas production rate and thus CO2 

sequestration potential. Figure 6.14 is plotted to show the final amount of CO2 gas remained within 

the core after CO2 foam/PEF injection and after extended waterflood. More that 40% of PV in the 

homogenous core occupied by the CO2 gas at the end of PEF flooding. This value was about 27% 

for foam flooding showing the fact that how the addition of polymer can enhance the dynamic 

stability of foam bubbles and thus reducing the amount of produced CO2 gas. After EWF process, 

more CO2 gas was produced from the core but still significant amount of gas remained in the 

porous media (more than 15% and 25% in case of CO2 foam and CO2 PEF flooding, respectively). 

In the fractured porous media, foam or PEF could not divert the gas into the matrix area and CO2 

gas only remained inside the fracture and the sequestration process was not significant. However, 

still, the CO2 PEF could hold more gas inside the core even after EWF compared to that of foam. 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 6.14: Amount of CO2 gas (% of PV) remained inside the porous media at the end of CO2 foam/PEF 

injection and extended waterflood process. 
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6.5 Summary 

The addition of polymer could increase the stability of conventional foam and this chapter aimed 

to analyze and compare the performance of CO2 foam and CO2 PEF for heavy oil recovery and 

CO2 sequestration as a tertiary EOR method (i.e. after water flooding). Followings are the 

summary of this chapter: 

• Foam injection improved heavy oil recovery after water flooding in homogenous core 

sample and could produce more than 10 % of residual oil remained in the core after water 

flooding. The interesting fact is that the residual oil recovery value was almost the same in 

the fractured core showing that the foam can also increase residual oil recovery in fractured 

porous media. 

• The addition of polymer to conventional CO2 foam (CO2 PEF) could significantly improve 

its performance for heavy oil recovery, especially in the homogenous core sample. CO2 

PEF recovered about 26% and 12% of residual oil in the core after water flooding process 

in the homogeneous and fractured core, respectively. 

• Pressure profiles during injection of CO2 foam and CO2 PEF showed a faster propagation 

rate for PEF in homogeneous porous media showing that CO2 PEF had more dynamic 

stability in the presence of oil compared to that of conventional foam. This also resulted in 

faster oil production and higher ultimate oil recovery during CO2 PEF injection. 

• Profile of pressure and amount of remained gas at the end of CO2 foam/PEF in the fractured 

core samples showed that there was no significant gas diversion into the matrix and most 

of the gas remained in the fractured area. Additional oil recovery from the fractured core 

was due to the liquid (surfactant/polymer) diversion into the matrix. 
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• Besides improving heavy oil recovery, the addition of polymer could increase the dynamic 

stability of foam bubbles in the presence of oil such that less CO2 gas production occurred 

in the case of CO2 PEF compared to that of CO2 foam. At the end of CO2 PEF injection, 

CO2 gas occupied about 40% of pore volume improving the CO2 sequestration potential of 

CO2 foam by more than 15% of PV. 
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Chapter 7: CO2 Microbubbles – A Potential Fluid for Enhanced Heavy Oil 

Recovery: Bulk and Porous Media Studies6 

 

Previous chapters investigated the performance of CO2 foam and CO2 PEF for heavy oil recovery 

in both pore-scale and core-scale. This chapter aims to investigate the potential of CO2 

microbubbles, as an improved version of CO2 PEF, for heavy oil recovery. Both bulk and porous 

media experiments were performed at the different conditions to achieve this goal. 

7.1 Introduction 

High heterogeneity, as well as the high viscosity of crude oil, reduces the potential of foam EOR. 

While CO2 flooding is used in deeper, hotter, and higher pressure reservoirs, shallow heavy oil 

reservoirs can be the potential target for application of CO2 microbubbles as reservoir temperature 

and pressure is lower than oil reservoirs located in higher depth. For high temperature and high-

pressure reservoirs (deep reservoirs), microbubbles should be generated with the surfactants and 

polymers which are screened for such condition. In addition, the detrimental effect of crude oil on 

foam stability is one of the main challenges during foam EOR process. On the other hands, 

colloidal gas aphrons (CGA) are very stable microbubbles which combine surfactant, polymer, 

and gas in their structure. The components to create microbubbles (surfactant, polymer, and gas) 

are already in abundant use in EOR field operations. Use of appropriate polymer and surfactant 

along with the CO2 gas can enhance the stability and mobility reduction characteristic of 

                                                           
6 A version of this chapter has been published: 

Telmadarreie et al., 2016. Journal of Petroleum Science and Engineering, 

http://dx.doi.org/10.1016/j.petrol.2015.10.035. 
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microbubbles. Therefore, understanding their stability and flow characteristics are of prime 

importance in the successful application of CO2 microbubbles for EOR and sequestration. 

Sebba (1987) was first to report that small bubbles with diameters of several tens of micrometers 

differ from their larger counterparts in many important properties and have been potential for many 

industrial applications. Some of these applications include separation of metals and other 

impurities by the colloidal gas aphrons (CGA) floatation process (Ciriello et al., 1982; Cilliers and 

Bradshaw, 1996), extraction of enzymes (Save et al., 1993), protein recovery (Noble et al., 1998), 

and removal of contaminants from soil (Roy et al., 1994). Growcock et al. (2005) carried out 

extensive studies on the physical characteristics and chemical composition of the CGAs to be used 

as a drilling fluid in the petroleum industry. In terms of their structures and properties, CGAs differ 

from foams, especially with their enhanced half-life and therefore, CGAs can potentially perform 

better for sealing high permeable formations. Other important characteristics of CGAs are their 

gas-blocking ability by reducing its mobility and increased the stability of the surfactant/polymer 

solution. 

Aphrons have been characterized as a core of gas with a shell composed of three layers of 

surfactant molecules and a viscosified aqueous layer (Figure 7.1). The first phase (inner layer) 

contains surfactant molecules encapsulating the gas core which provides a barrier against the 

second phase. The second phase is described as comprised of viscosified water, an optional 

stabilizer, and surfactant molecules positioned such that the hydrophobic portion of the molecules 

extends into a third phase. The third phase is described as containing another layer of surfactant 

molecules aligned with the hydrophilic (polar) portion extending into the bulk fluid. The third 

phase then contains a bilayer of surfactant molecules, which serves as an effective barrier to 

coalesce with adjacent aphrons. Since aphrons exhibit little affinity for each other, they may form 



197 
 

agglomerates without coalescence. Agglomerated aphrons (polyaphrons) have been reported to be 

stable over a period of months, without any significant phase separation (Gupta and Cawiezel, 

2013). Not only do such aphrons exhibit little affinity for each other, they also exhibit little affinity 

for the mineral surfaces of the pore or fracture of the formation. Consequently, the seal formed by 

aphrons is soft. The lack of adhesion seen with agglomerated aphrons enables aphrons to be easily 

removed from pores or fractures after pressure is released, preventing formation damage (Gupta 

and Cawiezel, 2013). 

In contrast to microbubbles, a conventional surfactant stabilized bubble or foam is simply a sphere 

of gas separated from its aqueous environment by a thin surfactant film. The hydrophobic tail of 

the surfactant is oriented towards the gas core, while the hydrophilic head is oriented towards the 

bulk water (see Figure 7.1).  

According to some studies on CGA characterization, CGAs possess a large interfacial area, 

separate easily from the bulk liquid phase, has similar flow properties to those of water and exhibit 

relatively high stability (Sebba, 1987; Save and Pangarkar, 1994; Jauregi et al., 1997; Chaphalkar 

et al., 1993). Stability is one of the important characteristics of CGA that will be influenced by 

their structure (Sebba, 1987). Under pressure, the coalescence of CGA is delayed, and hence these 

dispersions exhibit higher stability as compared to conventional foams. The identification of these 

properties has led researchers to consider CGA for various applications in the petroleum industry. 

The CGAs have been used successfully as drilling fluid to prevent drilling fluids from leaking into 

the formations. They can be used in a subterranean formation containing lost circulation zones or 

depleted reservoirs. CGAs have also been successfully utilized in pilot field applications. This 

success has been due to the fact that the CGAs have the unique ability to form a bridge in high 

permeable part of reservoirs, which mitigates fluid migration (Montilva et al., 2002). 
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Aphrons can be defined as a method to decrease the density of fluid circulated in the borehole as 

well as the invasion of fluid into formations already been contacted by fluid (Brookey, 1999). They 

have a resistance to movement within the formation due to their high Low Shear Rate Viscosity 

(LSRV) and they can also be used in dense drilling fluid as compressible objects. Since aphrons 

contain gas into their center core, they are relatively more compressible than that of conventional 

drilling fluids (Carstensen et al., 2007). Using CGAs allows formulating drilling fluids whose 

density can be optimized to remove the cuttings effectively with less energy expended (Green and 

Smith, 2007). Most recently, aphrons and energized foams have been studied for hydraulic 

fracturing of underground formations (Gupta and Cawiezel, 2013). As the aphron fluid is being 

pumped into the formation during fracturing, microbubbles/aphrons move faster than the liquid 

phase and thus move toward the front of the fluid. The bubble barrier and radial flow pattern of 

the fluid rapidly reduce the shear rate, raise the fluid viscosity, and prevent the fluid invasion into 

the formation, especially in those formations where high leak-off potential exists (Gupta and 

Cawiezel, 2013). Thus, CGAs behave as a unique bridging material, forming a microenvironment 

in a pore network or fracture. Furthermore, safety concerns and cost issues of compressors and 

high-pressure equipment used in air or foam drilling reduces significantly; as conventional mud 

equipment can be used for the creation and storage of aphrons (White et al., 2003). 

Most of the previous studies on CGAs were limited to analysis of microbubbles stability in 

different conditions (pressure, temperature, surfactant, and polymer concentrations). For example, 

Longe (1989) studied the effect of temperature on CGAs and found that CGAs were relatively 

stable at temperatures below 104 °F, and were fully unstable at temperatures above 149 °F. Amiri 

and Woodburn (1990) studied the rate of drainage, as well as the CGA bubble size, by recording 

the images of the CGAs over time. Save et al. (1993) analyzed the half-life of CGAs by measuring 
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the rate of drainage as a function of various parameters, including the effect of viscosity. They 

found that increasing viscosity also increased the half-life of the CGA. Moreover, Bjorndalen and 

Kuru (2008a) studied the change in the size of the microbubbles and apparent viscosity of the 

CGA-based drilling fluids. They showed that microbubbles become unstable (i.e. the bubbles 

become larger than their original size) when they are exposed to a depressurization process 

following pressurization. Their results also showed that between 77 °F and the 122 °F, the increase 

in bubble size is more drastic than from 122 °F to 167 °F, indicating the CGAs are more sensitive 

to temperature change at lower temperatures. 

Physico-chemical characteristics of CGA have been previously reported by many researchers 

(Bjorndalen and Kuru, 2008b; Cardoso et al., 2010; Shivhare and Kuru, 2010; Spinelli et al., 2010; 

Arabloo et al., 2012). In addition, Bjorndalen et al. (2014) and Shivhare and Kuru (2014) analyzed 

the pore-blocking performance of aphron within the porous media. They showed that CGA fluids 

exhibit more effective pore blocking ability when flowing through low permeability zones than 

that of high permeability zones. Furthermore, Ghosh (2013) studied the rheological characteristic 

of CO2 microbubbles at elevated pressure (up to 800 psi) and temperature (167 °F) condition. 

Although there are few studies on air microbubbles behavior under high pressure 

(compression/decompression) and temperature (Growcock, 2005; Bjorndalen and Kuru, 2008a), 

to the best knowledge of the authors no work has been reported on the behavior of CO2 

microbubbles (rheology as well as stability) after elevated pressure and temperature conditions 

(effect of compression/decompression). Analyzing CO2 microbubbles under such conditions can 

improve our understanding of performance and potential of this fluid to perform under the 

reservoir conditions as displacing fluid for EOR, especially in channeled or fractured reservoirs. 

Therefore, one of the objectives of this study was to characterize rheology and stability of CO2 
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microbubbles after they are exposed to elevated pressure and temperature conditions. Initial CO2 

microbubbles, as well as preserved samples, were studied for their rheological and size 

characteristics. The CO2 microbubbles were then subjected to a pressure–volume–temperature 

(PVT) study and the changes in their properties were observed. The CO2 microbubbles after PVT 

test were analyzed and compared with the sample preserved for long duration and at the initial 

conditions, for their rheological and size characteristics. Besides the flow behavior of CO2 

microbubbles in porous media is also presented later in this chapter. Both the core and pore-scale 

experiments (sand-pack and fractured micromodel) were performed to compare the performances 

of base fluid and CO2 microbubbles during heavy oil recovery. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 7.1: (a) Schematic and (b) microscopic images of CO2 microbubbles and foam, representing their 

shape and structure (Sebba, 1987). 
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7.2 Materials and Experimental Procedures 

To characterize CO2 microbubbles, several experiments such as rheological study, microbubble 

size analysis, and PVT experiments were performed and results are presented in the following 

sections. Experiments were performed using samples collected under three different conditions; 

initial or fresh CO2 microbubbles, preserved samples in a cylinder and CO2 microbubbles after 

PVT test. In addition, oil recovery performance of CO2 microbubbles was compared to that of base 

fluid in porous media saturated with heavy oil. A schematic of the experimental procedure is shown 

in Figure 7.2. 

7.2.1 Materials 

Surfactant: Surfactants are the major chemical constituent in CO2 microbubbles. Surfactants are 

classified according to the nature of the charged group present on the surfactant head. Their main 

function is to lower the surface tension. In this study, a non-ionic surfactant (Surfonic N85, 

Huntsman Corporation) was used for generation of CO2 microbubbles. The surfactant is 

nonylphenol-ethoxylated nonionic surfactant with a chemical formula of C15H23 (OCH2CH2)n OH 

(n is the number of ethylene oxide units ≈ 8–9). 

Polymer: Polymers are an essential component of microbubbles that enhances the stability of the 

aphrons by increasing the viscosity of the water lamellae in the aphron shell. The shear thinning 

polymer will allow the microbubbles to be stable under cyclic compression and expansion while 

keeping the morphology same (Brookey, 1998). In this study, Xanthan Gum (anionic biopolymer) 

was used for stabilization of CO2 microbubbles. Xanthan gum is a natural polysaccharide, which 

is known as a strong viscosifying agent (supplied by Baroid Industrial Drilling Products Co.). The 

based fluid for the preparation of microbubbles contains the N85 surfactant (0.29 wt%) and 

Xanthan Gum polymer (0.55 wt%) mixed in water. 
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Figure 7.2: Schematic of experimental procedures for CO2 microbubbles study. 

 

7.2.2 CO2 microbubbles Generation and Preparation 

For the preparation of base fluid, an optimum condition that gives the highest yield of aphrons was 

determined as 0.55 wt% of the polymer, 0.29 wt% of surfactant in water. The surfactant is 

dispersed in the polymer solution by magnetic stirring (400 rpm for 20 min) to prevent the 

generation of foam. Thereafter, CO2 aphrons was generated using a Polytrons DT6100 digital 

homogenizer (provided by Kinematica Inc.). The solution was put into the homogenizer with high-

speed blender and CO2 gas was injected into the homogenizer and mixed with the speed of 8000 

rpm for 5 min. The shearing speed and shearing time were kept constant for uniformity of 

microbubbles created throughout the experiments. Before passing CO2, the system was vacuumed 

to prevent mixing of air during the generation of CO2 microbubbles. The concentration range of 

surfactants used is above their critical micelle concentration. 
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7.2.3 PVT Analysis 

The experimental apparatus consists of a Schlumberger DBR PVT Cell (100 cc, 15 kpsi) housed 

in an oven and connected to a GT6K pump (500 cc, 20 kpsi). The maximum and minimum flow 

rates of the pump are 1000 cc/h and 0.01 cc/h (±0.02%), respectively. The temperature range of 

oven is from -99 °F to +374 °F with an accuracy of ±33 °F. The maximum working pressure and 

temperature of visual glass cell PVT (10 in. diameter, 16.25 in. height) are 15 kpsi and 392 °F, 

respectively. The apparatus allows visual observation of the content and interface location through 

a glass window with a camera focused on the cell, and the image of the fluid transmitted to a 

computer. 

Following microbubbles generation, they were collected in a confined cylinder (normally under 

35±5 psi pressure) with a differential pressure of normally 5 psi. About 60 ml of sample was 

injected into the PVT cell. Before filling with the sample, the PVT cell was first vacuumed for 

about 15 min. After reaching stable operating conditions in the PVT cell, the sample was injected 

and the pressure, volume, and temperature were controlled using the control system. For unloading 

the sample after PVT test, the system pressure was gradually ramped down at a constant rate, and 

the sample collected on the cylinder for further analyses. Finally, after each experiment, the PVT 

cell was cleaned using deionized water. Water was injected into the glass cell and used to clean 

the cell with high-speed stirring. This process repeated three times to ensure the complete cleaning 

of the cell. 

Several PVT experiments were performed on CO2 microbubbles samples. In all experiments, 

samples were pressurized up to 2000 psi; however, compression rate and temperature were 

different in each experiment. Samples were analyzed in a PVT cell at temperatures of 77 °F, 122 

°F, and 167 °F (25 °C, 50 °C, and 75 °C, respectively) and two compression rates; 1.4 psi/min and 
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0.7 psi/ min. In order to investigate the impact of pressure and temperature on samples, before and 

after each PVT test CO2 microbubbles were analyzed for rheological characterization as well as 

bubble size. A schematic of the experimental setup for PVT test is shown in Figure 7.3. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 
Figure 7.3: Schematic of PVT experimental setup. 

 

7.2.4 Microbubble Size Analysis 

The Leica DM 6000M microscope was used to analyze the microbubbles. Immediately after 

microbubbles generation, the sample was poured into a microscopic slide for bubble size study. 

Similarly, after each PVT experiment, samples were analyzed for bubble size distribution. The 

prepared images were analyzed for measuring bubble diameters with the Leica MW software. For 

each sample, the bubble size distribution was measured based on micrographs of microbubbles 



205 
 

observed under the microscope and sampled from the container less than 1 minute after it was 

generated. Around 200 individual bubbles were analyzed to find the bubble size distributions and 

average bubble diameter (D50). Microbubbles were classified based on their size on 7 bins (bin 

size of 50 μm) and plotted versus their frequency for size distribution analysis. 

7.2.5 Rheological Study 

The BOHLIN CVOR rheometer was used in this study (supplied by Malvern Instruments) for 

rheological characterization of CO2 microbubbles. The CVOR150 Peltier cell attached to the 

BOHLIN rheometer was used to rheologically characterize the fluids at ambient pressure in a cone 

and plate measuring system. Studied samples were placed in a 150 μm gap between a rotating 

upper cone with a 4° angle and a diameter of 40 mm, and a fixed lower plate with a diameter of 

60 mm. 

Viscometry tests were carried out at shear rates varying from 0.01 to 100 s -1. Frequency tests were 

carried out on CO2 microbubbles samples at a frequency range of 0.01–1 Hz, keeping the stress 

value constant at 0.04775 Pa. These tests provide elastic and viscous modulus (G′ and G″) data as 

a function of angular frequency. 

7.2.6 Porous Media Experiments 

A linear visual sand-pack was used to study the performance of CO2 microbubbles in porous 

media. The 1D system was a 1-ft long glass column with 1-in. inner diameter, packed with glass 

beads (40–70 meshes). The visual cell was dry packed by continuously shaking the cell during 

packing to induce mixing and settling. A special expandable rubber sealed each end tightly, and a 

metal screen (80 meshes) was put between the rubber and the glass beads. The visual cell was 

vacuumed for at least 3 h to remove any air. Thereafter, the cell was saturated with water to 

measure porosity (37±0.5%) and permeability (38±0.5 Darcy). Then, the visual cell was saturated 
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with heavy crude oil (1300 cp). The initial oil saturation was 92% (±0.5%). A syringe pump (ISCO 

Model 500D) was used for fluid injection. The pressure was also continuously measured and 

recorded by a pressure transducer (OMEGADYNE Model PX409) connected to a computer. CO2 

microbubbles and base fluid were injected at a constant flow rate of 0.25 cc/min and pressure 

profile and oil recovery were measured to compare their performance in heavy oil recovery. 

7.2.7 Fractured Micromodel Experiments 

In order to visualize the performance of microbubbles during heavy oil recovery, the fracture 

micromodel was used in this study. The micromodel is made of a two-dimensional pore structure, 

which is etched onto the surface of a glass plate, which is otherwise completely flat. A second 

glass plate is then placed over the first, covering the etched pattern, and thus creating an enclosed 

pore space. This cover plate has an inlet hole and an outlet hole drilled at either end, allowing 

fluids to be displaced through the network of pores. The micromodel was designed such that it has 

a high permeability contrast between the matrix and fracture (1 mm thickness) to imitate the 

heterogeneous formation. The micromodel is placed in a holder with inlet and outlet ports, which 

communicate with the micromodel at the drilled holes. The holder is capable of handling high 

pressure during the fluid injection. Figure 7.4 shows the image of heavy oil saturated micromodel 

and experimental setup. 

Micromodel was first saturated with water and then drained with heavy oil to reach the irreducible 

water saturation. CO2 microbubbles and base fluid were injected at the flow rate of 0.083 cc/min. 

A high-quality camera was used to capture quality images. Both sand-pack and micromodel 

experiments were performed at ambient condition. The maximum injection pressure during 

microbubbles injection was around 20 psi. 
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Figure 7.4: Schematic of fractured micromodel (1 mm fracture width) and its frame. The black area shows 

void space saturated with heavy oil. 

 

7.3 Results and Discussion 

7.3.1 CO2 Microbubbles at Elevated Pressure and Temperature (PVT Test) 

Due to the presence of gas in the form of microbubbles in the bulk of the base fluid, the pressure–

volume–temperature (PVT) relationship of CO2 gas microbubbles is of particular interest. During 

the PVT tests, the volume of the sample was measured while pressure was increased. The PVT 

tests were conducted at constant temperature conditions (77 °F, 122 °F, and 167 °F). 

The variation of CO2 microbubbles volume with pressure is shown in Figure 7.5. By increasing 

the pressure, the microbubbles shrink to rearrange based on pressure change; however, they are 
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still present in the solution. Simulation studies by White et al. (2003) showed that microbubbles 

could survive up to 3000 psi. Visualization tests by Ivan et al. (2002) indicated that CGAs could 

be maintained at a pressure of at least 1500 psi. Growcock et al. (2005) also demonstrated that 

even at near 2000 psi pressure the air core in CGA will not diffuse into the liquid phase. Bjorndalen 

and Kuru (2008a, 2008b) visually studied the effect of pressure on the microbubbles size up to 500 

psi. According to their study, at a pressure of 50 psi microbubbles reached around 60% of their 

original size. Thereafter, the shrinkage rate reduced such that at the pressure of 500 psi, 

microbubbles shrunk to around 30% of their original size. 

The volume of CO2 microbubbles reduced rapidly at lower pressure (<100 psi) when pressurized 

in PVT cell (Figure 7.5). Further increasing the pressure, microbubbles shrunk at a constant rate. 

Moreover, the effect of volume shrinkage was more drastic at higher temperatures as shown in 

Figure 7.5. At temperatures, higher than 50 °C (122 °F), bubble sizes changed at a faster rate; 

therefore, volume change is more drastic.  

In addition, the rate of pressurization also affects the P–V behavior of CO2 microbubbles as shown 

in Figure 7.5(b). The observed volume reduction was higher in low pressurizing rate test (i.e. 48-

h PVT test) and temperature enhanced this reduction. As it will be discussed later, this could be 

due to the fact that at the lower pressurization rate, microbubbles have more time to rearrange 
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based on applied pressure. Moreover, higher temperatures can significantly decrease the viscosity 

of aphron fluid and result in drastic changes of volume while pressurizing at PVT cell. 

 

Figure 7.5: Pressure versus normalized volume of CO2 microbubbles at constant temperatures; (a) 24 hours 

and (b) 48 hours PVT tests. 

 

7.3.2 Microbubble Size Analysis of CO2 Microbubbles 

The measurement and analysis of the microbubbles diameter after compression/decompression is 

important as the bubble size is one of the principal factors involving in pore blockage to divert the 

flow and enhance the oil recovery. The CO2 microbubbles were analyzed in various conditions 

such as under pressure, different temperatures and during the time to find the behavior of this fluid, 

particularly at near reservoir condition. 

7.3.3 CO2 Microbubbles Stability 

The microbubbles when generated contain a wide range of size distribution up to 200 μm in 

diameter. Under the atmospheric condition, the microbubbles of very small diameter diminish very 

rapidly leaving microbubbles in the 25 μm to about 200 μm size ranges. This is due to the excess 

pressure within the microbubbles that increases as the diameter decreases. Thus, the smaller 

microbubbles will tend to diminish in size by transferring their gas to the larger ones with lower 

extra pressure. 
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The aqueous bi-layer in the aphron structure will remain stable as long as the water film meets 

certain criteria for film thickness and viscosity (Sebba, 1987). The film must have a certain 

minimum thickness below that the film will break. Furthermore, the film must have a minimum 

viscosity. Water molecules tend to diffuse out of the film and into the bulk liquid (Sebba, 1987). 

This also serves to thin and destabilize the film. However, the rate of transfer of film water is 

inversely proportional to viscosity. In Figure 7.1, if the viscosity is too low, the aqueous layer 

between the inner surfactant layer and the outer surfactant bilayer of aphron becomes too thin and 

the bi-layer cannot be maintained. If the aqueous layer becomes very thin, polar head groups from 

the inner surfactant layer will face polar head groups from the outer surfactant bilayer. Due to 

repulsion between polar groups, this situation cannot exist for long. The viscosity of the aqueous 

layer is a direct function of the bulk viscosity of the base fluid. Therefore, if an aphron system is 

diluted sufficiently, the viscosity will decrease, and eventually, the aphrons will be converted into 

the conventional foam bubbles. Consequently, in designing aphron, a viscosifier such as a 

biopolymer is generally added. 

The increase of the microbubbles size with time is an important factor for determining the ability 

of the bubble to block the rock pores. The frequency distribution of bubble diameters in CO2 

microbubbles after 0, 3, 6, 24, and 48 hours is shown in Figure 7.6. As shown in the figure, the 

maximum frequency of bubble diameters shifted to higher values over time (from 100 μm at the 

initial sample to >300 μm after 24 hours), showing a decrease in quality of microbubbles. After 

two days in the ambient condition, the number of bubbles significantly decreased. However, more 

than 60% of microbubbles had a diameter less than 300 μm. Microscopic images of microbubbles 

during exposure to the air are shown in Figure 7.7. 
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Figure 7.6: Size distributions of CO2 microbubbles with time. 

 

  

 

 

 

 

 

 

 

 

 

 

 

 

Figure 7.7: CO2 microbubbles during exposure to the air at room condition. 
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7.3.4 CO2 Microbubbles after PVT Tests 

Several PVT experiments were performed to analyze the effect of compression/decompression and 

temperature on microbubbles. Bubble size was measured before each PVT test and compared with 

the bubble size distribution of sample after the PVT test where microbubbles compressed and 

decompressed at different temperatures. In general, the measured diameter of the microbubbles 

shifted towards higher values after PVT tests (Figure 7.8a), but still, more than 90% of 

microbubbles have diameters less than 300 μm. 

The bubble size distribution was measured based on micrographs of microbubbles observed under 

the microscope. The bubble size distribution was measured from 200 individual bubbles using the 

image analysis software. The mean bubble diameter, D50, for initial microbubbles was between 

100 and 120 mm for all samples. The microbubbles slightly increased in size after PVT test (Figure 

7.8b). The microbubbles sample preserved after their generation for a similar period of time as the 

PVT test had a comparable D50 with that undergone compression and decompression during PVT 

test, showing a good stability of microbubbles at high pressure and temperature conditions. After 

PVT test, CO2 microbubbles increased in size by 25% (±5%); whereas preserved sample enlarged 

by 33% (±5%). The higher temperature increased the number of large bubbles (>300 μm) (Figure 

8a). Based on previous studies, the CGAs were relatively stable at temperatures below 40 °C (104 

°F) and were fully unstable at temperatures above 65 °C (149 °F) (Longe, 1989). 
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Figure 7.8: (a) Distribution of CO2 microbubbles size and (b) D50 of CO2 microbubbles diameter; initially, 

preserved and after 24 hours PVT tests. 

 

The change in CO2 microbubbles size during 24 and 48 h PVT analysis (showing the effect of 

pressurization rate on microbubbles stability) is shown in Figure 7.9. In both tests, the final 

compression pressure was 2000 psi, whereas the rate of pressurization was different, i.e. in 48-h 

PVT test, pressurization rate was half of the 24-h test. The microbubbles are affected by the rate 

of pressurization and/or depressurization. The D50 of CO2 microbubbles increased in size by 25% 

(±5%) and 31% (±5%) after compression for 24 and 48 h (up to 2000 psi at the temperature of 25 

°C or 77 °F), respectively. The D50 of the preserved sample enlarged by 33% (±5%) at ambient 

condition. As discussed earlier, the microbubbles enlargement effect was more drastic at a higher 

temperature and this effect is more evident at the lower pressurization rate. As seen in Figure 7.9(a) 

and (b), the maximum frequency of initial microbubbles diameter lies between 100 and 150 μm; 

however, this maximum value is 150–200 μm and >300 μm after 24-h and 48-h PVT test, 

respectively. 
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Figure 7.9: CO2 microbubbles size distribution after 48 hours PV tests: (a) 25°C and (b) 50°C, and (c) D50 

of CO2 microbubbles diameter; initially, preserved and after PVT tests. 

 

Figure 7.10 shows the ability of aphrons to survive during compression and recover or regenerate 

during decompression after PVT tests. Rapid changes in pressure appear to affect the stability of 

CO2 microbubbles much less than slow changes in pressure. These observations agree with Belkin 

et al. (2005). The slow changes would permit the surfactants and polymers in the aphron shell to 

rearrange more completely when the pressure (so as the microbubbles size) is changed. During the 

initial stages of pressurization, the aphron shell compacts and contains an excess of surfactants and 

polymer, which is expected to decrease its permeability. Therefore, the higher 

pressurization/depressurization rate gives the less time for surfactants and polymer re-arrangement 

and resulting in higher stability of microbubbles. At higher temperature, many smaller aphrons 
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disappeared during compression; on decompressing, the number of bubbles was significantly 

reduced and the survivors were larger. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 7.10: Microscopic images of CO2 microbubbles; (a) Initial, (b) after PVT 25°C, 24 hrs, (c) after 

PVT 25°C, 48 hrs, (d) after PVT 50°C, 24hrs, (e) after PVT 50°C 48 hrs and (f) after PVT 75°C 24 hrs. 
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7.3.5 Rheological Study of CO2 Microbubbles 

The viscosity profiles of initial CO2 microbubbles and base fluid samples (prepared at the same 

conditions) are almost similar at all shear rates and the shear thinning behavior is evident (Figure 

7.11a). As seen, the addition of CO2 gas to the base fluid solution slightly increased the viscosity 

at low shear rate region; i.e. at a shear rate of 0.01593 s-1 the viscosity of the base fluid and 

microbubbles is 240 and 284.4 Pa s, respectively. This is due to the structure of CO2 microbubbles 

that has a viscous layer surrounded the CO2 gas. The loss (G″, viscous component) and storage 

(G′, elastic component) modules of both initial CO2 microbubbles and base fluid samples slightly 

increase with respect to frequency (Figure 7.11b). The storage modulus G′ is larger than the loss 

modulus G″ in all ranges of angular frequency for both samples, under which the elastic component 

dominates the viscoelastic properties of CO2 microbubbles and base fluid solution. 

The complex modulus (G*) in Figure 7.11c remains constant with increasing stress (s) until the 

critical stress value is reached, and then G* begins to decrease. The region where G* is independent 

of the applied stress amplitude is referred as the linear viscoelastic region. All the rheological 

analyses have been performed in the linear viscoelastic region. The existence of the linear 

viscoelastic region implies that physical entanglements of the polymer chains in the solutions have 

not been altered as a result of varied stress amplitudes. Moreover, the moduli are slightly flat and 

fairly insensitive to frequency (Figure 7.11c), which is typical of highly elastic materials. The 

storage modulus in all cases was larger than the loss modulus by a factor of 2. 
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Figure 7.11: (a) Viscosity profile versus shear rate, (b) storage (G’) and loss (G”) modules versus angular 

frequency for initial CO2 microbubbles and the base fluid, and (c) G′ and G″ versus frequency and G* 

versus stress for initial CO2 microbubbles. 

 

7.3.6 Rheology of CO2 Aphrons before and after PVT Tests 

After each PVT test, a sample of CO2 microbubbles was analyzed for rheological characterization 

and compared with the initial sample. The results are represented in Figures 7.12 and 7.13. 

Figure 7.12 shows the viscosity profiles, viscous and elastic moduli of CO2 microbubbles after 

PVT tests. After PVT tests at the temperature of 25 °C (77 °F) and 50 °C (122 °F), no major change 

was seen in viscosity profiles of CO2 microbubbles compared with the initial sample (Figure 

7.12a). However, at the temperature higher than 50 °C (122 °F), a significant decrease in viscosity 

was evident, particularly at lower shear rates. Similar trends were observed in elastic and viscous 
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moduli of microbubbles after PVT tests (Figure 7.12b). The moduli profiles of microbubbles 

significantly decreased at 75 °C (167 °F). One reason can be due to the existence of a critical 

temperature for the polymer involved in generating CO2 microbubbles. The polymer loses its 

structure at a certain temperature and the microbubbles are not able to keep the viscous layer intact. 

 

 

Figure 7.12: Rheological comparison of CO2 microbubbles after HP-HT PVT tests; viscosity profiles (a) 

and moduli profiles (b) after 24-hr PVT tests. 

 

The rheological properties of the CO2 microbubbles after PVT experiments (25 °C and 50 °C) are 

compared with the initial microbubbles in Figure 7.13. At 25 °C (77 °F), there was no significant 

difference in rheological properties of CO2 microbubbles after 24-h and 48-h PVT tests. On the 

other hand, the moduli and viscosity of CO2 microbubbles significantly decreased at 50 °C (122 

°F) (Figure 7.13c and Figure 7.13d). These results suggest that the effect of the 

pressurization/depressurization rate on microbubbles stability will be more drastic at higher 

temperatures. Another explanation is that, if the microbubble is shrinking (due to pressure 

increases in PVT cell), some of the surfactants is forced to leave the microbubbles surface toward 

the bulk solution. At lower pressurization rate, the surfactant has more time to leave the 

microbubbles and rearrange. On the way back (assuming that the microbubbles have kept their 
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form and properties) the microbubbles will expand. However, there is not enough surfactant now 

to keep the water and gas together (Growcock et al., 2007). Most likely, the microbubbles will 

break into its constituent parts resulting drastic change in rheological behavior. These results are 

also in accordance with the bubble size analysis of the microbubbles. After 48-h PVT test, there 

have been fewer amounts of the microbubbles and from which most of them were unstable (bigger) 

compared to 24-h test. 

 

 

Figure 7.13: Rheological comparison of CO2 microbubbles after 24-hr and 48-hr PVT tests; (a) viscometry 

and (b) moduli profiles at 25 °C, (c) viscometry and (d) moduli profiles at 50 °C. 
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7.3.7 Potential Use of CO2 Microbubbles for EOR 

The problems associated with current enhanced oil recovery process for heterogeneous reservoirs 

are based on inadequate sweep efficiencies and unfavorable mobility ratios during CO2 gas 

injection, which leave much of the recoverable oil upswept in the reservoir (i.e. after water 

flooding). Therefore, using a blocking agent is essential to divert injected fluid to the unswept part 

of the reservoir. Microbubbles performance in EOR should be different from foams. The gas 

content of aphron is less than 30%, whereas foam used for EOR has much higher gas content (50–

99%). The main objective of using foams for EOR is increasing gas apparent viscosity, whereas 

microbubbles contain mainly liquid base fluid with the sparse dispersion of gas bubbles. When 

compressed, microbubbles stability is much higher than conventional foam bubbles. However, 

they deform under pressure and shear like conventional bubbles. Laboratory experiments have 

shown that with only a small pressure differential, “bubbly flow” of the aphrons occurs, by which 

the low-density microbubbles rush to the fluid front and form a soft seal ahead of the liquid phase 

(Growcock et al., 2007). 

Furthermore, the polymer is usually added to the injected water to increase the viscosity and, 

therefore, reduce the mobility ratio. Consequently, the addition of the polymer should lead to 

higher sweep efficiency and increase the oil recovery. However, in the highly heterogeneous 

reservoirs, the polymer sweep efficiency may be inadequate. On the other hand, aphron fluid 

follows the “bubbly flow theory” (Popov and Growcock, 2005); therefore, microbubbles move 

faster than the liquid base fluid. Thus, microbubbles will block the high permeable/transmissible 

zones, especially those loss zones (with the help of Laplace pressure and Jamin effect) and divert 

the injected fluid to those areas with lower sweep efficiency. Overall, the microbubbles can be 
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applied as displacing fluid in those heavy oil reservoirs with a high degree of heterogeneity where 

the sweep efficiency and then oil recovery is not satisfactory. 

Microbubble size analysis, rheological analysis as well as the PVT study of microbubbles under 

elevated pressure and temperature reveals the capability of this fluid to survive under reservoir 

condition. It is worth mentioning that static stability of microbubbles is not directly representative 

of their stability in porous media; however, they should be stable at static conditions for further 

consideration in porous media, therefore, the static stability results can be used for comparing the 

stability of microbubbles with its base fluid. As microbubbles are compressed (as also seen during 

the PVT test), they become highly energized. This energy is available for bubble expansion and 

pressure sealing within the reservoir (Laplace pressure and Jamin effect). The Jamin effect is 

defined as the resistance to liquid flow through capillaries, which is due to the presence of bubbles 

that can be explained by the Laplace formula; Δp=2σ/r. Furthermore, polymer-solution injectivity 

is an important consideration. For example, routine injection well cleanup jobs may be required if 

the polymer solution damages injectivity. These cleanup jobs can detract from the polymer flood’s 

economics and effectiveness. Polymer solution injectivity is more favorable when a polymer 

solution such as aphron exhibits shear-thinning viscosity behavior. Due to the presence of gas 

bubbles, aphron has the higher compressibility than base fluid. This characteristic of microbubbles 

results in better injectivity of this fluid into the reservoir. Shivana et al. (2012) studied various 

combinations to determine the optimum concentration to yield stable microbubbles for smooth and 

undisturbed flooding operation. They reported lower injection pressure and a stable displacement 

front for CGAs during core flood experiments. 

In order to study the behavior of CO2 microbubbles during the oil recovery process, sand-pack 

experiments were performed and the results were compared to the base fluid flooding. For this 
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aim, a linear visual sand-pack model was used to conduct the tests at ambient pressure and 

temperature conditions. As seen in Figure 7.14, CO2 microbubbles showed higher injectivity 

compared to the base fluid while ultimate oil recoveries of both fluids are the same. The small 

amount of CO2 gas in the form of microbubbles increased the compressibility and significantly 

improved the injectivity. Despite slightly earlier oil production during base fluid injection, both 

CO2 microbubbles and the base fluid almost reached their ultimate oil recovery (around 98%) after 

about 1.5 PV injections. At that time (1.5 PV), an injection pressure of base fluid was 5 times 

higher than that of CO2 microbubbles. This result shows that how CO2 microbubbles significantly 

improved the injectivity of base fluid without any change in ultimate oil recovery. Another 

interesting fact is that CO2 microbubbles were observed in the produced liquid after flooding in 

heavy oil saturated porous media, demonstrating their high stability during EOR process. Figure 

7.14(b) shows the picture of produced microbubbles sample after heavy oil EOR. During the early 

stage of flooding, effluent samples only contained water and heavy oil. After the breakthrough, 

emulsified oil was produced with the microbubbles; however, most of the oil was produced before 

breakthrough due to piston like displacement. It is worth mentioning that the resistance factor of 

injected fluid is directly proportional to the pressure drop in porous media. Since the injection of 

CO2 microbubbles increases the pressure drop compared to that of water or gas injections, it has 

comparatively higher resistance factor. It is worth mentioning that too high resistance factor results 

in low injectivity as seen during base fluid flooding in both sand-pack and micromodel. 

The effectiveness of CO2 microbubbles and base fluid during heavy oil recovery in a fracture-

dominated system was also studied. Figure 7.15 shows the performance of microbubbles and base 

fluid in the fractured micromodel during heavy oil recovery. Images of micromodel during the 

CO2 microbubbles and base fluid injections at different time intervals are shown in Figure 7.15(a)–
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(d). After about 24 hours of injection, CO2 microbubbles could sweep almost all oil from both 

matrix and fracture. However, base fluid could only sweep the oil in fracture and had little effect 

on matrix oil near the fracture. During base fluid flooding, injected fluid first created a channel 

within the fracture and then expanded until sweeping the oil only within the fracture. 

 

 

 

 

 

 

 

Figure 7.14: (a) Injection pressure and oil recovery for CO2 microbubbles and base fluid during flow 

through 1D sand-pack experiment, and (b) CO2 microbubbles effluent samples. 

 

Figure 7.16 clearly illustrates the mechanisms of oil displacement by microbubbles from the matrix 

in pore-scale experiments. At the early stage, microbubbles only swept the fracture as expected. 

As flooding continued, the gas phase distributed as discrete aphron bubbles in a continuous liquid 

phase (bubbly flow) resulted in resistance to flow within the fracture. A single aphron bubble may 

easily move within the fracture path while a network of bubbles increases the capillary force 

resulting resistance to flow within the fracture. The hydrophobic nature of the aphron shell enables 

aphrons to clump together, yet resist coalescence. As shown by Growcock et al. (2004), aphrons 

can form large aggregates in the pore throats or fracture tip. This structure possesses the same 

hydrophobic character of the individual aphrons (Sebba, 1987). The resistance to flow within the 
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fracture caused the diversion of injected fluid toward the matrix. The invasion of fluid into the 

matrix can be seen in Figure 7.16. This process is responsible for the high sweep efficiency of 

microbubbles in heavy oil saturated matrix. As seen in Figures 7.15 and 7.16, stable microbubbles 

accumulate and create a bridging mechanism, which further increases the resistance to flow within 

the fracture. Thereafter, the base liquid fluid containing the polymer and surfactant invaded into 

the matrix. Within the matrix, the surfactant emulsified the heavy oil, reduced the interfacial 

tension, and recovered the oil droplets from the matrix. The presence of polymer enhanced the 

viscosity and improved the oil recovery process. These oil droplets then were moved towards the 

fracture and were transported with the help of microbubbles to the producer. This process 

continued until most of the oil was swept from the matrix. 
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Figure 7.15: Images of the fractured micromodel during microbubble and base fluid flooding for heavy oil 

recovery (arrow representing flow direction, from left to right); after (a) 10 min, (b) 30 min, (c) 14 h, and 

(d) 24 h of flooding. 
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Figure 7.16: Heavy oil recovery by CO2 microbubbles; (a) and (b) images were taken during the early stage 

(15 and 20 min, respectively); representing fluid invasion into the matrix and emulsification of oil, (b) and 

(c) images show the later stage of flooding (60 and 65 min, respectively); arrows representing flow direction 

of emulsified oil from matrix toward the fracture. 

 

7.4 Summary 

Microbubbles have a unique structure compared to conventional foam bubbles and because of the 

characteristics of this structure; they offer many benefits to petroleum industry applications. The 

sealing feature of aphrons drives a micro-environment seal in larger openings; indicating high 

potential of this fluid for enhanced oil recovery, especially in heterogeneous reservoirs. This 

chapter aimed to characterize the properties of CO2 microbubbles by rheological, microbubble 

size, PVT as well as flow behavior studies. The summary of this chapter is as follows: 

• CO2 microbubbles show a long time rheological stability, even after being exposed to 

ambient conditions for 48 h. 
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• The size of CO2 microbubbles (D50) increased only by 25±5% after 24 h PVT tests 

(without any major loss in the number of bubbles), whereas for the samples under ambient 

conditions (for 24 h) D50 of microbubbles increased by 33±5% of their original size, 

demonstrating good stability of microbubbles under elevated pressure and temperature 

condition. 

• The lower rate of pressurization/depressurization has a drastic effect on the size of 

microbubbles, enhanced by increasing temperature. Low pressurization/depressurization 

rate, provides enough time for surfactant rearrangement. Consequently, microbubbles 

became more unstable (bigger in size). 

• PVT tests indicated that microbubbles can survive at least up to a pressure of 2000 psig 

and temperature of 50 °C (122 °F). However, above this temperature, the stability of 

microbubbles was decreased; the bubbles have grown and appear to be larger than their 

initial size. 

• This study showed that temperature above 50 °C (122 °F) can be critical for rheological 

properties and the P-V relation of CO2 microbubbles. 

• CO2 microbubbles showed outstanding performance and stability, as well as the better 

injectivity compared to the liquid base fluid during heavy oil recovery in porous media. 

• Furthermore, detailed micromodel studies showed that in a heterogeneous porous media, 

the resistance to flow in fracture (due to the presence of microbubbles) resulted in high 

sweep efficiency and indicated the potential of CO2 microbubbles for enhanced heavy oil 

recovery, particularly in heterogeneous reservoirs with low sweep efficiency. 
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Chapter 8: Conclusions and Recommendations 

 

8.1 Conclusions and Contributions 

The focus of this thesis was to conduct laboratory experiments which would help in understanding 

mechanisms and performance of CO2 foam/PEF for enhanced heavy oil recovery in various 

scenarios such as heterogeneity, effects of crude oil, wettability, etc. Also, the objective was to 

analyze how foam can be applied as an EOR method for heavy oil reservoirs in combination with 

current heavy oil recovery methods to improve the overall efficiency of the process. Following are 

the main conclusions of this thesis. 

8.1.1 CO2 Foam and CO2 PEF for Improving Chemical EOR Methods 

8.1.1.1 Static Analysis of Foam/PEF 

• In the static (bulk foam) analysis in the presence and the absence of heavy crude oil, PEF 

showed higher stability than that of conventional foam. However, per the results of this 

thesis, selecting the proper type of surfactant is important to have a stable PEF in the 

presence of oil. PEF generated with a weak foaming agent could not significantly increase 

the stability of the conventional foam.  

8.1.1.2 Pore-scale 

• Pore-scale observation through this thesis proved that stable foam/PEF bubbles can 

significantly push the injected fluid toward untouched parts of the porous media and 

increase the oil recovery compared to that of surfactant flooding. Due to the liquid viscosity 

enhancement and bubble stability improvement, the effectiveness of PEF in heavy oil 

sweep efficiency was much higher than that of conventional foams. PEF bubbles generated 
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an additional force to divert surfactant/polymer into the matrix of the fractured porous 

media and resulted in additional oil recovery.  

• EOR performance of each foaming solution in oil wet fractured porous media depends on 

its ability to generate stable foam rather than its wettability alteration potential. Because 

viscous flow is dominant in foam EOR and produces the oil faster and more effective than 

that of imbibition flow. For example, the ability of studied surfactants to imbibe into the 

matrix was in the order of CTAB >> N85 > DDBS, while their ability of matrix oil recovery 

during foam flooding after surfactant flooding was in the order of DDBS > CTAB > N85. 

Foaming potential is more important than wettability alteration when selecting a surfactant 

for foam EOR. However, a surfactant with good performance in both foaming and 

wettability alteration can have a synergic effect on heavy oil recovery. 

8.1.1.3 Core-scale 

• The porous media experiments (sand-pack) showed better performance of PEF in the 

presence of heavy oil compared to that of foam. The addition of polymer to the strong 

foaming solution accelerated the foam generation and increased its stability in heavy oil 

saturated porous media. PEF produced ~ 98% of residual oil saturation while this value 

was ~ 78% for foam after 3.5 PV injections. 

• In actual rock samples, the addition of polymer to conventional CO2 foam could 

significantly improve its performance for heavy oil recovery. CO2 PEF recovered about 

26% and 12% of residual oil (after water flooding process) in the homogeneous and 

fractured core, respectively. 

• Per the injection pressure profiles, the addition of polymer to the conventional CO2 foam 

resulted in faster propagation of PEF in homogeneous porous media showing that CO2 PEF 
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had more dynamic stability in the presence of oil compared to that of conventional foam. 

This also resulted in faster oil production and higher ultimate oil recovery during CO2 PEF 

injection. 

8.1.2 CO2 Foam/PEF to Improve EOR by Hydrocarbon Solvent Injection 

• One of the main issues during hydrocarbon solvent injection is asphaltene deposition and 

formation damage. Observation through this study revealed the relation between dominant 

flow mechanism and shape of deposited asphaltene. Parallel depositions (usually in viscous 

dominant flow) are less destructive than that of perpendicular depositions (usually in 

diffusion dominant flow). 

• The combination of foam and hydrocarbon solvent, either as an SBF or post-solvent foam 

flooding could significantly reduce the formation damage and improve the heavy oil 

recovery. Since by applying foam, the dominant flow mechanism is no longer diffusion 

and viscous flow plays more important role in the recovery process. Therefore, asphaltene 

deposition is less and formation damage is not severe. 

8.2 Contributions 

• On of the main contribution of this study was visualizing and analyzing the mechanisms 

involved in different EOR methods (especially CO2 foam/PEF) in a fractured porous media 

containing heavy oil. Different mechanism and behavior were introduced throughout the 

thesis which can improve our understanding of the EOR process by foam/PEF in such 

reservoirs.  

• For the first time, this study analyzed different shapes of asphaltene deposition and 

potential of formation damage based on dominant flow mechanism. This can significantly 
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contribute to designing and conducting an efficient EOR method in reservoirs where the 

asphaltene deposition and formation damage is a significant issue. 

• Introducing the potential of new hybrid-solvent EOR by combining with foam/PEF which 

resulted in improving the heavy oil recovery and reducing the formation damage caused 

by asphaltene deposition. 

8.3 Possible Applications 

The findings can be applied to improve heavy oil recovery from homogenous and fractured 

reservoirs. CO2 foam and especially CO2 PEF have the potential to be used in the reservoirs where 

the polymer is using as a mobility control agent. 

Moreover, CO2 foam/PEF can be used in combination with hydrocarbon solvent injection to 

reduce the formation damage resulting from asphaltene deposition during the solvent injection 

process. 

8.4 Recommendations for Future Work 

• In the future, it would be helpful to understand further about the performance of CO2 

foam/PEF in core scale with the help of CT scan analysis. It can be a helpful method to 

accurately measure and study the amount and the distribution of CO2 remained in the rock 

at the end of foam EOR process. 

• This study did not consider the effect of temperature on foam/PEF performance. Foaming 

solutions need to be also evaluated at the elevated temperatures and high salinity, especially 

for carbonate formations. 

• CO2 microbubbles, as an enhanced version of CO2 PEF, could increase the heavy oil 

recovery and CO2 sequestration much further due to its higher stability. However, more 
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research is required to analyze its field application potential (e.g. preparation and 

generation in field scale, cost analysis for EOR, screening the target reservoirs, etc.). 

• Dynamic behavior of asphaltene deposition in fractured media revealed interesting results 

in terms of the shape of deposited asphaltene and pore blocking ability. This can be studied 

further in both pore-scale and core-scale.  

• In this thesis, various mechanisms were observed in pore-scale during foam/PEF EOR. 

Pore-scale modeling can be performed to analyze these mechanisms much further. 
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